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 1 

I. 

Q. Please state your name and business address. 3 

Background 2 

A.   My name is William A. Monsen.   I am a Principal and Executive Vice-President at 4 

MRW & Associates, LLC (MRW). My business address is 1814 Franklin Street, Suite 5 

720, Oakland, California.  6 

Q. Please describe your professional background. 7 

A. I have been an energy consultant with MRW since 1989. During that time, I have assisted 8 

independent power producers (IPPs), electricity consumers, financial institutions, and 9 

regulatory agencies with issues related to power project development, project valuation, 10 

electricity procurement, and regulatory matters. I have directed or worked on projects in a 11 

number of states in the United States, including Colorado, California, Massachusetts, 12 

Nevada, and Wisconsin. Prior to joining MRW, I worked at Pacific Gas and Electric 13 

Company (PG&E). At PG&E, I held a number of positions related to energy 14 

conservation, forecasting, electric resource planning, and corporate planning. I hold a 15 

Bachelor of Science degree in engineering physics from the University of California at 16 

Berkeley and a Master of Science degree in mechanical engineering from the University 17 

of Wisconsin-Madison. Additional information about my qualifications is provided in 18 

Northwest and Intermountain Power Producers Coalition (NIPPC) Exhibit 101.  19 

 20 
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Q. On whose behalf are you testifying? 1 

A. I am submitting testimony on behalf of NIPPC. 2 

Q. What is NIPPC’s interest in this proceeding? 3 

A. NIPPC is a non-profit corporation and trade association of IPPs in the Pacific Northwest 4 

and the Intermountain West. NIPPC’s interest in this proceeding is to support a fully 5 

competitive electric power supply marketplace by addressing biases in the utilities’ 6 

current power solicitations. 7 

Q. What is the purpose of your testimony? 8 

A. My testimony responds to the Commission’s directive to “determine an analytic 9 

framework and methodologies to better evaluate and compare utility ownership of 10 

resources to the purchase of power from IPPs.”1

d. If the RFP allows affiliate bidding or includes ownership options, the IE 14 

 The Commission’s directive was 11 

intended to improve upon the report of the independent evaluator (IE) in Oregon RFPs.  12 

Guideline 10(d) currently states: 13 

will independently score the utility’s Benchmark Resource (if any) and all or a 15 

sample of the bids to determine whether the selections for the initial and final 16 

short-lists are reasonable. In addition, the IE will evaluate the unique risks and 17 

advantages associated with the Benchmark Resource (if used), including the 18 

                                                           
1 Order No. 12-324, Appendix A at 4. Docket UM 1182, August 23, 2012. 
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regulatory treatment of costs or benefits related to actual construction cost and 1 

plant operation differing from what was projected for the RFP.2

In particular, my testimony proposes refinements to the bid evaluation process to account 3 

for the risk differential between utility-owned generation (UOG) and power purchase 4 

agreements (PPAs) related to cost over- and under-runs, heat rate degradation, and wind 5 

capacity factor. NIPPC witness Ms. Camden Collins addresses the topic of counterparty 6 

risk and credit in separate testimony. 7 

 2 

Q. Please summarize your recommendations. 8 

A. Consistent with NIPPC’s Comments filed March 19, 2012, I propose that bid adders 9 

should be incorporated into the Guideline 10(d) analysis and that the Commission should 10 

require the IE, as part of the analysis to create an RFP’s shortlist, to apply each adder to 11 

the price evaluation of any bid that would result in utility ownership after commissioning 12 

the plant.  Under unique circumstances, a particular bid adder may not be applicable to a 13 

particular utility ownership bid (e.g., if the utility were to reflect future increases in heat 14 

rate for the UOG proposal, then a heat rate adder may not be needed).  Therefore, NIPPC 15 

proposes that Guideline 10(d) should provide that the utility may prove a particular adder 16 

should not be used for a particular bid, and the utility will bear the burden of 17 

demonstrating to the Commission (after opportunity for comment by the IE, Commission 18 

Staff, and non-bidding stakeholders) that the utility ownership proposal properly takes 19 

into account the potential cost increase addressed by the particular bid adder.     20 

                                                           
2 Order No. 06-446 at 12, Docket UM 1182, August 10, 2006 (emphasis in original, underline added). 
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Following the approaches described below, the IE should apply the following bid adders: 1 

• Cost over-runs or under-runs: The IE should apply a bid adder of 7.0% to the estimate of 2 

initial construction costs for UOG projects. In addition, because the final cost of utility 3 

plants might not reflect latent defects or upgrades omitted from final project estimates 4 

and since these repairs are made shortly after the plants enter ratebase, I also recommend 5 

that cost calculations for UOG projects should include an incremental bid adder equal to 6 

at least 5.7% of the initial construction costs (including the 7.0% adder) per year for the 7 

first five years of plant operations to account for capital expenditures that that occur 8 

shortly after the plant’s commercial operating date but that are likely deferred capital 9 

expenditures that should have occurred before the plant came online. 10 

• Heat rate: The IE should apply a bid adder to heat rate estimates for gas-fired UOG plants 11 

such that the average expected plant heat rate over the course of the analysis period is at 12 

least 8.0% above the starting heat rate to account for heat rate degradation. 13 

• Capacity factor: The IE should reduce expected capacity factors for UOG wind projects 14 

by _____ to account for systemic capacity factor overestimates. 15 

II. 

Q. Why are bid adders needed to level the playing field between IPP and UOG bids? 17 

Need for Bid Adders 16 

A. UOG projects tend to pose higher ratepayer risk than both new IPP projects and 18 

recontracting existing IPP facilities. If this risk is not reduced to be more comparable to 19 

the risk from IPP projects and if the cost of this risk is not reflected in bid evaluations, a 20 
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utility could select a UOG project whose total cost to ratepayers (i.e., incorporating the 1 

cost of risk) is higher than competing bids from IPPs. 2 

Q. Are there incentives for the utilities to select UOG projects over IPP projects even if 3 

the ratepayer risk is greater from UOG projects? 4 

A. Yes. The Commission found in UM 1276 that the utility procurement process favors the 5 

development of UOG projects over entering into PPAs. As noted in Order 11-001:3

We too accept the premise that a bias exists in the utility resource procurement 7 
process that favors utility-owned resources over PPAs.  This bias is really a logical 8 
inference drawn from an understanding of ratemaking practices and the 9 
effectiveness of incentives.  As Staff explained in its opening comments about the 10 
lack of a return on PPAs:  11 

 6 

[U]nder cost of service regulation, a utility's ‘profit’ is the opportunity to earn 12 
a return on the rate base and by purchasing a PPA in lieu of building a power 13 
plant, it is foregoing the potential to earn some amount of profit.  14 

Q. Why are there differences in the amount of ratepayer risk associated with UOG 15 

projects and IPP projects? 16 

A. Since the Oregon utilities recover costs associated with their UOG projects on a cost-of-17 

service basis, ratepayers are at risk for any differences between the utilities’ projected 18 

versus actual costs and operational characteristics. PPAs typically are not cost-of-service 19 

agreements, and IPPs absorb the risk of many cost over-runs. For example, if a utility 20 

priced a UOG bid based on an expected heat rate of 7,000 Btu/kWh but the plant ended 21 

up having a heat rate of 7,500 Btu/kWh because of unforeseen but reasonable factors, 22 

ratepayers would generally be required to pay for the higher fuel costs associated with the 23 

                                                           
3 Order No. 11-001 at 5, Docket UM 1276, January 3, 2011. 
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UOG project. Were the project selling to the utility under a PPA with a guaranteed heat 1 

rate of 7,000 Btu/kWh and the IPP’s actual heat rate was 7,500 Btu/kWh, the IPP would 2 

generally need to compensate ratepayers for its failure to meet its guaranteed heat rate. 3 

Accordingly, the ratepayer risk for a project selling pursuant to a PPA is less than that 4 

typically seen in UOG projects. 5 

Q.  What are uncertain factors in UOG projects for which ratepayers may be at risk? 6 

A. Uncertain factors in UOG projects for which ratepayers may be at risk include the 7 

following: 8 

1. Cost of operations (initially and over time); 9 

2. Fuel prices; 10 

3. Plant performance (initially and over time);  11 

4. Plant availability on critical days; 12 

5. Cost of future capital additions; 13 

6. Potential changes to rate of return over time; 14 

7. Risk of technological obsolescence; 15 

8. Cost of construction; 16 

9. Project completion risk; and 17 

10. Potential impacts on cost of capital. 18 

Q. Will you be proposing bid adders to address each of these elements? 19 

A. No. Pursuant to Order 12-324, I will be proposing bid adders to address only cost over-  20 
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 and under-runs, heat rate, and wind capacity factor risk. The need for each of these bid 1 

adders and my bid adder proposals are described below.  2 

A. Construction Cost Over-Runs 3 

Q. Please describe the risk of construction cost over-runs and under-runs. 4 

A. Order No. 12-324 described this issue as follows: 5 

Item 1- Cost Over- or Under-Runs: An IPP contractually guarantees construction 6 
cost, while a utility Benchmark resource may have cost over- or under-runs that 7 
are allowed into rates.4

No matter how precise and careful the initial estimate, there is always the potential for 9 

unexpected findings that require a change of plans or more expensive materials, increases 10 

to material costs over the course of the project, delays due to weather or the unavailability 11 

of specialized labor or supplies, interest rate increases that affect interest costs during 12 

construction, permitting delays and requirements for additional studies, and any number 13 

of other unexpected events that slow down the construction project and increase costs.

 8 

5

Q. Is there a recent history of cost over-runs for power projects? 18 

 14 

This is the case for virtually any construction project, whether building a combined cycle 15 

power plant or remodeling a kitchen and all the more so for projects deploying new 16 

technology. 17 

A. Yes. A 2007 Edison Foundation study prepared by The Brattle Group found that utility 19 

infrastructure construction costs were on the rise at that time in large part due to dramatic 20 

                                                           
4 Order No. 12-324, Appendix A at 2. Proceeding UM 1182, August 23, 2012. 
5 In some cases, construction costs may also turn out to be lower than expected. 
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increases to the prices of steel, cement, and other raw materials triggered by higher global 1 

demand, higher production and transportation costs, and a weakening U.S. dollar. For 2 

example, the cost of gas turbines increased by 17% in 2006 alone. They also found that 3 

labor costs were rising and that a growing backlog of contracts at large engineering, 4 

procurement, and construction (EPC) firms were starting to increase EPC bids.6

Q. Can you provide a specific example of such a cost over-run? 8 

 Utilities 5 

that had not anticipated these cost increases faced significant cost over-runs, oftentimes 6 

even before construction began.  7 

A. Yes. Estimates for the Big Stone II power plant and transmission line increased from $1 9 

billion to $1.6 billion on account of higher-than-expected costs and design refinements.7 10 

Otter Tail Power Company, the lead utility on the project, ultimately withdrew its 11 

support, and the project was cancelled.8

Q. How did this particular cost over-run affect ratepayers? 13 

  12 

A. Since this was a UOG project, Otter Tail’s customers in North Dakota are currently 14 

paying for their share of this failed project, including interest and return on equity.9

                                                           
6 Mark Chupka and Gregory Basheda. Rising Utility Construction Costs: Sources and Impacts. Prepared by The 
Brattle Group for The Edison Foundation, September 2007 (Chupka and Basheda), pages 1-2. 

  Had 15 

this been an IPP project, it is likely that Otter Tail’s customers would not currently be 16 

facing a Big Stone II Cost Recovery Charge of nearly $1 per MWh for power that they 17 

http://www.edisonfoundation.net/IEE/Documents/RisingUtilityConstructionCosts.pdf 
7 Chupka and Basheda, 10. 
8 “SD's $1.6B Big Stone II power plant project kaput.” The Seattle Times. November 2, 2009. 
http://seattletimes.nwsource.com/html/businesstechnology/2010187634_apusbigstoneiisouthdakota.html 
9 “Tied to a Big Stone: Shelved power plant may cost ratepayers millions.” The Bismarck Tribune. March 7, 2010. 
http://bismarcktribune.com/news/local/article_21ace140-29a1-11df-abe8-001cc4c002e0.html 

http://www.edisonfoundation.net/IEE/Documents/RisingUtilityConstructionCosts.pdf�
http://bismarcktribune.com/news/local/article_21ace140-29a1-11df-abe8-001cc4c002e0.html�
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will never receive.10

Q. If Big Stone II had been an IPP project, how would ratepayers have been affected 2 

by the cost increase? 3 

 1 

A. If this had been a typical IPP project, the IPP would have borne the cost increase and 4 

been responsible for damage payments to cover delays in project operations. Moreover, if 5 

the IPP were unable to complete the project, it is likely that the IPP would have been 6 

responsible for liquidated damage payments.  7 

Q. Couldn’t the IPP have renegotiated its agreement in order to pass along the cost 8 

increases to the offtaker’s customers? 9 

A. The IPP could have tried to renegotiate the agreement but there is no guarantee that (1) 10 

the offtaker would have agreed to renegotiate the PPA and (2) that the Commission 11 

would have found this renegotiated agreement to be just and reasonable. 12 

Q. Do ratepayers always pay for cost over-runs at UOG projects? 13 

A. This is a matter of regulatory discretion. In general, cost over-runs are passed onto 14 

ratepayers when management error is not the cause of the over-run. For example, when 15 

cost over-runs result from large increases to the costs of raw materials, it can be 16 

reasonably argued that these increases are outside of management control and should be 17 

passed on to ratepayers under cost-of-service ratemaking principles. However, even when 18 

                                                           
10 Big Stone II Cost Recovery Rider, effective as of August 1, 2010. 
https://www.otpco.com/RatesPricing/Documents/PDF/ND/ND_13.06.pdf 



 
NIPPC/100 
Monsen/10 

 

UM 1182 

management error is responsible for the cost increase, it is possible that cost over-runs are 1 

passed through to ratepayers. 2 

 For example, Southern California Edison (SCE) was authorized in August 2006 by the 3 

California Public Utilities Commission (CPUC) to build 250 MW of black-start, 4 

dispatchable generation capacity. These projects were to be online by the summer of 5 

2007.11 SCE estimated that the costs for five peaking units would be around $250 6 

million, or $50 million each.12 SCE initially completed only four units13 for a total cost of 7 

$260 million,14 or $65 million each. SCE attributed the 30% cost increase to “the limited 8 

time available to have the units operational by August 1, 2007,” explaining that with 9 

more time to scope out the project its original estimate would have been higher and that 10 

the labor costs increased as a result of the limited time available.15 In other words, SCE 11 

admitted that its original estimates were simply too low. The CPUC found this error to be 12 

reasonable and allowed the utility to fully recover the higher construction costs in rates.16

 14 

   13 

                                                           
11 Assigned Commissioner’s ruling addressing electric reliability needs in southern California for summer 2007. 
California Public Utilities Commission (CPUC) Rulemaking (R.) 05-12-013. August 15, 2006.  
12 CPUC Resolution E-4031, November 9, 2006, Finding 6 on page 8, presented in NIPPC Exhibit 102. 
13 The fifth unit was completed more than five years later, in November 2012, on account of a protracted dispute 
with the City of Oxnard, where this unit is located. SCE incurred $42.5 million for the design, engineering, 
permitting and equipment procurement for this unit through 2009 and estimated that it would need an additional $20 
million to complete the work. A final construction cost will not be available until SCE files a cost recovery 
application for the plant. “Oxnard pull plug on efforts to fight power plant.” Ventura County Star. October 25, 2011; 
and SCE 2012 General Rate Case application, SCE-02 Volume 9 – Peakers Power Plants Operation and 
Maintenance Expenses and Capital Expenditures, filed November 2010 in CPUC Proceeding A.10-11-015, page 14, 
excerpt presented in NIPPC Exhibit 106. 
14 CPUC Decision D.10-05-008 in proceeding A.07-12-029, May 6, 2010, page 3, presented in NIPPC Exhibit 103. 
15 SCE. Peakers Cost Recovery Testimony in CPUC Proceeding A.07-12-029, December 31, 2007, pages 27-28.  
16 CPUC Decision D.10-05-008, page 5, Finding 1, and page 6, Ordering Paragraph 1, presented in NIPPC Exhibit 
103. 
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Q. How might bid adders have shielded SCE and Otter Tail ratepayers from these 1 

construction cost over-runs? 2 

A. Had these utility projects been bid into competitive solicitations against IPPs, and had 3 

appropriate bid adders been applied to the UOG bids, the IPP bids may have been 4 

selected instead.  This would have saved ratepayers from these higher costs, since, under 5 

a PPA, the IPP that was chosen to build the units would have been obligated to absorb the 6 

cost over-runs. 7 

Q. Have you developed a proposed bid adder for construction cost over-runs? 8 

A. Yes. I derived a cost-overrun bid adder based on a comparison between the rate-based 9 

installed costs for a number of UOG projects with the costs that the utility regulator 10 

approved as part of the plant approval process.17

Q. What data did you rely on for your capital cost bid adder?  14 

 The adder is calculated as the capacity-11 

weighted average percentage change in the installed cost relative to the cost that was 12 

initially proposed or approved. 13 

A. For this analysis, I relied on publicly available data for the 11 UOG projects located in 15 

California that have entered service in the last ten years. The following table lists these 16 

projects, along with the plants’ installed capacity and the percentage increase in costs 17 

relative to the costs that the utility initially proposed. I found that construction costs 18 

approved for ratepayer recovery were, on average, 7.0% higher than initial cost estimates.  19 

                                                           
17 If the projects had been selected from competitive solicitations, the bids submitted in these solicitations would be 
the appropriate starting point instead of the regulator-approved costs. 
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Q. What do you recommend? 1 

A. The IE should assign a bid adder of 7.0% to the assumed installed costs of a utility-2 

owned project. For example, a UOG project with an estimated installed cost of $500 3 

million would have its bid evaluated at a cost of $535 million. 4 

Table 1: UOG Plants Used in Installed Cost Analysis 5 

Plant Capacity 
(MW) 

Owner Technology18 Plant History  Difference 
from 

Estimated 
Cost 

Barre  49  SCE CT Developed with EPC 30%19 
Center  49 SCE CT Developed with EPC 30% 
Grapeland  49 SCE CT Developed with EPC 30% 
Mira Loma  49 SCE CT Developed with EPC 30% 
Gateway  580  PG&E CCCT Bought Before Online 26% 
Miramar I  48  SDG&E CT Bought as Turnkey 12% 
Mountainview  1,050  SCE CCCT Bought Before Online 3% 
Palomar  566  SDG&E CCCT Bought as Turnkey 2% 
Colusa  659  PG&E CCCT Bought Before Online -2% 
Humboldt Bay  146  PG&E Recip. Developed with EPC -5% 
Miramar II  48  SDG&E CT Bought as Turnkey -8% 
Capacity-Weighted Avg.    7% 

Sources for the data in this table are provided in the footnote and in attached exhibits.20

                                                           
18 CT: Combustion Turbine (simple cycle); CCCT: Combined Cycle Combustion Turbine; Recip.: Reciprocating 
Engine 

 6 

19 Cost data for the Barre, Center, Grapeland, and Mira Loma peaker plants were estimated and recorded on a 
consolidated basis. The 30% difference from estimated cost reflects the difference between the total cost for all four 
peaker plants and the expected cost for all four peaker plants. 
20 The data sources for Table 1 are as follows.  

• For the Barre, Center, Grapeland, and Mira Loma peaker plants, estimated costs were obtained from 
California Public Utilities Commission (CPUC) Resolution E-4031, dated November 9, 2006, Finding 6 on 
page 8 (scaled to reflect the development of just four of the five approved peaker plants), presented in 
NIPPC Exhibit 102, and actual costs were obtained from CPUC Decision D.10-05-008, May 6, 2010, page 
4, presented in NIPPC Exhibit 103.   
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Q. Please describe these UOG plants in more detail.   1 

A. Each of these projects is a gas-fired generation project that has come on-line since 2005. 2 

Four of the projects (Gateway, Mountainview, Palomar, and Colusa) are combined-cycle 3 

combustion turbine projects. Six of the projects (Barre, Center, Grapeland, Mira Loma, 4 

Miramar I, and Miramar II) are simple cycle combustion turbine projects. One project 5 

(Humboldt Bay) is a set of reciprocating engines.  6 

At least four of the projects (Gateway, Mountainview, Palomar, and Colusa) were 7 

originally proposed as IPP projects but were acquired by a California investor-owned 8 

utility before the project started operations. The change in cost for these projects was 9 

relative to the acquisition price that the utility announced when it proposed to purchase 10 

the project.  11 

 12 
                                                                                                                                                                                           

• For Gateway, Colusa, and Humboldt Bay, estimated and actual costs were provided by PG&E on June 24, 
2011, in response to Data Request IEP_002-02 submitted by the Independent Energy Producers 
Association in CPUC Proceeding R.10-05-006, presented in NIPPC Exhibit 104. 

• For Mountainview, estimated costs were obtained from the Federal Energy Regulatory Commission Order 
Conditionally Accepting Proposed Rate Schedule and Revising Affiliate Policy in Docket No. ER04-316-
000, February 4, 2004, page 7 (provided as Attachment A to CPUC Decision D.04-03-037, March 16, 
2004, excerpt presented in NIPPC Exhibit 105), and actual costs were obtained from SCE’s 2009 General 
Rate Case Application in CPUC Proceeding A.07-11-011, Exhibit 2, Volume 9, page 52, excerpt presented 
in NIPPC Exhibit 106.  

• For Palomar, estimated costs were obtained from SDG&E Advice Letter 1778-E submitted to the CPUC on 
June 28, 2006, Attachment B, excerpt presented in NIPPC Exhibit 107, and actual costs were obtained from 
SDG&E Advice Letter 1796-E submitted to the CPUC on May 30, 2006, Attachment B, presented in 
NIPPC Exhibit 108.  

• For Miramar I, expected costs were obtained from SDG&E Advice Letter 1621-E submitted to the CPUC 
on September 8, 2004, page 3, presented in NIPPC Exhibit 109, and actual costs were obtained from 
SDG&E Advice Letter 1711-E submitted to the CPUC on September 25, 2007, Attachment B, presented in 
NIPPC Exhibit 110. 

• For Miramar II, expected costs were obtained from SDG&E Advice Letter 2099-E submitted to the CPUC 
on July 30, 2009, page 1, presented in NIPPC Exhibit 111, and actual costs were obtained from SDG&E 
Advice Letter 2126-E submitted to the CPUC on November 16, 2009, page 3, presented in NIPPC Exhibit 
112.  
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Q. Why have you relied on data from California plants? 1 

A. NIPPC requested documents and data from the Oregon utilities regarding the expected 2 

and actual costs of their UOG projects but did not receive sufficient data to include these 3 

results in our analysis.  4 

Q. Please describe the data that you requested from the Oregon utilities and the data 5 

received in response to these requests. 6 

A. In January 2012, NIPPC requested that the utilities provide, for each UOG plant placed 7 

into service in and after 2006, the initial application or document containing cost 8 

projections submitted to a regulator announcing the utility’s intent to construct or acquire 9 

a generating plant and the Commission order allowing the plant to be entered into rate 10 

base.21

• Idaho Power (IPC) provided links to its Certificate of Public Convenience and Necessity 13 

(CPCN) application for the Danskin plant. The application shows the company’s 14 

“commitment estimate” for constructing the plant, but it is not clear whether this is the 15 

same value as was used in the bid for this plant.  16 

  In response, NIPPC received documents that, in most cases, did not have the cost 11 

data needed to compare initial cost estimates to final, in-service costs. For example: 12 

• Portland General Electric (PGE) provided links to several pieces of testimony regarding 17 

the Biglow project, but the testimony was filed while the units were already under 18 

construction, and again it is not clear whether the cost estimate shown had been revised 19 

                                                           
21 NIPPC data requests to PacifiCorp, PGE, and IPC, January 20, 2012, presented in NIPPC Exhibit 113. 
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subsequent to the project’s bid submittal.  1 

• PacifiCorp provided links to numerous filings but, for many plants, PacifiCorp did not 2 

provide any documents with cost projections that were dated prior to the plant’s 3 

construction.22 For other plants,23

________________________________________________________________________7 

________________________________________________________________________8 

_______________________.

 PacifiCorp provided CPCN applications or testimony 4 

filed prior to plant construction containing cost projections, but it is still not clear whether 5 

these cost projections are the same as the bid prices._____________________________ 6 

24 Only for a few plants did PacifiCorp provide an internal 9 

project approval document or IE report showing the bid value for the plant.25

Q. What steps did NIPPC take to try to clarify the data provided by the Oregon 13 

utilities? 14 

 Only for 10 

one of these plants, Glenrock III, did PacifiCorp provide a document showing the rate-11 

based value for the plant upon project completion. 12 

A. NIPPC followed up with further data requests in September 2012 but received very 15 

limited information related to initial cost estimates in response. None of the utilities 16 

provided data in response to NIPPC’s requests for the solicitation bid scoring results and 17 

                                                           
22 These plants include Leaning Juniper, Marengo, Marengo II, and McFadden Ridge. 
23 These plants include Currant Creek, Glenrock I, Goodnoe Hills, Lake Side, Rolling Hills, and Seven Mile Hill I. 
24 Pacific Corp response to NIPPC Data Request 2.1, Attachment 2.1-3, Confidential Exhibit Accompanying Direct 
Testimony of Stefan A. Bird on behalf of PacifiCorp, before the Public Utility Commission of the State of Oregon, 
Proceeding UE-217, Exhibit PPL/801, March 2010, page 2, excerpt presented in NIPPC Confidential Exhibit 114; 
and PacifiCorp response to NIPPC Data Request 2.1, Attachment 2.1-5, confidential cost information related to 
Dunlap CPCN, filed with the Wyoming Public Service Commission in Docket No.  20000-xx-EA-09, July 24, 2009, 
presented in NIPPC Confidential Exhibit 115. 
25 This applies to Dunlap, Glenrock III, and High Plains. 
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the IE or independent consultant reports for their power solicitations. Neither did they 1 

respond to NIPPC’s request to provide documents used as part of management’s project 2 

approval process for their UOG plants, except in some cases to provide references to 3 

Commission orders for the plants. IPC did provide CPCN documents related to additional 4 

plants, but these again showed only commitment estimates, not bid values. 5 

Q. Based on the data received from the Oregon utilities, what did you conclude? 6 

A. Given the limited information that NIPPC was able to obtain from the Oregon utilities, I 7 

relied on the California dataset instead. That dataset includes all of the plants developed 8 

or acquired by the California investor-owned utilities in the last ten years. It is therefore 9 

not subject to selection bias, which could be a factor in the data received from the Oregon 10 

utilities, since the utilities have provided data for only select plants.  11 

Q. Are the data from the California plants relevant for the Oregon utilities? 12 

A. Yes. As shown in Table 1, some of the California plants came in below budget and some 13 

came in above budget. This suggests that the California utilities are not systemically poor 14 

at estimating or controlling plant costs but that they are subject to the many risks for cost 15 

over-runs that are always a part of large, complex construction projects, including the 16 

projects built by the Oregon utilities.  17 
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Q. Do you have any evidence from your limited data from the Oregon utilities that 1 

indicate cost over-runs in their projects? 2 

A. Yes. Documents from PacifiCorp show an estimated construction cost for the Goodnoe 3 

Hills wind plant prior to plant operations of $151.9 million26 and an actual cost of $196.6 4 

million,27

 ________________________________________________________________________6 

___________________________.

 which is 29% higher than the original cost estimate. ____________________ 5 

28

Q. If there is the possibility for both cost over-runs and cost under-runs, why is a risk 8 

adder appropriate? 9 

 7 

A. As demonstrated in the California analysis, the risk for cost over-runs and for cost under-10 

runs is not symmetric. This is shown graphically in Figure 1, which charts the cost over-11 

                                                           
26 PacifiCorp response to NIPPC Data Request 2.1, Attachment 2.1-2, Direct Testimony of William J. Fehram on 
behalf of Rocky Mountain Power, before the Idaho Public Utilities Commission,  Proceeding PAC-E-07-05, June 
2007, page 19, excerpt presented in NIPPC Exhibit 116. Note that it is not clear whether this expected cost is the 
same as the bid value. 
27 PacifiCorp response to NIPPC Data Request 2.1, Attachment 2.1-2, Direct Testimony of Mark Tallman on behalf 
of PacifiCorp, before the Public Utility Commission of Oregon, Proceeding UE-200, Exhibit PPL/200, April 2008, 
page 19, excerpt presented in NIPPC Exhibit 117.  
28 These cost over-runs were calculated based on the cost estimates shown in the plants’ CPCN or permit 
applications, not the solicitation bids. If cost estimates increased between bid selection in the solicitation and the 
filing of the CPCN or permit application, these cost over-run figures underestimate actual cost over-runs. Data 
sources: PacifiCorp response to NIPPC Data Request 2.1, Attachment 2.1-4, Direct Testimony of Mark Tallman, 
before the Utah Public Service Commission (Lake Side CPCN Application), Proceeding 04-035-30, May 2004, page 
12, excerpt presented in NIPPC Exhibit 118; PacifiCorp response to NIPPC Data Request 2.1, Confidential 
Attachment 2.1-3, Exhibit Accompanying Direct Testimony of Stefan A. Bird on behalf of PacifiCorp, before the 
Public Utility Commission of Oregon, Proceeding UE-210, Exhibit PPL/503, April 2009, presented in NIPPC 
Confidential Exhibit 119; PacifiCorp response to NIPPC Data Request 2.1, Confidential Attachment 2.1-5,  cost 
information for the Seven Mile Hill Wind Energy Development Project, August 31, 2007, presented in NIPPC 
Confidential Exhibit 120; PacifiCorp response to NIPPC Data Request 2.1, Attachment 2.1-4,  Wyoming Section 
109 Permit Application for the Dunlap Wind Energy Project, before the Wyoming Public Service Commission, 
Docket No. 20000-xx-EA-09 June 2009, pages 1-10, excerpt presented in NIPPC Exhibit 121.   
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runs and under-runs for each of the California plants analyzed.29 As shown, the final 1 

costs for all three plants that came in under budget were within 10% of the approved 2 

values for these plants. Of the five plants that came in over budget, only two had final 3 

costs within 10% of the budgeted amounts and two had final costs more than 25% above 4 

their budgeted amounts. This illustrates that cost over-runs have the potential to be much 5 

greater in magnitude than cost under-runs. This creates significant risk for ratepayers, 6 

who are generally liable for cost over-runs, as they were for the cost over-runs 7 

represented in the figure below.30

Figure 1: Distribution of Construction Cost Changes in California Plants 9 

  8 

 10 

                                                           
29 The four SCE peaker plants are shown on a consolidated basis. 
30 None of these plants had costs disallowed by regulators, even though they exceeded original cost estimates. 



 
NIPPC/100 
Monsen/19 

 

UM 1182 

Q. Does your proposed 7% bid adder fully cover the ratepayer risk from cost over-1 

runs? 2 

A. No. The 7% adder covers only costs of construction up to the date that the plants entered 3 

ratebase. In many cases, it appears that significant construction activities actually 4 

continue for several years after a plant comes online. For example, IPC faced $14 million 5 

in deferred capital expenditures on the $60 million Bennett Mountain Plant, which were 6 

needed to correct a latent construction defect that manifested itself only after commercial 7 

operations had commenced.31

Q. What do you conclude from this? 11 

 This was, in effect, a construction cost that was recorded 8 

only after the commercial operation date of the plant.  Had this been an IPP project, it is 9 

very difficult to imagine this $14 million expense being passed onto IPC’s customers. 10 

A. The costs of over-runs during the first five years of plant operations should be included in 12 

the calculation of the final over-run cost adder.  13 

Q. Why did you select a period of five years for this analysis? 14 

A. It is not unreasonable to expect that during the first several years of a major project there 15 

may continue to be latent defects that should have been corrected prior to the plant 16 

coming online. Any major cost during the first five years of plant operations is a cost that 17 

should have been expected and included in the costs presented to regulators at the time of 18 

project approval.  This is in contrast to a capital addition that occurs many years into the 19 

                                                           
31 IPC’s response to Idaho Public Utilities Commission Staff’s First Production Request in Case No. IPC-E-09-03, 
April 14, 2009. Response to Request No. 20, presented in NIPPC Exhibit 122.  
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future due to an unforeseen regulatory change, for example.   1 

Q. Is there a possible incentive for a utility to understate its capital costs estimates by 2 

deferring such capital expenditures until after the plant comes online? 3 

A. Yes. It is possible that a utility could plan to upgrade a plant after commissioning but not 4 

include those costs in the evaluation at the project approval stage. This would reduce the 5 

plant’s bid cost below ratepayers’ actual costs. The Bennett Mountain example and the 6 

data discussed below indicate that this is not a mere hypothetical and demonstrate that 7 

these over-runs occur during at least the first five years of operation. 8 

 Q. Have you developed an adder for cost over-runs related to deferred capital 9 

expenditures during the first five years of operations?   10 

A. Yes. For consistency, I developed the adder based on the same set of California plants 11 

used in the initial cost over-runs adder.  12 

Q. How did you derive the adder? 13 

A. I calculated estimates of deferred capital expenditures during the first five years of 14 

operations for each of these plants by comparing year-to-year changes in the Cost of 15 

Plant shown in the appropriate FERC Form 1 filings.32

                                                           
32 Form 1 Filing to the Federal Energy Regulatory Commission (FERC), Pages 402-403, line 17. An example of one 
such document is presented in NIPPC Exhibit 123. 

 The Cost of Plant increases when 16 

new capital expenditures are made and decreases on account of depreciation and the 17 

retirement of capital components. To estimate capital expenditures from the Cost of Plant 18 
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values, I calculated the Cost of Plant that would be expected if the only change from the 1 

prior year were due to depreciation and compared this value to the actual Cost of Plant. 2 

Any increase to the Cost of Plant above the expected value is assumed to be due to 3 

capital expenditures that are deferred plant construction costs.  4 

Q. Do you believe that this is a reasonable approach? 5 

A. Yes. If plant assets were taken out of service in a given year, there may be additional 6 

capital costs not captured in this calculation, so this is a conservative estimate for 7 

deferred capital expenditures. 8 

 Q. Would you provide an example demonstrating your approach for estimating 9 

deferred capital expenditures from the FERC Form 1 data?  10 

A. Yes. Consider a plant with a Cost of Plant in Year 1 of $50 million and an annual 11 

depreciation rate of 3.5%.33 From Year 1 to Year 2, the plant would accrue $50 million * 12 

3.5% = $1.75 million in depreciation, leaving a remaining Cost of Plant of $50 million – 13 

$1.75 million = $48.25 million. If the recorded Year 2 Cost of Plant is $49 million, this 14 

implies that there were at least $0.75 million34

Q. Were there any additional steps in your analysis? 17 

 in deferred capital expenditures during the 15 

year. 16 

A. Yes. For each plant, I summed the deferred capital expenditures for the first five years or, 18 

                                                           
33 For my analysis, I used depreciation rates from FERC Form 1 filings, page 337. An example of one such 
document is presented in NIPPC Exhibit 124. 
34 $49 million - $48.25 million = $0.75 million. 
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if less, for as many years as these data were available. I compared the total of these 1 

deferred capital expenditures to the Cost of Plant in the in-service year to obtain a percent 2 

increase over the initial cost. I then calculated an annual average rate of deferred capital 3 

expenditures for each plant and took a capacity-weighted average of these results to 4 

obtain a bid adder. 5 

Q. What was your result? 6 

A. I found that deferred capital expenditures averaged 5.7% of initial Cost of Plant each year 7 

over the first five years of operations. 8 

Q. Did you use the complete California dataset for this analysis? 9 

A. No. I was unable to include the Mountainview plant because consistent Cost of Plant data 10 

are not available for this plant for its first four years of operations. I was also unable to 11 

include the Humboldt Bay Generating Station because it consists of two units that were 12 

placed in service in 2010 and 2011, and I was unable to separate out the initial cost of the 13 

second unit in 2011 from capital costs to the first unit in that year. 14 

Q. Do these omissions bias your results? 15 

A. It is unclear how the omission may bias the results. However, excluding these two plants 16 

from the analysis of initial construction cost over-runs results in a bid adder for initial 17 

construction costs of 10.0%, which is greater than the 7.0% bid adder derived from all 18 

plants. Therefore, using the 7.0% adder to account for initial construction costs together 19 

with the 5.7% per year adder to account for deferred capital expenditures that are made 20 
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over the first five years of operations may be conservative. 1 

Q. How do you recommend that the 5.7% per year adder be applied? 2 

A. I recommend that in the calculation of the plant’s ongoing costs, the IE should estimate 3 

deferred capital expenditures of at least 5.7% of the initial plant cost (after application of 4 

the initial construction cost over-run bid adder) for each of the first five years of plant 5 

operations. If the utility had assumed a different level of capital expenditures  in its bid, 6 

the utility’s estimate should be used if the five-year total of those capital expenditures 7 

sum to at least 28.3% of the initial plant cost (after application of the initial construction 8 

cost over-run bid adder).35

Q. Do you have any evidence that this level of assumed deferred capital expenditures is 11 

applicable to the Oregon utilities? 12 

 Otherwise, the utility’s values should be scaled up to sum to 9 

this value. 10 

A. Yes.  I performed the same type analysis described above for all the Oregon utilities’ 13 

plants that have been developed since 2001 for which the necessary data were available 14 

from the FERC Form 1s.36

                                                           
35 The 28.3% is obtained from summing 5.7% annual capital additions over five years.  

 For the seven gas-fired plants and 12 wind plants that had 15 

sufficient data, I found that those plants had combined average annual deferred capital 16 

expenditures of 4.3% during the first five years of plant operations. This is of the same 17 

36 I excluded the Chehalis plant since it was not a utility-owned plant during its first years of operations. I excluded 
the West Valley plant because its significant Cost of Plant increases were offset by rent decreases, which suggested 
that some of the Cost of Plant increase may be due to accounting changes and not capital additions. I excluded the 
Beaver plant since data on the unit that was developed in 2001 is recorded together with data on older units, and I 
could not separate out which capital additions applied to which units. I excluded Biglow Canyon because Cost of 
Plant data was not provided for this plant. 
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order of magnitude as found for the California plants (i.e., 5.7%).  1 

Q. Why do you recommend that the California value be used in place of the Oregon 2 

value? 3 

A. I recommend that the California values be used for consistency with the initial 4 

construction cost over-runs calculation. If sufficient data is provided by the Oregon 5 

utilities to perform a calculation of initial construction cost over-runs for the Oregon 6 

UOG projects, Oregon data should be used for the analysis of both

B. Heat Rate Adder  10 

 the initial construction 7 

cost over-runs and the deferred capital expenditures that occur during the first five years 8 

of plant operation. 9 

Q. Why is there a need for a heat rate adder for gas-fired plants?   11 

A. Heat rate is a key input into the calculation of the cost of a gas-fired plant. If a plant uses 12 

more fuel than expected to generate a set amount of power (i.e., has a higher-than-13 

expected heat rate), the cost of fuel increases for the plant and the cost of emissions 14 

credits may increase as well. Heat rate tends to degrade (i.e., increase) through plant 15 

usage and then to improve when major plant maintenance is performed. For UOG 16 

projects, ratepayers are liable for the cost increases associated with heat rate degradation. 17 

Under PPAs, the IPP or ratepayers may be responsible for fuel costs, depending on the 18 

terms of the contract. However, even in tolling agreements, it is typical for the IPP to be 19 
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liable for heat rate degradation.37

Q. Did you derive a heat rate adder?   2 

 1 

A. Yes. I derived a heat rate adder that should be applied to proposed projects that burn 3 

natural gas whenever ratepayers would be responsible for cost increases associated with 4 

higher-than-anticipated heat rate. 5 

Q. What source did you use to derive the heat rate adder?   6 

A. I derived the heat rate adder from a database of annual cost and operating characteristics 7 

of utility-owned generation for the years 1981 and 1999, inclusive.38

Q. Please describe your approach for developing your proposed heat rate adder.   9 

  8 

A. I compared each heat rate recorded in the dataset to the minimum recorded heat rate for 10 

that plant, and I used this as a proxy for the change in heat rate compared to the initial 11 

heat rate. The average of all the heat rate changes obtained in this manner for a plant is a 12 

conservative assessment of the plant’s average lifetime change from the initial heat rate, 13 

since in most cases the plant lifetime extends beyond the years shown in the dataset, and 14 

further degradation beyond that observed in the dataset is likely.  15 

I averaged together all the observed heat rate changes across all the plants, weighted by 16 

                                                           
37 See, for example, the All Source RFP Tolling Agreement provided in PacifiCorp’s All Source RFP-Resource 
2016 soliciation, Section 16.1 on page 56. 
38 Data files for Fabrizio, Rose, and Wolfram. “Do Markets Reduce Costs? Assessing the Impact of Regulatory 
Restructuring on U.S. Electric Generation Efficiency.” American Economic Review, 2007, Vol. 97 (September): 
1250-1277. Available at http://faculty.haas.berkeley.edu/wolfram/  
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capacity factor, to develop a proxy for the average heat rate increase above the expected 1 

heat rate.  2 

Q. Why did you use the minimum heat rate from the dataset? 3 

A. I used the minimum heat rate observed in the dataset as a conservative proxy for the 4 

initial heat rate. This is a conservative proxy since the minimum heat rate in the dataset 5 

may already reflect significant heat rate degradation from the years prior to 1981.39

Q. What plants were included in the data you used to derive the heat rate adder?   7 

 6 

A. I filtered the original database to include only natural gas-fired plants for which there 8 

were at least three heat rates reported in the database. The resulting filtered dataset 9 

includes data for 245 plants.40

Q. Why did you weight the average by capacity factor? 13 

 In addition, I excluded from the analysis all heat rate 10 

values below 7,000 Btu/kWh, which would be physically unrealistic for plants of this 11 

vintage. 12 

A. If a plant has a higher-than-expected heat rate for a small number of MWh, the cost to 14 

ratepayers is less than if the plant has a higher-than-expected heat rate for a large number 15 

of MWh. Weighting the average by capacity factor weights the degradation by a measure 16 

                                                           
39 I would have liked to compare the heat rate for each plant in each year to the heat rate assumed in the project’s bid 
or when the project received regulatory approval or, absent that data, the starting heat rate for the plant. However, 
none of these data were readily available. 
40 Whenever a plant had a capacity change of 20 MW or more from one year to the next, I treated the plant in the 
second year as a new plant so that heat rate changes caused by unit additions would not be confused with heat rate 
degradation. Counting these split plants individually increases the dataset from 245 plants to 290 “plants.” 
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 of the cost of the heat rate degradation to ratepayers.  1 

Q. What heat rate adder does NIPPC recommend?   2 

A. Based on my analysis, I recommend that the IE should include a heat rate adder of 8.0% 3 

when evaluating proposed gas projects for which ratepayers would be liable for the cost 4 

of heat rate degradation.  5 

Q. How should this adder be applied? 6 

A. If ratepayers would be at risk for the higher costs associated with heat rate degradation, 7 

the IE should incorporate the expected heat rate increase in the bid evaluation. This can 8 

be done as an 8.0% heat rate adder or as a heat rate forecast that reflects anticipated 9 

degradation resulting in an 8.0% increase in the average heat rate over the bid evaluation 10 

period. If the utility or IPP provides a heat rate forecast showing degradation of less than 11 

8.0% over time and the fuel costs will be passed on to the utility’s ratepayers under the 12 

project structure, the 8.0% adder should be adjusted so that the degradation included in 13 

the heat rate forecast plus the additional heat rate adder sum to a 8.0% increase in the 14 

average heat rate over the bid evaluation period. 15 

Q. Do you have any indication that this adder is relevant to the Oregon utilities? 16 

A. Yes.  I collected actual heat rate data for the utilities’ gas-fired plants (i.e., Currant Creek, 17 

Lake Side, Gadsby, Chehalis, West Valley, Port Westward, Danskin, and Bennett 18 
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Mountain) from their FERC Form 1 filings.41

 In addition, I calculated the difference between the actual and expected heat rate at the 4 

Danskin and Port Westward plants using confidential data provided by IPC and PGE on 5 

the heat rate values used in the bid evaluations for these plants. ___________________ 6 

____________________________________________________________________ 7 

_____________________________________________________________________ 8 

_________________________________________

 With these data, I calculated the difference 1 

between the actual heat rate and the minimum recorded heat rate for each plant. I 2 

obtained a capacity factor-weighted deviation from minimum heat rate of 10.4%. 3 

42 __________________________ 9 

_______________________________________________________________________ 10 

____________________________43

These analyses indicate that the Oregon utilities’ plants are not immune from the heat rate 12 

degradation seen in the nationwide database of power plants. The heat rate degradation 13 

seen in the Oregon analyses may not be as certain as what we see from the broader 14 

nationwide database because of their smaller sample sizes and because they cover only 15 

the early years of plant operations. Additional degradation will likely be observed as 16 

these plants age. For these reasons, it is appropriate to apply the results from the 17 

 11 

                                                           
41 I excluded dual-fuel units from this analysis. 
42 The expected heat rate was obtained from PGE’s response to NIPPC Data Request 2.4 (renamed DR 010), 
Confidential Attachment B, presented in NIPPC Confidential Exhibit 125. Actual heat rates were obtained from 
FERC Form 1 filings, page 402, and example page is provided in NIPPC Exhibit 123. 
43 The ____ and____ values were both calculated by comparing the anticipated average heat rate (as provided in 
IPC’s confidential response to NIPPC data request 2.4) to the actual heat rates reported for the plant. The____ value 
comes from using for the actual heat rates data that IPC reported to FERC in Form 1 filings, page 402. The ____ 
value comes from using for the actual heat rate data that IPC provided in response to NIPPC Data Request 2.4(a), 
2.4(b), and 2.4(d), presented in NIPPC Confidential Exhibit 126.  
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nationwide dataset to the gas-fired plants developed by or for the Oregon utilities.  1 

However, the Commission could instead choose to use the heat rate degradation seen in 2 

Oregon-specific plants. 3 

Q. Do you have any suggestions for extending the heat rate analysis? 4 

A. Yes. Aside from affecting fuel-related costs, heat rate degradation would increase a 5 

plant’s carbon dioxide emissions, which could impose operational risks and larger than 6 

expected greenhouse-gas related costs. Additional analysis would be required to quantify 7 

these risks for use in the heat rate adder.  8 

C. Wind Capacity Factors  9 

Q. Why is there a need for a capacity factor adder for wind plants?   10 

A. Capacity factor is a key input into the calculation of the per-MWh cost of wind 11 

generation since wind plant costs are dominated by fixed costs. If a wind plant generates 12 

less power than expected (i.e., has a lower than expected capacity factor), the fixed costs 13 

of the wind plant are spread over a smaller amount of output, resulting in a higher unit 14 

cost of power. For UOG projects, ratepayers are generally liable for the project costs 15 

regardless of the actual project output. With PPAs, IPPs typically pay for the project costs 16 

and charge ratepayers only for delivered generation. As such, PPAs shield ratepayers 17 

from the capacity factor risk that ratepayers bear from UOG projects.  18 
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Q. Did you develop a capacity factor adder for renewable generation?   1 

A. Yes. I developed a capacity factor adjustment for utility-owned wind projects based on 2 

the observed performance of PacifiCorp’s wind plants compared to the capacity factors 3 

that PacifiCorp originally anticipated for the plants. 4 

Q. Which plants did you examine for this analysis?   5 

A. As an initial analysis, I examined publicly available data associated with all 12 of 6 

PacifiCorp’s wind plants that began operating prior to 2010: Foote Creek, Glenrock. 7 

Glenrock III, Rolling Hills, Goodnoe Hills, Leaning Juniper I, Marengo, Marengo II, 8 

Seven Mile Hill, Seven Mile Hill II, High Plains, and McFadden Ridge I.44

Q. What data sources did you use for this analysis?   10 

 9 

A. I collected annual capacity factors for the plants from PacifiCorp’s FERC Form 1s and 11 

obtained public values for expected capacity factors from various regulatory filings and 12 

regulatory Commission staff reports.45

                                                           
44 The Dunlap wind farm, which went into service in October 2010, is not included in the public analysis because I 
was unable to locate a publicly available expected capacity value for this plant.  

 I compared the reported capacity factor in each 13 

45 These include:  
1. Direct Testimony of Mark R Tallman on behalf of Rocky Mountain Power, before the Idaho Public 

Utilities Commission, Proceeding PAC E-10-07, page 13, May 28, 2010, excerpt presented in NIPPC 
Exhibit 127.  

2. Rebuttal Testimony of Mark R Tallman on behalf of PacifiCorp, before the Public Utility Commission of 
state of Oregon, Proceeding UE-200, Exhibit PPL/203, August 22, 2008, page 12, excerpt presented in 
NIPPC Exhibit 128. 

3. Rocky Mountain Power Quarterly Compliance Filing to the Public Service Commission of Utah,  
Proceeding 03-035-14, January 31, 2007, presented in NIPPC Exhibit 129. 

4. Rebuttal Testimony for Phase II of Charles E. Peterson on behalf of the Division of Public Utilities, 
Department of Commerce, State of Utah,  before the Public Service Commission of Utah Exhibit 3.2R, 
Proceeding 09-035-15, September 15, 2010, presented in NIPPC Exhibit 130. 
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year for which this data was available to the expected capacity factor for the plant to 1 

obtain the observed under- or over-estimate. I took a capacity-weighted average of all of 2 

these data points to obtain an overall average capacity factor over-estimate of 11.7%.   3 

Q. Please describe your findings.   4 

A. The following figure illustrates the capacity factor over-estimates on an annual basis, 5 

beginning in 2004. 6 

Figure 2: Annual Capacity Factor Over-Estimates for PacifiCorp Wind Projects 7 

 8 

                                                                                                                                                                                           
5. Direct Testimony of Mark Widmer on behalf of PacifiCorp, before the Public Service Commission of Utah, 

Proceeding  99-035-10, September 20, 1999, page 11, excerpt presented in NIPPC Exhibit 131. 

The fourth source, Exhibit 3.2R of the Rebuttal Testimony for Phase II of Charles E. Peterson, includes a list of 
expected wind capacity factors that is cited “from an unsourced spreadsheet in possession of Division.” Since the 
data source is unclear, as is the meaning of “expected” in this context, when data were available from an alternate 
source, I relied on the alternate source in place of this source. Had I instead used this data source as my primary data 
source, I would have calculated a higher capacity factor over-estimate, so my capacity factor adder is a conservative 
value.   
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This figure demonstrates that the expected average capacity factor used for the 1 

justification and approval of PacifiCorp’s wind plants has exceeded the actual capacity 2 

factor for these plants in each year (on a capacity-weighted basis). The amount of 3 

overestimate has ranged from 0.3% in 2011 to 23% in 2009, with an average 4 

overestimate of 11.7% over the entire period.  5 

Q. Were you able to refine the analysis using confidential information provided by 6 

PacifiCorp? 7 

A. Yes.  ________________________________________________________________  8 

 _________________________________________________________________ 9 

_____________46________________________________________________________ 10 

______________________________________________________________________ 11 

_________________________________________47 ________________48

 When I updated my analysis to incorporate these confidential data points, the average 14 

capacity factor over-estimate _______________ 15 

________ 12 

____________________________________________________________________ 13 

                                                           
46 PacifiCorp’s response to NIPPC Data Request 2.1, Attachment 2.1-3, Confidential Exhibit Accompanying Direct 
Testimony of Stefan A. Bird on behalf of PacifiCorp, before the Public Utility Commission of the State of Oregon, 
Proceeding UE-217, Exhibit PPL/801, March 2010, page 2, excerpt presented in NIPPC Confidential Exhibit 114. 
47PacifiCorp’s response to NIPPC Data Request 2.1, Attachment 2.1-3, Confidential Exhibit Accompanying Direct 
Testimony of Stefan A. Bird on behalf of PacifiCorp, before the Public Utility Commission of the State of Oregon, 
Proceeding UE-210, Exhibit PPL/406, April 2009,page 19, excerpt presented in NIPPC Confidential Exhibit 132. 
48 PacifiCorp’s response to NIPPC Data Request 2.1, Attachment 2.1-3, Confidential Exhibit Accompanying Direct 
Testimony of Mark R. Tallman on behalf of PacifiCorp, before the Public Utility Commission of the State of 
Oregon, Proceeding UE-217, Exhibit PPL/902, March 2010, page 3, presented in NIPPC Confidential Exhibit 133. 
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Q. What do you recommend?   1 

A. I recommend that the IE should reduce the capacity factor for proposed utility-owned 2 

wind generation projects by _____ when comparing utility-owned projects against IPP 3 

bids.  4 

III. 

Q. Please summarize your recommendations. 6 

Conclusion 5 

A. I recommend that the following bid adders should be applied: 7 

• Cost over-runs: A bid adder of 7.0% adder should be applied to the estimate of initial 8 

construction costs for UOG projects. In addition, cost calculations for UOG projects 9 

should include annual over-run additions equal to at least 5.7% of the initial capital costs 10 

(including the 7.0% adder) for the first five years of plant operations to account for 11 

deferred capital expenditures that should have occurred prior to the plant’s commercial 12 

operating date. 13 

 14 

• Heat rate: A bid adder should be applied to heat rate estimates for gas-fired UOG plants 15 

such that the average expected plant heat rate over the course of the analysis period is at 16 

least 8.0% below the starting heat rate to account for heat rate degradation. 17 

 18 

• Capacity factor: Expected capacity factors for UOG wind projects should be reduced by 19 

_____ to account for systemic capacity factor overestimates. 20 

 21 
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Q. Does this conclude your testimony? 1 

A. Yes. 2 
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          WITNESS QUALIFICATION 

STATEMENT NAME: William A. Monsen 

EMPLOYER: MRW & Associates, LLC 
 
TITLE: Principal and Executive Vice President 

 
ADDRESS: 1814 Franklin Street, Suite 720, Oakland, CA 94612 
 
EDUCATION: M.S., Mechanical Engineering, University of Wisconsin-Madison.  
 B.S., Engineering Physics, University of California, Berkeley. 
 

 

 
EXPERIENCE: 

 

 
Principal at MRW & Associates, LLC (1989 - Present) Expert in electric utility resource 
planning, independent power issues, retail power procurement, power market evaluations, due 
diligence for power generation projects, and evaluation of energy cost management options. 
Typical assignments include: expert testimony and strategic support in complex regulatory cases 
concerning electricity and natural gas issues; analysis of markets for non-utility generator power 
in the western U.S. and Asia; evaluation of the cost-effectiveness of onsite power generation 
options; advising large commercial and industrial customers on energy management and cost- 
reduction options; analysis of the value of incentives and regulatory mechanisms in encouraging 
utility-sponsored demand-side management (DSM); and negotiating non-utility generator power 
sales contract terms with utilities. 
 
Expert witness in more than 50 proceedings before regulatory commissions in the United States, 
including in California, Colorado, Arizona, Nevada, and Massachusetts. Testimony topics 
typically pertain to electricity and natural gas market structure, including issues pertaining to 
independent or merchant power; electricity resource planning; electricity and natural gas revenue 
allocation and rate design; payments to qualifying facilities; distributed generation; and demand 
response. 
 
Energy Economist at Pacific Gas & Electric Company (“PG&E”)  (1981 - 1989) Responsible 
for analysis of utility and non-utility investment opportunities using PG&E's Strategic Analysis 
Model. Performed technical analysis supporting PG&E's Long Term Planning efforts. Performed 
Monte Carlo analysis of electric supply and demand uncertainty to quantify the value of resource 
flexibility. Developed DSM forecasting models used for long-term planning studies. Created an 
engineering-econometric modeling system to estimate impacts of DSM programs. Responsible 
for PG&E's initial efforts to quantify the benefits of DSM using production cost models. 
 
Academic Staff at University of Wisconsin-Madison Solar Energy Laboratory (1980 - 1981) 
Developed simplified methods to analyze efficiency of passive solar energy systems. Performed 
computer simulation of passive solar energy systems as part of the Department of Energy's 
System Simulation and Economic Analysis working group. 
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PUBLIC UTILITIES COMMISSION OF THE STATE OF CALIFORNIA 
          
ENERGY DIVISION  RESOLUTION E-4031 

 November 9, 2006 
 

R E S O L U T I O N  
 

Resolution E-4031.  Southern California Edison Company (SCE) 
requests the Commission’s approval to establish the Peakers 
Generation Memorandum Account (PGMA) and to revise the 
Generation Sub-account of the Base Revenue Requirement Balancing 
Account (BRRBA).   
 
The PGMA will record the revenue requirement (i.e., incremental 
O&M expenses, book depreciation, applicable taxes, and an 
authorized rate of return on rate base) as each peaking facility is 
completed and closed to plant-in-service.  The revenue requirement 
recorded in the PGMA will be transferred to the Generation Sub-
account of the BRRBA on a monthly basis.   
 
By Advice Letter 2031-E Filed on August 24, 2006.  

__________________________________________________________ 
 

SUMMARY 

This Resolution approves SCE’s request to establish a Peakers Generation 
Memorandum Account (PGMA) and to revise the Generation Sub-account of the 
Base Revenue Requirement Balancing Account (BRRBA).   This Resolution also 
authorizes SCE to record the revenue requirement as each peaking generation 
plant is completed and becomes used and useful.  The revenue requirement will 
be recorded in the PGMA and will be transferred to the Generation Sub-account 
of the BRRBA on a monthly basis. 
 

BACKGROUND 

On August 15, 2006, in Rulemakings 05-12-013 and 06-02-013, an Assigned 
Commissioner’s Ruling (ACR) “Addressing Electric Reliability Needs in 
Southern California For Summer 2007” directed Southern California Edison 
Company (SCE) to, among other thing, pursue the development and installation 
of up to 250 MW of black-start, dispatchable generation capacity within its 
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service territory for summer 2007 operation.  The ACR invited SCE to file an 
advice letter to establish a memorandum account in which it would record the 
acquisition and installation costs. 
 
Assigned Commissioner’s Ruling directed SCE to procure 250 MW of utility 
owned generation that can be online in time for summer 2007. 
 
The ACR directed SCE to procure black-start, dispatchable generation capacity 
within its service territory for summer 2007 operation.    
 
The ACR stated that it was taking these actions in response to the critical near-
term needs in southern California that was identified by the California 
Independent System Operator (CAISO).   
 

The CAISO’s assessment for the summer of 2006 indicated that it could handle a 
demand in excess of 48,000 MW, close to what demand was forecasted to be under 
extreme temperatures that materialize once every 10 years, with limited to no impact on 
firm load customers.1  However, the CAISO reports, the peak demand during that heat 
wave was 51,000 MW, well above any of the scenarios it had assumed in its assessment.  
As the CAISO notes, that was over 12% higher than last year’s record, 6% higher than 
the worst case scenario the CAISO analyzed in its assessment, and 38% higher than the 
peak demand of the crisis year 2001; it represents the demand forecasted not to appear 
until five years from now.  Across the CAISO’s service area, weighted average 
temperatures ranged between 106 and 110 degrees Fahrenheit on various days, 
something California and the West have not experienced in recent history; these 
temperatures were higher than anything recorded in the 30-year history of the 
temperature models used by the CAISO.[8/15/06 ACR] 

 
ACR invited SCE to file an advice letter to establish a memorandum account. 
 
The ACR noted that it did not appear possible for SCE to develop and for the 
Commission to consider proposals for ratemaking treatment of the costs of 
developing and installing the utility-owned generation prior to the time such 
generation would be installed.  As such, the ACR invited SCE to file an advice 

                                              
1 Prepared Statement of Yakout Mansour, President and Chief Executive Officer of 
CAISO, before the California State Senate Committee Governmental Organizations, 
dated August 9, 2006.  The statement is available at the CAISO’s website. 
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letter to establish a memorandum account in which it would record the 
acquisition and installation costs of the generation facilities. 
 
SCE filed Advice Letter 2031-E to establish the Peakers Generation 
Memorandum Account. 
 
SCE filed Advice Letter 2031-E on August 24, 2006.  The advice letter sought 
Commission permission to establish the Peakers Generation Memorandum 
Account (PGMA) and to revise the Generation Sub-account of the Base Revenue 
Requirement Balancing Account (BRRBA). 
 

NOTICE  

Notice of AL 2031-E was made by publication in the Commission’s Daily 
Calendar.  SCE states that a copy of the Advice Letter was mailed and distributed 
in accordance with Section III-G of General Order 96-A.  
 

PROTESTS 

Advice Letter 2031-E was not protested.   
 

DISCUSSION 

Energy Division has reviewed SCE’s Advice Letter 2031-E and recommends 
approval as clarified.  The clarifications are needed to ensure that the 
Commissions direction and SCE implementation are consistent with the intent of 
the ACR. 
 
The advice letter filed by SCE exceeds the ACR’s directive. 
 
The ACR invited SCE to file an advice letter to establish a memorandum account 
to “record the acquisition and installation costs.”  SCE’s advice letter, in addition 
to establishing a memorandum account, sought authority to record the revenue 
requirement (i.e., incremental O&M expenses, book depreciation, applicable 
taxes, and an authorized rate of return on rate base) arising from with the 
acquisition costs, installation costs, and other related costs associated with 
peaking generation units and non-ISO transmission facilities upgrades associated 
with interconnecting the peaker units.  SCE proposes to calculate the revenue 
requirement as each peaking facility is completed and closed to plant-in-service.  
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SCE further proposes that the revenue requirement recorded in the 
memorandum account be transferred to the Generation Sub-account of the 
BRRBA on a monthly basis.   
 
SCE’s filing highlights the different purpose of its proposed memorandum 
account.  SCE proposes to use the memorandum account to record the revenue 
requirement associated with the peaker plants.  The ACR directive indicated that 
the memorandum account was to record the acquisition and installation costs.  
The ACR did not address revenue requirement for the peakers. 
 
SCE does not require a memorandum account to record acquisition and 
installation costs. 
 
SCE states that prior to the peaker plants going into service, SCE spends the cash 
to construct the project and those expenditures are accumulated and tracked in a 
“work order” and those expenditures are recorded as an asset (Construction-
work-in-progress) on the general ledger.  SCE also accrues allowance for funds 
used during construction (AFUDC) associated with the expenditures in the work 
order.  As the peaker costs are tracked in a “work order”, a mechanism already 
exists at SCE to record the acquisition and installation costs.   
 
SCE proposes to record $57 to $71 million of revenue requirement to the 
PGMA 
 
SCE estimates that, for up to 250 MW of resources (5 combustion turbines of 
approximately 45 MW each), the total costs associated with the development, 
installation and start-up will probably exceed $250 million.  As noted above, 
these costs will be accrued and tracked in a “work order”, not the PGMA. 
 
Based on the estimated $250 million of capital expenditures to install 5 peaking 
units, SCE estimates that the annual revenue requirement will be approximately 
$40 to $50 million.  SCE proposes to record the revenue requirement in the 
PGMA.  Assuming that the units go in-service in August 2007, the revenue 
requirement recorded in the PGMA in 2007 will be approximately $17-$21 
million (5 month) and another $40-$50 million in 2008, for a total of $57-$71 
million.  Beyond 2008, the annual revenue requirement for the peakers will be 
included in SCE’s authorized 2009 GRC revenue requirement which is currently 
scheduled to be implemented on January 1, 2009. 
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SCE’s advice letter filing seeks to neutralize the income statement impact once 
the peakers are in service. 
 
Once the peaker plants are operational and transferred to plant-in-service, SCE 
starts recording depreciation, O&M, and tax expenses.  Recording these expenses 
without a corresponding increase in revenues will result in SCE’s recorded 
earnings to be negatively impacted.  Allowing SCE to record the revenue 
requirement in a memorandum account without the monthly transfer to the 
BRRBA does not mitigate the earnings impact, as SCE’s memorandum account 
balances cannot be recorded on the general ledger until the Commission has 
approved rate recovery through a balancing account.  SCE’s advice letter 
proposal to record the revenue requirement to the memorandum account with a 
monthly transfer to the Generation Sub-account of the BRRBA neutralizes the 
income statement impact.  SCE is ensured that the addition of the power plants 
will not affect SCE’s opportunity to earn its authorized rate of return.   
 
SCE will track the revenue requirement for each unit separately.   
 
Mitigating circumstances compel deviating from standard Commission 
procedure. 
 
As described above in the ACR, unanticipated conditions occurring during the 
summer of 2006 have prompted the CAISO to identify critical near-term needs in 
southern California for summer 2007.  Accordingly, the ACR directed SCE to, 
among other things, pursue new utility-owned peaker units with the 
characteristics described in the ACR that provide up to 250 MW of new 
generation and can be online in time for August 1, 2007.  SCE would ordinarily 
be required to procure any such resources through a competitive solicitation, 
pursuant to D.04-12-048.  As competitive IOU procurement processes are key 
elements of the Commission’s procurement regime, the ACR directed SCE to 
promptly evaluate any offers for resources in its on-going New Generation 
Request for Offers (RFO) process that have the features described in the ACR and 
to submit any resulting contracts for Commission approval by November 15, 
2006, to the extent agreements can be reached for appropriate resources.  
However, given the extremely limited timeframe to bring such units online, there 
would not be sufficient time for SCE to wait until the results of that process are 
known and only then initiate its development of any still-needed utility-owned 
generation.  Nor is there sufficient time for SCE to initiate and conduct a separate 
RFO that would include consideration and evaluation of new utility-owned 
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resources along with third party resources.  In light of the foregoing mitigating 
circumstances, it is reasonable to permit SCE to proceed with the development of 
this limited amount of utility-owned resources outside of a competitive 
procurement process.   
 
Additionally, allowing SCE to request authority to record revenue requirements 
associated with the peaker plants via an advice letter is not standard 
Commission practice.  The advice letter process is an informal procedure.  A 
revenue requirement request, should, under normal circumstances, be filed 
under an application process with its more formal procedures.   
 
However, given that the peaker units were not forecasted in the 2006 GRC, begin 
accruing operational expenses by summer 2007, and that an application process 
may take a year or longer, there are sufficient mitigating circumstances for SCE’s 
request.   
 
Burden to show reasonableness of accrued costs will be on SCE. 
 
SCE should be prepared to demonstrate that the accrued costs were reasonable.  
Accrued costs include all costs related to acquisition and installation of the 
peaker plants tracked through the “work order” system (estimated at $250 
million), as well as the associated revenue requirement recorded to the 
memorandum account once the plants are in service (estimated at $57-$71 
million).  SCE should file an application no later than December 31, 2007 to 
demonstrate that the costs were reasonable.   
 
The Preliminary Statement for the Peakers Generation Memorandum Account 
should be clarified. 
 
CE should submit a substitute tariff sheet for the preliminary statement for the 
PGMA to clarify the purpose of the memorandum account.  The currently stated 
purpose “to record the costs of acquisition and installation” is not correct and is 
misleading.  SCE should properly state that the purpose of the PGMA is to 
record the revenue requirement associated with the peaker plants.   
 
SCE’s proposal to submit a monthly status report is welcomed. 
 
In SCE’s advice letter filing, SCE proposed to submit a monthly “Planning and 
Construction” Report to keep the Commission informed of the progress of the 
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projects.  That report will include information such as the status of the projects, 
the costs incurred from inception to date, and any issues or concerns regarding 
the projects so that the Commission can provide guidance as the project 
advances.   
 
The Commission endorses SCE’s proposal for a monthly status report.  We 
request that the date of August 1, 2007 be identified as being the peaking 
generation on-line date with all corresponding progress measured to this date. 
 
Effective date should be November 9, 2006. 
 
SCE request for an effective date of August 15, 2006 is denied.   
 
The Commission’s standard practice is to authorize memorandum accounts to be 
effective only on or after the date on which the Commission approves them.  
Accordingly, we will authorize this memorandum account to be effective as of 
the date of today’s decision.  As SCE does not plan to record any amounts in this 
memorandum until the peaker plants are in service, there is no harm to SCE.  
 

COMMENTS 

Public Utilities Code section 311(g)(1) provides that resolutions generally must 
be served on all parties and subject to at least 30 days public review and 
comment prior to a vote of the Commission.  Section 311(g)(2) provides that this 
30-day period may be reduced or waived upon the stipulation of all parties in the 
proceeding.   
 

The 30-day comment period for the draft of this resolution was neither waived 
nor reduced.  Accordingly, this draft resolution was mailed to parties for 
comments, and placed on the Commission's agenda no earlier than 30 days from 
the date of mailing. 
 
SCE provided comments on the draft resolution on October 26, 2006 to parties on 
service list for E-4031, R.04-04-003, and R. 06-02-013.  No other party provided 
comments.  No parties provided reply comments on the draft resolution. 
 
In its comments, SCE requested clarifications confirming that SCE may develop 
up to 250 MW of new utility-owned generation as described in the ACR outside 
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of a competitive solicitation process, as a limited exception to the requirements of 
D. 04-12-048.   
 
Based in part on SCE’s comments, the draft resolution is being modified.  
Modifications to the draft resolution have been incorporated throughout as 
reflected herein.  
 

FINDINGS 

1. Assigned Commissioner’s Ruling (ACR) “Addressing Electric Reliability 
Needs in Southern California For Summer 2007” directed Southern California 
Edison Company (SCE) to pursue the development and installation of up to 
250 MW of black-start, dispatchable generation capacity within its service 
territory for summer 2007 operation. 

2. The ACR invited SCE to file an advice letter to establish a memorandum 
account in which SCE would record the acquisition and installation costs. 

3. SCE filed Advice Letter 2031-E on August 24, 2006 to establish the Peakers 
eneration Memorandum Account (PGMA) and to revise the Generation Sub-
account of the Base Revenue Requirement Balancing Account (BRRBA). 

4. No protests were filed. 
5. Advice Letter 2031-E, in addition to establishing a memorandum account, 

sought authority to record the revenue requirement (i.e., incremental O&M 
expenses, book depreciation, applicable taxes, and an authorized rate of 
return on rate base) arising from the acquisition cost, installation costs, and 
other related costs associated with peaking generation units. 

6. SCE estimates total revenue requirement to be recorded in the PGMA of $57-
$71 million, based on an estimated capital expenditures of $250 million to 
install 5 peaking units. 

7. SCE proposes to calculate the revenue requirement as each peaking facility is 
completed and closed to plant-in-service. 

8. SCE further proposes that the revenue requirement recorded in the PGMA be 
transferred to the Generation Sub-account of the BRRBA on a monthly basis. 

9. The cost to be recorded in the PGMA is different from what the ACR 
directed.  The ACR directed SCE to record “acquisition and installation costs” 
of the peaker plants.  SCE filed its advice letter to record the revenue 
requirements associated with the peaker plants.  

10. As SCE utilizes a “work order” to accumulate and track the costs associated 
with the peaker plants, SCE does not require a memorandum account for that 
purpose. 
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11. SCE states that once the plants are in service, SCE will begin recording 
depreciation, O&M, and tax expenses.  

12. Recording these expenses without a corresponding increase in revenue will 
result in SCE’ recorded earnings to be negatively impacted. 

13. SCE’s advice letter proposal to record the revenue requirement to the 
memorandum account with a monthly transfer to the Generation Sub-
account of the BRRBA neutralizes the negative earnings effect caused by the 
peaker plants. 

14. SCE will track the revenue requirement for each unit separately.   
15. Allowing SCE to procure utility-owned generation outside of the competitive 

solicitation process and to request authority to record revenue requirements 
associated with the peaker plants via an advice letter is not standard 
Commission practice. 

16. A revenue requirement request, should, under normal circumstances, be filed 
under an application. 

17. Mitigating circumstances that require a limited exception from the 
competitive solicitation requirement of D.04-12-048 and standard 
Commission practice for requesting changes in authorized revenue 
requirements include: the unanticipated conditions arising in summer 2006 
that prompted the CAISO to identify an urgent need for quick-start peaker 
units in southern California by summer 2007, the length of time for SCE to 
initiate and conduct a separate RFO for peaker units that would include new 
utility-owned resources and third party resources, the length of a formal 
application process associated with a revenue requirement request, the 
peaking units not being forecasted in the 2006 GRC, and the anticipated 
accrual of operational expenses by summer 2007. 

18. SCE should be prepared to demonstrate that the acquisition and installation 
costs accrued in a “work order” and the associated revenue requirement 
recorded to the PGMA were reasonable. 

19. SCE should submit a substitute sheet for the preliminary statement for the 
PGMA to clarify that the purpose of the memorandum account is to record 
the associated revenue requirement of the peaker plants, and not the 
acquisition and installation costs. 

20. SCE’s proposal to submit a monthly status report is welcomed. 
21. SCE requests an effective date of August 15, 2006 for Advice Letter 2031-E. 
22. The Commission’s standard practice is to authorize memorandum accounts 

to be effective only on or after the date on which the Commission approves 
them.   
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THEREFORE IT IS ORDERED THAT: 

 
1. The request of the Southern California Edison Company (SCE) to establish the 

Peakers Generation Memorandum Account (PGMA) and to revise the 
Generation Sub-account of the Base Revenue Requirement Balancing Account 
(BRRBA) as requested in Advice Letter AL 2031-E is approved. 

2. SCE is authorized to record the revenue requirement (i.e. incremental O&M 
expenses, book depreciation, applicable taxes, and an authorized rate of 
return on rate base) arising from  the acquisition costs, installation costs, and 
other related costs associated with peaking generation units and non-ISO 
transmission facilities’ upgrades associated with interconnecting the peaker 
units.   

3. SCE is authorized to record the revenue requirement to the PGMA as each 
peaker plant is completed and becomes used and useful. 

4. SCE shall  track the revenue requirement for each unit separately.   
5. SCE is authorized to develop utility-owned peaker units, consistent with the 

requirements of the ACR and this Resolution, without using a competitive 
solicitation process to procure such units as required by D.04-12-048. 

6. SCE shall  file an application no later than December 31, 2007 to demonstrate 
the reasonableness of the accrued acquisition and installation costs tracked in 
a “work order” and the associated revenue requirement recorded to the 
PGMA. 

7. SCE shall  file a substitute preliminary statement for the PGMA to clarify the 
purpose of the PGMA.   

8. SCE shall  file a monthly “Planning and Construction” report and identify the 
date of August 1, 2007 as being the on-line date with all corresponding 
progresses measured to this date. 

9. The effective date of Advice Letter 2031-E is November 9, 2006. 
 
 
This Resolution is effective today. 
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Resolution E-4031  November 9, 2006 
Southern California Edison Company AL 2031-E/Energy Division 
 

11 

 
 
 
 
 
 
I certify that the foregoing resolution was duly introduced, passed and adopted 
at a conference of the Public Utilities Commission of the State of California held 
on November 9, 2006; the following Commissioners voting favorably thereon: 
 
 
 
 
       _______________ 
         STEVE LARSON 
          Executive Director 
 
         MICHAEL R. PEEVEY 
                  PRESIDENT 
         GEOFFREY F. BROWN 
         DIAN M. GRUENEICH 
         JOHN A. BOHN 
         RACHELLE B. CHONG 
                 Commissioners  
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ALJ/DUG/avs  Date of Issuance 5/7/2010 
   

 
Decision 10-05-008  May 6, 2010 
 
BEFORE THE PUBLIC UTILITIES COMMISSION OF THE STATE OF CALIFORNIA 

 
Application of Southern California Edison 
Company (U338-E) for Recovery of Peaker Costs. 
 

Application 07-12-029 
(Filed December 31, 2007) 

 
 

DECISION GRANTING RECOVERY OF PEAKER COSTS TO 
SOUTHERN CALIFORNIA EDISON COMPANY 

 
1.  Summary 

This decision authorizes Southern California Edison Company (Edison) to 

recover the reasonable capital and operating costs for four peaker units, which 

are owned and operated by Edison.  The costs associated with these four peaker 

units were included in customer rates and subject to refund in Edison’s Peakers 

Generation Memorandum Account which was authorized by Resolution E-4031.  

These costs are no longer subject to refund.  This is the second and final phase of 

the proceeding.  This proceeding is closed. 

2.  Background 
On December 31, 2007, Southern California Edison Company (Edison) 

filed Application (A.) 07-12-029 for the recovery of the four peaker units’ costs.  

Edison has built in its service territory four peaker units, 49 megawatt (MW) 

each, that provide additional capacity and collateral grid-reliability benefits.  

Edison filed Advice Letter 2031-E for interim treatment of the costs of the 

peakers, and Resolution E-4031, issued November 9, 2006, set forth the 

procedures for the interim tracking of the peaker installation and acquisition 

costs.  Resolution E-4031 directed Edison to file an application to demonstrate the 
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reasonableness of these costs and to address Edison’s recovery of the associated 

revenue requirement for 2007-2008. 

Edison filed this application seeking allocation of the resource adequacy 

capacity and the costs of the energy from the peaker units to all benefitting 

customers, and not just to its bundled customers, although the peakers are 

owned by Edison. 

In phase 1, Decision (D.) 09-03-031 the Commission found it reasonable to 

adopt Edison’s proposed method of allocation, to all benefiting customers, 

consistent with the Joint Parties’ proposal described in D.06-07-029 (but 

excluding an auction).1  This allocation authority will expire in 10 years from the 

date of the commercial operation for each unit, consistent with D.07-06-022, 

D.06-07-029, and D.08-09-012.  We found that allocating the cost to all benefiting 

customers was a matter of equity and fairness; it would be unreasonable to 

arbitrarily limit the allocation according to D.06-07-029 when addressing a 

situation not contemplated when we adopted the general allocation policy. 

3.  Phase 2 of Proceeding 
The June 9, 2009 Assigned Commissioner’s Ruling and Scoping 

Memorandum (Scoping Memo) determined that “the scope of issues to be 

addressed in this proceeding are the reasonableness of the costs Edison incurred 

to acquire and install four peaker generation units, the costs to operate and 

maintain the peakers from August through November 2007, and appropriate 

authority to recover the resulting revenue requirement in customer rates.”  

                                              
1  D.06-07-029, at 14-18. 
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(Scoping Memo at 3.)  On June 17, 2009, Edison served updated testimony for 

actual costs through December 2008.  (Ex. SCE-2.) 

The Scoping Memo also determined, and this decision affirms, that Edison 

bears the burden of proof to show that its requests are just and reasonable and 

the related ratemaking mechanisms are fair.  (Id.)  The record for this phase of the 

proceeding consists of all filed and served documents, including the prepared 

testimony served by Edison and the Division of Ratepayer Advocates (DRA), the 

only two active parties in this phase. 

3.1. Costs to Acquire and 
Install the Units 

Edison incurred a total cost for acquisition and installation for the four 

units of $260.121 million.  (SCE-2 at 8.)  DRA only addressed the first Scoping 

Memo question, whether the costs Edison incurred to acquire and install four 

peaker generation units was reasonable.  In its prepared testimony, DRA’s 

witness describes his analysis which included comparing Edison’s actual costs to 

a proxy predicated on the California Energy Commission’s “Comparative Costs 

of California Central Station Electricity Generation Technologies” a Final Staff 

Report dated December, 2007.  (Ex. DRA-1 at 1, footnote 2.)2  DRA found that 

Edison’s cost (net of extra features) was approximately $1,067/ Kilowatt (kW) 

compared to the study’s cost of $1,053/kW, which is very close, and that DRA 

also reviewed and considered additional features included in the Edison 

                                              
2  DRA’s prepared testimony was timely served on September 11, 2009.  There was no 
objection to the testimony and we therefore receive it into the record.  Additionally, 
there was no objection to Edison’s phase 2 prepared testimony and we therefore receive 
it into the record as well. 
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facilities, for example “Blackstart” capability.3  In addition, DRA reviewed 

Edison’s records and testimony, and discussed the need for the additional 

features which were netted out to derive an installed cost per kW to compare to 

the California Energy Commission’s proxy. 

Based on DRA’s recommendation and our own review of Edison’s 

prepared testimony, we find the $260.121 million in costs to acquire and install 

the four units to be reasonable. 

3.2. Operating and Maintenance 
Edison incurred $9.511 million from August 2007, when the four units 

became operational, through December 2008 for operating and maintenance 

costs.  DRA provided no testimony on this issue.  Based on our own review of 

Edison’s prepared testimony, we find Edison made a sufficient showing to meet 

its burden of proof to demonstrate the $9.511 million was reasonable. 

3.3. Authority to Recover Costs 
Edison has met its burden of proof that the $260.121 million in costs to 

acquire and install the four units was reasonable, and that the $9.511 million in 

2007 - 2008 operating and maintenance costs were reasonable.  Additionally, in 

phase 1, D.09-03-031 the Commission found it reasonable to adopt Edison’s 

proposed method of allocation, to all benefiting customers.  Therefore, it is 

reasonable to allow Edison to recover these costs in rates. 

The costs associated with these units, pending this reasonableness 

review, were included in customer rates and subject to refund in Edison’s 

Peakers Generation Memorandum Account which was authorized by 

                                              
3  Blackstart is the ability to start or restore a power generator to operation without 
relying on energy sources external to the facility. 
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Resolution E-4031.4  This memorandum account was to be recovered monthly 

through Edison’s Base Revenue Requirement Balancing Account.  

(Resolution E-4031 at Ordering Paragraph 1.)  No further ratemaking authority is 

required because the costs are already included in rates. 

4.  Comments on Proposed Decision 
This is an uncontested matter in which the decision grants the relief 

requested.  Accordingly, pursuant to Section 311(g)(2) of the Pub. Util. Code and 

Rule 14.6(c)(2) of the Commission’s Rules of Practice and Procedure, the 

otherwise applicable 30-day period for public review and comment is waived. 

5.  Assignment of Proceeding 
Michael R. Peevey is the assigned Commissioner and Douglas M. Long is 

the assigned Administrative Law Judge in this proceeding. 

Findings of Fact 
1. Edison reasonably incurred $260.121 million to acquire and install four 

peaker units. 

2. Edison reasonably incurred $9.511 million from August 2007 through 

December 2008 for operating and maintenance costs for the four peaker units. 

3. Resolution E-4031 placed the costs of the four peaker units in rates for 

recovery in Edison’s Peakers Generation Memorandum Account and Base 

Revenue Requirement Balancing Account. 

Conclusions of Law 
1. Edison may recover its (1) reasonable costs for acquiring and installing and 

(2) reasonable operating and maintenance costs for four peaker units. 

                                              
4 Resolution E-4031, dated November 9, 2006 in Advice Letter 2031, E-filed on 
August 24, 2006. 
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2. Operating and maintenance costs after December 2008 are beyond the 

scope of this proceeding. 

3. No additional ratemaking authority is required. 

4. Application 07-12-029 should be closed. 

O R D E R  
 

IT IS ORDERED that: 

1. Southern California Edison Company (Edison) is authorized to recover in 

rates $260.121 million in capital costs to acquire and install four electric 

generation peaker units.  These costs, which were included in Edison’s Peakers 

Generation Memorandum Account, are no longer subject to refund. 

2. Southern California Edison Company (Edison) is authorized to recover 

$9.511 million incurred as operating and maintenance expenses from 

August 2007 through December 2008.  These costs, which were included in 

Edison’s Peakers Generation Memorandum Account, are no longer subject to 

refund. 

3. Application 07-12-029 is closed. 

This order is effective today. 

Dated May 6, 2010, at San Francisco, California. 

 

MICHAEL R. PEEVEY 
                             President 

DIAN M. GRUENEICH 
JOHN A. BOHN 
TIMOTHY ALAN SIMON 
NANCY E. RYAN 

Commissioners 
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PACIFIC GAS AND ELECTRIC COMPANY 
Long-Term Procurement Plan 2010 OIR-Track III 

Rulemaking 10-05-006 
Data Response 

LTPP 2010 OIR TIII_DR_IEP_002-Q02 Page 1 

PG&E Data Request No.: IEP_002-02 
PG&E File Name: LTPP 2010 OIR TIII_DR_IEP_002-Q02 
Request Date: June 8, 2011 Requester DR No.: 002 
Date Sent: June 24, 2011 Requesting Party: Independent Energy 

Producers Association 
(IEP) 

PG&E Witness: Joe O’Flanagan Requester: Suzy Hong 

QUESTION 2 

For each gas-fired generating facility owned by PG&E, please provide all estimates of 
capital costs, annual fixed operating and maintenance costs, annual variable operating 
and maintenance costs, and annual capital additions that were prepared by or on behalf 
of PG&E prior to the facility’s COD (in the case of a utility build project) or the date 
PG&E assumed ownership of the facility. For turnkey projects, please provide the initial 
purchase price proposed by the developer to PG&E, all estimates of the project 
purchase price prior to execution of the purchase agreement (either provided to PG&E 
by the seller or developed independently by or on behalf of PG&E), the actual purchase 
price specified in the purchase agreement, and the amount that was ratebased when 
PG&E took ownership of the project. 

For all of these estimates, please provide the month and year in which the estimate was 
made and state whether the estimate is in real or nominal dollars. If the estimate is in 
real dollars, please state the year’s dollars (e.g., “2004 dollars”) in which the estimate is 
provided. Please provide all workpapers supporting these estimates, including any 
inflation assumptions used in developing these estimates. 

ANSWER 2 

Table 1 below shows forecasts of capital costs, fixed and variable Operations and 
Maintenance (O&M) Costs and Capital Additions for the Gateway Generation Station.1   

                                            
1 The Gateway Generation Station was formerly known as Contra Costa 8. 
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TABLE 1 

Gateway (Originally Contra Costa 8) 
(thousands of nominal dollars) 

 Application Decision Dry Cooling 
Resolution 

Capital Cost 309,988 295,000 370,542 
Fixed O&M 7,920 7,442 7,442 
Variable O&M 7,283 7,124 7,124 
Capital Additions 0 0 0 

 

The numbers shown are for the CPUC application, the decision approving a settlement 
in that application, and the advice letter reflecting the conversion of the facility to dry 
cooling. 

Table 2 below shows forecasts of capital costs, fixed and variable O&M costs and 
capital additions for the Colusa Generation Station.   

TABLE 2 
 

Colusa Generation Station                                    
(thousands of nominal dollars) 

 Application Advice Letter 
 Apr-06 Apr-10 

Capital Cost 684,428 672,828 
Fixed O&M 9,070 8,197 
Variable O&M 10,253 9,077 
Capital Additions 0 0 

 
 
The capital cost in the advice letter excluded $11.6 million of incentive payments which 
PG&E can request recovery of by advice letter.   
 
Table 3 below shows forecasts of capital costs, fixed and variable O&M costs and 
capital additions for the Humboldt Bay Generation Station. 
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TABLE 3 

 
Humboldt Bay Generation Station                              

(thousands of nominal dollars) 
 Application Advice Letter 
 Apr-06 Apr-10 

Capital Cost 250,016 238,652 
Fixed O&M 4,350 3,886 
Variable O&M 2,970 2,674 
Capital Additions 0 0 

 
The 2011 General Rate Case decision allows PG&E to request an increase in the 
capital cost target by up to $25 million by advice letter. 
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ALJ/CAB/jva       Mailed 3/17/2004  
 
 
Decision 04-03-037  March 16, 2004 
 

BEFORE THE PUBLIC UTILITIES COMMISSION OF THE STATE OF CALIFORNIA 
 
In the Matter of the Application of Southern 
California Edison Company (U 338-E) for 
Approval of a Power Purchase Agreement under 
PUHCA Section 32(k) Between the Utility and a 
Wholly-owned Subsidiary and for Authority to 
Recover the Costs of Such Power Purchase 
Agreement in Rates. 
 

 
 
 

Application 03-07-032 
(Filed July 21, 2003) 

 
 

OPINION ADOPTING FEDERAL ENERGY REGULATORY COMMISSION’S 
CHANGES TO THE MOUNTAINVIEW POWER PURCHASE AGREEMENT 

APPROVED BY THIS COMMISSION IN DECISION 03-12-059 
 

Summary 
This decision approves the changes that the Federal Energy Regulatory 

Commission (FERC) ordered to the power purchase agreement (PPA) that our 

Decision (D.) 03-12-059 authorized Southern California Edison Company 

(Edison) to enter into with Mountainview Power Company, LLC (MVL) for 

electricity from the Mountainview Power Project (Mountainview).  A copy of the 

FERC Order, 106 FERC ¶ 61, 183, is attached as Attachment A. 

Background 
On December 18, 2003, this Commission issued D.03-12-059 granting 

Edison’s application to acquire MVL either as a wholly-owned subsidiary and to 

enter into a PPA with MVL for electricity from Mountainview, or as a utility-

owned generation facility. 
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Conclusion of Law 
The FERC required changes to the PPA approved by this Commission in 

D.03-12-059 do not create any detrimental rate impacts for Edison customers and 

we adopt and approve the FERC changes. 

O R D E R  
 

IT IS ORDERED that The Commission accepts the conditions required by 

the Federal Energy Regulatory Commission (FERC) as modifications to the 

Power Purchase Agreement we approved in Decision 03-12-059.  A copy of FERC 

Order 106 FERC ¶ 61, 183 is attached as Attachment A. 

This order is effective today. 

Dated March 16, 2004, at San Francisco, California.  

 
 
MICHAEL R. PEEVEY 
                      President 
CARL W. WOOD 
GEOFFREY F. BROWN 
SUSAN P. KENNEDY 

    Commissioners 

 

I reserve the right to file a dissent. 
 
/s/ LORETTA M. LYNCH 
  Commissioner 
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106 FERC ¶ 61, 183 

UNITED STATES OF AMERICA 
FEDERAL ENERGY REGULATORY COMMISSION 

Before Commissioners:  Pat Wood, III, Chairman; 
                                        Nora Mead Brownell, and Joseph T. Kelliher. 

 Southern California Edison Company,                            Docket No. ER04-316-000 
  On behalf of Mountainview Power  
  Company, LLC 

ORDER CONDITIONALLY ACCEPTING PROPOSED RATE SCHEDULE  
AND REVISING AFFILIATE POLICY 

(Issued February 25, 2004) 

1. In this order, we are conditionally accepting for filing a Power Purchase 
Agreement (PPA) between Southern California Edison Company (Edison) and 
Mountainview Power Company, LLC (Mountainview), an exempt wholesale generator 
(EWG).  We will condition our acceptance, among other things, on Mountainview 
submitting a compliance filing reflecting ordered changes to the PPA, committing to 
filing a FERC Form 1 annually, maintaining its books and records in accordance with the 
Uniform System of Accounts, and limiting its market activity to cost-based sales to 
Edison.  This action benefits customers by accommodating the construction of new 
generation in California while ensuring that Mountainview’s rates are just and 
reasonable.   
BACKGROUND 
2. On December 19, 2003, Edison filed, on behalf of Mountainview, its to-be-
acquired subsidiary, a proposed PPA between itself and Mountainview.  Mountainview 
owns a yet-to-be completed 1054 MW state-of-the-art generating plant.1  Edison seeks to 
exercise an option to purchase the project by purchasing Mountainview from its current 
owner, Sequoia Generating LLC (Sequoia).2  Edison claims that its purchase of 

                                              
1 The plant will consist of two units.  Unit 1 will be completed before Unit 2; both units 
are estimated to be completed in March 2006 (Full Commercial Operation Date). 

2  Sequoia bought the project from AES Corporation in March 2003.  Construction was 
suspended in March 2002 when AES Corporation experienced financial difficulties.  
Prior to that, AES acquired it from Thermo-Ecotek in 2001. 
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DISCUSSION 
Procedural Matters 

12. Pursuant to Rule 214 of the Commission's Rules of Practice and Procedure, 
18 C.F.R. 385.214 (2003), the CPUC’s notice of intervention and the timely, unopposed 
motions to intervene of the entities that filed them make them parties to this proceeding.  
We will grant WEC’s late motion to intervene, given its interest in the proceeding, the 
early stage of the proceeding, and the absence of any undue prejudice or delay.   
13. Rule 213(a)(2) of the Commission’s Rules of Practice and Procedure, 18 C.F.R. 
§ 385.213(a)(2) (2003), prohibits an answer to a protest unless otherwise ordered by the 
decisional authority.  We are not persuaded to accept Edison’s, Sequoia’s and TURN’s 
answers and Independent Producers’, Calpine’s, and CMTA’s replies, and will, therefore, 
reject them. 

Cost of Service Issues 
14. The PPA, as well as the rulings of the CPUC, provide that certain cost items and 
terms of service are subject to the CPUC’s regulatory review.  We note that the 
Commission is the ultimate arbiter of the rates, terms and conditions of service of a 
power purchase agreement that is subject to our jurisdiction. 

Description of the Proposed Charges 
15. As noted above, the proposed PPA is a cost-based rate schedule which includes 
ratemaking features that give Mountainview incentives to control discretionary costs that 
it will incur and pass on to Edison.  Edison will buy the natural gas for the unit.  The 
primary set of charges in the PPA include formula rates for the recovery of capital costs 
and certain specified other costs, stated operation and maintenance charges (O&M) and 
incentive rates for plant availability and heat rate. 
16. The PPA has a Capital Recovery Charge that will be billed monthly on a formula 
rate basis and is intended to recover the Return on Investment, Book Depreciation, and 
Federal and State Income Taxes based on the original cost of the plant.  Beginning on the 
Full Commercial Operation Date, Edison will pay the Monthly Capital Recovery Charge.  
However, between the time Unit 1 enters service and the full Commercial Operation 
Date, Edison will pay an Initial Monthly Charge which is calculated in the same manner 
as the Monthly Capital Recovery Charge, but is based on only the investment associated 
with the first unit that is placed into service.  The initial investment reflects the purchase 
price to Sequoia plus the costs incurred by Mountainview to complete the construction of 
the project including amounts associated with Allowance for Funds Used During 
Construction (AFUDC).   
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17. In addition to the Capital Recovery Charge, the PPA provides for recovery of 
O&M charges.  Edison states that the O&M charges under the PPA are divided into two 
categories:  (1) Pre-Authorized Charges and (2) Fixed and Variable O&M Charges.12  
Edison states that the Pre-Authorized charges are recovered on a formulary basis and a 
majority of these expenses are effectively pre-committed at the outset.  Edison will also 
pay Mountainview a monthly stated Fixed O&M Charge and a monthly stated Variable 
O&M Charge, which are intended to recover all O&M costs not recovered through the 
Pre-Authorized charges and which will remain constant, except for an escalation factor 
for inflation, during the intervals between Overhaul Cycles.13  Additionally, by being 
stated rates, the Fixed and Variable O&M rates are intended to act as an incentive to 
Mountainview to control the amount of costs incurred for the types of expenses recovered 
by these charges.   
18. The PPA also includes two separate incentive rate mechanisms:  (1) an availability 
incentive and (2) a heat rate incentive.  The availability incentive provides bonus or 
penalty payments for performance by Mountainview above or below an availability 
standard, with the purpose of providing an incentive to Mountainview to maintain plant 
availability.  The heat rate incentive is designed to provide financial rewards and/or 
penalties to Mountainview to maintain the plant in a reasonable condition so that the heat 
rate does not unreasonably degrade and the plant functions at an efficient heat rate. 

                                              
12 The Commission’s Uniform System of Accounts would not include all items that will 
be recovered under these charges as O&M expenses.  For example, property taxes 
would be booked to Account 408 of the Uniform System of Accounts. 
13 An Overhaul Cycle is defined as the period which begins on the Full Commercial 
Operation Date and ending on the last day of the month in which all four combustion 
turbines at the Facility have completed a Hot Gas Path Inspection and have been 
released for dispatch.  Each Overhaul Cycle is expected to occur every 3-4 years. 

JMG
NIPPC/105Monsen/5

JMG
UM 1182



Docket No. ER04-316-000  
 

ATTACHMENT A 
Page 7 

 

 

 Capital Costs 
19. Edison has projected a total initial rate base for Mountainview of approximately 
$703 million which includes $84 million for AFUDC.14  The CPUC ruled that if 
Mountainview’s actual plant-in-service amount (excluding AFUDC) exceeded $624 
million, Mountainview cannot include such amounts in its rate base without first 
receiving CPUC approval.15  As an initial matter, we note that this Commission is the 
ultimate arbiter of the reasonableness of costs included in a rate subject to our 
jurisdiction, such as the PPA.  In any event, our review indicates that the Independent 
Producers’ concerns regarding the 5 percent contingency in excess of the $595 million 
capital cost limit is misplaced in a cost-based ratemaking environment.  Under the 
Commission’s regulations, the amounts associated with plant-in-service are those 
prudently incurred costs and only those costs that are found to be imprudently incurred 
are disallowed.  Therefore, to the extent that any costs are found by the Commission to be 
imprudently incurred, they will be excluded from the capital recovery charge.  We further 
note that preliminary estimates of the initial facility investment will be trued-up within 
twelve months following the date of Full Commercial Operation.16 

Rate of Return 
20. The formula rate specifies that the return on rate base will be the CPUC-approved 
annual return, including the CPUC cost factor for long-term debt and the CPUC current 
return on common equity for Edison.  Mountainview’s cost support indicates a rate of 
return of 9.75 percent, including a return on equity (ROE) of 11.6 percent.  
21. The Independent Producers argue that this 11.6 percent ROE warrants further 
review, stating that it was previously approved for only transmission facilities, and 
therefore should not be used to justify the to-be-acquired generation asset.  We note that 
Edison has committed that Mountainview will make a Section 205 filing prior to 
commercial operation and a filing with the Commission each January 1 coincident with 
or subsequent to CPUC changes in Edison’s return on utility assets that will support the 
then applicable cost of capital regardless of whether the current return has been modified.  
The Commission in that filing will determine the just and reasonable capitalization and 
                                              
14 Edison states that AFUDC will be calculated monthly in accordance with electric 
plant instructions included in FERC’s Uniform System of Accounts.  See, Attachment 1 
to Schedule 7.01 of the PPA (Original Sheet No. 49). 
15 The $624 million was developed using an original cost of $595 million plus a 5 percent 
contingency ($29 million). 
16 See Article VIII, Section 8.01 and Schedule 7.01 Original Sheet No. 44. 
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return components.  At that time, we will address Independent Producers’ concerns as to 
the basis for the ROE, including whether it is appropriate for the ROE to be based on the 
regulated utility assets.  Furthermore, the future filing commitment ensures that the actual 
return utilized for billing purposes, whether it be the current return or a different return, 
will be subject to further Commission review, under Federal Power Act (FPA) 
Section 205.  We will direct Edison, on behalf of Mountainview, to revise the PPA to 
reflect this commitment.   

Phase-in of Monthly Charges 
22. Edison notes that the Mountainview project consists of two units that will be 
placed into service with the expectation that Unit 1 will enter into service before Unit 2.  
Accordingly, the PPA is structured to include an Initial Monthly Capital Recovery 
Charge that will reflect recovery of costs associated with Unit 1 and a full Monthly 
Capital Recovery Charge that will recover the costs associated with both Units 1 and 2.  
The Independent Producers raised a concern that, based on their reading of the PPA, 
Mountainview would charge for the costs associated with both Units even though only 
Unit 1 would be in service. 
23. Schedule 7.01 of the PPA requires clarification.  The Initial Monthly Charge 
should allow for recovery of the initial unit that is in service.  Schedule 7.01 states:  “. . . 
Plant-In-Service will be equal to the Initial Facility Investment associated with the each 
Unit that becomes operational.”  The phrase “the each Unit” should read “the Unit” so as 
to remove any confusion.  Therefore, we will condition our acceptance of the PPA on 
Edison, on behalf of Mountainview, submitting a compliance filing correcting 
Schedule 7.01.   

State Income Tax Treatment 
24. The Independent Producers note that the recovery of State Income Taxes is 
calculated using flow through of book and tax depreciation differences in accordance 
with CPUC regulations, rather than the FERC required full normalization of such timing 
differences.  The Independent Producers argue that this is inappropriate and inconsistent 
with the Commission’s regulations regarding tax normalization.  We agree with the 
intervenor that the use of flow through is inconsistent with our regulations, however, due 
to the characteristics of the PPA a waiver is appropriate in this case.  Inasmuch as 
Mountainview is a single asset entity whose output will be purchased by Edison over its 
entire useful life, the use of flow through in calculating state income taxes will not result 
in excess revenues over the life of the plant.  As such, it is unnecessary to record tax 
timing differences between state tax and book basis differences.  Based on these facts, we 
find Edison’s proposal to be reasonable in these specific circumstances and will grant 
waiver of Section 35.24 of the Commission’s regulations regarding normalization of state 
income taxes. 
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February 28, 2006 
 

ADVICE LETTER 1778-E 
(U 902-E) 
 
PUBLIC UTILITIES COMMISSION OF THE STATE OF CALIFORNIA 
 
SUBJECT: REVENUE REQUIREMENT UPDATE ASSOCIATED WITH THE PALOMAR 

GENERATING FACILITY  
 
San Diego Gas and Electric Company (SDG&E) hereby submits for filing revisions to its electric 
tariffs, as shown in Attachment D. 
 
PURPOSE 
 
The purpose of this Advice Letter is to submit for California Public Utilities Commission 
(Commission or CPUC) approval the updated revenue requirement associated with the 
purchase of the Palomar Generation Facility (Palomar), including modifications to SDG&E’s 
Non-fuel Generation Balancing Account (NGBA) and Energy Resource Recovery Account 
(ERRA).  This Advice Letter is filed in compliance with Commission Decision (D.) 05-08-005.   
 
BACKGROUND 
 
On June 9, 2004, the Commission issued D.04-06-011, approving five proposals that SDG&E 
presented to meet its short-term and long-term grid reliability needs.  One of the approved 
proposals was a Turnkey Acquisition Agreement (TAA) between SDG&E and Palomar Energy, 
LLC (Palomar Energy) (a subsidiary of Sempra Generation), dated January 29, 2004.  Palomar 
is a 500 MW (base load)/555 MW (peaking load) combined cycle natural gas-fired generation 
plant located in Escondido, California.  SDG&E will assume care, custody and control and risk 
of loss under the TAA upon closing, which SDG&E presently expects will occur on or about 
March 30, 2006.  While D.04-06-011 approved the TAA, the Commission deferred SDG&E’s 
cost recovery proposals related to Palomar. 
 
On November 1, 2004 SDG&E filed Application (A.) 04-11-003, requesting approval for the cost 
recovery and ratemaking mechanisms necessary to allow SDG&E to recover its reasonable and 
prudent costs of acquiring, operating and owning Palomar.  Specifically, the Palomar Application 
requested approval of:  (1) a fixed monthly revenue requirement of $7,600,100, subject to 
update prior to going into effect on the first month of commercial operation of Palomar, (2) a 
variable O&M rate of $3.08 per MWh, subject to update, and (3) an overall cost recovery 
regulatory plan that recognizes that the fixed monthly revenue requirement and variable O&M 
rate will be reset in SDG&E’s next General Rate Case (GRC) proceeding.  The Commission 
issued D.05-08-005 on August 25, 2005 approving SDG&E’s request with modifications.  

 

J. Steve Rahon
Director

Tariffs & Regulatory Accounts
8330 Century Park Court

San Diego, CA 92123-1548

Tel: 858.654.1773
Fax: 858.654.1788

srahon@semprautilities.com
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Public Utilities Commission 2  February 28, 2006 
 
 
Regarding the modifications, Ordering Paragraph (OP) 2 of D.05-08-005 directs that “When 
SDG&E files its update advice letter SDG&E will update in the advice letter (i) the fixed 
monthly revenue requirement to reflect the Return on Equity then in effect, (ii) the fixed monthly 
revenue requirement to reflect an 18.0% loader for non-union employees, and (iii) the fixed 
monthly revenue requirement to reflect a negative 3.5% net salvage rate for the steam 
generator.”  The Palomar update advice letter is required to be filed no later than 30 days prior 
to the expected date of commercial operation of the facility, which SDG&E presently expects will 
occur on or about March 30, 2006. 
 
DISCUSSION 
 
This filing represents the pre in-service date true-up advice letter, as described above and 
authorized in OP 3 of D.05-08-005.  SDG&E will initiate operation of Palomar for its load 
requirements on or after March 30, 2006.  Consequently, the updated fixed monthly revenue 
requirement of $7,482,300, as identified in Attachment A to this filing, reflects changes to the 
following revenue requirement inputs summarized below: 
 
A.  Purchase Price 
In compliance with OP 3 of D.05-08-005, the Palomar purchase price is trued up to reflect 
adjustments due to various cost items identified in the TAA (Sections 2.6-2.9) for Palomar, 
including but not limited to delay rebates and performance shortfall rebates, performance 
bonuses, and change orders.  Attachment B identifies the various adjustments to the Palomar 
purchase price, which result in a total increase of $9,961,000. 
 
B.  Additional Factors 
Escalation factors used in the development of the fixed monthly revenue requirement and 
variable O&M non-fuel rate have been updated.  The escalation factors are used to convert 
estimated 2004 expenses to 2006 and 2007 dollars.  The escalation factors used were initially 
based on 2nd Quarter 2004 Global Insight Forecasts and are being updated to reflect the most 
current forecasts available, which are based on 3rd Quarter 2005 Global Insight Forecasts. 
 

 

Old New Old New
Fixed O&M Escalator 1.0606 1.0894 1.0912 1.1230
Variable O&M Escalator 1.0538 1.1106 1.0812 1.1341
Capital Escalator 1.0449 1.0634 NA NA

Old - Escalation Factors based on 2nd Quarter 2004 Global Insight Forecasts.
New - Escalation Factors based on 3rd Quarter 2005 Global Insight Forecasts.

2006 2007

Update to Escalation Factors

 
 

 
The updated 2006 and 2007 fixed O&M escalation factors result in a change to the average 
monthly fixed O&M costs included in the fixed monthly revenue requirement from $634,200 to 
$658,100 as identified in Attachment A.  Also, the updated fixed O&M and capital escalation 
factors results in increases to the Material & Supplies, Commissioning & Mobilization, and 
Working Cash cost rate base items, as identified in Attachment B.  In addition, the updated 2006 
and 2007 variable O&M escalation factors identified above result in an average variable O&M 
non-fuel rate for the 2006-2007 period of $3.09 per MWh compared to the preliminary $3.08 per 
MWh rate identified in A.04-11-003.  Finally, as explained in Attachment B to this filing the 
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updated Palomar revenue requirement includes estimated costs of a raw water crosstie to 
supplement or replace recycled water production.  
 
C.  Cost of Capital 
In accordance with OP 2 of D.05-08-005, the fixed monthly revenue requirement is being 
updated to reflect SDG&E’s currently authorized cost-of-capital adopted in D.05-12-043, 
including the increase in return on equity (ROE) from 10.37% to 10.70%.   
 
D.  Non-Union Employees 
In accordance with OP 2 of D.05-08-005, the fixed monthly revenue requirement is updated to 
reflect an 18.0% loader for non-union employees. 
 
E.  Net Salvage Rate 
In accordance with OP 2 of D.05-08-005, the fixed monthly revenue requirement is updated to 
reflect a negative 3.5% net salvage rate for the steam generator.   

 
F.  In-Service Date Change 
In SDG&E’s original filing, the fixed monthly revenue requirement was based on an assumed 
plant in-service date of June 1, 2006.  The expected in-service date of the plant is now on or 
shortly after March 30, 2006.  For this reason, the revenue requirement calculation has been 
updated to reflect the new in-service date.       
 
Regulatory Accounts 
As shown in Attachment D to this filing, language has been added to SDG&E’s NGBA to include 
recovery for approved Palomar non-fuel costs not being recovered by another component of 
SDG&E’s rates.  Pursuant to D.05-08-005, the authorized monthly Palomar revenue 
requirement to be recorded in the NGBA in 2006 for recovery in Schedule EECC rates is 
$6,892,300.  This authorized revenue requirement consists of a fixed monthly revenue 
requirement component of $7,482,300 and an estimated variable monthly component of 
$853,800, less $1,443,800 in estimated monthly 2006 RMR revenues projected to recover 
Palomar costs.  The variable component, which is trued-up in SDG&E’s NGBA, currently equals 
the non-fuel rate of $3.09/MWh multiplied by the estimated 2006 Palomar generation output of 
2,486.8 GWh, divided by 9 (months of operation in 2006).  Fuel costs are recorded in SDG&E’s 
ERRA.  The ERRA includes wording that addresses the recording of fuel and fuel-related 
expenses of electric generation. 
 
Electric Rate Adjustments 
With the recent adoption of SDG&E's 2006 ERRA revenue requirement (D.06-02-018), SDG&E 
will file an advice letter to adjust commodity rates in the near future to reflect the recovery of 
2006 commodity costs, both ERRA and NGBA costs.  At that time, commodity rates contained 
in SDG&E’s schedule Electric Energy Commodity Cost (EECC) will be adjusted to reflect 
recovery of 2006 commodity costs, including Palomar costs.  Furthermore, Reliability Services 
(RS) rates were changed on January 1, 2006 (SDG&E Advice Letter 1740-E) to reflect 
SDG&E’s 2006 RS Revenue Requirement, which included Palomar revenues.  Consequently, 
electric rate adjustments are not necessary at this time. 
 
Final Update  
In its approval of the ratemaking for the Palomar Facility, the CPUC requires SDG&E to file 
adjusted project costs 30 days before SDG&E starts commercial operation of the facility.  For 
every month in advance of the guaranteed closing date, SDG&E’s customers save several 
million dollars in avoided RMR payments and lower energy costs, as discussed in Attachment 
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C.  In addition, with the expectation of a mid-cycle outage at San Onofre Nuclear Generating 
Station (SONGS) Unit 3 at the end of April, effecting the closing of Palomar sooner rather than 
later increases the availability of reliable power for SDG&E customers.  As such, SDG&E is in 
the unenviable position of weighing the benefits of filing final “hard and fast” costs to the 
customer benefits of an earlier closing date.  This Advice Letter filing is being done at this time 
to maximize customer savings.  In doing so, SDG&E has identified several cost items that, at 
this time, cannot be finalized.  These include final net test gas cost, performance bonus, back-
up cooling water supply pipeline, and any punchlist change orders.   For punchlist change 
orders, a current estimate for the remaining cost items is provided.  It is SDG&E’s belief that 
delaying closing in order to have final costs is unwarranted.  Accordingly, SDG&E requests 
authorization to file a final update advice letter to finalize these costs consistent with Final 
Completion provisions of the TAA for the Palomar facility.   
 
EFFECTIVE DATE 
 
SDG&E respectfully requests that the Commission issue a resolution providing the 
authorizations requested at the Commission’s earliest convenience.   
 
PROTEST 
 
Anyone may protest this advice letter to the California Public Utilities Commission.  The protest 
must state the grounds upon which it is based, including such items as financial and service 
impact, and should be submitted expeditiously.   The protest must be made in writing and 
received within 20 days of the date this advice letter was filed with the Commission.  There is no 
restriction on who may file a protest.  The address for mailing or delivering a protest to the 
Commission is: 
 
  CPUC Energy Division 
  Attention:  Tariff Unit 
  505 Van Ness Avenue 
  San Francisco, CA  94102 
 
Copies should also be sent via e-mail to the attention of both Jerry Royer (jjr@cpuc.ca.gov) and 
Honesto Gatchallian (jnj@cpuc.ca.gov) of the Energy Division.  It is also requested that a copy 
of the protest be sent via electronic mail and facsimile to SDG&E on the same date it is mailed 
or delivered to the Commission (at the addresses shown below). 
 
  Attn: Monica Wiggins 
  Regulatory Tariff Manager  

8330 Century Park Court, Room 32C 
San Diego, CA 92123-1548 

  Facsimile No. (858) 654-1788 
  E-Mail:  mwiggins@semprautilities.com 
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NOTICE 
 
A copy of this filing has been served on the utilities and interested parties shown on the 
attached list, including parties in A.04-11-003 and R.01-10-024, by either providing them a copy 
electronically or by mailing them a copy hereof, properly stamped and addressed.   
 
Address changes should be directed to Christina Sondrini by facsimile at (858) 654-1788 or by 
e-mail to csondrini@semprautilities.com. 
 
 
  __________________________________ 
       J. STEVE RAHON 

     Director - Tariffs & Regulatory Accounts 
(cc list enclosed) 
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Attachment B

Line
No ($000)
1 Total Rate Base filed in Application 04-11-003 $484,343
2
3 Base Purchase Price Adjustments
4 Change Orders
5 Change Order 1 - SDG&E Office Trailer #1 $26
6 Change Order 2 - Deletion of Plant Paging System ($19)
7 Change Order 4 – Electric Revenue Meter Relocation $105
8  Change Order 6 – SDG&E Office Trailer #2 $37
9 Change Order 9 – Accelerate Guarantee Acceptance Date to May 1, 2006 $3,754

10 Change Order 10 – Gas Compressor Upgrades $542
11 Change Order 11 – Gas Meter System Compliance $153
12 Change Order 12 – Deletion of Telecom System ($27)
13 Change Order 13 – Raw Water Emergency Supply - Phase I $71
14 Change Order 14 – Raw Water Emergency Supply - Phase II $61
15 Change Order 15 – Balance of Plant Spare Parts $395
16 Change Order 16 - Increase in Emission Reduction Credits $2,089
17 Change Order 17 – First fill and Start-up and Chemical Credit ($275)
18 Change Order 18 – Reimbursement of Cost, Chemical Fills ($21)
19 Change Order 20 - Force Majeure claim - Electrical curtailment $152
20 Change Order 21 - Force Majeure claim - Water curtailment $422
21 Change Order 22 - Temporary Raw Water Line (construction plus 2 months rent) $115
22 Subtotal - Change Orders $7,580
23
24 Other Base Purchase Price Adjustments
25 Interest During Construction Cost Adjustment (accrued cost from 12/01/03 through closing date)1 ($6,443)
26 Start-up and Testing Cost Adjustment (natural gas, backfeed power & utility charges less power sales)2 $3,750
27 Property Taxes During Construction Cost Adjustment (accrued property taxes from 12/01/03 through closing date)3 ($102)
28 Delay Rebates, Performance Shortfall Rebates & Performance Bonus Payments $5,133
29 Sales Taxes $31
30 Subtotal - Other Base Purchase Price Adjustments $2,371
31
32 Total Base Purchase Price Adjustments w/o Transfer Taxes $9,950
33 Transfer Taxes on Total Base Purchase Price Adjustments $11
34
35 Total Base Purchase Price Adjustments $9,961
36
37 Other Rate Base Adjustments
38 Raw Water Cross Tie4 $1,495
39 Material & Supplies Cost Adjustment5 $196
40 Commissioning & Mobilization Cost Adjustment6 $106
41 Working Cash Cost Adjustment7 $1
42 General Plant Cost Adjustment8 $19
43 Total Other Rate Base Adjustments $1,818
44
45 Updated Total Rate Base $496,122

Note:
(1) Rate Base filed in Application 04-11-003 included an estimate for Interest During Construction costs of $38,680,000.
      The updated interest costs are $32,237,000, resulting in a cost reduction of $6,443,000.
(2) Rate Base filed in Application 04-11-003 included an estimate for Start-up and Testing costs of $9,371,000.  The
      updated start-up and testing costs are $13,121,000, resulting in a cost increase of $3,750,000. 
(3) Rate Base filed in Application 04-11-003 included an estimate for Property Taxes During Construction costs of 
      $2,309,000.  The updated property tax costs are $2,207,000, resulting in a cost reduction of $102,000.
(4) Estimated costs of a permanent raw water cross tie to provide an emergency back-up water source if sufficient recycled water is unavailable
      due to malfunction or maintenance of the City of Escondido Hale Avenue Resource Recovery Facility (HARRF).
(5) Material & Supplies costs increased by $196,000 from $11,069,000 to $11,265,000 due to the update of the 2006
      capital cost escalation factor.
(6) Commissioning & Mobilization costs increased by $106,000 from $6,011,000 to $6,117,000 due to the update of the
      2006 capital cost escalation factor.
(7) Working Cash costs increased by $1,000 from $2,308,000 to $2,309,000 due to the combination of updating the 2006
      and 2007 O&M escalation factors and reflecting the new in-service date of April 1, 2006.
(8) General Plant costs increased by $19,000 from $1,082,000 to $1,101,000 due to the update of the 2006 capital cost
      escalation factor.

SAN DIEGO GAS & ELECTRIC
 PALOMAR RATE BASE

ADJUSTMENTS TO INITIAL RATE BASE
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May 30, 2006 
 

ADVICE LETTER 1796-E 
(U 902-E) 
 
PUBLIC UTILITIES COMMISSION OF THE STATE OF CALIFORNIA 
 
SUBJECT: FINAL REVENUE REQUIREMENT UPDATE ASSOCIATED WITH THE 

PALOMAR GENERATING FACILITY 
 
PURPOSE 
 
The purpose of this Advice Letter is to submit for California Public Utilities Commission 
(Commission) approval the final updated revenue requirement associated with the purchase of 
the Palomar Generation Facility (Palomar).  This Advice Letter is filed in compliance with 
Commission Decision (D.) 05-08-005 and Resolution E-3988.   
 
BACKGROUND 
 
On November 1, 2004 SDG&E filed Application (A.) 04-11-003, requesting approval for the cost 
recovery and ratemaking mechanisms necessary to allow SDG&E to recover its reasonable and 
prudent costs of acquiring, operating and owning Palomar.  The Commission issued D.05-08-
005 on August 25, 2005 approving SDG&E’s request with modifications.  The Decision also 
required SDG&E to file an update advice letter no later than 30 days prior to the expected date 
of commercial operation of the facility, which occurred on March 31, 2006.  Consequently, 
SDG&E filed Advice Letter 1778-E on February 28, 2006.  Commission Resolution E-3988, 
issued on May 11, 2006, approved the updated revenue requirement presented in Advice Letter 
1778-E.  Furthermore, the Resolution granted SDG&E’s request of providing a final update in 
order to present any final adjustments for Palomar. 
 
This filing therefore represents the final update advice letter, as described above and authorized 
in Ordering Paragraph (OP) 2 of Resolution E-3988.  SDG&E initiated operation of Palomar for 
its load requirements on March 31, 2006.  Consequently, the final updated fixed monthly 
revenue requirement of $7,479,000, as identified in Attachment A to this filing, reflects final 
updates to the revenue requirement inputs summarized below.  This monthly revenue 
requirement reflects a $3,300 decrease from the revenue requirement approved in Resolution 
E-3988. 
 
Purchase Price 
In compliance with OP 2 of Resolution E-3988, the Palomar purchase price is trued up to reflect 
final adjustments due to various cost items for Palomar, including interest during construction, 
start-up and testing, delay rebates and performance shortfall rebates, performance bonuses, 
and resulting changes to transfer taxes.  Attachment B identifies the various adjustments to the 
Palomar purchase price, which result in a total decrease of $1,771,000 as compared to the 
purchase price of $496,122,000 approved by Resolution E-3988. 
 
 
 
 

 

J. Steve Rahon 
Director 

Tariffs & Regulatory Accounts 
8330 Century Park Court 

San Diego, CA 92123-1548 
 

Tel: 858.654.1773 
Fax: 858.654.1788 

srahon@semprautilities.com 
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Variable O&M Rate 
OP 2 of Resolution E-3988 authorizes SDG&E to update the variable O&M rate for Palomar.  
Updates to the purchase price, as described above, do not affect the variable O&M rate.  In 
addition, the O&M estimates included in Advice Letter 1778-E and approved in Resolution E-
3988 have not changed.  Therefore, the variable O&M rate of $3.09 per MWh, approved in 
Resolution E-3988, remains unchanged. 
 
Depreciation Rate 
In compliance with OP 2 of D.05-08-005, the revenue requirement is modified to reflect the 
correct negative 3.5% net salvage rate for the Palomar steam generation unit.  After discussions 
with the Commission’s Energy Division, it was discovered that Advice Letter 1778-E included a 
negative 1% net salvage rate.  The correction therefore results in a slightly higher depreciation 
rate than what was filed in Advice Letter 1778-E. 
 
EFFECTIVE DATE 
 
SDG&E believes this filing is subject to Energy Division disposition and therefore respectfully 
requests that the updated revenue requirement be approved effective March 31, 2006, the 
commercial operation date of Palomar.  
 
PROTEST 
 
Anyone may protest this advice letter to the California Public Utilities Commission.  The protest 
must state the grounds upon which it is based, including such items as financial and service 
impact, and should be submitted expeditiously.   The protest must be made in writing and 
received within 20 days of the date this advice letter was filed with the Commission.  There is no 
restriction on who may file a protest.  The address for mailing or delivering a protest to the 
Commission is: 
 
  CPUC Energy Division 
  Attention:  Tariff Unit 
  505 Van Ness Avenue 
  San Francisco, CA  94102 
 
Copies should also be sent via e-mail to the attention of both Jerry Royer (jjr@cpuc.ca.gov) and 
Honesto Gatchallian (jnj@cpuc.ca.gov) of the Energy Division.  It is also requested that a copy 
of the protest be sent via electronic mail and facsimile to SDG&E on the same date it is mailed 
or delivered to the Commission (at the addresses shown below). 
 
  Attn: Monica Wiggins 
  Regulatory Tariff Manager  

8330 Century Park Court, Room 32C 
San Diego, CA 92123-1548 

  Facsimile No. (858) 654-1788 
  E-Mail:  mwiggins@semprautilities.com 
   
NOTICE 
 
A copy of this filing has been served on the utilities and interested parties shown on the 
attached list, including parties in A.04-11-003 and R.01-10-024, by either providing them a copy 
electronically or by mailing them a copy hereof, properly stamped and addressed.   
 
Address changes should be directed to Christina Sondrini by facsimile at (858) 654-1788 or by 
e-mail to csondrini@semprautilities.com. 
 
 
  __________________________________ 
       J. STEVE RAHON 

     Director - Tariffs & Regulatory Accounts 
 
(cc list enclosed) 
 

* 
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Attachment B

($000)
Total Rate Base filed in Advice Letter 1778-E and Approved in Resolution E-3988 $496,122

Base Purchase Price Adjustments
Interest During Construction Cost Adjustment (accrued cost from 12/01/03 through closing date)1 $411

Start-up and Testing Cost Adjustment (natural gas, backfeed power & utility charges less power sales)2 ($2,137)
Delay Rebates, Performance Shortfall Rebates & Performance Bonus Payments Adjustment 3 ($43)

Base Purchase Price Adjustments w/o Transfer Taxes ($1,769)

Transfer Taxes on Base Purchase Price Adjustment ($2)

Total Adjusted Base Purchase Price w/ Transfer Taxes ($1,771)

Updated Total Rate Base $494,351

Note:
(1) Rate Base adopted in Resolution E-3988 included an estimate for Interest During Construction costs of $32,237,000.
      The updated costs are $32,648,000, resulting in a cost increase of $411,000.
(2) Rate Base adopted in Resolution E-3988 included an estimate for Start-up and Testing costs of $13,121,000.  The
      updated costs which include final CAISO settlements are $10,984,000, resulting in a cost decrease of $2,137,000. 
(3) Rate Base adopted in Resolution E-3988 included an estimate for Delay Rebates, Performance Shortfall Bonus Payments
      costs of $5,133,000.  The updated costs are $5,090,000, resulting in a cost decrease of $43,000. 

SAN DIEGO GAS & ELECTRIC
 PALOMAR RATE BASE

ADJUSTMENTS TO INITIAL RATE BASE
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September 8, 2004 
 

ADVICE LETTER 1621-E 
(U 902-E) 
 
PUBLIC UTILITIES COMMISSION OF THE STATE OF CALIFORNIA 
 
SUBJECT: APPROVAL OF THE RAMCO CONTRACT AND ASSOCIATED COST 

RECOVERY/RATEMAKING PURSUANT TO D.04-06-011  
 
PURPOSE 
 
The purpose of this Advice Letter is to request California Public Utilities Commission 
(Commission) approval of: (1) the contract between Ramco Generating One (Ramco) and San 
Diego Gas & Electric Company (SDG&E) which memorializes, with certain modifications 
addressed herein, the Term Sheet conditions for SDG&E to acquire from Ramco a 46 MW 
combustion turbine (CT) and related equipment as approved by the Commission in Decision 
(D.) 04-06-011; (2) an exemption from Public Utilities Code (PUC) Section 851, as permitted by 
PUC Section 853, for Commission approval of the temporary transfer of a portion of SDG&E’s 
Miramar property to Ramco for the purpose of siting its CT; (3) SDG&E’s first year revenue 
requirement for ownership and operation of the Ramco CT; and (4) an annual update 
mechanism for SDG&E’s first year revenue requirement for the Ramco CT that will be in place 
until SDG&E’s next general rate case/cost of service (GRC/COS) proceeding. This Advice 
Letter is filed in compliance with, and as provided by, Ordering Paragraph #8 of D.04-06-011.   
 
Portions of Attachments 1 and 3 contain confidential information and therefore are protected 
from disclosure under the provisions of PUC Section 583 and the Commission’s General Order 
66-C.  The confidential (unredacted) portions of those Attachments are being submitted to the 
Commission only. 
 
DISCUSSION 
 
A. Introduction 
 
On June 9, 2004, the Commission issued D.04-06-011, approving five proposals that SDG&E 
presented to meet its short-term and long-term grid reliability needs.  One of the proposals was 
a Term Sheet between SDG&E and Ramco.  In the Term Sheet Ramco offered, and SDG&E 
accepted, a turnkey proposal whereby Ramco would construct pursuant to SDG&E’s 
specifications a 45 MW LM 6000 CT and related equipment.  Ramco agreed to design, permit 
and construct the CT in Chula Vista, California.  Under the Term Sheet, title to the CT will 
transfer to SDG&E when the CT is fully constructed and in operating condition.  SDG&E’s intent 
is to acquire title and initiate operation of the CT for its load requirements beginning June 2005.    

 

J. Steve Rahon
Director

Tariffs & Regulatory Accounts
8330 Century Park Court

San Diego, CA 92123-1548

Tel: 858.654.1773
Fax: 858.654.1788

srahon@semprautilities.com
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On page 41 of D.04-06-011 the Commission found that the Ramco CT acquisition was 
supported by the record and therefore approved the turnkey approach.  The Commission stated: 
“We approve the terms and conditions in the Term Sheet attached to Exhibit RFP-19 and we will 
approve it [the contract] when it is submitted to the Commission.”  In this Advice Letter SDG&E 
submits the SDG&E/Ramco turnkey contract (Turnkey Acquisition Agreement) for final approval.   
 
In its motion requesting Commission approval of the Term Sheet SDG&E also requested 
Commission approval of certain cost recovery, ratemaking and revenue requirement proposals 
related to SDG&E’s prospective ownership and operation of the Ramco CT.  Ordering 
Paragraph 5 of D.04-06-011 states that SDG&E “is authorized to recover the costs of this 
generation-owned asset [Ramco].”  However, the Commission found in D.04-06-011, on page 
41, that: “[w]e do not approve the cost recovery, ratemaking, and revenue requirement 
proposals as presented by SDG&E at this time.”  (Emphasis added.)  Because in this Advice 
Letter SDG&E is requesting final Commission approval of the Ramco/SDG&E turnkey contract, 
and SDG&E intends to begin ownership and operation of the Ramco CT in June 2005 (in less 
than one year), now is the appropriate time for the Commission to address “the upfront 
standards and criteria”1 for SDG&E’s recovery of its reasonable costs of owning and operating 
the Ramco CT.  Consequently, in this Advice Letter SDG&E requests the Commission approve 
SDG&E’s first year revenue requirement and an interim annual revenue requirement adjustment 
mechanism (until SDG&E’s next GRC/COS) relative to ownership and operation of the Ramco 
CT.    
 
As permitted by the Turnkey Acquisition Agreement, SDG&E requested that Ramco permit an 
additional site for its CT in order to mitigate the schedule risks associated with permitting only 
one site.  The most appealing second site was determined to be certain SDG&E-owned real 
property in the Miramar area of San Diego, California.  Therefore, Ramco pursued permitting 
two sites for its CT, one in Chula Vista and the other at Miramar.  Under the Turnkey Acquisition 
Agreement SDG&E has the option to select which site will be the location of the Ramco CT.     
 
In July 2004, RAMCO notified SDG&E that the City of Chula Vista could not process the permit 
for the Chula Vista site in a fashion that would allow RAMCO to meet its June 1, 2005 
commercial operation deadline.2  The present schedule for the Chula Vista site would result in 
commercial operation after November 1, 2005, thereby missing a critical time of reliability need 
for the CT.  As such, SDG&E directed RAMCO to focus developmental activities at the Miramar 
site. Given this recent situation and RAMCO’s obligation to permit both sites, SDG&E is 
assessing the marketability of the permit for the Chula Vista site and price reduction change 
order opportunities for reduced permitting work. The change in site from Chula Vista to Miramar 
results in a $750,000 contract price reduction.  Further, building the Ramco CT at Miramar will 
result in a savings of approximately $2 million in transmission upgrades.   
 
In order for Ramco to obtain the necessary financing for construction at the Miramar site, it will 
be necessary for Ramco to acquire a temporary real property interest in SDG&E’s property.  
Normally such a transaction would require PUC Section 851 Commission review and approval.  
However, due to the anticipated transitory nature of Ramco’s property interest in SDG&E’s 
Miramar property, in this Advice Letter SDG&E requests the Commission exempt the land 

                                                           
1 PUC Section 454.5(b)(7). 
2 This is further supported by the public comments of the city of Chula Vista where it threatened future 
delays (see: Application for Rehearing of D.04-06-011 or, in the Alternative, Request for Clarification of 
the City of Chula Vista, July 15, 2004, at pg. 8.).      
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transfer by SDG&E to Ramco from PUC Section 851 review and approval as permitted by PUC 
Section 853.    
 
In an effort to expedite review of this Advice Letter and to minimize issues of concern, SDG&E 
provided a draft of this Advice Letter to The Utility Reform Network (“TURN”) and solicited 
TURN’s comments.  SDG&E made various changes to its draft based on TURN’s input and, as 
a result, TURN stated it would not protest this Advice Letter filing.  
 
B. Specific Approvals Requested  
 
 1.  The Contract Between Ramco and SDG&E. 
After SDG&E submitted the Term Sheet between it and Ramco for approval by the Commission 
in its RFP Motion on October 7, 2003, SDG&E and Ramco continued in earnest to negotiate the 
necessary contractual documents to implement the intent of the parties as specified in the Term 
Sheet.   These negotiations ultimately resulted in the “Turnkey Acquisition Agreement” between 
SDG&E and Ramco (with associated appendices and exhibits) that is Attachment 1 to this 
advice letter.3  It is this contract that SDG&E requests the Commission to approve through this 
advice letter. 
 
The Turnkey Acquisition Agreement is in substantial conformance with the Term Sheet although 
in the negotiations there were various adjustments made in pricing and contract scope.  The 
most substantive of these changes are addressed in detail in Attachment 3 to this advice letter.  
They are summarized below.  The final negotiated price for the Ramco CT increased by 
$658,000 to $31,458,000, representing a 2.1% increase in overall price as compared to the 
price in the Term Sheet.4   The majority of this cost increase relates to an adjustment for tax 
consequences and the increased cost of the CT.  There were also several material changes to 
commercial terms and conditions requested by Ramco that did not significantly increase risk to 
SDG&E or its customers. 
 
Material Cost Changes     

1) The price was increased by $675,000 based upon the further evaluation of tax 
consequences to each party resulting from the sale of the facilities as assets rather 
than through the transfer of stock (equity transaction). 

2) The price was increased by $300,000 based upon the need to begin permitting a 
second site (the Miramar property) in order to ensure an in-service date of June 2005. 

3) Final negotiations with GE resulted in a 3% net increase in price over initial estimates 
for the LM 6000 generator package.   

4) The price was lowered by $300,000 to adjust for refinements made by GE in its latest 
version of the LM 6000 that reduced Ramco’s facility completion costs. 

                                                           
3 A portion of the project, the substation, is addressed in a separate document, the “Turnkey Agreement 
for Engineering, Equipment and Construction for Turnkey Substation” between SDG&E and Ramco (with 
associated schedules and attachments).  That Turnkey Agreement for Engineering, Equipment and 
Construction for Turnkey Substation is attached to the Turnkey Acquisition Agreement as Exhibit K 
thereto (although due to its length and associated attachments it is included with this Advice Letter as 
Attachment 2).  Certain work required by that substation contract relates to electrical interconnection 
facilities (such as a step-up transformer) which costs are included in the revenue requirement addressed 
in this Advice Letter.    
4 Although, as set forth in Attachment 5 and in the Turnkey Acquisition Agreement, this price is subject to 
further adjustment.  One such adjustment is an increase in Ramco interest costs (currently estimated at 
$642,000 which if added to the base purchase price would increase it to $32,100,000).    
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5) The price was reduced by $750,000 to reflect the savings in land cost by construction 
of the facility on the Miramar site. 

6) The price was increased by $200,000 to compensate Ramco for additional services it 
provided in the negotiations with GE over the price and attributes of the LM 6000. 

7)    The performance guarantees for the CT evolved over the course of the negotiations 
and ultimately resulted in the contract guarantee for capacity increasing by 0.5 MW 
over that in the Term Sheet and an additional 0.5 MW increase in capacity output 
before capacity bonus payments are triggered.   

 
Material Changes to Commercial Terms 

1) The requirement that Ramco’s debt/equity ratio be no greater than 80% debt to 20% 
equity was limited to the project cost exclusive of the cost of the LM 6000 generator 
package. 

2) The performance bond requirements were reduced to $4.0 million. 
3) SDG&E agreed to increase its share of pre-payments.  The most significant change is 

SDG&E’s agreement to make a secured downpayment to General Electric (GE) the LM 
6000 generator package vendor.  The negotiated down-payment saves SDG&E 
approximately $200,000 in interest over the payment schedule proposed by GE. 

4) The cure period for Ramco to meet final completion, after having met minimum 
acceptance criteria, was extended from 3 months to 6 months. 

    
2. An Exemption From Section 851 of the Miramar Land Transfer Pursuant to 

Section 853.    
 

PUC Section 853(b) states, in pertinent part, that the Commission “may from time to time by 
order or rule, and subject to those terms and conditions as may be prescribed therein, exempt 
any public utility   from this article if it finds that the application thereof with respect to the 
public utility   is not necessary in the public interest.”  The article, Article 6 enacted by Stats. 
1951, Ch. 764, requires in Section 851 that a utility must obtain a Commission order before 
encumbering the whole or any part of its property.  Obtaining that order normally requires the 
utility to file an application.  Processing the application normally takes a minimum of 4 months 
and not infrequently takes more than one year.  Due to the unique circumstances surrounding 
the proposed temporary land transfer between SDG&E and Ramco pertaining to SDG&E’s 
Miramar property, by this advice letter SDG&E requests the Commission exempt the transfer of 
that property from Section 851 analysis and review pursuant to PUC Section 853(b).  Requiring 
Section 851 review in this instance is not necessary to promote or advance the public interest.  
Alternatively, should the Commission determine that an exemption under Section 853(b) is 
inappropriate in this case, by this advice letter SDG&E requests the Commission issue an order 
pursuant to Section 851 approving the land transfer.   
 
SDG&E requested Ramco perform permitting work on an additional site to mitigate the schedule 
risks associated with permitting only the Chula Vista site.  SDG&E believes it is imperative that 
all reasonable and prudent actions be taken in order to meet the Ramco CT June 2005 delivery 
date.  The vagaries associated with the permitting processes for a generation facility can readily 
lead to delays.  Given the time needed for engineering and construction, little delay in the 
permitting process can be tolerated.  By requesting Ramco to permit an additional site (the 
Miramar site) in another local jurisdiction that can also serve as the location for this project, 
permitting risk was mitigated somewhat related to the on-time transfer of ownership.  Protecting 
the delivery date of the facility is in the best interest of SDG&E’s customers because the Ramco 
CT will support SDG&E’s local grid reliability needs.   
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SDG&E’s Miramar property was selected as the additional site because it has suitable usable 
area for the proposed facilities, it has readily available gas and electric transmission 
interconnections, and it is zoned to accommodate generation.  Construction at the Miramar site 
will require Ramco to have a real property interest in that portion of the Miramar property 
needed for the construction of the project facilities in order to satisfy construction financing 
requirements.   
 
This temporary land transfer is unique because even though Ramco’s lending institutions may 
require a long-term real property interest, under the circumstances it will only be a short-term 
encumbrance.  Locating the project at Miramar, SDG&E proposes to transfer the property to 
Ramco under the terms set forth in Attachment 4 to this Advice Letter.  Assuming Ramco 
successfully constructs the CT on the Miramar site pursuant to the Turnkey Acquisition 
Agreement, Ramco’s real property interest will only be in effect, and an encumbrance against 
SDG&E property will only exist, during the construction and testing period.  Upon completion of 
its contractual requirements and successful testing of the CT and related facilities, ownership of 
the project will be transferred to SDG&E and Ramco’s real property interest will merge out of 
existence.  If Ramco at any time defaults under Turnkey Acquisition Agreement, SDG&E will 
have the right to step-in and foreclose on Ramco’s real property interest (subject to the 
financing liens on the project that are permitted under the Turnkey Acquisition Agreement).  
Under such circumstances, Ramco’s real property interest would terminate and SDG&E would 
complete the project itself, pay off the permitted liens, and to the extent SDG&E’s expenditures 
at that time were less than the purchase price, pay the difference to Ramco.  Therefore, absent 
unforeseen circumstances, Ramco’s real property interest will only be in effect during the 
construction and testing of the CT and its related equipment or the period of time it takes 
SDG&E to step-in and assume control of the project itself after a default by Ramco.  The 
transitory nature of Ramco’s real property interest eliminates any possible impact it could have 
on SDG&E’s performance of its duties to the public.   
 
SDG&E will not transfer the site to Ramco until Ramco has secured all necessary permits for 
the site.  Ramco does not actually need its real property interest in the site (and SDG&E will not 
grant one) until just before Ramco begins construction.  Ramco cannot begin construction of the 
project until it has all necessary federal, state and local permits (including compliance with the 
California Environmental Quality Act).  Therefore, it is a precondition to any transfer that the 
Miramar site be fully permitted by Ramco.   
 

3.  SDG&E’s First Year Revenue Requirement for Ownership and Operation of the 
CT. 

SDG&E requests Commission approval, effective as of the date the Ramco CT is put in service 
(scheduled to be June 1, 2005), of both the monthly fixed cost revenue requirement of $520,100 
(subject to adjustment via advice letter filing as addressed below) and the variable operating 
and maintenance (O&M) non-fuel rate of $5.76 per MWhr (see: Attachment 5, pg. 12). The 
monthly fixed cost revenue requirement will be recorded in SDG&E’s Non-Fuel Generation 
Balancing Account (NGBA) for recovery through SDG&E’s commodity rates (Schedule EECC),5 
as will the monthly variable O&M non-fuel costs which will be calculated by multiplying the 
variable O&M non-fuel rate by the forecasted monthly generation output (MWhrs).  The actual 
fuel costs of the Ramco CT will be recorded in SDG&E’s Energy Resource Recovery Account 
(ERRA), and will also be recovered through SDG&E’s commodity rates.  

                                                           
5 As previously noted, this revenue requirement assumes that SDG&E’s Miramar site will be the location 
of the Ramco CT.  If ultimately this does not prove to be the case, SDG&E will up-date its revenue 
requirement request to appropriately reflect the costs relative to the Chula Vista site. 
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In Attachment 5 SDG&E describes in detail how it arrives at the aforementioned monthly 
revenue requirement.  In sum, the Ramco monthly revenue requirement consists of a return on 
the rate base for Ramco (SDG&E is authorized in OP 5 of D.04-06-011 to recover its Ramco 
investment at its authorized return on equity for distribution operations of 10.90%), depreciation, 
taxes, fixed O&M expenses, and franchise fees & uncollectibles (FF&U).  
 
Ramco’s rate base consists of the base purchase price for the facility (as adjusted), Miramar 
site preparation costs, general plant, materials and supplies, working cash, mobilization costs, 
transaction and legal costs, sales and transfer taxes, natural gas and backfeed power for start-
up and testing, and accumulated depreciation and deferred taxes.  The Turnkey Acquisition 
Agreement specifies a base purchase price for the Ramco CT and associated equipment at 
$31,458,0006 that, after adjustment for estimated Ramco accrued interest costs of $642,000, is 
adjusted to $32,100,000.   However, as also specified in the Turnkey Acquisition Agreement, 
this adjusted rate base is subject to further adjustments including, but not limited to, delay 
rebates and performance shortfall rebates, performance bonuses, change orders, the cost of 
spare parts, and a change in the site requiring a change in associated site costs.  SDG&E will 
file an Advice Letter prior to the in-service date of the Ramco CT to true up the base purchase 
price for these adjustments.  
 
As described in Attachment 6, reliability costs of the Ramco CT will be recovered through the 
Reliability Services (RS) rate component that all SDG&E customers pay as part of their 
distribution rate, with the revenues collected being used to offset the cost of the generation 
facility recovered in commodity rates.  With that said, if in the future if the Commission adopts a 
policy for allocating costs of local reliability resources that differs from this approach, unless 
otherwise stated by the Commission SDG&E will allocate Ramco costs pursuant to that 
articulated policy.   
 

4.  The Annual Update Mechanism for SDG&E’s First Year Revenue Requirement 
Pending the Next COS/GRC. 

 
In Attachment 6 SDG&E specifies the regulatory/ratemaking framework for SDG&E’s revenue 
requirement associated with the Ramco CT for which SDG&E requests Commission approval.  
This regulatory/ratemaking framework consists of three phases: an initial phase from the in-
service date through the first full calendar year of operation (expected to be the year 2006), a 
second phase consisting of the additional years of operation until implementation of SDG&E’s 
next GRC/COS decision (anticipated to occur in 2009), and the term of the next GRC/COS.  
The first phase revenue requirement for the Ramco CT would be determined as specified in the 
preceding discussion.  The second phase would allow for annual attrition adjustments to the 
authorized first phase revenue requirement.  As discussed in Attachment 6, the annual attrition 
adjustments would apply to O&M, capital, and financial element costs (such as any changes in 
the cost of capital).  The third phase would begin upon issuance of a decision in a future 
GRC/COS that is subsequent to SDG&E’s present COS proceeding, A.02-12-028.       
 
EFFECTIVE DATE 
 
This Advice Letter, and the authorization requested herein, is filed as required by, and pursuant 
to, Ordering Paragraphs 5 and 8 of D.04-06-011, the Commission’s Opinion Approving the 
                                                           
6 This is calculated by adding $30,608,000 for the plant assets to $1,600,000 for the substation equipment 
installed to support the CT, minus the $750,000 cost savings for siting the CT at SDG&E Miramar site. 
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Motion of SDG&E for Approval to Enter Into New Electric Resource Contracts Resulting from 
SDG&E’s Grid Reliability Request for Proposal.  SDG&E respectfully requests that the 
Commission issue a resolution providing the authorizations requested at the Commission’s 
earliest convenience.  Prompt authorization is appropriate as SDG&E expects to acquire and 
begin operation of the Ramco CT on June 1, 2005, and SDG&E must have assurance that it will 
recover its reasonable costs of ownership and operation well before that date. 
 
PROTEST 
 
Anyone may protest this advice letter to the California Public Utilities Commission.  The protest 
must state the grounds upon which it is based, including such items as financial and service 
impact, and should be submitted expeditiously.   The protest must be made in writing and 
received within 20 days of the date this advice letter was filed with the Commission.  There is no 
restriction on who may file a protest.  The address for mailing or delivering a protest to the 
Commission is: 
 
  Energy Division—IMC Branch 
  California Public Utilities Commission 
  505 Van Ness Avenue, Room 4002 
  San Francisco, CA  94102 
 
Copies should also be sent via e-mail to the attention of both Jerry Royer (jjr@cpuc.ca.gov) and 
Honesto Gatchallian (jnj@cpuc.ca.gov) of the Energy Division.  It is also requested that a copy 
of the protest be sent via electronic mail and facsimile to SDG&E on the same date it is mailed 
or delivered to the Commission (at the addresses shown below). 
 
  Attn: Monica Wiggins 
  Regulatory Tariff Manager  

8330 Century Park Court, Room 32C 
San Diego, CA 92123-1548 

  Facsimile No. (858) 654-1788 
  E-Mail:  mwiggins@semprautilities.com 
   
NOTICE 
 
In accordance with Section III.G of General Order No. 96-A, a redacted copy of this filing has 
been served on the utilities and interested parties shown on the attached list, including parties in 
R.01-10-024, by either providing them a copy electronically or by mailing them a copy hereof, 
properly stamped and addressed.   
 
Address changes should be directed to Christina Sondrini by facsimile at (858) 654-1788 or by 
e-mail to csondrini@semprautilities.com. 
 
 
  __________________________________ 
       J. STEVE RAHON 

     Director - Tariffs & Regulatory Accounts 
(cc list enclosed) 
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November 16, 2012 
 

  



STATE OF CALIFORNIA ARNOLD SCHWARZENEGGER, Governor 

PUBLIC UTILITIES COMMISSION  
505 VAN NESS AVENUE 

SAN FRANCISCO, CA  94102-3298 
     

                                                                                                             
September 25, 2008                                                                          Advice Letter 1711-E 
       
                 
Ken Deremer, Director   
Tariffs and Regulatory Accounts   
San Diego Gas and Electric  
8330 Century Park Court, CP32C 
San Diego, CA  92123-1548  
  
 

         Subject:  Revenue Requirement Update Associated with the RAMCO 
                        Generating Facility 
 

 
Dear Mr. Deremer: 
 
Advice Letter 1711-E is effective November 18, 2005. 
 
 
Sincerely, 

 
Kenneth Lewis, Acting Director 
Energy Division 
 
 
 
 
 
 

JMG
NIPPC/110Monsen/1

JMG
UM 1182



 

 
 

July 26, 2005 
 

ADVICE LETTER 1711-E 
(U 902-E) 
 
PUBLIC UTILITIES COMMISSION OF THE STATE OF CALIFORNIA 
 
SUBJECT: REVENUE REQUIREMENT UPDATE ASSOCIATED WITH THE RAMCO 

GENERATING FACILITY  
 
San Diego Gas and Electric Company (SDG&E) hereby submits for filing revisions to its electric 
tariffs, as shown in Attachment C. 
 
PURPOSE 
 
The purpose of this Advice Letter is to submit for California Public Utilities Commission 
(Commission) approval the updated revenue requirement associated with the purchase of a 
generation facility constructed by Ramco Generating One (Ramco), including modifications to 
SDG&E’s Non-fuel Generation Balancing Account (NGBA) and Energy Resource Recovery 
Account (ERRA).  This Advice Letter is filed in compliance with Resolution E-3896.   
 
BACKGROUND 
 
On June 9, 2004, the Commission issued Decision (D.) 04-06-011, approving five proposals that 
SDG&E presented to meet its short-term and long-term grid reliability needs.  One of the 
proposals was a Term Sheet between SDG&E and Ramco.  In the Term Sheet Ramco offered, 
and SDG&E accepted, a turnkey proposal whereby Ramco would construct pursuant to 
SDG&E’s specifications a 46 MW combustion turbine (CT) and related equipment.  SDG&E filed 
Advice Letter 1621-E on September 8, 2004, submitting a modified Turnkey Acquisition 
Agreement (TAA) between SDG&E and Ramco, along with proposing the regulatory framework 
for recovery of Ramco costs for the generation facility to be built at SDG&E’s Miramar complex.  
Resolution E-3896, adopted January 27, 2005 approved SDG&E’s TAA with Ramco.  The 
Resolution approved SDG&E’s initial revenue requirement from the in-service date through 
2006 for the ownership and operation of the facility, as well as an annual update mechanism 
that will be in place from 2007 until the implementation of SDG&E’s next cost-of-service 
proceeding. In addition, the Resolution: (1) required SDG&E to file an Advice Letter prior to the 
commercial operation date (COD) of Ramco to true-up the base purchase price and other items 
for numerous adjustments affecting the “adjusted rate base”, update the escalation factors used 
in the development of the fixed revenue requirement and variable O&M non-fuel rate, as well as 
to incorporate the currently applicable ROE of 10.37% into the fixed revenue requirement 
calculation, (2) required SDG&E to include in the Advice Letter “  detailed supporting 
documentation showing that the base purchase price adjustments are consistent with the 

 

J. Steve Rahon
Director

Tariffs & Regulatory Accounts
8330 Century Park Court

San Diego, CA 92123-1548

Tel: 858.654.1773
Fax: 858.654.1788

srahon@semprautilities.com
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provisions of the Purchase Agreement approved in this resolution” (p. 8), and (3) rejected 
SDG&E’s proposal to file a second Advice Letter after the Ramco COD for a true-up of all 
appropriate costs, but did state that “ SDG&E should address the need for a post in-service 
date true-up advice letter when it files the pre in-service date true-up advice letter.” (p. 11)   
 
DISCUSSION 
 
This filing represents the pre in-service date true-up advice letter, as described above.  SDG&E 
will acquire title and initiate operation of the Ramco CT for its load requirements on or shortly 
after July 26, 2005.  Consequently, the updated fixed monthly revenue requirement of $505,500, 
as identified in Attachment A to this filing, reflects changes to the following revenue requirement 
inputs summarized below: 
 
A.  Purchase Price 
Advice Letter 1621-E states that the Ramco purchase price will be trued up in this filing to reflect 
adjustments due to various cost items identified in the TAA for Ramco.  As stated in Resolution 
E-3896, the TAA specifies that the Ramco rate base is subject to “ adjustments including, but 
not limited to, delay rebates and performance shortfall rebates, performance bonuses, change 
orders, the cost of spare parts, and a change in the site requiring a change in associated site 
costs.” (Resolution E-3896, p. 7)  Attachment B identifies the various adjustments to the Ramco 
purchase price, which result in a total increase of $897,700. 
 
B.  Escalation Factors 
Attachment 5 of Advice Letter 1621-E states that the escalation factors used in the development 
of the fixed monthly revenue requirement and variable O&M non-fuel rate will be updated in this 
filing (Section VI, p. 10).  The escalation factors are used to convert estimated 2003 expenses 
to 2005 and 2006 dollars.  The escalation factors used were initially based on 2nd Quarter 2003 
Global Insight Forecasts and are being updated to reflect the most current forecasts available, 
which are based on 1st Quarter 2005 Global Insight Forecasts. 
 

 

 

Old New Old New
Fixed O&M Escalator 1.0387 1.0934 1.0590 1.1062
Variable O&M Escalator 1.0503 1.0927 1.0761 1.1143
Capital Escalator 1.0425 1.0828 NA NA

Old - Escalation Factors based on 2nd Quarter 2003 Global Insight Forecasts.
New - Escalation Factors based on 1st Quarter 2005 Global Insight Forecasts.

2005 2006

Update to Escalation Factors

 
 
The updated 2005 and 2006 fixed O&M escalation factors result in a change to the average 
monthly fixed O&M costs included in the fixed monthly revenue requirement from $22,600 to 
$23,800, as identified in Attachment A.  Also, the updated 2005 capital escalation factor results 
in increases to the Material & Supplies and Commissioning & Mobilization cost rate base items, 
as identified in Attachment B.  Finally, the updated 2005 and 2006 variable O&M escalation 
factors identified above result in an average variable O&M non-fuel rate for the 2005-2006 
period of $5.93 per MWh compared to the preliminary $5.76 per MWh rate identified in Advice 
Letter 1621-E. 
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C.  Cost of Capital 
In accordance with Ordering Paragraph 3 of Resolution E-3896, the fixed monthly revenue 
requirement is being updated to reflect SDG&E’s currently authorized cost-of-capital adopted in 
Advice Letter 1630-E/1479-G, including the reduction in return on equity (ROE) from 10.90% to 
10.37%.  The update to the cost-of-capital used to develop the fixed monthly revenue 
requirement is also consistent with D.04-06-011, allowing SDG&E to recover costs through its 
adopted ROE until further modified by the Commission (Conclusion of Law 6), which occurred in 
Advice Letter 1630-E/1479-G, effective January 1, 2005. 

 

Capital Structure Weighting Cost ROR
Debt 45.25% 5.90% 2.67%
Preferred Stock 5.75% 7.45% 0.43%
Common Equity 49.00% 10.37% 5.08%

Total 100.00% 8.18%

SDG&E Authorized Rate of Return (ROR) Calculation 

 
 
 

D.  Start-up and Testing 
Attachment 5 of Advice Letter 1621-E states that the fixed monthly revenue requirement 
includes $350,000 in estimated natural gas and electric backfeed costs minus the value of the 
energy generated during start-up and testing of the plant.  This estimate was based on 
forecasted average costs and energy prices for April, May and June of 2005.  In this filing the 
net start-up and testing costs are being updated to reflect actual natural gas costs and electric 
backfeed costs incurred during start-up and testing minus the value of the energy generated 
based on hourly California Independent System Operator (ISO) imbalance energy prices 
through July 22, 2005.  The updated start-up and testing cost is $64,800 reflecting a $285,200 
decrease, as identified in Attachment B.  
 
E.  In-Service Date Change 
In SDG&E’s original Ramco advice letter filing (1621-E), the fixed monthly revenue requirement 
was based on an assumed plant in-service date of June 1, 2005.  The expected in-service date 
of the plant is now on or shortly after July 26, 2005.  For this reason, the revenue requirement 
calculation has been updated to reflect the new in-service date.       
 
NGBA 
As shown in Attachment C to this filing, language has been added to SDG&E’s NGBA to include 
recovery for approved Ramco non-fuel costs not being recovered by another component of 
SDG&E’s rates.  Pursuant to D.04-06-011, the authorized monthly Ramco revenue requirement 
to be recorded in the NGBA for recovery in Schedule EECC rates is $508,100.  This authorized 
revenue requirement consists of a fixed cost monthly revenue requirement component of 
$505,500 and an estimated variable monthly component of $20,100, less $17,500 in estimated 
monthly 2005 RMR revenues projected to recover Ramco costs.  The variable component, 
which is trued-up in SDG&E’s yearly NGBA filing, currently equals the non-fuel rate of 
$5.93/MWh multiplied by the estimated 2005 Ramco generation output of 16,925 MWh (see 
Exhibit RFP-30C of A.01-10-024) divided by 5 (months of operation in 2005).  Fuel costs are 
recorded in SDG&E’s ERRA. 
 
Final Update  
Ramco certified the facility complete June 21, 2005.  Outstanding disputes between Ramco and 
its subcontractors prevented Ramco from promptly closing.  Resolution of most disputes has 
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now allowed sufficient funds to facilitate closing.  One dispute remains between Ramco and a 
subcontractor that has been taken into account by the holdback of 150% of the disputed 
amount.  Upon resolution, SDG&E shall pay Ramco and/or the subcontractor as appropriate.  
 
Additionally, SDG&E and Ramco have a dispute related to the payment of sales/use tax.  Both 
parties have agreed to resolve this issue by arbitration per the provisions of the contract.  
Ramco believes it is due approximately $1.3 million from SDG&E to pay for use taxes while 
SDG&E believes it owes Ramco $4 thousand as sales tax.  The issue goes to the heart of the 
transaction.  SDG&E contends that the transaction, as represented to Ramco and described in 
the term sheet and contract, was for the sale of assets.  Ramco contends that the transaction 
was that of an Engineering, Procurement, and Construction (EPC) contract where tax is owed 
on all parts making up the facility.  Therefore, upon conclusion of the binding arbitration to 
resolve this dispute, SDG&E requests the opportunity to submit a second update advice letter 
filing to update its revenue requirement to incorporate expenses for litigation of this matter and 
payment to Ramco, if any.   
 
EFFECTIVE DATE 
 
SDG&E respectfully requests that the Commission issue a resolution providing the 
authorizations requested at the Commission’s earliest convenience.   
 
PROTEST 
 
Anyone may protest this advice letter to the California Public Utilities Commission.  The protest 
must state the grounds upon which it is based, including such items as financial and service 
impact, and should be submitted expeditiously.   The protest must be made in writing and 
received within 20 days of the date this advice letter was filed with the Commission.  There is no 
restriction on who may file a protest.  The address for mailing or delivering a protest to the 
Commission is: 
 
  CPUC Energy Division 
  Attention:  Tariff Unit 
  505 Van Ness Avenue 
  San Francisco, CA  94102 
 
Copies should also be sent via e-mail to the attention of both Jerry Royer (jjr@cpuc.ca.gov) and 
Honesto Gatchallian (jnj@cpuc.ca.gov) of the Energy Division.  It is also requested that a copy 
of the protest be sent via electronic mail and facsimile to SDG&E on the same date it is mailed 
or delivered to the Commission (at the addresses shown below). 
 
  Attn: Monica Wiggins 
  Regulatory Tariff Manager  

8330 Century Park Court, Room 32C 
San Diego, CA 92123-1548 

  Facsimile No. (858) 654-1788 
  E-Mail:  mwiggins@semprautilities.com 
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NOTICE 
 
A copy of this filing has been served on the utilities and interested parties shown on the 
attached list, including parties in R.01-10-024, by either providing them a copy electronically or 
by mailing them a copy hereof, properly stamped and addressed.   
 
Address changes should be directed to Christina Sondrini by facsimile at (858) 654-1788 or by 
e-mail to csondrini@semprautilities.com. 
 
 
  __________________________________ 
       J. STEVE RAHON 

     Director - Tariffs & Regulatory Accounts 
(cc list enclosed) 
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Attachment B

Line
No ($000)
1 Total Rate Base filed in Advice Letter 1621-E $34,008.5
2
3 Base Purchase Price Adjustments
4 Change Order 1 & 1A:
5 Reduce Gas Compressor Size ($56.0)
6 Delete 4160V System, Change to 480V ($30.4)
7 Delete Power Control Module ($87.0)
8 Delete Oily Water Separator System and Tank ($95.0)
9 Delete GE UPS Battery ($2.0)
10 Add Redundant Generator Protection $15.6
11 Soil and Subsurface Conditions $111.0
12 Longer Connection for gas/water/sewer $184.9
13 Dual site engineering $100.0
14 Alt site~ FAA legal review & plume analysis & TAA Amendment legal costs $110.7
15 Add emergency spill containment underground tank $14.8
16 Add Control Room to Maintenance Building $45.0
17 GE Late payment interest 50% of $148,287 $74.1
18 10% O/H and Profit on RAMCO Change Orders $64.1 
19
20 Change Order 2: Construction Trailer and Furniture $4.4
21 Change Order 3: Duct bank repair $3.4
22 Change Order 4: Spare parts $58.8
23 Change Order 5: Roadbed Upgrade $30.3 
24 Change Order 6: Cementitious Earth Excavation $81.3
25 Change Order 7 – Comex Box (spare parts storage container) $3.8
26 Subtotal  - Change Order Costs $631.7
27
28 Construction Loan Interest1 ($20.3)
29 Delay Rebates ($20,000 a day from June 16-20) ($50.0)
30 Performance Guarantees: Heat Rate and Capacity Bonuses $330.8 
31 Sales Tax $4.6
32 Total Base Purchase Price Adjustments w/o Transfer Taxes $896.7
33 Transfer Taxes on Purchase Price Adjustments $1.0
34 Total: Base Purchase Price Adjustments w Transfer Taxes and Sales Taxes $897.7
35
36 Other Rate Base Adjustments
37 Start-up and Testing Costs Adjustment2 ($285.2)
38 Working Cash Adjustment3 ($18.6)
39 Material & Supplies Cost Adjustment4 $21.6
40 Commissioning & Mobilization Cost Adjustment5 $10.9
41 Total Other Rate Base Adjustments ($271.3)
42
43 Updated Total Rate Base $34,634.9

Note:
(1) Rate Base filed in Advice Letter 1621-E included an estimate for construction loan interest of $642,000.
      The updated interest costs are $621,700, resulting in a $20,300 interest cost reduction.
(2) Rate Base filed in Advice Letter 1621-E included an estimate for natural gas and backfeed power costs for
      start-up and testing of $350,000.  Based on actual data the updated start-up and testing costs are $64,800, 
      resulting in a $285,200 decrease.
(3) Working Cash decreased by $18,600 from $76,700 to $58,100 due to the combination of updating the 
      2005 and 2006 O&M escalation factors and reflecting the new in-service date.
(4) Material & Supplies increased by $21,600 from $557,700 to $579,300 due to the update of the 2005 capital
      escalation factor.
(5) Mobilization & Commissioning Costs increased by $10,900 from $281,500 to $292,400 due to the update of
      the 2005 capital escalation factor.

SAN DIEGO GAS & ELECTRIC
RAMCO RATE BASE

ADJUSTMENTS TO INITIAL RATE BASE
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November 16, 2012 
 

  



STATE OF CALIFORNIA ARNOLD SCHWARZENEGGER, Governor 

PUBLIC UTILITIES COMMISSION  
505 VAN NESS AVENUE 

SAN FRANCISCO, CA  94102-3298 
     

 
March 22, 2010     
                                                                                                   Advice Letter 2099-E 
Ronald van der Leeden, Director   
Rates, Revenues and Tariffs   
San Diego Gas and Electric  
8330 Century Park Court, CP32C 
San Diego, CA  92123-1548  
  

 
         Subject:  Revenue Requirement Update Associated with the  
                         Miramar Energy Facility II 
 
 

Dear Mr. van der Leeden: 
 
Advice Letter 2099-E is effective January 1, 2010. 
 
 
Sincerely, 

 
Julie A. Fitch, Director 
Energy Division 
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July 30, 2009 
 

ADVICE LETTER 2099-E 
(U 902-E) 
 
PUBLIC UTILITIES COMMISSION OF THE STATE OF CALIFORNIA 
 
SUBJECT: REVENUE REQUIREMENT UPDATE ASSOCIATED WITH THE MIRAMAR 

ENERGY FACILITY II 
 
PURPOSE 
 
The purpose of this Advice Letter is to submit for California Public Utilities Commission 
(Commission) approval the updated revenue requirement associated with the completion of the 
Miramar Energy Facility II (MEF II), including modifications to SDG&E’s Non-fuel Generation 
Balancing Account (NGBA) as shown in Attachment A.  This Advice Letter is filed in compliance 
with Commission Decision (D.) 09-01-008.   
 
BACKGROUND 
 
On January 30, 2009, the Commission issued D.09-01-008, approving SDG&E’s application for 
the MEF II project including an Engineering, Procurement, and Construction contract with 
Wellhead Services, Inc. and a contract with General Electric for the supply of a simple cycle 
gas-fired combustion turbine with a capacity of approximately 46.5 megawatts to provide 
peaking energy and capacity for SDG&E’s service territory.  This facility is complete and in the 
testing phases.  It is owned and operated by SDG&E.  As such, D.09-01-008 authorizes SDG&E 
to recover in rates the cost of constructing and operating MEF II consistent with the approved 
construction-related risk and reward incentive mechanism described in detail below. 
 
The MEF II Application projected the total cost of the facility at $56.5 million.  The Commission 
acknowledged SDG&E’s need for additional generation to service its bundled customers and 
approved MEF II as a reasonable option to meet this need.  An advice letter that provides an 
update of the final construction costs and associated revenue requirements is required to be 
filed with the Commission when MEF II is complete. 
 
DISCUSSION 
 
This filing represents a pre in-service date true-up advice letter.  SDG&E will initiate operation of 
MEF II for its load requirements on or after August 1, 2009.  Consequently, SDG&E has 
updated its current total cost projection for MEF II and the associated revenue requirement, 
provided as Attachment B to this filing.  This revenue requirement reflects changes to the 
following revenue requirement inputs filed in the application as summarized below: 
 
 

Ron van der Leeden 
Rates, Revenues & Tariffs 

8330 Century Park Court 
San Diego, CA 92123-1548 

 
Tel: 213-244-2009 
Fax: 858.654.1788 

RvanderLeeden@semprautilities.com 
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Capital Construction Costs 
 
Total project costs are currently projected to be $53.8 million, or $2.7 million lower than the 
original filing.  SDG&E submits Attachment C as confidential information per Section 583 of the 
Public Utilities Code and/or General Order 66-C.  Attachment C breaks these costs down by the 
major categories of equipment, engineering/procurement/construction, generation 
interconnection, AFUDC, and other SDG&E costs that include items such as labor,  start-up 
fuel, and materials/supplies.  In each of these categories, there remain non-fixed costs as work 
continues to ready the facility for commercial operation starting August 1, 2009.  Even after this 
commercial date, costs will accrue due to yet to be undertaken/completed training, purchases, 
and minor work items.  Minor work items are those tasks needed to reach final completion. 
SDG&E will include information that identifies final cost by category which will describe 
variances from its original application and the reasons therefore in SDG&E’s NGBA update 
advice letter filed in November 2009 for rates effective January 1, 2010.  SDG&E has not 
burdened this filing because there are no notable variances at this point as small cost savings 
were realized across most of the categories.   
 
Construction-Related Risk/Reward Mechanism 
 
D.09-01-008 approved SDG&E’s proposed construction risk/reward mechanism in which: (1) 
shareholders take no construction risk (and have no reward opportunities) for construction costs 
within 5% of the $56.5 million project cost estimate (the “deadband”), (2) shareholders take 10% 
of the construction risk/reward for the band that is 5% over (or under) to 15% over (or under) the 
estimated project cost, and (3) cost overruns in excess of 15% of the estimated project cost are 
subject to recovery through a regulatory review process (and shareholders have no reward 
opportunities for savings resulting from actual costs being greater than 15% below the 
estimated project cost). 
 
As stated previously, currently, the total estimated costs for constructing MEF II is $53.8 million 
(4.8% below the approved projection of $56.5 million) which falls within the deadband in the 
approved mechanism above. 
 
SDG&E intends to update the results of this mechanism with its final cost and revenue 
requirement update submitted in the NGBA update advice letter in November 2009 for rates 
effective January 1, 2010.  
 
Regulatory Accounts 
 
Language has been added to SDG&E’s NGBA to include recovery for MEF II non-fuel costs not 
being recovered by another component of SDG&E’s rates.  Pursuant to D.09-01-008, the 
authorized MEF II non-fuel related revenue requirement is to be recorded in the NGBA and 
collected through rates from its bundled customers1.  Fuel costs are recorded in SDG&E’s 
ERRA.  The ERRA currently includes wording that addresses the recording of fuel and fuel-
related expenses of electric generation and therefore does not need to be updated as part of 
this advice filing. 
 
 
                     
1 D.09-01-008 OP 2. 
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Rate Making Treatment 
 
Upon the initiation of operations at MEF II, SDG&E will record the monthly revenue requirement 
filed herein to the NGBA for recovery from bundled service customers.  However, SDG&E does 
not intend to adjust its retail electric rates for this additional revenue requirement at this time.  
Once all of the final costs are accumulated, SDG&E will update this cost projection and 
associated revenue requirement in the NGBA update advice letter filed in November, for rates 
effective January 1, 2010.  At that time, commodity rates contained in SDG&E’s schedule 
Electric Energy Commodity Cost (EECC) will be adjusted to reflect recovery of these commodity 
costs, along with other approved NGBA related changes. 
 
EFFECTIVE DATE 
 
SDG&E believes that this filing is subject to Energy Division disposition and should be classified 
as Tier 3 (effective after Commission approval) pursuant to GO 96-B.  SDG&E respectfully 
requests that the Commission issue a resolution providing the authorizations requested at the 
Commission’s earliest convenience.   
 
PROTEST 
 
Anyone may protest this Advice Letter to the California Public Utilities Commission.  The protest 
must state the grounds upon which it is based, including such items as financial and service 
impact, and should be submitted expeditiously.  The protest must be made in writing and must 
be received within 20 days of the date this Advice Letter was filed with the Commission.  There 
is no restriction on who may file a protest.  The address for mailing or delivering a protest to the 
Commission is: 
 
 CPUC Energy Division 
 Attention: Tariff Unit 
 505 Van Ness Avenue 
 San Francisco, CA 94102 
 
Copies of the protest should also be sent via e-mail to the attention of both Honesto Gatchalian 
(jnj@cpuc.ca.gov) and Maria Salinas (mas@cpuc.ca.gov) of the Energy Division.  A copy of the 
protest should also be sent via both e-mail and facsimile to the address shown below on the 
same date it is mailed or delivered to the Commission. 
 
  Attn: Megan Caulson 
  Regulatory Tariff Manager  

8330 Century Park Court, Room 32C 
San Diego, CA 92123-1548 

  Facsimile No. (858) 654-1788 
  E-Mail:  mcaulson@semprautilities.com 
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NOTICE 
 
A copy of this filing has been served on the utilities and interested parties shown on the 
attached list, including parties in A.08-06-017, by either providing them a copy electronically or 
by mailing them a copy hereof, properly stamped and addressed.   
 
Address changes should be directed to SDG&E Tariffs by facsimile at (858) 654-1788 or by e-
mail at SDG&ETariffs@semprautilities.com. 
 
 
 
 
  __________________________________ 
       RON VAN DER LEEDEN 

     Director - Tariffs & Regulatory Accounts 
(cc list enclosed) 
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November 16, 2012 
 

  



STATE OF CALIFORNIA ARNOLD SCHWARZENEGGER, Governor 

PUBLIC UTILITIES COMMISSION  
505 VAN NESS AVENUE 

SAN FRANCISCO, CA  94102-3298 
     

 
December 17, 2009                                                            Advice Letter 2126-E 
 
Ronald van der Leeden, Director   
Rates, Revenues and Tariffs   
San Diego Gas and Electric  
8330 Century Park Court, CP32C 
San Diego, CA  92123-1548  
  

 
         Subject:  Annual Non-Fuel Generation Balancing Account Update 
 
 

Dear Mr. van der Leeden: 
 
Advice Letter 2126-E is effective December 16, 2009. 
 
 
Sincerely, 

 
Julie A. Fitch, Director 
Energy Division 
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ADVICE LETTER 2126-E 
(U 902-M) 
 
PUBLIC UTILITIES COMMISSION OF THE STATE OF CALIFORNIA 
 
SUBJECT:  ANNUAL NON-FUEL GENERATION BALANCING ACCOUNT UPDATE  
 
PURPOSE 
 
The purpose of this Advice Letter is to request California Public Utilities Commission 
(Commission) approval of SDG&E’s 2010 Non-Fuel Generation Balancing Account (NGBA) 
revenue requirement, reflecting updates to the San Onofre Nuclear Generating Station 
(SONGS) and SDG&E’s Generation Plants (Miramar Combustion Turbine (CT) facility, Miramar 
Energy Facility II (MEF II) and Palomar Energy Center).  Additionally, this advice letter updates 
SDG&E’s NGBA tariff for SONGS refueling revenue requirements in accordance with Southern 
California Edison’s AL 2336-E approved by the Commission on June 26, 2009. 
 
DISCUSSION 
 
The NGBA applies to SDG&E’s bundled service customers and provides recovery of approved 
electric generation non-fuel costs not being recovered by another component of SDG&E’s 
electric commodity rates. Currently, SDG&E has ownership interest in SONGS, the Miramar CT 
facility, MEF II and the Palomar Energy Center facility, of which the non-fuel revenue 
requirement for each is reflected in the NGBA.  The generation non-fuel revenue requirement 
adjustments presented in this advice letter have received prior Commission authorization, and 
are consolidated to produce an NGBA revenue requirement effective January 1, 2010.1   
 
As part of this advice letter, SDG&E proposes to adjust electric commodity rates to reflect the 
updated NGBA revenue requirement effective January 1, 2010.  The NGBA change will be 
included in the advice letter consolidating all Commission-authorized changes in SDG&E’s  
revenue requirements, and related changes to its rates, filed at least three days prior to the 
January 1, 2010 effective date of such rates.  A summary of the NGBA revenue requirement for 
2010 and a summary of present and proposed rates are both included herein as Attachments B, 
C, D and E (confidential) respectively. 
 
The following adjustments to SDG&E’s NGBA, resulting in a $36.4 million increase to the 2010 
NGBA revenue requirement, are therefore effective January 1, 2010: 
 

                     
1 D. 06-11-026 in SONGS Steam Generator Replacement Proceeding A.06-04-018, D.08-07-046 in SDG&E’s 2008 General Rate 
Case Proceeding A.06-12-009 and D.09-03-025 in Southern California Edison’s 2009 General Rate Case Preceding A.07-11-011. 

Ron van der Leeden 
Rates, Revenues & Tariffs 

8330 Century Park Court 
San Diego, CA 92123-1548 

 
Tel: 213-244-2009 
Fax: 858.654.1788 

RvanderLeeden@semprautilities.com 
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SAN ONOFRE NUCLEAR GENERATING STATION (SONGS) 
 
The 2010 SONGS revenue requirement includes $96.3 million for operations & maintenance 
(O&M) costs, $23.2 million for capital-related costs and $13.8 million for refueling outage 
amounts as approved in the Southern California Edison’s AL 2336-E2.  The amounts include a 
4.25% post-test year ratemaking increase from the 2009 revenue requirement.  Furthermore, 
the 2010 SONGS revenue requirement includes $1.3 million representing SDG&E’s ownership 
share of the removal and disposal costs of the original steam generators related to the Steam 
Generator Replacement Program (SGRP) as approved in Decision (D.) 06-11-026.  As such, 
the total 2010 SONGS non-fuel revenue requirement is $134.6 million.  
 
MIRAMAR CT & PALOMAR 
 
The 2010 Miramar CT and Palomar revenue requirement is $117.4 million, a $3.9 million 
increase over the 2009 revenue requirement due to attrition in the SDG&E generation revenue 
requirement as approved in SDG&E most recent GRC, D.08-07-046. 
 
MIRAMAR ENERGY FACILITY II (MEF II) 
 
Background 
 
On January 30, 2009, the Commission issued D.09-01-008, approving SDG&E’s application for 
the MEF II project including an Engineering, Procurement, and Construction contract with 
Wellhead Services, Inc. and a contract with General Electric for the supply of a simple cycle 
gas-fired combustion turbine with a capacity of approximately 46.5 megawatts to provide 
peaking energy and capacity for SDG&E’s service territory.  This facility is complete and 
operational.  It is owned and operated by SDG&E.  As such, D.09-01-008 authorizes SDG&E to 
recover in rates the cost of constructing and operating MEF II consistent with the approved 
construction-related risk and reward incentive mechanism described in detail below. 
 
The MEF II Application projected the total cost of the facility at $56.5 million.  The Commission 
acknowledged SDG&E’s need for additional generation to service its bundled customers and 
approved MEF II as a reasonable option to meet this need.  This advice letter provides an 
update of the final construction costs and associated revenue requirements as required to be 
filed with the Commission when MEF II is complete. 
 
Discussion 
 
The MEF II was ready for commercial operation August 1, 2009, but not recognized by the 
CAISO until August 8, 2009 as they awaited confirmation of air quality test results.  In Advice 
Letter 2099-E, in compliance with Commission D.09-01-008, SDG&E requested approval for the 
updated 2009 revenue requirement associated with MEF II’s completion based on its most 
current total cost projection.  SDG&E did not adjust its retail electric rates at that time but 
requested that once all of the final costs were accumulated, SDG&E would update its cost 
projection and associated revenue requirement in the NGBA update advice letter for inclusion in 
rates January 1, 2010.  MEF II’s final cost is $51.8 million and requires a 2010 revenue 

                     
2 Southern California Edison Application 07-11-011 / Decision 09-03-025. 
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requirement of $8.9 million3 (excluding Franchise Fees & Uncollectibles).  Attachments D and E 
provides details of the 2010-2013 revenue requirements and MEF II total costs along with 
explanations for variances between the original filed and final plant costs.  This revenue 
requirement reflects changes to the following revenue requirement inputs filed in the application 
as summarized further below.   
 
Capital Construction Costs 
 
Total project costs are $51.8 million, or $4.7 million lower than the original filing.  SDG&E 
submits Attachment E as confidential information per Section 583 of the Public Utilities Code 
and/or General Order 66-C.  Attachment E breaks these costs down by the major categories of 
equipment, engineering/procurement/construction, generation interconnection, AFUDC, and 
other SDG&E costs that include items such as labor, start-up fuel, Owner’s engineer, and 
materials/supplies.  A comparison is provided between costs filed in the original Application and 
final cost along with a variance explanation.  
 
Construction-Related Risk/Reward Mechanism 
 
D.09-01-008 approved SDG&E’s proposed construction risk/reward mechanism in which: (1) 
shareholders take no construction risk (and have no reward opportunities) for construction costs 
within 5% of the $56.5 million project cost estimate (the “deadband”), (2) shareholders take 10% 
of the construction risk/reward for the band that is 5% over (or under) to 15% over (or under) the 
estimated project cost, and (3) cost overruns in excess of 15% of the estimated project cost are 
subject to recovery through a regulatory review process (and shareholders have no reward 
opportunities for savings resulting from actual costs being greater than 15% below the 
estimated project cost). 
 
The total cost for constructing MEF II is $51.8 million (8.3% below the approved projection of 
$56.5 million) which falls within the benefit sharing portion of the approved mechanism.  As 
enumerated in Attachment E, SDG&E customers saved $4.5 million and SDG&E shareholders 
are eligible for a $184,699 reward. 
 
AMORTIZATION OF DECEMBER 31, 2009 BALANCES 
 
The projected NGBA balance as of December 31, 2009 is a $17.3 million undercollection and 
will be amortized over the next 12 months beginning January 1, 2010.  The projected amount 
includes the balance of the SONGS O&M Balancing Account (SONGSBA), which is transferred 
annually to the NGBA.   
 
This filing will not create any deviations from SDG&E’s tariffs, cause withdrawal of service from 
any present customers, or impose any more restrictive conditions. 
 

                     
3 Revenue Requirement including Franchise Fees & Uncollectibles (FF&U) is $9.2 million ($8.9 million plus $.322 million of FF&U). 
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PROTEST 
 
Anyone may protest this Advice Letter to the California Public Utilities Commission.  The protest 
must state the grounds upon which it is based, including such items as financial and service 
impact, and should be submitted expeditiously.  The protest must be made in writing and must 
be received within 20 days of the date this Advice Letter was filed with the Commission.  There 
is no restriction on who may file a protest.  The address for mailing or delivering a protest to the  
Commission is: 
 

CPUC Energy Division 
 Attention: Tariff Unit 
 505 Van Ness Avenue 
 San Francisco, CA 94102 
 
Copies of the protest should also be sent via e-mail to the attention of both Honesto Gatchalian 
(jnj@cpuc.ca.gov) and Maria Salinas (mas@cpuc.ca.gov) of the Energy Division.  A copy of the 
protest should also be sent via both e-mail and facsimile to the address shown below on the 
same date it is mailed or delivered to the Commission. 
  

Attn:  Megan Caulson 
 Regulatory Tariff Manager 
 8330 Century Park Court, Room 32C 
 San Diego, CA 92123-1548 
 Facsimile No. (858) 654-1748 
 E-mail: mcaulson@semprautilities.com  
 
EFFECTIVE DATE 
 
SDG&E believes this filing is subject to Energy Division disposition and should be classified as 
Tier 2 (effective after staff approval) pursuant to GO 96-B.  SDG&E respectfully requests that 
this filing be approved effective December 16, 2009, 30 days from the date filed.   
 
NOTICE 
 
A copy of this filing has been served on the utilities and interested parties shown on the 
attached list by either providing them a copy electronically or by mailing them a copy hereof, 
properly stamped and addressed.   
 
Address changes should be directed to SDG&E Tariffs by facsimile at (858) 654-1748 or by 
e-mail at SDG&ETariffs@semprautilities.com. 
 
 
 
 
 

 _______________________________ 
 RON VAN DER LEEDEN 

 Director – Rates, Revenues & Tariffs 
(cc list enclosed) 
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January 20, 2012 

 
 
Via Electronic Mail 
 
MARY WIENCKE 
NATALIE HOCKEN 
PACIFICORP 
825 NE MULTNOMAH ST, STE 1800 
PORTLAND OR 97232-2149 
mary.wiencke@pacificorp.com  
natalie.hocken@pacificorp.com  
oregondockets@pacificorp.com  
 

 
Re: UM 1182 – Northwest and Intermountain Power Producers Coalition’s Revised 
 Second Set of  Data Requests to PacifiCorp 
 
 
Please see the data request set forth below with regard to the above-referenced docket.  Please 
provide responses electronically only, and in the original electronic format, if possible.  Please 
use the definitions set forth in NIPPC’s Data Request sent December 5, 2011.  Please also 
assume that these are ongoing requests, and include requests for information that becomes 
available during these proceedings.   
 
Please provide responses to the following persons: 
 
Gregory M. Adams  
Richardson & O’Leary PLLC 
515 N. 27th Street 
P.O. Box 7218 
Boise, Idaho 83702 
Telephone: (208) 938-2236  
Fax: (208) 938-7904  
greg@richardsonandoleary.com  
     

 
William A. Monsen 
MRW & Associates, LLC 
1814 Franklin Street, Suite 720 
Oakland, CA  94612 
Telephone: (510) 834-1999  
Fax: (510) 834-0918  
wam@mrwassoc.com  
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DATA REQUESTS 

 

2.1       Please provide the following documents for the plants owned by your utility listed 

in Attachment 1 which were placed in service in and after 2006: 

 
a. Please provide the initial application or document containing cost projections for 
such plant (not necessarily including work papers) submitted to OPUC or other regulators 
announcing that your utility is going to construct or acquire a generating plant. Such a 
document may include, but is not limited to, a Certificate of Public Convenience and 
Necessity filing, an RFP benchmark bid, or an RFP waiver application.  
 
b. The Commission order allowing the plant to be entered into rate base. 

 

2.2       Please provide electronic copies of all FERC Form 1s that your utility filed from 

 1990 to the present. 
 
 

 
Thank you for your prompt attention to this request. 
 

Sincerely, 

/s/ Gregory M. Adams  
 
Gregory M. Adams 
RICHARDSON AND O’LEARY PLLC 
Attorney for the  
Northwest and Intermountain Power Producers Coalition 
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ATTACHMENT I 
 

LIST OF GENERATING PLANTS 
 
 

PacifiCorp-owned Natural Gas Plants  
Chehalis 
Currant Creek 
Gadsby 1-6 
Hermiston 1 and 2 
Lake Side 
Little Mountain 
James River Cogen  
 
PacifiCorp-owned Wind Resources  
Foote Creek I  
Leaning Juniper 
Goodnoe Hills East Wind 
Marengo 
Glenrock Wind I and III 
Marengo II  
Rolling Hills Wind  
Seven Mile Hill Wind I and II 
High Plains  
McFadden Ridge 1  
Dunlap 1 
 
PGE-owned Natural Gas Plants 
Port Westward 
Beaver 
Coyote Springs 
 
PGE-owned Wind Plant  
Biglow Canyon 
 
Idaho Power-owned Natural Gas Plants 
Bennett Mountain 
Danskin 
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January 20, 2012 

 
 
Via Electronic Mail 
 
Patrick Hager 
Denise Saunders 
PORTLAND GENERAL ELECTRIC 
121 SW SALMON ST - 1WTC0702 
PORTLAND OR 97204 
pge.opuc.filings@pgn.com   
 
Re: UM 1182 – Northwest and Intermountain Power Producers Coalition’s Revised 
 First Set of Data Requests to Portland General Electric Company 
 
 
Please see the data request set forth below with regard to the above-referenced docket.  Please 
provide responses electronically only, and in the original electronic format, if possible.  Please 
use the definitions set forth in NIPPC’s First Data Request sent December 5, 2011.  Please also 
assume that these are ongoing requests, and include requests for information that becomes 
available during these proceedings.   
 
Please provide responses to the following persons: 
 
Gregory M. Adams  
Richardson & O’Leary PLLC 
515 N. 27th Street 
P.O. Box 7218 
Boise, Idaho 83702 
Telephone: (208) 938-2236  
Fax: (208) 938-7904  
greg@richardsonandoleary.com  
     

 
William A. Monsen 
MRW & Associates, LLC 
1814 Franklin Street, Suite 720 
Oakland, CA  94612 
Telephone: (510) 834-1999  
Fax: (510) 834-0918  
wam@mrwassoc.com  
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DATA REQUESTS 

 

1.1       Please provide the following documents for the plants owned by your utility listed 

in Attachment 1 which were placed in service in and after 2006: 

 
a. Please provide the initial application or document containing cost projections for 
such plant (not necessarily including work papers) submitted to OPUC or other regulators 
announcing that your utility is going to construct or acquire a generating plant. Such a 
document may include, but is not limited to, a Certificate of Public Convenience and 
Necessity filing, an RFP benchmark bid, or an RFP waiver application.  
 
b. The Commission order allowing the plant to be entered into rate base. 

 

1.2       Please provide electronic copies of all FERC Form 1s that your utility filed from 

 1990 to the present. 
 
 

 
Thank you for your prompt attention to this request. 
 

Sincerely, 

/s/ Gregory M. Adams  
 
Gregory M. Adams 
RICHARDSON AND O’LEARY PLLC 
Attorney for the  
Northwest and Intermountain Power Producers Coalition 
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ATTACHMENT I 
 

LIST OF GENERATING PLANTS 
 
 

PacifiCorp-owned Natural Gas Plants  
Chehalis 
Currant Creek 
Gadsby 1-6 
Hermiston 1 and 2 
Lake Side 
Little Mountain 
James River Cogen  
 
PacifiCorp-owned Wind Resources  
Foote Creek I  
Leaning Juniper 
Goodnoe Hills East Wind 
Marengo 
Glenrock Wind I and III 
Marengo II  
Rolling Hills Wind  
Seven Mile Hill Wind I and II 
High Plains  
McFadden Ridge 1  
Dunlap 1 
 
PGE-owned Natural Gas Plants 
Port Westward 
Beaver 
Coyote Springs 
 
PGE-owned Wind Plant  
Biglow Canyon 
 
Idaho Power-owned Natural Gas Plants 
Bennett Mountain 
Danskin 
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January 20, 2012 

 
 
Via Electronic Mail 
 
Lisa Rackner 
MCDOWELL RACKNER & GIBSON PC 
419 SW 11TH AVE., SUITE 400 
PORTLAND OR 97205 
lisa@mcd-law.com  
 
Lisa Nordstrom 
Christa Bearry  
Idaho Power Company 
PO BOX 70 
BOISE ID 83707-0070 
lnordstrom@idahopower.com  
cbearry@idahopower.com 
 
Re: UM 1182 – Northwest and Intermountain Power Producers Coalition’s Revised 
 First Set of Data Requests to Idaho Power Company 
 
 
Please see the data request set forth below with regard to the above-referenced docket.  Please 
provide responses electronically only, and in the original electronic format, if possible.  Please 
use the definitions set forth in NIPPC’s Data Request sent December 5, 2011.  Please also 
assume that these are ongoing requests, and include requests for information that becomes 
available during these proceedings.   
 
Please provide responses to the following persons: 
 
Gregory M. Adams  
Richardson & O’Leary PLLC 
515 N. 27th Street 
P.O. Box 7218 
Boise, Idaho 83702 
Telephone: (208) 938-2236  
Fax: (208) 938-7904  
greg@richardsonandoleary.com  

      
William A. Monsen 
MRW & Associates, LLC 
1814 Franklin Street, Suite 720 
Oakland, CA  94612 
Telephone: (510) 834-1999  
Fax: (510) 834-0918  
wam@mrwassoc.com
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DATA REQUESTS 

 

1.1       Please provide the following documents for the plants owned by your utility listed 

in Attachment 1 which were placed in service in and after 2006: 

 
a. Please provide the initial application or document containing cost projections for 
such plant (not necessarily including work papers) submitted to OPUC or other regulators 
announcing that your utility is going to construct or acquire a generating plant. Such a 
document may include, but is not limited to, a Certificate of Public Convenience and 
Necessity filing, an RFP benchmark bid, or an RFP waiver application.  
 
b. The Commission order allowing the plant to be entered into rate base. 

 

1.2       Please provide electronic copies of all FERC Form 1s that your utility filed from 

 1990 to the present. 
 
 

 
Thank you for your prompt attention to this request. 
 

Sincerely, 

/s/ Gregory M. Adams  
 
Gregory M. Adams 
RICHARDSON AND O’LEARY PLLC 
Attorney for the  
Northwest and Intermountain Power Producers Coalition 
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ATTACHMENT I 
 

LIST OF GENERATING PLANTS 
 
 

PacifiCorp-owned Natural Gas Plants  
Chehalis 
Currant Creek 
Gadsby 1-6 
Hermiston 1 and 2 
Lake Side 
Little Mountain 
James River Cogen  
 
PacifiCorp-owned Wind Resources  
Foote Creek I  
Leaning Juniper 
Goodnoe Hills East Wind 
Marengo 
Glenrock Wind I and III 
Marengo II  
Rolling Hills Wind  
Seven Mile Hill Wind I and II 
High Plains  
McFadden Ridge 1  
Dunlap 1 
 
PGE-owned Natural Gas Plants 
Port Westward 
Beaver 
Coyote Springs 
 
PGE-owned Wind Plant  
Biglow Canyon 
 
Idaho Power-owned Natural Gas Plants 
Bennett Mountain 
Danskin 
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Direct Testimony of Mark R. Tallman                                         

Q. Please state your name, business address and present position with 1

PacifiCorp, dba Pacific Power & Light Company (the Company). 2

A. My name is Mark R. Tallman.  My business address is 825 NE Multnomah, Suite 3

2000, Portland, Oregon 97232.  My present position is Vice President of 4

Renewable Resource Acquisition.5

Qualifications 6

Q. Briefly describe your education and business experience. 7

A. I have a Bachelor of Science Degree in Electrical Engineering from Oregon State 8

University and a Masters of Business Administration from City University.  I am 9

also a Registered Professional Engineer in the states of Oregon and Washington.  10

I have been the Vice President of Renewable Resource Acquisition since 11

December 2007.  Prior to that, I was Managing Director of Renewable Resource 12

Acquisition from April 2006 to December 2007.  I have worked at the Company 13

for more than 22 years in a variety of positions of increasing responsibility, 14

including the commercial and trading organization;  the Company’s engineering 15

organization; the retail distribution organization; and five years as a District 16

Manager.17

Purpose of Testimony 18

Q. What is the purpose of your testimony?19

A. The purpose of my testimony is to demonstrate the prudence of multiple 20

renewable resources that the Company is seeking cost recovery for in this 21

proceeding. These renewable resources are the:  Leaning Juniper 1; Marengo; 22

Goodnoe Hills; Marengo II; Seven Mile Hill; Glenrock; and Rolling Hills wind 23
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Direct Testimony of Mark R. Tallman                                         

cost associated with the Marengo resource that is associated with this application 1

is $4.9 million on a total company basis. This is due to the wind turbine-generator 2

maintenance agreement, permitting obligations, local levy tax and land and 3

easement payments.  4

The Marengo plant was placed in service August 4, 2007.  Mr. Dalley’s 5

testimony describes the revenue requirement calculations associated with the 6

inclusion of this resource. 7

Q. What was the result of the PVRR(d) method of analysis that was presented to 8

Company executives with respect to the Marengo resource?  9

A. The response to this question is included in confidential Exhibit PPL/202.10

Goodnoe Hills11

Q. Please describe the size and location of the Goodnoe Hills resource.12

A. The Goodnoe Hills resource is a wind resource located near Goldendale, 13

Washington. Exhibit PPL/201 shows a map of the plant location. PacifiCorp owns 14

the assets, all output and 94 MW of interconnection rights with the BPA. Ongoing 15

operations, warranty, and general maintenance services will be performed by the 16

wind turbine supplier (REpower System AG) for the first two years and then by 17

enXco Service Corporation for the following eight years. The Goodnoe Hills wind 18

project consists of a 94 MW wind energy generation facility utilizing forty-seven 19

REpower System AG 2.0 MW (model MM92) sixty hertz wind turbine 20

generators. The turbines have a 92.5 meter rotor diameter and eighty meter 21

tubular towers. The project includes above-ground and underground electric 22

cable; fiber optic communication cable, turbine access roads; permanent 23
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Direct Testimony of Mark R. Tallman                                         

meteorological towers; a supervisory control and data acquisition system; a 1

collector substation and one operation and maintenance building. 2

Q. How is energy generated by Goodnoe Hills delivered to PacifiCorp’s system? 3

A. The energy generated by the project will be delivered to a 34.5/230 kilovolt 4

substation which connects to the Rock Creek substation built by BPA. The energy 5

is then delivered to BPA’s transmission system for transmission across BPA’s 6

system for delivery into the Company’s system.  7

Q. Please describe the benefits of this resource to Oregon customers. 8

A. The Goodnoe Hills resource benefits Oregon customers in several ways.  It is a 9

cost-effective addition to the Company’s portfolio that is consistent with the 10

preferred portfolios resulting from PacifiCorp’s last three IRP cycles.  Goodnoe 11

Hills will also provide the Company and its customers with a long-term resource 12

to comply with requirements of Oregon’s RPS.  In addition, the Goodnoe Hills 13

resource provides our customers with a zero incremental cost fuel source (thus 14

reducing commodity risk exposure), a multi-shafted generation resource (thus 15

diversifying the impact of individual generator failures), and further valuable 16

ownership and operational experience with utility scale wind projects.  The 17

Goodnoe Hills project utilizes REpower wind turbines, thus giving PacifiCorp 18

valuable experience with this particular manufacturer who is establishing a sales 19

and maintenance operation in Oregon. The combination of the turbine supplier 20

and operational expertise held by the project developer enabled the Company to 21

negotiate a long-term operation and maintenance agreement for the entire project. 22

This benefited customers as it is an economical way to operate a project that is 23
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Direct Testimony of Mark R. Tallman                                         

located outside of PacifiCorp’s historical service territory. Further, as a result of 1

long-term planning and the reasonable expectation that additional state and/or 2

federal renewable portfolio standards will be established, PacifiCorp is expecting 3

to have a robust need for renewable resources in the coming years. PacifiCorp 4

currently has a number of power purchase agreements and service agreements for 5

wind projects in its portfolio and it is important that the Company diversify to 6

include owned renewable resources. Goodnoe Hills will provide the Company 7

with further experience in owning wind resources and enable the evolution of 8

those activities in other locations.9

Q. How did the Company make the decision to move forward with the Goodnoe 10

Hills project? 11

A. Company executives were provided with a detailed overview of the project; the 12

contract support and counterparty guarantees for executing upon the project; the 13

risks associated with the project; the need for the project as established by the 14

IRP; the financial assessment of the project; and the justification of the project. 15

Upon review of this information, the Company determined that it would proceed 16

with acquisition of the project. 17

Q. What investment related to the Goodnoe Hills project is included in the 18

revenue requirement?  19

A. The Company has forecasted $196.6 million, total company, for the Goodnoe 20

Hills project.  The O&M cost associated with the Goodnoe Hills resource is 21

forecasted at $3.2 million total company.  This is due to the wind turbine-22

generator maintenance agreement, permitting obligations, local levy tax and land 23
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 PPL/200 
Tallman/20 

Direct Testimony of Mark R. Tallman                                         

and easement payments.  1

The Goodnoe Hills project is expected to be operational by June 2008. Mr. 2

Dalley’s testimony describes the revenue requirement calculations associated with 3

the inclusion of this resource. 4

Q. What was the result of the PRVV(d) method of analysis that was presented to 5

Company executives with respect to the Goodnoe Hills resource?  6

A. The response to this question is included in confidential Exhibit PPL/202.7

Marengo II 8

Q. Please describe the size and location of the Marengo II resource.  9

A. The Marengo II project is a 70.2 MW wind energy generation facility, consisting 10

of 39 Vestas 1.8 MW wind turbine generators located near the Marengo wind 11

project outside of Dayton, Washington. Exhibit PPL/201 shows a map of the plant 12

location. PacifiCorp owns the assets, all output and all interconnection rights. The 13

Vestas turbines located at the Marengo II site have 67 meter tubular towers and an 14

80 meter rotor diameter. The project includes above-ground and underground 15

electric cable; fiber optic communication cable; turbine access roads; a permanent 16

meteorological tower; one collector substation; a transmission line extension; and 17

one supervisory control and data acquisition system. Ongoing operations, 18

warranty and general maintenance services will initially be performed by Vestas 19

American Wind Technology, Inc. for a period of four years.  20

Q. How will energy generated by Marengo II be delivered? 21

A. The electrical energy generated by the Marengo II wind project will be delivered 22

to the project substation and stepped up from 34.5kV to 230kV and delivered into 23
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1 C). Please state your name, business address and present position with

2 PacifiCorp (the Company).

3 A. My name is Mark R. Tailman, my business address is 825 N.E. Multnomah, Suite

4 600, Portland, Oregon 97232, and my present position is Managing Director of

5 Tnding & Origination for the Commercial & Trading Department. My position is

6 part of PacifiCorp’s regulated merchant function.

7 C). How long have you been the Managing Director of Trading & Origination at

8 PacifiCorp?

9 A. I have been the Managing Director of Trading & Origination since September 12,

10 2003. Prior to that date, I worked in the Origination Department, first as an

11 Originator (beginning March 1995), then as the Manager of Origination

12 (beginning January 1999), and finally as the Director of Origination (beginning

13 September 2000).

14 C). What did you do before working in the wholesale side of PacifiCorp’s

15 business?

16 A. I served in a variety of different roles in PacifiCorp’s engineering organization

17 and retail distribution organization, including five years as a District Manager. I

18 have worked at PacifiCorp for more than 18 years.

19 C). Please describe your educational history.

20 A. I have a Bachelor of Science degree in Electrical Engineering from Oregon State

21 University and a Masters of Business Administration from City University. I am

22 also a Registered Professional Engineer in the states of Oregon and Washington.
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1 C). Have you previously appeared in any proceedings before the Utah Public

2 Utility Commission?

3 A. Yes. I testified in Docket No. 03-035-29 (the certificate proceeding for the

4 Currant Creek project) and Docket No. 03-035-14 (the large QF generic avoided

5 cost proceeding) and filed testimony in Docket No. 03-2035-02 (the recent general

6 rate case).

7 Summary ofTestimony

8 C). What is the purpose ofyour testimony?

9 A. PacifiCorp issued a Request for Proposal (RFP 2003A) on June 6, 2003. RFP

10 2003A solicited offers for 995 megawatts (MW) of supply-side resources in three

ii bid categories (“SuperPeak”, “Peaker”, and “Baseload”). The purpose of my

12 testimony is to describe how the two finalist bids received in the “Baseload” bid

13 category compared against one another and the benchmark resource (expansion of

14 the Currant Creek Project).

15 C). How is the “Baseload” bid category referred to in your testimony?

16 A. I refer to the “Baseload” bid category as the “2007” category. This is because one

17 of the criteria for submitting a bid(s) in this category was the requirement to have

18 a resource available by the summerof 2007.

19 C). Would you please summarize your testimony in this proceeding?

20 A. I provide an overview of the RFP 2003A process, the bids received for the 2007

21 bid category, and the role of Navigant Consulting Inc. (Navigant). I describe the

22 resource that was selected and compare it with the other fmalist and the

23 benchmark resource. 1 also describe an alternative resource that was not selected.
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I Finally, I describe the analysis performed by the Company in choosing the Lake

2 Side Power Project to fulfill the solicited needs for the 2007 resource category.

3 Need for ItFP 2003A

4 Q. What determined the need to issue RFP 2003A?

5 A. On January 24, 2003, PacifiCorp formally published its most recent version of its

6 Integrated Resource Plan (IRP). As described in the testimony of Ms. Melissa

7 Seymour, the IRP set forth an action plan consisting of twenty-eight

8 recommended actions to implement the plan. Action item number 2 called for

9 additional supply-side resources to be added to PacifiCorp’s East portion of the

10 system in fiscal year 2008 (April 2007 — March 2008).

11 C). What do you mean by the “East” portion ofPacifiCorp’s system?”

12 A. The East portion of PacifiCorp’s system includes all of the Company’s operations

13 in Utah, Wyoming, and Idaho.

14 Q. What did action item number 2 consist of?

15 A. IRP action item number 2 consisted of “approximately 570 MW of base load

16 resource in the East of the system by April 2007.” Based on action item number 2,

17 the Company established the 2007 bid category in RIP 2003A.

18 C). Why is it important that the 2007 bid category resource not be delayed

19 beyond the summer of 2007?

20 A. As Ms. Seymnour testifies, the Company has a material need for additional

21 resources in fiscal year 2008. Since the East portion of PacifiCorp’s system

22 typically reaches peak load during the summer, it is critical that the new resource

23 be available by that time (summer of 2007).
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1 C). Please describe the proposed site for bid number 213 and bid number 493.

2 A. Both bidders submitted proposals that would utilize the same site for the location

3 of the prospective resource. This site is located at Geneva Steel and is in

4 proximity to end-use loads and PaeifiCorp’s 345 kV and 138 kV transmission

5 system. Geneva Steel is currently bankrupt and is in the process of selling off its

6 assets. Both bidders have proposed to obtain the necessary land, emission

7 reduction credits (ERCs), and water rights from Geneva StecI in order to

8 effectuate development of the proposed resource. It is PaeifiCorp’s understanding

9 that the bankruptcy trustee for Geneva Steel retained the right to sell these

10 necessary development components to either bidder, pending the Company’s

11 decision forthe 2007 bid category.

12 C). Which bid has the Company chosen?

13 A. The Company has chosen Summit Power, the bidder for bid number 493.

14 Summit Power and the Lake Side Power Project

15 C). Please describe who Sunmilt Power is and the nature of the transaction that

16 will take place between the Company and them.

17 A. Summit Power, via Summit Vineyard, LLC (Summit), submitted the bid to

18 develop, construct, and transfer, upon completion, ownership of a 534 MW

19 (summer rated) power plant to PacifiCorp. The name of the project is the Lake

20 Side Power Project. Summit will develop the Lake Side Power Project on the

21 Geneva Steel site and enter into an EPC contract with Siemens Power to construct

22 the resource. Summit and Siemens Power have worked extensively together on a

23 variety of CCCT projects and have delivered these new resources on time and per
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1 agreement. Siemens Power will guarantee their work under the EPC. In addition,

2 subject to satisfactory terms, PacifiCorp intends to enter into a long-term service

3 agreement for the Lake Side Power Project.

4 C). Please describe the expected payment to Summit and the expected total

5 project cost.

6 A. PacifiCorp expects to make a total of $274.6 million in staged payments to

7 Summit with the total expected project cost being $330 million. The majority of

8 the difference between the two amounts takes into account sales tax, allowance

9 for funds used during construction and a potential alternative gas source

10 connection. Title will transfer to IPaciflCorp as materials are brought to the project

11 site in line with the negotiated milestones and progress payment schedule.

12 C). How will fuel be supplied to the project?

13 A. It is planned that the primary natural gas connection will be to the Kern River gas

14 pipeline (Kern Pipeline), an interstate pipeline that is capable of delivering up to

15 2,000,000 MMBtu/day. The Lake Side Power Project is expected to use up to

16 90,000 MMBtulday ofnatural gas. PacifiCorp will procure the natural gas to fuel

17 the Lake Side Power Project. An alternative connection possibility is to the

18 Questar Gas Company local distribution system (Questar LDC). This alternative

19 would require that gas compression be installed as well as an upgraded lateral

20 from the Geneva Steel site. In evaluating the economics associated with the Lake

21 Side Power Project, the Company included $8.5 million associated with a
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1 potential Questar LDC’ interconnection. The prudence of this alternative

2 connection will be reviewed in line with construction progress of the lateral to the

3 Kern Pipeline and in light of the then current natural gas market. At present, it

4 does not appear that a secondary connection to Questar LDC will provide

S commercial advantage. This means that there is $8.5 million included in the $330

6 million expected project cost that may not be necessary. The cost of a lateral to

7 the Kern Pipeline is also included in the Lake Side Power Project economics.

8 C). What type of generation equipment will the Lake Side Power Project have?

9 A. Summit will utilize new Siemens Westinghouse 501F machines. These

10 combustion turbines will be connected to two heat recovery steam generators and

11 a steam turbine. Approximately 470 MW will be produced by the CCCT portion

12 of the design, 45 MW from the ability to duct fire, and 19 MW via steam

13 augmentation. The Lake Side Power Project is expected to produce 534 MW on a

14 nominally rated basis during summer temperature conditions.

15 C). Why does the Company believe that Summit, with the Lake Side Power

16 Project, will result in the resource being available by the Summer of 2007?

17 A. Summit’s relationship with Siemens Power is a proven one. The combination of

18 their strong track record and the fact that Siemens Power, a large credit-worthy

19 entity, has substantial strength and capabilities should give customers comfort that

20 the Company is taking prudent actions in order to meet our load service

21 obligation.

1 The Questar Gas Company provides regulated gas service and is an affiliate of

Questar Pipeline.
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1 C). When would construction on the Lake Side Power Project begin and when is

2 it anticipated to be completed by?

3 A. It is anticipated that construction would begin following completion of this

4 certificate process and the projected resource availability date is by no later than

5 the Summer of2007.

6 Role ofDirect and/or Inferred Debt in the 2007 Category Decision

7 Q. Did direct and/or inferred debt impact the economic analysis involved in

8 making the 2007 bid category decision?

9 A. Yes.

10 C). What do you mean by inferred debt?

11 A. I am informed that ratings agencies (such as Standard & Poors) infer debt

12 associated with long-term power supply agreements, including both PPA and TSA

13 agreements, and take this infened debt information into consideration when

14 issuing credit ratings.

15 Q. What do you mean by direct debt?

16 A. I am informed that PPA and TSA agreements may result in debt being directly

17 applied to the Company’s balance sheet, or to the consolidation of the selling

18 entity, or an individual asset of the selling entity, onto the books of the purchasing

19 entity.

20 Q. How was the debt issue handled in the bid analysis?

21 A. In its analysis, the Company applied a cost associated with inferred and/or direct

22 debt based on: (a) the difference between after-tax return on equity (ROE) and

23 after-tax weighted average cost of capital (WACC), multiplied by (b) the

Page 14- Direct Testimony of Mark R. Tallman

JMG
NIPPC/118Monsen/8

JMG
UM 1182



80������

BEFORE THE 
 

PUBLIC UTILITY COMMISSION OF OREGON 
 

UM 1182 
 

PHASE 2 
�

�
In the Matter of  
NORTHWEST AND INTERMOUNTAIN 
POWER PRODUCERS COALITION  
 
Petition for an Investigation Regarding 
Competitive Bidding 

�
�
�
��
�
�
��
��

�

�
 
 
 
 
 
 
 
 
 
 
 
 
 

Northwest and Intermountain Power 
Producers Coalition REDACTED Exhibit 119 

 
8(������([KLELW�33/�����

 
Provided by PacifiCorp in response to Northwest and 

Intermountain Power Producers Coalition  
Data Request 2.1, Attachment 2.1-3�

 
 
 
 

November 16, 2012 
  



80������

 
 
 
 

Northwest and Intermountain Power 
Producers Coalition Exhibit 119 

contains confidential material and has been redacted  
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 

JMG


JMG


JMG


JMG


JMG


JMG
UM 1182



80������

BEFORE THE 
 

PUBLIC UTILITY COMMISSION OF OREGON 
 

UM 1182 
 

PHASE 2 
�

�
In the Matter of  
NORTHWEST AND INTERMOUNTAIN 
POWER PRODUCERS COALITION  
 
Petition for an Investigation Regarding 
Competitive Bidding 

�
�
�
��
�
�
��
��

�

�
 
 
 
 
 
 
 
 
 
 
 
 

Northwest and Intermountain Power 
Producers Coalition REDACTED Exhibit 120 

�
&RQILGHQWLDO�&RVW�,QIRUPDWLRQ�IRU�WKH�6HYHQ�0LOH�+LOO�
:LQG�(QHUJ\�'HYHORSPHQW�3URMHFW�ILOHG�LQ�:\RPLQJ�
3XEOLF�6HUYLFH�&RPPLVVLRQ�'RFNHW�����������($����

$XJXVW����������
 

Provided by PacifiCorp in response to  
Northwest and Intermountain Power Producers Coalition 

Data Request 2.1, Attachment 2.1-5 
 
 

November 16, 2012 
 



80������

 
 
 
 
 
 

Northwest and Intermountain Power 
Producers Coalition Exhibit 120 

contains confidential material and has been redacted  
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 

 

JMG


JMG


JMG


JMG


JMG
UM 1182



80������

BEFORE THE 
 

PUBLIC UTILITY COMMISSION OF OREGON 
 

UM 1182 
 

PHASE 2 
�

�
In the Matter of  
NORTHWEST AND INTERMOUNTAIN 
POWER PRODUCERS COALITION  
 
Petition for an Investigation Regarding 
Competitive Bidding 

�
�
�
��
�
�
��
��

�

�
 
 
 
 
 
 
 
 
 
 
 
 

Northwest and Intermountain Power 
Producers Coalition Exhibit 121 

 
:\RPLQJ�6HFWLRQ�����3HUPLW�$SSOLFDWLRQ�IRU�WKH�'XQODS�

(QHUJ\�3URMHFW��H[FHUSW���-XQH�����������ILOHG�LQ��
:\RPLQJ�3XEOLF�6HUYLFH�&RPPLVVLRQ��
'RFNHW�������[[�($�����-XO\����������

�
Provided by PacifiCorp in response to Northwest and 

Intermountain Power Producers Coalition Data Request 
2.1, Attachment 2.1-4 

 
 

November 16, 2012 
 



JMG
NIPPC/121Monsen/1

JMG
UM 1182



�

F i n a l  R e p o r t  

Wyoming Industrial 
Development Information and 

Siting Act 
Section 109 Permit Application 

Dunlap Energy Project 
 

 

 

Prepared for 

Pacificorp Energy 
 

June 15, 2009 

Prepared By: 

9193 South Jamaica Street 
Englewood, CO 80112 

 

JMG
NIPPC/121Monsen/2

JMG
UM 1182



 

Contents

Contents ...............................................................................................................................................iii
Acronyms and Abbreviations.........................................................................................................xiv
Executive Summary ...................................................................................................................... ES-1
1.0 Purpose, Need, and Benefit................................................................................................1-1

1.1 Purpose ....................................................................................................................1-1
1.2 Need .........................................................................................................................1-2
1.3 Benefits.....................................................................................................................1-3

1.3.1 Regional Benefits .......................................................................................1-4
1.3.2 Regional Economic Analysis....................................................................1-5
1.3.3 Estimate of Direct and Secondary (Indirect and Induced) 
 Effects ..........................................................................................................1-5
1.3.4 Secondary Benefits ....................................................................................1-6 

1.4 Local Benefits ..........................................................................................................1-7 
1.4.1 Distribution of Impact Assistance Funds...............................................1-7 
1.4.2 Increased Local Spending ........................................................................1-8 
1.4.3 Increased Local Economic Activity.........................................................1-8 
1.4.4 State of Wyoming Land Trust Lease Revenue Payments..................1-10 
1.4.5 Tax Effects.................................................................................................1-10 
1.4.6 Environmental Benefits ..........................................................................1-12 

2.0 Applicant and Facility Description ...................................................................................2-1
2.1 Applicant Information ...........................................................................................2-1 
2.2 Point of Delivery – Goods and Services ..............................................................2-2 
2.3 Site Selection............................................................................................................2-3 
2.4 Nature and Location of the Facility .....................................................................2-3 
2.5 Preliminary Site Plan..............................................................................................2-4 
2.6 Land Ownership.....................................................................................................2-4 
2.7 Project Phase Descriptions and Future Modifications ......................................2-6 
2.8 Wind Energy Facility Components......................................................................2-6 
2.9 Additional Project Features...................................................................................2-8 

3.0 Construction and Operations Descriptions .....................................................................3-1
3.1 Time of Commencement and Construction Time..............................................3-1 
3.2 Construction Schedule...........................................................................................3-1 
3.3 Construction Completion Schedule.....................................................................3-3 
3.4 Construction Procedures .......................................................................................3-3 

3.4.1 Site Civil Work/Preparation....................................................................3-4 
3.4.2 Access Road and Crane Pad Preparation...............................................3-4 
3.4.3 Additional Construction Areas (Laydown Areas and Batch Plant)...3-5 
3.4.4 Tower Foundations ...................................................................................3-5 
3.4.5 Tower Assembly........................................................................................3-6 
3.4.6 Power Collection System..........................................................................3-6 
3.4.7 Generator Step-Up Transformers and Foundations.............................3-7 
3.4.8 Collector Substation ..................................................................................3-7 

'(1?4-?'81/$3B72&B),1$/�'2&� LLL�

JMG
NIPPC/121Monsen/3

JMG
UM 1182



&217(176�

3.4.9 230-kV Interconnection Transmission Line ...........................................3-8 
3.4.10 Interconnect Facility..................................................................................3-9 
3.4.11 Meteorological and Microwave Towers.................................................3-9 
3.4.12 SCADA........................................................................................................3-9 
3.4.13 Waste Management...................................................................................3-9 
3.4.14 Testing.......................................................................................................3-11 
3.4.15 Cleanup and Reclamation ......................................................................3-11 

3.5 Construction Workforce Estimate......................................................................3-11 
3.5.1 Phase I .......................................................................................................3-11 
3.5.2 Phase II......................................................................................................3-13 
3.5.3 Local and Nonlocal Workforce..............................................................3-15 

3.6 Operations Workforce Employment..................................................................3-17 
3.7 List of Permits Required for Construction........................................................3-18 
3.8 Operation and Maintenance Activities..............................................................3-20 

3.8.1 Anticipated Operation Life ....................................................................3-20 
3.8.2 Facility Operations ..................................................................................3-20 
3.8.3 Operations Waste Management ............................................................3-20 

3.9 Site Decommissioning .........................................................................................3-23 
4.0 Public Involvement .............................................................................................................4-1

4.1 Area of Site Influence.............................................................................................4-1 
4.1.1 Local Governments Primarily Affected by the Proposed 
 Industrial Facility ......................................................................................4-1 
4.1.2 Local Governments Primarily Unaffected by the Proposed 
 Industrial Facility ......................................................................................4-1 

4.2 Meeting Activities ..................................................................................................4-1 
4.2.1 Meeting Format/Information Provided ................................................4-3 
4.2.2 Meeting Notices and Attendees ..............................................................4-3 

4.3 Additional Activities..............................................................................................4-3 
4.3.1 Newspaper Advertisements ....................................................................4-3 
4.3.2 Public Open House ...................................................................................4-4 

4.4 Questions and Answers.........................................................................................4-4 
5.0 Socioeconomic Baseline Data and Analysis of Impacts .................................................5-1

5.1 Introduction.............................................................................................................5-1 
5.1.1 Construction and Operations Workforce Estimates.............................5-1 
5.1.2 Inventory and Evaluation of the Social and Economic Conditions ...5-2 

5.2 Area of Site Influence, Local Governments Primarily Affected, and 
 Study Area...............................................................................................................5-2 

5.2.1 Area of Site Influence................................................................................5-3 
5.2.2 Local Governments Primarily Affected by the Project ........................5-5 
5.2.3 Study Area..................................................................................................5-6 

5.3 Baseline Socioeconomic Conditions.....................................................................5-9 
5.3.1 Population ..................................................................................................5-9 
5.3.2 Economic Conditions..............................................................................5-18 
5.3.3 Housing ....................................................................................................5-59 
5.3.4 Education..................................................................................................5-81 
5.3.5 Public Safety.............................................................................................5-92 
5.3.6 Health Care ............................................................................................5-109 

'(1?4-?'81/$3B72&B),1$/�'2&� LY�

JMG
NIPPC/121Monsen/4

JMG
UM 1182



&217(176�

5.3.7 Municipal Services ................................................................................5-115 
5.3.8 Transportation Facilities.......................................................................5-120 

5.4 Socioeconomic Impact Analysis .......................................................................... 127 
5.4.1 Construction Workforce Estimate.......................................................... 129 
5.4.2 Regional Economic Analysis................................................................... 135 
5.4.3 Housing Impact Analysis........................................................................ 140 
5.4.4 Public Safety.............................................................................................. 145 
5.4.5 Municipal Services ................................................................................... 145 
5.4.6 Transportation .......................................................................................... 148 
5.4.7 Taxes........................................................................................................... 156 

5.5 Cumulative Impacts.............................................................................................. 160 
5.5.1 Horizon Wind Energy – Simpson Ridge Wind Energy ...................... 160 
5.5.2 PacifiCorp Energy – Seven-Mile Hill Wind Energy ............................ 161 
5.5.3 PacifiCorp Energy – High Plains-McFadden Ridge Wind Energy ... 162 
5.5.4 Wamsutter LLC – Echo Springs Natural Gas Plant Expansion ......... 162 
5.5.5 Medicine Bow Fuel and Power – Coal to Liquids ............................... 163 

5.6 Trade-Off Analysis ................................................................................................ 167 
5.6.1 Beneficial and Adverse Impacts ............................................................. 167 
5.6.2 Impacts to Community Services............................................................. 168 

5.7 Mitigation Measures to Offset Adverse Cumulative Impacts to Housing.... 169 
6.0 Evaluation of Environmental Impacts..............................................................................6-1

6.1 Physical, Chemical, Biological, and Radiological ..............................................6-1 
6.1.1 Construction...............................................................................................6-1 
6.1.2 Operation....................................................................................................6-1 

6.2 Air Quality...............................................................................................................6-2 
6.2.1 Regulatory Jurisdiction.............................................................................6-2 
6.2.2 Estimated Emissions .................................................................................6-2 
6.2.3 Methods For Control.................................................................................6-3 

6.3 Noise.........................................................................................................................6-4 
6.3.1 Regulatory Jurisdiction.............................................................................6-4 
6.3.2 Fundamentals of Acoustics ......................................................................6-4 
6.3.3 Facility Sound Levels ................................................................................6-8 
6.3.4 Construction Noise Level Impact Assessment......................................6-8 
6.3.5 Operation Noise Level Impact Assessment.........................................6-10 

6.4 Soil Resources/Geologic Hazards .....................................................................6-11 
6.4.1 Regulatory Jurisdiction...........................................................................6-11 
6.4.2 Introduction .............................................................................................6-11 
6.4.3 Erosion and Landslides ..........................................................................6-11 
6.4.4 Faults .........................................................................................................6-13 
6.4.5 Construction Impacts..............................................................................6-14 
6.4.6 Operation Impacts...................................................................................6-15 

6.5 Cultural Resources ...............................................................................................6-16 
6.5.1 Regulatory Jurisdiction...........................................................................6-16 
6.5.2 Class I and III Survey Results ................................................................6-16 
6.5.3 Construction Impacts..............................................................................6-17 
6.5.4 Operation Impacts...................................................................................6-17 

6.6 Rare Vegetation Communities............................................................................6-18 

'(1?4-?'81/$3B72&B),1$/�'2&� Y�

JMG
NIPPC/121Monsen/5

JMG
UM 1182



&217(176�

6.6.1 Regulatory Jurisdiction...........................................................................6-18 
6.6.2 Construction Impacts..............................................................................6-18 
6.6.3 Operation Impacts...................................................................................6-19 

6.7 Water Supply Yield and Analysis ......................................................................6-20 
6.7.1 Regulatory Jurisdiction...........................................................................6-20 
6.7.2 Construction Water Uses........................................................................6-20 
6.7.3 Operations Use ........................................................................................6-21 
6.7.4 Water Sources ..........................................................................................6-22 

6.8 Surface and Groundwater ...................................................................................6-23 
6.8.1 Regulatory Jurisdiction...........................................................................6-23 
6.8.2 Surface Water ...........................................................................................6-23 
6.8.3 Groundwater............................................................................................6-25 

6.9 Land Use................................................................................................................6-26 
6.9.1 Consistency with Land Use Plans.........................................................6-27 
6.9.2 Construction Impacts..............................................................................6-28 

6.10 Recreational Resources ........................................................................................6-29 
6.11 Wetlands and Waters of the United States .......................................................6-32 

6.11.1 Regulatory Jurisdiction...........................................................................6-32 
6.11.2 Wetlands ...................................................................................................6-33 
6.11.3 Waters of the United States....................................................................6-33 
6.11.4 Construction Impacts..............................................................................6-33 
6.11.5 Operation Impacts...................................................................................6-34 

6.12 Visual Resources...................................................................................................6-34 
6.12.1 Introduction .............................................................................................6-34 
6.12.2 Methodology............................................................................................6-35 
6.12.3 Visual Conditions on the Site and in its Surroundings......................6-39 
6.12.4 Project Visibility.......................................................................................6-40 
6.12.5 Key Observation Points ..........................................................................6-41 
6.12.6 Project Appearance .................................................................................6-42 
6.12.7 Project Impacts.........................................................................................6-42 

6.13 Wildlife...................................................................................................................6-45 
6.13.1 Regulatory Jurisdiction...........................................................................6-45 
6.13.2 Big Game...................................................................................................6-45 
6.13.3 Avian Species ...........................................................................................6-47 
6.13.4 Greater Sage-Grouse ...............................................................................6-51 
6.13.5 Bats ............................................................................................................6-52 

6.14 Federally Listed Wildlife Species .......................................................................6-53 
6.14.1 Regulatory Jurisdiction...........................................................................6-54 
6.14.2 USFWS Threatened and Endangered Species .....................................6-55 
6.14.3 Construction Impacts..............................................................................6-56 

6.15 Cumulative Impacts.............................................................................................6-58 
6.15.1 Approach to Cumulative Impacts Analysis ........................................6-58 
6.15.2 Geographic Scope of Cumulative Analysis .........................................6-58 
6.15.3 Timeframe ................................................................................................6-59 
6.15.4 Past, Present, and Reasonably Foreseeable Actions ...........................6-59 
6.15.5 Cumulative Impacts................................................................................6-62 

'(1?4-?'81/$3B72&B),1$/�'2&� YL�

JMG
NIPPC/121Monsen/6

JMG
UM 1182



&217(176�

7.0 Controls and Mitigation and Monitoring Measures.......................................................7-1
7.1 Controls....................................................................................................................7-1 

7.1.1 Avoidance...................................................................................................7-1 
7.1.2 Prevention ..................................................................................................7-2 
7.1.3 Exclusion.....................................................................................................7-2 
7.1.4 Restrict Public Access ...............................................................................7-2 
7.1.5 Health and Safety ......................................................................................7-3 

7.2 Mitigation Measures ..............................................................................................7-4 
7.2.1 Failure of Machinery and/or Structures ................................................7-4 
7.2.2 Air Quality..................................................................................................7-5 
7.2.3 Noise............................................................................................................7-5 
7.2.4 Soil Resources/Geologic Hazards ..........................................................7-5 
7.2.5 Cultural Resources ....................................................................................7-6 
7.2.6 Vegetation...................................................................................................7-7 
7.2.7 Surface Water and Groundwater ............................................................7-8 
7.2.8 Land Use and Recreation .........................................................................7-9 
7.2.9 Wetland/Waters of the United States ..................................................7-10 
7.2.10 Visual Quality ..........................................................................................7-11 
7.2.11 Wildlife .....................................................................................................7-11 

7.3 Monitoring Programs ..........................................................................................7-11 
7.3.1 Technical Advisory Committee.............................................................7-11 
7.3.2 Avian and Bat Monitoring .....................................................................7-11 
7.3.3 Sagebrush Mapping ................................................................................7-12 
7.3.4 Greater Sage Grouse Monitoring ..........................................................7-12 
7.3.5 Big Game...................................................................................................7-12 
7.3.6 Employee Orientation Program ............................................................7-12 

7.4 Worker, Environmental, and Facility Protection .............................................7-13 
7.4.1 Health and Safety ....................................................................................7-13 
7.4.2 Occupational Hazards ............................................................................7-14 
7.4.3 Public Safety.............................................................................................7-15 
7.4.4 Emergency and Law Enforcement Services.........................................7-15 
7.4.5 Security .....................................................................................................7-16 
7.4.6 Traffic Management................................................................................7-17 
7.4.7 Spill Prevention, Containment, and Control .......................................7-18 
7.4.8 Waste Disposal.........................................................................................7-20 
7.4.9 Hazardous Wastes...................................................................................7-21 
7.4.10 Emergency Response ..............................................................................7-22 
7.4.11 Fire Safety .................................................................................................7-23 
7.4.12 Aviation Lighting ....................................................................................7-25 
7.4.13 Lightning ..................................................................................................7-25 
7.4.14 Electromagnetic Fields............................................................................7-25 
7.4.15 Shadow Flicker ........................................................................................7-26 
7.4.16 Mechanical Failure ..................................................................................7-26 

8.0 References.............................................................................................................................8-1

'(1?4-?'81/$3B72&B),1$/�'2&� YLL�

JMG
NIPPC/121Monsen/7

JMG
UM 1182



&217(176�

Tables
1-1 Local Employment Impacts ...............................................................................................1-7 
1-2 Impact Assistance Payments  - Seven-Mile Hill and Seven Mile Hill 
 Phase II Projects (dollars) ...................................................................................................1-9 
1-3 2008 Tax Year Wind Farm Units in Carbon County, Installed MW, 
 Assessed Value and Total Taxes Paid.............................................................................1-11 
1-4 Dunlap Wind Project -  Ad Valorem Property Tax Estimate ......................................1-11 
2-1 Site Legal Description .........................................................................................................2-5 
2-2 General Electric 1.5-MW sle Turbine Specifications.......................................................2-7 
2-3 Dunlap Ranch Project – Estimated Access Road Lengths (miles) ................................2-9 
3-1 List of General Construction Equipment for the Wind Energy Project .......................3-4 
3-2 Transmission Line Construction Workforce....................................................................3-8 
3-3 Dunlap Phase I Onsite Construction Workforce Personnel Breakdown...................3-13 
3-4 Dunlap Phase II Onsite Construction Workforce Personnel Breakdown .................3-15 
3-5 Estimated Operations Workforce Summary by Job Classification.............................3-18 
3-6 Potential Federal, State, and Local Permit Requirements............................................3-18 
4-1 Local Government, State Agency, and Community Meetings .....................................4-2 
5-1 Allocation of Nonlocal Construction Workers to Places of 
 Temporary Residence .........................................................................................................5-3 
5-2 Albany and Carbon Counties: Commuter Flows, 4th Quarter, 2005 ...........................5-7 
5-3 Place of Residence of Persons Working in Carbon County, 2004, 
 2005, and 2006 ......................................................................................................................5-8 
5-4 Population Trends in the Study Area (1920 to 2007) ....................................................5-10 
5-5 Share of State of Wyoming Population (1920-2007) Population 
 Growth Trends: Counties and State (1970-1971 through 2006-2007) .........................5-11 
5-6 Population by County and Community, 2000-2007 .....................................................5-12 
5-7 Estimated Population Composition by Race and Ethnicity (2007).............................5-15 
5-8 Estimated Population Composition: Hispanic and Minority (2000-2007).................5-15 
5-9 Population Composition by Race and Ethnicity by Community (2000)....................5-15 
5-10 Population Forecasts for State, Counties, and Places (2010-2020) ..............................5-18 
5-11 Study Area: Employment by Industrial Sector (1970 and 2000) .................................5-23 
5-12 Share of Employment by Industrial Sector (2006) ........................................................5-25 
5-13 Major Employers ...............................................................................................................5-27 
5-14 Share of Non-Farm Employment and Earnings by Industrial 
 Sector (2006) .......................................................................................................................5-36 
5-15 Place of Residence of Persons Working in Carbon County, 2006...............................5-40 
5-16 Carbon County as a Place of Residence and Place of Work, 2006 ..............................5-41 
5-17 Albany County as a Place of Residence and Place of Work, 2006 ..............................5-42 
5-18 County Commuting Patterns...........................................................................................5-43 
5-19 Assessed Valuation by Type of Property by County (2008)........................................5-45 
5-20 Contribution by Type of Property by County (2008) ...................................................5-46 
5-21 Ad Valorem Taxes Levied (2008) ....................................................................................5-47 
5-22 Beneficiaries of Property Tax Collections in Wyoming (2008)....................................5-47 
5-23 State and County Sales, Use, and Lodging Tax Rates ..................................................5-48 
5-24 Sales, Use, and Lodging Tax Collections (Fiscal Year 2002-2007) ..............................5-48 
5-25 General Revenues and Expenditures by County (FY 2001-2002) ...............................5-52 

'(1?4-?'81/$3B72&B),1$/�'2&� YLLL�

JMG
NIPPC/121Monsen/8

JMG
UM 1182



&217(176�

5-26 Wyoming Nonagricultural Wage and Salary Employment 
 (in thousands): 2006 and 2016..........................................................................................5-57 
5-27 Wyoming Personal Income, Wage and Salary Earnings, Labor 
 Force, Employment, and Unemployment (2002, 2006, and 2016) ..............................5-58 
5-28 Construction Employment in Wyoming 1990, 2000, 2004, and 2014 .........................5-58 
5-29 Housing Stock, Occupancy, and Tenure (2000) ............................................................5-59 
5-30 Housing Stock by Type of Structure (2000) ...................................................................5-60 
5-31 Housing Stock by Age (2000)...........................................................................................5-61 
5-32 Housing Stock by Number of Bedrooms, and Quality (2000).....................................5-62 
5-33 Average Annual Percentage Change in Home Value (1960 through 
 2006).....................................................................................................................................5-67 
5-34 Average Annual Percentage Change in House Rents (1960-2006) .............................5-68 
5-35 Semi-Annual Rental Housing Vacancy Rate (%) ..........................................................5-73 
5-36 Available Mobile Home Lots to Rent (January 2007) ...................................................5-74 
5-37 Household Forecast by County by Tenure (2000 to 2030) ...........................................5-75 
5-38 Hotel and Motel Rooms by County and Community (2007) ......................................5-76 
5-39 Average Daily Room Rate (November, Year-to-date)..................................................5-80 
5-40 Recreational Vehicle Sites by County (2009) .................................................................5-81 
5-41 Selected Characteristics of School Districts in the Study Area (2007)........................5-83 
5-42 School District Enrollment ...............................................................................................5-85 
5-43 Historic Student-Teacher Ratios (1996-2006).................................................................5-91 
5-44 Fire Departments in the Study Area ...............................................................................5-93 
5-45 Law Enforcement Agencies in the Study Area .............................................................5-94 
5-46 Law Enforcement Personnel (2007) ................................................................................5-95 
5-47 Number of Index (Part 1) Crimes by County and Municipalities 
 (1999 through 2007) ...........................................................................................................5-98 
5-48 Crime Rates by County and Municipalities (1999 through 2007).............................5-101 
5-49 Part 1, Part 2, and Drug- and Alcohol-Related Offense Arrest 
 Rates (2000-2007) .............................................................................................................5-106 
5-50 General Hospitals in the Study Area: Selected Characteristics.................................5-110 
5-51 Health Care Professionals in the Study Area (2006)...................................................5-111 
5-52 Physician Staffing Levels by County ............................................................................5-112 
5-53 Physician Level of Service Ratios by County ..............................................................5-112 
5-54 Emergency Medical Services by County......................................................................5-113 
5-55 Wastewater Treatment Facilities Within the Study Area ..........................................5-115 
5-56 Community Water Systems in the Study Area ...........................................................5-116 
5-57 Type I and Type II Municipal Waste Disposal Facilities Within 
 the Study Area .................................................................................................................5-117 
5-58 Solid Waste Generation by County...............................................................................5-118 
5-59 Electric and Gas Certificated Areas ..............................................................................5-119 
5-60 Road Systems within the Study Area ...........................................................................5-121 
5-61 Average Annual Daily Traffic (AADT) and Percent Truck 
 Traffic, by Day and Highway ........................................................................................5-123 
5-62 Freight Rail Infrastructure within the Study Area......................................................5-124 
5-63 Planned Improvements to Transportation Infrastructure by 
 WYDOT.............................................................................................................................5-125 
5-64 Summary of Project-Related Effects and Impacts.......................................................5-127 

'(1?4-?'81/$3B72&B),1$/�'2&� L[�

JMG
NIPPC/121Monsen/9

JMG
UM 1182



&217(176�

5-65 Dunlap Ranch Onsite Construction Workforce Schedule .........................................5-129 
5-66 Estimated Proportion of Construction Jobs Filled by Nonlocal Workers ...............5-134 
5-67 Local Employment Impacts ...........................................................................................5-137 
5-68 Average Wages per Occupation Classification (in $US) Based on 
 2008 Occupational Employment Statistics Data..........................................................5-138 
5-69 Percentage of Full- and Part-Time Wyoming Employees Offered 
 Selected Benefits by Industry, 2003-2006 .....................................................................5-140 
5-70 Estimate of Local and Nonlocal Construction Worker Breakdown 
 During Peak Month.........................................................................................................5-141 
5-71 Dunlap Ranch Housing Plan Commitments by Facility and 
 Location (for Peak-Month Demand).............................................................................5-143 
5-72 Potentially Available Temporary Accommodations ..................................................5-144 
5-73 Housing Vacancy Rate Prior to and During Project Construction...........................5-144 
5-74 Description of Estimated Construction Waste Materials for Each 
 Wind Turbine Generator ................................................................................................5-147 
5-75 Existing Peak Hour Operating Conditions (Year 2009) .............................................5-149 
5-76 Construction Peak Hour Background Operating Conditions (Year 2010) ..............5-150 
5-77 Projected Construction Trucks ......................................................................................5-151 
5-78 Construction Peak Hour Total Operating Conditions (Year 2010) ..........................5-153 
5-79 Operations Peak Hour Background Operating Conditions (Year 2011) .................5-154 
5-80 Operations Peak Hour Background Operating Conditions  
 Year 2011) .........................................................................................................................5-155 
5-81 2009 Tax Levy Distribution for Rural Carbon County...............................................5-157 
5-82 Estimate of Tax Revenues Accruing to Local Governments from 
 Nonlocal Worker Expenditures (2009 and 2010) ........................................................5-158 
5-83 Simpson Ridge Wind Energy Project – Estimate of Nonlocal 
 Construction Workforce .................................................................................................5-161 
5-84 Seven-Mile Hill Wind Energy Project – Estimate of Nonlocal 
 Construction Workforce .................................................................................................5-161 
5-85 High Plains – McFadden Ridge Wind Energy Project – Estimate 
 of Nonlocal Construction Workforce............................................................................5-162 
5-86 Echo Springs Natural Gas Plant Expansion – Estimate of Nonlocal 
 Construction Workforce .................................................................................................5-163 
5-87 Medicine Bow Fuel & Power – Estimate of Nonlocal Construction 
 Workforce .........................................................................................................................5-164 
6-1 Estimated Plant Wide Emissions Per Yard of Truck Mix Concrete .............................6-3
6-2 Definitions of Acoustical Terms ........................................................................................6-5
6-3 Typical Sound Levels Measured in the Environment and Industry ............................6-5
6-4 Average Noise Levels from Common Construction at a Reference 
 Distance of 50 feet (dBA) ....................................................................................................6-9
6-5 Composite Construction Site Noise Levels....................................................................6-10
6-6 Disturbance Calculations—Permanently Disturbed Areas.........................................6-18
6-7 Estimated Water Construction Use.................................................................................6-21
6-8 Estimated Daily Water Use During Operations............................................................6-22
6-9 Recreation Areas Near Project Site..................................................................................6-30
6-10 Listed Threatened and Endangered Species in Converse and Natrona 
 Counties, Wyoming ..........................................................................................................6-55

'(1?4-?'81/$3B72&B),1$/�'2&� [�

JMG
NIPPC/121Monsen/10

JMG
UM 1182



&217(176�

6-11 Past and Currently Planned Wind Energy Projects in Carbon and 
 Albany Counties ................................................................................................................6-64
 

Figures
3-1 Phase I Construction Schedule ..........................................................................................3-2 
3-2 Phase II Tentative Construction Schedule .......................................................................3-3 
3-3 Estimated number of Phase I construction workers by month and 
 calendar quarter.................................................................................................................3-12 
3-4 Phase II Construction Workforce (by Month and Trade Type) ..................................3-14 
3-5 Local Construction Workforce (by Month and Trade Type).......................................3-16 
3-6 Nonlocal Construction Workforce (by Month and Trade Type) ................................3-17 
5-1 Recommended Area of Site Influence and Counties Comprising Study Area...........5-5 
5-2 Historic County Population (1920-2007) ........................................................................5-10 
5-3 Population Growth Trends: Counties and State (1970-1971 through 2006-2007).....5-11 
5-4 Population Distribution in the Study Area (2000 Census) ..........................................5-13 
5-5 Population Age Distribution in the Study Area (1980-2007).......................................5-14 
5-6 Net Migration for Counties and Study Area (2001 through 2007) .............................5-17 
5-7 Employment in the Study Area by County (1990 through 2008) ...............................5-19 
5-8 Unemployment Rate for Counties and the State (1990 through 2008).......................5-20 
5-9 Monthly Initial Claims for Unemployment in the State, Year to Previous 
 Year (1998-2008).................................................................................................................5-21 
5-10 Initial Claims for Unemployment by Month and Year in the State (1997 through 
 2008).....................................................................................................................................5-22 
5-11 Numeric Change in Employment by Sector and County (1970 through 2000) ........5-24 
5-12 Industrial Sector Share of Total Non Farm Employment (1970 and 2000)................5-25 
5-13 Non-Farm Employment, Contribution by Industrial Sector for County and 
 State (2006)..........................................................................................................................5-27 
5-14 Aggregate Personal Income by County (1969-2006).....................................................5-29 
5-15 County Contribution to Statewide aggregate Personal Income (1969-2006) ............5-30 
5-16 Per Capita Personal Income (1969-2006) ........................................................................5-31 
5-17 Net Earnings as Share of Personal Income (1969-2006) ...............................................5-32 
5-18 Dividends, Income, Rents, and Transfer Payments as Share of Personal 
 Income (1969-2006)............................................................................................................5-33 
5-19 Non-Farm Earnings, Contribution by Industrial Sector for County and 
 State (2006)..........................................................................................................................5-34 
5-20 Employment and Earnings Shares by Industrial Sector, State of Wyoming (2006) .5-35 
5-21 Employment and Earnings Shares by Industrial Sector for State of Wyoming, 
 Converse County, and Natrona County (2006).............................................................5-37 
5-22 Carbon County:  Non-Farm Earnings by Industrial Sector (2006) .............................5-38 
5-23 Albany County:  Non-Farm Earnings by Industrial Sector (2006) .............................5-39 
5-24 Net Residential Adjustment Values for Albany and Carbon 
 Counties (1981-2006) .........................................................................................................5-43 
5-25 Construction Employment by County (1969 through 2006) .......................................5-45 
5-26 Sales Tax Collections by County (2002 through 2008) .................................................5-49 
5-27 Impact Assistance Tax Payments (1995-2008) ...............................................................5-51 
 

'(1?4-?'81/$3B72&B),1$/�'2&� [L�

JMG
NIPPC/121Monsen/11

JMG
UM 1182



&217(176�

5-28 New Residential Construction for Study Area and State (1980 
 through 2007) .....................................................................................................................5-64 
5-29 New Residential Construction by County (1980 through 2007) .................................5-65 
5-30 New Residential Construction by Type of Structure in the Study 
 Area (1980 through 2007) .................................................................................................5-66 
5-31 Median House Value for Counties in the Study Area and State ................................5-67 
5-32 Gross Rents for Counties in the Study Area and State (1960-2006)............................5-68 
5-33 Monthly House Rent by County and State (2000 - 2007) .............................................5-69 
5-34 Monthly Apartment Rent by County and State (2000 - 2007) .....................................5-70 
5-35 Monthly Mobile Home on Lot Rent by County and State (2000 - 2007)....................5-71 
5-36 Monthly Mobile Home Lot Rent by County and State (2000 - 2007) .........................5-72 
5-37 Rental Housing Vacancy Rate by County (2001 through 2008)..................................5-74 
5-38 Hotel-Motel Average Monthly Occupancy Rate in the Study Area 
 (2002 through 2008) ...........................................................................................................5-78 
5-39 Hotel-Motel Average Daily Room Rate in the Study Area (2002 through 2008)......5-79 
5-40 Hotel-Motel Average Annual Daily Room Rate in the Study Area  
 (2002 through 2008) ...........................................................................................................5-80 
5-41 Public School Districts in the Study Area ......................................................................5-82 
5-42 Public School Enrollment (1991-207) ..............................................................................5-86 
5-43 Ethnic Composition of Students, by School District (2007) .........................................5-87 
5-44 Albany County School District: Ethnic Composition of Students, 
 by School (2007) .................................................................................................................5-88 
5-45 Carbon County School District 1: Ethnic Composition of Students, 
 by School (2007) .................................................................................................................5-89 
5-46 Carbon County School District 2: Ethnic Composition of 
 Students, by School (2007)................................................................................................5-90 
5-47 Student-Teacher Ratio by School District, State, and Nation (1996-2007) .................5-92 
5-48 Number of Law Enforcement Personnel in the Study Area (1999 
 through 2007) .....................................................................................................................5-96 
5-49 Number of Law Enforcement Officers per 1,000 Residents (1999 
 through 2007) .....................................................................................................................5-97 
5-50 Number of Index Crimes by County (1999 through 2007) ........................................5-100 
5-51 Index Crime Rate by County and State of Wyoming (1999 through 2007) .............5-102 
5-52 Property Crime Rate by County (1999 through 2007)................................................5-103 
5-53 Violent Crime Rate by County (1999 through 2007)...................................................5-104 
5-54 Number of Index Crimes per Officer (1999 through 2007)........................................5-105 
5-55 Part 1 Offense Arrest Rate (2000 through 2007) ..........................................................5-107 
5-56 Part 2 Offense Arrest Rate (2000 through 2007) ..........................................................5-108 
5-57 Drug- and Alcohol-Related Offense Arrest Rate (2000 through 2007) ....................5-109 
5-58 Location of Hospitals in the Study Area ......................................................................5-110 
5-59 Level of Service Ratios for Health Care Professionals ...............................................5-113 
5-60 Electric Certificated Areas..............................................................................................5-119 
5-61 Gas Certificated Areas ....................................................................................................5-120 
5-62 Major Roads and Highways in the Study Area ..........................................................5-121 
5-63 Traffic Count Locations in the Study Area ..................................................................5-122 
5-64 Rail Volume in the Study Area......................................................................................5-124 
5-65 Construction Phase Workforce (by Month and Activity) ..........................................5-130 

'(1?4-?'81/$3B72&B),1$/�'2&� [LL�

JMG
NIPPC/121Monsen/12

JMG
UM 1182



&217(176�

'(1?4-?'81/$3B72&B),1$/�'2&� [LLL�

5-66 Construction Phase Workforce (by Calendar Quarter and Activity).......................5-131 
5-67 Construction Phase Workforce (by Calendar Quarter and Craft) ............................5-132 
5-68 Local Construction Workforce (by Month and Activity)...........................................5-133 
5-69 Nonlocal Construction Workforce (by Month and Activity) ....................................5-135 
5-70 Temporary Accommodation Units (by Type) Required to House Nonlocal 
 Construction Workers.....................................................................................................5-142 
5-71 Cumulative Number of Onsite Workers, by Month...................................................5-165 
5-72 Cumulative Number of Nonlocal Workers, by Month ..............................................5-166 
6-1 Noise Metrics – Frequency Response ...............................................................................6-6
6-2 Noise Metrics – Comparative Noise Levels.....................................................................6-7
 

Appendices
A Project Layout 
B Impact Assistance Payment Estimates 
C Project Components 
D Public Involvement Materials 
E Housing Plan 
F Resource Maps 

JMG
NIPPC/121Monsen/13

JMG
UM 1182



�

'(1?'81/$3B6(&7,21B�B385326(B1(('B$1'B%(1(),7B),1$/�'2&� ����

1.0 Purpose, Need, and Benefit 

1.1 Purpose
Recent national and regional forecasts project an increase in consumption of electrical 
energy continuing into the future. The purpose of the proposed Dunlap Wind Energy 
Project (Project) is to meet this increased consumption by development of new generation 
facilities, particularly renewable facilities, as substantiated by the following sources: 

x The Energy Policy Act of 2005 (P.L. 109-58), Section 211, states “It is the sense of the 
Congress that the Secretary of the Interior should, before the end of the 10-year period 
beginning on the date of enactment of this Act, seek to have approved nonhydropower 
renewable energy projects located on the public lands with a generation capacity of at 
least 10,000 megawatts of electricity.” The Act encourages the development of renewable 
energy resources, including wind energy, as part of an overall strategy to develop a 
diverse portfolio of domestic energy supplies for the future. 

x Presidential Executive Order (E.O.) 13212 (Bush, 2001): “Actions to Expedite Energy-
Related Projects” established a policy that federal agencies should take appropriate 
actions, to the extent consistent with applicable law, to expedite projects to increase the 
production, transmission, or conservation of energy. 

x The National Energy Policy Development Group (NEPDG, 2001) recommended to the 
President, as part of the National Energy Policy, that the Departments of the Interior, 
Energy, Agriculture, and Defense work together to increase renewable energy 
production. 

x To address increased interest in wind energy development and to implement the 
NEPDG recommendation to increase renewable energy production, the Bureau of Land 
Management (BLM) established a wind energy development program. This program, 
which included the amendment of multiple land use plans, supported the Congressional 
direction provided in the Energy Policy Act of 2005 regarding renewable energy 
development on public lands, the directives of E.O. 13212, and the recommendations of 
the NEPDG. 

x On March 11, 2009, Secretary of the Interior Ken Salazar signed Order 
No. 3285 - Renewable Energy Development by the U.S. Department of the Interior (DOI) 
(U.S. Secretary of the Interior, 2009), which establishes the development of renewable 
energy as a priority for the DOI. Encouraging the production, development, and 
delivery of renewable energy is now one of the DOI’s highest priorities. Although the 
Project would not involve any DOI lands, Order No. 3285 presents one facet of the 
federal government’s energy policy and demonstrates the Administration’s desire to 
support renewable energy projects such as wind facilities. 
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x The Energy Information Administration (EIA), a statistical agency of the 
U.S. Department of Energy (DOE), predicts in the Annual Energy Outlook 2009 
(March 2009) that total electricity demand will grow by 0.5 percent per year from 
2006 through 2030, with total renewable generation growing by 3.3 percent per year 
from 2006 to 2030 (DOE/EIA, 2009). This rapid growth reflects the impacts of the 
renewable fuel standard in the Energy Independence and Security Act of 2007 (EISA, 
2007) and strong growth in the use of renewables for electricity generation spurred by 
renewable portfolio standard (RPS) programs at the State level (DOE/EIA, 2009). 

x The Western Electricity Coordinating Council (WECC), which forecasts electricity 
demand in the western United States, states in the 10-Year Coordinated Plan 
Summary 2006-2015 (July 2006) that peak demand and annual energy requirements in 
the Rocky Mountain Power Pool Area, which includes Wyoming, are projected to 
grow at annual compound rates of 2.4 percent and 2.2 percent, respectively, from 
2006 through 2015 (WECC, 2006). 

x In 2004, the Western Governors’ Association set a goal of developing 30,000 megawatts 
(MW) of clean energy by 2015 from traditional and renewable energy sources (Policy 
Resolution 04-13, June 2004). This goal was reaffirmed in 2006 by Policy Resolution 
06-10, Clean and Diversified Energy for the West (Western Governors’ Association, 2006). 

1.2 Need
On a periodic basis, PacifiCorp undertakes a comprehensive Integrated Resource Plan (IRP) 
process. The IRP is developed with considerable public involvement from customer interest 
groups, regulatory staff, regulators, and other stakeholders. Each of these entities is asked to 
participate actively and provide input and guidance as PacifiCorp considers a number of 
issues related to long-term resource planning. The IRP planning horizon is typically 
20 years, and an action plan identifies steps that will be taken to secure resources for the first 
10 years of that horizon. During the IRP process, all material planning assumptions are 
updated (e.g., load/resource forecasts and a prudent planning margin), and any resource 
deficiency is identified. The IRP process then models a number of potential new resource 
portfolios with the ultimate conclusion being the selection of a preferred portfolio, which is 
expected to result in the least cost on a risk-adjusted basis. The current IRP identifies 
renewable energy as a necessary component of PacifCorp’s generation mix. 

PacifiCorp is pursuing the acquisition and development of renewable resources with the 
intent of reaching the levels established in the 2008 IRP preferred portfolio (PacifiCorp, 
2009). Specifically, this level is 1,400 MW of cost-effective renewable generation by 
2018. PacifiCorp will work toward meeting these goals by successfully adding at least 
226.5 MW of Wyoming wind resources to its portfolio in 2009; this includes construction of 
PacifiCorp’s High Plains and McFadden Ridge I facilities near McFadden, Wyoming as well 
as purchasing 100 percent of the output associated with the Three Buttes, LLC wind facility 
near Glenrock, Wyoming. 

Moreover, in connection with MidAmerican Energy Holdings Company’s (MEHC) 
acquisition of PacifiCorp, approved by the Wyoming Public Service Commission (PSC) in 
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Because of the relatively short timeframe of the construction workforce and limited 
operations workforce, the Project will place very minimal demands on water, sewer, roads, 
electrical lines, and other local infrastructure. In addition, there would be little measurable 
increase in non-basic employment, as these jobs are generated from ongoing employment of 
the existing base of construction workers and would be maintained through the continued 
employment of both local and nonlocal construction workers. Therefore, construction and 
operation of the Project would not significantly affect the various public and nonpublic 
facilities and services described above from the immigration of workers for non-basic 
employment opportunities. 

1.4.4 State of Wyoming Land Trust Lease Revenue Payments 
The Project anticipates locating facilities on lands owned by the State of Wyoming. A Special 
Use Lease issued from the Board of Land Commissioners was received in June 2009. The 
issued Special Use Lease includes structured payments for the use of the State land. Fees 
typically include an annual fee per acre, an installation fee based on capacity, and an 
operating fee based on energy generated by facilities on State lands. For example, if 
6 1.5-MW turbines were located on one section (640 acres) of State land, payments over 
the projected 35-year operational lease term of the project are estimated to produce over 
$2 million in added revenue for the State land trust. After the wind energy generation 
facility is operational, the land will serve a dual purpose and allow for the continued use of 
conventional livestock grazing and ranching activities. 

1.4.5 Tax Effects 
Tax effects are another important consideration and benefit of the Project. The benefits 
would occur based primarily on the ad valorem taxes that would be collected over the life of 
the Project. In conjunction with associated ancillary activities, state and local tax revenues 
would be generated during construction and operation of the proposed facility. Although 
some of these tax revenues will be distributed on a local level, the state controls such 
distribution. 

Carbon County 
Carbon County is a leader in installed wind capability (MW) within the State of Wyoming. 
In the late 1990s and early 2000s, six smaller wind energy projects comprising 194 wind 
turbine generators (WTGs) with a total installed capability of 143.14 MW were constructed 
in the county. These six operational wind farms have been paying ad valorem taxes to the 
county over a period of 10 years. Table 1-3 provides the 2008 ad valorem taxes paid by the six 
wind farms to Carbon County.  

A review of Table 1-3 shows Carbon County received $524,078 in ad valorem tax 
revenues from the six operational wind farms in 2008. It is very important to note 
that Table 1-3 does not include the tax revenues associated with the approximately 
$234,000,000 capital cost of the projects constructed at Seven-Mile Hill in 2008. Therefore, 
2009 ad valorem tax revenues will markedly increase in Carbon County. 
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TABLE 1-3 
�����7D[�<HDU�:LQG�)DUP�8QLWV�LQ�&DUERQ�&RXQW\��,QVWDOOHG�0:��$VVHVVHG�9DOXH�DQG�7RWDO�7D[HV�3DLG��

Company 
Tax 

District

Number
of

Towers 
MW

Capacity 

2008 
Assessed 

Value
Mill Levy 

Rate

Total 
Amount of 
Taxes Paid 

Eugene Water and 
Electric Board 

203 69 41.40 $983,400 58.057 $57,093 

Foote Creek II, LLC 203 3 1.80 $97,555 58.057 $5,664 

Foote Creek III, LLC 203 33 24.75 $2,135,550 58.057 $123,984 

Foote Creek IV, LLC 203 28 16.80 $1,453,037 58.057 $84,359 

Platte River Power 
Authority 

202 11 8.39 $159,924 60.057 $9,605 

Rock River I 203 50 50.00 $4,191,969 58.057 $243,373 

Total  194 143.14 $9,021,435 -- $524,078 

Source: Wyoming Department of Revenue, 2009. 

Ad Valorem Taxes
It is estimated that ad valorem property taxes of approximately $1,273,000 as a result of the 
first phase of the Project would be payable to Carbon County (see Table 1-4). This would be 
the estimate for increased taxes during the first full year of operation. These taxes levied 
against the property would account for 2.2 percent of all ad valorem taxes levied in Carbon 
County in 2008.  

TABLE 1-4 

'XQODS�:LQG�3URMHFW����$G�9DORUHP�3URSHUW\�7D[�(VWLPDWH�

Estimation of Assessed Value  Applicable Tax Rates 

Capital
Investment1

Market
to

Book 
Ratio2

Estimated
Market Value 

Assessment 
Ratio3

Estimated
Assessed 

Value
Tax 

District
2008 Tax 

Rate4

Estimated
Property 

Tax 

A B C D E D G H 

 a x b c x d   e x g 

$259,278,000 71.1% $184,268,875 11.5% $21,190,921 202 60.06 $1,273,000 
1 Level of capital investment reflected in project’s executive summary. 
2 Ratio of the assessed value of the company’s existing Wyoming property to its net book value. 
3 Statutory assessment ratio applicable to industrial operating property. 
4 2008 mill levy for the listed taxing district. 
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Sales, Use, and Lodging Taxes 
Local tax revenues would also accrue from the sale of goods and services to nonlocal 
workers. These purchases would be mostly for meals, recreation and entertainment, 
gasoline and automotive service, and lodging. It is possible that tax revenues totaling almost 
$100,000 over the construction period would accrue to the local communities combined. 

Lodging tax revenues could accrue to the counties where construction workers temporarily 
reside, and estimates are included in the local tax revenues reported above. However, it 
should be noted that: (1) the actual distribution of construction workers is not known at this 
time, and (2) the duration of their stays is not known and lodging taxes are levied only on 
sleeping accommodations for guests staying less than 30 days. 

1.4.6 Environmental Benefits 
The environmental benefits of the Project are substantial. Wind power is a renewable and 
nonpolluting electrical generation source. The Project will result in a reduction of 
PacifiCorp’s overall electrical generation pollutant emissions on a per-megawatt basis as 
compared to other nonrenewable alternatives. In addition, unlike most other electrical 
generation sources, WTGs do not consume water nor require additional fuel sources. The 
construction and operation of the Project is a low-impact, exceptionally low water use, and 
non-extractive source of electrical generation. The complete development of Phase I of the 
Dunlap Project would result in permanent disturbance to only approximately one percent of 
the lands within the defined Project area. 
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FERC FORM No. 1: Annual Report of 

Major Electric Utilities, Licensees 
and Others and Supplemental 

Form 3-Q: Quarterly Financial Report

These reports are mandatory under the Federal Power Act, Sections 3, 4(a), 304 and 309, and 
18 CFR 141.1 and 141.400.  Failure to report may result in criminal fines, civil penalties and 
other sanctions as provided by law.  The Federal Energy Regulatory Commission does not
consider these reports to be of confidential nature

OMB No.1902-0021

OMB No.1902-0029

OMB No.1902-0205

(Expires 12/31/2014)

(Expires 12/31/2014)

(Expires 05/31/2014)

Form 1 Approved

Form 1-F Approved

Form 3-Q Approved

FERC FORM No.1/3-Q (REV. 02-04)

Exact Legal Name of Respondent (Company) Year/Period of Report

End of 2011/Q4Portland General Electric Company

JMG
NIPPC/123Monsen/1

JMG
       UM 1182



IDENTIFICATION

FERC FORM NO. 1/3-Q:
REPORT OF MAJOR ELECTRIC UTILITIES, LICENSEES AND OTHER

Maria M. Pope

121 SW Salmon Street, Portland, Oregon, 97204

2011/Q4

121 SW Salmon Street, Portland, Oregon 97204

01 Exact Legal Name of Respondent

(1)       An Original          (2)        A ResubmissionX

02 Year/Period of Report
End ofPortland General Electric Company

03 Previous Name and Date of Change (if name changed during year)

04 Address of Principal Office at End of Period (Street, City, State, Zip Code)

05 Name of Contact Person 06 Title of Contact Person

07 Address of Contact Person (Street, City, State, Zip Code)

08 Telephone of Contact Person,Including
Area Code

09 This Report Is 10 Date of Report
(Mo, Da, Yr)

01 Name
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03 Signature 04 Date Signed
(Mo, Da, Yr)

Title 18, U.S.C. 1001 makes it a crime for any person to knowingly and willingly to make to any Agency or Department of the United States any
false, fictitious or fraudulent statements as to any matter within its jurisdiction.

  /  /

Kirk M. Stevens Controller & Asst. Treasurer

(503) 464-7121 05/30/2012

Maria M. Pope

  SVP, CFO and Treasurer 05/30/2012

ANNUAL CORPORATE OFFICER CERTIFICATION
The undersigned officer certifies that:

I have examined this report and to the best of my knowledge, information, and belief all statements of fact contained in this report are correct statements
of the business affairs of the respondent and the financial statements, and other financial information contained in this report, conform in all material
respects to the Uniform System of Accounts.
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Name of Respondent This Report Is:
(1)          An Original
(2)          A Resubmission

Date of Report
(Mo, Da, Yr)

Year/Period of Report
End of

LIST OF SCHEDULES (Electric Utility)

Portland General Electric Company
X 05/30/2012

2011/Q4

Line
 No.

Title of Schedule Reference
Page No.

Remarks

(c)(b)(a)

Enter in column (c) the terms "none," "not applicable," or "NA," as appropriate, where no information or amounts have been reported for
certain pages.  Omit pages where the respondents are "none," "not applicable," or "NA".

101General Information   1

Not Applicable102Control Over Respondent   2

103Corporations Controlled by Respondent   3

104Officers   4

105Directors   5

Not Applicable106(a)(b)Information on Formula Rates   6

108-109Important Changes During the Year   7

110-113Comparative Balance Sheet   8

114-117Statement of Income for the Year   9

118-119Statement of Retained Earnings for the Year  10

120-121Statement of Cash Flows  11

122-123Notes to Financial Statements  12

122(a)(b)Statement of Accum Comp Income, Comp Income, and Hedging Activities  13

200-201Summary of Utility Plant & Accumulated Provisions for Dep, Amort & Dep  14

None202-203Nuclear Fuel Materials  15

204-207Electric Plant in Service  16

None213Electric Plant Leased to Others  17

214Electric Plant Held for Future Use  18

216Construction Work in Progress-Electric  19

219Accumulated Provision for Depreciation of Electric Utility Plant  20

224-225Investment of Subsidiary Companies  21

227Materials and Supplies  22

228(ab)-229(ab)Allowances  23

None230Extraordinary Property Losses  24

230Unrecovered Plant and Regulatory Study Costs  25

231Transmission Service and Generation Interconnection Study Costs  26

232Other Regulatory Assets  27

233Miscellaneous Deferred Debits  28

234Accumulated Deferred Income Taxes  29

250-251Capital Stock  30

253Other Paid-in Capital  31

254Capital Stock Expense  32

256-257Long-Term Debt  33

261Reconciliation of Reported Net Income with Taxable Inc for Fed Inc Tax  34

262-263Taxes Accrued, Prepaid and Charged During the Year  35

266-267Accumulated Deferred Investment Tax Credits  36

FERC FORM NO. 1 (ED. 12-96) Page 2
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LIST OF SCHEDULES (Electric Utility) (continued)

Name of Respondent This Report Is:
(1)          An Original
(2)          A Resubmission

Date of Report
(Mo, Da, Yr)

Year/Period of Report
End ofPortland General Electric Company

X 05/30/2012
2011/Q4

Line
 No.

Title of Schedule Reference
Page No.

Remarks

(c)(b)(a)

Enter in column (c) the terms "none," "not applicable," or "NA," as appropriate, where no information or amounts have been reported for
certain pages.  Omit pages where the respondents are "none," "not applicable," or "NA".

269Other Deferred Credits  37

None272-273Accumulated Deferred Income Taxes-Accelerated Amortization Property  38

274-275Accumulated Deferred Income Taxes-Other Property  39

276-277Accumulated Deferred Income Taxes-Other  40

278Other Regulatory Liabilities  41

300-301Electric Operating Revenues  42

304Sales of Electricity by Rate Schedules  43

310-311Sales for Resale  44

320-323Electric Operation and Maintenance Expenses  45

326-327Purchased Power  46

328-330Transmission of Electricity for Others  47

Not Applicable331Transmission of Electricity by ISO/RTOs  48

332Transmission of Electricity by Others  49

335Miscellaneous General Expenses-Electric  50

336-337Depreciation and Amortization of Electric Plant  51

350-351Regulatory Commission Expenses  52

352-353Research, Development and Demonstration Activities  53

354-355Distribution of Salaries and Wages  54

None356Common Utility Plant and Expenses  55

397Amounts included in ISO/RTO Settlement Statements  56

398Purchase and Sale of Ancillary Services  57

400Monthly Transmission System Peak Load  58

Not Applicable400aMonthly ISO/RTO Transmission System Peak Load  59

401Electric Energy Account  60

401Monthly Peaks and Output  61

402-403Steam Electric Generating Plant Statistics  62

406-407Hydroelectric Generating Plant Statistics  63

None408-409Pumped Storage Generating Plant Statistics  64

410-411Generating Plant Statistics Pages  65

422-423Transmission Line Statistics Pages  66
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BoardmanBoardman

Name of Respondent This Report Is:
(1)          An Original
(2)          A Resubmission

Date of Report
(Mo, Da, Yr)

Year/Period of Report

End ofPortland General Electric Company
X 05/30/2012 2011/Q4

Line
 No.

Item

(b)(a) (c)

Plant
Name:

Plant
Name:

STEAM-ELECTRIC GENERATING PLANT STATISTICS (Large Plants)
1.  Report data for plant in Service only.    2.  Large plants are steam plants with installed capacity (name plate rating) of 25,000 Kw or more.  Report in
this page gas-turbine and internal combustion plants of 10,000 Kw or more, and nuclear plants.    3.  Indicate by a footnote any plant leased or operated
as a joint facility.    4.  If net peak demand for 60 minutes is not available, give data which is available, specifying period.    5.  If any employees attend
more than one plant, report on line 11 the approximate average number of employees assignable to each plant.    6.  If gas is used and purchased on a
therm basis report the Btu content or the gas and the quantity of fuel burned converted to Mct.    7.  Quantities of fuel burned (Line 38) and average cost
per unit of fuel burned (Line 41) must be consistent with charges to expense accounts 501 and 547 (Line 42) as show on Line 20.    8.  If more than one
fuel is burned in a plant furnish only the composite heat rate for all fuels burned.

SteamSteam   1 Kind of Plant (Internal Comb, Gas Turb, Nuclear
ConventionalConventional   2 Type of Constr (Conventional, Outdoor, Boiler, etc)

19801980   3 Year Originally Constructed
19801980   4 Year Last Unit was Installed

417.43642.20   5 Total Installed Cap (Max Gen Name Plate Ratings-MW)
0598   6 Net Peak Demand on Plant - MW (60 minutes)
06208   7 Plant Hours Connected to Load
00   8 Net Continuous Plant Capability (Megawatts)
0575   9  When Not Limited by Condenser Water
0575  10  When Limited by Condenser Water
0112  11 Average Number of Employees

21914330003305796000  12 Net Generation, Exclusive of Plant Use - KWh
8328531274078  13 Cost of Plant: Land and Land Rights

101073073153132849  14  Structures and Improvements
346266930533895764  15  Equipment Costs
2518926833978545  16   Asset Retirement Costs

473362124722281236  17   Total Cost
1133.99161124.6983  18 Cost per KW of Installed Capacity (line 17/5) Including

27994615378605  19 Production Expenses: Oper, Supv, & Engr
4150718763468760  20  Fuel

00  21  Coolants and Water (Nuclear Plants Only)
22092942386700  22  Steam Expenses

00  23  Steam From Other Sources
00  24  Steam Transferred (Cr)
00  25  Electric Expenses

46624687176916  26  Misc Steam (or Nuclear) Power Expenses
00  27  Rents
00  28  Allowances

2791355723519  29  Maintenance Supervision and Engineering
285020369601  30  Maintenance of Structures

57737725  31  Maintenance of Boiler (or reactor) Plant
1024478210443437  32  Maintenance of Electric Plant
24850784573460  33  Maintenance of Misc Steam (or Nuclear) Plant

6447819899528723  34   Total Production Expenses
0.02940.0301  35   Expenses per Net KWh

Coal Oil  36 Fuel: Kind (Coal, Gas, Oil, or Nuclear)
Tons Barrels  37  Unit (Coal-tons/Oil-barrel/Gas-mcf/Nuclear-indicate)
1985277 12725 0 0 0 0  38  Quantity (Units) of Fuel Burned
8517 138600 0 0 0 0  39  Avg Heat Cont - Fuel Burned (btu/indicate if nuclear)
30.156 137.366 0.000 0.000 0.000 0.000  40  Avg Cost of Fuel/unit, as Delvd f.o.b. during year
31.186 122.320 0.000 0.000 0.000 0.000  41  Average Cost of Fuel per Unit Burned
1.831 21.013 0.000 0.000 0.000 0.000  42  Average Cost of Fuel Burned per Million BTU
0.019 0.000 0.000 0.000 0.000 0.000  43  Average Cost of Fuel Burned per KWh Net Gen
10229.700 0.000 0.000 0.000 0.000 0.000  44  Average BTU per KWh Net Generation
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Colstrip

Name of Respondent This Report Is:
(1)          An Original
(2)          A Resubmission

Date of Report
(Mo, Da, Yr)

Year/Period of Report

End ofPortland General Electric Company
X 05/30/2012 2011/Q4

Line
 No.

Item

(b)(a) (c)

Plant
Name:

Plant
Name:

STEAM-ELECTRIC GENERATING PLANT STATISTICS (Large Plants) (Continued)
1.  Report data for plant in Service only.    2.  Large plants are steam plants with installed capacity (name plate rating) of 25,000 Kw or more.  Report in
this page gas-turbine and internal combustion plants of 10,000 Kw or more, and nuclear plants.    3.  Indicate by a footnote any plant leased or operated
as a joint facility.    4.  If net peak demand for 60 minutes is not available, give data which is available, specifying period.    5.  If any employees attend
more than one plant, report on line 11 the approximate average number of employees assignable to each plant.    6.  If gas is used and purchased on a
therm basis report the Btu content or the gas and the quantity of fuel burned converted to Mct.    7.  Quantities of fuel burned (Line 38) and average cost
per unit of fuel burned (Line 41) must be consistent with charges to expense accounts 501 and 547 (Line 42) as show on Line 20.    8.  If more than one
fuel is burned in a plant furnish only the composite heat rate for all fuels burned.

Steam   1 Kind of Plant (Internal Comb, Gas Turb, Nuclear
   2 Type of Constr (Conventional, Outdoor, Boiler, etc)
   3 Year Originally Constructed
   4 Year Last Unit was Installed

311.200.00   5 Total Installed Cap (Max Gen Name Plate Ratings-MW)
00   6 Net Peak Demand on Plant - MW (60 minutes)
00   7 Plant Hours Connected to Load
00   8 Net Continuous Plant Capability (Megawatts)
00   9  When Not Limited by Condenser Water
00  10  When Limited by Condenser Water
00  11 Average Number of Employees

19335690000  12 Net Generation, Exclusive of Plant Use - KWh
33279080  13 Cost of Plant: Land and Land Rights

1149418320  14  Structures and Improvements
3220162790  15  Equipment Costs

-2854710  16   Asset Retirement Costs
4400005480  17   Total Cost
1413.88350  18 Cost per KW of Installed Capacity (line 17/5) Including

12232360  19 Production Expenses: Oper, Supv, & Engr
278078490  20  Fuel

00  21  Coolants and Water (Nuclear Plants Only)
14507800  22  Steam Expenses

00  23  Steam From Other Sources
00  24  Steam Transferred (Cr)
00  25  Electric Expenses

14296720  26  Misc Steam (or Nuclear) Power Expenses
312540  27  Rents

00  28  Allowances
28250080  29  Maintenance Supervision and Engineering
6647560  30  Maintenance of Structures

51982150  31  Maintenance of Boiler (or reactor) Plant
8058340  32  Maintenance of Electric Plant

-1249400  33  Maintenance of Misc Steam (or Nuclear) Plant
413116640  34   Total Production Expenses

0.02140.0000  35   Expenses per Net KWh
  36 Fuel: Kind (Coal, Gas, Oil, or Nuclear)
  37  Unit (Coal-tons/Oil-barrel/Gas-mcf/Nuclear-indicate)

0 0 0 0 0 0  38  Quantity (Units) of Fuel Burned
0 0 0 0 0 0  39  Avg Heat Cont - Fuel Burned (btu/indicate if nuclear)
0.000 0.000 0.000 0.000 0.000 0.000  40  Avg Cost of Fuel/unit, as Delvd f.o.b. during year
0.000 0.000 0.000 0.000 0.000 0.000  41  Average Cost of Fuel per Unit Burned
0.000 0.000 0.000 0.000 0.000 0.000  42  Average Cost of Fuel Burned per Million BTU
0.000 0.000 0.000 0.000 0.000 0.000  43  Average Cost of Fuel Burned per KWh Net Gen
0.000 0.000 0.000 0.000 0.000 0.000  44  Average BTU per KWh Net Generation
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9.  Items under Cost of Plant are based on U. S. of A. Accounts.  Production expenses do not include Purchased Power, System Control and Load
Dispatching, and Other Expenses Classified as Other Power Supply Expenses.    10.  For IC and GT plants, report Operating Expenses, Account Nos.
547 and 549 on Line 25 "Electric Expenses," and Maintenance Account Nos. 553 and 554 on Line 32, "Maintenance of Electric Plant." Indicate plants
designed for peak load service.  Designate automatically operated plants.    11.  For a plant equipped with combinations of fossil fuel steam, nuclear
steam, hydro, internal combustion or gas-turbine equipment, report each as a separate plant.  However, if a gas-turbine unit functions in a combined
cycle operation with a conventional steam unit, include the gas-turbine with the steam plant.    12.  If a nuclear power generating plant, briefly explain by
footnote (a) accounting method for cost of power generated including any excess costs attributed to research and development; (b) types of cost units
used for the various components of fuel cost; and (c) any other informative data concerning plant type fuel used, fuel enrichment type and quantity for the
report period and other physical and operating characteristics of plant.

Coyote SpringsPort WestwardBeaver

Name of Respondent This Report Is:
(1)          An Original
(2)          A Resubmission

Date of Report
(Mo, Da, Yr)

Year/Period of Report

End of

STEAM-ELECTRIC GENERATING PLANT STATISTICS (Large Plants)

Portland General Electric Company
X 05/30/2012 2011/Q4

Line
 No.

(e) (f)

Plant
Name:

Plant
Name:

(d)

Plant
Name:

(Continued)

Gas & Steam TurbineGas & Steam Turbine Gas & Steam Turbine    1
OutdoorOutdoor Outdoor    2

19951974 2007    3
19952001 2007    4

266.40610.70 483.30    5
272515 429    6

2628371 3373    7
00 0    8

270533 418    9
00 0   10

2853 22   11
69084400056399000 1391213000   12

00 0   13
1078914530234068 40816455   14

186779776171705780 218238534   15
11254442315 226391   16

197681465201982163 259281380   17
742.0475330.7388 536.4812   18
24585181475874 2266465   19

670870887418924 123588927   20
00 0   21
00 0   22
00 0   23
00 0   24
00 0   25

5453662992211 1547903   26
68369179310 33929   27

00 0   28
28125545991 25017   29

035545 7170   30
00 0   31

67088363698679 4474685   32
3050564898 41508   33

7692680716411432 131985604   34
0.11140.2910 0.0949   35

Gas Oil Gas OilGas Oil   36
Mcf's Barrels Mcf's BarrelsMcf's Barrels   37
565785 32 0 5445302 158 09878346 0 0   38
1011000 138600 0 1011000 138600 01011000 138600 0   39
3.880 0.000 0.000 3.486 0.000 0.0003.793 0.000 0.000   40
13.107 99.321 0.000 12.320 0.196 0.00012.511 0.000 0.000   41
12.963 17.083 0.000 12.184 0.034 0.00012.373 0.000 0.000   42
0.131 0.000 0.000 0.097 0.000 0.0000.089 0.000 0.000   43
10144.000 0.000 0.000 7969.800 0.000 0.0007179.500 0.000 0.000   44
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THIS FILING IS

Item 1: An Initial (Original)
Submission

OR Resubmission No. ____

Form 1 Approved
OMB No. 1902-0021
(Expires 2/29/2009)
Form 1-F Approved
OMB No. 1902-0029
(Expires 2/28/2009)
Form 3-Q Approved
OMB No. 1902-0205
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FERC FORM No. 1: Annual Report of 

Major Electric Utilities, Licensees 
and Others and Supplemental 

Form 3-Q: Quarterly Financial Report

These reports are mandatory under the Federal Power Act, Sections 3, 4(a), 304 and 309, and 
18 CFR 141.1 and 141.400.  Failure to report may result in criminal fines, civil penalties and 
other sanctions as provided by law.  The Federal Energy Regulatory Commission does not
consider these reports to be of confidential nature
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Exact Legal Name of Respondent (Company) Year/Period of Report

End of 2008/Q4PacifiCorp
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Name of Respondent This Report Is:
(1)          An Original
(2)          A Resubmission

Date of Report
(Mo, Da, Yr)

Year/Period of Report
End of

LIST OF SCHEDULES (Electric Utility)

PacifiCorp X
03/31/2009

2008/Q4

Line
 No.

Title of Schedule Reference
Page No.

Remarks

(c)(b)(a)

Enter in column (c) the terms "none," "not applicable," or "NA," as appropriate, where no information or amounts have been reported for
certain pages.  Omit pages where the respondents are "none," "not applicable," or "NA".

101General Information   1

102Control Over Respondent   2

103Corporations Controlled by Respondent   3

104Officers   4

105Directors   5

108-109Important Changes During the Year   6

110-113Comparative Balance Sheet   7

114-117Statement of Income for the Year   8

118-119Statement of Retained Earnings for the Year   9

120-121Statement of Cash Flows  10

122-123Notes to Financial Statements  11

122(a)(b)Statement of Accum Comp Income, Comp Income, and Hedging Activities  12

200-201Summary of Utility Plant & Accumulated Provisions for Dep, Amort & Dep  13

N/A202-203Nuclear Fuel Materials  14

204-207Electric Plant in Service  15

N/A213Electric Plant Leased to Others  16

214Electric Plant Held for Future Use  17

216Construction Work in Progress-Electric  18

219Accumulated Provision for Depreciation of Electric Utility Plant  19

224-225Investment of Subsidiary Companies  20

227Materials and Supplies  21

228-229Allowances  22

N/A230Extraordinary Property Losses  23

230Unrecovered Plant and Regulatory Study Costs  24

231Transmission Service and Generation Interconnection Study Costs  25

232Other Regulatory Assets  26

233Miscellaneous Deferred Debits  27

234Accumulated Deferred Income Taxes  28

250-251Capital Stock  29

253Other Paid-in Capital  30

254Capital Stock Expense  31

256-257Long-Term Debt  32

261Reconciliation of Reported Net Income with Taxable Inc for Fed Inc Tax  33

262-263Taxes Accrued, Prepaid and Charged During the Year  34

266-267Accumulated Deferred Investment Tax Credits  35

269Other Deferred Credits  36

FERC FORM NO. 1 (ED. 12-96) Page 2
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LIST OF SCHEDULES (Electric Utility) (continued)

Name of Respondent This Report Is:
(1)          An Original
(2)          A Resubmission

Date of Report
(Mo, Da, Yr)

Year/Period of Report
End ofPacifiCorp X

03/31/2009
2008/Q4

Line
 No.

Title of Schedule Reference
Page No.

Remarks

(c)(b)(a)

Enter in column (c) the terms "none," "not applicable," or "NA," as appropriate, where no information or amounts have been reported for
certain pages.  Omit pages where the respondents are "none," "not applicable," or "NA".

N/A272-273Accumulated Deferred Income Taxes-Accelerated Amortization Property  37

274-275Accumulated Deferred Income Taxes-Other Property  38

276-277Accumulated Deferred Income Taxes-Other  39

278Other Regulatory Liabilities  40

300-301Electric Operating Revenues  41

304Sales of Electricity by Rate Schedules  42

310-311Sales for Resale  43

320-323Electric Operation and Maintenance Expenses  44

326-327Purchased Power  45

328-330Transmission of Electricity for Others  46

N/A331Transmission of Electricity by ISO/RTOs  47

332Transmission of Electricity by Others  48

335Miscellaneous General Expenses-Electric  49

336-337Depreciation and Amortization of Electric Plant  50

350-351Regulatory Commission Expenses  51

352-353Research, Development and Demonstration Activities  52

354-355Distribution of Salaries and Wages  53

N/A356Common Utility Plant and Expenses  54

N/A397Amounts included in ISO/RTO Settlement Statements  55

398Purchase and Sale of Ancillary Services  56

400Monthly Transmission System Peak Load  57

N/A400aMonthly ISO/RTO Transmission System Peak Load  58

401Electric Energy Account  59

401Monthly Peaks and Output  60

402-403Steam Electric Generating Plant Statistics  61

406-407Hydroelectric Generating Plant Statistics  62

N/A408-409Pumped Storage Generating Plant Statistics  63

410-411Generating Plant Statistics Pages  64

422-423Transmission Line Statistics Pages  65

424-425Transmission Lines Added During the Year  66

FERC FORM NO. 1 (ED. 12-96) Page 3
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Name of Respondent This Report Is:
(1)          An Original
(2)          A Resubmission

Date of Report
(Mo, Da, Yr)

Year/Period of Report
End of

DEPRECIATION AND AMORTIZATION OF ELECTRIC PLANT (Continued)

PacifiCorp X
03/31/2009

2008/Q4

Line
 No. Account No.

(c)(b)(a) (d) (e)

C. Factors Used  in Estimating Depreciation Charges
Depreciable
Plant Base

(In Thousands)

Estimated
Avg. Service

Life

Net
Salvage
(Percent)

Applied
Depr. rates

Mortality
Curve
Type

Average
Remaining

Life
(f) (g)

(Percent)

Eastside Mobile Gener.  12

         20.00       5.00344.00 UT             840  13

  14

SOLAR GENERATING  15

Utah Solar  16

         15.00       8.84           3.00SQ344.00 UT              36  17

  18

Oregon Solar  19

         15.00       5.73           4.00SQ344.00 OR              56  20

  21

Wyoming Solar  22

         15.00       8.98           3.00SQ344.00 WY              61  23

  24

WIND GENERATION  25

Foote Creek  26

      3.84341.00 WY             110  27

         26.09      -0.95       3.92          17.59343.00 WY          32,339  28

         26.42      -0.82       3.84          17.92344.00 WY           1,636  29

         26.46      -0.82       3.84          17.96345.00 WY           2,891  30

  31

Leaning Juniper I  32

         25.47      -0.52       3.96          24.97341.00 OR           4,911  33

         24.82      -0.71       4.08          24.32343.00 OR         153,407  34

      3.96344.00 OR           5,140  35

      3.96345.00 OR           8,399  36

         25.47      -0.52       3.96          24.97346.00 OR              80  37

  38

Marengo I & II  39

         24.87      -1.00       4.06          24.87341.00 WA          10,189  40

         24.87      -1.00       4.06          24.87343.00 WA         324,805  41

         24.87      -1.00       4.06          24.87344.00 WA           9,221  42

         24.87      -1.00       4.06          24.87345.00 WA          18,802  43

         24.87      -1.00       4.06          24.87346.00 WA             337  44

  45

  46

  47

  48

  49

  50

FERC FORM NO. 1 (REV. 12-03) Page 337.10
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CASE NO. PAC-E-10-07

Direct Testimony of Mark R. Tallman

ROCKY MOUNTAIN POWER
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1 Q. Please state your name, business address and present position with Rocky

2 Mountain Power ("Company").

3 A. My name is Mark R. Tallman. My business address is 825 NE Multnomah, Suite

4 2000, Portand, Oregon 97232. My present position is Vice President of

5 Renewable Resource Acquisition.

6 Qualifications

7 Q. Please describe your educational and professional background.

8 A. I have a Bachelor of Science Degree in Electrical Engineering from Oregon State

9 University and a Masters of Business Administration from City University of

10 Seattle. I am also a Registered Professional Engineer in the states of Oregon and

11 Washington. I have been the Vice President of Renewable Resource Acquisition

12 since December 2007. Pror to that, I was Managing Director of Renewable

13 Resource Acquisition from April 2006 to December 2007. I have worked at the

14 Company for more than 24 years in a varety of positions of increasing

15 responsibilty, including the commercial and trading organization; the

16 Company's engineering organization; the retail distrbution organization; and five

17 years as a District Manáger.

18 Purpose and Overview of Testimony

19 Q. What is the. purpose of your testiony?

20 A. The purpose of my testimony is to demonstrate the prudence of the Seven Mile

21 Hil, Glenrock, Rollng Hils, Seven Mile Hil II, Glenrock il, High Plains and

22 McFadden Ridge I wind-powered generation resources (collectively the "Wind

23 Resources" and individually a "Wind Resource"). The Company is also adding

Tallman, Di - 1
Rocky Mountai Power
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14 Q.

15 A.

16

the Dunlap I wind-powered generation resource that is addressed in the testimony

of Mr. Stefan A. Bird.

Please summarize your testimony.

I star by describing the Company's integrated resource plan ("IRP") and how it is

utilzed to identify and quantify the need and timing of new supply-side resources.

I also provide an overview of the relevant MidAmerican Energy Holdigs

Company ("MEHC") transaction commtments related to acquisition of renewable

resources. Finally, I provide a description of the Wind Resources, the decision-

makng process leading to their acquisition and a description of updated

information for each Wind Resource.

What were the commercial operation dates for each Wind Resource?

Each Wind Resource is in service. As shown in the table below, the commercial

operation date ("COD") vares by Wind Resource.

Wind Resource COD
Wind

Resource COD
Seven Mile Hill December 31, 2008

Glenrk December 31, 2008
Rolling Hils Januar 17, 2009

Seven Mile Hil II December 31, 2008
Glenrock II J anuar 17, 2009
Hil!h Plais September 13, 200

McFadden Ridge I September 29, 2009

Please summarize each Wind Resource.

The table below summarzes each Wind Resource, its location and its associated

investment.

Tallman, Di - 2
Rocky Mountain Power
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W. dR SII esource ummarv
Wind

Resource MW Location Investment COD
Seven Mile Hil 99.0 Medicine Bow, WY $206,070,352 1213112008

Glenrock 99.0 Glenrock, WY $217,015,087 12/3112008
Rollinl! Hils 99.0 Glenrk, WY $200,234,936 1/17/2009

Seven Mile Hil II 19.5 Medicine Bow, WY $41,304,822 12/3112008
Glenrock II 39.0 Glenrock, WY $86,840,843 11171200
High Plais 99.0 McFadden, WY $232,518,676 9/13/2009

McFadden Ridge I 28.5 McFadden, WY $56,511,031 9129/2009

1 Integrated Resource Plan

2 Q.

3 A.

4

5

6

7

8 Q.

9 A.

10

11

12

13

14

15

16

17

18

Please briefly describe the IRP process.

The IRP is a strategic planning tool that presents a framework for resource

acquisitions to ensure the Company continues to provide reliable, low-cost service

with manageable and reasonable risk to customers. The IRP builds on the

Company's prior resource planning efforts and reflects significant advancements

in portfolio modeling.and risk analysis.

What is the main purpose of the IRP?

The mandate for an IRP is to ensure that the Company has, on a long-term basis,

an adequate and reliable electrcity supply at the lowest reasonable cost and to

ensure that such supply is provided or fulfilled in a timely and planned maner

consistent with the long-term public interest. The IRP serves as a strategic

roadmap to assist the Company in determning and implementing its long-term

resource strategy. In doing so, the IRP accounts for state specific IRP

requirements, expected customer resource needs, the current planning

environment, corporate business goals and certin commtments made by the

Company as par of MEHC' s acquisition of PacifiCorp, including the acquisition

of renewable resources.

Tallman, Di - 3
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1 Q.

2

3 A.

Has the Company obtained a Certificate of Public Convenience and Necessity

("CPCN") for each Wind Resurce?

Yes. The Company obtained a CPCN for each Wind Resource from the

4 Wyoming Public Service Commssion. Because each Wind Resource is in

5 Wyoming, application for a lie certificate in Idaho was not required.

6 Update for Most Recent Capacity Factor Projections

7 Q.

8

9

10 A.

11

12

13

14 Q.

15

16 A.

17

18

19

20

21

22

In completing the construction process, did the Company obtain third-party

technical studies updating the capacity factor estimates for each Wind

Resource?

Confidential Exhibit Nos. 27, 28, 29, 30 and 31 are the final build design energy

projections for the Seven Mile Hil, Glenrock, Rollng Hils, Seven Mile Hil II

and Glenrock III resources, respectively. A final build design energy projection

has yet to be completed for the High Plains and McFadden Ridge I resources.

Please summarize the final build design energy projections for these

resources.

The table below provides a summar of the final build design energy.projection

estimate ("FBDE") for each Wind Resource as well as the projection at the time

the decision was made to acquire the resource. The summar shows estimated

annual capacity factor ("CF") at the probability fifty (P50) level and megawatt-

hours ("MW"). Because actual CF is dependent on the weather and other

factors, a P50 estimate means that the actual production in any given year can be

expected to be higher or lower over the life of the resource.

Tallman, Di - 12
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1 Q.

2

3 A.

4

5 Q.

6 A.

7

8

9 Q.

10

11

12 A.

13

Wind ResourceFBDE
Acquisition Acquisition Updated Updated

Decision Decision wlFBDE wlFBDE
Resource (CF) (MWh) (CF) (MWh)

Seven Mile Hill 41.3% 358,170 40.3% 349,948
Glenrock 38.6% 334,755 37.4% 324,348
Rollng Hils 31.0% 268,844 33.8% 293,127
Seven Mile Hil II 39.3% 67,132 40.3% 68,840
Glenrock II 31.0% 105,908 36.4% 124,357

TotalMWh 1,134,810 1,160,170
Average CF 36.2% 37.6%

High Plains 35.7% 309,605 nla
McFadden Ridge I 34.5% 86,133 nla

TotaMW 1,530,547 1,555,907
Average CF 35.9% 36.9%

Is it unusual for capacity factor estimates to vary over time as the

construction of wind-powered generation facilities progress?

No. As more information is acquired, it is not unusual for capacity factor

estimates to be updated.

Why were the estimated capacity factors of these resources updted?

The update in.estimated capacity factor reflects normal changes that resulted in

the final construction design of the resources, as well as additional information on

wind climatology for the sites.

Is the average capacity factor of the Wind Resources in line with the average

capacity factor for the Company's Wyoming power purchase contracts with

wind-powered generation resources?

Yes. The average capacity factor for the Company's Wyoming power purchase

contracts with wind-powered generation resources is approximately 32.0 percent.

Tallman, Di - 13
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1 Q.

2

3

4 A.

5

6

7

8 Q.

9

10 A.

11

12

13

14 Q.

15 A.

16

17

18

19 Q.

20 A.

21

Is the average capacity factor predicted for the Wind Resources in line with

the proxy capacity factor assumed for Wyoming wind resources in the

Company's IRP?

Yes. The Company's 2007 IRP and 2008 IRP used a 35 percenë capacity factor

to model proxy wind projects for building the Company's portfolio of renewable

energy resources. In reality, some renewable resources wil have capacity factors

above 35 percent and others wil be lower than 35 percent.

Does the Company currently have wind resurces or contracts with wind

resources in its portfolio with capacity factors below 35 percent?

Yes, excluding any of the Wind Resources, the Company curently has 21 such

resources with projected annual capacity factors below 35 percent. These

resources are located inside and outside of Wyoming. See Confidential Exhibit

No. 32.

Does the net power cost study in this case include the FBDE?

Yes. The Company believes the most recent capacity factor projection is

appropriate to use for setting rates and, as such, the Company included ~e FBDE

updates in the net power cost study sponsored by Company witness Dr. Hui Shu

in this case.

Has the Company included the value of PTCs and RECs in its filing?

Yes. The value of PTCs, RECs or other known tax-related benefits and burdens

for each Wind Resourc are included in the Company's filng.

435% is in line with the proxy wind assumptions used in the 2004IRP.
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1 Q.

2

3

4 A.

Did the Company acquire the Wind Resources for the purpose of complying

with renewable portfolio standards in Oregon, Washington, Calornia or to

meet the requirements of carbon reduction legislation in Utah?

No, each Wind Resource was acquired on the basis of its economics, other

5 quantitative factors and qualitative factors.

6 Conclusion

7 Q.

8 A.

9

10

11

12

13

14

15

16

17 Q.

18 A.

19

20

21

22

23

What are the overall benefits of Wind Resources to Idaho customers?

Customers benefit from the Wind Resources because they represent cost effective

renewable resources. The 2004, 2007 and 2008 IRPs specify that cost effective

renewable resources (using wind-powered generation resources as a proxy)

should be steadily added to the system. The Wind Resources benefit customers as

their acquisitions were both cost effective and consistent with th~ Company's

robust long-term planning efforts though the IRP process. Customers furter

benefit from these renewable resources because they provide a zero incremental

cost fuel source, thus reducing exposure to potentially volatile commodity and/or

fuel risks.

Are there other benefits the Commission should consider?

Yes. The Wind Resources are multi-shafted generation resources that diversify

the impact of individual generator failures and provide the Company with

continued ownership and operational experience with utility-scale wind projects.

Each Wind Resource utilizes G .E. wind tubines, thus complementing the

Company's operating experience with other G.E. based projects, spare

optimization and procurement of O&M services.
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1 Q. Was each Wind Resource acquired consistent with the Company's then-

2 current IRP and does it represnt the least cost/rik option available for the

3 long-term benefit of customers?

4 A. Yes

5 Q. Was each Wind Resource prudently acquired, in the public interest and is

6 each Wind Resource used and useful?

7 A. Yes

8 Q. Does this conclude your direct testimony?

9 A. Yes.
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825 NE Multnomah, Suite 2000 
Portland, Oregon 97232 PACIFIC POWER , A DIVISION OF PACIFICORP 

August 22, 2008 

VIA ELECTRONIC FILING 
AND OVERNIGHT DELIVERY 

Oregon Public Utility Commission 
550 Capitol Street NE, Ste 215 
Salem, OR 97301-2551 

Attn: Vikie Bailey-Goggins, Administrator 
Regulatory and Technical Support 

Re: Docket No. UE 200 
PacifiCorp's 2009 Renewable Adjustment Clause 
Rebuttal Testimony and Exhibits 

PacifiCorp dba Pacific Power submits for filing an original and five (5) copies of PacifiCorp's 
Rebuttal Testimony and Exhibits of Andrea L. Kelly, Mark R. Tallman, R. Bryce Dailey and 
Judith Ridenour in the above-referenced proceeding. The confidential exhibits to the testimony 
of Mark R. Tallman are :provided in separate envelopes and sealed pursuant to the Protective 
Order in this proceeding. Also enclosed are three (3) CDs containing the electronic workpapers 
for Mark R. Tallman, R. Bryce Dailey and Judith Ridenour. 

The Company has waived confidential protection of the annual capacity factors and the ACC 
analysis results for the Grlenrock and Rolling Hills resources that are cited in Mark Tallman's 
Rebuttal Testimony PPL/203. Although these data are confidential and subject to protection 
under the Protective Order in this proceeding, for ease of reference the Company is waiving 
confidentiality of these items. 

Please direct informal correspondence and questions regarding this filing to Joelle Steward, 
Regulatory Manager, at (503) 813-5542. 

Very truly yours, 

4ciAkv L. Lak-/f)  
Andrea L. Kelly  

a  
Vice President, Regulation 

Enclosures 

cc:  UE 199 Service List 
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CERTIFICATE OF SERVICE 

I hereby certify that on this 22 nd  day of August, 2008, I caused to be served, via E-Mail and 
Overnight Delivery (to those parties who have not waived paper service), a true and correct copy 
of the foregoing document on the following named person(s) at his or her last-known address(es) 
indicated below. 

SERVICE LIST 
UE-200 

OPUC Dockets (W) 
Citizens' Utility Board of Oregon 
610 Broadway, Suite 308 
Portland, OR 97205 
dockets@oregoncub.org  

Irion A. Sanger (C) 
Davison Van Cleve PC 
333 SW Taylor, Suite 400 
Portland, OR 97204 
iasAdvclaw.com  

John W. Stephens (W) (C) 
Esler Stephens & Buckley 
888 SW Fifth Ave, Suite 700 
Portland, OR 97204-2021 
stephens@eslerstephens.com  

Ryan Flynn (W) (C) 
PacifiCorp 
825 NE Multnomah, Suite 1800 
Portland, OR 97232 
ryan.flynn@pacificorp.com   

Randall Dahlgreen (W) 
Portland General Electric 
121 SW Salmon Si. 1WTC 0702 
Portland, OR 97204 
pge.opuc.filings@pgn.com   

Judy Johnson (W) (C) 
Oregon Public Utility Commission 
P.O.Box 2148 
Salem, OR 97308-2148 
Judy.johnsonOstate.or.us   

Robert Jenks (W) (C) 
Citizens' Utility Board of Oregon 
610 Broadway, Suite 308 
Portland, OR 97205 
bob@oregoncub.org  

Michael T. Weirich (C) (W) 
Assistant Attorney General 
Regulated Utility & Business Section 
1162 Court St, NE 
Salem, OR 97301-4096 
michael.weirich@doj.state.or.us  

Katherine A. McDowell (W) 
McDowell & Rackner PC 
520 SW Sixth Ave, Suite 830 
Portland, OR 97204 
katherine@mcd-law.com   

Oregon Dockets (W) 
PacifiCorp 
825 NE Multnomah, Suite 2000 
Portland, OR 97232 
oregondockets@pacificorp.com   

Douglas C. Tingey (W) 
Portland General Electric 
121 SW Salmon St. 1WTC 13 
Portland, OR 97204 
doug.tingey@pgn.com   

Deborah Garcia (W) (C) 
Oregon Public Utility Commission 
PO Box 2148 
Salem, OR 97308-2148 
Deborah.garcia@state.or.us  
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Lisa C. Schwartz (W) (C) 
 

Ken Dragoon (W) (C) 
Oregon Public Utility Commission  Renewable Northwest Project 
PO Box 2148 
 

917 SW Oak, Suite 303 
Salem, OR 97308-2148 
 

Portland, OR 97205 
Li sa.c.schwartz@state.onus 

 
ken(d,mp.org  

Ann English Gravatt (W) (C) 
 

Jesse Jenkins (W) 
Renewable Northwest Project  Renewable Northwest Project 
917 SW Oak, Suite 303 
 

917 SW Oak, Suite 303 
Portland, OR 97205 
 

Portland, OR 97205 
Anna,rnp.org  jessernp.org  

Randall J. Falkenberg (C) 
PMB 362 
8343 Roswell Road 
Sandy Springs, GA 30350 
consultrfi@aol. corn 

Ariel Son 
Coordinator, Administrative Services 
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OF THE STATE OF OREGON 
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Rebuttal Testimony of Mark R. Tallman 

August 2008 
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PPL/203 
Tallman/1 

1 Q. Are you the same Mark R. Tallman who provided direct testimony in this 

2 proceeding? 

3 A. Yes. 

4 Purpose of Testimony 

5 Q. What is the purpose of your testimony? 

6 A. The purpose of my testimony is to (1) provide updated capacity factor information 

7 based upon final build design projections for the Company's wind resources now 

8 under construction; (2) demonstrate that the Rolling Hills resource was acquired 

9 through prudent decision-making, is cost effective and is in the best interest of 

10 customers; (3) rebut Staff's and ICNU's arguments to the contrary, based on the 

11 allegation that PacifiCorp violated the Commission's competitive bidding 

12 guidelines; (4) rebut Staff's proposed Operation and Maintenance (O&M) 

13 disallowances for wind plant operating costs; and (5) explain why the next highest 

14 alternative cost for compliance (ACC) analysis method is preferable to Staff's 

15 recommendation and why Staffs concerns are unfounded. 

16 Update for Most Recent Capacity Factor Projections 

17 Q. Staff has proposed to increase the capacity factor of two wind resources, 

18 Rolling Hills and Glenrock. As a part of the construction process, has the 

19 Company recently received third-party technical studies updating the 

20 capacity factor estimates for these resources based upon the final build 

21 design? 

22 A. Yes. Confidential Exhibits PPL/204 and PPL/205 are the final build design 

23 energy projections for Rolling Hills and Glenrock. Based upon final project 

Rebuttal Testimony of Mark R. Tallman 
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PPL/203 
Tallman/12 

 

1  alternative cost for compliance. Based upon the capacity factors used for project 

 

2  approval, the ACC for the Rolling Hills resource is $4.53 per MWh on a nominal- 

 

3  levelized basis. 

 

4  Q.  Do Staff or ICNU dispute that the $4.53/MWh nominal-levelized ACC for 

 

5  Rolling Hills represents a reasonable amount for renewable portfolio 

 

6  standards (RPS) compliance? 

 

7  A.  No. Neither Staff nor ICNU dispute that $4.53 per MWh nominal levelized is a 

 

8  reasonable level. In fact, at $4.53 per MWh nominal levelized, the ACC for 

 

9  Rolling Hills is below the implied $6.37 per MWh nominal-levelized ACC for the 

 

10  Goodnoe Hills resource. The Goodnoe Hills resource includes an Energy Trust of 

 

11  Oregon, Inc. (Energy Trust) grant that Staff helped negotiate s . No party has 

 

12  challenged the prudence of the Goodnoe Hills resource on any basis, including the 

 

13  fact that it is projected to have a capacity factor of approximately 32.4 percent or 

 

14  was acquired outside of a Commission-approved RFP. 

 

15  Q.  How do the overall resource economics for Rolling Hills change using the 

 

16  most recent projected capacity factor of 33.8 percent? 

 

17  A.  Using an estimate of 33.8 percent yields a projected resource cost as shown in 

 

18  Confidential Exhibit PPL/207 on a real-levelized basis. The nominal levelized 

 

19  ACC is negative $2.91 per MWh which can be compared to the nominal-levelized 

 

20  ACC of positive $4.53/MWh using the initially conservative estimate of 31 

 

21  percent. The result is a beneficial movement of $7.44 per MWh on a nominal- 

5 In fact, Staff originally helped negotiate two separate Energy Trust grants for two 56 MW wind projects 
(Goodnoe Hills West and Goodnoe Hills East) that were in close proximity to one another, would have 
been constructed at the same time by a single contractor and would have shared a single collector 
substation and single transformer. 

Rebuttal Testimony of Mark R. Tallman 
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                                                                     201 South Main, Suite 2300 
           Salt Lake City, Utah 84111 

 
 
 
VIA ELECTRONIC FILING 
AND OVERNIGHT DELIVERY 
 
January 31, 2007 
 
Utah Public Service Commission 
Heber M. Wells Building, 4th Floor 
160 East 300 South 
Salt Lake City, UT 84111 
 
Attn: Julie P. Orchard 
 Commission Secretary 
 
Re: Case No. 03-035-14 – Quarterly Compliance Filing – Avoided Cost Input Changes  
 

As part of the Public  Service  Commission  of  Utah’s  (the  “Commission”) Orders dated 
October 31, 2005 and February 2, 2006 in Case No. 03-035-14, the company was 
required to keep a record of any changes, including data inputs, made to the Proxy and 
GRID models used in calculating avoided costs.  The Orders further require that the 
company notify the Commission and Division of Public Utilities of updates made to the 
models used in the approved Proxy and Partial Displacement Differential Revenue 
Requirement (PDDRR) avoided cost methodologies.   
 
This  filing  reports  changes  since  the  company’s  last  compliance  filing  dated  October  30,  
2006, Case No. 03-035-14. 

 
 PacifiCorp (dba Rocky Mountain Power) hereby respectfully submits an original and five 

(5) copies of this compliance filing to address this requirement.  An electronic copy of 
this filing will be provided to mlivingston@utah.gov.  Additional detail is provided 
below: 

 
   1. GRID Model Release 
  

The current GRID model is Release 6.1.  This is unchanged from the October 
2006 filing.

mailto:mlivingston@utah.gov
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Quarterly Compliance Filing 
Docket No. 03-035-14 
January 31, 2007 
 

2. GRID Model Data Updates 
  

A number of data updates and modeling assumption updates have occurred in the 
GRID model.  Appendix A provides a summary of the updates that have occurred 
since  the  company’s  October  2006  filing.         
 

 3. Proxy / Partial Displacement Differential Revenue Requirement (PDDRR) 
Avoided Cost Methodology 

 
In  the  Commission’s  Order,  dated  December 21, 2006 (Case No. 05-035-47, page 
26), the Commission suggested that the company modify the November Draft 
2012 Request for Proposal (RFP) for Base Load Resources to solicit bids to 
contract for power up to 1,700 MW through 2014.  Avoided cost modeling has 
been  revised  to  be  consistent  with  the  Commission’s  suggestion; therefore IRP 
resources have been replaced with RFP resources.  The resource benchmarks that 
equate to the 1,700 MW are:- 
 
(1) IPP 3 - 340 MW (June 1, 2012), 
(2) expansion of Blundell Geothermal – 50 MW (June 1, 2012), 
(3) front office transactions - 208 MW (June 1, 2012), 
(4) Hunter 4 - 575 MW (June 1, 2013), and 
(5) Jim Bridger 5 - 527 MW (June 1, 2013). 
 
The Proxy / Partial Displacement Differential Revenue Requirement (PDDRR) 
avoided cost methodology, requires that a resource be identified as  the  “proxy”  
resource to be displaced.  For this purpose, the company has updated the Proxy / 
Partial Displacement Differential Revenue Requirement (PDDRR) spreadsheet to 
reflect a 340 MW coal-fired  resource  located  in  Utah  as  the  “proxy”  resource  (IPP  
3). 
 

 4. Proxy Wind Resource 
 
 The  company’s  most  recently  acquired  wind  resource  is  Marengo  Wind,  a  140.5  

MW 35% capacity factor wind resource located near Dayton, Washington and 
scheduled to be on-line before July 2007.  The company proposes to update the 
avoided  cost  “proxy”  wind  resource  from  Wolverine  Creek  to  Marengo  Wind.    
Appendix B provides updated wind resource pricing, based on Marengo Wind. 
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Quarterly Compliance Filing 
Docket No. 03-035-14 
January 31, 2007 
 

5. Impact to Avoided Cost Prices ($/MWh) 
 
Provided as Appendix C is a $/MWh impact study of the above mentioned 
updates, together with a comparison to the October 2006 filing.  The updates 
reflect an increase of approximately $7.01/MWh on a 20-year nominal levelized 
basis.  Please note that avoided costs presented in Appendix C were calculated 
assuming a 164 MW 100% capacity factor QF resource, which reflects resources 
previously dispatched.  Avoided costs for smaller QF resources would be higher 
than those shown in Appendix C.  For projects greater than 164 MW, avoided 
cost prices would be based on the next RFP deferrable resource. 

 
It is respectfully requested that all formal correspondence and requests regarding this compliance 
filing be addressed to: 
 
By E-Mail (preferred) : datarequest@pacificorp.com 
 
By Fax   : (503) 813-6060 
 
By Regular Mail : Data Request Response Center 
    PacifiCorp 

825 NE Multnomah Street, Suite 2000 
    Portland, OR 97232 
 
Informal inquiries may be made to Laren Hale at (503) 813-6054 or Mark Widmer at (503) 813-
5541.  
 
Very truly yours,  
 
 
 
 
Jeffrey K. Larsen 
Vice President, Regulation 
 
 
Enclosure 
 
cc:  Service List (Case No. 03-035-14) 
 

 

mailto:datarequest@pacificorp.com
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Exhibit 3.2R 

PacifiCorp

Comparison of Actual Annual Wind Capacity Factors with Expected Wind Capacity Factors
2004-2009

Actual Annual Capacity Factors

Wind Plant
Year of 

Construction

Nameplate 
Capacity 

(MW)

Expected 
Capacity 

Factor 2004 2005 2006 2007 2008 2009 Average
(Megawatt Hours)/(Capacity Factor--Percent)

Foote Creek 1999 32.62 103,892 104,394 106,038 95,139 106,930 86,324 100,453
36.26% 36.53% 37.11% 33.29% 37.32% 30.21% 35.13%

Glenrock 2008 99.00 253,875 253,875
37.4% 29.27% 29.27%

Glenrock III 2009 39.00 84,675 84,675
36.4% nmf nmf

Rolling Hills 2009 99.00 207,820 207,820
33.8% nmf nmf

Goodnoe Hills 2008 94.00 147,308 237,374 237,374
33.0% nmf 28.83% 28.83%

Leaning Juniper 1 2006 100.50 57,993 289,452 312,614 258,767 286,944
31.2% nmf 32.88% 35.41% 29.39% 32.57%

Marengo 2007 140.40 160,636 400,245 316,552 358,399
nmf 32.45% 25.74% 29.12%

Marengo II 2008 70.20 78,457 158,279 158,279
30.5% nmf 25.74% 25.74%

Seven Mile Hill 2008 99.00 303,510 303,510
41.0% 35.00% 35.00%

Seven Mile Hill II 2008 19.50 62,229 62,229
40.3% 36.43% 36.43%

High Plains 2009 99.00 72,695 72,695
35.3% nmf nmf

McFadden Ridge I 2009 28.50 20,558 20,558
34.5% nmf nmf

nmf -- not a meaningful figure, partial year data

Sources: PacifiCorp FERC Form-1, 2004-2009, p. 410.
                Expected Capacity Factors from unsourced spreadsheet in possession of Division.
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Page 1 – DIRECT TESTIMONY OF MARK T. WIDMER 

Q. Please state your name, business address and present position with PacifiCorp (the 1 

Company). 2 

A. My name is Mark Widmer, my business address is 825 N.E. Multnomah, Suite 600, 3 

Portland, Oregon 97232, and my present position is Principal System Planner. 4 

Qualifications 5 

Q. Briefly describe your education and business experience. 6 

A. I received an undergraduate degree in Business Administration from Oregon State 7 

University.  I have worked for PacifiCorp since 1980 and have held various positions 8 

in the power supply and regulatory areas.  I was promoted to my present position in 9 

1998. 10 

Q. Please describe your current duties. 11 

A. I am responsible for the coordination and preparation of net power cost and related 12 

analyses used in retail price filings.  In addition, I represent the Company on power 13 

resource and other various issues with intervenor and regulatory groups associated 14 

with the six state regulatory commissions to whose jurisdiction we are subject. 15 

Summary of Testimony 16 

Q.   Will you please summarize your testimony? 17 

A. I   will   provide   information   on   how   input   data   is   normalized   in   the   Company’s  18 

production cost model and will present the results of the production cost model study 19 

for the 12-month period ending December 31, 1998.  I will also discuss the Wyoming 20 

Wind Project. 21 

Determination of Net Power Cost  22 

Q. Please explain how net power costs are calculated. 23 
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Page 11 – DIRECT TESTIMONY OF MARK T. WIDMER 

A. Table 1 is a schedule of the Company's major sources of  energy supply by major 1 

source of supply, expressed in average megawatts, owned and contracted for by the 2 

Company to meet system load requirements, for the 12-month test period ended 3 

December 31, 1998. The total shown on line 13, represents the total normalized usage 4 

of resources during the test period to serve system load.  The total system load is 5 

represented by lines 13 through 15.  Line 14 consists of wholesales sales made to 6 

neighboring utilities within the Pacific Northwest, the Pacific Southwest, and the 7 

Desert Southwest as calculated from the production cost model study.  Line 15 8 

represents the Company's System Load. 9 

Q. Please describe Exhibit UP&L__.1 (MTW-1), Table 2. 10 

A. Table   2   shows   the  major   sources   of   peak   generation   capability   for   the  Company’s  11 

winter and summer peak loads and the  Company’s   normalized   energy   load   for   the  12 

twelve month test period ended December 31, 1998. 13 

Q. How are the results of the production cost study used in this rate proceeding? 14 

A. The resulting purchased power expense, fuel and wheeling expenses, and  wholesale 15 

sales revenues are included in Jeffrey K. Larsen's Exhibit UP&L __.1 (JKL-1). 16 

Wyoming Wind Project 17 

Q. Please describe the Wyoming Wind Project. 18 

A. The Wyoming Wind Project consists of 69 wind turbines for a total capacity of 41.4 19 

MW and an annual projected output of 154 GWH at a 42.6% capacity factor. The 20 

Wyoming Wind Project, located at Foote Creek Rim in southeastern Wyoming, has 21 

been developed by ToyoWest Wyoming, LLC and will be operated and maintained by 22 

SeaWest Wyoming LLC.  Two utilities, PacifiCorp and Eugene Water & Electric 23 
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Page 12 – DIRECT TESTIMONY OF MARK T. WIDMER 

Board  (EWEB)  own  the  Wyoming  Wind  Project’s  generating  facilities.    In  addition  to  1 

the two owners, BPA has signed a Power Purchase Agreement to purchase 15 MW of 2 

the Project's output. Initial synchronization to the grid and delivery of energy occurred 3 

in October, 1998 and commercial operation started April, 1999. 4 

Q. Why is PacifiCorp participating in the Wyoming Wind Project? 5 

A. PacifiCorp’s   decision   to   participate   in   the      project   is   based   on   a   Company  6 

commitment to the development of cost-effective renewable resource alternatives. For 7 

a number of years, PacifiCorp has included in its Strategic Goals specific references 8 

to the development of environmental resource alternatives and the diversification of 9 

resources. 10 

Q. What are the benefits of the  project? 11 

A. Participation in the project not only furthers the Company's efforts to meet its 12 

Environmental  Strategic  Goal  and  the  Company’s  RAMPP  action  plans;;      it  will  also  13 

provide valuable operational experience and knowledge that will allow the Company 14 

to develop and use renewable technologies more effectively in the future. There is a 15 

definite need for the Company to gain knowledge with renewable technologies and 16 

that knowledge can only be gained through actual hands-on experience with various 17 

technologies.   Sharing   the   wind   project’s   costs   among   several   utilities   allows  18 

PacifiCorp to minimize the risks involved with newer technologies. 19 

The experience being gained from the Wyoming Wind Project will allow 20 

PacifiCorp to develop ways of integrating this type of resource into the system, and 21 

will reveal how these plants affect the system use of other resources for load 22 

following and how they affect the local transmission and distribution systems. 23 
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Page 13 – DIRECT TESTIMONY OF MARK T. WIDMER 

Q. What do you recommend regarding the Wyoming Wind Project? 1 

A. The Wyoming Wind Project is a prudently acquired resource which is used and 2 

useful.  Therefore, I recommend that the acquisition costs of the Wyoming wind 3 

resources be included in rate base and allowed to earn the allowed rate of return.  The 4 

operating expenses of these resources should be included in establishing the 5 

Company’s  revenue  requirement. 6 

Q. Does this conclude your direct testimony? 7 

A. Yes. 8 
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NIPPC/200 
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 1 

Q:  What is your name and address? 3 

Introduction and Background 2 

A:  Camden Collins, 275 S. Arroyo Pky #401, Pasadena, California, 91105. 4 

Q:  Please describe your professional background. 5 

A:  I have attached NIPPC/201, which includes a description of my education and 6 

qualifications. From 1989 to 1992, I worked on an unfair competition case brought by generators 7 

against Pacific Gas & Electric Company, with the scope of discovery including all generators in 8 

that service franchise from 1982 to 1989. From 1992 to 1997, I worked at the California Public 9 

Utilities Commission (CPUC), and was from 1992 to 1995 assigned to all wholesale power 10 

contract and transmission issues on behalf of ratepayers, and represented the CPUC in 11 

bankruptcy proceedings. From 1997 to 2000, I worked at Bechtel Enterprises and my duties 12 

involved working with wholesale generation outside of California. I had a very small legal role 13 

in the debt restructuring of the Boston Generating assets between 2003 and 2006. I graduated 14 

with a bachelor’s of science in electrical engineering and computer science from the University 15 

of California, Berkeley, in 1985. I graduated with a juris doctor from the University of San 16 

Francisco in 1988. I graduated with a master’s in business administration from the University of 17 

Pennsylvania, Wharton School of Business, in 2004. 18 

Q. On whose behalf are you testifying? 19 

A. I am submitting testimony on behalf of the Northwest and Intermountain Power 20 

Producers Coalition (NIPPC). 21 

Q:  What is the scope of your testimony? 22 

A:  My direct testimony will address the topic of financial performance risks in independent 23 



NIPPC/200 
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power producers (IPP’s) and utility transactions.  Item 11 of the ALJ’s Ruling of May 30, 2012, 1 

was adopted by Commission Order No. 12-324, and described this topic as the potentially higher 2 

“financial performance risk of an IPP” relative to a utility. My testimony is directed at this line of 3 

inquiry and relies on my experience with special purpose entities (SPE’s) established by IPP’s, 4 

and the relationship between the loans obtained by IPP’s or SPE’s, and power purchase 5 

agreements (PPA’s) with rate regulated electric utilities. It does not cover credit issues pertinent 6 

to other forms of wholesale power procurement, organized exchanges, or credit contagion.    7 

Q:  In your experience, do prudent power purchase agreements with IPP’s protect 9 

ratepayers from financial performance risks of IPP’s experienced during project 10 

development and construction?  11 

Credit Determinations 8 

A:  Yes. Of the bankruptcy cases I monitored or participated in between 1992 and 1997, only 12 

one I can recall involved a pre-operational project, and that project had a solar technology 13 

problem. 14 

Q:  For projects that achieved a commercial operational date (COD), did the CPUC 15 

ever advocate in bankruptcy for a return of funds previously paid for metered and 16 

delivered energy under a PPA?  17 

A:  To the best of my recollection, not while I was employed between 1992 and 1997. 18 

Between 1992 and 1995 I was working on contract administration of over 500 PPAs that 19 

ultimately attained on-line operational status, a cumulative capacity of over 8,000MW. The 20 

number of cases in bankruptcy in any year posing any exposure to utility rates was less than one 21 

half of one percent, and most PPAs had been signed without credit requirements of any kind. 22 

That risk would be even smaller if one were to use MW weightings instead of number of 23 
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projects.  In none of these bankruptcy or financial distress cases I was involved in for post COD 1 

projects did the generator seek to terminate the PPA. The purpose of monitoring and 2 

participating in these cases was to curb adverse changes to a PPA by a bankruptcy judge, and in 3 

no case did that actually occur. 4 

Q:  Are you aware of less formal instances of potential project financial distress in 5 

which the utility sought a return of funds previously paid? 6 

A:  Yes, on two occasions. In the first instance, the utility had advanced payment to the 7 

project prior to generation, metering, and delivery of the energy, and by today’s standards the 8 

PPA term would probably not be considered prudent to have entered into. In the second instance, 9 

the financial distress never manifested, but the potential was a consequence of a dispute between 10 

the Division of Ratepayer Advocates and Southern California Edison about how to interpret a 11 

calculation provision in a PPA. For the customary payment arrangement in a PPA, the generator 12 

is paid after delivery is received, and it is the utility to whom credit is extended by the generator, 13 

not vice-versa. Prudent utilities tend to be cautious about avoiding negligent overpayments to an 14 

SPE, and true pre-payment issues rare.  15 

Q:  What is credit? 16 

A:  The loan or loans the IPP or SPE obtains to fund its business. 17 

Q:  What is credit quality?  18 

A:  The more common term I have heard is credit worthiness, which has to do with the initial 19 

issuance of the credit extended by a lender, and its terms and conditions. If the business gets a 20 

loan, it is said to be credit worthy: the loan is the evidence of that worthiness. If the business 21 

cannot get a loan, it is not credit worthy. Sometimes people use credit worthiness and credit 22 

rating interchangeably, but this is imprecise. Sometimes people use credit quality to refer to an 23 
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aggregated bundle of all of an entity’s loans or lines of credit, at one point in time or over time, 1 

but this is also imprecise. It is difficult to imagine fairly scoring competitors without stronger 2 

definitions of the attribute of interest to the buyer. 3 

Q:  Have you ever known of an SPE debt issuance for a project that took place in 4 

advance of that entity signing a PPA? 5 

A:  No. 6 

Q:  Have you ever known of an SPE debt issuance for a project that had a credit rating 7 

in advance of that entity signing a PPA? 8 

A:  No. 9 

Q:  Why not? 10 

A:  The vast majority of my experience involves SPE financing of individual power projects. 11 

Although such projects are from time to time financed through alternative means, or live through 12 

some portion of their development that combines the SPE with another type of capital, the 13 

projects I have dealt with were mostly SPE’s that had passed their commercial operation tests. In 14 

other words, creditors typically had no recourse for payment beyond the income streams and 15 

assets specified in the loan to the SPE. In order to obtain that loan, the lender uses among other 16 

things a pro forma of project financial statements. While lenders can provide some indication of 17 

credit worthiness and rates based on various estimated scenarios, to my knowledge no lender 18 

makes a commitment to a loan or can obtain a rating for a loan structure when the PPA terms are 19 

still being negotiated. The actual credit lags the formation and commitment of commercial terms 20 

creating project revenue, and opinions that precede it are a form of speculation, inextricably 21 

connected with the negotiating process. Without the PPA terms, one would be at a loss to know 22 

the most basic items to a credit evaluation, like the amount of free cash flow in excess of debt 23 



NIPPC/200 
Collins/5 

 
 

 
 

service requirements (the debt coverage ratio). 1 

Q:  Can you generalize about the causes of financial distress experienced by an 2 

individual project, in other words, a financial distress that is not widespread among all 3 

projects similarly situated? 4 

A:  No. Project failures, however they initiate, are highly idiosyncratic. It would not be 5 

correct to say that access to capital, which will always be more limited than a regulated utility’s, 6 

is the cause of a project’s inability to correct a management, operations, or fuel supply problem. 7 

It may be true that the failure to correct such problems diminishes income and financial distress 8 

ensues as a consequence. But that does not render the SPE’s loan or credit the cause of the 9 

distress. One simply cannot say that because “enough” money ultimately can fix most kinds of 10 

power generation problems, the absence of “enough” at one point in time transforms those 11 

problems and renders them caused by limitations in the SPE’s credit. During the years I was 12 

involved, the most common source of project financial distress was the failure of newer 13 

technologies or fuels to perform as expected when the debt was issued. This era of wider 14 

experimentation at high volumes appears to be over, and much smaller experimentation is more 15 

common now. 16 

Q:  Is SPE financing imprudent in its lack of flexibility? 17 

A:  No. Many utilities buy IPP assets in this form outside their service territories, and do not 18 

consider the form of financing used an unacceptable risk when holding these assets outside the 19 

regulated utility entity.  20 

Q:  Is it possible to unbundle the credit determinations made by creditors? 21 

A:  I don’t believe so. Credit is extended upon an examination that, in the broadest terms, 22 

indicates it is likely the loan will be repaid. The classic qualitative description of the examination 23 
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is that it evaluates all the facts and circumstances of: (1) the character of the business, (2) the 1 

collateral or other resources to which the lender has recourse, and (3) the capacity of the business 2 

to fulfill its objectives. Many people substitute the character of management for item (1), but it 3 

remains the case that other aspects of business character are present and thus assumed 4 

supportive. It is not the case, in my experience, that one can increment or decrement the equity in 5 

a power project, and unbundle the amount of key numerical terms: interest rate, debt reserve, and 6 

debt coverage ratio. Power project financing is laborious. It is not made easy to shop around for 7 

credit. The only exception to this “bundling” I have experienced involved the state of 8 

California’s infrastructure bonds, available for municipal projects, conditioned on a legal ability 9 

of the municipality to raise the rates charged for service. In such a situation, the local 10 

governmental power to raise revenue was stated to be the basis of and directly related to the 11 

coverage ratio required and interest rate. No competitive provision of credit was involved: this 12 

was a provider of last resort.  13 

Q:  In your experience, do creditors have the capacity to take over operating IPP’s and 14 

keep them operating? 15 

A:  Yes. They can and do. In a complex, multi-creditor situations there are coordinating 16 

agreements that set out when and how this takes place.  17 

Q:  Have you read the following comments of Investor Owned Utilities filed March 19, 18 

2012 in this proceeding? 19 

“There are two primary aspects of counterparty risk, both of which have significant 20 

impacts on a utility and its customers. The first is the risk that the counterparty will 21 

become unwilling or unable to perform some or all of the provisions of a specific 22 

contract due to a change in circumstance that adversely impacts the economics of 23 
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the transaction.  1 

The second primary aspect of counterparty exposure is financial risk – the risk that 2 

a counterparty will no longer be able to fulfill many or all of its contract obligations 3 

due to

A:  Yes. This does not make sense to me, given the IPP’s and SPE’s I have dealt with. I 8 

know of no way to divorce the “economics of the transaction” from the pro forma used at the 9 

point credit is issued, upon which the SPE’s “financial condition,” as monitored by its creditors, 10 

will depend for the term of the loan and PPA. There are many established methods for 11 

addressing fuel cost variation in gas fired generation procurement. Therefore, my answer 12 

assumes that the “economics” intended by the authors are not a veiled reference to gas price 13 

variation. Utilities are in complete control through the RFP of specifying acceptable gas 14 

procurement practices for the competitor, practices it would be committing to use for its own 15 

competitive offer (e.g., 100% fixed price for the term of operation, or any lesser percentage and 16 

duration).  17 

 insolvency or a material deterioration of the organization’s financial 4 

condition. Footnote 6: It is common that an IPP will form a Limited Liability 5 

Corporation (LLC) and place the assets underlying a PPA in the LLC. By doing so, 6 

the IPP/parent company is protected should the LLC fail.” [emphasis added.] 7 

Generally, the NERC reliability requirements of the transmission system ensure that an 18 

excess of supply over demand (various forms of generation reserve) are maintained at ratepayer 19 

expense. Consequently, when it comes to a threat of contract breach or abrogation motivated by 20 

prevailing wholesale prices, in my experience the temptation is more persistent and of longer 21 

duration for the buyer than the seller. Exceptions to this general observation do occur, but in 22 

situations not present in the Pacific Northwest. Unlike other energy price contexts (e.g., oil and 23 
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gas), sellers in a traditional PPA with a vertically integrated utility do not prematurely exit long-1 

term contracts for momentary, upward short-run wholesale price excursions in any significant 2 

amount (i.e., greater than 1%), in large part because spare capacity is mandated.  It is hard to 3 

imagine an IPP management willing to risk the project’s equity investment in bankruptcy for the 4 

magnitude of firm, long-term opportunities it might elsewhere obtain, net of damages owed. 5 

There is something perhaps unintentionally awkward about finding fault with the limited 6 

nature of a generator’s liability (as indicated by the footnote quoted above) from the perspective 7 

of entities with a government

Q:  Have you reviewed discovery responses from the utilities in this proceeding 14 

regarding how they already treat credit in Oregon RFPs? 15 

 guarantee of sole and exclusive access to new retail revenue. If one 8 

honestly wanted to obtain a mortgage pre-approval at a good rate, it would help not to declare the 9 

house is going to sit in a war torn or otherwise hostile country. By raising credit quality as a 10 

concern, but not proposing any RFP terms that level the playing field for the regulatory 11 

compact’s relative financial security, utilities can inadvertently drive up the cost of IPP’s  12 

signaling to IPP creditors how hostile the franchise is to them.  13 

A:  Yes, the only utility to provide a detailed response thus far is Portland General Electric 16 

Company, which spoke to the topic in PGE’s Responses 2.1 and 2.2 to NIPPC Data Request No. 17 

007 and 008.  I have included these responses as NIPPC/202.  The Response to Request 2.2 18 

implies that for the 2007 price scores only an investment grade credit of the bidder is acceptable, 19 

and anything lower would be scored lower. This form of scoring has several disadvantageous 20 

features. First, it relies on a credit rating agency review that has hindsight deficiencies, conflicts 21 

of interest, and lags, and is currently undergoing reform. Additionally, the credit rating takes into 22 

account attributes like experience or track record of the bidder’s management, which are better 23 



NIPPC/200 
Collins/9 

 
 

 
 

handled through bid eligibility requirements or separate quantified scoring. Second, it does not 1 

translate grades of ratings into impacts on the score. Therefore, it is lacking in transparency and 2 

fails to communicate to bidders what the buyer truly wants to buy. Third, it does not have a 3 

sufficient nexus to the credit of the entity that will hold the asset. Fourth, it disregards the value 4 

associated with credit differentials. In other words, what is it worth in price received to have 5 

triple A credit instead of triple B? Why, given the accrual of experience with IPP’s, would one 6 

presume a utility needed to have and should pay for investment grade credit from suppliers? 7 

Fifth, it has no nexus to the credit of the supplier over time. For example, a bidder with an 8 

investment grade rating could win, transfer the asset to an SPE and hold the asset at the lowest 9 

possible grade, beating another bidder that sat in between highest and lowest grades. For all these 10 

reasons, PGE’s bid scoring method does not meaningfully address financial performance risk. 11 

Q:  Does that conclude your direct testimony? 12 

A:  Yes. 13 
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WITNESS QUALIFICATION 

 
NAME;  Camden Collins 
 
EMPLOYER: None 
 
TITLE:  None 
 
ADDRESS:  275 S. Arroyo Pky #401, Pasadena, California, 91105 
 
EDUCATION: University of California, B.S. in Electrical Engineering & Computer 
   Science, electronics emphasis; University of San Francisco, J.D.; 
   University of Pennsylvania, Wharton School of Business, Executive 
   M.B.A., finance emphasis. 
 
EXPERIENCE:  
Starting in 1986, I began doing legal work in the area of unfair competition while still in law 
school.  In 1989, while employed at a private law firm I was assigned to assist with discovery of 
the cause of project failure of all independent power projects within the client Pacific Gas & 
Electric Company’s (PG&E’s) territory since 1982, in an unfair competition case.  In 1992, I 
became employed by the California Public Utilities Commission (CPUC) as a staff counsel, and 
was assigned to their Division of Ratepayer Advocates (DRA).  In that capacity, from early 1992 
to mid-1994, I was also assigned to all wholesale power and transmission matters, including 
contract administration for any independent generator holding a power purchase agreement with 
a rate regulated utility.  I was instrumental in writing an unusual number of comfort letters for 
utilities, defining reasonable contract practices subject to rate recovery.  During those years and 
in coordination with the CPUC’s federal litigation attorneys, I represented the CPUS in 
bankruptcy cases involving qualifying facilities (QFs) under the Public Utility Regulatory 
Policies Act of 1978.  From 1995 through 1996, I reviewed all federal filings on energy matters 
as the Legal Advisor to the CPUS’s President.  In 1997 I was appointed to the non-market 
participant position on the California Independent System Operator’s Board, where I served on 
the Executive and Finance Committees until July 2000. 
 
While employed at Bechtel Enterprises from 1997 through 1999, I was involved with a variety of 
wholesale generators across the United States and outside of California, and one small generating 
company with operations in Brazil and Venezuela.  Bechtel Enterprises at that time held assets in 
various operating companies, including U.S. Generating companies.  I attended meetings 
wherein Bechtel Enterprises received detailed pitch books from investment banking firms 
seeking the company’s business, and summarizing transaction history of independent generators 
across the country.  These meetings provided a unique opportunity to learn a great deal about 
structured financing and special purposes entities at the hands of the creditors.  I worked on the 
syndication of a $300 million credit facility for a small international generation company, jointly 
owned with PacifiCorp.  I was CEO of this company when the debt was assumed by a successor 
pursuant to a sale of the company.  I was from time to time involved in the creation and sale of 
both domestic generating assets and operating companies that held generating assets outside of 
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California.  I was briefly asked to investigate two QF biomass projects in Florida that a joint 
venture of Bechtel Enterprises and Pacific Gas & Electric has ownership in, selling output to 
Florida Power & Light.  This bankruptcy involved private placement bonds under Section 144A 
of the U.S. Securities Act of 1933.  I was asked to provide advice regarding reporting protocols 
for an energy trading business in the U.K. 
 
I had a small role in providing legal advice to the equity participant in the restructuring of debt 
for assets of Boston Generating, LLC between 2003 and 2006.  My spouse was the sole equity 
during ths work out. 
 
I have not previously testified as an expert witness in any forum. 
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