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June 5, 2009

VIA ELECTRONIC FILING
AND OVERNIGHT DELIVERY

Oregon Public Utility Commission
550 Capitol Street NE, Suite 215
Salem, OR 97301-2551

Attn: Filing Center
RE: Docket No. UE-210 — PacifiCorp’s Supplemental Direct Testimony

Pursuant to the Administrative Law Judge’s May 14, 2009 Ruling (“Ruling”) in the above-
referenced matter, enclosed for filing by PacifiCorp d/b/a Pacific Power are an original and five
(5) copies of supplemental direct testimony and exhibits. The following witnesses submit
supplemental direct testimony on the specific requests from the Ruling:

Dr. Samue] C. Hadaway, responds to Requests 1 and 3.
Stefan A. Bird, responds to Request 2.

e Gregory N. Duvall, responds to Requests 9, 10, 11, 12, 13, 15, 16, 17, 18, 19
and 20.

e R. Bryce Dalley, responds to Requests 4, 6, 7, and 8.

e (. Craig Paice, responds to Request 22.

e William R. Griffith, responds to Requests 5, 14, 21, and 23.

It is respectfully requested that all data requests regarding this matter be addressed to:

By E-mail (preferred): datarequest@pacificorp.com.
By regular mail: Data Request Response Center
PacifiCorp

825 NE Multnomah, Suite 300
Portland, OR 97232

Please direct informal correspondence and questions regarding this filing to Joelle Steward,
Regulatory Manager, at (503) 813-5542.

Very truly yours,
Andas U ety A
Andrea L. Kelly

Vice President, Regulation
Enclosures
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Joelle Steward (W)

Pacific Power & Light
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Oregon Dockets (W)

Pacific Power & Light
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Greg Addington (W) (C)
Klamath Water Users Association
2455 Patterson St., Suite 3
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greg(@cvewireless.net

DATED: June 5, 2009.

Jordan A. White (W)
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Randall J. Falkenberg (C)
RFI Consulting Inc
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Please state your name.

My name is Samuel C. Hadaway.

Are you the same Samuel C. Hadaway who provided direct testimony in this
case as Exhibit PPL/200?

Yes.

Purpose of Testimony

Q.

A.

What is the purpose of your supplemental direct testimony?

The purpose of my supplemental direct testimony is to respond to Requests 1 and
3 in the May 14, 2009 Ruling of the Administrative Law Judges on Supplemental
Testimony ("Ruling on Supplemental Testimony"), which pertain to my direct

testimony.

Request 1—Request for Documents

What is Request 1 in the Ruling on Supplemental Testimony?
Request 1 directed the Company to provide, as additional exhibits to PPL/200,
copies of the documents cited in the following testimony:

e PPL/200, Hadaway/25, Lines 3-4, 14-15;

e PPL/200, Hadaway/28, Table 4; and

e PPL/200, Hadaway/35, Lines 1-2
Did you previously provide copies of each of these documents in the
workpapers filed as a part of the Company’s initial filing?

Yes. These documents were included in whole or in part in my workpapers,

which were provided with the Company’s initial filing on April 2, 2009.
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Have you provided new exhibits to your testimony in response to this
request?
Yes. My testimony relies upon and sponsors only the following, specific pages
from these documents
e Exhibit PPL/209 — Standard & Poor’s Industry Surveys, Electric
Utilities, February 26, 2009, p. 6. (Referenced at PPL/200,
Hadaway/25, Lines 3-4.)
e Exhibit PPL/210 — Value Line Investment Survey, Electric Industry,
February 27, 2009, p. 148. (Referenced at PPL/200, Hadaway/25,
Lines 14-15.)
e Confidential Exhibit PPL/211 — Regulatory Focus, Regulatory
Research Associates, Inc., Major Rate Case Decisions, January 12,

2009. (Referenced at PPL/200, Hadaway/28, Table 4.)

e Exhibit PPL/212 — Morningstar, Inc., Ibbotson SBBI, 2008 Classic
Yearbook, p.31. (Referenced at PPL/200, Hadaway/35, Lines 1-2.)

In compliance with the Ruling on Supplemental Testimony, I have
provided a complete copy of the documents in Exhibits PPL/209 and PPL/211.
Because the documents cited in Exhibits PPL/210 and PPL/212 are too
voluminous to provide in full, the Company has provided only the relevant
portions of these documents. By submitting these documents as exhibits, the
Company does not concede the relevance of all of the information contained in

the entire publication.

Request 3—Return on Equity Information from Comparable Group

Q.

A.

What is Request 3 in the Ruling on Supplemental Testimony?
Request 3 directs the Company to provide, as additional exhibits to PPL/200, the
authorized rate of return on equity for the 19 comparable companies listed in

Exhibits PPL/202 and PPL/204.
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Was the authorized rate of return on equity one of the factors you considered
in determining the comparable group?
No. My review focused on companies with business risk and financial risk
profiles comparable to PacifiCorp. I did not consider the current authorized rate
of return on equity in selecting the companies in my analysis.
Is the information requested in the Ruling on Supplemental Testimony
available?
No. The comparable group listed in Exhibits PPL/202 and PPL/204 is comprised
of publicly traded parent companies, which have the market data required for the
comparable company DCF analysis. Because these parent companies are not
regulated entities, they do not have authorized rates of return.
Is there information available on the authorized rates of return on equity for
the regulated utility operating subsidiaries of the comparable companies
listed in Exhibits PPL/202 and PPL/204?
Yes. Authorized returns for the regulated operating subsidiaries of the
comparable companies are available. To the extent that such operating companies
have had cases with announced authorized returns during the past two years, those
data are included in pages 5 to 7 in the Regulatory Research Associates (“RRA”)
publication, which was provided in my workpapers and is now being filed as
Confidential Exhibit PPL/211.

Other RRA data available to the Company lists historical authorized rates
of return on equity. Using these RRA data, the Company has prepared a list of

authorized rates of return on equity for each operating subsidiary of my
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comparable companies. This listing is provided as Exhibit PPL/213.

Do you have any additional observations about Exhibit PPL/213?

Yes. The data in Exhibit PPL/213 are, to my knowledge, the best indication of
authorized returns associated with the comparable companies. However, some of
the authorized returns are from cases decided several years ago and, therefore,
may not be representative of the current cost of capital. Also, there is no standard
weighting methodology that I am aware of for grouping the operating companies’
authorized returns into a composite return for their respective parent companies.
For these reasons, and because I selected the comparable group without
considering such information, the Company does not believe that Exhibit
PPL/213 is relevant to setting PacifiCorp’s authorized return on equity in this
case.

Does this conclude your supplemental direct testimony?

Yes.

Supplemental Direct Testimony of Samuel C. Hadaway
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CURRENT ENVIRONMENT

New president appears determined to reduce greenhouse gas emissions

With the election of Barack Obama to the presidency and the Democrats gaining large majorities in both

houses of Congress, it appears certain that there will be a new approach to the problexn of reducing
greenhouse gas (GHG) emissions.

Obama proposes target dates for GHG reductions...

The administration of former President George W. Bush had long refused to acknowledge that there even
was a problem. Under its plan, the US would not have taken action to stop the growth of GHG emissions
until 2025, when such emissions would then have to start declining from the levels reached at that time.
President Obama, in contrast, wants to reduce GHG emissions to 1990 levels by 2020 and to 80% below
1990 levels by 2050. Unlike the traditional cap-and-trade system — whereby companies trade emission
allowances or credits — President Obama’s program would require all emission credits to be auctioned,
with some of the revenue raised to be used for clean energy-related investments.

_..and accelerated growth of renewable resources

The Obama plan would also require that renewable sources account for 30% of the federal government’s
energy use by 2020 and for 25% of total electric generation by 2025. His plan would provide incentives for
energy conservation by allowing utilities to earn more from improving energy efficiency than from increased

energy consumption. The new president has made it clear that he intends to make the US a global leader in
implementing GHG reduction.

EEI STILL SEEKS MARKET-BASED SOLUTIONS FOR GREENHOUSE GASREDUCT 1ONS

Given the strong public and political support that had emerged for GHG emission rec uictions over the past
several years, industry leaders clearly wanted to position themselves so they would ha ve some meaningful
input into whatever legislation might emerge. In February 2007, the Edison Electric Institute {EEID), the

association of US investor-owned electric companies, issued a statement of principles regarding GHG
reductions.

In this statement of principles, the EEI emphasized the importance of developing consistent public policies
and initiatives, as well as creating stable long-term public/private funding to accelerate and support the
production of viable and cost-effective energy efficiency programs and technologies (Z. e., zero- or low-
emissions generation technologies, and carbon capture and storage technologies). It also wanted to see
solutions compatible with a market economy — reasonably priced GHG reductions that don’t harm the
industry’s economic competitiveness — as well as the participation of the entire world economy (including
China and India) that could lead to international partnerships and facilitate technology transfer.

Supreme Court rules EPA can regulate GHG emissions

On April 2,2007, ina 5-4 decision, the US Supreme Court ruled that the US Environn mental Protection
Agency (EPA) had the authority under the Clean Air Act to regulate greenhouse gas ernissions. The majority
decision stated that the “harms associated with climate change are serious and well recognized” and that,
under the terms of the Clean Air Act, the “EPA can avoid taking further actiononly if it determines that
greenhouse gases do not contribute to climate change or if it provides some reasonable explanation as to
why it cannot or will not exercise its discretion to determine whether they do. The EP A has refused to

comply with this clear statutory command. Instead, it has offered a laundry list of rea sons not to comply.™
The court’s decision was a setback for the Bush administration, which had previously claimed that it did

not have the legal authority to implement controls over GHG emissions.

INDUSTRY SURVEYS ELECTRIC UTILITIES / FEBRUARY 26, 2009 1
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President Obama’s selection of Steven Chu as his Energy Secretary, Carol Browner as his Energy Czar, and
Lisa Jackson as the new administrator of the EPA, makes it clear that his administration will be strongly
proactive in taking ©n a wide variety of environmental issues, with the regulation and enforcement of
standards related to GHG emissions a top priority. Steven Chu is a Nobel Prize-winning scientist
committed to developing alternative sources of energy; Carol Browner is the former director of the EPA in
the Clinton administration; and Lisa Jackson is the former head of the EPA in New Jersey.

Industry remains opposed to federal mandate for renewable energy

In December 2007, the Democratic-led US House of Representatives passed an ambitious energy bill that
included a federal Renewable Portfolio Standard (RPS) mandate that, if it became law, would have required
investor-owned utilities to obtain up to 15% of their electricity from renewable sources by 2020.

The bill had been strongly opposed by the EEl and by many utility companies. The EET argued that the RPS
mandate would undercut or preempt renewable plans that already exist in 26 states arnd the District of
Columbia, and would financially benefit states and power generators in areas where renewable resources
are abundant at the expense of those where they are not. It also argued thatamandate requiring 15%
renewable generation by 2020 would require a three-fold increase above the 4.8% renewable generation

that the Energy Information Administration (EIA) had projected by 2030, and that a rmandate would
require it 10 years earlier.

The House bill was also opposed by the Bush Administration, which promised to veto any legislation that
contained the RPS mandate. Since the House bill that contained the RPS mandate failed to geta filibuster-
proof vote in the Senate, the Senate’s Democratic leaders decided to eliminate the proposal from their own
package of energy legislation. However, with the IDemocrats now in control of the White House and both

houses of Congress, it seems likely that there will be a renewed effort for an RPS mandate.

UTILITY ACQUISITIONS UNDERWAY

Severe liquidity crisis results in major acquisition

In September 2008, Constellation Energy Group Inc. (CEG), the largest wholesale power seller in the US
and the holding company for Baltimore Gas & Electric Co., was confronted with a liquidity crisis so severe
that it threatened to put the company into bankruptcy. During an extremely volatile period of eight trading
days, Constellation’s stock plunged more than 60 % due to investors’ fears that the company would be
unable to access the liquidity it needed for its troubled commodities-trading business. The liquidity crisis

was the result of the impact that sharply higher commodity prices had on CEG’s derivative assets and
liabilities, its collateral requirements, and its counterparty credit exposure.

Seeking immediate assistance, Constellation Energy agreed, on September 19,2008, to a $4.7 billion

($26.50 a share) offer for all of the company’s outstanding shares from MidAmerican Energy Holdings Co.,
a privately held subsidiary of Berkshire Hathaway Inc., whose chairman and CEO is \Xarren E. Buffet.
However, nearly three months later, Constellation Energy decided to terminate this agreement fora more
attractive offer from EDF Development Inc. (EDF), a wholly owned subsidiary of Electricité de France
(84%-owned by the French state), which already owned about 9.5% of Constellation”s common shares.

Electricité de France agrees to acquire 49.99% of Constellation Energy’s nuclearbusiness...

On December 17, 2008, Constellation Energy reached a definitive agreement with EDF under which EDF
would acquire a 49.99% interest in CEG’s nuclear business for $4.5 billion. The agreement with EDF
included an immediate $1 billion cash investment in the form of nonconvertible preferred stock, which will

be surrendered to Constellation upon the completion of the transaction and credited against the $4.5 billion
purchase price.

EDF also provided Constellation with a two-year asset put option to sell to EDF non-nuclear generation
assets with a value of up to $2 billion, and a $600 million interim backstop liquidity facility. This liquidity
facility would remain available until either six months after the investment agreement or, if earlier, the
receipt of all the regulatory approvals related to thee transfer of the non-nuclear generation asses.
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While the EDF trans action will require approvals from the Federal Energy Regulatory Commission, the
Nuclear Regulatory Commission, and the Committee on Foreign Investment in the US, it will not require
the approval of stat€ regulators in Maryland since Constellation’s utility operations are not part of the
transaction. Nor will it require approval by Constellation shareholders, since the transaction is considered

an asset sale and not a purchgse of Constellation shares. Pending required approvals, the transaction is
expected to be completed during the third quarter of 2009.

_..while Warren Buffet unit gets 9.9% of Constellation’s stock

On the same day in December 2008 that the agreement with EDF was announced, Constellation and

MidAmerican Energy Holdings Co. announced that they had jointly agreed to terminate their merger
agreement of Septernber 19, 2008.

Upon the signing of the merger agreement with MidAmerican, Constellation had received an immediate
investment of $1 billion in exchange for a preferred equity yielding 8.0 %. Under the provisions of the
termination agreement, the preferred shares were converted into a $1 billion note at 14 % interest, which
will mature on December 31, 2009. MidAmerican will also receive about 20 million shares of CEG’s

common stock (about.9.9%), as well as a termination fee of $175 million and an additional $418 million
for common stock which could not be issued due to regulatory limits.

Exelon makes hostile bid for NRG Energy

On October 19, 2008, Exelon Co.rp. made an unsolicited offer to acquire all of the outstanding shares of
NRG Energy Inc., one Of the leading competitive wholesale power generators in the US. Exelon is the
largest nuclear operator in the US and the holding company for Chicago-based Commonwealth Edison and

Philadelphia-based PECO Energy. The deal was a fixed exchange offer of 0,485 Exelon shares for each
NRG share.

NRG management Tejected the offer, claiming that it undervalued the company, and urged its shareholders
t0 do the same. On January 6, 2009, the initial deadline for the exchange offer, Exelon announced that

about 45.6% of NRG’s shares had been tendered. Exelon then extended the deadline to February 25, 2009,
a date that could be extended further.

Exelon has said it may seek to obtain majority control of NRG Energy’s board at that company’s
shareholder meeting in May. It clearly hopes that it will be able to negotiatea business combination in a
way that would avoid, or at least reduce the costs of, any “change of control” refinancing requirements
related to roughly 90% of NRG’s $8 billion in debt. Should Exelon succeed inits takeover of NRG, the
combined company would have a generating capacity of about 47,000 megawatts {after expected

divestitures of about 3,000 megawatts) and a greatly expanded presence in the national wholesale power
market.

Spanish utility enters US market

On September 16, 2008, Iberdrola SA, a global utility headquartered in Bilbao, Spain, completed its
acquisition (announced on June 25, 2007) of Energy East Corp. for around $4.5 billion in cashand the

assumption of nearly $4 billion in debt. Energy East’s electric and gas utility subsidiaries serve nearly three
million customers in New York, Connecticut, Maine, and Massachusetts.

The acquisition had faced opposition from an administrative law judge and certain consumer groups in .
New York. However, Iberdrola’s agreement to invest at least $2 billion in new wind power falities in New

York if the acquisition were approved had gained it the support of key members of the state’s legislature, its
governor, and its US Senator, Charles Schumer.

With the acquisition of Energy East, Iberdrola has created a platform for its future growth. The company,
which already has operations throughout Furope and Latin America, is expected to make additional
investments in energy infrastructure and to optimize its presence in the renewable energy business in the

United States, which is the world’s second largest market for renewable energy ({the European Union being
the largest.)
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Regulators approve private equity buyout

On February 6, 2009, the private equity buyout of Puget Energy Inc. was completed by a consortium led by
Macquarie Infrastructure Partners, an owner and manager of infrastructure assets. Pugget Energy, a
Washington State—based utility holding company, has about 1.06 million electric customers and 729,500
gas customers. The $7.4 billion buyout (which includes the buyer’s assumption of about $3.2 billion in
Puget Energy debt) had been conditionally approved by the Washington Utilities and "I"ransportation
Commission (WUT C) on December 31, 2008; the conditions were accepted by both thie consortium (
Holdings LLC) and Puget Energy on January 16, 2009.

Puget
The state’s Public Counsel and the WUTC staff had opposed the transaction, which was announced on
October 26, 2006. In a filing dated June 19,2008, they asserted that the private equity buyout went against
the “public interest” and that the utility’s customers “appeared to get nothing” for the “undue level of
financial risk” that would result from an additional $1.6 billion in bank debt. However, on July 23,2008,
Puget Sound Energy Inc., the utility subsidiary of Puget Energy, and the parties that had opposed the
transaction (with the exception of the Public Counsel) filed a settlement stipulation with the WUTC

outlining the terms of the settlement agreement they had reached a day earlier.

Among the commitments that Puget Sound Energy agreed to were the securing of com mitted credit facilities
of not less than $1.4 billion for a period of not less than three years; the maintenance of its own corporate
and debt credit ratings; honoring its labor contracts; continuing to work with low-income agencies; and not
seeking to recover in rates the acquisition premium or the legal and financial advisory fees related to the
transaction. Two other conditions that the WUTC insisted on were the commitment of the consortium to

Puget Sound Energy’s five~year, $5 billion infrastructure development program, and providing the utility
customers with $10 million in annual rate credits for a 10-year period.

Credit crisis defers spin-off of Entergy’s nonutility nuclear assets

Due to the turmoil in the financial markets, Entergy Corp. has deferred its plan {annouinced on November
5,2007) to spin off to its sharcholders the company’s nonutility nuclear business, which would have been
called Enexus Energy Corp. Entergy is a New Orleans—based integrated energy company that is the second
largest nuclear generator in the US and has retail electric distribution operations in four states.

Also deferred is Entergy’s plan to form an equally owned joint venture (to be named EquaGen) with the
spun-off company. Once market conditions improve, however, Entergy planstoseek the required financing
and, pending required approvals, expects to complete the transactions, whichshould be tax-free for both
the company and the shareholders. The EquaGen joint venture would be involved in the operation of
Enexus Energy’s nuclear assets and would offer ancillary services to third parties.

Although no other utility holding company with major nuclear assets has expressed sirmilar plans, we
believe the entire process will be closely monitored. Should the spin-off eventully take place and if both the

spun-off company and the retained utilities are valued favorably by their respective ma rkets, other
companies would be likely to engage in their own transactions.

FERC INCENTIVES FOR FUEL TRANSMISSION INFRASTRUCTURE INVESTMENTS

In July 2006, the Federal Energy Regulatory Commission (FERC) issued its Final Rule promoting
transmission-pricing reforms that were designed to promote needed investmentin the US energy
infrastructure. The Energy Policy Act of 2005 had directed the FERC to develop incen tive-based rate
treatments for the interstate transmission of electric power. The Final Rule wasintended to implement those
incentives, provide regulatory certainty, and ensure that transmission rates remain just and reasonable.

The rate incentives identified in the Final Rule are intended for both traditional utilities and stand-alone
transmission companies (known as “transcos”). The incentives include providing a rate of return on equity
sufficient to attract new investment; allowing the recovery in rate base of 100% of pruadent transmission-
related construction work in progress; accelerating the recovery of depreciation expeni se; allowing the
recovery of deferred costs; and providing a higher rate of return on equity forutilities that join transmission
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organizations. In adldition to enhancing the reliability of the national grid, the Final Rule aims to expedite
the procedures for the approval of incentives and to facilitate the financing of transmission projects.

In its annual financial review, the Edison Electric Institute reported survey data that shiowed the industry
had planned to invest $8.3 billion in the transmission system in 2007, 20% more thann was invested in

2006. Over the fourr years from 2007 to 2010, the survey showed the industry was planning to invest $36.9
billion in the transimission system, which would represent an approximate 55% increase over the amount
invested during the 2003-06 period. In November 2008, the EEI presented a report prepared by The Brattle
Group, an econom ic and financial consulting firm, in which it was estimated that for the 20-year period
from 2010 to 203 O, the industry would invest nearly $300 billion in the transmission system.

EARNINGS DOWN IN THIRD-QUARTER 2008 DUE TO MILDER WEATHER

According to the latest available data from the EEI, net income in the third quarter of 2008 fell 2.1%, to
$13.4 billion. However, if one were to exclude the two largest outliers — a $2.6 billion increase from

Energy Future Holdings (formerly TXU Corp.), which went private, and a $1.8 billion decrease from
Dominion Resources (reflecting its exit from the exploration and production business ) — net income for the
industry fell by $1-1 billion, to about $12.6 billion. The decline largely reflected the ad verse impact of the
milder weather, with cooling degree-days down 11 % from the 2007 third quarter.

Operating revenues for the third quarter of 2008 were up 13.2%, to $121.7 billion. FXowever, over half of
the $14.2 billion increase reflected the accounting treatment of gains from commodity hedgingand trading
at two companies: Energy Future Holdings and PPL Corp. The increase in industry revenues also benefited
from the impact of rate increases and growth in the rate base. Operating expenses for the industry were up
10.4%, to $95.2 billion, asa 1.7% decline in operation and maintenance expenses (aided by plant and
business divestitures), to $21.7 billion, was more than offset by an 18.4 % increase, to $52.0 billion, in
power generationt COSts. Operating income in the third quarter grew 24.7%, 10 $26.5 billion. However, if
one were to exclude the $5.3 billion increase at Energy Future Holdings (due to its cormmodity hedging and
trading), industry Operating income was down by about 0.3%, to $21.2 billion,

Although the yet—to-be-released earnings for 2008 and the projected earnings for 2009 will be impacted (as
always) by the weather, we believe that earnings in both years will benefit from utility rate increases
(including a full-year of the rate increases implemented during the prior year)and the renewal of expiring
power contracts at higher prices. A prolonged economic slowdown or a recession would havealess severe

impact on utilities that havea large residential customer base, but a more significant irnpact onthose with a
large industrial base.

Dividends increased

The average dividend increase for publicly traded electric utilities was 9.2% during the first nine months of
2008. As of September 30, 2008, the EEI reported that only two of the industry’s 59 publicly traded
companies (3.4 % ) were not paying a common dividend, the lowest percentage since the 2.8% atthe close
of 2000. We expect industry dividends to continue to rise over the next few years, as companiss attempt to
share with their shareholders the benefits of their reduced debt and improved balance sheets.

The cut in the federal tax rate on dividends (from the earned income rate to 15%), which occurred in 2003
and which significantly enhanced the appeal of dividends, has been extended by two years through the end
of 2010. Looking ahead, we expect companies with strong earnings and balance sheets, and solid

investment-grade credit ratings to increase their dividends on a regular basis. However, given theimpact of

the current economic downturn, we expect dividends to be increased at a lower rate in 2009 than they were
during the first nine months of 2008.

Electric utility shares drop sharply in 2008—but still outperform

The S&P Electric Utilities subindex fell 28.1% in 2008, compared with declines of 38.5% for the
benchmark S&P 500 Composite stock index and 38.2% for the broader S&P 1500 SuperComposite. This
followed strong gains of 16.8% in 2007 and 19.2 % in 2006 for the S&P Electric Utilities subindex,
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compared with gains of 3.5% and 13.6%, respectively, for the S&P 500, and36% arxd 13.3% for the S&P
1500. The S&P Electric Utilities index also outperformed in both 2005 (up asolid 11. 77 %, compared with
increases of 3.0% for the S&P 500 and 3.8% for the S&P 1500) and 2004 (upastrorr. g 19.6%, compared
with gains of 9.0% and 10.0% for the S&P 500 and 1500, respectively).

REAL INTEREST RATEES VS. ELECTRIC UTILITY STOCK PRICES T
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The sector’s outperformance in 2007 and 2006 reflected a continuation of the investo x- shift into the higher-
yielding utility sector. The sector appears to have benefited from the volatility of the > roader market, as

well as its improved financial strength and earnings outlook, and the anticipation of a <ditional interest rate
cuts by the Federal Reserve. (Lower interest rates not only decrease the costofcapital  for the substantial
amount of debt that utilities must sell, but also increase the relative value of utility sto <ks’ dividends.)

The electric utility sector did not appear to have benefited from the broader matket’'s extraordinary decline
in 2008, in marked contrast to what seems to have occurred in 2007 and 2006, Altho wagh the electric utility
sector did not decline as severely as the broader market did last year, it was still badly~  hurt by the
unprecedented rurmoil in the stock market, which largely reflected the ongoingcrisis n the housing,
financial, and credit markets, which combined to set off a significant downtur in the overall economy.

We expect the performance of both the electric utility sector and the individual comp za nies within the sector
to remain relatively volatile over the next several years. However, assuming that the }a ousing, financial, and
credit markets begin to stabilize, we believe the stocks will be less volatile in 2009 tha n they werein 2008,

or during the first few years of this decade, when the sector confronted the prospect & £ soaring profits in the
wholesale power market on the one hand, but severe financial problems and restatern ents, and unprofitable
nonregulated businesses on the other. Since then, the electric utility industry hasimproved bothits financial

strength and its credibility, in our view. The performance of the sector, however, will remain sensitive to the
macroeconomic environment and market forces surrounding it. ®
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INDUSTRY PROFILE

An industry in transition

The US electric power industry is a collection of investor-owned, cooperative, munici g>al, state, and federal
utilities, as well as pOWer-generating companies that are not classified as utilities. In 2 €307 (latest full year

for which data are available), investor-owned utilities accounted for approximately thx xree-fourths of the
industry’s sales in terms of volume and revenues.

According to data compiled by the Edison Electric Institute (EEI), the association of UF S investor-owned
electric companies, the market capitalization of investor-owned utilities totaled $514 . S billion (for 61
companies) at the end of 2007, up 2.1% from $503.9 billion (64 companies) at the exad of 2006, The 2006

total, in turn, represented an increase of 17.5% from $428.8 billion (65 companies) & € the end of 2005,
which grew 12.4% from $381.4 billion (65 companies) at the end of 2004.

Some of the larger investor-owned utilities (ranked by 2007 revenues) are Constellati <>n Energy Group Inc.
($21.19 billion), Exelon Corp. ($18.92 billion), Southern Co. ($15.35 billion), FFL G xroup Inc. ($15.26
billion), American Electric Power Co. Inc. ($13.38 billion), PG&E Corp. (§13.24bill1 on), Consolidated
Edison ($13.12 billion), Edison International ($13.11 billion), Public Service Enterpri se Group Inc. ($12.85

billion), First Energy Corp. ($12.80 billion), Duke Energy ($12.72 billion), and Enter gzy Corp. ($11.48
billion).

INDUSTRY TRENDS

The electric power industry has been through a period of major changes. Historically” , the regulated
investor-owned utilities have had exclusive franchises to provide vertically integrated ~ electric services to

retail customers — usually within a given state, in contiguous areas outside thestate,  or both. However, the
monopolistic, tightly regulated utilities created under trust-busting legislationmore tkaan 60 years ago have
become increasingly exposed to competition, particularly in the generation and whol esale power markets,

due to changes brought about by the National Energy Policy Act (NEPA) of 1992, {FF or details, see the
«How the Industry Operates” section of this Survey.)

The turmoil berween 2000 and 2002 in the nonregulated power-marketing and powe=r-trading arena
seriously set back th§ move toward deregulation. Nonetheless, Standard & Poor’s exc ppects that, over the
long term, advances in technology and in the desire for customer choice (primarly fr ©m the large industrial

and commercial customers), as well as more prudent regulatory oversight, will gradua aally lead toa more
competitive market.

The terminations of the merger agreements between Exelon Corp. and PublicSevicee Enterprise Group Inc.
in September 2006 and between FPL Group Inc. and Constellation Energy Group In<. (CEG)in October
2006 significantly set back consolidation activity in the industry. However, CEG's re-cent joint venture
agreement with Electricité de France, and Exelon’s unsolicited offer to acquit NG Energy, Inc, could set
in motion other Merger or acquisition proposals, either agreed-to or hostile. Wesiill believe that eventually
a few dominant powerhouse companies could emerge. While this concentration conc= eivably could produce
a market environment that is notably less competitive than regulators initially inencl ed, it still should allow
electricity buyers to choose the supplier from which they purchase power.

OUTLOOK VARIES BY CUSTOMER SECTOR

According to the Edison Electric Institute (EEI), the association of US investor-owne <l electric companies,
the total volume of electricity sales for investor-owned utilities increased 2.2%,t0 2,485,010 gigawatt-
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hours (GWh) in 2007 (latest full year for which data are available), from a revised 2,4 31,041 GWh in 2006.
Revenues totaled $237.23 billion, up 6.3% from a revised $223.13 billion in 2006.

@ Residential. The EEDs report showed that electricity sales to residential customers imx 2007 were up 4.7 %
in volume and up 9.6% in revenues. In our view, the increase in revenue mainly reflected the impact of rate
increases, as well as the home construction boom that had taken place over the previous few years, and the
related growth in home computers and appliances.

According to the EEI the number of residential electric utility customers increased 0.3 % in 2007,t0 86.912
million (from a revised 86.653 million in 2006), to account for approximately 87.3% of the 99.509 million
customers of investor-owned utilities, which was up 0.3% from the revised 99.192 million customers in
2006). We expect this slight rate of increase in the residential customer base, aswell as the slowing rate of
new US household formations and the modest growth in the overall population, to restrict growth for the
foreseeable future. Thus, demand growth will remain mostly weather-related, in our o pinion.

ELECTRICITY SALES BY CUSTOMER CLASSIFICATION # Industrial. Longterm growth in investor-
(In billions of kilowatt-Frours, total electric utility indusiry) owned electric utility sales to industrial
customers is expected to be much more modest

4,500 L .
than the residential and cormnmercial sectors over

4,000 the next five years. The EET’s report said that
3,500 while electricity sales to ind ustrial customers in
3,000 2007 were down 1.1% in volume, they were up
2,500 2.4% in revenues. We belie ve the decline in

2,000 volume mainly reflected thee ability of large

1500 industrial firms to buy power from alternative
1000 'f energy providers. We expect annual industrial

500 sales growth to be relativelyr modest through

v 2010, with demand largely determined by the
01994 % 8 o o2 o 06 2008 strength of the economy.

S&T@“&ﬁ;’;ﬁgﬁfﬁg Administration. & Commercial. The EEl re port said that

electricity sales to commercial customers in 2007
were up 2.2% in volume and up 4.7% in revenues. The number of commercial custormn ers for investor-
owned electric utilities increased 0.6 % in 2007, to 12.168 million, from a revised 12.0 94 million in 2006.

Over the next several years, we expect to see increased demand from the commercial sector, with the pace
dependent on the strength of the economy. The growing number of customers should boost demand, as
should the increasingly widespread use of computers and other office equipment.

ELECTRICITY LEGISLATION ENACTED

In August 2005, President George W. Bushsigned into law a comprehensive energy bill called the Energy
Policy Act of 2005 (EPAct 2005). The electricity portion of the new legislation—called the Electric
Reliability Act of 2005 — made grid-reliability standards mandatory, repealed the Public Utility Holding
Company Act of 1935 (PUHCA), and authorized federal permits for transmission lines. The main electricity
provisions contained in the new law are outlined below.

Establishing electric reliability organizations

To address reliability issues highlighted by the power blackout of August 2003, the new law made several
amendments to the Federal Power Act of 1935. It created a new section in the law, Section 215, which calls
for the establishment of a self-regulating, electric reliability organization (ERO)under the jurisdiction of the
Federal Energy Regulatory Commission (FERC). The law also authorized the FERC to establish ERO
requirements, including regulations allowing the ERO to delegate authority toa regioral entity for the
purpose of proposing and enforcing standards that would ensure the reliability of the bulk power systermn.
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Although the EROs and any regional entities given enforcement authority would not be considered
departments or agencies of the US government, the FERC was authorized to take wha tever actions it
considered necessary to ensure compliance with reliability standards or related commission orders. The law
does not preclude individual states from taking actions aimed at ensuring the reli

ability of the bulk power
systems situ

ated in those states, as long as those actions are consistent with the reliability standards.

PUHCA repealed

The new legislation repealed the Public Utility Holding Company Act of 1935.PUHC A was enacted to
climinate the abuses committed by the holding companies of that period, such as excessive charges for
“services” provided to the operating utilities that were then passed on to the consuming public. UHCA
restricted the nonutility activities of holding companies and required that the service territories of the utility

operating companies be. contiguous. (For more information about PUHCA, see the “FHow the Industry
Operates” section of this Survey.)

The new law required that holding companies maintain and make available (to both the FERCand the
appropriate state cOMMissions) any books and records deemed relevant to the costs incurred by a utility
within a holding company. In addition, both the FERC and the state commissions would maintain their
authority to ensure that jurisdictional rates were just and reasonable, to prevent cross~-subsidization, and to

determine whether a utility would be allowed to recover, via rates, costs related to another company within
the holding company.

While new mergers would still require approval by the FERC and state utility commissions, the legislation
required the US Department of Energy (DOE) to review the extent to which the FER C’s merger authority

was duplicative of other federal and state merger authorities, and imposed statutory deadlines intended to
accelerate the merger review process.

PUHCA’s repeal could pave the way for the entry of new nonutility domestic players into the industry and
for additional acquisition activity by foreign companies. However, the termination of two major mergers in
the industry during 2006 (discussed below) has made everyone aware of the difficulties that can be
encountered in obtaining merger approval from state regulators. It was not surprising, therefore, that the

recent joint venture agreement between Electricité de France and Constellation Energy, and Exelon’s
unsolicited offer to acquire NRG Energy, were designed so that the approval of state regulators would not
be required.

Modernizing transmission infrastructure

The new legislation effectively countered the “not in my backyard”

attitudes that have hindered the
construction of n

ew transmission facilities. In any geographic area where consumers were adverscly affected
by transmission capacity constraints or congestion, the DOE was given the authority to designatea

«national interest electric transmission corridor™ after consulting with the appropriate states and regional
reliability entities. In such areas and under specified conditions, the FERC had the authority to issue permits
for the construction or modification of transmission facilities. Permit holders could acquire the rights-of-

way for the project by exercising eminent domain in the federal district court with jurisdiction over the area
where the property 1S located.

INDUSTRY CONSOLIDATION STALLED BY TERMINATION OF MAJOR MERGERS

Many investors had believed that repeal of the Public Utility Holding Company Act (PUHCA) in December

2008 would accelerate industry consolidation — and, for a while, that appeared to be the case. However, at
about the same time that the move to repeal PUHCA gained steam, state regulators started to become much

more assertive in their demands, in large part due, in our opinion, to what was often intense political and
consumer group pressures.

We believe these factors played a major role in bringing about the termination of the agreed-tomerger
between Exelon Corp. and .Public Service Enterprise Group Inc. in the fall of 2006. When this was followed
six weeks later by the termination of the agreed-to merger between Constellation Energy Group Inc. and
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FPL Group, the effect on the industry was chilling. One element that may have factore<d into Exelon’s
unsolicited offer to acquire NRG Energy is that, since NRG is in the business of power- generation rather
than distribution, such a deal would not need the approval of state regulators. Thisma y also have been a
reason why Electricité de France decided to pursue a 50% interest in Constellation’s nvaclear assets rather
than renew an attempt to acquire the entire company. Since Constellation’s utility distx- i bution operations
would not be involved in the proposed transaction, the deal would not require the app xoval of the state
regulators in Maryland. We also believe that one of the reasons why Constellationiniti ally accepted the
offer from MidAmerican Energy (a subsidiary of Warren Buffet’s Berkshire Hathaway ) was that Mr.
Buffet’s reputation would ease the approval required from regulators in Maryland.

Possible alternatives to mergers

Although mergers had appeared to be one of the best ways to achieve growthinwhat i s essentiallya mature
business, the enormous amount of time and money that was involved in an increasingl 37 contentious
regulatory approval process made utility holding companies much more cautious abowr T entering into thern.
Assuming that a company would still want to go through with a merger proposa, it w ould also have to be

much more thorough in its analysis of its planned partner’s overall regulatory environraxaent as well as its
cultural compatibility, market outlook, and business prospects.

We may see more mergers between small and mid-sized utilities (such as the recent acy waisition of Energy
East Corp. by Spain-based Iberdrola SA) and, should a significant recovery takeplace i the credit markets,
perhaps even some more private equity buyouts over the next couple of years. We believe, however, that if
larger companies are faced with a difficult regulatory environment, they may start thira J<ing in terms of

limiting themselves to the acquisition of individual assets (such as power plants), athe == than attempting to
merge with an entire company.

We also believe it is possible that, given a return to a more favorable market environm ent, more utility
companies will give greater consideration to spinning off some of their own nonulity <perations, as
Entergy Corp. has announced. Such efforts caused considerable problems a few years b>ack, when
companies such as Reliant Energy Inc. (spun-off from CenterPoint Energy Inc), Miran £ Corp. (Southern
Co.), and NRG Energy Inc. (Xcel Energy Inc.) all experienced severe financial problemy s, with the latter two

having to declare bankruptcy. However, given the current strength of many nonregula £ed power producers,
we believe it would cause far fewer problems if attempted again.

RATE STRUCTURES THAT MOTIVATE

Critics have argued that traditional utility regulation — in which rates are basedon th &= cost of service, plus

a risk component — does not give utilities an incentive to become efficient. Hence, ma 1y states are
examining the need to reform the cost-based framework.

Incentive regulation mechanisms

An alternative to cost-of-service ratemaking exists in the form of “incentive regulstion mechanisms,” which,
at one point, were prevalent in the telecommunica tions industry. Through incentive me=chanisms, utility
managements are given performance targets. If the utility exceeds its target, itwill shar-« part of the resulting
benefits through incremental increases in its allowed return on equity. Examples of inc entive-based
ratemaking include performance-based pricing, revenue sharing, and price-cap regulaci «on.

& Performance-based pricing. Utilities that have settlement agreements on new nuclea x— plants ornuclear
plants that have suffered prolonged outages use this ratemaking mechanism. ltenails x=emoving the plant

from the rate base and extracting related operating expenses from those included in th = utility’s cost of
service.

Instead of earning a rate of return based on assets specified by regulators, a utlity usire =g performance-based
pricing earns a preset price per kilowatt-hour (kW7h) that the plant produces, miking r e=covery dependent on

plant performance. The most notable example is Pacific Gas & Electric Co.’s Diablo C zanyon nuclear plant
in California.

10 ELECTRIC UTILITIES / FEBRUARY 26, 2009 INDUSTRY SURVEYS



Exhibit PPL/209
Hadaway/13

# Revenue sharing - This method seeks to compensate a utility for greater-than-averag; e risk when its cost of
capital is estimated - The utility is assured that benefits resulting from gains in producti vity or efficiency are

shared between customers (in the form of lower rates) and shareholders (as higher earaings). Some electric
utilities in New York and California currently use revenue sharing.

@ Price-cap regulation. Common in the telecommunications industry, this regulation s ets a ceiling for
consumer prices. The price cap is intended to cover a reasonable cost of service, while lertting utilities choose

the most efficient way to provide that service. The choice of services that a utility may  offer a specific
customer currently is subject to state regulatory review.

POWER MARKETERS AND BROKERS

The advent of wholesale wheeling and nonutility generation created the opportunity — and the need — for

companies to market and broker power. As of April 2008, 456 independent power mzx rketers and 96
affiliated power marketers were registered with the FERC.

Power marketers and brokers, independent power producers, and unregulated subsidizries of utility
companies offer power-supply alternatives to other utilities in the wholesale market arad, increasingly, to
large industrial customers. Power marketers buy and sell wholesale electricity at mark et-determined prices.
Brokers match buyers and sellers of wholesale electricity, but they do not take the title to the power. Power-

marketing operations have been formed by energy companies (many with experience ix1 marketing natural
gas), utility subsidiaries, and independents.

As with the gas industry, electric power brokers and marketers hope to déveldp an eff i cient market by

straddling the gulf between electricity generators and their customers, who have becorme “free agents™ in
the newly competitive environment.

In 2007, Constellation Energy was the largest power marketer, with sales of 400.5 million megawatt-hours
(MWh), or 7.59% of total power-marketing sales. Exelon Generation Co. LLC was second, with 360.9
million MWh (6.84%), followed by Morgan Stanley Capital Group Inc. (2321 millioxn MWh; 440%),

Sempra Energy Trading Corp. (211.8 million MW h; 4.02%), and First Energy Solutions Corp. (195.6
million MWh; 3.71%).

FINAL TASK FORCE REPORT ON BLACKOUT

On April 5, 2004, the US-Canada Power System Outage Task Force issued astudy e titled Final Report on
the August 14, 2003 Blackout in the United States and Canada: Causes and Recomm endations. This report
covered the August 2003 electric power blackout that affected 50 million people in nine states and in the
Canadian province of Ontario, and an estimated electric load of 61,800 megawatts (NAW).

Calls for mandatory compliance with reliability rules

In its final report, the task force said reliability rules must be established and made m & ndatory, with
substantial penalties for noncompliance. The recommendations had four main themes .

First, government and regulatory bodies in the United States and Canada should mak e high reliability
standards paramount, and, while market mechanisms were acceptable, any irreconcila ble conlflicts between
reliability and commercial objectives must be resolved in favor of high reliability. Second, regulators must
assure that investments and operational costs related to the maintenance of reliability will be recoverable
through approved electric rates. Third, the North American governments and industry must work together
to implement the recommended mechanisms for performance monitoring, the accoury tability of senior

management, and the enforcement of compliance with reliability standards. Finally, a number of security-
related actions were needed.

In addition to making reliability standards mandatory and enforceable, the task force made several other
recommendations related to institutional, operating, security, and coordination changes. On aninstitutional
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level, the task force made recommendations in the areas of funding, recoverable costs, minimal functional
requirements, and the framework of future investigations. On an operational level, the task force
recommended the establishment of enforceable standards for maintaining electrical clearances in right-of-
way areas, and improvements in training and certification. On security-related issues, the task force
recommendations addressed physical and cyber security, system and network controls, operating and
training procedures, and the installation of backup generation equipment. Finally, the task force

recommended that international coordination mechanisms be developed between the governments in
Canada and the United States.

Reliability performance trends not readily available to the public

In August 2007, the National Energy Board (NEB) of Canada issued a report that concluded that while
substantial steps had been taken to improve the reliability of the North American bulke power system
(particularly the implementation of mandatory electric reliability standards), the establishment of an
independent source of reliability performance information had not progressed as quickly. It noted that the
biggest problem was the lack of readily available information that tracked the trends in reliability
performance in either Canada or the US. This was not because such information or data was not being
reported, but rather because it was not readily displayed for public use. The NEBsaid this needed to be
corrected in order to enable an assessment of reliability trends that would be useful to the industry,

regulators, policy makers, and the public, and that doing so would require sustained a ttention from
government agencies for several years.

HOW THE INDUSTRY OPERATES

Since electricity first was harnessed more than 100 years ago, technological advances have altered the
landscape of the electric utility industry. Nevertheless, the physics of electricity generation have not
changed: electricity is produced when a magnet is rotated inside a coil of wire. The spinning of the magnet
may be caused by steam (as in coal, oil, and nuclear power plants), by falling water (as in hydroelectric
plants), or by hot expanding gases (as in gas turbines and diesel generators).

Electrical energy cannot be stored economically, so it must be generated and instantanneously delivered
based on customer demand. Consequently, an electric utility company must own production facilities
capable of meeting the maximum demand on its system, as well as transmission and distribution systems
that can manage the load. Each utility also must have a reserve margin of extra production capability to
allow for maintenance, equipment outages, and unexpected variations in usage.

In general, the electric utility industry’s peak earnings come with the warm weather in the second and third
quarters, when customers are running air conditioners. By contrast, cold weather tends to haveamarginal
impact on earnings; MOst customers use electricity simply to start their heaters, while fuel (oil or gas)
provides the heat. Thus, electric utilities’ lowest earnings typically occur in the first and fourth quarters,
although actual results may vary by region, and depend on weather conditions and other factors.

GENERATING POWER

The electric utility industry relies on various fuel sources to generate electricity. Some utilities also purchase
power to meet peak demand.

Fuel sources

Fuel sources used by the electric utility industry include coal, natural gas, nuclear power, renewable sources
(including hydroelectric and wind), oil, and other gases.

@ Coal. According to the latest available data from the Energy Information Administration (EIA), a
statistical agency of the US Department of Energy, coal accounted for 48.6% of toral WIS electricity
production (in kilowatt-hours) in 2007. Historically, coal supplies have been abundant, and while there has
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been a sharp recent Tise in coal prices, they are still relatively favorable whencompared with prices of other
energy sOurces, primmarily natural gas. These factors help explain the industry’s rliance on the mineral. The

FIA expects co aa ] to remain the
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dominant source of fuel for US
electricity prodd vaction, with its share
increasing to a bbout 51.4% by 201 5.

@ Natural gas . The EIA forecasts

that natural ga s, which accounted for
21.5% of US el ectricity production in
2007, will decl 1 e to about 16.5% in
2015. The proj ected decrease largely
reflects the neg; - tive impact of high
gas pricesin 2006 and 2007 — a
problem expect-ed to continue for the
next several yeza rs. These price

increases were I>elieved to largely

offset themore favorable long-term
effect of enviro ramental and

04 06 2008

technological fo> rees, including the

demand for cleaner forms of fuel, and the desire for equipment with lower capital req vairements, such as

gas-fired combustion turbines.

Most new nonutility generators are fueled by natural gas. If natural gas prices were attractive, gas-fired
turbines would likely be p9pular. High gas prices, however, such as those that have occurred from the first
half of 2003 through the first half of 2008, can dampen enthusiasm for gas among bo th investor-owned
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utilities and nonutility generators. B th types of operators
have the capability to switchbetweera oil and gas, which
can result in rapid shifts in demand. “\¥ith natural gas
prices expected to remain highover the next few years, we
believe natural gas will remain relati~-ely unattractive as a
fuel source during this time.

@ Nuclear power. AccordingEIA  projections, nuclear
power, which accounted for194% o £ total US electricity
production in 2007, is expectedto see its share remain
steady at about 19.5% by 2015. This reflectsachange
from the decline that had been projec=£ed in recent years, as
nuclear power remains an imporant  ssource of energy that
is relatively inexpensive anddean (in  terms of air
pollution), and because several comp za nies are considering
the possibility of building newmclea = facilities. Utilities
have made concerted efforts tocontr <1 nuclear operating
expenses. Should any of the opertiora al systems develop
safety problems, however, the expens es related to their
resolution could have a significant iy goact on the
company’s earnings.

Plant decommissioning — whichinve 1ves reducing
radioactivity, disposing of nudear wa ste, and dismantling

certain machinery — creates uncertainty. Utllities are required to prefund decomnissic» ning costs over each
plant’s 40-year operating life. These costs are substantial, generally running into hund x—eds of millions of

dollars.
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@ Renewable sources. The EIA forecasts that renewable sources will account for 11.3 % of the country’s
total electric energy production in 2015, compared with 8.4% in 2007. These sources include hydroelectric,
geothermal, wood, waste, landfill gas, solar,and wind power. The generation of hydroelectric power
depends on the weather: when it does not rain or snow, less water is available o generate power.

@ Petroleum. The EIA expects US electrical production from petroleum to decline from 1.6% of production

in 2007 to 1.2% in 2015. Electric energy production using petroleum occurs chiefly in the Northeast and
the Southeast.

@ Other gases. Blast furnace gas, propane gas, and other manufactured and waste gases derived from fossil

fuels, which accounted for 0.5% of US electric power supply in 2007, are expected to provide an even
smaller amount in 2015.

Purchased power fills the gap

Wholesale wheeling — the buying and selling of power by different utility-related com panies — has
significantly increased utilities’ use of purchased power. Urban utilities in particular, writh their high

daytime peak loads, have found that purchased power contracts let them meet peak demand and boost their
load factors without building additional capacity .

A purchased power contract generally has two components: a capacity chargeand an energy charge. The
capacity charge usually is considered a rate base item; in other words, it is incorporated into the end-
customer’s base rates, whether or not the power is used. Energy charges are regarded as fuel costsand are
passed along to the end-customer on a dollar-for-dollar basis, according to usage.

GETTING POWER TO THE USER

A utility uses a combination of generators to accommodate different levels of demand . Baseload generating
units can supply large amounts of power; they ordinarily operate at or near full capacity for long periods.
While baseload generating units are the most expensive units to build in termsof capital investment, they
are also the most efficient — and thus the most economical, in terms of operating expenses.

In contrast, peaking units are designed to operate exclusively during periods of high demand, and may run
for as little as a few hours at a time. These generators — usually oil or gas combustionn turbines —are the
least costly in terms of capital investment, but they are usually the most expensive to run.

The cycling unit, an intermediate class of generator, runs when demand is above the ca pacity of the
baseload generators but below the level necessary to use the peaking units. Interms of capital investment
and operating costs, cycling units normally fall between baseload generators and peaking units.

Transmission and distribution facilities are the arteries through which powerisdelivered to customers. To
transmit electricity effectively over long distances while minimizing power losses, utility companies use high-

voltage transmission lines. Although such lines commonly cost considerably more to build than low-voltage
wires, they can carry much more power.

Transformers reduce the voltage of electricity as it moves from transmission lines to distribution lines. At a
customer’s site, meters attached to the distribution lines measure the amount of electricity used during a
particular period so that the utility may charge the appropriate sum to each account.

Some electricity-generating plants are members of regional power “pools,” which generally are made up of
several investor-owned utilities in a geographic area. The participating power plants dispatch electricity to

all member utilities from a central control point.
Peak load and energy rates

A utility’s customer profile (the proportion of its sales that go to large industrialand wholesale customers
versus smaller retail customers) can have a big influence on both its expendituresand its rates. Utilities
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forecast their peak loads — the average amount of energy required to serve customers at times of greatest
usage — based on thee average total demand from all customers at peak periods.

Peak loads can differ significantly from utility to utility. Some companies’ loads are relatively uniform
throughout the day, whereas others’ are heavily concentrated during particular hours.

Capacity and load factors

The relationship between demand and capacity is called a utility’s capacity factor. It is the measure of actual
output versus a generator’s rated capacity.

Load factor is a related but somewhat different concept: the ratio of actual electric energy consumption
during a given time period relative to the consumption that would have occurred if usage had been fully

sustained at the peak capacity level. Thus, it measures the variability of load (or demand) over agiven time
period. A high load factor means that a utility operates near capacity most of the time.

HOW RATES ARE SET

State commissions are responsible for determining utilities’ proper rate bases and allowable operating
expenses. Individual states’ rulings often differ with regard to these determinations. They also differ in
allowed accounting, treatments for depreciation accruals and investment tax credits. Although rulings are

often presumed to be based solely on the public
COST OF ELBEfTR;IO%'TYU;’;:%SZ;’MER PRICES interest, comumissions actually seek to provide a
(index, 1982-84 = 100; 4 ¥ balance between investor and consumer interests.

240

220 Shareholder risk isa component of a utility’s
allowed rate of return. To determine risk levels,
state utility commissions consider the percentage
of common equity versus debt in a utility’s
capitalization. The higher the equity component,
the lower the assumed risk; a lower assumed risk
generally results inalower allowed rate of

R return. In contrast, shareholders that assume
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Source: US Bureau of Labor Statistics Utilities that engage in significant cost-cutting

- tactics, such as work force downsizing and
refinancing (both prevalent in recent years), often attempt to delay the next rate review for as long as
possible. This strategy lets its investors benefit from the savings until the nextrate case.

Consumer safeguards

To protect consumers against potential pricing abuses while allowing utilities to attract capital and provide

adequate service, utility companies are required to charge what the regulatory bodies deem “justand
reasonable rates.”

Establishing a utility’s rates on an individual cost-of-service basis typically involves two steps. The first is to
determine the rate level that will cover the utility’s operating costs and give it an opportunity toeama
reasonable return on its investment. The utility’s required revenue often is referred to as the “revenue
requirement” or “cost of service.” The second step designs specific rates that will eliminate discrimination

against, and unfairness toward, affected classes of customers.
Government guides rates, construction

Regulators once encouraged utilities to construct ample generating plants to satisfy vigorously growing
electric demand. During the late 1970s, however, electric demand slowed significantly as that decade’s
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energy crises sparked large increases in electric rates. Meanwhile, the cost of nuclear plant construction
skyrocketed because of the Three Mile Island nuclear accident in Pennsylvaniain 1979.

In response to those developments, regulators often disallowed or delayed cost recovery for plant
investments deemed imprudent or unnecessary. In the wake of those disallowances, utilities became hesitant

to undertake major capacity-related construction projects, and many chose torely on power purchased
from other generatofs.

When generating capacity appears unable to meet the levels of power required during periods of great
demand (such as during “above-normal” heat waves), resulting in significant power shortages, utilities or
independent power generators have found themselves compelled to increase their gene rating capacity. This
was the case with the California power crisis in 2000, which resulted from the state’s insufficient power
supplies; it led to an accelerated approval process for new plants. A nationwide expansion of power plants

ensued, resulting in an excess of power-generating capacity. Meanwhile, demand was greatly reduced due to
a longer~than—expeCt€d weakness in the economy.

THE LAWS THAT SHAPE THE INDUSTRY

Over time, several pieces of federal legislation have shaped the US electric utility industry. Below are brief
descriptions of some of these laws and theirinmediate and ongoing impact.

@ The Public Utility Holding Company Act PUHCA) of 1935. This trust-busting legislation was aimed at
the large and powerful companies that controlled US electric and gas distribution netw orks until 1935.
Before PUHCA, nearly half of all electricity generated in the United States was controlled by three massive
holding companies, whose size and complexity made regulating them virtually impossible.

Under PUHCA, the Securities and Exchange Commission (SEC) was authorized to break up the trusts and
to regulate the reorganized industry. By design, the utility industry that PUHCA reorganized contained
barriers to entry. In essence, “outsiders” were prevented from participating in the construction and
operation of new electricity-generating facilities. PUHCA was repealed by the Energy Policy Act of 2005.

@ The Federal Power Act. Also enacted in 1935, this law created the Federal Power Commission (later

renamed the Federal Energy Regulatory Commission, or FERC) to regulate the interstate transmission and
sale of electric power, and to license hydroelectric plants.

@ The Public Utility Regulatory Policies Act (PURPA) of 1978. By the 1970s, the regualatrory framework
that had been in place for some 40 years was in need of change. That decade’s energy crises generated

widespread support for reducing US dependence on nonrenewable sources of energy in general and on
foreign oil in partlcular.

To promote national self-sufficiency in energy consumption, Congress enacted PURPA in 1978. As part of
this legislation, the FERC was Ol:del‘ed to develop rules to encourage alternative energy sources and
cogeneration by creating qualifying facilities (QFs), a special class of independent power producers.

The small generators that QFs owned were exempt from PUHCA’s restrictions. Utilities were required to
purchase the firms’ electricity at prices mandated by state regulators, typically setat the utility’s “avoided
cost,” or the cost that an electric utility would incur to produce or otherwise procure electric power,

Although PURPA did not exempt the larger independent power producers from PUHCA, it nonetheless had
a significant impact on the growth of nonutility generation.

@ The National Energy Policy Act (NEPA) of 1992. By reforming PUHCA, this law greatly increased
competition within the electric utility industry at the level of both production and sale of wholesale power;
the latter having become the industry’s most lucrative business when demand is high. Under NEPA, the
FERC was empowered to direct an electric utility to provide wholesale wheeling, or transmission service, at
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cost from any electricity-generating entity to another utility, regardless of whether the transmitting entity is
another utility or ary independent power producer (IPP).

Under NEPA’s term s, transmitting utilities must receive compensation for roviding wholesale wheelin
p % g g

services. The FERC sets rates for transmission service at a level that lets a company fully recover the
“legitimate and veri fiable” costs of providing the service.

NEPA created an additional class of independent power producers — the exempt wholesale generator
(EWG) — that was free from regulation under PUHCA provisions. Unlike IPPs of the past, however, EW G
projects could have investor-owned utilities as majority interests. Affiliated EWGs can produce and sell

electric power at the wholesale level; state commissions regulate these transactions. NIEEPA also allowed
EWGs to operate outside the US and to compete in foreign markets at the retail level.

THE REGULATOR"S ROLE

The Federal Energy Regulatory Commission (FERC), a division of the US Department of Energy, exercises
jurisdiction over wholesale utility sales and certain transactions between affiliated comn panies. It also

oversees utilities” issuance of certain stock and debt securities, the assumption of obliga tions and liabilities,
and mergers.

State public utility commissions regulate electricity sales to end-use customers, sich as homeowners and
businesses. Regulation seeks to ensure that consumers receive reliable serviceata fair price. It gives each
utility the opportunity — not a guarantee —to earn an adequate return so thatit can attract new capital to
develop and expand plants to meet customer demand. Regulation also aims toensure public safety and to
prevent unreasona ble prices, excessive earnings, and discrimination against customers.

Regulated monopolies move toward competition

Historically, individual companies have operated as natural monopolies. In theory, a natural monopoly
should provide economies of scale, efficient service, and lower prices. Owners of a monopoly can profit
excessively, however, if they control an essential resource. The federal government rega rds the supply of

electricity as a necessity; thus, federal and state governments have long supervised the industry through
close regulation.

Under “regulatory compacts,” states have granted investor-owned utilities exclusive service territories in
exchange for the utility’s “obligation to serve” all consumers in that territory on demand. This obligation
requires utilities to build, operate, and maintain generating plants, and transmission annd distribution

systems that would service all present and future customers. Such franchise agreements allow the highly
capital-intensive utility companies to raise the necessary financing, recover their fixed costs over time from a
stable customer base, and enjoy increased efficiency through economies of scale.

The most significant difference between regulated utilities and competitive enterprises is in the pricing
process. Whereas market forces and competition determine how much an unregulated company can charge
for its products or services, a state regulatory commission establishes a utility’s rates in a rate-case
proceeding. Once set, rates generally do not change without another rate case.

While the wholesale power market has been opened up to competition in many states, the scandals related
to Enron and other power marketing operations have made some state regulatory com missions much more
cautious about opening up their own states to competition. We also expect energy transmission to remain

somewhat regulated in the United States, and distribution to remain completely regula ted, which would
maintain a degree of monopoly in those areas.

FERC rulings pulled the plug on monopolies

In March 1995, the FERC released a watershed Notice of Proposed Rulemaking (NOPR), alerting the
industry that it had targeted the wholesale power market for deregulation and was about to issue new
rulings on open-access transmission. (ANOPR is a notice to the industry that the FER C is revising its
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regulations and will release an official ruling later.) In the industry, this particular ruling is referred to as the
Mega-NOPR.

On April 24, 1996, the FERC issued the expected rulings, which consisted of two sepa rate orders. The first,
Order 888, addressed both open-access and stranded-cost issues. The second, Order 8 89, required electric
utilities to establish electronic systems to share information about available transmission capacity.

The FERC rulings initially targeted the wholesale power market, where electric power is provided to the
utilities, which then distributes it to the retail market. The agency believed that, in the long term, the rulings
would reduce the need to regulate bulk power sales. It expected the opening of the tra rasmission system to

increase competition and lower prices by eliminating the power-generation monopoly at the electric plant
level.

@ Order 888. This order addressed two principal issues: transmission service and “stranded costs.”

Transmission. Order 888 required public utilities that own, control, or operate transm ission lines to provide
transmission service for wholesale transactions on an open, nondiscriminatory basis. T'he order set

guidelines for efficient operation of the transmission system, and for terms and conditions of service. It
required utilities to file open-access transmission tariffs (OATTs) stating the minimum conditions under
which they can provide both network and point-to-point service. (Network service involves salesto a third-
party bulk power mmarketer; point-to-point service is a wholesale transaction toa specific utility.) Order 888

did not mandate either corporate unbundling or divestiture of assets, but it did establish standards of
conduct to ensure this functional unbundling.

In issuing this order, the FERC supported the concept of independent system operators (1SOs), although it
did not require utility companies to join them. An ISO is an entity formed to control and to operate a
regional transmission system; the individual parts of the system have different owners.

Commissions in each state determine the rules for ISOs. Each ISO controls the operation of interconnected
transmission facilities within a certain region. It also is responsible for ensuring nondiscriminatory, open-

access transmission, as well as the planning and security of the utilities” combined bulk transmission
systems.

Stranded costs. The term stranded costs refers to the money a utility could lose if it were unable to recover

its investment in generating plants, and/or other deferred costs, such as those incurred when a wholesale
customer switches providers or types of service.

In Order 888, the FERC endorsed the principle of full recovery of prudently incurred wholesale stranded

costs. The FERC thus reaffirmed its view that utilities should be able to recover these costs from departing
customers by negotiating remedies before the end of the contract.

State regulatory commissions remain the primary forums for handling stranded costs and other issues
related to retail transmission service. Also known as “retail wheeling,” this service involves one entity —
whether an independent power producer, cooperative, or electricity-generating utility — selling its
transmission services to another, which then sells the electricity at retail to the ulimate customer.

@ Order 889. Also known as the Open Access Sarne-time Information System rule (O ASIS), Order 889
required electric utilities to do two things. First, each utility must make available electronically, to other
utilities and electricity providers, certain information about its transmission systems — the information that
it would use for its own wholesale power transactions. The electronic availability of this information, which

should be similar in content for all published com petitors, should prevent any one utility from having any
special advantage over others that want to use its transmission system.
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Second, each utility” s wholesale power marketing must be administered and accounted for separately from
its transmission operation functions. This requirement enabled customers to compare prices for these
services — a change from past practices, when the services were bundled.

@ Order 2000. Orders 8?8 and 889 established the foundation necessary to develop competitive bulk
power markets in the Unlte‘d §tates. Although they encouraged the formation of ISOs,, they still left
management of the Transmission grid to the vertically integrated electric utilitis. The FERC eventually

concluded that this structure was not efficient or reliable enough to support the development of genuinely
competitive electric1ty markets.

To promote efficiency in wholesale electricity markets and to ensure that consumers pay the lowest possible
price for reliable service, the FERC issued Order 2000 in December 1999. Its objective was to encourage all
public and nonpublic electri'c utilities to place their transmission facilities under the inn dependent control of a
regional transmission organization (RTO). The function of an RTO is to control the transmission grid in a
given regional territory, thus assuring nondiscriminatory access while increasing efficiency and reliability .
Although similar in concept to the ISO, the RTO would have more authority to eliminate discrimination.

Order 2000 established the minimum characteristics and functions for an RTO: inde pendence from market
participants, a sufficient geographical scope and regional configuration, a cleat opera tional responsibility
and authority, and the ability to assure short-term reliability. The order encouraged a collaborative process

whereby all utilities that own, operate, or control interstate transmission facilities corald consider and
develop RTOs in consultation with state officials.

@ Proposal for stanndard market design. Disappointed with the slow industry response to Order 2000, the
FERC issued its NOPR for a standard market design (SMD) for the interstate transmission system on July
31,2002. The proposed rule would have established a single flexible transmission system called Network
Access Service. The service would have established a single open-access transmission tariff (a public

schedule detailing rates, rules, and terms of service) that would apply to all customers, as wellasan SMD
for wholesale electric markets.

Although the FERC proposal saw a formal role for the state regulators as members of a regional state

advisory committee, there was strong regional opposition to the SMD proposal, mainly from state

regulators in the Sgutheast and the West. Given the strength and political power of this opposition, the
FERC issued a white paper on April 28,2003, which refined its SMD proposal and eliminated the

requirement for public utilities to create orjoin an independent transmission provider, although they would
have to join an RTO or ISO.

The refined version, though, did not succeed in lessening the opposition to the proposal, and the FERC
subsequently decided not to press for mandatory membership in an RTO. This becamee official policy with
the signing into law of EPAct2005 in August 2005 . The new law specifically stated that, while the FERC

could encourage transmission-owning entities to join RTOs, it did not have the authority to order them to
do so.

@ Order 890. The EPAct2005 authorized the FERC to prescribe rules to provide for the dissemination of

information about the availability and price of wholesale electric power and transmission service, with due
regard for the integrity of these markets, fair com petition, and the protection of consumers.

The FERC strongly believed that, more than 10 years after Order 888, the open access transmission tariffs
(OATTs) contained flaws that had undermined its core objective of preventingundue discrimination by

transmission owners. To change this, the FERC issued Order 890 on February 16, 2007. This order
authorized several reforms.

First, it eliminated the wide discretion that ransmission providers have in calulating available transfer
capacity. Second, it required an open, transparent, and coordinated transmission-planning process. Third, it
increased the efficient utilization of transmission by eliminating artificial barriers (such as denying a request
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for long-term, point-to-point service if the request cannot be granted in an hour). Fourth, it facilitated the
use of clean energy resources, such as wind power, through reforming generator imbalance charges (since
these resources have limited ability to control their output). Last, Order 890 increased the clarity of OATT
requirements and strengthened compliance and enforcement efforts by adopting penalties for clear
violations of an OATT. The new order was applicable to all regulated transmission providers, including
regional transmission organizations and independent system operators.

FERC Order 592 add ressed market power in mergers

In December 1996, the FERC adopted Order $92, a new policy setting forth the criteria and procedures for
approving mergers. The order stated that the agency would consider a proposed merger’s impact on

competition, costs, and rates, and the ability of the commission and the states to regulate the new entity
effectively.

With regard to com petition, the FERC considers whether one utility or a few large utilities could gain
excessive market power by controlling all the capacity of a specific transmission system. Such a setup would

enable those controlling the capacity to charge more for their electricity — an undesira ble result, from the
perspectives of both consumers and regulators.

The deregulation of the industry was intended to increase competition and to loosen electric utilities’
monopoly on power generation. Because the process could not be completed overnight, however, the FERC

made it clear that it would use its authority to prevent any one company — orasmall number of them —
from gaining too much market power.

INDUSTRY ACCOUNTING QUIRKS

The industry’s regulated nature has given rise to unique accounting practices. In particular, several
significant “noncash” items can dramatically alter a utility’s earnings. Historically, the most notable
noncash component in accounting has been the allowance for funds used during construction (AFUDC). If
state regulators do not include a utility’s construction work in progress (CWIP) in the calculation of its rate
base (upon which the utility is allowed to earn an actual return), the utility records an AFUDCon its

income statement. This is an income credit representing construction financing costs. Once the facility is
placed into operation, a return will be earned on the portion of those costs included in the rate base. The

costs not included in the rate base will be recovered over the life of the facility through depreciation
charges.

AFUDC amounts are added to a plant’s costs. Like other construction expenditures, they are depreciated
over time. During periods of heavy construction, AFUDC could represent a substantial portion of utility

earnings. AFUDC, of course, would be of much less significance during periods of limited construction
spending.

Another source of noncash earnings is multiyear phase-ins of rate hikes given to utilities to cover costs for
new generating plants. This practice generates noncash earnings in that the reported “earnings” do not
include the related expense that has been recorded as an asset on the balance sheet under deferred charges.
By phasing in these large rate increases, regulators lessen the “rate shock” to customers.

To avoid the negative earnings impact from enormously expensive projects, utilities can defer the recording

of these costs while new rates are phased in. Such deferred amounts then are amortized and recovered over
time.

Many state commissions require or allow utilities to create “regulatory assets” by deferring the recording of
some costs — such as those related to damages from severe storms, clean air expenditures, and demand-side
management energy-efficiency programs —until the next general rate increase. For somne utilities, the next
expected general rate increase might be yearsaway, so reported earnings would be affected onlyin the long
term. However, the deferred costs hurt the quality of near-term earnings, because the earnings do not fully
reflect the costs of that period. Suppose, forexample, that a company incurs a $100 million expense for
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repairing storm damage. The company’s current reported earnings would not be affected because the
expense has been deferred, but this compromises the quality of those earnings. Regulatory assets are only
appropriate if it is probable that they will be amortized and recovered once the next rate increase becomes

effective.

KEY INDUSTRY RATIOS AND STATISTICS

@ Interest rates. The regulated and capital-intensive nature of the electric utility industry makes the
financial performance of these companies very sensitive to the level of interest rates and available returns.
Utility rates are based on operating costs, capital investments, and the cost of capital. Changes in overall
market rates affect utility rates via the cost of debt and the allowed return on equity (ROE). When market
rates drop substantially, utility rates are likely to be lowered as financing cost savings are passed on to

customers.

In addition, income-oriented investors are sensitive to interest rates when evaluating a utility company’s
shares. If interest rates are rising, these investors may be able to receive comparable returns elsewhere and,
consequently, would be less likely to purchase a utility stock that did not provide a comparable yield.

In 2008, the S&P Electric Utilities index was down 28.1 %, compared with a38.5% decline for the S&P
500 Composite Stock index. This followed a gain of 16.8% in 2007, versusa 3.5% increase for the S&P
500. In contrast to the past few years, utility stocks did not benefit from the dramatic decline in the broader
market in 2008. Instead, the sector was also badly hurt by the extraordinary turmoil in the stock market
that reflected, we believe, the crisis in the housing, credit, and financial markets, which combined to bring
about a significant downturn in the overall economy. The strong outperformance in 2007 continued the
pattern established in the prior three years, when gains for the S&P Electric Utilities index (19.2% in 2006,
11.7% in 2005, and 19.6% in 2004) clearly outperformed the respective increases of 13.6%, 3.0%, and

9.0% for the S&P 500.

The gains in 2007 and 2006 were a continuation of the investor shift into the higher-yielding utility sector,
with utility stocks apparently having benefited from the volatility of the broader market, the anticipation of
interest rate cuts, and their improved financial strength and earnings outlook. In 2004 and 2005, the sector
was considered a safer alternative to the broader market, due to the uncertainties that had been created by
the sharp rise in oil prices and the adverse impact that the increase could have on the economy and
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corporate earnings.

Despite the recent record-low interest rates,

many electric utilities are still paying higher rates
on their debt issues due to the credit crisis, which
brought on a shortage of available credit.

@ US gross domestic product (GDP). Reported
quarterly by the US Department of Commerce,
GDP is a broad measure of aggregate economic
activity. It is the market value of goods and
services produced by labor and capital in the
United States. Growth in the economy is
measured by changes in inflation-adjusted (or
real) GDP.

Changes in demand for electricity closely mirror
the rate of economic growth. However, weather
patterns can cause swings in electric
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consumption. In ad dition, demand growth for an individual utility company depends heavily oneconomic
trends within its geographic region.

Real GDP grew 2.0 % in 2007, following a 2.9% increase in 2006. As of January 2009, Standard & Poor’s
was projecting that real GDP would grow by 1.1% in 2008, but then decline by 2.0% in 2009.

& Cooling and heating degree-days. Cooling and heating degree-days are measures of the average
temperature for a given period. Mean temperatures below a reference temperature, ustaally 65 degrees
Fahrenheit, result in heating degree-days; those above the reference temperature resule in cooling degree-
days. Reported quarterly by the Edison Electric Institute (EEI), these statistics havean important bearing on

utility earnings, in that usage increases when it is hotter than normal in the summer or, to a much lesser
extent, when it is colder than normal in the winter.

In the third quarter of 2008 (latest available), the EEI reported that the number of cooling degree-days was
down 11% from the year-earlier period, but up 3% from the historical average. [n 2007, the number of
cooling degree-days was up 4% from 2006,and 14% above the historical average; while in 2006, the
number of cooling degree-days was 2% less than in 2005, but 16% higher than the hi storical average.

The number of heating degree-days in the third quarter of 2008 was 8% higher than the comparable year-
earlier period, but 24% below the historical average. The number of heating degree-days in 2007 was up

7% from 2006, but 6% below the historical average, while in 2006, the number of he ating degree-days was
89% less than in 2005 and 13% less than the historical average.

# Key demographic and housing statistics. Demographic trends can influence an electric utility’s customer
base. New household formations and the rate of new housing construction are the key sources of residential

customer growth. Household formations are reported by the US Census Bureay, while housing starts are
reported monthly by the US Department of Commerce.

Following a 12.6% decline in 2006, housing starts fell 26.0% in 2007. As of January 22009, Standard &
Poor’s was estimating that housing starts would decline by 32.4% in 2008 and by 28.3 % in 2009.

HOW TO ANALYZE AN ELECTRIC UTILITY

With the industry moving toward a deregulated, competitive marketplace, the job of a ;aalyzing an electric
utility company is becoming increasingly complex. A fair assessment now requires much more than a look
at the dividend yield (the annual dividend divided by the stock price). When evaluatings; a utility, it is as
important to assess the utility’s underlying business position as it is to determine its cuxrent financial health.

QUALITATIVE FACTORS

Below are some important factors that affect a utility company’s business position.

Location

The ideal environment for a utility is one in which a robust economy attracts new busixesses that, in turn,
contribute to above-average population growth. Is economic activity in the utlity's ser wice region healthy

and growing? What is the area’s outlook for population growth and new housing start s? What are the
forecasts for future regional demand?

Customer mix

A utility’s customer base has an important bearing; on its profitability level. Auility w1 th a largeindustrial
and commercial load should be viewed with caution, because these customer classes exc pose the utility to
competition. A large residential customer base, in contrast, provides a more stableand  predictable earnings

stream. (The introduction of residential competition is not likely to affect thissinatiora any time soon; most
residential customers are expected to remain with their current utility.)
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If any single wholesale or retail customer accounts for a significant portion of a utility’s sales, the analysis

must focus on the stability of that customer and on the utility’s competitive position — its prospects for
retaining that company’s business.

Competitive position
A company’s rates and its ability to lower production costs generally determine its position relative to

competitors. A high-volume customer could choose to relocate to a different service area with lower rates or

to buy power from an independent producer. A large industrial customer could turn to self-generation or
nontraditional energy sources.

How do the utility”s production costs and rates compare with those of other utilities in the same region and
with the national average? Examine the utility’s plans for capital additions. How much is it expecting to
spend? How will its plans be funded? As competition increases, utilities must become even more careful
about capital additions, questioning whether the future customer base will support the additional costs.

Fuel mix and supply

A utility company’s ability to alter its generating sources (such as coal, nuclear power, hydroelectric power,
gas, and oil) defends it against supply disruptions or price spikes in a particular commodity. It also lets the

company take advantage of changes in fuel costs. Conversely, a lack of flexibility in fuel supply restricts a
company’s options if the environment changes.

Piant operations

Areas for analysts to consider include the various costs to run the plants, the reliability of the operations,
and the quality of the service. Have there been any unscheduled outages? Whatare the current estimates of
remaining plant life and decommissioning costs? Will it be profitable to run the plant(s) in a competitive
market? Does the company have idled or excess capacity? If so, what are its plans?

In addition, look at the utility’s transmission access. Is it adequate for current demand? Is the company
locked into any long-term purchase power contracts with high-price nonutility generators? If competition

drives down the industry’s production costs and market prices, the utility would suffer from contractual
obligations to purchase power at above-market rates.

Business strategy

Given its maturity, the electric utility industry offers little in the way of domestic growth prospects. For that
reason, many utilities had attempted to achieve growth through investments in wholesale energy marketing
and trading operations, and/or other energy-related businesses, as well as in utilities in foreign countries.
Such ventures, however, added a significant risk component to their operations, and often resulted in

serious economic losses and even bankrupt businesses. One must determine whether the utility’s business
strategy and management are conservative or aggressive, and whether they are appropriate in light of the
company’s strengths and culture, and the opportunities available to it.

The regulatory environment

Despite the eventual arrival of retail competition, electric utilities’ activities remain subject to extensive state
and federal regulation. Regulated areas include consumer rates, allowed rates of return, the safety and
adequacy of service, the purchase and sale of assets, accounting systems, and the issuance of securities.

Therefore, it is important to study the trends at the regulatory commissions that have jurisdiction over a
utility. Compare the recent average return on equity (ROE) that the commission authorized for the utility
with the amount the utility requested. Was the ruling favorable? If not, why? Isthere a possibility of a rate

decrease? When will the next rate increase or decrease be filed, and what other major issues will be
addressed?

What are the local commission’s views on retail competition and regulatory reform? On stranded-cost

recovery, demand-side management programs, and clean air compliance? All of these factors canaffect a
utility’s ultimate revenues.
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EVALUATING THE INCOME STATEMENT

At this point, one should have a good idea of how well the utility being analyzed is positioned to compete in
the current changing environment and its own particular markets. Now it is time to look at the financial
statements, beginning with the income statement.

Revenue growth
For utilities, revenuie growth is somewhat predictable because of regulatory constraints on price increases.
Nevertheless, it is still important to study past sales trends and expectations for the future. Did growth

«: come from a rate hike or from increased
weather-related demand ? Is the economy
improving and is the population growing in
the utility’s service area ?

STATEMENT OF INC OME — INVESTOR-OWNED UTILITIE
(n millions of dollars. exceptasnoed)

M o
Total electric operating revenues’
“Electric operating expenses .

Operating expenses

173,480

 Energy expens . Fuel is the largestand most variable item on a

. Operations & maintenance . 79,636 | utility’s list of operating expenses, and it is

_ Depreciation & amortization 32,092 . often the least controllable. Note whether the
 Taxes (other than income) 14,797 company has been able to pass along higher
 Other operation & maintenance 20,842 fuel costs to customers. Pay close attention to

Total operating expenses 320,846 nonfuel expenses, and icularly to h

Total utllity operating icome 61,536 penses, particuary to how
g 5302 they compare with revennues. An improving

trend in operating and maintenance costs

1233 ,
' usually indicates that a company is focusing

Nonrecurring reventie 233

Net interest expe

_Other expenses . 1 on streamlining its operations and controlling
Non-recurring expenses 2833 costs.

Net income before taxes 43845

Net income bef. extraordinary items 28,055 Noncash items

Total extraordinary ftems o Unique to the analysis of utility companies are
Netincome 31,163

certain noncash items that can make a big
difference in the quality of reported earnings.
These items include the treatment of deferred
income taxes, deferred expenses, phase-ins,
depreciation and amortization, and the allowance for funds used during construction (AFUDC). Ifany of
these items constitutes a significant portion of reported earnings, the results may be overstated or
unsustainable.

NM-Not meaningful. “Note: Revenues are adjusted for intr.
sales for the resale of electricity. -
‘Source: Edison Electric Institite.

Study the trends in depreciation and amortization charges. Given the current competitive environment and
the possibility of stranded investments, many utilities are accelerating the write-down of assets that are at
risk. Although a higher depreciation rate will depress a utility’s current net eamnings, analysts view the tactic
as a positive step, because accelerated depreciation helps a utility recover the costs of its investments more
quickly.

Nonoperating expenses

Because the utility industry is extremely capital-intensive, interest payments are its most significant
nonoperating expense. Since the mid-1980s, however, interest costs have trended downward, largely
because industry overcapacity has resulted in reduced capital expenditures and construction. If interest
expenses are increasing, find out why.

BALANCE SHEET, CASH FLOW, AND VALUATION MEASURES

The first four of the following categories — the ca pitalization ratio, debt ratings, cash flow, and ROE — are
measures of a company’s financial strength and performance. The others, in which the stock price figures as
a variable, indicate the market’s valuation of a company’s current and potential future performance.
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Capitalization ratios
When analyzing a utility’s balance sheet, pay close attention to the capitalization ratio, which measures
long-term debt as & percentage of capital.

Historically, utilities have been highly leveraged. Following adjustments due to methodology changes (such
as recognizing as debt certain preferred security issues previously recognized as equity ), the average long-
term debt-to-capital ratio for the
industry declined during the five-year
period from 2002 to 2006 (latest
available}, from a revised 62.2% in
2002,t058.1% in 2004,t0 54.2% in
2006.

dupn ‘ ‘e  The main factors influencing the level

o ;Acgg;mﬂatid ¢ of debt are the level of capital
o rty expenditures, pa rticularly construction
_ Construction wol ! - < - d ’ ¢ deb

Net nuclear f 58 12 expenditures, and the cost of debt
1400 594 compared with the value of the
588,816 13, 4 company’s comrmnon stock. (A

46836
8466
180,167

company will not issue new shares if
its stock price is relatively low.)
Companies with  strong balance sheets
will have more flexibility to further
reduce their debt, invest in their
nonregulated b sinesses, and/or
increase their dividends.

98484

Debt ratings

A debt rating meaasures a company”’s
financial positiors and its ability to
repay debt. The Standard & Poor’s
ratings fora utility’s debt securities

are a good indica tion of a company’s
financial security . Look for any trends
in these ratings ower time. Have they
changed for the I>etter or the worse?

Although a high debt rating is usually desirable, it is not always the best news for shareholders. For
example, a companty that focuses on using earnings (cash) to pay off debt maydoso a € the expense of
common stock dividend payments.

As a rule, however, low debt ratings are not desirable. Companies with low ratings of ten find it hard to
raise capital; they also incur high interest piyments to finance capital improvements. If the stock price is
low enough, however, the utility’s shares may be attractive to investors.

Cash flow

A review of cash flow trends helps to reveal a utility’s health. Over the last scveral yea rs, capital
expenditures for new generation plants has grown significantly as utilities and indepenn clent power

producers prepared for an anticipated rise in power demand. However, if a much long;er-than-expected
slowdown in the economy develops, and wholesale prices are significantly depressed, czash flows could
decline dramatically. In the most extreme cases (as occurred during 2003 and 2004), ccompanies could suffer
a severe liquidity crisis.
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For an equity analyst, it is more important to look at free cash flow — what is left after interest and
dividend payments have been made. A company struggling with cash flow problems may have to consider a
dividend cut to preserve its funds.

Return on equity

If a utility’s return on equity (ROE) is too low, the analyst must determine if it was cauzsed by mild weather

or the absence of a needed rate hike — or if the utility is poorly operated. Conversely, too higha return on

equity could cause regulators to seck a rate cur. For firms in the S&P Electric Udlities index, ROE generally
) ‘ ranges between 10% and

CASH FLOW STATEMENT — 13%.

INVESTOR-OWNED UTILI
{In millions of doliar. .

Market-to -book ratio
The mark et-to-book (or price-
to-book) ratio is used to

ITEM
"CASHFLOWS

ERATING ACTIVITIES

Net income - measure shareholder

_ Depreciation at ;;?\zrz?rg:ﬁt s confidence in a company’s
gefigég;‘i’;?ﬂ e prospects. It is calculated by

o ngnge%ym,?k dividing the company’s current

market price per share by the
company s book value per
share, A 1low market-to-book
ratio could mean thata
company has assets, such as
nuclear greneration facilities,
that are no longer
economically viable.

 Net cash provided by operating activities.
CASHFLOWS FROM |

investing changes | IDC ‘
Other investing changes incash
. Netcash used

For firms in the S&P Electric
Utilities irrdex, shares normally
trade betwween one and two

times the company’s book

value per share.

‘Net change:
Dividends pal
Other financing ¢
 Cash flows from
Other changes in.

Pricefearrings ratio and

dividend yield

Toevalua te the current market
price of thae utility’s shares,

look at thie pricefearnings (P/E)

cash and cash equivalents

o beglr‘z,mt\gr& md - ratioand the dividend yield. Is
\FUDC-Allowance for funds used du the P/E ra tio greater or less

than the expected sustainable
growth raa te of the company’s
earnings? How does the P/E compare with the industry average? Investors tendto pay a higher P/E and to

accept a lower dividend yield from the shares of a company with earnings thatare expected to rise rapidly.

icinstitute.

For firms in the S&P Electric Utilities index, shares normally trade between nineand 1 5 times the
company’s projected earnings per share. These shares tend to trade at a discountto the market multiple
because of the slow-growth nature of utilities’ regulated operations. Dividend yields no>rmally fall within a
range of 3% to 7%. Because of these higher-than-average dividend yields, dividend income is animportant
component of investors’ total return on electric utility stocks. The importance of the d i vidend was
significantly increased in May 2003, when President Bush signed legislation thatcut thh e tax rate on
dividend income from the earned income rate to a 15% rate.
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Despite the importarnce of the dividend (especially for income-oriented investors), electric utility stocks are
much less interest rate-sensitive than they were in the past. In fact, the value of electric utility stocks

declined in both 2001 and 2002, despite a significant decline in interest rates. This primarily reflects the
perception of investors that other sectors may benefit more from a drop in rates.

Although there was a coincidence in 2007 between the decline in interest rates and the rise in utility stocks,
we believe the latter was more affected by the weakness of the overall market. Utility stocks appear to
benefit the most — as they did in 2004, 2005, and 2007 — when the broader market is in a state of decline
or uncertainty and investors are looking for a “safe haven” for their investments. However, this haven is
not as safe as it once was: utility stocks have become much more volatile in recent years, sometimes

experiencing sharp swings within a short period of time — often in the opposite direction of the broader
market. W
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PERIODICALS

Megawatt Daily
http://www.platts.com
Daily newsletter; covers industry news.

Platts Electric Utility Week
http://www platts.com
Weekly; covers electric utility industry news.

Public Utilities Fortrightly
http://www.pur.com
Monthly; covers the electric and gas utility industry.

BOOKS

America’s Electric Utilities: Past, Present and future,
8th ed.

Leonard S., Andrew S. and Robert C. Hyman

Vienna, VA: Public Utilities Reports Inc., 2005
http://www.pur.com

TRADE ASSOCIATIONS

Edison Electric Institute (EEl)

hitp://www.eei.org

Supplies industry statistics and information on electric
power industry issues.

National Association of Regulatory and Utility
Commissioners (NARUC)

hitp://www.naruc.org

Represents individual states’ viewpoints on regulation.

North American Electric Reliability Council (NERC)
http://www.nerc.com

A not-for-profit organization formed in 1968 by the electric
utility industry to promote the reliability and adequacy of
North America’s bulk power supply.

GOVERNMENTAL AND REGULATORY BODIES

Energy Information Administration (EIA)
hitp://www_eia.doe.gov

An agency within the US Department of Energy; supplies
publications and statistics on the electricity industy.

Federal Energy Regulatory Commission {FERC)
http://www.ferc.gov

An independent five-member commission within the US
Department of Energy, regulates interstateand wholesale
electric power rates (tariffs) and transactions, hydroelectric
licensing, and interstate natural gas pipeline companies.

US Department of Energy (DOE)
http.//www.energy.gov

A position in the US Cabinet comprising the Office of the
Secretary of Energy andthe FERC.

US Envirenmental Protection Agency (EPA)
http://www.epa.gov

An independent federal agency that formulates and

enforces policies and regulations aimed at the protection of
human health and the environment.

US Nuclear Regulatory Commission {NRC)
http://www.nre.gov

An independent federal agency that regulates the civilian
uses of nuclear materials inthe United States. The NRC's
main functions include inspecting plant operations,
reviewing and issuing construction and operating licenses,
and researching regulatory and standards development.

INDUSTRY CONSULTANTS

Platts/The McGraw-Hill Cos. Inc.

http://www platts.com

Consulting and publishing firm that collects strategic
energy information. Purchased Financial Times Energy, an
energy information and consulting firm with consolidated
Boulder-based businesses, including Research Data
International (RDI}, which provides wholesale suppliers
with market information; and E Source, a retail consultant
for utilities and consumers. (The McGraw-Hill Cos. is the
parent company of Standard & Poor’s.)
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All of the major utilities in the eastern region of
the United States are reviewed in this Issue. Those
serving the central region will be found in Issue 5.
All of the western providers are covered in Issue
11.

Since our last review, electric utility stocks have
continued to feel the burden of the slumping glo-
bal economy. Consumers tend to be more cost-
conscious during these times, and businesses’ de-
mand for power declines. As a result, energy
consumption in many major service areas is on a
downward slope. Many in the group finished off
2008 on a sour note. For instance, Allegheny Ener-
gy's fourth-quarter earnings plummeted a hefty
85% from those of a year ago, due in part to bad
bets on commodity prices.

Capital Expenditures

Declining energy sales, coupled with higher financing
costs, have led several utilities in the group to cut back
on spending. Many projects are being postponed for
future years or canceled altogether. However, despite the
tough times, other utilities are moving forward with
major infrastructure upgrades. Con Edison announced it
plans to spend about $2.6 billion in 2009 on various
projects poised to improve reliability and technology.
Too, UIL Holdings indicated it also plans to invest about
$1.1 billion on plant upgrades and enhancements geared
towards its transmission and distribution segments.
Although increased spending during these rocky eco-
nomic times might not seem prudent, it may well lead to
more consistent earnings growth over the next 3-5 years,
provided that the utilities receive reasonable regulatory
treatment

Dividends

Income-oriented investors generally find utility stocks
to be most appealing due to their reliable income
streams provided in quarterly dividends. In 2008, de-
spite economic turmoil, over 60% of utilities raised their
dividends, proving this still remains a primary focus in
the industry. Currently, the average dividend yield for
the industry is 5.3%, almost two full percentage points
higher than the Value Line Investment Survey average of
3.5%. Leading the pack in this issue is Florida-based

INDUSTRY TIMELINESS: 26 (of 99)

TECO Energy, yielding a hefty 7.6%, Connecticut-based
UIL Holdings (7.1%), and North Carolina-based Duke
Energy {6.7%). Those trailing the pack include Allegheny
Energy (2.2%), Wisconsin Energy (3.2%), and Central
Vermont (3.8%).

Coal

Due to its abundance and low cost, coal has been a
staple in energy portfolios, In fact, it is currently respon-
sible for almost 50% of domestic power. However, coal
plants have been pressured of late due to stricter curbs
on CO2 emissions. In response, developments are being
made to improve coal plants and allow emissions to be
captured, transported and stored.

Smart Grid

Many electric companies have been upgrading old
equipment by means of Smart Grid Technology. Smart
Grid stands to revolutionize the industry by greatly
improving communication capabilities. By installing a
digital electric meter in a consumer’s home, Smart Grid
will enable utilities to read meters remotely, detect
outages faster, hook customers up quicker, and allow
users to better manage their monthly bills. Not only will
this technology better the environment, but it will also
save many electric utilities money.

Conclusion

Due to the uncertainty surrounding the current
economy, we recommend that investors proceed here
with a little bit of caution. We believe earnings growth
for electric utilities may be slowed in 2009 based mainly
on the chance of more modest base rates. Moreover,
declining energy consumption in areas such as Florida
and volatile prices for power are also a concern as we
move forward. On the other hand, the broad market
selloff has resulted in higher, more attractive yields, as
well as increased recovery potential for discounted
stocks. All told, investors could do a lot worse than
beef-up their depressed portfolios with choice selections
from this relatively recession-resistant industry.

Composite Statistics: Electric Utility Industry

2005 @ 2006 2007 | 2008, 2009 2010 12-14
3047 ¢ 3257 3432 375 390 405 | Revenues ($bill) 460
214 253 217 29.5 320 34.0 | Net Profit ($bill) 3%.0
291% | 31.4% | 33.2% | 34.5% | 34.5% | 34.5% | Income Tax Rate 34.5%
48% . 48% | 61% 70%: 1.0%| 7.0%: AFUDC % to Net Profit 4.0%
54.8% | 51.8% | 51.0% | 51.0% | 51.0% | §1.0% | Long-Term Debt Ratio 49.0%
44.0% | 471% | 479% | 48.0% i 48.0% | 48.0% . Common Equity Ratio 50.0%
4056 © 4683 | 4717 480 515 540 | Total Capital ($bill) 585
4260 ¢ 4919 509.8 520 540 560 | Net Plant ($bill) 600
T1% . T0% | 75% | 7.0%| 7.5%| 7.5% Returnon Total Capl 8.0%
MT% 2% ) 120% | 11.0% 11.5%  11.5%  Return on Shr. Equity 13.0%
119%  114% | 121% ¢ 11.5% | 11.5% | 11.5% : Return on Com Equity 13.0%
1% ¢ 56% | 56%: 55% 55%: §5% ) Retained to Com Eq 5.0%
57% 0 52% ] 54% i 55% | 55% | 55% | All Div'ds to Net Prof 60%
161 14.8 17.0 Bold fibares are Avg Ann'l PIE Ratio 145
86 .80 80 valug Line | Relative P/E Ratio 95
35% | 35% | 32% estimates | ava Ann'l Divd Yield 3.9%

Michael Ratty

COMPOSITE OPERATING STATISTICS: ELECTRIC UTILITY INDUSTRY

2005 2006 2007
% Change Retail Sales (kwh) +5.4 +1.3 +2.2
Average Indust. Use (mwh) 1568 1578 1571
Avg. Indust. Revs. per kwh (¢) 5.73 6.10 6.35
Regulated Cap. at Peak {(mw) NA NA NA
Peak Load, Summer (mw) NA NA NA
Annual Load Factor (%) NA NA NA
% Change Customers (yr.-end) +1.2 +1.7 +7
Fixed Charge Coverage (%) 253 265 289
Sources: Annual Reports; Estimates, Value Line; Edison Electric Institute

THE PUBLISHER IS NOT RESPONSIBLE FOR ANY ERRORS OR OMISSIONS HEREIN. This pubfication is swiclly for subscriber's own, non-commercial, intemal use. No part JULIRUILIN (L R | MBI R xR B 1 1R
of it may be reproduced, resold, stored or transmitied in any printed. electronic or other farm, or used for generating or marketing any printed or electronic publication, service or product.
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Table 2-1
Basic Series: Summary Statistics of Annual Total Retumns

from 1926 10 2007
Geometric Arithmetic Standard
Serias Mean Mean Deviation Distribution
o - - - - . — L T T — “l
Large Company 10.4% 12 3% W0%
- Stocks ) l I !
| I l :
— — N T 1 | Mo
|
Small Corngany 125 171 325 §*
Stocks l
g i} w11 ull )
0 YAy

Long-Term 59 }L—‘ 84 |

I Corporate Bonds [ (] { ! | !
- 45 & . 1111/ —
-

[ long-Term 55 58 97

Government '

f T S [ . SO ‘l ] Jj.l_l_,,n
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Government

— e , : B | | | IO ‘
US Treasury Bills 37 33 31
I

B |
Inflation a8 31 47
. R S R 1 |
-80% 0% 90%
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No
1

2

10
11
12
13

14

15

16

17
18

19

Summary of Operating Companies in Dr. Hadaway's Proxy Group

Holding Company
ALLETE

Alliant Energy Corp.
Alliant Energy Corp.
Alliant Energy Corp.

Consolidated Edison, Inc.
Consolidated Edison, Inc.
Consolidated Edison, Inc.

DPL
DTE Energy Co.

Duke Energy
Duke Energy
Duke Energy
Duke Energy
Duke Energy

Edison International

Entergy
Entergy
Entergy
Entergy
Entergy
Entergy

FPL Group, Inc.
IDACORRP, Inc.

NSTAR

PG&E Corp

Portland General Electric Co.
Progress Energy, Inc.
Progress Energy, Inc.
Progress Energy, Inc.
Sempra

Southern Co.

Southern Co.

Southern Co.

Southern Co.

Vectren Corp.
Wisconsin Energy Corp.
Xcel Energy, Inc.

Xcel Energy, Inc.

Xcel Energy, Inc.

Xcel Energy, Inc.

Xcel Energy, Inc.

Xcel Energy, Inc.
Xcel Energy, Inc.

Operating Company Name
Minnesota Power, Inc.

Interstate Power & Light Co.
Interstate Power & Light Co.
Wisconsin Power & Light Co.

Consolidated Edison Co. Of New York Inc.

Orange & Rockland Utilities, Inc.
Rockland Electric Co.

Dayton Power & Light
Detroit Edison Co.

Duke Energy Ohio
Duke Energy Carolinas
Duke Energy Carolinas
Duke Energy Kentucky
Duke Energy Indiana

Southern California Edison Co.

Entrgy Arkansas
Entergy Gulf States
Entergy Lousiiana
Entergy Mississppi
Entergy New Orleans
Energy Texas

Florida Power & Light Co.
Idaho Power Co.

NSTAR Electric Co.

Pacific Gas and Electric Co.
Portland General Electric Co.

Progress Energy Carolinas
Progress Energy Carolinas
Progress Energy Florida

San Diego Gas & Electric

Alabama Power Co.
Georgia Power Co.
Gulf Power Co.
Mississippi Power Co.

Southern Indiana Gas & Electric Co.
Wisconsin Electric Power Co.

Northern States Power Co.

Northern States Power Co.

Northern States Power Co.

Northern States Power Co. Wisconsin
PSC of Colorado

Southwestern Public Service Co.
Southwestern Public Service Co.

State

MN

1A
MN
Wi

NY
NY
NJ

OH

Ml

OH
NC
SC
KY
IN

CA

AR
LA
LA
MS
LA
X

FL
ID
MA
CA
OR
NC
SC
FL

CA
AL
GA
FL
MS
IN

Wi
MN
ND
SD
Wi
CcoO

NM
X

Allowed
ROE
10.74%

10.97%
10.39%
10.80%

10.00%
9.40%
9.75%

13.00%
11.00%

10.29%
11.00%
12.25%
11.50%
10.50%

11.50%

9.90%
11.10%
10.25%
11.75%
11.10%
11.40%

12.80%
10.50%
11.75%
11.35%
10.10%
12.75%
12.75%
12.00%
11.10%
13.75%
11.25%
12.00%
12.88%
10.40%
10.75%
10.54%
10.75%
12.00%
10.75%
10.50%

10.18%
16.17%

Exhibit PPL/213
Hadaway/1

Date
Allowed
5/4/2009

12/14/2004
3/3/2006
1/19/2007

4/24/2009
7/16/2008
3/22/2007

1/22/1992
12/23/2008

12/21/2005
12/20/2007
11/5/1991
5/5/1992
5/18/2004

12/21/2007

6/15/2007
1/8/2003
5/18/2005
12/31/2002
4/2/2009
7/10/1998

1/9/1990
1/30/2009
10/30/1992
12/21/2007
12/29/2008
8/5/1988
8/29/1988
9/22/1992
12/21/2007
3/5/1990
12/31/2007
6/10/2002
12/3/2001
8/15/2007
1/17/2008
9/1/2006
12/31/2008
12/19/1990
1/8/2008
12/1/2006

8/26/2008
6/23/1982
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10

11

12

13

14

15

16

17

18

19

20

21

22

23

A.

PPL/504
Bird/1

Please state your name.

My name is Stefan A. Bird.

Are you the same Stefan A. Bird who provided direct testimony in this case
as Exhibit PPL/500?

Yes.

Purpose of Testimony

Q.

A.

What is the purpose of your supplemental direct testimony?

The purpose of my supplemental direct testimony is to respond to Request 2 in the
May 14, 2009 Ruling of the Administrative Law Judges on Supplemental
Testimony ("Ruling on Supplemental Testimony"), which pertains to my direct

testimony.

Request 2—Request for Documents

What is Request 2 in the Ruling on Supplemental Testimony?

Request 2 directs the Company to provide, as additional exhibits to PPL/500,
copies of the documents cited in PPL/500, Bird/9, n 1-3.

Did you previously provide copies of each of these documents in the
workpapers filed as a part of the Company’s initial filing?

Yes. These documents were included in my workpapers, which were provided
with the Company’s initial filing on April 2, 2009.

Have you provided these documents as new exhibits to your testimony in
response to this request?

Yes. While I am including complete copies of these documents as exhibits in

compliance with the Ruling on Supplemental Testimony, my testimony relies

Supplemental Direct Testimony of Stefan A. Bird
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upon and sponsors only the following, specific pages from these documents:

e Exhibit PPL/505 — Prabhu, Aneesh and Pratt, Terry A., “Increasing
Construction Costs Could Hamper U.S. Utilities Plans to Build New

Power Generation,” Ratings Direct, Standard & Poor’s (June 12,
2007), page 2. (Referenced at PPL/500, Bird/9, n 1.)

e Exhibit PPL/506 — Chupka, Marc W. and Basheda, Gregory, Rising
Utility Construction Costs: Sources and Impacts, The Brattle Group
for The Edison Foundation (September 2007), page 8. (Referenced at
PPL/500, Bird/9, n 2.)
e Exhibit PPL/507 — Chupka, Marc. W and Earle, Robert, Transforming
America’s Power Industry: the Investment Challenge 2010-2030, The
Brattle Group for The Edison Foundation (November 2008), page 6-7.
(Referenced at PPL/500, Bird/9, n 3.)
By submitting these complete documents as exhibits, the Company does not
concede the relevance of all of the information they contain.

Q. Does this conclude your Supplemental Direct Testimony?

Yes.

Supplemental Direct Testimony of Stefan A. Bird
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The

EDISON

/ FOUNDATION

The Edison Foundation is a nonprofit organization dedicated to
bringing the benefits of electricity to families, businesses, and
industries worldwide.

Furthering Thomas Alva Edison’s spirit of invention, the
Foundation works to encourage a greater understanding of
the production, delivery, and use of electric power to foster
economic progress; to ensure a safe and clean environment;
and to improve the quality of life for all people.

The Edison Foundation provides knowledge, insight, and
leadership to achieve its goals through research, conferences,
grants, and other outreach activities.

The Brattle Group

The Brattle Group provides consulting services and expert
testimony in economics, finance, and regulation to corporations,
law firms, and public agencies worldwide. Our principals
are internationally recognized experts, and we have strong
partnerships with leading academics and highly credentialed
industry specialists around the world.

The Brattle Group has offices in Cambridge, Massachusetts;
San Francisco; Washington, D.C.; Brussels; and London.

Detailed information about The Brattle Group is available at
www.brattle.com.

The analysis and views contained in this report are solely those
of the authors and do not necessarily reflect the views of The
Brattle Group, Inc. or its clients.
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4 Executive Summary

The U.S. electric utility industry faces the greatest challenge in its history. The demand for electric services
to meet the needs of our growing population and to power our increasingly digital and connected economy
continues to rise. At the same time, high demand for commodities such as steel and cement is causing cost
increases for building all electric infrastructure systems, including every type of new power plant, whether
it’s fueled by coal, nuclear power, natural gas, or renewable sources of energy. Concerns about global
climate change and other environmental issues have created a new industry emphasis on more energy-
efficient products and services and low-emission generation sources. New distribution end-use technologies,
such as advanced automation and communications and plug-in hybrid electric vehicles (PHEVs), will
dramatically change how utilities deliver electricity and how customers use it, allowing new efficiencies and
greater customization of electric service.

To chart the magnitude of this challenge, The Edison Foundation asked The Brattle Group to examine the
total investment that would be required to maintain today’s high levels of reliable electric service across the
United States through 2030, net of the investment that could be avoided through the implementation of more
aggressive energy efficiency and demand response (EE/DR) programs.' In addition, the Foundation wanted
The Brattle Group to determine the investment cost of one projected generation mix, known as the “Prism
Analysis,” which the Electric Power Research Institute (EPRI) developed to reduce the growth in carbon
emissions.

For our research, we developed four scenarios:

1. Reference Scenario: This is similar to the Annual Energy Outlook (AEO) forecast published by the
U.S. Department of Energy’s Energy Information Administration (EIA), but is adjusted for higher
fuel and construction costs. The Reference Scenario is a modeling benchmark and the starting point
for our analysis. It does not include the impact of any new federal policy to limit carbon emissions,
nor does it include the possible impacts of new industry EE/DR program efforts. The Reference
Scenario should not be viewed as our “base” or “most likely” scenario, but rather is a starting point
for our analysis.

2. RAP Efficiency Base Case Scenario: This scenario adds the impact of realistically achievable
potential (RAP) for EE/DR programs, but does not include any new federal carbon policy. This
scenario includes a forecast of likely customer behavior and takes into account existing market,
financial, political, and regulatory barriers that are likely to limit the amount of savings that might be
achievable through EE/DR programs. It is important to note that the RAP Efficiency Base Case

' For ease of exposition, we refer throughout this report to The Brattle Group; however, the analysis and views contained in
this report are solely those of the authors and do not necessarily reflect the views of The Brattle Group, Inc. or its clients.
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Scenario is our most likely case in the absence of a new federal carbon policy, while the Reference
Scenario is simply a benchmark.

3. MAP Efficiency Scenario: This scenario captures the higher-end or maximum achievable potential
(MAP) for EE/DR programs and assumes a more aggressive customer participation rate in EE/DR
programs. It still does not include the effects of a new federal carbon policy.

4. Prism RAP Scenario: The final scenario assumes there is a new federal policy to constrain carbon
emissions, and captures the cost of EPRI’s Prism Analysis projections for generation investments
(nuclear, advanced coal, renewables, etc.) that will reduce the growth in carbon emissions. This
scenario further assumes the implementation of RAP EE/DR programs.

Study Findings

* By 2030, the electric utility industry will need to make a total infrastructure investment of $1.5
trillion to $2.0 trillion.” The entire U.S. electric utility industry will require investment on the order
of $1.5 trillion under the RAP Efficiency Base Case Scenario. The cost could increase to $2.0 trillion
under the Prism RAP Scenario.

» Under the Reference Scenario, 214 gigawatts (GW) of new generation capacity would be
required by 2030, at an investment cost of $697 billion.” For the Reference Scenario, we
determined that the entire U.S. electric utility industry would require an investment of $697 billion to
build 214 GW of new generation capacity under existing EE/DR programs and state-level renewable
programs and carbon policies. Figure 1 shows the breakdown of required new generation capacity by
geographic region and generation capacity type.

* EE/DR programs could significantly reduce, but not eliminate, the need for new generation
capacity. As shown in Figure 2, the implementation of realistically achievable EE/DR programs by
electric utilities would reduce the need for new generation capacity significantly; dropping the
Reference Scenario’s forecast from 214 GW to an estimated 133 GW, or by 38 percent.

In Figure 2, we also calculated the potential results for the MAP Efficiency Scenario, which represents
the higher-end of the range of potential impacts of EE/DR programs. Under the MAP Efficiency
Scenario, the need for new generation capacity would be reduced from 214 GW to 111 GW, or by 48
percent.

* Dollar amounts have been rounded to the nearest billion or trillion dollars, and generation capacity has been rounded to the
nearest gigawatt (GW) throughout the text of this report for readability.

? Our estimates of generation cost apply to the entire U.S. electric utility industry, including shareholder-owned electric
utilities, electric cooperatives, and government-owned utilities. We assume that all segments of the industry have
approximately the same capital costs and plan their systems to supply at the lowest regional cost.
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Required New Regional Generation Capacity

Figure 1

Reference Scenario - No Carbon Policy (2010-2030)
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Figure 2
Impact of RAP and MAP EE/DR Programs on Reference Scenario Required Generation Capacity
No Carbon Policy (2010-2030)
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Our projected demand and sales reductions from utility EE/DR programs used in this study are based
on a study of energy efficiency potentials conducted by EPRI.* The EPRI study incorporates extensive
analysis of demand response and dynamic pricing programs, as well as energy-saving technologies.

* Reductions in generation capacity requirements do not mean an equal reduction in total
investment, due in part to offsetting the cost of utility EE/DR programs. As shown in Figure 3, the
implementation of the RAP Efficiency Base Case Scenario would reduce required generation
investment by $192 billion (28 percent), from $697 billion to $505 billion. Generation investment
costs are not reduced in proportion to the GW reduction. This is because the bulk of capacity avoided
due to the RAP Efficiency Base Case Scenario programs is comprised of lower capital cost natural gas
technologies. This generation investment reduction notwithstanding, the implementation of the RAP
Efficiency Base Case Scenario would require an additional investment of at least $85 billion through
2030 in both advanced metering infrastructure (AMI) and EE/DR programs. Thus, the net reduction in
total investment needs between the Reference Scenario and the RAP Efficiency Base Case Scenario is
$107 billion, or 15 percent.

Figure 3
Potential Avoided Investment from RAP and MAP EE/DR and AMI Programs
No Carbon Policy (2010-2030)
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Figure 3 also shows that the more aggressive MAP Efficiency Scenario would lead to a $242-billion
(35-percent) drop in the generation investment requirement, from $697 billion to $455 billion.
However, this would require AMI and EE/DR program outlays of about $192 billion and, therefore,
would decrease total investment needs by only $50 billion to $647 billion, which is a savings of 7
percent.

* A report on the results of the study, entitled Assessment of Achievable Potential for Energy Efficiency and Demand
Response in the U.S. (2010-2030), by the Electric Power Research Institute will be published soon.
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= All types of generation capacity are needed. As Figure 4 illustrates, in projections through 2030,
new generation investment will vary significantly in different regions of the United States, with the
highest investment and load growth occurring in the South.

For the country as a whole, every type of power plant, including those fueled by natural gas, coal,
nuclear, and renewable sources will play a significant role in the projected expansion plan. Of the total
new 133 GW built under the RAP Efficiency Base Case Scenario, natural gas would fuel 17 GW (13
percent), of which about 13 GW represents combined cycle and 4 GW represents combustion turbines.
Coal would comprise an additional 48 GW (36 percent); nuclear would provide 29 GW (22 percent);
and renewable sources (primarily wind and biomass) would provide 39 GW (29 percent). This level
of renewable investment assumes the full implementation of state-level requirements in place as of
August 2008.

Figure 4
Required New Regional Generation Capacity for RAP Efficiency Base Case Scenario
No Carbon Policy (2010-2030)
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* Implementation of a new federal carbon policy would significantly increase the cost and change
the mix of new generation capacity. For this study, we created a simplified model of one scenario
for industry adjustment to a new carbon policy. It is based on EPRI’s Prism Analysis, shown in Figure
5, which incorporates both energy efficiency and generation-related technologies to reduce the growth
in carbon emissions.” In the scenario that we developed based on EPRI’s Prism Analysis (i.e., the
Prism RAP Scenario), plants with advanced coal technology and full carbon capture and storage
(CCS) would be the only coal-based plants deployed after 2020; some fossil-based plants would be
retired prematurely; and the electric industry would increase investments in renewable energy and
nuclear plants. The results of this scenario should be viewed as an illustrative example of a possible
outcome rather than a definitive picture of the impacts of a U.S. carbon policy (Figure 6).

> Figure 5 uses “GWe” as an acronym for Gigawatt-electric. GWe is equivalent to GW.
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Figure 5

EPRI Prism Analysis for U.S. Carbon Policy Outcomes
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Figure 6
Regional Capacity Additions and Generation Capital Costs
In Prism RAP Scenario with Carbon Policy (2010-2030)
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In the EPRI Prism Analysis, energy efficiency programs produce approximately the same reduction in
demand growth as under our RAP Efficiency Base Case Scenario. However, in our Prism RAP
Scenario, the generation capacity requirements will increase to 216 GW from 133 GW, which will
increase the total investment cost to $951 billion from $505 billion. This capacity increase is due to
several factors: the greater use of renewables; 21 GW of premature retirements of carbon-intensive
generation; and a larger nuclear construction program of 64 GW.

* Required transmission and distribution (T&D) investment could be as large as, or larger than,
generation investment. The combined investment in new T&D during this period will total about
$880 billion, including $298 billion for transmission and $582 billion for distribution (Figure 7).° In
comparison, generation investment will cost $505 billion for the RAP Efficiency Base Case Scenario.
These investments will enable the industry to integrate the approximately 39 GW of renewable energy
already mandated under state renewable portfolio standards (RPS) and continue the installation of a
“Smart Grid.”” These investments also will bring new efficiencies and service options to electricity
customers and accommodate new end-use technologies, such as PHEVs.

Figure 7
Transmission and Distribution Investment Including Smart Grid
(2010-2030)
600 $581.5
g
€
2 400
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8
5200
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Transmission Distribution

W>230kV @<230kV

® These estimates are derived primarily from shareholder-owned electric utility expenditure data. To the extent that the data
excludes T&D expenditures undertaken by electric cooperatives or government-owned utilities, these estimates are
conservative.

There is currently no standard definition of “Smart Grid” within the electric utility industry. It commonly refers to an
array of advanced technologies for the telecommunication network and electric grid that possess two-way communication
and monitoring to link all functional areas of the electric power system, including customers. The “Smart Grid” vision is
that the technologies will: 1) provide customers with information and tools that allow them to be responsive to system
conditions; 2) ensure more efficient use of the electric grid; and 3) enhance system reliability.
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Study Methodology

This study’s findings are based on EIA’s AEO 2008. We modified EIA’s data to reflect more recent, higher
prices for electric fuels and the costs of new power plants. This resulted in an average price increase of 53
percent for natural gas (Figure 8) and 18 percent for coal (Figure 9) over the 2010 to 2020 period. The cost
of constructing new power plants was based on EPRI’s Technical Assessment Guide (TAG), published in

July 2008 (Figure 10).

Figure 8
Comparison of U.S. Average Delivered Natural Gas Price Projections
(2006 Dollars)
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Figure 9
Comparison of U.S. Average Delivered Coal Price Projections
(2006 Dollars)
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Figure 10
Updated Plant Construction Cost Estimates
(Including Construction Interest)
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* Annual Energy Outlook 2008, U.S. Department of Energy, Energy Information Administration, June 2008.

** Program on Technology Innovation: Power Generation (Central Station) Technology Options -
Executive Summary, Electric Power Research Institute, July 2008.

We inserted these updated cost figures into a generation expansion planning model that The Brattle Group
developed, the Regional Capacity Model (RECAP). This allowed us to estimate regional least-cost build-out
plans through 2030.* RECAP uses traditional least-cost planning criteria to choose the mix of generation
additions that can most economically supply the energy needs of each region that remain after energy
efficiency programs reduce peak demand and energy sales. Using the readjusted EIA data in RECAP, we
developed the four scenarios outlined on pages v and vi.

Summary of Results and Conclusion

The results of our study, in terms of capacity and investment costs, are summarized in Table 1.

As our starting point under the Reference Scenario, we determined that the electric industry would have to
build 214 GW of new generation capacity and make a total infrastructure investment of $1.577 trillion by
2030. In the RAP Efficiency Base Case Scenario, which depicts the most likely impact of EE/DR programs
under existing real-world constraints (and is therefore highlighted in Table 1), the industry still would have
to build 133 GW of new generation capacity and make a total infrastructure investment of $1.470 trillion.

In the MAP Efficiency Scenario, which depicts the impact of more aggressive EE/DR programs, the required
new generation build still would be 111 GW, with a total infrastructure investment cost of $1.527 trillion.
Finally, in the Prism RAP Scenario, which depicts the impact of a new carbon policy, the industry would
have to build 216 GW of new generation capacity and make a total infrastructure investment of $2.023
trillion.

¥ It is important to note that we did not model customer response to the increased retail rates that would accompany the
higher fuel and construction costs used in RECAP. Depending on the price elasticity of demand, the reductions in future
load growth could be significant.
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Table 1: Model Results Overview
Reference RAP Efficiency MAP Efficiency Prism RAP
Scenario Base Case Scenario Scenario
No Carbon Scenario No Carbon Carbon
Policy No Carbon Policy Policy Policy
Average Peak Load Growth Rate 0.70% 0.30% 0.70%
New Capacity Through 2030
(in GW)
Renewables 38.6 39.2 38.8 103.7
Combustion Turbine 25.0 4.3 0.0 55
Nuclear 29.1 28.9 26.2 64.0
Conventional Combined Cycle 39.5 12.9 3.8 54
Coal 81.8 47.6 42 1 36.9*
Total New Capacity (GW) 214.0 132.9 110.9 215.5
Capital Investment Through 2030
(rounded to nearest billion)
Generation $697 $505 $455 $951
Transmission $298 $298 $298 $298
AMI and EE/DR $0 $85 $192 $192
Distribution $582 $582 $582 $582
Total Capital Investment $1,577 $1,470 $1,527 $2,023

($ Billions)

*32 GW of EPRI Prism coal generation incorporates carbon capture and storage.

No matter which scenario is implemented, total utility industry investment needs will range from
approximately $1.5 trillion to $2.0 trillion by 2030.

It is important to recognize that total investment amounts are not the same as revenue requirements, rate
levels, or societal costs. As a result, one cannot directly link higher investment costs with specific rate
changes until fuel costs and other operating expenses are considered. For example, the implementation of
RAP and MAP EE/DR programs could lead to reduced fuel expenditures or the Prism RAP Scenario could
reduce the costs of complying with carbon policy mandates.

Affordable, reliable electricity is as essential to the global economy of the 21% century as it was to the
American economy of the 20" century. The U.S. electric utility industry is capable of rising to this
enormous investment challenge, but implementation of appropriate policies will be an essential ingredient for
success.
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Generation Capacity 2010-2030

The electric utility industry currently faces its greatest challenge in decades as it endeavors to meet rising
demand while contending with the impact of higher fuel prices and construction costs. To assist the industry
in addressing this challenge, The Edison Foundation commissioned a study by The Brattle Group to analyze
the impact of higher fuel prices and construction costs on the projected capacity mix through 2030, as well as
the overall capital costs associated with this new capacity.” Further, The Brattle Group was asked to
examine the impact on new generation capacity and projected overall capital costs of both an aggressive
expansion of energy efficiency and demand response (EE/DR) programs and investments (see Chapter 2)
and a federal climate change policy that emphasizes low-carbon investments [such as nuclear, renewables,
and coal with carbon capture and storage (CCS)] in the generation sector (see Chapter 3). The Brattle Group
used analysis for both the EE/DR and climate scenarios from the Electric Power Research Institute (EPRI).

Long-run projections of the cost of building new generation capacity are based on projections of electricity
demand growth, generation fuel costs, state-level renewable energy requirements, construction costs, and
retail rates. Our analysis used the U.S. Department of Energy’s Energy Information Administration’s
(EIA’s) widely used Annual Energy Outlook (AEO) forecast of U.S. electricity market growth as a starting
point, but we adopt different assumptions regarding several key elements, such as generation fuel and
construction costs, to reflect sustained and substantial price increases that are not reflected in the data used
by EIA.

The Annual Energy Outlook

EIA’s AEO is a well-known reference for a long-term national generation investment outlook that presents
projections of energy supply, demand, and prices for the energy sector (not just electricity) over a 25-year
horizon. The projections are based on results from the National Energy Modeling System (NEMS) and
assume no changes in energy policy, such as enactment of a federal policy that limits carbon emissions. The
AEO is a reliable starting point for analyzing the need for new generation capacity because of its high
visibility and credibility among policy makers.

® For ease of exposition, we refer throughout this report to The Brattle Group; however, the analysis and views contained in
this report are solely those of the authors and do not necessarily reflect the views of The Brattle Group, Inc. or its clients.
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The AEO 2008 was published in June 2008.'° As part of the AEO release, EIA makes underlying data and
detailed NEMS modeling results available, which the authors of this study used to construct alternative
projections of capacity builds.

AEO 2008 Load Growth

EIA projects regional and national growth in the demand for electricity through 2030, accounting for
assumed economic growth and projected future energy prices. The AEO 2008 forecast projects that
electricity demand growth will average about 1.1 percent per year between 2008 and 2030.

In recent versions of the AEO, EIA has projected higher retail electricity prices and lower load growth as a
result of those prices (and as a result of policy changes). As the cost of the fuels used to generate electricity
has risen over the past several years, customer rates have risen as well. These price increases will tend to
dampen load growth.!" Figure 1-1 shows the increased retail price projections since the AEO 2006, and
Figure 1-2 shows the resulting EIA electricity growth projections.

Figure 1-1
Comparison of AEO U.S. End-Use Electricity Price Forecasts
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' Normally, the AEO is published in January, but EIA elected to postpone the release of the full document until the impacts
of the Energy Independence and Security Act of 2007 (EISA) could be incorporated into the long-term projections.

"' See Why Are Electricity Prices Increasing? An Industry-Wide Perspective, prepared by The Brattle Group for The Edison
Foundation, June 2006, pages 30-31 and Appendix B.
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Figure 1-2
Comparison of AEO U.S. Annual Electricity Sales Forecasts
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AEO 2008 Generation Investment Projections

New Generation Capacity

According to the AEO 2008, overall electricity consumption will be about five million gigawatt-hours
(GWh) by 2030, which will require the addition of 231 GW of new generation capacity during the 2010 to
2030 period. EIA projects that about 101 GW, or 44 percent, of new capacity will be coal-based.
Combustion turbines (CTs), which primarily are fueled by natural gas, represent the next largest category of
plant, with 54 GW (23 percent) of new CTs built. EIA estimates that the nation will add 38 GW (16 percent
of the total) of renewable generation capacity, primarily to comply with existing state-level renewable
portfolio standard (RPS) requirements.'? Natural gas-based combined-cycle plants (21 GW) and nuclear
generation (17 GW) make up the remaining capacity additions. Figure 1-3 shows the capacity builds from
2010 to 2030 by technology type in the four main U.S. census regions.

12 An RPS also can be referred to as a Renewable Electricity Standard (RES).
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Figure 1-3
Required New Regional Generation Capacity
AEO 2008 Forecast (2010-2030)
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Almost half, or 109 GW, of the cumulative new generation capacity in the AEO 2008 forecast would be
located in the South census region, with about half of that as coal-based capacity. The South also accounts
for the majority of nuclear capacity additions (15 GW out of a total of 17 GW) nationwide."”> The West
census region would build 57 GW of the new capacity, and the remainder will be built in the Midwest

(46 GW) and the Northeast (19 GW). Coal-based capacity additions also comprise about half of the
generation capacity added in the West, while capacity additions in the Midwest and the Northeast reflect a
more even composition of coal, renewables, combined-cycle, and combustion turbine plants.

The regional differences in cumulative generation capacity additions appear to be largely explained by
assumed growth in electricity consumption, relative fuel costs, and the assumed generation capacity
retirements. In the South census region, there is significant growth expected in population, economic
activity, and electricity demand. According to the AEO 2008 load forecast, roughly half of the expected
increase in U.S. electricity demand between 2010 and 2030 will occur in the South.

Renewable capacity builds are primarily a function of state-level RPS requirements that will grow rapidly
over the next two decades. One of the significant differences between the AEO 2007 and AEO 2008
capacity projections is the amount of renewables (particularly wind) that is expected to come online. The
AEO 2007 projection showed a very small magnitude of renewable capacity additions (only 9 GW through
2030, primarily in early years) while the AEO 2008 projects 38 GW of renewable capacity between 2010
and 2030. This significant increase appears to arise from EIA’s increased recognition of the impact of state-

" The AEO 2008 provides new generation capacity data by region through the NEMS Electricity Market Module (EMM).
Projections of capacity builds in the NEMS EMM regions were mapped to census regions.
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level RPS requirements, which require a rising percentage of electricity to be provided by renewable electric
generation."

It is important to emphasize that the AEO does not account for the likelihood of a new federal policy to
constrain carbon emissions.'> The emergence of state and regional carbon-reduction efforts and the
prospects for a federal carbon policy already have affected utility capacity planning in ways that the AEO
projections do not reflect. While the long-term form and intensity of such regulations are very difficult to
predict, these regulations likely will have a significant impact on the cost and composition of new generation
development, as well as the value of demand-side energy efficiency investments. A detailed examination of
these impacts is beyond the scope of this study; however, we do explore the capital cost implications of a
technology-based carbon policy on new capacity in Chapter 3.

The Brattle Group’s RECAP Model Projections

In order to explore the impact of alternative assumptions and policies on the “projected” or “future” level and
composition of new generation capacity builds, The Brattle Group used the proprietary Regional Capacity
Model (RECAP). RECAP is a regional capacity expansion and economic dispatch model that can be
configured to the regional detail that underlies the AEO modeling framework. It provides the optimum
generation expansion plan (subject to reliability, technology, and policy constraints) under alternative
assumptions regarding load growth, fuel prices, construction costs, and other inputs within the AEO
modeling framework. RECAP is described in more detail in Appendix A.

When run with identical economic assumptions and constraints as the AEO 2008 forecast, RECAP projects a
mix of generation plant additions (by technology type and region) that corresponds closely to the AEO 2008
projections, suggesting that RECAP provides an appropriate modeling framework to explore the impact of
alternative assumptions.

The RECAP model also has the capability to estimate changes in demand for electricity from higher retail
prices (i.e., RECAP can explore the implications of customer price elasticity in future load growth scenarios
if retail prices change from baseline assumptions). This could occur, for example, as a result of persistently
higher generation fuel prices or elevated construction costs as outlined elsewhere in this report. However, in
keeping with the objective of maintaining an initial focus in this report on generation sector investment under
different assumed scenarios of energy efficiency investment, such an analysis has not been prepared at this
time.

' As of August 2008, 27 states and the District of Columbia had RPS programs and an additional five states had renewable
energy goals. While the program structure and qualifying renewable technologies for RPS programs differ from state to
state, all encourage the development of renewable energy for electricity generation. The most common format is the
definition of a target percentage for renewables within the state’s energy portfolio during a set time frame (such as: 20
percent renewable energy either by sale or generation by 2015).

' The AEOQ is designed to provide projections under current policy, and the omission of potential carbon policy impacts is
consistent with EIA’s mandate. In other analyses, EIA has conducted extensive analysis of the impact of carbon policies
on future outcomes in the U.S. energy sector.
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Major Assumptions in 7he Brattle Group’s Reference Scenario

The Brattle Group’s Reference Scenario is based on altering a few key assumptions contained in the AEO
2008, particularly those relating to delivered generation fuel prices and construction costs.

Power Plant Construction Costs

In a September 2007 report prepared for The Edison Foundation, The Brattle Group observed that the AEO
analyses from 2004 to 2007 had assumed that utility construction costs would increase at the general rate of
inflation, while actual construction costs were increasing more rapidly.'® For the AEO 2008, EIA increased
the assumed real capital costs of most generation technologies by 15 to 20 percent. However, this
adjustment still does not reflect recent increases in construction costs, which continue to occur. Part of this
is due to the fact that the costs of many utility construction materials, such as steel, copper, aluminum, and
crushed stone, continued to rise through 2007 and early 2008 because of high worldwide demand for these
commodities. Many of these commodity-price increases are associated with the weak U.S. dollar, which
increases the price of both imported commodities as well as those produced domestically.

In order to reflect recent construction cost increases, The Brattle Group used construction cost figures
developed by EPRI that were publicly released in July 2008."” These EPRI “Technical Assessment Guide”
(TAG) estimates are substantially higher than those assumed by EIA in the AEO 2008, but in our judgment
are more accurate than EIA's assumptions at this time.

Applying the EPRI data, in lieu of EIA’s assumptions, has a substantial impact. Figure 1-4 compares the
capital costs [in dollars per kilowatt (kW) of installed capacity] of the major generation technology types
using the AEO 2008 assumptions and the recent EPRI study. As shown in this graph, EPRI’s estimates of
conventional coal (without CCS) and nuclear costs are about 60 percent higher than EIA’s assumptions, and
wind and combined-cycle costs are more than 33 percent higher than EIA’s assumptions.

1 See Rising Utility Construction Costs: Sources and Impacts, by Marc W. Chupka and Greg Basheda of The Brattle
Group, prepared for The Edison Foundation, September 2007.

7 See Program on Technology Innovation: Power Generation (Central Station) Technology Options — Executive Summary,
Electric Power Research Institute, July 2008.
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Figure 1-4
Updated Plant Construction Cost Estimates
(Including Construction Interest)

4,500

@ Original estimate (AEO 2008)*

4000 7 5 EPRI TAG Numbers*

3,500

3,000 -

2,500 -

2,000

2006 $/kW

1,500 —

1,000 -
500 | f
0

Conventional Coal Nuclear Wind
Combined Cycle

Sources:

* Annual Energy Outlook 2008, U.S. Department of Energy, Energy Information Administration, June 2008.

** Program on Technology Innovation: Power Generation (Central Station) Technology Options -
Executive Summary, Electric Power Research Institute, July 2008.

Generation Fuel Prices

The Brattle Group also assumed higher delivered generation fuel prices than EIA used in the AEO 2008.
We did this because fuel prices have risen dramatically through this decade and currently are at historic
highs. EIA’s fuel price forecasts are based on models of long-term fuel market fundamentals, which tend to
revert to historic norms and may not capture recent shifts in global markets adequately. Next, we describe
how we construct alternative fuel price projections.

For natural gas and oil, The Brattle Group used forward prices as cited at The New York Mercantile
Exchange (NYMEX), and then we assumed the EIA real price trend thereafter. The five-year forward curve
in natural gas (Henry Hub) is roughly 50 percent higher than the prices projected in 2013 in the AEO 2008.
Figure 1-5 compares the EIA Henry Hub natural gas fuel price forecast with The Brattle Group’s projection
based on futures market data and the long-term EIA trend.'®

'8 For Figure 1-5, historical averages are brought into real 2006 dollars using Gross Domestic Product (GDP) deflators from
the St. Louis Federal Reserve Bank. Forecasted and futures prices are converted to real 2006 dollars using EIA’s AEO
2008 GDP deflator forecasts.
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Figure 1-5
Historic and Forecasted Annual Average Natural Gas Henry Hub Prices
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Regional basis differentials between the Henry Hub price and delivered prices were assumed to remain
constant (in real terms) as projected by EIA. Likewise, the difference between EIA crude oil prices and
regional product prices (#2 distillate fuel oil and #6 residual fuel oil) also were held constant. Figure 1-6
compares the average delivered natural gas price forecast from the AEO 2008 and the Reference Scenario.
The Brattle Group’s delivered natural gas prices across the regions are 50 percent to 60 percent higher, and
the average delivered price is 53 percent higher (in real dollars) than the AEO 2008 forecast prices over the

forecast period.
Figure 1-6
Comparison of U.S. Average Delivered Natural Gas Price Projections
(2006 Dollars)
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Compared to natural gas or crude oil, coal is a much more heterogeneous fuel, and futures markets for coal
are far less developed than for liquid and gaseous fuel commodities. Nevertheless, coal prices clearly have
risen in the past decade, in varying amounts across regions and coal types. In order to reflect these changes,
The Brattle Group’s projections for regional coal prices were increased above EIA’s projected levels to
reflect higher production and transportation costs, using the following assumptions:

= All minemouth prices were increased assuming that 15 percent of the minemouth price is energy-
related costs, and this portion of the cost would increase by a factor equal to the difference between
EIA’s and The Brattle Group’s forecasts of distillate fuel price;

= Appalachian coal minemouth price was raised by an additional 20 percent over the next 10 years to
reflect increased export demand for this type of coal,;

= Using origin-destination coal shipment and price data, we derived the implicit transportation costs,
from which we derived cost adders assuming that 25 percent of transportation costs were fuel-related.
We applied these adders to delivered prices.

As a result of these adjustments, The Brattle Group concluded that projected regional delivered prices for
coal are roughly 10 percent to 25 percent higher than those projected by EIA in the AEO 2008 forecast.
Figure 1-7 displays the average U.S. delivered coal price difference, showing that The Brattle Group forecast
averages 18 percent higher than the AEO 2008 average forecast.

Figure 1-7
Comparison of U.S. Average Delivered Coal Price Projections
(2006 Dollars)

2.50

2.00 A
1 18% Increase

$/MMBtu

1.00

0.50

Brattle
=—AEO 2008

0.00 \ \ \
2010 2012 2014 2016 2018 2020

Year



Exhibit PPL/506
Bird/26

Chapter 1: Reference Projections for New Generation Capacity 2010-2030

State Renewable Electricity Requirements

As of August 2008, 27 states and the District of Columbia had adopted RPS programs that require them to
meet a percentage of the state’s electricity needs with renewable generation. Another five states have
instituted statewide renewable electricity goals that are not requirements. Because state RPS programs are
driving investment in generation, we analyzed existing state-level RPS requirements and linked them to
projections of demand growth. Figure 1-8 illustrates these renewable requirements and goals for each state.
These requirements were maintained in the RECAP model.

Figure 1-8
State Renewable Portfolio Standards and Goals
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Source: Edison Electric Institute, status as of August 26, 2008.
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Load Growth

As discussed earlier, we assumed the same regional load growth as in the AEO 2008 forecast. This enabled
us to explicitly examine the impact of EE/DR investments on projected capacity growth without separately
estimating how customers might respond to higher retail rates implied by the higher assumed fuel and
construction costs.

Nuclear Limits

We placed limits on the amount of nuclear capacity that could be added in each region to reflect the lengthy
regulatory process and construction schedules for new nuclear plants. For 2015, no new nuclear construction
was assumed complete. For 2020, we constrained RECAP to limit nuclear construction to those projects that
have applied for a Nuclear Regulatory Commission (NRC) license, representing approximately 18.5 GW of
new capacity. For 2025, we limited nuclear construction to those projects that have applied or announced
intentions to apply to the NRC for a license, which totals about 38.5 GW of new capacity. Between 2025
and 2030, we assumed that the industry could add between one GW and four GW of new nuclear capacity in
each region, above the overall 2025 limit of 38.5 GW. This brings the total limit for 2030 to 64 GW.

The Brattle Group’s Reference Scenario

As an interim step in our analysis, we created a “Reference Scenario.” This scenario is similar to the AEO
2008 forecast, but reflects higher construction costs and fuel prices. The Reference Scenario should not be
viewed as our “base” or “most likely” scenario, but rather a starting point for our analysis. Figure 1-9

shows the cumulative capacity built between 2010 and 2030 under the Reference Scenario. Compared
to the AEO 2008 forecast of 231 GW of new capacity built, the Reference Scenario builds 214 GW of
new capacity.' As in the AEO 2008 forecast, almost half of new generation capacity through 2030 is built
in the South, followed by the Midwest and the West (Figure 1-10). New generation capacity in the Northeast
constitutes less than 10 percent of nationwide capacity.”’

1 Further comparisons of our Reference Scenario and AEO forecasts are shown in Appendix A, Figure A-1.

*% The difference in the overall amount of generation capacity may be due to differences in how load is modeled, capacity
availability, and transmission losses.
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Figure 1-9
Cumulative New Generation Capacity
Reference Scenario - No Carbon Policy (2010-2030)
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Figure 1-10
Required New Regional Generation Capacity
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Generation Investment in the Reference Scenario

Under the assumed construction costs, the Reference Scenario capacity expansion would entail spending
$697 billion over the 2010 to 2030 period (undiscounted, nominal, mixed-year dollars assuming a
1.9-percent annual inflation rate). Figure 1-11 shows the cumulative capital cost by region, where the South
accounts for slightly more than half of the total ($356 billion). Although construction costs are somewhat
lower in the South compared to the rest of the country, the cumulative capital costs reflect the prevalence of
new baseload generation — coal and nuclear — that is being built in the South compared to other regions. On
a cumulative installed basis, the mix of generation resources built in the South averages $3,560/kW, only
slightly less expensive than capacity built in the West ($3,630/kW), higher than that built in the Northeast
($3,150/kW), and much higher than that built in the Midwest ($2,542/kW).

Figure 1-11
Cumulative Capital Requirements New Generation Capacity
Reference Scenario - No Carbon Policy (2010-2030)
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Response Programs and Their Impacts

For a number of reasons, there has been a strong revival of interest in utility EE/DR efforts. EE/DR
generally are defined as measures that utilities undertake to reduce customer energy consumption and peak
loads.”’ The Energy Independence and Security Act of 2007 (EISA) contained several initiatives to increase
energy efficiency. Several states have set ambitious goals to reduce or even eliminate the growth in
electricity demand. Utilities are facing increased opposition to building new power plants, in part because of
public perceptions that robust efforts to intensify energy efficiency measures and rely more on renewable
generation can eliminate the need for new generation capacity, particularly as a national policy to limit
carbon emissions may be enacted in the next decade.

EE/DR Forecast Overview

As an increasing emphasis is placed on the importance of EE/DR as resources in the nation’s energy mix,
The Edison Foundation asked The Brattle Group to incorporate the potential peak demand and energy
savings that EE/DR could provide and to estimate their impact on projected utility generation and investment
requirements. The Brattle Group did so by relying upon a study by EPRI.?* This study produced a regional
forecast of the measure-specific potential savings that could be realized through the implementation of
EE/DR programs in addition to important efficiency measures already imposed by EISA, which EIA already
took into account in its AEO 2008 forecast. Specifically, the study produces two “potential” estimates.

= “Realistically Achievable Potential” (RAP) Efficiency Base Case Scenario. This scenario
recognizes imperfect dissemination of customer information and the real-world factors associated with
utility program implementation (i.e., budgetary constraints, competing priorities, etc.). The RAP
Efficiency Base Case Scenario also reflects realistic customer participation rates based on recent
historical experience with EE/DR programs. These realistic customer participation rates take into
account existing political and regulatory barriers that are likely to limit the amount of savings that
might be achieved through EE/DR programs.

» “Maximum Achievable Potential” (MAP) Efficiency Scenario. This scenario is a measure of all
energy and peak demand savings that would be adopted by customers under ideal utility program
conditions. The MAP Efficiency Scenario does not reach the full theoretical economic potential
because there are barriers to customer adoption of measures that appear to be cost-effective that will

2! The usage in this paper of “energy efficiency” or “EE/DR” includes energy efficiency efforts as well as demand response.

2 A report on the results of the study, entitled Assessment of Achievable Potential For Energy Efficiency and Demand
Response in the U.S. (2010-2030), by the Electric Power Research Institute will be published soon.
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not be overcome with utility programs (e.g., customer unwillingness to purchase certain technologies
or to enroll in cost-effective programs).

The EPRI study contains substantial additional detail on the derivation of these and other potential estimates.
For the purposes of this study, we examine the regional RAP Efficiency Base Case Scenario and the MAP
Efficiency Scenario savings trajectories and their associated costs. In particular, our RAP Efficiency Base
Case Scenario includes EE/DR savings as our best estimate of projected demand for electricity prior to the
full modeling of price response or a national carbon policy.

Energy Efficiency

One of the two components of the EPRI forecasts is energy efficiency (EE). The EE forecasts consider an
extensive set of technologies and measures for the residential, commercial, and industrial sectors. These EE
technologies and measures affect different end uses. Programs, products, and services that encourage
customers to adopt EE technologies and measures come in several forms, including rebates and subsidies.
Following are some of the various technologies and measures considered in the EPRI study and the end uses
they affect.

» Residential High-Efficiency Equipment: The residential high-efficiency equipment categories
include: central and room air conditioners, heat pumps, efficient lighting, water heating, refrigerators,
freezers, clothes washers and dryers, and dishwashers. Other measures and devices include: air
conditioning maintenance, ceiling and whole-house fans, ceiling and wall insulation, duct insulation
and repair, external shades, foundation and wall insulation, heat pump maintenance, infiltration
control, programmable thermostats, reflective roofs, storm doors, faucet aerators, pipe insulation, and
low-flow showerheads. These measures affect various end uses, such as cooling, space heating,
lighting, water heating, refrigeration, clothes washing and drying, and dishwashing.

» Commercial High-Efficiency Equipment: The commercial high-efficiency equipment categories
include: central air conditioners, chillers, heat pumps, fans, other water heating, lighting, refrigeration,
and office equipment. Other measures and devices include duct insulation, economizers, energy
management control systems, fans with energy-efficient motors, variable speed control fans,
programmable thermostats, variable air volume systems, variable speed drive on pumps, water
temperature reset devices, outdoor daylight controls, light-emitting diode exit lighting, occupancy
sensors, task lighting, photovoltaic outdoor lighting, high-efficiency compressors, anti-sweat heater
controls, floating head pressure controls, glass door installations, and vending machines. These
technologies and measures affect various end uses, such as cooling, space heating, ventilation,
lighting, water heating, and refrigeration.

» Industrial High-Efficiency Equipment: The industrial high-efficiency equipment categories include:
motors of various types and sizes; electric resistance and radio frequency devices; heating, ventilating,
and air conditioning systems; and incandescent, fluorescent, and high-intensity discharge lighting.
These measures include various end uses, such as process heating, machine drives, and lighting.
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Demand Response

While energy efficiency technologies and measures are designed for the purpose of reducing overall
electricity consumption, DR programs focus specifically on reducing peak demand. They also provide a
means for cutting back load during times of system emergencies, system peaks, or high market prices. The
EPRI study modeled three types of DR programs for the residential, commercial, and industrial sectors.

» Direct Load Control (DLC): Customer end uses are controlled directly by the utility through a
“switch” or other comparable two-way communication-capable control device. This DLC device
allows for customers’ end-use settings to be automatically and remotely altered such that the loads are
reduced during short “critical” event periods when the reductions are needed most. Customers
commonly have the option of overriding the functionality of the DLC devices before or during events.
End uses commonly controlled through DLC include air conditioners and water heaters. In exchange
for participation, customers are typically awarded a payment or a rebate on their bill.

= Interruptible Service: Interruptible service programs require customers to reduce their usage by a pre-
specified amount when called upon by utilities during system emergencies. These programs are
generally only available for commercial and industrial (C&I) customers. For their participation, these
customers generally receive a lower rate and/or a payment for the load reduction they provide.

* Dynamic Pricing: Dynamic pricing includes rate designs that are time-varying and reflect the higher
cost to the utility of providing electricity during the peak period of the day. These designs go beyond
the basic flat rate or even the time-of-use (TOU) rate, and can be “dispatched” during times of high
market prices or system emergencies. Examples include critical peak pricing (CPP), peak time rebates
(PTR), and real-time pricing (RTP). Customers must be equipped with an interval meter or “smart
meter” as part of the evolving advanced metering infrastructure (AMI) to be eligible to participate in
any dynamic pricing program. For CPP and RTP, customers receive an incentive equal to the potential
bill savings that would come from shifting load from higher-priced (peak) periods to lower-priced (off-
peak) periods. For PTR, customers receive a credit on their bill equal to the peak reduction multiplied
by the pre-determined rebate amount.

In the EPRI forecast, the residential DLC programs apply to central air conditioning and water heating loads.
The C&I programs target cooling, lighting, and other end uses. The interruptible service programs apply
only to C&I customers and include interruptible, demand bidding, emergency, and ancillary services. The
combined peak demand reduction of all of these programs produces the systemwide impact.

Load Forecast Summary for AEO 2008 and EE/DR Scenarios

The resulting annual peak and energy forecasts used by The Brattle Group in this analysis are shown in
Figure 2-1 and Figure 2-2. By 2030, the peak reduction from the AEO 2008 load forecast is 12 percent in
the RAP Efficiency Base Case Scenario and 19 percent in the MAP Efficiency Scenario (Figure 2-1).%
Energy savings in 2030, shown in Figure 2-2, are five percent in the RAP Efficiency Base Case Scenario and
eight percent in the MAP Efficiency Scenario.

3 For a discussion of how these EE/DR projections differ from those presented in the final EPRI study, see Appendix A.
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Figure 2-1
Comparison of U.S. Peak Demand Forecasts
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Impacts of EE/DR Forecasts on Capacity Expansion Projections

Relative to the Reference Scenario, the RAP Efficiency Base Case Scenario and the MAP Efficiency
Scenario lead to a dramatic reduction in the amount of new generation capacity that would need to be built.
Our projection of new generation capacity between 2010 and 2030 drops from 214 GW in the Reference
Scenario to 133 GW in the RAP Efficiency Base Case Scenario. The amount of projected new capacity
drops further to 111 GW in the more aggressive MAP Efficiency Scenario. These changes in total U.S. new
generation capacity under the two energy efficiency (no carbon policy) scenarios are shown in Figure 2-3.

Figure 2-3
Impact of RAP and MAP EE/DR Programs on Reference Scenario Required Generation Capacity
No Carbon Policy (2010-2030)
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The mix of new capacity also changes in the two EE/DR scenarios (no carbon policy) because they project
an improving load factor for all regions of the United States. In other words, the RECAP projections for
these scenarios suggest that, on a percentage basis, more peaking capacity will be avoided than baseload. As
illustrated in Table 2-1, in the RAP Efficiency Base Case Scenario, new coal-based capacity decreases by 42
percent, while new combustion turbine (CT) capacity decreases by 83 percent. The load factor improvement
also persists in the MAP Efficiency Scenario, where 49 percent of new coal capacity is avoided, and a/l new
CT capacity is avoided. However, it is important to note that, despite the changing mix of new capacity, coal
dominates the total amount of new builds across the three scenarios.
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Table 2-1
Changes in New Capacity Under Energy Efficiency Scenarios

RAP Efficiency Base MAP Efficiency
Case Scenario Scenario
No Carbon Policy No Carbon Policy
Changes in New Capacity from
Reference Scenario
Through 2030 (in GW)
Renewables +0.6 GW (+1.5%) +0.2GW (+ 0.5%)
Combustion Turbine -20.6 GW (-82.6%) -25.0 GW (-100.0%)
Nuclear -0.2GW (- 0.8%) 29GW ( -10.1%)
Conventional Combined Cycle -26.6 GW  (-67.3%) -35.7 GW ( -90.5%)
Coal -34.2 GW  (-41.8%) -39.7 GW  ( -48.6%)
Total Change in New Capacity (GW) -81.1 GW (-37.9%) -103.2 GW ( -48.2%)

* Note: Totals may not equal sum of components due to independent rounding.

The mix of avoided generation capacity plays an important role in determining the avoided capital costs
achieved through EE/DR. In the RAP Efficiency Base Case Scenario, the total cost of new capacity is
projected to be $505 billion in nominal terms. This represents a 28-percent decrease from the Reference
Scenario (Figure 2-4 and Figure 2-5).

Figure 2-4
Cumulative Capital Requirements for New Generation Capacity for RAP Efficiency Base Case Scenario
No Carbon Policy (2010-2030)
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Figure 2-5
Required New Regional Generation Capacity for RAP Efficiency Base Case Scenario
No Carbon Policy (2010-2030)

80 B Renewables
70 /& Combustion Turbine $267.8 B
ONuclear 65.7 GW
60 | B Conventional Combined Cycle !
B Coal
50
= 40 $108.7 B
o 34.2 GW
30 — $89.3B
21.5 GW
20
10
0

West Midwest South Northeast

The MAP Efficiency Scenario projects the total cost of new capacity to be around $455 billion in nominal
terms, a 35-percent decrease from the Reference Scenario (Figure 2-6 and Figure 2-7).

Figure 2-6
Cumulative Capital Requirements for New Generation Capacity for MAP Efficiency Scenario
No Carbon Policy (2010-2030)
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Figure 2-7
Required New Regional Generation Capacity for MAP Efficiency Scenario
No Carbon Policy (2010-2030)
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The larger relative reduction in new costs in the MAP Efficiency Scenario is driven by two factors. First, the
EE/DR assumptions are more aggressive, resulting in larger peak reductions and a higher level of avoided
capacity. Second, a higher relative percentage of coal capacity is avoided through this scenario, further
reducing the total cost. Ultimately, in nominal dollars, the RAP Efficiency Base Case Scenario leads to a
$192-billion (28-percent) reduction in the capital cost of new generation, while the MAP Efficiency Scenario
leads to a $242-billion (35-percent) reduction.

Costs Associated with EE/DR Programs

The EE/DR forecasts that we have analyzed in this study are composed of a number of EE/DR programs, and
each of these programs has its own associated costs. For example, in a program to encourage the adoption of
more energy-efficient appliances, residential customers might receive a rebate for the purchase of a new air
conditioner, refrigerator, or dishwasher. Similarly, for their participation in an interruptible service program,
industrial customers might receive a discounted electricity rate or a rebate for each kilowatt-hour (kWh) of
reduced consumption during peak periods.

A major cost that is likely to be capitalized in the EE/DR forecast is investment in AMI, the equipment that
enables dynamic pricing (as well as a wide range of operational benefits and reliability improvements).
Harvesting potential gains from DR programs will require a substantial capital investment in AMI, as well as
customer adoption of dynamic pricing, which is necessary to enable customers to curtail loads or shift
consumption patterns away from peak periods in response to price signals. To estimate the capital cost of
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DR initiatives, we separately projected the investment in AMI that likely would be necessary to support
these forecasts.**

Our projection of AMI investment costs is driven primarily by three factors:

= Final AMI penetration rate: For the MAP Efficiency Scenario, we have assumed that 30 percent of
residential customers and 50 percent of C&I customers would be equipped with AMI. These
participation rates were reduced by roughly 60 percent to produce the RAP Efficiency Base Case
Scenario.

= AMI deployment rate over time: We assume that AMI deployment will begin in 2010 for C&I
customers and in 2015 for residential customers. Full deployment will be reached in 2030 for the RAP
Efficiency Base Case Scenario. Deployment is accelerated under the MAP Efficiency Scenario,
reaching full deployment in 2020.

= Cost of AMI per customer: Based on a review of California shareholder filings for AMI budget
approval, we have estimated the full cost per residential customer to be $300. The cost per C&I
customer is estimated at $1,500.

In addition to estimating the cost of AMI, the measure costs of energy efficiency also were included. Energy
efficiency measure costs do not include direct program costs, such as program design, administration,
marketing, and evaluation. They are the specific costs of the measure, such as equipment and installation
costs. Assumed average levelized measure costs were assumed to be: $0.0188 per kWh in 2010, $0.0299 per
kWh in 2020, and $0.0279 per kWh in 2030.>> With these assumptions, we are able to project the annual
investment in AMI and energy efficiency between 2010 and 2030.

Table 2-2 shows these costs on an undiscounted nominal basis. Total EE/DR outlays are about 44 percent of
the avoided capacity cost in the RAP Efficiency Base Case Scenario and 79 percent of avoided capacity
costs in the MAP Efficiency Scenario.

** These are very rough approximations that are intended only to provide an idea as to the magnitude of DR capital costs
relative to the avoided capital costs of generation from Demand Side Management (DSM). A detailed, region-specific,
bottom-up study would be necessary to provide precision to these estimates.

> Costs provided by Global Energy Partners as inputs to the forthcoming EPRI report, Assessment of Achievable Potential
for Energy Efficiency and Demand Response in the U.S. (2010-2030), and used as the basis of our EE/DR scenarios.
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Table 2-2
Estimated EE/DR Capital Costs (2010-2030)

RAP Efficiency

Base Case Scenario MAP Efficiency Scenario

No Carbon Policy No Carbon Policy
EE/DR Capital Costs Through 2030
(rounded to nearest billion)
AMI Capital Costs $19 $27
Energy Efficiency Measure Cost $66 $165
Total EE/DR Capital Costs, $85 $192

($ Billions)

The Role of EE/DR in Displacing New Generation

The analysis indicates that aggressive EE/DR could be effective in displacing a significant amount of new
generation capacity and in reducing overall capital requirements. However, it is equally clear that EE/DR (as
modeled here) does not eliminate the need to build new generation, nor does it dramatically reduce the
capital necessary to fund construction of new generating plants. The RAP Efficiency Base Case Scenario,
which estimates the impact of aggressive EE/DR programs under likely real-world conditions, reduces the
need for new generation capacity by about 38 percent by 2030. With correctly modeled price impacts and a
national carbon policy, this percentage will be increased. However, the amount cannot be predicted due to
several factors, including a number of plants already “in the pipeline” and mandated renewable capacity
requirements already exceeding 39 GW.

In terms of reducing generation capital requirements, the impact of EE/DR is not proportional to the impact
on reducing generation capacity. Because of the cost of implementing EE/DR programs, especially the cost
of new AMI technology, the overall reduction in projected utility capital requirements is far less than the
reduction in generation capacity. When EE/DR costs are factored in, overall capital requirements are
reduced by seven percent under the MAP Efficiency Scenario and 15 percent under the RAP Efficiency Base
Case Scenario (Table 2-3).
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Table 2-3
Summary of Avoided Generation Capital Investment
Due to EE/DR (2010-2030)

Total Investment after EE/DR

RAP Efficiency
Base Case Scenario

No Carbon Policy

MAP Efficiency
Scenario

No Carbon Policy

Total Reference Scenario investment 697 697
(Avoided) generation investment due to EE/DR (192)* 242
Equals new scenario investment 505 455
Capital cost of EE/DR and AMI 85 192
Total Investment after EE/DR 590 647
Percent reduction in capital investment

due to EE/DR -15% -7%

Net (avoided) generation investment

RAP Efficiency
Base Case Scenario

No Carbon Policy

MAP Efficiency
Scenario

No Carbon Policy

(Avoided) generation investment due to EE/DR (192)
Capital cost of EE/DR and AMI 85
Net (avoided) generation investment (107)

* Numbers in parentheses (#) indicate negative numbers.

(242)
192
(50)
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The issue of climate change is central to any long-term projection of electricity investment, particularly in
generation capacity. In fact, the prospect that federal legislation will be enacted to reduce carbon emissions
in the sector already has affected utility planning and investment analysis. Although the emission targets,
timing, and form of a national carbon policy have yet to be determined, most industry and political observers
believe that a federal climate change policy will be enacted within the next few years.

Recognizing the importance of this issue to future generation investments, as well as the current uncertainty
regarding the eventual carbon policy, The Edison Foundation asked The Brattle Group to evaluate one
particular scenario of generation and efficiency investments that EPRI has developed, known as the “Prism
Analysis.” The Prism Analysis represents a suite of technologies that EPRI has concluded are feasible to
deploy in the 2010 to 2030 timeframe and will lead to reduced carbon emissions in the electricity sector.?

The EPRI Prism Analysis technology targets are estimates of technically feasible development and
deployment of technologies, but do not necessarily reflect an optimal mix that might result from responses to
carbon prices. In fact, the Prism Analysis results in more low-carbon generation capacity being built by
2030 than would be needed strictly to serve increased load. Given these observations, The Brattle Group’s
analysis under the Prism RAP Scenario assumes that only certain Prism technologies are deployed, and
focuses on the carbon and capital cost implications.

Prism Analysis Technology Targets

Figure 3-1 shows the EPRI Prism Analysis targets for technology deployment compared to EIA’s AEO 2008
forecast. The Prism consists of seven broad types of technologies:

» Energy efficiency that reduces load growth from the AEO 2008 forecast levels to approximately the
levels in our RAP Efficiency Base Case Scenario;

» Roughly double the level of renewable generation capacity over the AEO 2008 forecast levels;

2% See The Power to Reduce CO, Emissions: The Full Portfolio, EPRI Discussion Paper, August 2007, for a description of
the primary technologies. EPRI has updated this analysis to incorporate the AEO 2008 forecast as a benchmark. EPRI
also has examined the role that the Prism technologies could play in reducing the cost of carbon-reduction policies. See
The Value of Technological Advance in Decarbonizing the U.S. Economy by Richard Richels and Geoffrey Blanford,
AEI/Brookings Joint Institute for Regulatory Studies, Working Paper 07-19, November 2007.
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= A tripling of nuclear capacity by 2030 over the AEO 2008 forecast levels;

» Advanced coal generation technology that enhances the efficiency of existing and new coal plants;
» CCS widely deployed after 2020;

* Plug-in hybrid electric vehicles (PHEVs) reaching a third of new vehicle sales by 2030; and

» Increased penetration of distributed energy resources (DER), including solar power.

Figure 3-1
EPRI Prism Analysis Targets for Carbon-Related Technology Changes

Technology EIA 2008 Reference
Efficiency Load Growth ~ +1.05%/yr Load Growth ~ +0.75%/yr
Renewables 55 GWe by 2030 100 GWe by 2030
Nuclear Generation 15 GWe by 2030 64 GWe by 2030
No Heat Rate Improvement for | 1-3% Heat Rate Improvement for
Advanced Coal Existing Plants 130 GWe Existing Plants
Generation 40% New Plant Efficiency 46% New Plant Efficiency
by 2020-2030 by 2020; 49% in 2030
CCs None Widely Deployed After 2020

10% of New Light-Duty Vehicle
Sales by 2017; 33% by 2030

DER < 0.1% of Base Load in 2030 5% of Base Load in 2030

PHEV None

Source: Based on data compiled by Electric Power Research Institute (EPRI), found at:
http://www.iea.org/Textbase/work/2008/roadmap/2a_Tyran_EPRI%20Roadmaps.pdf.

Figure 3-2 shows the impact of these technologies on emissions from the electric generation sector of the
industry, with colors of the “wedges” corresponding to the left column of Figure 3-1 (this depiction yields
the “prism” effect from which the analysis draws its name). As seen in Figure 3-1, carbon emissions from
electricity production would rise by about 20 percent from current levels in the AEO 2008 forecast, while the
emissions resulting from the application of the Prism technologies represent about a 40-percent reduction
from the AEO 2008 forecasted levels.
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Figure 3-2
EPRI Prism Analysis Impacts of Technoligy Changes on Electric Sector CO2 Emissions
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Source: Based on data compiled by Electric Power Research Institute (EPRI), found at:
http://www.iea.org/Textbase/work/2008/roadmap/2a_Tyran_EPRI%20Roadmaps.pdf.

It is also evident from Figure 3-2 that most of the reductions occur from four types of technologies: energy
efficiency, CCS, nuclear, and renewables. Our analysis focuses on these technologies because they provide
for the greatest emissions reductions.

Developing the Prism RAP Scenario

The four major technologies included in the Prism Analysis—energy efficiency, CCS, renewables, and
nuclear—were incorporated into The Brattle Group’s RECAP model simulations in the following manner:

* Energy Efficiency was included in the Prism RAP Scenario by incorporating the same EE/DR
assumptions that were used in the RAP Efficiency Base Case Scenario. This scenario reduced the
growth in electricity demand in a nearly identical manner as the Prism target (which reduced annual
average load growth from 1.05 percent to 0.75 percent);

» CCS was modeled by requiring all coal builds in 2020 and after to incorporate CCS. The cost of CCS
was derived from the EPRI analysis of integrated gasification combined-cycle (IGCC) with CCS
capability that was 90 percent effective in capturing carbon emissions;

* Renewables were increased by assuming the expansion of RPS requirements between 2020 and 2030
in regions that already had such requirements, and adopting modest renewable goals after 2020 in
regions that currently have no state-level requirements, to yield approximately the 100 GW capacity
level in the EPRI Prism Analysis.
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* Nuclear was introduced into the model by converting our regional nuclear build limits to requirements
for nuclear construction in RECAP, as these were already at 64 GW by 2030;

Generation Capacity and Costs: The Prism RAP Scenario

The results of the Prism RAP Scenario are summarized in Figure 3-3, Figure 3-4, and Figure 3-5. The Prism
RAP Scenario projects that 216 GW of new generation capacity would be built between 2010 and 2030,
compared to 133 GW projected in the RAP Efficiency Base Case Scenario. This occurs primarily because
the Prism RAP Scenario assumes specific investments in new low-carbon generation capacity, without
regard to whether that generation mix is the least-cost way to meet the projected load growth. In fact, the
investment requirements (including about 100 GW of renewables and 64 GW of nuclear) account for more
capacity than the RAP Efficiency Base Case Scenario implies. Additional amounts of coal with CCS and
small amounts of natural gas-based capacity are added in some regions, as required by reliability
considerations for backing up renewable generation. The Prism RAP Scenario also estimates that about
20 GW of retirements (vs. 2 GW in the RAP Efficiency Base Case Scenario) would occur as a result of the
nuclear, renewable, and coal with CCS investments that are assumed.

Figure 3-3
Cumulative New Generation Capacity in Prism RAP Scenario
With Carbon Policy (2010-2030)
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Figure 3-4
Regional Capacity Additions and Generation Capital Costs in Prism RAP Scenario
With Carbon Policy (2010-2030)
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Figure 3-5
Cumulative Capital Requirements for New Generation Capacity in Prism RAP Scenario
With Carbon Policy (2010-2030)
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The capital cost associated with the supply investments in the Prism RAP Scenario is about $951 billion
between 2010 and 2030. When AMI and program costs associated with the RAP Efficiency Base Case
Scenario (a total of $85 billion) are added, the resulting figure is $1.036 trillion. This represents an increase
of about 50 percent over the capital costs in the Reference Scenario and approximately a 75-percent increase
above the overall capital costs of the RAP Efficiency Base Case Scenario.
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In Transmisson and Distribution Systems

Investments in generation and EE/DR programs are the focus of much policy attention as utilities make
major resource planning decisions in the face of substantial uncertainties regarding input commodity (e.g.,
cement, steel, and fuel) prices and emissions requirements. Utilities also will have to undertake major and
growing investments in transmission and distribution systems.

Estimating future transmission capital requirements over a multi-decade horizon is extremely difficult. This
is due to the variety of objectives and unique circumstances that motivate transmission investment, as well as
the fact that the data available on announced projects, current transmission expenditures, and unit-level costs
are neither comprehensive nor always reliable. It is particularly difficult to predict the timing or cost of
major transmission additions — they are lumpy and frequently delayed or rerouted. Furthermore, proposed
transmission developments exhibit a wide range of costs due to varying types of transmission lines (e.g.,
underground or overhead), the inclusion of different numbers of substations, the terrain crossed, and the cost
of land. Finally, the recent historical pattern of new generating plants built at locations needing minimal grid
build-out is shifting toward new plants in more distant, resource-rich areas. This phenomenon could
considerably boost transmission miles built per installed megawatt (MW) of generation capacity, though we
cannot reliably predict the magnitude of this effect.

Transmission System Costs and Data

The most detailed source of planned transmission projects is the “Coordinated Bulk Power Supply Program
Report (Form EIA-411),” made publicly available by the North American Electric Reliability Corporation
(NERC) through its annual Energy Supply & Demand (ES&D) database. The NERC ES&D data, which
currently extend through 2015, include only announced or planned high-voltage projects [those that are rated
at 230 kilovolts (kV) and above], thereby excluding investments in transmission lines of lower voltage (those
that are rated below 230 kV) and other non-transmission line elements such as substations. The NERC
ES&D data indicate that an additional 13,020 miles of high-voltage transmission lines will be built between
2007 and 2015. A second source of transmission data, which includes lower-voltage projects, comes from
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the Edison Electric Institute’s “Electric Transmission Capital Budget & Forecast Survey.”?’ This survey
projects transmission investment from 2007 to 2010 based on responses from EEI’s members. As seen in
Figure 4-1, annual transmission investment by shareholder-owned electric utilities during the 2007 to 2010
period will be in the range of $8.3 billion to $10.2 billion, corresponding to approximately $37 billion in total
investment (2006 dollars).

Figure 4-1
Actual and Planned Transmission Investment
By Shareholder-Owned Electric Utilities (2000-2010)
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Note: The Handy-Whitman Index of Public Utility Construction Costs used to adjust actual investment for
inflation from year to year. The GDP Deflator used to adjust planned investment for inflation from year to year.
Data represent both shareholder-owned utilities and stand-alone transmission companies.

*Planned total industry expenditures are estimated from 85% response rate to EEI's Electric Transmission
Capital Budget & Forecast Survey. Actual expenditures from EEI's Annual Property & Plant Capital
Investment Survey & FERC Form 1s.

Source: Edison Electric Institute, Business Information Group.

" The 2007 EEI “Electric Transmission Capital Budget & Forecast Survey” focuses on U.S. shareholder-owned electric
utilities, including both vertically integrated and stand-alone transmission utilities. Sixty shareholder-owned electric
utilities, whose stocks are publicly traded on major U.S. stock exchanges, were asked to participate. These utilities were
either holding companies consisting of one or more operating subsidiaries or consolidated electric utilities. In addition, the
survey also sought to capture data from 10 additional utilities that are either privately held or owned by non-U.S.
corporations.
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EEI’s January 2008 “Transmission Projects: At a Glance” report also was used to estimate the per-unit costs
of new transmission lines (i.e., investment dollar per mile and per MW-mile across various voltage classes).
Our unit costs for new transmission are based on an EEI transmission project report, which contains recent
estimates of project costs for a number of specific actual projects.”® A summary of unit transmission costs
based on that report is shown in Table 4-1.

Table 4-1
Recent Unit Transmission Costs
2008 Dollars
Voltage Cost Capacity Cost
(kV) (Thousands of (MW)* (Millions of
Dollars/Mile) Dollars/GW-Mile)*
230 $2,076.5 500 $5.46
345 $2,539.4 967 $2.85
500 $4,328.2 2,040 $1.45
765 $6,577.6 5,000 $1.32

Assumptions, Sources, and Notes:
Source is EEI's “Transmission Projects at a Glance,” January 2008.

Projects that use underground lines, have more than three segments, or have significantly mixed voltage levels

are excluded.

The cost of projects is assumed to be given in 2007 dollars unless specified, and has been adjusted using the

2007 to 2008 percentage change in the Handy-Whitman Index.

*Based on a subset of projects where capacity was reported. Gigawatt miles are calculated by multiplying the

capacity of the line (in GW) times the length of the line (in miles).

Using the dollar-per-mile figures for various voltage classes in Table 4-1 (adjusted for assumed 1.9 percent

inflation), we estimate the overall nominal cost of the projects in the NERC ES&D dataset.”’ Table 4-2

shows that our estimates of transmission investments based on these data are approximately $32.5 billion

through 2015.

%8 Note that these data are based on a partial sample of EEI members only.

** The long-run GDP deflator assumed in the AEO 2008 increases about 1.9 percent per year, a figure that we adopt to

convert real dollars into future nominal dollars.
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Table 4-2
Projected Cost of New Transmission 2008-2015
Millions of Dollars (Nominal)
Voltage Level

Year AC 230 AC 345 AC 500 AC 765 DC 500 Total AC & DC

2008 $784.3 $421.1 $220.7 $0.0 $0.0 $1,426.1

2009 $1,916.4 $785.1 $2,467.7 $0.0 $0.0 $5,169.2

2010 $932.6 $1,346.7 $3,061.4 $0.0 $2,280.9 $7,621.5

2011 $816.9 $0.0 $2,662.3 $0.0 $0.0 $3,479.2

2012 $1,008.3 $3,776.1 $3,654.4 $0.0 $0.0 $8,438.8

2013 $79.0 $427.0 $2,151.2 $0.0 $0.0 $2,657.2

2014 $113.2 $607.1 $10.1 $0.0 $0.0 $730.4

2015 $176.9 $2,423.0 $410.8 $0.0 $0.0 $3,010.7

Total (2008-2015) $5,827.6 $9,786.1 $14,638.7 $0.0 $2,280.9 $32,533.2

Note: Totals may not equal sum of components due to independent rounding.

Overview of Methods to Estimate Transmission Investment Through 2030

For purposes of this report, we examined two methods to estimate potential overall transmission investment
through 2030 using the previously described data:

» The Transmission Additions Method (selected method); and
» The Generation Additions Method.

In simple terms, our first method (the Transmission Additions Method) takes the annual average number of
miles of new transmission lines built or proposed between 2007 and 2015 and applies this annual average
growth rate to the 2016 to 2030 time period. We then assume that future transmission line construction costs
from 2016 to 2030 will reflect the dollar-per-mile costs shown in Table 4-1. Finally, we adjust these costs at
the assumed rate of inflation (1.9 percent per year). This estimate assumes that recently proposed
construction activity continues (in terms of miles per year and real dollars per mile) and adjusts these costs at
the assumed rate of inflation, yielding a nominal dollar investment stream.

As explained in Chapters 1 to 3, we examine several generation scenarios with significant differences in the
amount and type of generation constructed. Because the amount of generation varies in these scenarios, the
amount of transmission investment also could vary. Accordingly, we employ a second method to estimate
transmission investment, referred henceforth as the Generation Additions Method. This method derives the
ratio of transmission miles built to MW of new generation capacity installed, and multiplies this ratio by
different projections of generation capacity to estimate future miles of transmission required. We use the
values reported in Table 4-1 to provide the cost of this projected transmission investment and escalate for
assumed inflation. Both of these methods are explained further in the following two sections.

V36



Exhibit PPL/506
Bird/53

Transforming America’s Power Industry: The Investment Challenge 2010-2030

Resulting Transmission Investment Based on the 7ransmission Additions Method

The Transmission Additions Method uses different sources of data for high- and low-voltage transmission
investments. This method treats the two voltage classes differently due to the dissimilarity in available data.

The NERC ES&D data for high-voltage transmission lines are fairly narrow in scope, containing primarily
region, line voltage, and line length information. From these data we determine average annual total
transmission line-miles (by voltage level) added or proposed between 2007 and 2015. We then multiply
these average annual line-miles by their respective 2008 cost by voltage level (in dollars per mile) as shown
in Table 4-1. This yields average annual transmission investments by voltage level at 2008 costs. We then
assume that this level of transmission investment will remain constant (in real terms) between 2016 and
2030. Finally, we adjust these investments by the assumed rate of inflation of 1.9 percent per year. The
projected amount of high-voltage transmission investment resulting from our analysis of the NERC ES&D
data, combined with EEI’s transmission cost figures (Table 4-1), is $113 billion (nominal) for the 2010 to
2030 period.

Because we do not have access to comparable data for low-voltage facilities, we use the following method to
estimate this component of our projected total transmission investment under the Transmission Additions
Method.

According to Table 4-2, the amount of high-voltage transmission investment for the 2008 to 2010 period is
approximately $14.2 billion. EEI’s 2007 “Electric Transmission Capital Budget & Forecast Survey” projects
total shareholder-owned electric utility transmission investments of about $35.5 billion (nominal) during the
same 2008 to 2010 period.”® Netting out the $14.2 billion in high-voltage investments from the $35.5 billion
in total transmission investments results in $21.3 billion in low-voltage investments over the three-year
period, or $7.1 billion per year (nominal) of investments in low-voltage transmission facilities and other
elements. Assuming that this amount of investment remains constant in real terms over the 2010 to 2030
period, the resulting amount of projected low-voltage transmission investment would be $184 billion
(nominal).

Finally, we combine our low-voltage estimate with the high-voltage investment projection to reach a total
annual transmission investment of $298 billion (nominal) for the 2010 to 2030 study period. Figure 4-2
shows the results from our selected method, the Transmission Additions Method.

In Figure 4-2, the navy blue line represents near-term estimated transmission investments from 2008 to 2015,
while the pink line represents our long-term projection using the selected method, the Transmission
Additions Method. As expected, our projected investments beyond 2015 are much smoother than the
projections based directly upon forecast data from the NERC ES&D. This smooth investment from 2016 to
2030 reflects a constant level of real investment, adjusted for inflation.

%0 Figure 4-1 shows projected transmission investment between 2008 and 2010 as $28.6 billion expressed in real 2006
dollars. Converting to nominal dollars, using the change in the Handy-Whitman Index for the years 2006 to 2008 and 1.9
percent assumed inflation thereafter, this amount increases to $35.5 billion.
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Comparative Transmission Investment Based on the Generation Additions Method

As mentioned previously, cumulative transmission investments under our selected method, the Transmission
Additions Method, equal $298 billion (nominal) over the 2010 to 2030 period—a figure that, by design, does
not vary with the four generation scenarios covered in Chapters 1 to 3 of this report (i.e., the Reference
Scenario, the RAP Efficiency Base Case Scenario, the MAP Efficiency Scenario, and the Prism RAP
Scenario).

Figure 4-2
Annual Transmission Investment Projection
Transmission Additions Method (2008-2030)
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The Generation Additions Method employs the average levels of transmission investment per MW of
generation built for high-voltage transmission facilities. First, we derive the ratio of high-voltage
transmission line-miles built per MW of installed capacity for the 2008 through 2015 period based on NERC
ES&D data and the Reference Scenario RECAP results. Next, we use these ratios to project annual
transmission line-miles built as a function of various projections of annual generation capacity builds and use
the cost figures in Table 4-1 to estimate annual high-voltage transmission investments. Finally, we combine
these figures with our average annual low-voltage investment estimate of $7.1 billion per year and adjust the
resulting amount for inflation.

Figure 4-3 illustrates a single estimate of the annual investment costs using the Transmission Additions
Method (pink line). It also shows three estimates of the annual investment costs using the Generation
Additions Method.: one for the RAP Efficiency Base Case Scenario (light blue line); one for the MAP
Efficiency Scenario (brown line); and one for the Reference Scenario (purple line).
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As one might expect, under the Generation Additions Method, the lower the level of projected generation
capacity, the lower the level of projected transmission investment.”’ Under this method, the Reference
Scenario has the highest level of generation builds followed by the RAP Efficiency Base Case Scenario and
finally the MAP Efficiency Scenario.

Figure 4-3
Annual Transmission Investment Projections
All Methods (2008-2030)
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Figure 4-4 depicts four estimated cumulative projections of transmission investment for the 2010 to 2030
period: one estimate for the Transmission Additions Method and three estimates using the Generation
Additions Method as applied to the three scenarios described in Chapter 1 and Chapter 2. As illustrated in
Figure 4-4, the cumulative transmission investments range from a low of $295 billion under the MAP
Efficiency Scenario to a high of $370 billion using the same method under the Reference Scenario.

The lower portion of each stacked bar in Figure 4-4 represents cumulative high-voltage transmission
investments based on the two transmission projection methods and three of the generation scenarios. The
upper portion of the bars corresponds to the low-voltage transmission investments. As discussed earlier in
this chapter, estimating future transmission capital investments over a multi-decade horizon is extremely
challenging due in large part to the difficulty of predicting the location and fuel characteristics of the future
generation capacity requirements. For this reason, we selected the $298-billion estimated transmission
requirement derived from the Transmission Additions Method over the three transmission investment
estimates produced under the Generation Additions Method. Based on our analysis and the results as

3! The transmission investment results from the Prism RAP Scenario described in Chapter 3 are not shown because they are
very similar to those shown for the Reference Scenario as a result of overall MW of generation capacity built between
2010 and 2030 being nearly identical. Note that a federal carbon policy could affect the mix of transmission projects to
accommodate remote renewables and CCS sites. This potential effect was not quantified.
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illustrated in Figure 4-4, we believe that our selected method produces an investment projection that is: 1)
consistent and well within the range of transmission investment projections from the alternative generation-
based methods, and 2) conservative, so that the results have not been influenced by uncertain future
generation capacity scenarios.

Figure 4-4
Cumulative Transmission Investment Projections
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Transmission and Renewable Generation

As discussed previously, gaining access to the amount of renewable generation implied by escalating RPS
requirements will involve additional transmission development that may not be reflected in the recent data
from NERC. While some of the projects in the NERC ES&D database and the EEI “At A Glance” report may
be motivated in part by new renewable generation opportunities, it is plausible that additional transmission
development beyond those projects will have to occur in order to significantly increase the contribution of
renewables into the electricity supply mix.

In order to provide a rough estimate of the magnitude of investment required, we assume that each GW of
additional renewable capacity requires an associated transmission investment that increases slightly over time.
This could occur, for example, as the most accessible resources are developed earlier, with more remote
resources gradually becoming attractive as demand for renewables increases. We adopted the following rule
of thumb: for each GW of renewable capacity built in 2011, we assume that 10 miles of transmission capacity
are needed, and we escalate that mileage figure by 10 miles each successive year. Under this framework,
renewable capacity built in 2015 needs 50 miles of transmission, renewable capacity built in 2020 needs 100
miles, renewable capacity built in 2025 needs 150 miles, and renewable capacity built in 2030 needs 200
miles. Since Table 4-1 shows that a 345-kV transmission link can support roughly one GW of power transfer
and costs roughly $3 million per mile, we apply that cost to our estimated transmission builds for expanded
renewable generation access.

For the amount of renewable capacity in the Reference Scenario, these assumptions would add about $15.5
billion between 2010 and 2030 in undiscounted nominal terms to account for transmission investments made
in order to access increasing amounts of progressively more remote renewables. Although this is obviously a
rough calculation, on the whole it is probably conservative. That is because there are many remote
renewables—e.g., wind power in the central United States and northern New England—that may require
transmission lines that are more than 200 miles long to connect them to the grid. While this calculation may
understate the transmission costs associated with renewables, it still represents a significant capital cost that
the utility sector will bear as it complies with state RPS requirements.

Distribution System Costs and Data

Shareholder-owned electric utility distribution-related construction expenditures have been rising in real and
nominal terms since the mid-1990s, surpassing $17 billion per year in 2006. These investments have been
made to expand distribution systems, replace aging equipment, enhance reliability, improve power quality,
and to begin to integrate “Smart Grid” system elements. Figure 4-5 shows the trends of distribution
investments over the past quarter-century. Distribution investments are a substantial portion of current utility
capital expenditures—about 25 percent to 30 percent of overall capital expenditures—a share that is steady
under current trends.
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Figure 4-5
Distribution Investment by Shareholder-Owned Electric Utilities
(1980-2006)
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Note: Real dollar results are shown using the Handy-Whitman Index of Public Utility Construction Costs to adjust for inflation from year to year.

Sources: Prior to 1999, data are from Edison Electric Institute's "Uniform Statistical Report". For 1999, data are from Edison Electric Institute's Construction
Expenditures Survey, the Federal Energy Regulatory Commission (FERC Form 1), and company Annual Reports (10-K). For 20002006, data are from
Edison Electric Institute's Annual Property & Plant Capital Investment Survey and the Federal Energy Regulatory Commission (FERC Form 1).

Some of the recent increases in distribution investment levels are attributable to the same drivers that are
responsible for the construction cost increases observed in the generation and transmission segments of the
industry.* Estimating and projecting distribution investments over a multi-decade horizon are prone to the
same difficulties as those found with transmission. Discrete distribution investments are much smaller than
transmission investments and are undertaken for a variety of reasons; some of these are discretionary and
others are required to maintain system reliability and power quality. The industry’s obligation to provide
and maintain reliable electric service to its customers, combined with the prospects for “Smart Grid”
investments to enable greater operating efficiencies, suggest that distribution system investment levels in the
future are likely to reflect the recent growth observed in current investment trends. To explore the sensitivity
of distribution investments to these key drivers and trends, we employ three methods to project distribution
investments for the years 2010 to 2030, namely:

»  Real Investment Growth Rate Method: Our selected method. This method extrapolates the recent trend
in real distribution investment levels to provide a projection of nominal distribution costs from 2010
through 2030;

= Per Capita Method: A trend of per capita distribution expenditures based on forecasted population
change. We examine nominal per capita investments under this method; and

32 See Rising Utility Construction Costs: Sources and Impacts, prepared by Marc W. Chupka and Greg Basheda of The
Brattle Group for The Edison Foundation, September 2007.
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»  Nominal Growth Rate Method: We present two nominal growth rate projections—one version that
extrapolates recent growth rates in nominal distribution expenditures and another version that assumes
that the 2007 distribution expenditures will grow at the assumed rate of inflation.

All three of these methods use the same basic underlying distribution investment input data to project future
distribution investment requirements.

Real Investment Growth Rate Method

Historic distribution system investment figures from 1998 through 2007 were obtained from EEI’s “Annual
Property and Plant Capital Investment Survey.” The average real growth rate based on this historical data
is about 0.8 percent per year. This real investment growth rate was applied to 2007 annual distribution
investment expenditures and then adjusted annually at the rate of inflation (1.9 percent per year) to forecast
distribution investments through 2030, as shown in Figure 4-6. The total distribution costs for the 2010 to
2030 period using the Real Investment Growth Rate Method are $582 billion in nominal terms. We chose
this as our selected method to provide an estimate of distribution investment requirements to 2030, and used
the alternative methods described next to provide comparisons to our selected method.

Figure 4-6
Annual Distribution Investment Projection
Real Investment Growth Rate Method
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3 These costs were converted from nominal dollars to 2008 dollars using the Handy-Whitman distribution cost index.
Because we use the Handy-Whitman distribution cost index, the resulting growth in annual real costs should reflect
increased physical investment in distribution systems.

43 Y



Exhibit PPL/506
Bird/60
Chapter 4: Projected Costs of Investments in Transmission and Distribution Systems

Per Capita Method

Our second method derives the historic relationship between distribution costs, time, and U.S. population,
and uses population growth projections to yield a distribution investment forecast. We first calculate actual
per capita distribution investment costs from 1998 through 2007 using EEI survey data and Census Bureau
population data. We then project the trends in per capita distribution costs using the results of a regression
that captures the relationship between per capita costs and time over the 1998 to 2007 period, where the trend
equals 1 in 1998, 2 in 1999, and 3 in 2000, etc.**

Nominal Per Capita Costs = 32.91 + 2.25 x Trend
R?=0.83 (2.26) (0.37)

This method produces a linear increase in the amount of distribution investment per year per capita, and in
turn allows us to project the per capita distribution investments from 2008 to 2030 using projections of U.S.
population growth.>> Figure 4-7 presents the forecast results using the Per Capita Method, which yields a
total industry distribution investment requirement of $605 billion for the years 2010 to 2030. Because this

estimate is based on the total U.S. population, it reflects estimated investments by the entire U.S. utility
industry.

Figure 4-7
Annual Distribution Investment Projection
Per Capita Method
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3 Standard errors of the coefficients are shown in parentheses.

3% We use the population projection reported in the assumption tables in the AEO 2008 for this calculation.
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Nominal Growth Rate Method

This method projects distribution investment costs based on trends in total nominal distribution expenditures
between 1998 and 2007. The growth rate in nominal distribution investment costs over this period averaged
approximately 5.9 percent per year. This nominal growth rate was applied to 2007 distribution expenditures
to project annual nominal distribution investments through 2030. An additional projection was constructed
to examine an alternative possibility where 2007 distribution investments simply grow at the rate of overall
inflation (assumed to be 1.9 percent per year). Implicit in this projection are the assumptions that
distribution costs will grow at the rate of inflation (i.e., that trends in distribution costs will follow the overall
inflation rate) and that real distribution investments will remain constant at 2007 levels.

Figure 4-8 displays the results of the two versions under the Nominal Growth Rate Method, which provide
additional comparative projections of future distribution investments. The total investment using the historic
nominal growth rate of distribution investment is $821 billion, while the general inflation-only projection
results in a $475-billion investment.

Figure 4-8
Annual Distribution Investment Projections
Nominal Growth Rate Methods
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Figure 4-9 and Figure 4-10 illustrate the overall results from the three distribution investment methods, both
over time and in total cumulative nominal dollars, respectively. These figures show that our selected
method—the Real Investment Growth Rate Method—yields a distribution investment projection of $582
billion through 2030. As is the case with our transmission estimates, our selected method regarding
distribution investments is solidly within the range (from nominal $475 billion to $821 billion) of the

distribution investment estimates produced under the alternative methods (Per Capita and Nominal Growth
Rate Methods) utilized in this report.
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Beyond the fact that our selected method is well within the range of alternative methods, the estimated
investment requirement under the Real Investment Growth Rate Method is strikingly close to the estimate
under the Per Capita Method—both are approximately $600 billion through 2030—which provides us added
confidence in the projections yielded from our selected method.

Figure 4-9
Annual Distribution Investment Projections
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Figure 4-10
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The Brattle Group’s RECAP Model

All our scenario simulations were performed with RECAP, The Brattle Group’s least-cost generation
expansion planning model. The composition of capacity builds in our Reference Scenario is similar to the
AEO 2008 forecast. Figure A-1 compares the AEO 2008 forecast of capacity by type to the RECAP results.
As shown on Figure A-1, the RECAP model (Reference Scenario) builds almost 20 GW less of coal-based
capacity, but about 18 GW more of natural gas combined-cycle capacity than in the AEO 2008. Although
natural gas prices are higher in the Reference Scenario than in the AEO 2008, the construction costs
associated with coal units are much higher, which means that natural gas-based capacity is relatively more
attractive. This is consistent with recent trends where utilities have scaled back plans for expensive coal-
based capacity and shifted toward natural gas, a trend also influenced by concerns about carbon emissions
from coal. The Reference Scenario also builds about half the capacity of combustion turbines as in the AEO
2008 (25 GW compared to 54 GW in AEO 2008), which may be due to the fact that RECAP models system
peak load in greater detail than does NEMS, the model underlying the AEO 2008 forecast. Renewable
capacity in the Reference Scenario is nearly identical to the AEO 2008 forecast, as most renewable capacity
is built to satisfy requirements that depend on load growth, which is identical. Finally, the Reference
Scenario builds more nuclear generation than in the AEO 2008 projection, possibly because the AEO 2008
forecast has stricter limits on nuclear builds. (The 17 GW of nuclear capacity built in the AEO 2008 forecast
is very similar to the amount of capacity represented by the project developers that had submitted
applications to the NRC at the time the AEO 2008 forecast was performed.)

Figure A-1
Comparison of New Generation Capacity
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Linking EE/DR Projections in the EPRI Study to RECAP

It is important to note two ways in which the EE/DR projections that were used in this analysis differ from
the impacts that are being reported through the EPRI study. These differences are driven by: 1) the impact of
retail electricity prices on EE/DR cost-effectiveness and 2) the reference load forecast by which the impacts
are being measured.

First, the RAP Efficiency Base Case Scenario and the MAP Efficiency Scenario estimates will be affected by
the projected level of the retail electricity price. As retail prices rise, more EE/DR measures will become
cost effective and the overall impact of EE/DR will increase. Our analysis accounted for this relationship by
relying on region-specific EE/DR projections that were a function of the projected retail electricity rate
projected by RECAP. This served as an analytic point of departure from the EPRI projections, which relied
solely on the price projections implied in the AEO 2008 forecasts. Due to the higher fuel price and
installation cost assumptions in 7The Brattle Group’s analysis (relative to the AEO 2008 forecast), and their
impact on the projected retail electricity rate, our assumed EE/DR impacts were larger than those reported in
the EPRI study.

Second, the EE/DR impacts projected in the EPRI study produce potential annual peak and energy-savings
forecasts for the 2010 to 2030 period. These impact estimates assume no existing EE/DR in the load
forecast. In other words, they represent a percentage change from a load forecast that does not include any
existing EE/DR. However, for our analysis, we are using the AEO 2008 forecast as the starting point for our
load forecast. This load forecast already includes a moderate amount of EE/DR and, thus, is lower than the
starting point of the EPRI forecasts. As a result, we have scaled down the EPRI numbers such that they
represent changes from the AEO 2008 load forecast.
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4 Introduction and Executive Summary

In Why Are Electricity Prices Increasing? An Industry-Wide Perspective (June 2006), The Brattle Group
identified fuel and purchased-power cost increases as the primary driver of the electricity rate increases that
consumers currently are facing. That report also noted that utilities are once again entering an infrastructure
expansion phase, with significant investments in new baseload generating capacity, expansion of the bulk
transmission system, distribution system enhancements, and new environmental controls. The report
concluded that the industry could make the needed investments cost-effectively under a generally supportive
rate environment.

The rate increase pressures arising from elevated fuel and purchased power prices continue. However,
another major cost driver that was not explored in the previous work also will impact electric rates, namely,
the substantial increases in the costs of building utility infrastructure projects. Some of the factors
underlying these construction cost trends are straightforward—such as sharp increases in materials cost—
while others are complex, and sometimes less transparent in their impact. Moreover, the recent rise in many
utility construction cost components follows roughly a decade of relatively stable (or even declining) real
construction costs, adding to the “sticker shock™ that utilities experience when obtaining cost estimates or
bids and that state public utility commissions experience during the process of reviewing applications for
approvals to proceed with construction. While the full rate impact associated with construction cost
increases will not be seen by customers until infrastructure projects are completed, the issue of rising
construction costs currently affects industry investment plans and presents new challenges to regulators.

The purpose of this study is to a) document recent increases in the construction cost of utility infrastructure
(generation, transmission, and distribution), b) identify the underlying causes of these increases, and c)
explain how these increased costs will translate into higher rates that consumers might face as a result of
required infrastructure investment. This report also provides a reference for utilities, regulators and the
public to understand the issues related to recent construction cost increases. In summary, we find the
following:

* Dramatically increased raw materials prices (e.g., steel, cement) have increased construction cost
directly and indirectly through the higher cost of manufactured components common in utility
infrastructure projects. These cost increases have primarily been due to high global demand for
commodities and manufactured goods, higher production and transportation costs (in part owing to
high fuel prices), and a weakening U.S. dollar.

» Increased labor costs are a smaller contributor to increased utility construction costs, although that
contribution may rise in the future as large construction projects across the country raise the demand
for specialized and skilled labor over current or projected supply. There also is a growing backlog of
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project contracts at large engineering, procurement and construction (EPC) firms, and construction
management bids have begun to rise as a result. Although it is not possible to quantify the impact on
future project bids by EPC firms, it is reasonable to assume that bids will become less cost-competitive
as new construction projects are added to the queue.

= The price increases experienced over the past several years have affected all electric sector investment
costs. In the generation sector, all technologies have experienced substantial cost increases in the past
three years, from coal plants to windpower projects. Large proposed transmission projects have
undergone cost revisions, and distribution system equipment costs have been rising rapidly. This is
seen in Figure ES-1, which shows recent price trends in generation, transmission and distribution
infrastructure costs based on the Handy-Whitman Index® data series, compared with the general price
level as measured by the gross domestic product (GDP) deflator over the same time period.’ As
shown in Figure ES-1, infrastructure costs were relatively stable during the 1990s, but have
experienced substantial price increases in the past several years. Between January 2004 and January
2007, the costs of steam-generation plant, transmission projects and distribution equipment rose by 25
percent to 35 percent (compared to an 8 percent increase in the GDP deflator). For example, the cost
of gas turbines, which was fairly steady in the early part of the decade, increased by 17 percent during
the year 2006 alone. As a result of these cost increases, the levelized capital cost component of
baseload coal and nuclear plants has risen by $20/MWh or more—substantially narrowing coal’s
overall cost advantages over natural gas-fired combined-cycle plants—and thus limiting some of the
cost-reduction benefits expected from expanding the solid-fuel fleet.

Figure ES-1
National Average Utility Infrastructure Cost Indices
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Sources: The Handy-Whitman© Bulletin, No. 165 and the U.S. Bureau of Economic Analysis.
Simple average of all regional construction and equipment cost indexes for the specified components.

' The GDP deflator measures the cost of goods and services purchased by households, industry and government, and as such
is a broader price index than the Consumer Price Index (CPI) or Producer Price Index (PPI), which track the costs of
goods and services purchased by households and industry, respectively.
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The rapid increases experienced in utility construction costs have raised the price of recently
completed infrastructure projects, but the impact has been mitigated somewhat to the extent that
construction or materials acquisition preceded the most recent price increases. The impact of rising
costs has a more dramatic impact on the estimated cost of proposed utility infrastructure projects,
which fully incorporates recent price trends. This has raised significant concerns that the next wave
of utility investments may be imperiled by the high cost environment. These rising construction costs
have also motivated utilities and regulators to more actively pursue energy efficiency and demand
response initiatives in order to reduce the future rate impacts on consumers.

Despite the overwhelming evidence that construction costs have risen and will be elevated for some
time, these increased costs are largely absent from the capital costs specified in the Energy Information
Administration's (EIA's) 2007 Annual Energy Outlook (AEO). The AEO generation capital cost
assumptions since 2001 are shown in Figure ES-2. Since 2004, capital costs of all technologies are
assumed to grow at the general price level—a pattern that contradicts the market evidence presented in
this report. The growing divergence between the AEO data assumptions and recent cost escalation is
now so substantial that the AEO data need to be adjusted to reflect recent cost increases to provide
reliable indicators of current or future capital costs.

Figure ES-2
EIA Generation Construction Cost Estimates
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4 Projected Investment Needs and Recent
Infrastructure Cost Increases

Current and Projected U.S. Investment in Electricity Infrastructure

The electric power industry is a very capital-intensive industry. The total value of generation, transmission
and distribution infrastructure for regulated electric utilities is roughly $440 billion (property in service, net
of accumulated depreciation and amortization), and capital expenditures are expected to exceed $70 billion
in 2007.%> Although the industry as a whole is always investing in capital, the rate of capital expenditures
was relatively stable during the 1990s and began to rise near the turn of the century. As shown in Why Are
Electricity Prices Increasing? An Industry-Wide Perspective (June 2006), utilities anticipate substantial
increases in generation, transmission and distribution investment levels over the next two decades.
Moreover, the significant need for new electricity infrastructure is a world-wide phenomenon: According to
the World Energy Investment Outlook 2006, investments by power-sector companies throughout the world
will total about $11 trillion dollars by 2030.

Generation

As of December 31, 2005, there were 988 gigawatts (GW) of electric generating capacity in service in the
U.S., with the majority of this capacity owned by electric utilities. Close to 400 GW of this total, or 39
percent, consists of natural gas-fired capacity, with coal-based capacity comprising 32 percent, or slightly
more than 300 GW, of the U.S. electric generation fleet. Nuclear and hydroelectric plants comprise
approximately 10 percent of the electric generation fleet. Approximately 49 percent of energy production is
provided by coal plants, with 19 percent provided by nuclear plants. Natural gas-fired plants, which tend to
operate as intermediate or peaking plants, also provided about 19 percent of U.S. energy production in 2006.

The need for installed generating capacity is highly correlated with load growth and projected growth in peak
demand. According to EIA’s most recent projections, U.S. electricity sales are expected to grow at an annual
rate of about 1.4 percent through 2030. According to the North American Electric Reliability Corporation
(NERC), U.S. non-coincident peak demand is expected to grow by 19 percent (141 GW) from 2006 to 2015.
According to EIA, utilities will need to build 258 GW of new generating capacity by 2030 to meet the

? Net property in service figure as of December 31, 2006, derived from Federal Energy Regulatory Commission (FERC)
Form 1 data compiled by the Edison Electric Institute (EEI). Gross property is roughly $730 billion, with about $290
billion already depreciated and/or amortized. Annual capital expenditure estimate is derived from a sample of 10K reports
surveyed by EEL

3 Richard Stavros. “Power Plant Development: Raising the Stakes.” Public Utilities Fortnightly, May 2007, pp. 36-42.
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projected growth in electricity demand and to replace old, inefficient plants that will be retired. EIA further
projects that coal-based capacity, that is more capital intensive than natural gas-fired capacity which
dominated new capacity additions over the last 15 years, will account for about 54 percent of total capacity
additions from 2006 to 2030. Natural gas-fired plants comprise 36 percent of the projected capacity
additions in AEO 2007. EIA projects that the remaining 10 percent of capacity additions will be provided by
renewable generators (6 percent) and nuclear power plants (4 percent). Renewable generators and nuclear
power plants, similar to coal-based plants, are capital-intensive technologies with relatively high construction
costs but low operating costs.

High-Voltage Transmission

The U.S. and Canadian electric transmission grid includes more than 200,000 miles of high voltage (230 kV
and higher) transmission lines that ultimately serve more than 300 million customers. This system was built
over the past 100 years, primarily by vertically integrated utilities that generated and transmitted electricity
locally for the benefit of their native load customers. Today, 134 control areas or balancing authorities
manage electricity operations for local areas and coordinate reliability through the eight regional reliability
councils of NERC.

After a long period of decline, transmission investment began a significant upward trend starting in the year
2000. Since the beginning of 2000, the industry has invested more than $37.8 billion in the nation’s
transmission system. In 2006 alone, investor-owned electric utilities and stand-alone transmission
companies invested an historic $6.9 billion in the nation’s grid, while the Edison Electric Institute (EEI)
estimates that utility transmission investments will increase to $8.0 billion during 2007. A recent EEI survey
shows that its members plan to invest $31.5 billion in the transmission system from 2006 to 2009, a nearly
60-percent increase over the amount invested from 2002 to 2005. These increased investments in
transmission are prompted in part by the larger scale of base load generation additions that will occur farther
from load centers, creating a need for larger and more costly transmission projects than those built over the
past 20 years. In addition, new government policies and industry structures will contribute to greater
transmission investment. In many parts of the country, transmission planning has been formally
regionalized, and power markets create greater price transparency that highlights the value of transmission
expansion in some instances.

NERC projects that 12,873 miles of new transmission will be added by 2015, an increase of 6.1 percent in
the total miles of installed extra high-voltage (EHV) transmission lines (230 kV and above) in North
America over the 2006 to 2015 period. NERC notes that this expansion lags demand growth and expansion
of generating resources in most areas. However, NERC’s figures do not include several major new
transmission projects proposed in the PJM Interconnection LLC, such as the major new lines proposed by
American Electric Power, Allegheny Power, and Pepco.

Distribution

While transmission systems move bulk power across wide areas, distribution systems deliver lower-voltage
power to retail customers. The distribution system includes poles, as well as metering, billing, and other
related infrastructure and software associated with retail sales and customer care functions. Continual
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investment in distribution facilities is needed, first and foremost, to keep pace with growth in customer
demand. In real terms, investment began to increase in the mid-1990s, preceding the corresponding boom in
generation. This steady climb in investment in distribution assets shows no sign of diminishing. The need to
replace an aging infrastructure, coupled with increased population growth and demand for power quality and
customer service, is continuing to motivate utilities to improve their ultimate delivery system to customers.

Continued customer load growth will require continued expansion in distribution system capacity. In 2006,
utilities invested about $17.3 billion in upgrading and expanding distribution systems, a 32-percent increase
over the investment levels incurred in 2004. EEI projects that distribution investment during 2007 will again
exceed $17.0 billion. While much of the recent increase in distribution investment reflects expanding
physical infrastructure, a substantial portion of the increased dollar investment reflects the increased input
costs of materials and labor to meet current distribution infrastructure needs.

Construction Costs for Recently Completed Generation

The majority of recently constructed plants have been either natural gas-fired or wind power plants. Both
have displayed increasing real costs for several years. Since the 1990s, most of the new generating capacity
built in the U.S. has been natural gas-fired capacity, either natural gas-fired combined-cycle units or natural
gas-fired combustion turbines. Combustion turbine prices recently rose sharply after years of real price
decreases, while significant increases in the cost of installed natural gas combined-cycle combustion capacity
have emerged during the past several years.

Using commercially available databases and other sources, such as financial reports, press releases and
government documents, The Brattle Group collected data on the installation cost of natural gas-fired
combined-cycle generating plants built in the U.S. during the last major construction cycle, defined as
generating plants brought into service between 2000 and 2006. We estimated that the average real
construction cost of all natural gas-fired combined-cycle units brought online between 2000 and 2006 was
approximately $550/kilowatt (kW) (in 2006 dollars), with a range of costs between $400/kW to
approximately $1,000/kW. Statistical analysis confirmed that real installation cost was influenced by plant
size, the turbine technology, the NERC region in which the plant was located, and the commercial online
date. Notably, we found a positive and statistically significant relationship between a plant’s construction
cost and its online date, meaning that, everything else equal, the later a plant was brought online, the higher
its real installation cost.* Figure 1 shows the average yearly installation cost, in nominal dollars, as predicted
by the regression analysis.” This figure shows that the average installation cost of combined-cycle units
increased gradually from 2000 to 2003, followed by a fairly significant increase in 2004 and a very
significant escalation—more than $300/kW—in 2006. This provides vivid evidence of the recent sharp
increase in plant construction costs.

* To be precise, we used a “dummy” variable to represent each year in the analysis. The year-specific dummy variables
were statistically significant and uniformly positive; i.e., they had an upward impact on installation cost.

> The nominal form regression results are discussed here to facilitate comparison with the GDP deflator measure used to
compare other price trends in other figures in this report.
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Figure 1
Multi-Variable Regression Estimation:
Average Nominal Installation Costs Based on Online Year ($/kW)

1000

900 1

800 1

700

600 1

500 1

(S/kW)

400

300

200 4

100 4 — === ——m e

0
2000 2001 2002 2003 2004 2005 2006

Online Year

Sources and Notes:
* Data on summer capacity, total installation cost , turbine technology, commercial online date, and zip code for the period 2000-2006

were collected from commercially available databases and other sources such as company websites and 10k reports.

Figure 2 compares the trend in plant installation costs to the GDP deflator, using 2000 as the base year. Over
the period of 2000 to 2006, the cumulative increase in the general price level was 16 percent while the
cumulative increase in the installation cost of new combined-cycle units was almost 95 percent, with much
of this increase occurring in 2006.

Figure 2
Multi-Variable Regression Estimation:
Average Nominal Installation Costs Based on Online Year (Index Year 2000 = 100)
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were collected from commercially available databases and other sources such as company websites and 10k reports.
** GDP Deflator data were collected from the U.S. Bureau of Economic Analysis.
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Another major class of generation development during this decade has been wind generation, the costs of
which have also increased in recent years. The Northwest Power and Conservation Council (NPCC), a
regional planning council that prepares long-term electric resource plans for the Pacific Northwest, issued its
most recent review of the cost of wind power in July 2006.° The Council found that the cost of new wind
projects rose substantially in real terms in the last two years, and was much higher than that assumed in its
most recent resource plan. Specifically, the Council found that the levelized lifecycle cost of power for new
wind projects rose 50 to 70 percent, with higher construction costs being the principal contributor to this
increased cost. According to the Council, the construction cost of wind projects, in real dollars, has
increased from about $1150/kW to $1300-$1700/kW in the past few years, with an unweighted average
capital cost of wind projects in 2006 at $1,485/kW. Factors contributing to the increase in wind power costs
include a weakening dollar, escalation of commodity and energy costs, and increased demand for wind
power under renewable portfolio standards established by a growing number of states. The Council notes
that commodities used in the manufacture and installation of wind turbines and ancillary equipment,
including cement, copper, steel and resin have experienced significant cost increases in recent years. Figure
3 shows real construction costs of wind projects by actual or projected in-service date.

Figure 3
Wind Power Project Capital Costs
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Source: The Northwest Power and Conservation Council, "Biennial Review of the Cost of Windpower" July 13, 2006.

These observations were confirmed recently in a May 2007 report by the U.S. Department of Energy (DOE),
which found that prices for wind turbines (the primary cost component of installed wind capacity) rose by
more than $400/kW between 2002 and 2006, a nearly 60-percent increase.” Figure 4 is reproduced from the
DOE report (Figure 21) and shows the significant upward trend in turbine prices since 2001.

The NPCC planning studies and analyses cover the following four states: Washington, Oregon, Idaho, and Montana. See
“Biennial Review of the Cost of Windpower” July 13, 2006, at
www.bpa.gov/Energy/N/projects/post2006conservation/doc/Windpower Cost_Review.doc. This study provides many
reasons for windpower cost increases.

See U.S. Department of Energy, Annual Report on U.S. Wind Power Installation, Cost and Performance Trends: 2006
Figure 21, page 16.
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Figure 4
Wind Turbine Prices 1997 - 2007
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Rising Projected Construction Costs: Examples and Case Studies

Although recently completed gas-fired and wind-powered capacity has shown steady real cost increases in
recent years, the most dramatic cost escalation figures arise from proposed utility investments, which fully
reflect the recent, sharply rising prices of various components of construction and installation costs. The
most visible of these are generation proposals, although several transmission proposals also have undergone
substantial upward cost revisions. Distribution-level investments are smaller and less discrete (“lumpy”) and
thus are not subject to similar ongoing public scrutiny on a project-by-project basis.

Coal-Based Power Plants

Evidence of the significant increase in the construction cost of coal-based power plants can be found in
recent applications filed by utilities, such as Duke Energy and Otter Tail Power Company, seeking
regulatory approval to build such plants. Otter Tail Power Company leads a consortium of seven
Midwestern utilities that are seeking to build a 630-MW coal-based generating unit (Big Stone II) on the site
of the existing Big Stone Plant near Milbank, South Dakota. In addition, the developers of Big Stone II seek
to build a new high-voltage transmission line to deliver power from Big Stone II and from other sources,
including possibly wind and other renewable forms of energy. Initial cost estimates for the power plant were
about $1 billion, with an additional $200 million for the transmission line project. However, these cost
estimates increased dramatically, largely due to higher costs for construction materials and labor.® Based on
the most recent design refinements, the project, including transmission, is expected to cost $1.6 billion.

¥ Other factors contributing to the cost increase include design changes made by project participants to increase output and
improve the unit’s efficiency. For example, the voltage of the proposed transmission line was increased from 230 kV to
345 kV to accommodate more generation.
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In June 2006, Duke submitted a filing with the North Carolina Utilities Commission (NCUC) seeking a
certificate of public convenience and necessity for the construction of two 800 MW coal-based generating
units at the site of the existing Cliffside Steam Station. In its initial application, Duke relied on a May 2005
preliminary cost estimate showing that the two units would cost approximately $2 billion to build. Five
months later, Duke submitted a second filing with a significantly revised cost estimate. In its second filing,
Duke estimated that the two units would cost approximately $3 billion to build, a 50 percent cost increase.
The North Carolina Utilities Commission approved the construction of one 800 MW unit at Cliffside but
disapproved the other unit, primarily on the basis that Duke had not made a showing that it needed the
capacity to serve projected native load demands. Duke’s latest projected cost for building one 800 MW unit
at Cliffside is approximately $1.8 billion, or about $2,250/kW. When financing costs, or allowance for funds
used during construction (AFUDC), are included, the total cost is estimated to be $2.4 billion (or about
$3,000/kW).

Rising construction costs have also led utilities to reconsider expansion plans prior to regulatory actions. In
December 2006, Westar Energy announced that it was deferring the consideration of a new 600 MW coal-
based generation facility due to significant increases in the estimated construction costs, which increased
from $1.0 billion to about $1.4 billion since the plant was first announced in May 2005.

Increased construction costs are also affecting proposed demonstration projects. For example, DOE
announced earlier this year that the projected cost for one of its most prominent clean coal demonstration
project, FutureGen, had nearly doubled.” FutureGen is a clean coal demonstration project being pursued by
a public-private partnership involving DOE and an alliance of industrial coal producers and electric utilities.
FutureGen is an experimental advanced Integrated Gasification Combined Cycle (IGCC) coal plant project
that will aim for near zero emissions of sulfur dioxide (SO,), nitrogen oxides (NOx), mercury, particulates
and carbon dioxide (CO;). Its initial cost was estimated at $950 million. But after re-evaluating the price of
construction materials and labor and adjusting for inflation over time, DOE’s Office of Fossil Energy
announced that the project’s price had increased to $1.7 billion.

Transmission Projects

NSTAR, the electric distribution company that serves the Boston metropolitan area, recently built two 345
kV lines from a switching station in Stoughton, Massachusetts, to substations in the Hyde Park section of
Boston and to South Boston, respectively. In an August 2004 filing before ISO New England Inc. (ISO-NE),
NSTAR indicated that the project would cost $234.2 million. In March 2007, NSTAR informed ISO-NE
that estimated project costs had increased by $57.7 million, or almost 25 percent, for a revised total project
cost of $292 million. NSTAR stated that the increase is driven by increases in both construction and material
costs, with construction bids coming in 24 percent higher than initially estimated. NSTAR further explained
that there have been dramatic increases in material costs, with copper costs increasing by 160 percent, core
steel by 70 percent, flow-fill concrete by 45 percent, and dielectric fluid (used for cable cooling) by 66
percent.

? U.S. Department of Energy, April 10, 2007, press release available at
http://www.fossil.energy.gov/news/techlines/2007/07019-DOE_Signs FutureGen_Agreement.html
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Another aspect of transmission projects is land requirements, and in many areas of the country land prices
have increased substantially in the past few years. In March 2007, the California Public Utilities
Commission (CPUC) approved construction of the Southern California Edison (SCE) Company’s proposed
25.6-mile, 500 kV transmission line between SCE’s existing Antelope and Pardee Substations. SCE initially
estimated a cost of $80.3 million for the Antelope-Pardee 500 kV line. However, the company subsequently
revised its estimate by updating the anticipated cost of acquiring a right-of-way, reflecting a rise in
California’s real estate prices. The increased land acquisition costs increased the total estimate for the
project to $92.5 million, increasing the estimated costs to more than $3.5 million per mile.

Distribution Equipment

Although most individual distribution projects are small relative to the more visible and public generation
and transmission projects, costs have been rising in this sector as well. This is most readily seen in Handy-
Whitman Index® price series relating to distribution equipment and components. Several important
categories of distribution equipment have experienced sharp price increases over the past three years. For
example, the prices of line transformers and pad transformers have increased by 68 percent and 79 percent,
respectively, between January 2004 and January 2007, with increases during 2006 alone of 28 percent and 23
percent.'® The cost of overhead conductors and devices increased over the past three years by 34 percent,
and the cost of station equipment rose by 38 percent. These are in contrast to the overall price increases
(measured by the GDP deflator) of roughly 8 percent over the past three years.

' Handy-Whitman® Bulletin No. 165, average increase of six U.S. regions. Used with permission.
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Broadly speaking, there are four primary sources of the increase in construction costs: (1) material input
costs, including the cost of raw physical inputs, such as steel and cement as well as increased costs of
components manufactured from these inputs (e.g., transformers, turbines, pumps); (2) shop and fabrication
capacity for manufactured components (relative to current demand); (3) the cost of construction field labor,
both unskilled and craft labor; and (4) the market for large construction project management, i.e., the queuing
and bidding for projects. This section will discuss each of these factors.

Material Input Costs

Utility construction projects involve large quantities of steel, aluminum and copper (and components
manufactured from these metals) as well as cement for foundations, footings and structures. All of these
commodities have experienced substantial recent price increases, due to increased domestic and global
demands as well as increased energy costs in mineral extraction, processing and transportation. In addition,
since many of these materials are traded globally, the recent performance of the U.S. dollar will impact the
domestic costs (see box on page 14).

Metals

After being relatively stable for many years (and even declining in real terms), the price of various metals,
including steel, copper and aluminum, has increased significantly in the last few years. These increases are
primarily the result of high global demand and increased production costs (including the impact of high
energy prices). A weakening U.S. dollar has also contributed to high domestic prices for imported metals
and various component products.

Figure 5 shows price indices for primary inputs into steel production (iron and steel scrap, and iron ore) since
1997. The price of both inputs fell in real terms during the late 1990s, but rose sharply after 2002.

Compared to the 20-percent increase in the general inflation rate (GDP deflator) between 1997 and 2006,
iron ore prices rose 75 percent and iron and steel scrap prices rose nearly 120 percent. The increase over the
last few years was especially sharp—between 2003 and 2006, prices for iron ore rose 60 percent and iron
and scrap steel rose 150 percent.
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Exchange Rates

Many of the raw materials involved in utility construction projects (e.g., steel, copper,
cement), as well as many major manufactured components of utility infrastructure
investments, are globally traded. This means that prices in the U.S. are also affected
by exchange rate fluctuations, which have been adverse to the dollar in recent years.
The chart below shows trade-weighted exchange rates from 1997. Although the dollar
appreciated against other currencies between 1997 and 2001, the graph also clearly
shows a substantial erosion of the dollar since the beginning of 2002, losing roughly 20
percent of its value against other major trading partners’ currencies. This has had a
substantial impact on U.S. material and manufactured component prices, as will be
reflected in many of the graphs that follow.
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The increase in input prices has been reflected in steel mill product prices. Figure 6 compares the trend in
steel mill product prices to the general inflation rate (using the GDP deflator) over the past 10 years. Figure
6 shows that the price of steel has increased about 60 percent since 2003.
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Various sources point to the rapid growth of steel production and demand in China as a primary cause of the
increases in both steel prices and the prices of steelmaking inputs.'' China has become both the world’s
largest steelmaker and steel consumer. In addition, some analysts contend that steel companies have
achieved greater pricing power, partly due to ongoing consolidation of the industry, and note that recently
increased demand for steel has been driven largely by products used in energy and heavy industry, such as
plate and structural steels.

From the perspective of the steel industry, the substantial and at least semi-permanent rise in the price of
steel has been justified by the rapid rise in the price of many steelmaking inputs, such as steel scrap, iron ore,
coking coal, and natural gas. Today’s steel prices remain at historically elevated levels and, based on the
underlying causes for high prices described, it appears that iron and steel costs are likely to remain at these
high levels at least for the near future.

Other metals important for utility infrastructure display similar price patterns: declining real prices over the
first five years or so of the previous 10 years, followed by sharp increases in the last few years. Figure 7
shows that aluminum prices doubled between 2003 and 2006, while copper prices nearly quadrupled over the
same period.

Figure 7
Aluminum and Copper Price Indices
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! See, for example, Steel: Price and Policy Issues, CRS Report to Congress, Congressional Research Service, August 31,
2006.
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These price increases were also evident in metals that contribute to important steel alloys used broadly in
electrical infrastructure, such as nickel and tungsten. The prices of these display similar patterns, as shown

in Figure 8.
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Cement, Concrete, Stone and Gravel
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Large infrastructure projects require huge amounts of cement as well as basic stone materials. The price of
cement has also risen substantially in the past few years, for the same reasons cited above for metals.
Cement is an energy-intensive commodity that is traded on international markets, and recent price patterns
resemble those displayed for metals. In utility construction, cement is often combined with stone and other
aggregates for concrete (often reinforced with steel), and there are other site uses for sand, gravel and stone.
These materials have also undergone significant price increases, primarily as a result of increased energy
costs in extraction and transportation. Figure 9 shows recent price increases for cement and crushed stone.
Prices for these materials have increased about 30 percent between 2004 and 2006.
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Figure 9
Cement and Crushed Stone Price Indices
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Manufactured Products for Utility Infrastructure

Although large utility construction projects consume substantial amounts of unassembled or semi-finished
metal products (e.g., reinforcing bars for concrete, structural steel), many of the components such as
conductors, transformers and other equipment are manufactured elsewhere and shipped to the construction
site. Available price indices for these components display similar patterns of recent sharp price increases.

Figure 10 shows the increased prices experienced in wire products compared to the inflation rate, according
to the U.S. Bureau of Labor Statistics (BLS), highlighting the impact of underlying metal price increases.

Manufactured components of generating facilities—large pressure vessels, condensers, pumps, valves—have
also increased sharply since 2004. Figure 11 shows the yearly increases experienced in key component
prices since 2003.
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Figure 10

Electric Wire and Cable Price Indices
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Labor Costs

A significant component of utility construction costs is labor—both unskilled (common) labor as well as
craft labor such as pipefitters and electricians. Labor costs have also increased at rates higher than the
general inflation rate, although more steadily since 1997, and recent increases have been less dramatic than
for commodities. Figure 12 shows a composite national labor cost index based on simple averages of the
regional Handy-Whitman Index® for common and craft labor. Between January 2001 and January 2007, the
general inflation rate (measured by the GDP deflator) increased about 15 percent. During the same period,
the cost of craft labor and heavy construction labor increased about 26 percent, while common labor
increased 27 percent, or almost twice the rate of general inflation.'> While less severe than commodity cost
increases, increased labor costs contributed to the overall construction cost increases because of their
substantial share in overall utility infrastructure construction costs.

Figure 12
National Average Labor Costs Index
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Sources: The Handy-Whitman© Bulletin, No. 165, and the U.S. Bureau of Economic Analysis.
Simple average of all regional labor cost indices for the specified types of labor.

Although labor costs have not risen dramatically in recent years, there is growing concern about an emerging
gap between demand and supply of skilled construction labor—especially if the anticipated boom in utility
construction materializes. In 2002, the Construction Users Roundtable (CURT), surveyed its members and
found that recruitment, education, and retention of craft workers continue to be critical issues for the
industry.”> The average age of the current construction skilled workforce is rising rapidly, and high attrition
rates in construction are compounding the problem. The industry has always had high attrition at the entry-
level positions, but now many workers in the 35-40 year-old age group are leaving the industry for a variety
of reasons. The latest projections indicate that, because of attrition and anticipated growth, the construction

12 These figures represent a simple average of six regional indices, however, local and regional labor markets can vary
substantially from these national averages.

1 Confronting the Skilled Construction Workforce Shortage. The Construction Users Roundtable, WP-401, June 2004, p. 1.
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industry must recruit 200,000 to 250,000 new craft workers per year to meet future needs. However, both
demographics and a poor industry image are working against the construction industry as it tries to address
this need. "

There also could be a growing gap between the demand and supply of electrical lineworkers who maintain
the electric grid and who perform much of the labor for transmission and distribution investments. These
workers erect poles and transmission towers and install or repair cables or wires used to carry electricity
from power plants to customers. According to a DOE report, demand for such workers is expected to
outpace supply over the next decade.> The DOE analysis indicates a significant forecasted shortage in the
availability of qualified candidates by as many as 10,000 lineworkers, or nearly 20 percent of the current
workforce. As of 2005, lineworkers earned a mean hourly wage of $25/hour, or $52,300 per year. The
forecast supply shortage will place upward pressure on the wages earned by lineworkers. '®

Shop and Fabrication Capacity

Many of the components of utility projects—including large components like turbines, condensers, and
transformers—are manufactured, often as special orders to coincide with particular construction projects.
Because many of these components are not held in large inventories, the overall capacity of their
manufacturers can influence the prices obtained and the length of time between order and delivery. The
price increases of major manufactured components were shown in Figure 11. While equipment and
component prices obviously reflect underlying material costs, some of the price increases of manufactured
components and the delivery lags are due to manufacturing capacity constraints that are not readily overcome
in the near term.

As shown in Figure 13 and Figure 14, recent orders have largely eliminated spare shop capacity, and
delivery times for major manufactured components have risen. These constraints are adding to price
increases and are difficult to overcome with imported components because of the lower value of the dollar in
recent years.

The increased delivery times can affect utility construction costs through completion delays that increase the
cost of financing a project. In general, utilities commit substantial funds during the construction phase of a
project that have to be financed either through debt or equity, called “allowance for fund used during
construction” (AFUDC). All else held equal, the longer the time from the initiation through completion of a
project, the higher is the financing costs of the investment and the ultimate costs passed through to
ratepayers.

“d,p. 1.

' Workforce Trends in the Electric Utility Industry: A Report to the United States Congress Pursuant to Section 1101 of the
Energy Policy Act of 2005. U.S. Department of Energy, August 2006, p. xi.

1d.,p. 5.
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Figure 13
Shop Capacity
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Engineering, Procurement and Construction (EPC) Market Conditions

Increased worldwide demand for new generating and other electric infrastructure projects, particularly in
China, has been cited as a significant reason for the recent escalation in the construction cost of new power
plants. This suggests that major Engineering, Procurement and Construction (EPC) firms should have a
growing backlog of utility infrastructure projects in the pipeline. While we were unable to obtain specific
information from the major EPC firms on their worldwide backlog of electric utility infrastructure projects
(i.e., the number of electric utility projects compared with other infrastructure projects such as roads, port
facilities and water infrastructure, in their respective pipelines), we examined their financial statements,
which specify the financial value associated with their backlog of infrastructure projects. Figure 15 shows
the cumulative annual financial value associated with the backlog of infrastructure projects at the following
four major EPC firms; Fluor Corporation, Bechtel Corporation, The Shaw Group Inc., and Tyco
International Ltd. Figure 15 shows that the annual backlog of infrastructure projects rose sharply between
2005 and 2006, from $4.1 billion to $5.6 billion, an increase of 37 percent. This significant increase in the
annual backlog of infrastructure projects at EPC firms is consistent with the data showing an increased
worldwide demand for infrastructure projects in general and also utility generation, transmission, and
distribution projects.

Figure 15
Annual Backlog at Major EPC Firms
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Data are compiled from the Annual Reports of Fluor Corporation, Bechtel Corporation, The Shaw Group Inc., and Tyco
International Ltd. For Bechtel, the data represent new booked work, as backlog is not reported.

The growth in construction project backlogs likely will dampen the competitiveness of EPC bids for future
projects, at least until the EPC industry is able to expand capacity to manage and execute greater volumes of
projects. This observation does not imply that this market is generally uncompetitive—rather it reflects the
limited ability of EPC firms with near-term capacity constraints to service an upswing in new project
development associated with a boom period in infrastructure construction cycles. Such constraints,
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combined with a rapidly filling (or full) queue for project management services, limit incentives to bid
aggressively on new projects.

Although difficult to quantify, this lack of spare capacity in the EPC market will undoubtedly have an
upward price pressure on new bids for EPC services and contracts. A recent filing by Oklahoma Gas &
Electric Company (OG&E) seeking approval of the Red Rock plant (a 950 MW coal unit) provides a
demonstration of this effect. In January 2007, OG&E testimony indicated that their February 3, 2006, cost
estimate of nearly $1,700/kW had been revised to more than $1,900/kW by September 29, 2006, a 12-
percent increase in just nine months. More than half of the increase (6.6 percent) was ascribed to change in
market conditions which “reflect higher materials costs (steel and concrete), escalation in major equipment
costs, and a significant tightening of the market for EPC contractor services (as there are relatively few
qualified firms that serve the power plant development market).”!” In the detailed cost table, OG&E
indicated that the estimate for EPC services had increased by more than 50 percent during the nine month
period (from $223/kW to $340/kW).

Summary Construction Cost Indices

Several sources publish summary construction cost indices that reflect composite costs for various
construction projects. Although changes in these indices depend on the actual cost weights assumed e.g.,
labor, materials, manufactured components, they provide useful summary measures for large infrastructure
project construction costs.

The RSMeans Construction Cost Index provides a general construction cost index, which reflects primarily
building construction (as opposed to utility projects). This index also reflects many of the same cost drivers
as large utility construction projects such as steel, cement and labor. Figure 16 shows the changes in the
RSMeans Construction Cost index since 1990 relative to the general inflation rate. While the index rose
slightly higher than the GDP deflator beginning in the mid 1990s, it shows a pronounced increase between
2003 and 2006 when it rose by 18 percent compared to the 9 percent increase in general inflation.

7 Testimony of Jesse B. Langston before the Corporation Commission of the State of Oklahoma, Cause No. PUD
200700012, January 17, 2007, page 27 and Exhibit JBL-9.
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Figure 16
RSMeans Historical Construction Cost Index
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Source: RSMeans, Heavy Construction Cost Data, 20th Annual Edition, 2006.

The Handy-Whitman Index® publishes detailed indices of utility construction costs for six regions, broken
down by detailed component costs in many cases. Figures 17 through 19 show the evolution of several of
the broad aggregate indices since 1991 compared with the general inflation index (GDP deflator).'® The
index numbers displayed on the graphs are for January 1 of each year displayed.

Figure 17 displays two indices for generation costs: a weighted average of coal steam plant construction
costs (boilers, generators, piping, etc.) and a stand-alone cost index for gas combustion turbines.

As seen on Figure 17, steam generation construction costs tracked the general inflation rate fairly well
through the 1990s, began to rise modestly in 2001, and increased significantly since 2004. Between January
1, 2004, and January 1, 2007, the cost of constructing steam generating units increased by 25 percent—more
than triple the rate of inflation over the same time period. The cost of gas turbogenerators (combustion
turbines), on the other hand, actually fell between 2003 and 2005. However, during 2006, the cost of a new
combustion turbine increased by nearly 18 percent—roughly 10 times the rate of general inflation.

'8 Used with permission. See Handy-Whitman® Bulletin, No. 165 for detailed data breakouts and regional values for six
regions: Pacific, Plateau, South Central, North Central, South Atlantic and North Atlantic. The Figures shown reflect
simple averages of the six regions.
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Figure 17
National Average Generation Cost Index
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Sources: The Handy-Whitman© Bulletin, No. 165 and the U.S. Bureau of Economic Analysis.
Simple average of all regional construction and equipment cost indices for the specified components.

Figure 18 displays the increased cost of transmission investment, which reflects such items as towers, poles,
station equipment, conductors and conduit. The cost of transmission plant investments rose at about the rate
of inflation between 1991 and 2000, increased in 2001, and then showed an especially sharp increase
between 2004 and 2007, rising almost 30 percent or nearly four times the annual inflation rate over that
period.

Figure 18
National Average Transmission Cost Index
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Simple average of all regional transmission cost indices.
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Figure 19 shows distribution plant costs, which include poles, conductors, conduit, transformers and meters.
Overall distribution plant costs tracked the general inflation rate very closely between 1991 and 2003.
However, it then increased 34 percent between January 2004 and January 2007, a rate that exceeded four
times the rate of general inflation.

Figure 19
National Average Distribution Cost Index
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Sources: The Handy-Whitman© Bulletin, No. 165, and the U.S. Bureau of Economic Analysis.
Simple average of all regional distribution cost indices.

Comparison with Energy Information Administration Power Plant Cost Estimates

Every year, EIA prepares a long-term forecast of energy prices, production, and consumption (for electricity
and the other major energy sectors), which is documented in the Annual Energy Outlook (AEO). A
companion publication, Assumptions to the Annual Energy Outlook, itemizes the assumptions (e.g., fuel
prices, economic growth, environmental regulation) underlying EIA’s annual long-term forecast. Included
in the latter document are estimates of the “overnight” capital cost of new generating units (i.e., the capital
cost exclusive of financing costs). These cost estimates influence the type of new generating capacity
projected to be built during the 25-year time horizon modeled in the AEO.

The EIA capital cost assumptions are generic estimates that do not take into account the site-specific
characteristics that can affect construction costs significantly.'” While EIA’s estimates do not necessarily
provide an accurate estimate of the cost of building a power plant at a specific location, they should, in
theory, provide a good “ballpark” estimate of the relative construction cost of different generation

' EIA does incorporate regional multipliers to reflect minor variations in construction costs based on labor conditions.
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technologies at any given time. In addition, since they are prepared annually, these estimates also should
provide insight into construction cost trends over time.

The EIA plant cost estimates are widely used by industry analysts, consultants, academics, and
policymakers. These numbers frequently are cited in regulatory proceedings, sometimes as a yardstick by
which to measure a utility’s projected or incurred capital costs for a generating plant. Given this, it is
important that EIA’s numbers provide a reasonable estimate of plant costs and incorporate both
technological and other market trends that significantly affect these costs.

We reviewed EIA’s estimate of overnight plant costs for the six-year period 2001 to 2006. Figure 20 shows
EIA’s estimates of the construction cost of six generation technologies—combined-cycle gas-fired plants,
combustion turbines (CTs), pulverized coal, nuclear, IGCC, and wind—over the period 2001 to 2006 and
compares these projections to the general inflation rate (GDP deflator). These six technologies, generally
speaking, have been the ones most commonly built or given serious consideration in utility resource plans
over the last few years. Thus, we can compare the data and case studies discussed above to EIA’s cost
estimates.

Figure 20
EIA Generation Construction Cost Estimates
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Sources: Data collected from the Energy Information Administration, Assumptions to the Annual Energy Outlook 2002 to 2007 and
from the U.S. Bureau of Economic Analysis.

The general pattern in Figure 20 shows a dramatic change in several technology costs between 2001 and
2004 followed by a stable period of growth until 2006. The two exceptions to this are conventional coal and
IGCC, which increase by a near constant rate each year close to the rate of inflation throughout the period.
The data show conventional CC and conventional CT experiencing a sharp increase between 2001 and 2002.
After this increase, conventional CC levels off and proceeds to increase at a pace near inflation, while
conventional CT actually drops significantly before 2004 when it too levels near the rate of inflation. The
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pattern seen with nuclear technology is near to the opposite. It falls dramatically until about 2003 and then
increases at the same rate as the GDP deflator. Lastly, wind moves close to inflation until 2004 when it
experiences a one-time jump and then flattens off through 2006.

These patterns of cost estimates over time contradict the data and findings of this report. Almost every other
generation construction cost element has shown price changes at or near the rate of inflation throughout the
early part of this decade with a dramatic change in only the last few years. EIA appears to have reconsidered
several technology cost estimates (or revised the benchmark technology type) in isolation between 2001 and
2004, without a systematic update of others. Meanwhile, during the period that overall construction costs
were rising well above the general inflation rate, EIA has not revised its estimated capital cost figures to
reflect this trend.

EIA’s estimates of plant costs do not adequately reflect the recent increase in plant construction costs that
has occurred in the last few years. Indeed, EIA itself acknowledges that its estimated construction costs do
not reflect short-term changes in the price of commodities such as steel, cement and concrete.”” While one
would expect some lag in the EIA data, it is troubling that its most recent estimates continue to show the
construction cost of conventional power plants increasing only at the general rate of inflation. Empirical
evidence shows that the construction cost of generating plants—both fossil-fired and renewable—is
escalating at a rate well above the GDP deflator. Even the most recent EIA data fail to reflect important
market impacts that are driving plant construction costs, and thus do not provide a reliable measure of current
or expected construction costs.

2 Annual Energy Outlook 2007, U.S. Energy Information Administration, p. 36.
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4 Conclusion

Construction costs for electric utility investments have risen sharply over the past several years, due to
factors beyond the industry’s control. Increased prices for material and manufactured components, rising
wages, and a tighter market for construction project management services have contributed to an across-the-
board increase in the costs of investing in utility infrastructure. These higher costs show no immediate signs
of abating.

Despite these higher costs, utilities will continue to invest in baseload generation, environmental controls,
transmission projects and distribution system expansion. However, rising construction costs will put
additional upward pressure on retail rates over time, and may alter the pace and composition of investments
going forward. The overall impact on the industry and on customers, however, will be borne out in various
ways, depending on how utilities, markets and regulators respond to these cost increases. In the long run,
customers ultimately will pay for higher construction costs—either directly in rates for completed assets of
regulated companies, less directly in the form of higher energy prices needed to attract new generating
capacity in organized markets and in higher transmission tariffs, or indirectly when rising construction costs
defer investments and delay expected benefits such as enhanced reliability and lower, more stable long-term
electricity prices.
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Please state your name, business address and present position with
PacifiCorp (“Company”).

My name is Gregory N. Duvall. My business address is 825 NE Multnomah St., Suite
600, Portland, Oregon 97232. My present title is Director, Long Range Planning and
Net Power Costs.

Are you the same Gregory N. Duvall that previously provided testimony in
this docket?

Yes, as Exhibit PPL/600.

Purpose of Testimony

Q.

A.

Please explain the purpose of your testimony in this proceeding.

The purpose of this supplemental direct testimony is to respond to Requests 9, 10,
11,12, 13, 15,17, 18, 19 and 20 from the May 14, 2009 Ruling of the
Administrative Law Judges on Supplemental Testimony ("Ruling on
Supplemental Testimony"), in which PacifiCorp was ordered to file supplemental
direct testimony. Each of these requests pertains to the Company’s load forecast.
I will also address Request 16 related to energy efficiency measures for each
jurisdiction.

How is your testimony organized?

First, I discuss temperature normalization and describe how the Company
developed the forecast for kilowatt-hour sales at the meter (“sales”), and system
loads and system peak loads at the system input level (“loads”) for the twelve-
month period ending December 31, 2010 (Requests 12 and 13). These forecasts

are produced for all six states in which the Company serves retail customers and
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are necessary for the development of inter-jurisdictional allocation factors,
forecasted revenues, and net power costs. Second, I discuss how the Company’s
historical sales and coincident peaks compare with the forecast (Requests 9 and
10). Third, I describe how the change in the definition of normal weather has
affected Oregon’s System Energy (“SE”) and System Generation (“SG”)
allocation factors (Request 11). Fourth, I discuss how price elasticity is being
treated in the load forecast (Request 15). Fifth, I focus on the improvements in
modeling methodology and discuss various aspects of the modeling (Requests 17
through 20). Finally, I address energy efficiency achievements and the 2009

energy efficiency forecast in each jurisdiction (Request 16).

Request 12--Temperature Adjustment and Development of Forecast Sales

Q.

A.

What is the Request 12 in the Ruling on Supplemental Testimony?
Request 12 requires that the Company provide testimony explaining the methods
used to adjust sales for temperature and to forecast sales, coincident peak loads,

and customer numbers.

Temperature Adjustment

Q.

A.

Please describe the Company’s temperature adjustment methodology.
Temperature is a critical factor in forecasting residential, commercial and
irrigation customer loads. In forecasting, it is important to represent as well as
possible the response of customer loads to temperature in a mathematical
equation. To do this, the Company begins by conducting load research studies by
class by state to collect observations of loads across different temperatures.

Exhibit PPL/606 shows the different temperature responses across PacifiCorp’s
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seven jurisdictions. The Company identified multipart slopes and breakpoints
through a neural network framework. The neural network model identifies the
break points and shape of the weather impacts. From this load research data, the
Company analyzes the sensitivities of sales at different temperature levels and a
composite weather variable is developed in order to capture extreme temperature
within a month. The Oregon residential temperature response graph and
composite equation are shown in Exhibit PPL/607. Temperature is not used as an

input to the industrial forecast.

Forecast of Energy Sales (at the meter)

How are monthly sales forecasts developed by customer class?
Monthly sales forecasts are developed as a product of two separate forecasts: the
number of customers and sales per customer. This methodology is used for all
customer classes except for the industrial customer class.
How is average use per customer for customer classes forecasted?
Sales per customer for the residential class are modeled through a Statistically
Adjusted End-use (“SAE”) model, which combines the end-use modeling
concepts with traditional regression analysis techniques. Major drivers of the
SAE-based residential model are weather-related variables, end-use information
such as equipment shares, saturation levels and efficiency trends, and economic
drivers such as household size, income and energy price.

For the commercial class, sales per customer are forecasted using
regression analysis techniques with non-manufacturing employment used as the

major economic driver in addition to weather-related variables.
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For other non-industrial classes, sales per customer are forecasted through

regression analysis techniques using monthly binary and weather variables.

How does the Company forecast sales for the industrial customer class?

The industrial customers are separated into three categories: 1) existing customers
that are tracked by the Customer Account Managers (“CAMs”), i1) new large
customers or expansions by existing large customers, and iii) industrial customers
that are not tracked by the CAMs. Customers are tracked by the CAMs if they
have a peak load of one megawatt or more at a single site.

The forecast for the first two categories is developed through the data
gathered by the CAM assigned to each customer and represents about 28 percent
of the total system forecast and about 14 percent of the Oregon forecast. The
CAMs have ongoing direct contact with large customers and are in the best
position to know about the customer’s plans for changes in business processes,
which might impact their energy consumption.

The portion of the industrial forecast related to new large customers and
expansion by existing large customers is developed based on the direct input of
the customers, forecasted load factors, and the probability of the project
occurrence. The third category, industrial customers under one megawatt, is more
homogeneous and is modeled using regression analysis with trend and economic
variables. Manufacturing employment is the major economic driver.

The total industrial sales forecast is developed by aggregating the forecast

for the three industrial customer categories.
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Why are industrial sales forecasted by a different methodology than the
other customer classes?

This class is forecasted differently because of the diverse makeup of the
customers within the class. In the industrial class, there is no “typical” customer.
Large customers have very diverse usage patterns and power requirements. It is
not unusual for the entire class to be strongly influenced by the behavior of one
customer or a small group of customers.

In contrast, customer classes that are made up of mostly smaller,
homogeneous customers are best forecasted as a use per customer multiplied by
number of customers. Those customer classes are generally composed of many
smaller customers that have similar behaviors and usage patterns. No small group
of customers, or single customer, influences the movement of the entire class.

This difference requires the different processes for forecasting.

Forecast of Customers

Q.

A.

Please describe the method used to forecast number of customers.

The forecast of number of customers is generally based on a combination of
regression analysis and exponential smoothing techniques using historical data
from 1997 to January 2009. For the residential class, the forecast of number of
customers is developed using a regression model with Global Insight’s forecast of
each state’s number of households as the major driver. For the commercial class,
forecasts rely on a regression model with the forecasted residential customer
numbers used as the major driver. For irrigation and street lighting classes,

customer forecasts are developed based on exponential smoothing models.
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Peak Forecast (at system input)

Q.

Please describe the method used to forecast each state’s contribution to the
coincident peak loads.

Each state’s contribution to the coincident peak is calculated from the hourly
loads. After the hourly load forecasts for each state are developed, hourly loads
are aggregated to the system level. The system peaks can then be identified as
well as the contribution of each jurisdiction to those monthly peaks

Please outline how the hourly load forecast is developed.

After the forecasts of monthly energy sales by customer class are developed, a
forecast of hourly loads is developed in two steps:

First, monthly and seasonal peak forecasts for each state are developed for
each jurisdiction. These are done at system input. The monthly peak model uses
historic peak-producing weather for each state, and incorporates the impact of
weather on peak loads through several weather variables. These weather variables
include the average temperature on the peak day and lagged average
temperatures. The peak forecast is based on average monthly historical peak-
producing weather for the period 1990-2007. Use of the average peak producing
weather results in a one-in-two forecast in which it is equally likely that the actual
peak load is higher or lower than the forecast peak load.

Second, hourly load forecasts for each state are obtained from hourly load
models using state-specific hourly load data and daily weather variables. Hourly
loads are developed using a model which incorporates the twenty-year rank and

average temperatures, a typical weather pattern for each year, and day-type
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variables such as weekends and holidays. The hourly loads are adjusted for line
losses and calibrated to monthly and seasonal peaks.

What do you mean by “rank and average”?

Rank and average occurs in three steps. First, the daily average temperatures for
each month of the 20-year history are ranked from high to low. Second, these
ranked monthly temperatures are averaged from the highest temperature to the
lowest temperature. Third, the average temperatures are assigned to each day
based on a typical weather pattern. Using this method allows the Company to

accurately forecast hourly loads capturing peak producing weather.

Impact of Current Economic Conditions

Q.

Please describe how the impact of the current economic conditions is
reflected in the Company’s sales forecast for Oregon.

The Company’s sales forecast model was developed using historical sales data
ending January 2009, and the most recent available economic data. This data
reflected economic variables from late 2008 and early 2009. Next, to fully capture
the effects of the current recession on the load forecast for the industrial class, the
Company compared the model results to the load reduction experienced in the
2001-2002 recession, supplemented with information obtained by the Company’s
CAMs who talk with customers on a regular basis. During the 2001-2002
recession, Oregon’s total retail sales dropped by 4 percent, and as indicated in my
direct testimony (Exhibit PPL/600, Duvall/6-7), sales in 2008 started declining in
the second quarter, and were down 5.3 percent in the last quarter of 2008 as

compared to the last quarter of 2007. On an annual basis, 2008 sales in Oregon
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were about 1.5 percent below 2007 sales on a temperature adjusted basis. Based
on the review of this information, the Company reduced the model-driven results
for industrial sales forecast by 222,154 megawatt-hours (“MWh”) in 2010. As a
result, the 2010 forecast sales for Oregon are 2.4 percent lower than the weather

normalized 2008 sales.

Request 13--Conversion of Sales Estimates to Energy Deliveries

Q. What is Request 13 in the Ruling on Supplemental Testimony?

A. This request requires that the Company provide testimony explaining how sales
estimates are converted into energy deliveries.

Q. How does the Company convert sales estimates at the customer meter to
energy deliveries at the system input level?

A. The Company uses the average of the most recent five years (ending December
31, 2007) of energy losses by state to convert metered sales forecasts to system
input. The use of actual losses is a reasonable basis for capturing total system
losses. Oregon’s average line loss is 9.52 percent. Peak loads are forecast at the
system input level for each state and therefore do not require any conversion.

Requests 9 & 10--Comparison of Historical Sales and Peak to the Forecast

Q. What is Request 9 in the Ruling on Supplemental Testimony?

A. This request requires that the Company provide testimony explaining how retail
sales have changed or are forecasted to change from October 1, 2006, through the

test year, as well as the key factors driving such changes.
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Has the Company compared Oregon’s actual weather normalized retail sales
to test period forecasted retail sales?

Yes, the Company made this comparison for Oregon in my direct testimony,
Exhibit PPL/600, Duvall/7. Based on the recent history through January 2009, it
was clear that the declining sales in Oregon are expected to continue and are
driven by the nationwide economic downturn and housing market slowdown and
closures in the wood products sector. Continuing this trend, the retail sales in
2010 (13,392,810 MWh) are 2.4 percent lower than the 2008 weather normalized

sales (13,717,170 MWh). Table 1 details the 2006-2010 Oregon retail sales by

class.
Table 1
Oregon Retail Sales by Class

Class 2006 2007 2008 2009 2010
Residential 5,516,750 5,526,360 5,503,230 5,400,708 5,438,620
Commercial 4,800,350 4,916,970 4,960,970 4,819,008 4,836,110
Industrial 3,245,220 3,183,040 2,964,750 2,780,724 2,815,620
Other 279,150 299,420 288,220 303,750 302,460
Total 13,841,470 13,925,790 13,717,170 13,304,190 13,392,810

Q. How does Oregon compare with the other states?

Comparing weather normalized retail sales between 2006 and 2008, Oregon and

Washington declined by 0.45 percent and 1.16 percent, respectively, primarily

driven by the economic downturn, housing market slowdown and closures in

wood products sector. On the other hand, sales grew by 3.8 percent and 6.0

percent in Utah and Wyoming, respectively, with continuing industrial growth, in

particular, attributed to the oil and gas growth in Wyoming.

Q. Has the Company compared actual weather normalized energy at system

input to test period forecasted energy at system input?
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Yes, Exhibit PPL/608 presents this comparison. The Company used actual
weather normalized energy sales data for each month through January 2009, and
used data from the February 2009 forecast from February 2009 through December
2010. Each point on the graphs in Exhibit PPL/608 represents a 12-month sum,
consistent with the SE factor. For example, the first point is the 12-months ending
October 2006, the second point is the 12-months ending November 2006, and the
final point on the graphs is the 12-months ending December 2010, which is the
basis of the SE factor used in this docket. The exhibit has a graph for each
jurisdiction.

Please explain how energy at input have changed or are forecast to change
from October 1, 2006, through the test year, as well as the key factors driving
such change.

As shown in Exhibit PPL/608, energy has been relatively flat over this time
period in Oregon, Washington, California and Idaho, but has increased in Utah
and Wyoming. Some slowdown in growth is seen in both Rocky Mountain Power
and Pacific Power states near the end of 2008 and through 2009. This is due to the
current economic recession. The growth in Utah and Wyoming is led by the
industrial class, particularly the oil and gas customers in Wyoming.

What is Request 10 in the Ruling on Supplemental Testimony?

This request requires that the Company provide testimony explaining how
monthly coincident peak loads (12 CP) have changed or are forecasted to change
from October 1, 2006, through the test year in this docket, including an

explanation of key factors causing such changes.
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Has the Company compared actual weather normalized monthly coincident
peak loads (12 CP) to test period forecasted monthly coincident peak loads
(12 CP)?

Yes, Exhibit PPL/609 presents this comparison. The Company used weather
normalized monthly coincident peak load data for each month through January
2009 and used that data to forecast February 2009 through December 2010 peak
loads. Each point on the graphs in Exhibit PPL/609 represent a 12-month sum (12
CP), consistent with the System Capacity (“SC”) factor, which makes up 75
percent of the SG factor, with the remaining 25 percent being derived from the SE
factor. For example, the first point is the 12-months ending October 2006, the
second point is the 12-months ending November 2006, and the final point on the
graphs is the 12-months ending December 2010, which is the basis of the SC
factor used in this docket. The exhibit has a graph for each jurisdiction.

Please explain how the 12 CP has changed or is forecast to change from
October 1, 2006, through the test year, as well as the key factors driving such
change.

As shown in Exhibit PPL/609, coincident peaks have been relatively flat over this
time period in Oregon, Washington, California and Idaho, but have increased in
Utah and Wyoming. Some slowdown in growth is seen in both Rocky Mountain
Power and Pacific Power states (more pronounced in Oregon) near the end of
2008 and through 2009. This is due to the current economic recession. The
growth in Utah and Wyoming is led by the industrial class, particularly the oil and

gas customers in Wyoming.
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Request 11--Impact of Moving from 30-year NOAA Data to 20-Year Weather Data

Set

Q. What is Request 11 in the Ruling on Supplemental Testimony?

A. This request requires that the Company provide testimony explaining how the
adoption of the 20-year weather data set (1988 through 2007) changes the
forecasted energy and peak allocation factors for the test year, relative to the
previous 30-year NOAA data set (1971 through 2000).

Q. Has the Company quantified the impact on the allocation factors due to
changing from 30 years (1971 — 2000) to 20 years (1988-2007) for
temperature normalization?

A. Yes. The Company recast the February 2009 forecast using the 30 years from
1971 — 2000 as the basis of “normal” weather to make this determination. Use of
the 20 years from 1988 — 2007 reduces Oregon’s SE factor by 0.0014, from
0.2531 to0 0.2517, and reduces Oregon’s SG factor by less than 0.0001, from
0.26735 to 0.26733 for the test period. In addition, the Company assessed the
impact of using peak producing weather to forecast the monthly peaks as opposed
to the old method which used average daily temperatures to predict peak loads.
This latter change increases Oregon’s SG factor by 0.0042, from 0.2631 to

0.2673. Oregon’s SE factor was unaffected by this latter change.
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Why does Oregon’s SG factor increase when peak producing temperatures
are used to forecast monthly peak loads?

When compared to Utah, Wyoming and Idaho, Oregon has more sales that vary
with temperature. For example, about 50 percent of the sales in Utah, Wyoming
and Idaho are from the industrial class, which is not affected by weather.
Oregon’s industrial sales comprise only about 22 percent of the total Oregon
sales. This fact, combined with the use of using peak producing rather than
average temperatures to predict peak loads, resulted in a small increase in
Oregon’s contribution to peak loads when compared to the prior forecast.

Why does Oregon’s SE factor decrease?

Normal temperatures are higher when moving to more recent data as shown in
Exhibit PPL/610. As a result, forecasted winter loads are lower and summer loads
are higher. Since Oregon has more winter load and less summer load relative to

some of the other five jurisdictions, Oregon’s energy allocation factor goes down.

Request 15--Price Elasticity

Q.

A.

What is Request 15 in the Ruling on Supplemental Testimony?

This request requires that the Company provide testimony explaining price
elasticities, whether they are used in the load forecasts, their derivation (studies
utilized by the PacifiCorp) and level, and their impact on test year 2010 energy
volumes.

Please explain what is meant by price elasticity?

Price elasticity is a measure of the change in electric sales in response to the

change in the retail electric price (adjusted for inflation).
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Please elaborate on the different forms of the price elasticity?

There are two related concepts of price elasticity: short-run and long-run. The
short-run elasticity is a measure of consumer response during the time frame
when the consumer cannot change the appliance stock. During the short-run, the
consumer response to an increase in price is limited to measures such as turning
out lights and turning down thermostats. In the long-run, consumers have time to
adjust their appliance choice in response to the retail price change. For example,
in the long-run, consumers can purchase more energy efficient air conditioners or
switch from an electric hot water heater to a gas hot water heater.

How did the Company model short-term elasticity in the February 2009
forecast?

The Company explicitly modeled the residential price elasticity within the model
as a 0.125 percent reduction in usage for each one percent real increase in price.
The Company did not explicitly model short-run elasticity for the commercial and
industrial customer classes. This is based on discussions with ITRON, the
consultant that worked with the Company to update the forecasting methodology,
and on industry experience. For forecasting purposes and because the Company is
unable to predict the outcomes of rate cases, the Company assumed that the
nominal rate increases match the rate of inflation so there are no real price
increases in any state. As a result, the short-term elasticity response for residential

customers did not result in any change to any states’ loads.
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How would Oregon’s loads change if the Company were to assume a real
price increase in Oregon consistent with what the Company has requested in
this filing?

Including the total proposed rate increase in the model would decrease Oregon
residential sales for the test period by about 5 average megawatts, which is about
0.31 percent of total Oregon 2010 retail sales. Sensitivities were not conducted for
any other state.

Are the effects of long-term elasticity reflected in the load forecast for the
test period?

Yes. While energy efficiency is not directly part of the load forecasting models,
the Company is actively acquiring energy efficiency resources across its six-state
service territory and expects over 150 megawatts of load reduction to be achieved
through its energy efficiency programs in 2009 and 2010. These reductions are

reflected in the load forecast used in this docket.

Request 17-20--Technical Discussion on Modeling and Refinements

Q.

A.

What is Request 17 in the Ruling on Supplemental Testimony?

This Request requires that the Company provide testimony explaining the

statistical models used by PacifiCorp in developing the 2010 test year load

forecast including theoretical bases, mathematical forms, and relevant statistics.

(a) Provide testimony explaining how such statistical models were developed
(e.g., a discussion of any process involving step-wise regression).

(b) Provide testimony explaining forecasts of or trends in the independent

variables used in such statistical models, including the source of any such
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forecasts or trends.
How many statistical models were used by the Company to develop the 2010
test year load forecast?
The Company employed a total of 1,070 statistical models in preparing the 2010
test year load forecast. These models fall into three broad categories: neural
network models, least squared models, and exponential smoothing models.
What is a neural network model and when is it used?
The neural network model is a broad class of models that changes its structure
based on the use of learning algorithms. The neural network models were used
for developing temperature response relationships. The neural network model is
the best choice for developing the temperature response functions because it can
be used to model complex relationships or to find patterns in data.
What are least squared models and when are they used?
Least squared models are a broad class of models which are estimated based on
minimizing the sum of squared errors. Errors are the difference between the
predicted values and actual values. Additionally, if the error terms are correlated,
least squared models can be extended to non-linear least squares by adding a time
series variable. Least squared models are the best choice of models to use when
there are sufficient observations to estimate the equations (i.e., sufficient degrees
of freedom) and when there are external drivers. The SAE model falls within this
class of models. These models are the best choice for estimating residential use
per customer because (1) they allow for changes in saturation and efficiency over

time, (2) allow for correlation of the error term over time, and (3) they allow for
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economic drivers.

What are exponential smoothing models and when are they used?
Exponential smoothing models are a broad class of models that are generally used
to forecast a series over time if there are not any external drivers. These models
give more weight to more recent data and less weight to older data. This model is
the best choice of models to use when there are not any external drivers because
these models tend to be very robust. Exhibit PPL/611 provides an overview of the
model estimation techniques and objective functions.

What is the theoretical basis for these models?

The theoretical basis for these models is to achieve an expected error of zero.
That is, there is an equal chance that the results will over forecast or under
forecast.

What mathematical forms were used?

The Company used traditional statistical modeling forms. Though there are many
models, a handful of the models, mathematical forms, and coefficients were
provided to the Staff through data requests OPUC 27 and OPUC 180a.
Confidential Exhibit PPL/612 provides a sample of the mathematical forms that
were used in the Company’s proprietary models for the Oregon residential, peak,
and hourly models. In addition, the Company’s load forecasting staff has already
led a technical presentation with the Staff and is available to meet with Staff or
intervenors to view and demonstrate the model.

What relevant statistics did the Company rely upon?

The Company relied upon a variety of statistics, including the t-statistic, the Mean
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Absolute Percentage Error, the R-squared, the Durbin Watson, and the F-statistic.
Additionally, the Company reviewed the results to ensure consistency between
the forecast results and what the Company has observed.

How were the statistical models developed?

The Company developed each model based on the characteristics of the particular
customer class. In each case, the Company reviewed a graph of the error terms
and the test statistics. The Company then made the decision to add variables,
delete variables, change variables, or not to make any change at all. For example,
if the graph of the error term indicated a growing trend of under forecasting the
summer cooling sales, the Company may include a time trend interacted with a
cooling degree day variable. This decision to add, delete, or change variables can
be viewed as one form of stepwise regression.

How did the Company forecast or trend the independent variables used in
the statistical models?

The Company relied on IHS Global Insight’s forecast of independent economic
variables. For the residential customer class, the Company relied on ITRON to
provide forecasts of end use efficiencies.

What is Request 18 in the Ruling on Supplemental Testimony?

This request requires that the Company provide testimony explaining in detail any
non-statistical models used by PacifiCorp in developing the 2010 test year load

forecast including theoretical bases and, if applicable, mathematical forms.
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Did PacifiCorp use any non-statistical models in developing the 2010 test
year load forecast?

Yes, the Company developed the industrial forecast for large customers directly
from information collected by the CAMs, therefore, this forecast is not done
through statistical modeling. The detailed methodology and rationale behind the
industrial forecast methodology have been described earlier in this testimony
What theoretical basis did the Company use to develop these non-statistical
models?

The Company recognized that the forecasting process could be improved by using
information from the CAMs for large industrial customers. As mentioned earlier
in this testimony, these customers are relatively heterogeneous and any changes in
sales to these customers tends to be rather “lumpy.” These characteristics support
the use of a non-statistical model to forecast sales to these customers.

What mathematical forms did the Company use in the non-statistical
models?

The Company used a spreadsheet with details regarding each customer, the
probability that the load would materialize, the load factor, the number of hours in
the month, and the timing of the sales increase to develop a forecast of the
expected sales by month.

What is Request 19 in the Ruling on Supplemental Testimony?

This request requires that the Company provide testimony explaining how
PacifiCorp’s statistical and non-statistical models differ from those used in

PacifiCorp’s last Oregon general rate case for forecasting test year energy
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deliveries.

Why did the Company improve its forecasting methodology?

The Company wanted to develop an integrated forecasting model that improves
transparency and precision.

How do the models used in this forecast compare with the models used in the
previous general rate case in UE 179?

First, statistical models were refined to improve the accuracy of the forecast. In
UE 179, energy deliveries were forecasted on an annual basis, and then monthly
energy was derived based on monthly energy pattern. In the current filing, energy
deliveries are directly forecast by month.

Second, the impact of weather on monthly retail sales and peaks by state
by class was refined by using load research data.

Third, the time period used to define normal weather was updated from
the NOAA’s 30-year period of 1971-2000 to the 20-year time period of 1988-
2007.

Fourth, the SAE models were used for forecasting residential class sales as
compared to the simple end use modeling used in UE 179, which used a single
year of end use information. In contrast, the SAE approach incorporates end use
information on saturation and efficiency across multiple years that reflect market
changes as well as changes in appliance and equipment efficiency standards. This
more robust approach to incorporating end-use data allows continuity between
history and the forecast while retaining the capability to make adjustments for end

use changes, such as specific known changes in efficiency standards.

Supplemental Direct Testimony of Gregory N. Duvall



10

11

12

13

14

15

16

17

18

19

20

21

22

23

PPL/605
Duvall/21

Fifth, for the commercial class, the Company has used an econometric
model in the current filing instead of using an end use model. Inclusion of end use
information in the commercial class forecast was not found to improve the
accuracy of the forecast and was therefore not included as a matter of keeping the
forecast as simple as possible while not compromising its accuracy.

Sixth, the current filing forecasts monthly peaks directly by using a peak
model for each state using peak-producing weather obtained by averaging
weather on peak days.

Lastly, for non statistical models, there is no difference between the
methodology used in the last general rate case and current general rate case.
What is Request 20 in the Ruling on Supplemental Testimony?

This request requires that the Company provide testimony explaining the risks
and uncertainties associated with the 2010 test year load forecasts.

Please identify the uncertainties associated with the 2010 load forecast.

As pointed out earlier in my testimony, this forecast is unbiased, that is, there is
an equal chance that this forecast will over-forecast sales or under-forecast sales
and peak. With that said, the uncertainty to the forecast largely centers on the
economy and the recovery from the economic downturn. If the recovery is slower
than forecasted, energy sales and peak will likely be less in all the states where
PacifiCorp serves. If on the other hand, the recovery is faster, energy sales and
peak will likely be higher in all states. Another uncertainty is if actual weather is
significantly different from assumed normal weather.

What are the risks associated with these uncertainties?
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For customers, the risks are largely mitigated by the fact that forecast
uncertainties will not change customer rates for PacifiCorp since the Company
has no regulatory mechanisms that true-up customer rates to actual costs. For
example, if actual loads turn out to be higher than the loads used to set rates, the
Company receives more retail revenue. This is offset, however, by the loss of
wholesale revenue. On the contrary, if actual loads are lower than the loads used
to set rates, the Company receives fewer retail revenues but more wholesale
revenues than were assumed for setting rates. If the retail rates for power costs are
close to the wholesale power rate, then any errors in the forecast are largely

mitigated.

Request 16--Energy Efficiency — 2006 to 2009

Q.

A.

What is Request 16 in the Ruling on Supplemental Testimony?
Request 16 requires that the Company provide testimony and exhibits related to
volume changes from October 1, 2006, through calendar year 2009 related to
energy efficiency measures for each jurisdiction.
What was the Company’s actual energy efficiency acquisitions for calendar
years 2006 through 2008 and what is the forecast or planning assumption for
energy efficiency acquisitions in 2009?
System-wide acquisitions of energy efficiency resources for 2006 through 2008
through Company and Energy Trust of Oregon administered programs were as
follows:

Calendar Year 2006 - 297,856 MWh

Calendar Year 2007 - 309,306 MWh
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Calendar Year 2008 - 392,390 MWh
The planning assumption for energy efficiency acquisitions in 2009 is 394,323
MWh. All amounts are estimated first year savings measured at the source, i.e.
adjusted for line losses. Exhibit PPL/613 catalogs the actual energy efficiency
resource acquisitions for calendar years 2006 through 2008 and the forecasted
acquisitions for 2009, by jurisdiction.

Q. Is the 2009 planning assumption for energy efficiency resources the same
assumption used in the development of the Company’s current forecast in
the rate case?

A. Yes. The planning assumption is for 394,323 MWh of energy efficiency
resources, which is the same forecast used in the recently filed 2008 Integrated
Resource Plan.

Q. What role does demand side management play in PacifiCorp’s resource
planning process?

A. PacifiCorp includes available demand-side management resources, specifically
Class 1 load management and Class 2 energy efficiency resources, as comparable
resources options to supply-side resources within the Company’s integrated
resource planning process.

Q. Have PacifiCorp’s forecasted energy efficiency targets for planning purposes
changed since the completion of the 2007 Integrated Resource Plan (2007
through 2016 planning period)?

A. Yes. The planning forecasts for energy efficiency resources in Company planning

documents beginning with the 2007 Integrated Resource Plan Update (filed in
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June 2008) doubled from those assumed in the 2007 Integrated Resource Plan.
The increase was driven primarily by three factors: 1) the completion of the
Company’s June 2007 “Assessment of Long-Term System-Wide Potential for
Demand-Side and Other Supplemental Resources” study (“Potential Study”); 2) a
revised acquisition forecast by the Energy Trust of Oregon (assisted by the
passage of Oregon Senate Bill 838 and approval of the Company’s Schedule
297); and 3) changes in the way the Company models demand-side management
resources in the resource planning process. The Potential Study provided more
granular information on resource costs and quantities from which to develop
demand-side resource supply-curves and effectively helped reduce the risk of
over reliance on demand-side resources through a better assessment resource
availability within each of PacifiCorp’s jurisdictions.

Does this conclude your supplemental direct testimony?

Yes.
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Utah Energy at System Input
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PacifiCorp’s forecasted and actual energy efficiency acquisitions
for calendar years 2006 through 2009

Exhibit PPL/613
Duvall/1

Calendar | Oregon | Washington | California | Utah Idaho | Wyoming | Total

Year (mWh)'
2009° 144,695 | 30,257 6,472 183,965 | 16,434 | 12,500 394,323
2008 138,681 | 48,323 518 193,328 | 11,540 | O 392,390
2007 109,651 | 38,415 210 148,969 | 12,061 | 0 309,306

! Estimate of first year savings as measured at source (adjusted for line losses by jurisdiction).
? Planning forecast used in PacifiCorp’s 2008 Integrated Resource Plan.
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Q. Please state your name, business address and present position with
PacifiCorp (“the Company”).

A. My name is R. Bryce Dalley and my business address is 825 NE Multnomabh,
Suite 2000, Portland, Oregon, 97232. I am currently employed as Manager of
Revenue Requirement.

Q. Are you the same R. Bryce Dalley that previously provided testimony in this
docket?

A. Yes.

Purpose of Testimony

Q. Please explain the purpose of your supplemental direct testimony in this
proceeding.

A. The purpose of my supplemental direct testimony is to respond to Requests 4, 6,
7, and 8 from the May 14, 2009 Ruling of the Administrative Law Judges on
Supplemental Testimony (“Ruling on Supplemental Testimony”), in which
PacifiCorp was ordered to file supplemental direct testimony.

What issues does your testimony cover?
My testimony responds to questions on three main issues:
e The selection of the historic base period used to develop the revenue
requirement;
e The Company’s compliance with the Revised Protocol allocation
methodology in this proceeding; and
e The consistency of the load forecast used to develop jurisdictional

allocation factors, test year revenues and net power costs.

Supplemental Direct Testimony of R. Bryce Dalley
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Request 4 — Explanation of the Company’s Base Historical Period (12 months ended

June 2008)

Q.

A.

What is Request 4 in the Ruling on Supplemental Testimony?

Request 4 requires the Company to provide testimony explaining why PacifiCorp
used July 2007 through June 2008 as the historical basis for its 2010 test year
rather than calendar year 2008.

Please explain why the Company used July 2007 through June 2008 as the
historical basis for its 2010 test year rather than calendar year 2008.

The Company selected the twelve-month period ended June 2008 as the historical
basis for this proceeding because it was the most recent total Company data
available for inter-jurisdictional allocations at the time of the Company’s filing.
The Company audits and extracts total company accounting information with the
data components necessary for state allocations on a semi-annual basis for the
twelve-month periods ending June and December each year. This semi-annual
data extract and review procedure is a key control measure to ensure the accuracy
and reliability of the data which serves as the basis for each of the Company’s
results of operations and general rate case filings.

When was the December 2008 total Company financial data filed with the
Securities and Exchange Commission (“SEC”) and the Federal Energy
Regulatory Commission (“FERC”)?

The Company filed its 2008 10-K report with the SEC on February 27, 2009 and
the 2008 Form 1 with the FERC on March 31, 2009. Only once total Company

data is audited does it become available for analysis on an inter-jurisdictional

Supplemental Direct Testimony of R. Bryce Dalley



10

11

12

13

14

15

16

17

18

19

20

21

22

23

Exhibit PPL/705
Dalley/3

allocation basis. Because of the unique complexities the Company faces as a
multi-jurisdictional utility, additional time is necessary once total Company
financial data is finalized to ensure accurate state-allocated data. Due to these
complex steps, it is not possible for the Company to use the twelve-month period
ending December 2008 for filing a general rate case in early April 2009.

Why was an early April 2009 filing date necessary?

With a calendar year 2010 test period and a ten-month statutory period between
when a case is filed and the date rates become effective, any filing date after the
beginning of March 1 each year results in a mismatch between when rates are
effective and the beginning of the test year. An early April filing minimizes this
mismatch and more appropriately synchronizes the test periods used in both the
rate case and the Transition Adjustment Mechanism (“TAM”) proceedings. The
current TAM is based on an April 1* filing date.

Does the Company file annual Oregon financial reports with the
Commission?

Yes. Each year the Company prepares and files the Oregon Results of Operations
Report pursuant to OAR 860-027-0070(1).

When does the Company make this filing with the Commission each year?
The Company files this information at the end of April each year. The
Commission recognizes the time needed to prepare the historic report by granting
each year a one-month extension from the statutory deadline. This approximate
120-day period is necessary to appropriately and accurately reflect state-allocated

data on a historical basis. This historical data is then the basis to project a

Supplemental Direct Testimony of R. Bryce Dalley
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1 forecasted test period revenue requirement.

2 Q. Is the amount of time between the end of the historical period and the filing
3 date in this proceeding comparable to that in UE 179, the Company’s last

4 general rate case?

5 A Yes. Approximately 11 months separated the end of the historical period and the

6 filing date in Docket UE 179, whereas approximately nine months separate the

7 end of the June 2008 historical period used in this case and the April 2009 filing

8 date.

9 Q. Are there other factors that need to be considered in future proceedings as to
10 the historical period used in the Company’s general rate case filings?

11 A Yes. The TAM Stipulation and Agreement of the Parties on General Guidelines

12 filed recently in Docket UE 199 states:

13 “In all future TAM filings after UE 207 in a year in which the Company
14 files a general rate case, the TAM will be included in or processed

15 concurrently with the general rate case filing. In future filings after UE
16 207, the Company agrees that both filings will be made no later than

17 March 1 to allow for a January rate effective date.” Emphasis added.

18 If the Commission adopts this Stipulation, eight months will separate the end of
19 the June historic period and the filing date in future general rate case filings.

20  Request 6 — Compliance with Revised Protocol Order No. 05-021
21 Q. What is Request 6 in the Ruling on Supplemental Testimony?

22 A Request 6 states: “In PPL/700, Dalley/34, lines 13-18, witness Dalley indicates

23 that PacifiCorp relied on the Revised Protocol adopted by the Commission in
24 Order 05-021 to determine jurisdiction allocation in this docket. Please file
25 additional testimony explaining how the jurisdictional allocations in this docket

Supplemental Direct Testimony of R. Bryce Dalley
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comply with the Revised Protocol.”

Please explain how the jurisdictional allocation factors applied in this
proceeding comply with the Commission order approving the Revised
Protocol.

Each of the jurisdictional allocation factors included in this proceeding is
calculated in the same manner prescribed in the Revised Protocol approved by the
Commission in Order No. 05-021, pursuant to a joint-party Stipulation.
Specifically, Exhibit PPL/702, “Tab 2 - Results of Operations” applies allocation
factors to the revenue requirement components as outlined in Appendix B of the
Revised Protocol. In addition, the calculations of the allocation factors included
in this proceeding are consistent with the algebraic definitions approved by the
Commission shown in Appendix C of the Revised Protocol.

What exhibits have been filed with the Commission in this proceeding that
demonstrate compliance with Order No. 05-021?

Two main files have been provided as part of this filing to demonstrate the
Company’s compliance with Order No. 05-021. First, “Tab 11 — Allocation
Factors” in Exhibit PPL/702 shows the calculation and derivation of each Revised
Protocol factor included in the filing. An electronic version of this section of my
exhibit was provided with the Company’s workpapers. In addition, the
Company’s revenue requirement model, the Jurisdictional Allocation Model
(“JAM”), was provided as part of the Company’s workpapers. The “Factors”
worksheet within the model shows the linked formulas and inputs used in the

development of each of the allocation percentages. As noted above, the

Supplemental Direct Testimony of R. Bryce Dalley
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calculations in this section of the model were developed based on the algebraic
definitions set forth in Appendix C of the Revised Protocol.
Q. Have there been any changes to the allocation factor calculations since the
Commission issued Order No. 05-021?
A. No. In Order No. 05-021 the Commission stated:
“In this order, we ratify the Revised PacifiCorp Inter-Jurisdictional Cost
Allocation Protocol (Revised Protocol) for use in future rate cases to
determine how costs and wholesale revenues associated with PacifiCorp’s
generation, transmission, and distribution systems will be allocated among
its six-state service territory.”
Since this Order, the Company has used the approved factor calculations in each
of its Oregon rate-making and Results of Operations filings.
Request 7 — Changes in Key Assumptions Underlying the Revised Protocol
Q. What is Request 7 in the Ruling on Supplemental Testimony?
A. Request 7 requires the Company to identify any changes to the key assumptions
underlying the Revised Protocol and explain whether these changes were

considered in determining the jurisdictional allocation factors used in

PacifiCorp’s filing.

Q. Have there been any changes to the key assumptions underlying the Revised
Protocol?
A. No. There have been no changes to key assumptions to the Revised Protocol since

the Commission approved the allocation methodology in Order No. 05-021. Key
assumption changes would be addressed by the Multi-State Process (“MSP”)
standing committee, and potentially lead to proposed amendments to the Revised

Protocol. As stated in Order No. 05-021,

Supplemental Direct Testimony of R. Bryce Dalley
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“An MSP Standing Committee will be formed, consisting of one
member/delegate from each Commission. The MSP Standing Committee
will appoint a Standing Neutral to assist the Committee, facilitate
discussions among the states, and monitor issues. The Standing Neutral
will convene at least one meeting of the MSP Standing Committee each
calendar year to discuss inter-jurisdictional issues facing PacifiCorp and
its customers. While the MSP Committee may consider possible
amendments to the Revised Protocol, any amendments would only go into
effect after each Commission that previously ratified the Revised Protocol
also ratified the amendments.”

Any amendments to the methodology would need to be implemented consistent

with Section XIII of the Revised Protocol.

Request 8 — Forecast Loads Used For Jurisdictional Allocation Factors, Revenues,

and Net Power Costs

Q.

A.

What is Request 8 in the Ruling on Supplemental Testimony?

Request 8 states: “Please provide testimony explaining whether the forecast loads
used to derive the jurisdictional allocation factors are the same as the forecast
loads used to develop test year revenues and net power costs. If different, please
explain the differences.”

Please explain whether the forecast loads used to derive the jurisdictional
allocation factors are the same as the forecast loads used to develop test year
revenues and net power costs.

As explained on page 34 of my direct testimony, Exhibit PPL/700, the forecast
loads used in the calculation of allocation factors are consistent with the loads
used in the development of test period revenues and net power costs. By using
the same load forecast for each of these revenue requirement components, an
appropriate matching of revenues, expenses and rate base balances is achieved.

The load forecast applied in this case is described in detail in the supplemental

Supplemental Direct Testimony of R. Bryce Dalley
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direct testimony of Company witness Mr. Gregory N. Duvall.

Q. Although a consistent load forecast is used for jurisdictional allocation
factors, test year revenues, and net power costs, are there any differences in
the application of these loads?

A. Yes. Net power costs and jurisdictional allocation factors are developed using
forecasted loads at the system input level instead of the metered or sales level
used in the development of test period revenues. The differences between the
system input level and sales level are line losses. In addition, jurisdictional
allocation factors are adjusted for load curtailments consistent with the
Commission-approved Revised Protocol methodology.

Q. Does this conclude your supplemental direct testimony?

Yes.

Supplemental Direct Testimony of R. Bryce Dalley
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Please state your name.

My name is C. Craig Paice.

Are you the same C. Craig Paice who provided direct testimony in this case as
Exhibit PPL/900?

Yes, I am.

Purpose of Testimony

Q.

A.

What is the purpose of your supplemental direct testimony?

The purpose of my supplemental direct testimony is to respond to Request 22 from
the May 14, 2009 Ruling of the Administrative Law Judges on Supplemental
Testimony (“Ruling on Supplemental Testimony”), in which PacifiCorp was ordered
to file supplemental direct testimony.

What is asked in Request 22?

Request 22 states: Provide testimony explaining the data in PPL/907, Paice Tab 17.4,
including a discussion of how the customer load factors were derived.

What is addressed in your supplemental testimony?

I will describe the data presented in Exhibit PPL/907, Tab 17.4 and discuss how the

customer load factors were derived.

Request 22

Q.

A.

What data are presented in Exhibit PPL/907, Tab 17.4?

The data in Exhibit PPL/907, Tab 17.4 are 12 month average system, feeder and
transformer load factors.

What are customer load factors and how are they used?

Customer load factors are developed in order to estimate the customer class demands

Supplemental Direct Testimony of C. Craig Paice
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shown in the cost of service study, Exhibit PPL/907, Tab 2.3, Lines 5-7. Customer

class demands are used to calculate demand-related marginal costs.

Please explain the customer load factors used in the cost of service study and

how they were developed.

Exhibit PPL/909 contains a summary page showing the three types of load factors

used in the marginal cost of service study along with detailed data supporting their

development. These load factors are defined and described below.

e System (coincident) load factors are annual customer load factors based on
monthly estimated average demands for each of the twelve months of load data at
the time of monthly system peak. These factors are developed by dividing each
listed rate schedule’s annual average kWh by the respective rate schedule’s
annual average kW at the time of system peak multiplied by the average hours
(730) in a month.

e Feeder (jurisdictional) load factors are annual customer load factors based on
monthly estimated average demands for each of the twelve months of load data at
the time of monthly jurisdictional (i.e., Oregon) peak. These factors are

developed by dividing each listed Oregon rate schedule’s annual average kWh by

the respective rate schedule’s annual average kW at the time of jurisdictional peak

multiplied by the average hours (730) in a month. Jurisdictional demand provides
a good estimate of the feeder demand since the proportional mix of customers by
load size group is the same for an average feeder as it is for the jurisdiction.

e Transformer (Individual Customer Maximum Demand or “ICMD”) load factors

are annual customer load factors based on the average of the highest estimated

Supplemental Direct Testimony of C. Craig Paice
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non-coincident peak (NCP) values for each listed rate schedule for each of the
twelve months of load data. These factors are developed by dividing each listed
rate schedule’s annual average kWh by the rate schedule’s annual average
maximum kW multiplied by average hours (730) in a month. To recognize
transformer diversity, the average transformer load factor for each rate schedule is
divided by the appropriate coincidence factor for that rate schedule’s average
number of customers per transformer. These calculations are illustrated in the
electronic version of the cost of service model (see tab “Cust Data 47).
Coincidence factors are taken from PacifiCorp’s Distribution Construction
Standards handbook.

Q. Are you providing additional data to support your supplemental testimony?
Yes. In addition to Exhibit PPL/909 described above, Exhibit PPL/910 contains
PacifiCorp’s Distribution Construction Standards Handbook, Standard DA 411
(“Handbook™). Page 3, Table 5 of the Handbook shows coincidence factor values
used in the cost of service study to adjust transformer load factors for Schedules 4 and
23 (0-15 kW and 15+ kW) to recognize load diversity. Coincidence factors are
selected according to the number of Oregon customers per transformer. Exhibit
PPL/911 contains Oregon customer per transformer data and shows Schedules 4 and
23 as the only schedules having more than one customer per transformer.

Q. Does this conclude your supplemental direct testimony?

Yes.

Supplemental Direct Testimony of C. Craig Paice
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PacifiCorp

2009 Oregon Price Filing

Average Customer Loads

RESD 004
System Peak
Date/Time (actual) RESD 004
Jan 22, 2010 @ 08:00 3.142
Feb 04, 2010 @ 08:00 2.685
Mar 30, 2010 @ 08:00 2.561
Apr 01, 2010 @ 08:00 2.152
May 19, 2010 @ 15:00 0.954
Jun 24, 2010 @ 15:00 1.163
Jul 19, 2010 @ 16:00 1.292
Aug 26, 2010 @ 16:00 0.982
Sep 09, 2010 @ 16:00 0.969
Oct 29, 2010 @ 08:00 2.278
Nov 24, 2010 @ 18:00 2.015
Dec 15, 2010 @ 18:00 2.902

Annual Average 1.925
Jurisdictional Peak

Date/Time RESD 004

Jan 28, 2010 @ 09:00 3.763
Feb 09, 2010 @ 08:00 3.444
Mar 10, 2010 @ 08:00 2.95
Apr 06, 2010 @ 07:00 3.353
May 05, 2010 @ 08:00 2.639
Jun 09, 2010 @ 08:00 2.02
Jul 13, 2010 @ 18:00 2.103
Aug 05, 2010 @ 18:00 1.751
Sep 02, 2010 @ 18:00 1.719
Oct 29, 2010 @ 08:00 2.278
Nov 29, 2010 @ 08:00 2.701
Dec 16, 2010 @ 08:00 3.139

Annual Average 2.655
Class Peak

Date/Time RESD 004

Jan 26, 2010 @ 07:00 3.981
Feb 13, 2010 @ 09:00 3.644
Mar 27, 2010 @ 08:00 3.153
Apr 03, 2010 @ 08:00 3.466
May 05, 2010 @ 08:00 2.639
Jun 09, 2010 @ 08:00 2.02
Jul 13, 2010 @ 18:00 2.103
Aug 05, 2010 @ 18:00 1.751
Sep 02, 2010 @ 20:00 1.817
Oct 30, 2010 @ 09:00 2.713
Nov 25, 2010 @ 10:00 3.094
Dec 12, 2010 @ 10:00 3.452

Annual Average 2.819

Exhibit PPL/909
Paice/2



Exhibit PPL/909

Paice/3
ICMD Peak
Date/Time RESD 004
Jul-07 5.540
Aug-07 5.640
Sep-07 6.340
Oct-07 7.030
Nov-07 8.370
Dec-07 9.100
Jan-08 9.000
Feb-08 8.560
Mar-08 8.350
Apr-08 8.400
May-08 6.800
Jun-08 6.340
Annual Average 7.456
kWh
Date/Time RESD 004
Jul-07 805.0
Aug-07 724.0
Sep-07 740.0
Oct-07 957.0
Nov-07 1,157.0
Dec-07 1,546.0
Jan-08 1,778.0
Feb-08 1,318.0
Mar-08 1,326.0
Apr-08 1,149.0
May-08 928.0
Jun-08 848.0
Annual Average 1,106.3
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PacifiCorp

2009 Oregon Price Filing

Average Customer Loads

GNSV 023
System Peak
Date/Time (actual) 0 - 15 kW GT 15 kW Primary
Jan 22, 2010 @ 08:00 1.589 17.435 8.321
Feb 04, 2010 @ 08:00 1.531 18.175 8.602
Mar 30, 2010 @ 08:00 1.247 16.75 7.833
Apr 01, 2010 @ 08:00 1.107 16.462 7.630
May 19, 2010 @ 15:00 1.664 16.432 7.938
Jun 24, 2010 @ 15:00 1.22 16.882 7.874
Jul 19, 2010 @ 16:00 1.426 16.765 7.942
Aug 26, 2010 @ 16:00 1.098 16.992 7.850
Sep 09, 2010 @ 16:00 1.097 17.287 7.975
Oct 29, 2010 @ 08:00 1.32 14.891 7.085
Nov 24, 2010 @ 18:00 1.525 15.112 7.297
Dec 15, 2010 @ 18:00 1.86 16.313 8.000

Annual Average 1.390 16.625 7.862
Jurisdictional Peak

Date/Time 0 - 15 kW GT 15 kW Primary

Jan 28, 2010 @ 09:00 1.362 21.097 9.746
Feb 09, 2010 @ 08:00 2.218 18.178 8.998
Mar 10, 2010 @ 08:00 1.155 17.944 8.287
Apr 06, 2010 @ 07:00 1.138 16.79 7.787
May 05, 2010 @ 08:00 1.201 14.841 6.996
Jun 09, 2010 @ 08:00 1.162 13.134 6.248
Jul 13, 2010 @ 18:00 1.363 17.365 8.161
Aug 05, 2010 @ 18:00 1.237 16.263 7.620
Sep 02, 2010 @ 18:00 1.281 16.791 7.870
Oct 29, 2010 @ 08:00 1.32 14.891 7.085
Nov 29, 2010 @ 08:00 1.348 15.957 7.554
Dec 16, 2010 @ 08:00 1.634 16.673 8.023

Annual Average 1.368 16.660 7.865
Class Peak

Date/Time 0 - 15 kW GT 15 kW Primary

Jan 28, 2010 @ 11:00 1.549 21.085 9.848
Feb 09, 2010 @ 11:00 1.467 21.142 9.825
Mar 02, 2010 @ 11:00 1.711 18.652 8.908
Apr 21, 2010 @ 11:00 1.337 18.39 8.582
May 24, 2010 @ 14:00 1.356 21.189 9.782
Jun 24, 2010 @ 14:00 1.18 16.357 7.628
Jul 13, 2010 @ 14:00 1.345 19.797 9.184
Aug 05, 2010 @ 14:00 1.235 19.823 9.132
Sep 02, 2010 @ 15:00 1.478 20.065 9.374
Oct 26, 2010 @ 14:00 1.393 17.659 8.303
Nov 29, 2010 @ 11:00 1.517 18.657 8.798
Dec 14, 2010 @ 11:00 1.512 21.264 9.903
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Annual Average 1.423 19.507 9.106
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ICMD Peak
Date/Time 0 - 15 kw GT 15 kW Primary
Jul-07 4.515 29.342 15.062
Aug-07 4.603 30.825 15.743
Sep-07 4.873 31.912 16.360
Oct-07 4.517 30.208 15.431
Nov-07 4.703 32.218 16.392
Dec-07 5.009 33.956 17.306
Jan-08 5.085 32.551 16.753
Feb-08 5.068 32.904 16.893
Mar-08 5.482 34.257 17.706
Apr-08 5.515 32.006 16.769
May-08 5.213 30.815 16.089
Jun-08 5.603 31.756 16.713
Annual Average 5.016 31.896 16.435
kwh
Date/Time 0 - 15 kW GT 15 kW Primary
Jul-07 831.0 8,770.0 4,203.672
Aug-07 786.0 9,158.0 4,342.621
Sep-07 761.0 8,282.0 3,956.096
Oct-07 874.0 8,847.0 4,261.116
Nov-07 901.0 8,898.0 4,298.312
Dec-07 1,052.0 9,543.0 4,659.175
Jan-08 1,142.0 10,144.0 4,966.260
Feb-08 950.0 9,351.0 4,518.941
Mar-08 940.0 9,389.0 4,529.332
Apr-08 883.0 8,795.0 4,244 .202
May-08 823.0 8,443.0 4,060.154
Jun-08 825.0 8,210.0 3,962.320
Annual Average 897.3 8,985.8 4,333.5




System Peak

PacifiCorp
2009 Oregon Price Filing
Average Customer Loads
GNSV 028

Date/Time (actual) 0 - 50 kiW 51 - 100 kW GT 100 kW Primary
Jan 22, 2010 @ 08:00 14.893 55.238 96.369 65.357
Feb 04, 2010 @ 08:00 15.333 49.900 91.149 61.305
Mar 30, 2010 @ 08:00 15.202 49.150 79.899 55.908
Apr 01, 2010 @ 08:00 14.607 48.025 81.494 56.134
May 19, 2010 @ 15:00 18.214 52.563 93.423 63.837
Jun 24, 2010 @ 15:00 17.167 47.663 82.446 56.993
Jul 19, 2010 @ 16:00 16.452 56.488 105.923 70.452
Aug 26, 2010 @ 16:00 13.810 53.925 93.869 63.553
Sep 09, 2010 @ 16:00 13.643 55.400 106.863 69.921
Oct 29, 2010 @ 08:00 15.655 52.963 96.411 64.784
Nov 24, 2010 @ 18:00 10.107 39.500 80.964 52.105
Dec 15, 2010 @ 18:00 14.607 47.950 85.994 58.157
Annual Average 14.974 50.730 91.234 61.542
Jurisdictional Peak
Date/Time 0 - 50 kW 51 - 100 kW GT 100 kW Primary
Jan 28, 2010 @ 09:00 22.095 58.838 103.399 71.286
Feb 09, 2010 @ 08:00 15.738 52.950 91.619 62.617
Mar 10, 2010 @ 08:00 17.702 49.300 85.315 58.956
Apr 06, 2010 @ 07:00 13.464 48.725 84.202 57.355
May 05, 2010 @ 08:00 13.595 44613 76.054 52.310
Jun 09, 2010 @ 08:00 12.917 39.175 67.381 46.415
Jul 13, 2010 @ 18:00 18.036 46.638 100.345 64.983
Aug 05, 2010 @ 18:00 15.143 47.313 96.565 62.871
Sep 02, 2010 @ 18:00 13.345 51.850 99.649 65.396
Oct 29, 2010 @ 08:00 15.655 52.963 96.411 64.784
Nov 29, 2010 @ 08:00 16.702 53.338 101.268 67.342
Dec 16, 2010 @ 08:00 14.000 55.588 98.173 66.104
Annual Average 15.699 50.107 91.698 61.702
Class Peak
Date/Time 0 - 50 kW 51 - 100 kW GT 100 kW Primary
Jan 28, 2010 @ 11:00 22.16666667 59.725 103.7916667 71.774
Feb 09, 2010 @ 11:00 17.53571429 59.4 99.13690476 68.561
Mar 02, 2010 @ 11:00 20.5952381 55.975 83.07142857 60.766
Apr 21, 2010 @ 11:00 17.96428571 55.9375 81.91071429 59.664
May 24, 2010 @ 14:00 16.85714286 59.8625 102.1904762 69.960
Jun 24, 2010 @ 14:00 17.03571429 47.3 88.23214286 59.478
Jul 13, 2010 @ 14:00 17.94047619 58.85 111.1785714 73.945
Aug 05, 2010 @ 14:00 21.89285714 55.575 106.4940476 71.569
Sep 02, 2010 @ 15:00 16.42857143 65.4125 109.1547619 74.879
Oct 26, 2010 @ 14:00 19.82142857 55.1125 103.8869048 69.788
Nov 29, 2010 @ 11:00 21.60714286 58.95 108.4940476 73.538
Dec 14, 2010 @ 11:00 22.40476191 60.0125  105.327381 72.619
Annual Average 19.354 57.676 100.239 68.878
ICMD Peak
Date/Time 0 - 50 kW 51 - 100 kW GT 100 kW Primary
Jul-07 26.799 67.032 116.749 81.083
Aug-07 25.069 64.581 110.678 77.138
Sep-07 22.122 62.143 120.475 80.159
oct-07 21.793 60.995 121.520 80.184
Nov-07 21.425 55.323 101.021 68.895
Dec-07 21.019 55.579 101.218 68.983
Jan-08 21.279 58.326 112.758 75.202
Feb-08 20.661 60.032 111.175 74.915
Mar-08 20.904 58.686 118.054 77.651
Apr-08 22.747 64.275 124.197 82.694
May-08 23.425 62.089 127.721 83.717
Jun-08 25.201 62.900 116.883 79.432
Annual Average 22.704 60.997 115.204 77.504
kWh
Date/Time 0 - 50 kW 51 - 100 kW GT 100 kW Primary
Jul-07 8,491.3 25,587.8 50,852.2 33,441.590
Aug-07 8,041.9 24,800.5 50,937.0 33,123.171
Sep-07 7,758.8 23,723.9 52,496.6 33,415.398
oct-07 8,696.1 27,969.6 56,251.9 36,732.756
Nov-07 8,903.4 26,353.1 56,249.2 36,239.448
Dec-07 9,542.1 26,570.7 54,260.5 35,542.751
Jan-08 9,748.8 27,899.7 53,888.4 35,858.377
Feb-08 8,778.6 26,236.2 46,466.0 31,721.814
Mar-08 8,294.0 27,049.5 46,911.3 32,091.009
Apr-08 7,968.1 24,875.9 45,738.1 30,766.487
May-08 7,670.2 22,784.3 44,077.8 29,253.479
Jun-08 7,991.1 22,468.6 43,562.8 28,982.747
Annual Average 8,490.4 25,526.7 50,141.0 33,097.4
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PacifiCorp

2009 Oregon Price Filing

Average Customer Loads

GNSV 030

System Peak
Date/Time (actual) 0 - 300 kW GT 300 kW Primary
Jan 22, 2010 @ 08:00 145.878 363.310 328.406
Feb 04, 2010 @ 08:00 138.639 397.106 355.615
Mar 30, 2010 @ 08:00 145.506 401.456 360.368
Apr 01, 2010 @ 08:00 153.994 384.845 347.787
May 19, 2010 @ 15:00 160.456 427.766 384.855
Jun 24, 2010 @ 15:00 157.194 430.169 386.349
Jul 19, 2010 @ 16:00 154.383 425.574 382.040
Aug 26, 2010 @ 16:00 150.756 410.523 368.823
Sep 09, 2010 @ 16:00 149.200 403.887 363.002
Oct 29, 2010 @ 08:00 145.800 354.581 321.066
Nov 24, 2010 @ 18:00 110.972 328.472 293.557
Dec 15, 2010 @ 18:00 115.122 328.481 294.231

Annual Average 143.992 388.014 348.842
Jurisdictional Peak

Date/Time 200 - 300 kW GT 300 kW Primary
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Jan 28, 2010 @ 09:00 164.583 417 .537 376.931
Feb 09, 2010 @ 08:00 155.767 413.648 372.251
Mar 10, 2010 @ 08:00 142.211 378.308 340.407
Apr 06, 2010 @ 07:00 142.767 386.993 347.788
May 05, 2010 @ 08:00 132.511 388.486 347.395
Jun 09, 2010 @ 08:00 128.422 399.975 356.382
Jul 13, 2010 @ 18:00 142.106 417.863 373.596
Aug 05, 2010 @ 18:00 142.472 406.829 364.392
Sep 02, 2010 @ 18:00 136.772 375.741 337.379
Oct 29, 2010 @ 08:00 145.800 354.581 321.066
Nov 29, 2010 @ 08:00 150.150 397.340 357.659
Dec 16, 2010 @ 08:00 153.967 401.419 361.696
Annual Average 144.794 394.893 354.745
Class Peak
Date/Time 200 - 300 kW GT 300 kW Primary
Jan 28, 2010 @ 11:00 166.417 422.525 381.413
Feb 09, 2010 @ 11:00 169.689 422.426 381.854
Mar 02, 2010 @ 11:00 155.661 405.940 365.763
Apr 21, 2010 @ 11:00 154.000 412.449 370.960
May 24, 2010 @ 14:00 175.628 458.898 413.425
Jun 24, 2010 @ 14:00 152.383 452.618 404 .422
Jul 13, 2010 @ 14:00 187.644 491.025 442.324
Aug 05, 2010 @ 14:00 187.289 467.324 422.370
Sep 02, 2010 @ 15:00 173.417 439.301 396.619
Oct 26, 2010 @ 14:00 166.056 422.771 381.561
Nov 29, 2010 @ 11:00 171.289 419.873 379.968
Dec 14, 2010 @ 11:00 164.878 421.669 380.446
Annual Average 168.696 436.402 393.427
ICMD Peak
Date/Time 200 - 300 kW GT 300 kW Primary
Jul-07 169.023 429.523 387.705
Aug-07 164.589 428.529 386.159
Sep-07 157.695 405.366 365.607
Oct-07 166.873 433.408 390.622
Nov-07 168.318 437.338 394.152
Dec-07 168.816 454.660 408.773
Jan-08 181.812 471.632 425.108
Feb-08 184.991 456.724 413.103
Mar-08 173.213 431.054 389.663
Apr-08 174.910 437.076 394.991
May-08 171.168 421.069 380.952
Jun-08 157.528 395.346 357.169
Annual Average 169.911 433.477 391.167
kWh
Date/Time 200 - 300 kW GT 300 kW Primary
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Jul-07 88,062.4 246,704.8 221,238.029
Aug-07 86,137.5 238,778.5 214,275.115
Sep-07 78,885.4 213,404.8 191,810.520
Oct-07 83,038.2 219,683.7 197,748.097
Nov-07 80,366.7 210,542.2 189,645.253
Dec-07 79,530.2 206,889.9 186,444 .952
Jan-08 83,335.1 221,293.8 199,147 .424
Feb-08 75,308.9 204,563.2 183,814.135
Mar-08 78,220.2 207,731.3 186,940.957
Apr-08 76,855.7 210,407.0 188,968.137
May-08 78,463.5 218,247.7 195,808.238
Jun-08 75,716 .0 220,921.1 197,611.428
Annual Average 80,326.6 218,264.0 196,121.0
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Average Customer Loads
LGSV 048

System Peak
Date/Time (actual) Sec LT 4 MW Pri LT 4 ME Sec GT 4 MW Pri GT 4 MW Trans.
Jan 22, 2010 @ 08:00 791.748 1079.156 1199.375 4197.007 17577.625
Feb 04, 2010 @ 08:00 807.057 1172.964 1185.250 4163.051 19651.250
Mar 30, 2010 @ 08:00 798.929 1083.634 2542.750 4518.684 19336.875
Apr 01, 2010 @ 08:00 770.868 1112.710 2709.500 4446.088 17243.750
May 19, 2010 @ 15:00 824.083 1202.161 4307.750 5047.566 20591.125
Jun 24, 2010 @ 15:00 825.717 1168.433 6881.250 4838.206 20718.625
Jul 19, 2010 @ 16:00 837.073 1208.080 7437.750 5526.640 26361.250
Aug 26, 2010 @ 16:00 854.750 1230.067 7137.125 5531.096 19363.500
Sep 09, 2010 @ 16:00 808.421 1156.933 6574.875 5140.956 18723.250
Oct 29, 2010 @ 08:00 786.167 1015.170 1261.625 4187.566 19999.625
Nov 24, 2010 @ 18:00 618.512 880.129 1247.625 3738.309 27064.875
Dec 15, 2010 @ 18:00 718.220 1013.174 1157.500 4152.397 19083.500

Annual Average 786.795 1,110.218 3,636.865 4,623.964 20,476.271
Jurisdictional Peak

Date/Time Sec LT 4 MW Pri LT 4 MW Sec GT 4 MW Pri GT 4 MW Trans.

Jan 28, 2010 @ 09:00 850.2 1232.3 1187.5 4618.8 21536.3
Feb 09, 2010 @ 08:00 803.4 1126.8 1185.9 4399.6 19649.6
Mar 10, 2010 @ 08:00 768.7 1142.8 1930.5 4439.8 18612.9
Apr 06, 2010 @ 07:00 788.8 1106.4 2685.6 4746.5 19317.0
May 05, 2010 @ 08:00 795.3 1152.7 3641.3 4996.7 20120.9
Jun 09, 2010 @ 08:00 778.0 1176.4 5318.0 4441.4 17435.4
Jul 13, 2010 @ 18:00 801.3 1155.0 7325.9 5232.4 21090.6
Aug 05, 2010 @ 18:00 790.6 1101.0 7041.8 5286.4 25516.5
Sep 02, 2010 @ 18:00 786.8 1163.2 7212.5 5101.9 17884.9
Oct 29, 2010 @ 08:00 786.2 1015.2 1261.6 4187.6 19999.6
Nov 29, 2010 @ 08:00 807.1 1179.7 1179.1 3808.9 18760.9
Dec 16, 2010 @ 08:00 849.7 1178.3 1196.6 4328.9 19333.8

Annual Average 800.504 1,144.132 3,430.521 4,632.415 19,938.188
Class Peak

Date/Time Sec LT 4 MW Pri LT 4 ME Sec GT 4 MW Pri GT 4 MW Trans.

Jan 28, 2010 @ 11:00 855.1 12421 1219.8 4567.5 22400.8
Feb 09, 2010 @ 11:00 822.9 1141.6 1225.0 4525.6 19473.5
Mar 02, 2010 @ 11:00 782.1 1020.5 1201.6 4478.2 19079.0
Apr 21, 2010 @ 11:00 851.6 1159.6 3812.9 4937.9 20300.6
May 24, 2010 @ 14:00 861.4 1231.9 5202.4 4894.5 20471.4
Jun 24, 2010 @ 14:00 832.7 1243.2 6801.3 5262.8 20432.4
Jul 13, 2010 @ 14:00 942.5 1313.7 7428.3 5617.6 20936.1
Aug 05, 2010 @ 14:00 926.7 1224 .6 7267 .4 5501.9 26206.5
Sep 02, 2010 @ 15:00 914.3 1288.1 7249.9 5413.7 19076.3
Oct 26, 2010 @ 14:00 853.1 1154.6 1565.5 4663.3 19560.6
Nov 29, 2010 @ 11:00 833.4 1203.9 12221 4087.5 18352.5
Dec 14, 2010 @ 11:00 849.7 1161.5 1223.9 4386.5 18920.8

Annual Average 860.462 1,198.770 3,784.990 4,861.423 20,434.198
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ICMD Peak
Date/Time Sec LT 4 MW Pri LT 4 ME Sec GT 4 MW Pri GT 4 MW Trans.
Jul-07 1,268.917 1,687.836 7,966.000 6,852.147 27,933.500
Aug-07 1,252.167 1,728.407 7,372.500 7,085.559 28,099.000
Sep-07 1,200.248 1,669.909 7,288.000 6,838.882 27,138.000
Oct-07 1,153.901 1,637.236 2,635.000 6,375.618 26,871.500
Nov-07 1,162.917 1,580.636 3,082.000 5,988.313 27,468.000
Dec-07 1,148.256 1,564.473 2,957.000 5,960.633 27,417.500
Jan-08 1,171.139 1,599.255 2,922.000 6,051.700 27,812.500
Feb-08 1,148.885 1,577.109 3,314.000 6,003.452 27,986.500
Mar-08 1,117.244 1,552.661 3,397.000 6,499.912 25,255.000
Apr-08 1,147.911 1,559.357 4,705.000 6,115.941 27,200.500
May-08 1,183.935 1,640.232 6,685.000 6,358.353 27,711.500
Jun-08 1,162.545 1,659.839 7,700.500 6,356.909 27,435.500
Annual Average 1,176.505 1,621.413 5,002.000 6,373.952 27,360.750
kWh
Date/Time Sec LT 4 MW Pri LT 4 ME Sec GT 4 MW Pri GT 4 MW Trans.
Jul-07 483,363.8 729,403 .2 5,025,838.5 3,517,773.1 17,534,068.5
Aug-07 496,928.2 731,375.0 4,952,723.3 3,563,799.5| 15,824,713.4
Sep-07 439,666.3 666,446.6 3,546,133.0 3,006,589.6 14,129,434.9
Oct-07 453,061.1 686,149.2 1,073,767.4 2,992,879.6| 14,297,914.0
Nov-07 427,536.8 634,660.5 844,159.0 2,649,627.7 13,782,892.4
Dec-07 414,317.6 614,354.9 836,097.8 2,448,799.1| 14,594,775.8
Jan-08 460,766.9 691,611.5 830,991.9 2,750,274.0 14,864,978.1
Feb-08 406,523.1 635,316.8 797,834.6 2,587,711.5| 14,657,764.9
Mar-08 405,020.5 645,368.2 1,734,006.4 2,892,632.5 14,293,494.0
Apr-08 411,649.9 637,304.6 2,463,923.0 2,981,911.2 13,638,681.4
May-08 422,051.9 647,979.6 3,052,012.3 2,984,580.1 15,381,015.5
Jun-08 422,110.1 656,540.7 4,338,584.9 2,968,958.3 15,176,484.3
Annual Average 436,916.4 664,709.2 2,458,006.0 2,945,461.3 14,848,018.1
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History Period: 12 Months Ended December 31, 2010
a b c d e
Monthly Monthly Monthly Monthly Est. Class
ICMD kWh ICMD Est. Class Coin. Peak
Total Total Max. LF Coin. LF kW Total
Secondary (cust acct) (cust acct) b/HrsMo/a .50+c/2 b/HrsMo/d
Jul-07 97,809 29,688,204 40.80% 70.40% 56,682
Aug-07 93,862 28,491,847 40.80% 70.40% 54,397
Sep-07 90,825 22,374,970 34.22% 67.11% 46,308
Oct-07 58,522 9,297,233 21.35% 60.68% 20,595
Nov-07 15,010 2,093,223 19.37% 59.68% 4,871
Dec-07 2,980 521,520 23.52% 61.76% 1,135
Jan-08 2,650 338,520 17.17% 58.58% 777
Feb-08 3,092 354,063 16.45% 58.23% 874
Mar-08 3,806 354,144 12.51% 56.25% 846
Apr-08 19,669 3,605,352 25.46% 62.73% 7,983
May-08 71,354 13,442,413 25.32% 62.66% 28,834
Jun-08 88,851 18,177,581 28.41% 64.21% 39,321
Average 45,703 10,728,256 21,885
a b c d e
Monthly Monthly Monthly Monthly Est. Class
ICMD kWh ICMD Est. Class Coin. Peak
Total Total Max. LF Coin. LF kW Total
Primary (cust acct) (cust acct) b/HrsMo/a .50+c/2 b/HrsMo/d
Jul-07 0 0 #DIV/0! #DIV/0! #DIV/0!
Aug-07 0 0 #DIV/0! #DIV/0! #DIV/0!
Sep-07 0 0 #DIV/0! #DIV/0! #DIV/0!
Oct-07 0 0 #DIV/0! #DIV/0! #DIV/0!
Nov-07 0 0 #DIV/0! #DIV/0! #DIV/0!
Dec-07 0 0 #DIV/0! #DIV/0! #DIV/0!
Jan-08 0 0 #DIV/0! #DIV/0! #DIV/0!
Feb-08 0 0 #DIV/0! #DIV/0! #DIV/0!
Mar-08 0 0 #DIV/0! #DIV/0! #DIV/0!
Apr-08 0 0 #DIV/0! #DIV/0! #DIV/0!
May-08 0 0 #DIV/0! #DIV/0! #DIV/0!
Jun-08 0 0 #DIV/0! #DIV/0! #DIV/0!
Average 0 0 #DIV/0!
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a b c d e
Monthly Monthly Monthly Monthly Est. Class
ICMD kWh ICMD Est. Class Coin. Peak

Total Total Max. LF Coin. LF kW Total

Total (cust acct) (cust acct) b/HrsMo/a .50+c/2 b/HrsMo/d
Jul-07 97,809 29,688,204 40.80% 70.40% 56,682
Aug-07 93,862 28,491,847 40.80% 70.40% 54,397
Sep-07 90,825 22,374,970 34.22% 67.11% 46,308
Oct-07 58,522 9,297,233 21.35% 60.68% 20,595
Nov-07 15,010 2,093,223 19.37% 59.68% 4,871
Dec-07 2,980 521,520 23.52% 61.76% 1,135
Jan-08 2,650 338,520 17.17% 58.58% 777
Feb-08 3,092 354,063 16.45% 58.23% 874
Mar-08 3,806 354,144 12.51% 56.25% 846
Apr-08 19,669 3,605,352 25.46% 62.73% 7,983
May-08 71,354 13,442,413 25.32% 62.66% 28,834
Jun-08 88,851 18,177,581 28.41% 64.21% 39,321
Average 45,703 10,728,256 21,885
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STREET LIGHTING LOAD FACTORS

Oregon Price Filing - 12 Months Ending December 2010 Test Year

ASSUMPTIONS
1. Street light are on 3,940 hours each year.

2. System 12 CP - all monthly system peaks occur during daylight hours
when street lights are off except for the months of November
and December.

3. Class 12 CP - all street lights are on at monthly class coincident
peaks.

4. Winter system is calculated based on the hours ending 09:00, 10:00
and 19:00 PST. All street lights are off during the daylight hours (09:00
and 10:00) and on during the evening hours.

12 MONTH SYSTEM COINCIDENT PEAK LOAD FACTOR

kWh/8760
12CPLF =  -memmmmememeee = infinity

12 MONTH JURISDICTIONAL COINCIDENT PEAK LOAD FACTOR

Same as 12CPLF above (Oregon jurisdictional peaks
coincide with system peaks).

12 MONTH CLASS COINCIDENT PEAK LOAD FACTOR

KWh/8760 KW*3940/8760 3940
(Poll = I e —— e — e ——
kW kW 8760
= 44.977%

WINTER SYSTEM DIVERSIFIED LOAD FACTOR

kWh/8760 kW*3940/8760 3*3940
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12CLPLF = —mmeemmmeeem- =
(0+0+kW) kW/3 8760

= 134.932%
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DA 411

General—Residential Electrical Demand

A. Scope

This guideline provides information regarding residential electrical demand calculations.
Covered are customer class, load factor, peak demand, coincidence factor, and
energy-to-demand conversion.

B. General

When actual values are not available, residential energy and demand information can
be estimated using the following guidelines. These guidelines are to be used through-
out the PacifiCorp System.Transformers must be sized to handle the worst case of both
winter and summer loads.

C. Customer Group and Load Factor

Residential customers are categorized into four classes according to connected
electrical load. The residential classes and electrical loads are defined below:

1. Class | includes LM
2. Class Il includes LMRD
3. Class Il includes LMRDW
4. Class IV includes LMRDWH/AIR
Where:
L = lights
M = miscellaneous, including small appliances
R = electric range
D = electric dryer
W = electric water heater
H/HP/AC = electric heat / heat pump / air conditioner

Table 1 relates residential customer class to annual load factor, based on past field
tests. The annual load factor is defined as the ratio of the average load divided by the
peak load over the time period of a year.

Table 1—Annual Load Factor

Single Family Multiple Family

Load Factor Frame House Unit Mobile Home
48.1% Class | — —
40.4% Class Il non-electric heat —
40.1% Class Il — —
29.0% Class IV electric heat electric heat

Constiuction Swandard W% PACIFICORP

© 2008 by PacifiCorp. Al rights reserved. GeneraI—Residential A MIDAMERICAN ENERGY HOLDINGS COMPANY
Engineer (E. Maleki): & E#7 Electrical Demand DA 411

17 Feb 09
Standards Manager (G. Lyons): % Page 1 of 8
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D. Demand Usage

Good judgment should be exercised when using the peak demand tables. The
following are examples of items which can vary greatly, and may require adjustment of

peak demand values from tables

1. Type of Construction
insulation
Location

elevation
prevailing winds

duplicate major appliances
hot tub

sauna

etc.

Table 2—Peak Demand for Single Family Frame Houses (kW)

Unusual Connected Electrical Loads

Class | Class i
winter winter summer winter winter summer
Size of House LM LM+HP LM+AC/HP LMRD LMRD+HP LMRD+AC/HP
< 1300 sq. ft. 3 8 5 5 13 8
1300-2000 sq. ft. 5 10 7 7 17 10
2001-3500 sq. ft. 7 13 10 10 20 13
3501-4500 sq. ft. — — — — — —
Class lll Class IV
winter winter summer summer
Size of House LMRDW LMRDW+HP LMRDW+AC/HP LMRDW+AC/HP
< 1300 sq. ft. 8 13 13 13
1300-2000 sq. ft. 10 17 17 17
2001-3500 sq. ft. 13 20 20 20
3501-4500 sq. ft. — — — 22
Table 3—Peak Demand per Unit for Multiple Family Units (kW)
Size of Apartment Non-Electric Heat Electric Heat
< 800 sq. ft. 4 10
800-1000 sq. ft. 5 13
1001-1400 sq. ft. 9 17
Distribution

PACIFICORP

A MIDAMERICAN ENERGY HOLDINGS COMPANY

S

DA 411
Page 2 of 8

17 Feb 09

General—Residential
Electrical Demand

Construction Standard
© 2008 by PacifiCorp. All rights reserved.

Engineer (E. Maleki): ﬂfﬂ
Standards Manager (G. Lyons): %
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Table 4—Peak Demand for Mobile Homes with
Electric Heat (kW)

Size of Mobile Home Peak Demand
Single-Wide 13
Double-Wide 17
Triple-Wide 25

E. Coincidence Factor

The coincidence factor pertains to the total demand, at any one time, of customers
served by a single transformer or set of conductors. Since all of the customers general-
ly don’t reach peak load at the same moment, the total load on the cables or transform-
er is generally less than the sum of the individual peak loads. The coincidental peak
demand is determined by adding up the individual peak demands and multiplying by a
coincidence factor less than or equal to 1. The coincidence factor is related to the
number of customers, and is shown in Table 5:

Table 5—Coincidence Factor
Number Of Customers 1 2 3 4 5 6 7 8 9 10 11 or more

CF for Summer Loads | 1.0 90 86 .82 .78 .76 .74 .72 .71 .70 .70
CF for Winter Loads 10 77 70 67 64 62 .60 .59 .58 57 .56
F. Transformer Facility Design and Loading Guidelines—

Single Family Residential

Table 6 lists the maximum loads for single-family dwellings. When designing facilities to
serve single-family residences, care must be taken to load transformers as close to
these values as possible. Each transformer must be sized for all homes/lots it is
designed to serve. It is not necessary to reserve transformer capacity for load growth
within the homes unless unusual circumstances exist. Table 6 applies to both pole-
mounted and pad-mounted transformers.

After determining the load requirements from Table 2 and Table 5, choose the appropri-
ate transformer size listed in Table 6. Select the value for summer if the loads are
expected to peak in summer. Select the value for winter if the loads are expected to
peak in winter. Check the overall design for appropriate voltage levels and flicker
constraints. Consult your engineer if you have questions.

The loading limits shown in Table 6 are based on 130 percent of nameplate for summer [}
loads and 180 percent of nameplate for winter loads.

In areas with conditions requiring more conservative transformer loadings, use Table 7
when designing facilities. Use Table 6 when evaluating whether transformers already in
service should be replaced. Table 7 is based on 100 percent of nameplate for summer
loads and 150 percent of nameplate for winter loads.

Both tables apply to residential application with kW at .95 power factor.
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Table 6 —Standard Transformer Loading Guidelines
130 Percent Summer Loading, 180 Percent Winter Loading
Ambient Transformer Size
Temp.*
(°C/°F) 25 kVA 50 kVA 75 kVA 100 kVA
0/32 0-48 49-96 97-144 145-193
Winter 10/50 0-46 47-91 92-137 138-182
20/68 0-42 43-85 86-127 128-170
20/68 0-37 38-75 76-113 114-151
Summer 30/86 0-35 36-69 70-104 105-139
40/104 0-31 32-64 65-95 96-128

*Ambient temperature is the mean average temperature during the peak loading
season +5 degrees C (or +9 degrees F) as a safety margin.

Table 7 —Conservative Transformer Loading Guidelines
100 Percent Summer Loading, 150 Percent Winter Loading

Transformer 25 kVA 50 kVA 75 kVA 100 kVA
Size

Winter 0-37.5 38-75 76-112.5 113-150

Summer 0-25 26-50 51-75 76-100

% PACIFICORP Constiuction Swandard

A MIDAMERICAN ENERGY HOLDINGS COMPANY GeneraI_ReSidential © 2008 by PacifiCorp. All rights reserved.
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G. Energy to Demand Conversion

When the actual energy usage (kWH)/day) is available, the peak demand in kW can be
approximated using the energy-to-demand conversion graph shown in Figure 1.
22
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Figure 1—Energy-to-Demand Conversion

H. Example 1

Determine the coincidental peak demand and load factor for the following group of
single family frame houses:

Number of Size of

Customers House Class
1 1000 sq. ft. Il
2 1500 sq. ft. ]
1 2400 sq. ft. \Y
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1. STEP1

Find the individual peak demand values in Table 2, and determine the sum total.

Peak Demands, from Table 2:

Number of Class Individual Sum of
Customers Demand Demands
1 Il 5 kW 5 kW
2 11 10 kW 20 kW
1 \% 20 kW 20 kW

Total Demand = 45kw

2. STEP2

Using Table 5, determine the group’s winter (or summer) Coincidental Peak

Demand.

From Table 5, Coincidence Factor for 4 Customers = 0.67

Therefore:

Winter Coincidental Peak Demand = Winter Coincidence Factor * Total Demand
= 0.67 * 45kW
= 30.15kW

3. STEP3
Using Table 1 and Table 2, determine the group’s load factor.

Recall that Load Factor = Average Load / Peak Demand Load.

Therefore:
Individual Average Load = Individual Load Factor * Individual Demand

(Example) Average Load

Number of Class Individual Individual Individual Sum of

Customers Demand Load Factor Avg. Load Avg. Loads
1 ! 5 kW 40.4% 2.02 kW 2.02 kW
2 1l 10 kW 40.1% 4.01 kW 8.02 kW
1 \Y) 20 kW 29.0% 5.80 kW 5.80 kW

Total Average Load = 15.84kW

A MIDAMERICAN ENERGY HOLDINGS COMPANY General—ReSidential
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Then:
Group Load Factor (Total Avg. Load / Winter Coincidental Peak Demand)*100
(15.84kW / 30.15kW) * 100

52.5%

These calculated values (i.e., Coincidental Peak Demand = 30.15kW) would be
used in determining the group’s transformer and secondary sizes. The service to
each individual house would be determined based on the individual peak demand
and individual load factor.

. Example 2

Determine the appropriate size pad-mounted transformer to serve 10 single-family,
2,000 square-foot homes with gas heat and water heating, electric ranges and dryers,
and no air conditioning. The mean average temperature in winter is 32° F. The mean
average temperature in summer is 87° F.

1. STEP 1 Determine the Load of Each Home

According to Table 2, these homes fall into category Il, and each has a load of 7
KW.

2. STEP 2 Determine the Peak Load for the Transformer

The total load for 10 homes is 7 kW x 10 = 70 kW.
According to Table 5, the winter coincidence factor for 10 homes is .57.
The coincident peak load on the transformer is therefore 70 kW x .57 = 39.9 kW.

3. STEP 3 Determine the Appropriate Size of Transformer to Serve the Load

From Table 6, choose the winter block and the row for 32° F. The proper size for
the transformer is 25 kVA. From the summer block at 87° F (the 86° F block), the
proper size for the transformer is 50 kVA. The 50 kVA transformer should be used.

J. Example 3

Size a pad-mounted transformer to serve 10 single-family, 2,000 square-foot homes
with gas heat and water heating, electric ranges and dryers, and air conditioning. The
mean average temperature in winter is 32° F. The mean average temperature in
summer is 97° F.

1. STEP 1 Determine the Load of Each Home
According to Table 2, these homes fall into category Il, and each has a load of 10
kW.

2. STEP 2 Determine the Peak Load for the Transformer

The total load for 10 homes is 10 kW x 10 = 100 kW.
According to Table 5, the summer coincidence factor for 10 homes is .7
The coincident peak load on the transformer is therefore 100 kW x .7 = 70 kW.

Constiuction Swandard W% PACIFICORP
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3. STEP 3 Determine the Appropriate Size of Transformer to Serve the Load

From Table 6, choose the winter block and the row for 32° F. The proper size for
the transformer is 50 kVA. From the summer block at 97° F (the 104° F block), the
proper size for the transformer is 75 kVA. The 75 kVA transformer should be used.

K. Example 4

Determine the appropriate size pad mounted transformer to serve 10 single-family,
2,000 square-foot homes with gas heat and water heating, electric ranges and dryers,
and heat pumps. The mean average temperature in winter is 32° F. The mean average
temperature in summer is 87° F.

1.

STEP 1 Determine the Load of Each Home

According to Table 2, these homes fall into category Il, and each has a load of 17
kW.

STEP 2 Determine the Peak Load for the Transformer

The total load for 10 homes is 17 kW x 10 = 170 kW.
According to Table 5, the winter coincidence factor for 10 homes is .57
The coincident peak load on the transformer is therefore 170 kW x .57 = 96.9 kW.

STEP 3 Determine the Appropriate Size of Transformer to Serve the Load

From Table 6, choose the winter block and the row for 32° F. The proper size for
the transformer is 75 kVA. From the summer block at 87° F (the 86° F block), the
proper size for the transformer is 75 kVA. The 75 kVA transformer should be used.

4
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Customers Per Transformer

[State [OR |
Data
Schedule [Phase Sum of Customers Sum of Sum of Units Units per Customer
41 479,925 129,172 4
3 5,355 443 12
4 Total 485,280 129,615 4
23(1 59,717 23,473 3
3 27,042 19,771 1
23 Total 86,759 43,244 2
28(1 17 10 2
198 167 1
28 Total 215 177 1
30(1 2 1 2
3 751 783 1
30 Total 753 784 1
33[1 74 44
2,013 4,314
33 Total 2,087 4,358
40(1 3 2
3 40 62
40 Total 43 64
411 1,333 760 2
3 5,399 8,869 1
41 Total 6,732 9,629 1
47(3 7 9
47 Total 7 9
48(3 223 342 1
48 Total 223 342 1
531 66 33
4 2
53 Total 70 35
541 70 44
3 35 40
54 Total 105 83
Grand Total 582,274 188,340
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Please state your name.

My name is William R. Griffith. My business address is 825 NE Multnomah
Avenue, Suite 2000, Portland, Oregon. My present position is Director, Pricing &
Cost of Service, in the Regulation Department.

Are you the same William R. Griffith who provided direct testimony in this
case as Exhibit PPL/1000?

Yes.

Purpose of Testimony

Q.

A.

What is the purpose of your Supplemental Direct Testimony?

The purpose of my Supplemental Direct Testimony is to respond to four
requests—Requests 5, 14, 21, and 23—in the May 14, 2009 Ruling of the
Administrative Law Judges on Supplemental Testimony (“Ruling on

Supplemental Testimony”), which pertain to my Direct Testimony.

Request 5 — Rate Spread

Q.

A.

What is Request S in the Ruling on Supplemental Testimony?

Request 5 directs the Company to “Provide testimony explaining in detail how
PacifiCorp’s proposed rate spread appropriately reflects cost of service, including
an explanation of why rate increases were relatively equal for all customer classes
in docket UE 179, but the proposed rate increases in this docket vary significantly
by customer class.”

Please more fully explain the difference between base and net revenues as
shown in the rate spread in Exhibit PPL/1002, Griffith/1.

In order to explain how the Company’s proposed rate spread appropriately

Supplemental Direct Testimony of William R. Griffith
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reflects cost of service, it is important to distinguish between base and net
revenues shown in Exhibit PPL/1002, Griffith/1. Base revenues are the
Company’s revenues under the rates in the standard tariff electric service rate
schedules for delivery and supply service. Base revenues reflect the Company’s
revenue requirement. Base revenues do not include any adjustment schedules
(i.e., tariff riders) which are applied in addition to each rate schedule’s base rates.
For example, Schedule 93, Independent Evaluator Cost Adjustment or Schedule
299, Rate Mitigation Adjustment are two of the tariff riders that are applied to
customer’s base rates.

Net rates include the effects of all tariff riders applicable to each rate
schedule’s base rates. Net revenues and net revenue increases are important
because they better reflect the ultimate rates that customers will pay on their bills.
Net rates include the effect of base rates plus the effect of all tariff riders
applicable to each electric service rate schedule.

Please discuss how the Company’s proposed base rate spread appropriately
reflects cost of service.

The Company’s base rates are designed directly based on the results of the cost of
service study as presented in the direct testimony of Mr. C. Craig Paice. The
proposed rates for each rate schedule included in the cost of service study are
targeted to collect the cost of service for that rate schedule in the test year.
Therefore, the base rate increase to each rate schedule exactly reflects the cost to
serve consumers under that schedule, as determined by the cost of service study.

Base proposed revenues by rate schedule shown in Exhibit PPL/1002, Griffith/1,

Supplemental Direct Testimony of William R. Griffith
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column 9 are equal to the cost of service by rate schedule shown in Exhibit
PPL/905, Paice/1, row 36. Minor differences are due to the rounding of rates.

Is this methodology consistent with the methodology used in the Company’s
last general rate case, UE 179?

Yes. Base rate increases in UE 179 were also based directly on cost of service as
required by the Commission’s rules on direct access regulation adopted under
OAR 860-038-0200.

The base percentage rate increases for the major rate schedules shown in
Exhibit PPL/1002 range from 69 to 159 percent of the overall average base
rate increase. Is this level of variance consistent with the base rate increases
proposed by the Company in UE 179?

Yes. Base rate increases proposed for the major rate schedules in UE 179 also
varied widely, from 82 to 145 percent of the overall average base rate increase.
Was the variance in the level of increase by rate schedule similar for the final
ordered base rate increases in UE 179?

Yes. The final base rate increases in UE 179 by schedule varied from 82 to 146
percent of the overall average base rate increase.

What is the variance in net rate increase by rate schedule proposed in this
case?

Net rate increases proposed for the major rate schedules in this case vary from 69
to 192 percent of the overall average net rate increase.

Do the adjustment schedules influence the net rate spread?

Yes. In particular, the Company’s net rate spread reflects an ongoing Rate

Supplemental Direct Testimony of William R. Griffith
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Mitigation Adjustment (“RMA”) which is designed to minimize price impacts on
consumers while still sending them proper signals about the increasing costs of
serving them

Is the variance in the proposed net percentage increases by rate schedule in
this case consistent with the variance in the proposed net percentage
increases by rate schedule in UE 179?

Yes. Net rate increases proposed for the major rate schedules in UE 179 varied
from 71 to 150 percent of the overall average net rate increase. The Company
proposed a rate cap in UE 179, similar to the one proposed in this case, so that
none of the major rate schedules would see an increase greater than 1.5 times the
overall average net proposed rate increase.

How were the final net rate increases in UE 179 determined?

The final net increases were settled as part of a stipulation which called for net
rate increases “largely based upon equal percentage increases to all rate groups”.
The RMA was used to achieve this goal.

Why did the Company not propose equal percentage increases to all rate
groups in this docket?

As described in my direct testimony, the Company’s proposed rate increase caps
are intended to strike a balance between moderating rate impacts on consumers,
sending proper price signals about the increasing costs to serve consumers, and
not unreasonably impacting electric retail competition. The Company does not
believe an equal percentage increase to all rate schedules would achieve these

goals.
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Request 14 — Actual and Forecast Monthly Energy Volumes

Q.

A.

What is Request 14 in the Ruling on Supplemental Testimony?

Request 14 directs the Company to “Provide testimony and exhibits showing

energy volumes delivered from January 2006 through December 2008 in Oregon

by month and by rate schedule.

(a) Provide testimony showing the same information in a combination of actual
plus forecast for 2009.

(b) Provide testimony showing the same information as forecast for the 2010 test
year by month, by rate schedule, and by peak and off-peak periods.”

Have you prepared exhibits containing the requested information?

Yes. I have prepared three exhibits with the requested information that is

presently available or could reasonably be prepared.

Please describe Exhibit PPL/1005.

Exhibit PPL/1005 contains actual monthly energy volumes by rate schedule for

January 2006 through April 2009. These energy volumes have not been

normalized.

Please describe Exhibit PPL/1006.

Exhibit PPL/1006 contains the Company’s current monthly energy forecasts by

class for May 2009 through December 2009. A current forecast by rate schedule

for 2009 has not been prepared and is not readily available.

Please describe Exhibit PPL/1007.

Exhibit PPL/1007 contains monthly energy forecasts by rate schedule for the

2010 forecast test year. Energy forecasts for 2010 for Schedule 48, Large General

Supplemental Direct Testimony of William R. Griffith
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Service, and Schedule 47, Large General Service Partial Requirements, are split
to show on- and off-peak time-of-use levels. The Company breaks down energy
forecasts into on- and off- peak time-of-use levels based on collected actual time-
of-use meter data. Time-of-use meter data is collected only for rate schedules
which are billed on time-of-use rates. Time-of-use meter data is not available to

break down energy forecasts for any of the other rate schedules.

Request 21 — Reconciliation of Test Year Load Forecast to Billing Determinants

Q.
A.

What is Request 21 in the Ruling on Supplemental Testimony?
Request 21 directs the Company to “Provide testimony and exhibits related to
reconciliation of the 2010 test year load forecast with levels of billing
determinants as used in PPL/1000 through PPL/1003.”
Please describe how the forecast test year billing determinants are developed.
Forecast test year billing determinants are developed based on the Company’s
forecast test year bills and energy forecasts along with the historic test year billing
determinants.

A three step process occurs in developing test year billing determinants.
First, monthly forecast test year bills and energy by class and by rate schedule are
prepared by the Company as described in the supplemental direct testimony of
Mr. Gregory N. Duvall.

Second a full set of billing determinants, including all rate elements such
as demand amounts, load size quantities, kilovar quantities and kilowatt-hours by
rate block, are retrieved at the customer invoice level from the Company’s billing

system for the historic test period — in this case, the twelve months ended June
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2008. These historic billing determinants are summarized by class, rate schedule
and voltage level.

Finally, a full set of forecast billing determinants is developed using the
historic test period data and the forecast test period information. The forecast
billing determinants are calculated based upon the ratio of historic bills and
energy (temperature normalized) in the historic test period to the forecast bills and
energy provided in the load forecast.

Do the bills and energy in the forecast billing determinants match the
Company’s forecast of bills and energy?

Yes. When summed by class and by rate schedule, the bills and energy in the
forecast billing determinants match the Company’s forecast test year bills and
energy forecast.

Have you prepared an exhibit which compares the historic billing
determinants in this case to the forecast billing determinants?

Yes. Exhibit PPL/1008 shows the historic billing determinants for the 12 months
ended June 2008, the temperature normalized billing determinants for the same
period, and the forecast billing determinants as filed in this case. This detail, with
formulas intact, was included in the tab labeled “Blocking” in the Griffith GRC
Rate Design Model provided electronically at the time of the original filing.

Is the method of developing forecast billing determinants used in this docket
consistent with the methods previously used by the Company in Oregon and
in other jurisdictions?

Yes. This method of developing forecast billing determinants is the same method
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as has been used by the Company in all of its recent general rate cases in Oregon

as well as all rate cases in other states where forecast test periods are used.

Request 23 — Removal of Net Power Costs from Schedule 200

Q.

A.

What is Request 23 in the Ruling on Supplemental Testimony?

Request 23 directs the Company to ”Provide further testimony explaining the
removal of net power costs from Schedule 200, and how Schedules 200 and 201
appropriately reflect cost causation principles.”

How are net power costs currently collected?

Net power costs are currently collected within Schedule 200, Cost Based Supply
Service. Schedule 200 currently collects all functionalized generation costs,
including all net power costs and other generation-related costs. In the
Company’s last general rate case, UE 179, Schedule 200 rates were designed to
collect all functionalized Generation costs as identified by the cost of service
study in that case. Increases to the Company’s net power costs as approved in the
Company’s Transition Adjustment Mechanism (“TAM”) filings since UE 179
have been collected through an increase to Schedule 200 rates.

How have proposed net power costs by rate schedule been identified in this
case?

Total net power costs included in the proposed revenue requirement in this docket
have been allocated to the rate schedules in proportion to the spread of generation

revenues to the rate schedules as indicated by the cost of service study.
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Have you prepared an exhibit showing net power costs by rate schedule for
the rate schedules contained in the cost of service study?

Yes. Exhibit PPL/1009 provides the proposed functionalized Generation costs in
this docket, as shown in the exhibit accompanying the direct testimony of Mr.
Paice, PPL/905, further unbundled into Generation-Net Power Costs and
Generation-Other categories by rate schedule. Generation — Net Power Costs by
rate schedule are proposed to be collected through Schedule 201 in this docket.
Generation-Other Generation costs are proposed to be collected through Schedule
200.

Why is the Company proposing further unbundling of Generation costs?
The Company agreed to propose this additional unbundling as part of the UE 199
Stipulation and Agreement of the Parties on the General Guidelines for the TAM,
filed on June 1, 2009. This change to rate design simply allows rates collecting
net power costs to be more easily reviewed and revised in a TAM proceeding
outside of a general rate case.

Does this proposed rate design properly reflect cost causation principles?
Yes. Cost causation principles and the direct access rules adopted under OAR
860-038-0200 indicate that costs, including Generation costs, must be allocated to
the class of consumers who incur those costs. Under the Company’s proposed
rates, and under the Company’s present rates, total Generation costs for each rate
schedule as determined by the cost of service study will be collected through the
base rates for each rate schedule. Each rate schedule will continue to pay its

allocated generation costs as occurs today.
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Q. Does this conclude your supplemental direct testimony?

Yes.
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PACIFIC POWER & LIGHT COMPANY
State of Oregon

Billing Determinants

Actual 12 Months Ended June 30, 2008
Forecast 12 Months Ended December 31, 2010

Schedule

C Normalized
Accounting 7/07-6/08
Units Units

Forecast
1/10 - 12/10
Units

Exhibit PPL/1008
Griffith/1

Schedule No. 4
Residential Service

Transmission & Ancillary Services Charge
per kWh
Distribution Charge
Basic Charge, per month
Three Phase Demand Charge, per kW demand
Three Phase Minimum Demand Charge, per month
Distribution Energy Charge, per kWh
Energy Charge
Schedule 200
First Block kWh
Second Block kWh
Third Block kWh
Schedule 201
First Block kWh
Second Block kWh
Third Block kWh
Subtotal
Renewable Adjustment Clause, per kWh
Klamath Rate Reconciliation Surcharge, per kWh
Total

Schedule No. 4 - Employee Discount
Residential Service
Transmission & Ancillary Services Charge
per kWh
Distribution Charge
Basic Charge, per month
Three Phase Demand Charge, per kW demand
Three Phase Minimum Demand Charge, per month
Distribution Energy Charge, per kWh
Energy Charge
Schedule 200
First Block kWh
Second Block kWh
Third Block kWh
Schedule 201
First Block kWh
Second Block kWh
Third Block kWh
Subtotal
Renewable Adjustment Clause, per kWh
Klamath Rate Reconciliation Surcharge, per kWh
Total
Total Employee Discount

Schedule No. 23/723 - Composite
General Service (Secondary)

Transmission & Ancillary Services Charge
per kWh
Distribution Charge
Basic Charge
Single Phase, per month
Three Phase, per month
Load Size Charge
<I5kW
per kW for all kW in excess of 15 kW
Demand Charge, the first 15 kW of demand
Demand Charge, per kW for all kW in excess of 15 kW
Reactive Power Charge, per kvar
Distribution Energy Charge, per kWh
Energy Charge
Schedule 200
1st 3,000 kWh, per kWh
All additional kWh, per kWh
Schedule 201
1st 3,000 kWh, per kWh
All additional kWh, per kWh
Subtotal
Renewable Adjustment Clause, per kWh

5,757,030,628 5,546,124,729 5,435,845,633 kWh
5,632,563 5,632,563 5,741,820 bill
17,680 17,680 17,328 kW

1,526 1,526 1,556 bill
5,757,030,628 5,546,124,729 5,435,845,633 kWh
2,514,471,640 2,422,356,640 2,374,190,522 kWh
1,588,620,353 1,530,420,353 1,499,989,488 kWh
1,653,938,635 1,593,347,736 1,561,665,624 kWh
2,514,471,640 2,422,356,640 2,374,190,522 kWh
1,588,620,353 1,530,420,353 1,499,989,488 kWh
1,653,938,635 1,593,347,736 1,561,665,624 kWh
5,757,030,628 5,546,124,729 5,435,845,633 kWh
5,757,030,628 5,546,124,729 5,435,845,633 kWh
5,757,030,628 5,546,124,729 5,435,845,633 kWh
5,757,030,628 5,546,124,729 5,435,845,633 kWh
18,855,991 18,855,991 18,481,059 kWh
14,088 14,088 14,361 bill

84 84 82 kW

12 12 12 bill
18,855,991 18,855,991 18,481,059 kWh
6,851,337 6,851,337 6,715,105 kWh
5,297,997 5,297,997 5,192,652 kWh
6,706,657 6,706,657 6,573,302 kWh
6,851,337 6,851,337 6,715,105 kWh
5,297,997 5,297,997 5,192,652 kWh
6,706,657 6,706,657 6,573,302 kWh
18,855,991 18,855,991 18,481,059 kWh
18,855,991 18,855,991 18,481,059 kWh
18,855,991 18,855,991 18,481,059 kWh
18,855,991 18,855,991 18,481,059 kWh
1,148,538,615 1,132,989,499 1,012,788,782 kWh
702,472 702,472 695,056 bill
195,431 195,431 193,187 bill

kW

857,804 857,804 767,514 kW

kW

469,225 469,225 419,716 kW
60,146 60,146 54,155 kvar
1,148,538,615 1,132,989,499 1,012,788,782 kWh
883,222,383 871,259,383 778,802,018 kWh
265,316,232 261,730,116 233,986,764 kWh
883,222,383 871,259,383 778,802,018 kWh
265,316,232 261,730,116 233,986,764 kWh
1,148,538,615 1,132,989,499 1,012,788,782 kWh
1,148,538,615 1,132,989,499 1,012,788,782 kWh
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PACIFIC POWER & LIGHT COMPANY Exhibit PPL/1008

Griffith/2
State of Oregon
Billing Determinants
Actual 12 Months Ended June 30, 2008
Forecast 12 Months Ended December 31, 2010
Customer Normalized Forecast
Accounting 7/07-6/08 1/10 - 12/10
Schedule Units Units Units
Klamath Rate Reconciliation Surcharge, per kWh 1,148,538,615 1,132,989,499 1,012,788,782 kWh
Total 1,148,538,615 1,132,989,499 1,012,788,782 kWh

Schedule No. 23/723 - Commercial
General Service (Secondary)

Transmission & Ancillary Services Charge

per kWh 1,125,102,211 1,109,553,095 990,156,219 kWh
Distribution Charge

Basic Charge

Single Phase, per month 695,790 695,790 688,637 bill
Three Phase, per month 187,334 187,334 185,409 bill
Load Size Charge
<15kW kW
per kW for all kW in excess of 15 kW 830,300 830,300 740,953 kW
Demand Charge, the first 15 kW of demand kW
Demand Charge, per kW for all kW in excess of 15 kW 455,809 455,809 406,760 kW
Reactive Power Charge, per kvar 53,579 53,579 47,813 kvar
Distribution Energy Charge, per kWh 1,125,102,211 1,109,553,095 990,156,219 kWh
Energy Charge
Schedule 200
1st 3,000 kWh, per kWh 865,527,705 853,564,705 761,714,247 kWh
All additional kWh, per kWh 259,574,506 255,988,390 228,441,972 kWh
Schedule 201
1st 3,000 kWh, per kWh 865,527,705 853,564,705 761,714,247 kWh
All additional kWh, per kWh 259,574,506 255,988,390 228,441,972 kWh
Subtotal 1,125,102,211 1,109,553,095 990,156,219 kWh
Renewable Adjustment Clause, per kWh 1,125,102,211 1,109,553,095 990,156,219 kWh
Klamath Rate Reconciliation Surcharge, per kWh 1,125,102,211 1,109,553,095 990,156,219 kWh
Total 1,125,102,211 1,109,553,095 990,156,219 kWh

Schedule No. 23/723 - Industrial
General Service (Secondary)

Transmission & Ancillary Services Charge

per kWh 23,436,404 23,436,404 22,632,563 kWh
Distribution Charge

Basic Charge

Single Phase, per month 6,682 6,682 6,419 bill
Three Phase, per month 8,097 8,097 7,778 bill
Load Size Charge
<15kW kW
per kW for all kW in excess of 15 kW 27,504 27,504 26,561 kW
Demand Charge, the first 15 kW of demand kW
Demand Charge, per kW for all kW in excess of 15 kW 13,416 13,416 12,956 kW
Reactive Power Charge, per kvar 6,567 6,567 6,342 kvar
Distribution Energy Charge, per kWh 23,436,404 23,436,404 22,632,563 kWh
Energy Charge
Schedule 200
1st 3,000 kWh, per kWh 17,694,678 17,694,678 17,087,771 kWh
All additional kWh, per kWh 5,741,726 5,741,726 5,544,792 kWh
Schedule 201
1st 3,000 kWh, per kWh 17,694,678 17,694,678 17,087,771 kWh
All additional kWh, per kWh 5,741,726 5,741,726 5,544,792 kWh
Subtotal 23,436,404 23,436,404 22,632,563 kWh
Renewable Adjustment Clause, per kWh 23,436,404 23,436,404 22,632,563 kWh
Klamath Rate Reconciliation Surcharge, per kWh 23,436,404 23,436,404 22,632,563 kWh
Total 23,436,404 23,436,404 22,632,563 kWh

Schedule No. 23/723 - Composite
General Service (Primary)

Transmission & Ancillary Services Charge

per kWh 1,278,403 1,278,403 1,151,715 kWh
Distribution Charge

Basic Charge

Single Phase, per month 230 230 228 bill

Three Phase, per month 182 182 190 bill
Load Size Charge

<15kW kW
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PACIFIC POWER & LIGHT COMPANY
State of Oregon

Billing Determinants

Actual 12 Months Ended June 30, 2008
Forecast 12 Months Ended December 31, 2010

Exhibit PPL/1008
Griffith/3

Customer Normalized Forecast
Accounting 7/07-6/08 1/10 - 12/10
Schedule Units Units Units
per kW for all kW in excess of 15 kW 3,269 3,269 2,989 kW
Demand Charge, the first 15 kW of demand kW
Demand Charge, per kW for all kW in excess of 15 kW 2,691 2,691 2,440 kW
Reactive Power Charge, per kvar 4,248 4,248 3,872 kvar
Distribution Energy Charge, per kWh 1,278,403 1,278,403 1,151,715 kWh
Energy Charge
Schedule 200
1st 3,000 kWh, per kWh 594,365 594,365 535,677 kWh
All additional kWh, per kWh 684,038 684,038 616,038 kWh
Schedule 201
1st 3,000 kWh, per kWh 594,365 594,365 535,677 kWh
All additional kWh, per kWh 684,038 684,038 616,038 kWh
Subtotal 1,278,403 1,278,403 1,151,715 kWh
Renewable Adjustment Clause, per kWh 1,278,403 1,278,403 1,151,715 kWh
Klamath Rate Reconciliation Surcharge, per kWh 1,278,403 1,278,403 1,151,715 kWh
Total 1,278,403 1,278,403 1,151,715 kWh
Schedule No. 23/723 - Commercial
General Service (Primary)
Transmission & Ancillary Services Charge
per kWh 1,130,002 1,130,002 1,008,404 kWh
Distribution Charge
Basic Charge
Single Phase, per month 230 230 228 bill
Three Phase, per month 131 131 129 bill
Load Size Charge
<15kW kW
per kW for all kW in excess of 15 kW 2,285 2,285 2,039 kW
Demand Charge, the first 15 kW of demand kW
Demand Charge, per kW for all kW in excess of 15 kW 2,162 2,162 1,929 kW
Reactive Power Charge, per kvar 3,139 3,139 2,801 kvar
Distribution Energy Charge, per kWh 1,130,002 1,130,002 1,008,404 kWh
Energy Charge
Schedule 200
1st 3,000 kWh, per kWh 522,465 522,465 466,243 kWh
All additional kWh, per kWh 607,537 607,537 542,161 kWh
Schedule 201
1st 3,000 kWh, per kWh 522,465 522,465 466,243 kWh
All additional kWh, per kWh 607,537 607,537 542,161 kWh
Subtotal 1,130,002 1,130,002 1,008,404 kWh
Renewable Adjustment Clause, per kWh 1,130,002 1,130,002 1,008,404 kWh
Klamath Rate Reconciliation Surcharge, per kWh 1,130,002 1,130,002 1,008,404 kWh
Total 1,130,002 1,130,002 1,008,404 kWh
Schedule No. 23/723 - Industrial
General Service (Primary)
Transmission & Ancillary Services Charge
per kWh 148,401 148,401 143,311 kWh
Distribution Charge
Basic Charge
Single Phase, per month 0 0 0 bill
Three Phase, per month 51 51 61 bill
Load Size Charge
<15kW kW
per kW for all kW in excess of 15 kW 984 984 950 kW
Demand Charge, the first 15 kW of demand kW
Demand Charge, per kW for all kW in excess of 15 kW 529 529 511 kW
Reactive Power Charge, per kvar 1,109 1,109 1,071 kvar
Distribution Energy Charge, per kWh 148,401 148,401 143,311 kWh
Energy Charge
Schedule 200
1st 3,000 kWh, per kWh 71,900 71,900 69,434 kWh
All additional kWh, per kWh 76,501 76,501 73,877 kWh
Schedule 201
1st 3,000 kWh, per kWh 71,900 71,900 69,434 kWh
All additional kWh, per kWh 76,501 76,501 73,877 kWh
Subtotal 148,401 148,401 143,311 kWh
Renewable Adjustment Clause, per kWh 148,401 148,401 143,311 kWh
Klamath Rate Reconciliation Surcharge, per kWh 148,401 148,401 143,311 kWh
Total 148,401 148,401 143,311 kWh
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PACIFIC POWER & LIGHT COMPANY
State of Oregon

Billing Determinants

Actual 12 Months Ended June 30, 2008
Forecast 12 Months Ended December 31, 2010

Exhibit PPL/1008
Griffith/4

C Normalized Forecast
Accounting 7/07-6/08 1/10 - 12/10
Schedule Units Units Units
Schedule No. 28/728 - Composite
Large General Service - (Secondary)
Transmission & Ancillary Services Charge
per kW 6,836,337 6,836,337 6,689,074 kW
Distribution Charge
Basic Charge
Load Size < 50 kW, per month 55,160 55,160 55,594 bill
Load Size 51-100 kW, per month 41,321 41,321 41,613 bill
Load Size 101-300 kW, per month 22,846 22,846 22,978 bill
Load Size > 300 kW, per month 422 422 422 bill
Load Size Charge
<50 kW 2,103,426 2,103,426 2,060,865 kW
51-100 kW, per kW 2,881,811 2,881,811 2,821,071 kW
101-300 kW, per kW 3,417,193 3,417,193 3,340,661 kW
>300 kW, per kW 188,751 188,751 183,259 kW
Demand Charge, per kW 6,836,337 6,836,337 6,689,074 kW
Reactive Power Charge, per kvar 579,707 579,707 562,858 kvar
Distribution Energy Charge, per kWh 2,070,090,171 2,070,090,171 2,026,816,182 kWh
Energy Charge
Schedule 200
1st 20,000 kWh, per kWh 1,463,921,462 1,463,921,462 1,433,359,115 kWh
All additional kWh, per kWh 606,168,709 606,168,709 593,457,067 kWh
Schedule 201
1st 20,000 kWh, per kWh 1,463,921,462 1,463,921,462 1,433,359,115 kWh
All additional kWh, per kWh 606,168,709 606,168,709 593,457,067 kWh
Subtotal 2,070,090,171 2,070,090,171 2,026,816,182 kWh
Renewable Adjustment Clause, per kWh 2,070,090,171 2,070,090,171 2,026,816,182 kWh
Klamath Rate Reconciliation Surcharge, per kWh 2,070,090,171 2,070,090,171 2,026,816,182 kWh
Total 2,070,090,171 2,070,090,171 2,026,816,182 kWh
Schedule No. 28/728 - Commercial
Large General Service - (Secondary)
Transmission & Ancillary Services Charge
per kW 6,377,111 6,377,111 6,259,491 kW
Distribution Charge
Basic Charge
Load Size < 50 kW, per month 53,089 53,089 53,595 bill
Load Size 51-100 kW, per month 38,998 38,998 39,370 bill
Load Size 101-300 kW, per month 20,917 20,917 21,116 bill
Load Size > 300 kW, per month 342 342 345 bill
Load Size Charge
<50 kW 2,021,765 2,021,765 1,984,475 kW
51-100 kW, per kW 2,717,243 2,717,243 2,667,126 kW
101-300 kW, per kW 3,124,291 3,124,291 3,066,666 kW
>300 kW, per kW 145,147 145,147 142,470 kW
Demand Charge, per kW 6,377,111 6,377,111 6,259,491 kW
Reactive Power Charge, per kvar 446,188 446,188 437,958 kvar
Distribution Energy Charge, per kWh 1,959,628,234 1,959,628,234 1,923,484,654 kWh
Energy Charge
Schedule 200
1st 20,000 kWh, per kWh 1,386,673,899 1,386,673,899 1,361,097,946 kWh
All additional kWh, per kWh 572,954,335 572,954,335 562,386,708 kWh
Schedule 201
1st 20,000 kWh, per kWh 1,386,673,899 1,386,673,899 1,361,097,946 kWh
All additional kWh, per kWh 572,954,335 572,954,335 562,386,708 kWh
Subtotal 1,959,628,234 1,959,628,234 1,923,484,654 kWh
Renewable Adjustment Clause, per kWh 1,959,628,234 1,959,628,234 1,923,484,654 kWh
Klamath Rate Reconciliation Surcharge, per kWh 1,959,628,234 1,959,628,234 1,923,484,654 kWh
Total 1,959,628,234 1,959,628,234 1,923,484,654 kWh
Schedule No. 28/728 - Industrial
Large General Service - (Secondary)
Transmission & Ancillary Services Charge
per kW 459,226 459,226 429,583 kW
Distribution Charge
Basic Charge
Load Size < 50 kW, per month 2,071 2,071 1,999 bill
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PACIFIC POWER & LIGHT COMPANY Exhibit PPL/1008

State of Oregon Griffith/5
Billing Determinants
Actual 12 Months Ended June 30, 2008
Forecast 12 Months Ended December 31, 2010
C Normalized Forecast
Accounting 7/07-6/08 1/10 - 12/10
Schedule Units Units Units
Load Size 51-100 kW, per month 2,323 2,323 2,243 bill
Load Size 101-300 kW, per month 1,929 1,929 1,862 bill
Load Size > 300 kW, per month 80 80 77 bill
Load Size Charge
<50 kW 81,661 81,661 76,390 kW
51-100 kW, per kW 164,568 164,568 153,945 kW
101-300 kW, per kW 292,902 292,902 273,995 kW
>300 kW, per kW 43,604 43,604 40,789 kW
Demand Charge, per kW 459,226 459,226 429,583 kW
Reactive Power Charge, per kvar 133,519 133,519 124,900 kvar
Distribution Energy Charge, per kWh 110,461,937 110,461,937 103,331,528 kWh
Energy Charge
Schedule 200
1st 20,000 kWh, per kWh 77,247,563 77,247,563 72,261,169 kWh
All additional kWh, per kWh 33,214,374 33,214,374 31,070,359 kWh
Schedule 201
1st 20,000 kWh, per kWh 77,247,563 77,247,563 72,261,169 kWh
All additional kWh, per kWh 33,214,374 33,214,374 31,070,359 kWh
Subtotal 110,461,937 110,461,937 103,331,528 kWh
Renewable Adjustment Clause, per kWh 110,461,937 110,461,937 103,331,528 kWh
Klamath Rate Reconciliation Surcharge, per kWh 110,461,937 110,461,937 103,331,528 kWh
Total 110,461,937 110,461,937 103,331,528 kWh

Schedule No. 28/728 - Composite
Large General Service - (Primary)

Transmission & Ancillary Services Charge
per kW 62,814 62,814 60,958 kW

Distribution Charge
Basic Charge

Load Size < 50 kW, per month 58 58 59 bill
Load Size 51-100 kW, per month 175 175 174 bill
Load Size 101-300 kW, per month 358 358 356 bill
Load Size > 300 kW, per month 14 14 14 bill
Load Size Charge
<50 kW 2,196 2,196 2,153 kW
51-100 kW, per kW 12,837 12,837 12,408 kW
101-300 kW, per kW 60,527 60,527 58,741 kW
>300 kW, per kW 6,850 6,850 6,724 kW
Demand Charge, per kW 62,814 62,814 60,958 kW
Reactive Power Charge, per kvar 35,548 35,548 34,625 kvar
Distribution Energy Charge, per kWh 18,797,884 18,797,884 18,249,203 kWh
Energy Charge
Schedule 200
1st 20,000 kWh, per kWh 9,802,616 9,802,616 9,486,985 kWh
All additional kWh, per kWh 8,995,268 8,995,268 8,762,218 kWh
Schedule 201
1st 20,000 kWh, per kWh 9,802,616 9,802,616 9,486,985 kWh
All additional kWh, per kWh 8,995,268 8,995,268 8,762,218 kWh
Subtotal 18,797,884 18,797,884 18,249,203 kWh
Renewable Adjustment Clause, per kWh 18,797,884 18,797,884 18,249,203 kWh
Klamath Rate Reconciliation Surcharge, per kWh 18,797,884 18,797,884 18,249,203 kWh
Total 18,797,884 18,797,884 18,249,203 kWh

Schedule No. 28/728 - Commercial
Large General Service - (Primary)

Transmission & Ancillary Services Charge
per kW 47,683 47,683 46,804 kW

Distribution Charge
Basic Charge

Load Size < 50 kW, per month 57 57 58 bill
Load Size 51-100 kW, per month 120 120 121 bill
Load Size 101-300 kW, per month 250 250 252 bill
Load Size > 300 kW, per month 14 14 14 bill
Load Size Charge
<50 kW 2,146 2,146 2,106 kW
51-100 kW, per kW 8,675 8,675 8,515 kW
101-300 kW, per kW 45,991 45,991 45,143 kW
>300 kW, per kW 6,850 6,850 6,724 kW
Demand Charge, per kW 47,683 47,683 46,804 kW
Reactive Power Charge, per kvar 29,733 29,733 29,185 kvar
Distribution Energy Charge, per kWh 14,417,384 14,417,384 14,151,468 kWh
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PACIFIC POWER & LIGHT COMPANY Exhibit PPL/1008

Griffith/6
State of Oregon
Billing Determinants
Actual 12 Months Ended June 30, 2008
Forecast 12 Months Ended December 31, 2010
C Normalized Forecast
Accounting 7/07-6/08 1/10 - 12/10
Schedule Units Units Units
Energy Charge
Schedule 200
1st 20,000 kWh, per kWh 6,878,296 6,878,296 6,751,432 kWh
All additional kWh, per kWh 7,539,088 7,539,088 7,400,036 kWh
Schedule 201
1st 20,000 kWh, per kWh 6,878,296 6,878,296 6,751,432 kWh
All additional kWh, per kWh 7,539,088 7,539,088 7,400,036 kWh
Subtotal 14,417,384 14,417,384 14,151,468 kWh
Renewable Adjustment Clause, per kWh 14,417,384 14,417,384 14,151,468 kWh
Klamath Rate Reconciliation Surcharge, per kWh 14,417,384 14,417,384 14,151,468 kWh
Total 14,417,384 14,417,384 14,151,468 kWh

Schedule No. 28/728 - Industrial
Large General Service - (Primary)

Transmission & Ancillary Services Charge
per kW 15,131 15,131 14,154 kW

Distribution Charge
Basic Charge

Load Size < 50 kW, per month 1 1 1 bill
Load Size 51-100 kW, per month 55 55 53 bill
Load Size 101-300 kW, per month 108 108 104 bill
Load Size > 300 kW, per month 0 0 0 bill
Load Size Charge
<50 kW 50 50 47 kW
51-100 kW, per kW 4,162 4,162 3,893 kW
101-300 kW, per kW 14,536 14,536 13,598 kW
>300 kW, per kW 0 0 0 kW
Demand Charge, per kW 15,131 15,131 14,154 kW
Reactive Power Charge, per kvar 5,815 5,815 5,440 kvar
Distribution Energy Charge, per kWh 4,380,500 4,380,500 4,097,735 kWh
Energy Charge
Schedule 200
1st 20,000 kWh, per kWh 2,924,320 2,924,320 2,735,553 kWh
All additional kWh, per kWh 1,456,180 1,456,180 1,362,182 kWh
Schedule 201
1st 20,000 kWh, per kWh 2,924,320 2,924,320 2,735,553 kWh
All additional kWh, per kWh 1,456,180 1,456,180 1,362,182 kWh
Subtotal 4,380,500 4,380,500 4,097,735 kWh
Renewable Adjustment Clause, per kWh 4,380,500 4,380,500 4,097,735 kWh
Klamath Rate Reconciliation Surcharge, per kWh 4,380,500 4,380,500 4,097,735 kWh
Total 4,380,500 4,380,500 4,097,735 kWh

Schedule No. 30/730 - Composite
Large General Service - (Secondary)

Transmission & Ancillary Services Charge
per kW 3,595,762 3,595,762 3,534,295 kW

Distribution Charge
Basic Charge

Load Size <200 kW, per month 162 162 155 bill
Load Size 201-300 kW, per month 2,838 2,838 2,716 bill
Load Size > 300 kW, per month 7,035 7,035 6,740 bill
Load Size Charge
<200 kW 14,976 14,976 14,627 kW
201-300 kW, per kW 728,118 728,118 714,392 kW
>300 kW, per kW 3,470,928 3,470,928 3,411,992 kW
Demand Charge, per kW 3,595,762 3,595,762 3,534,295 kW
Reactive Power Charge, per kvar 721,399 721,399 713,631 kvar
Energy Charge
Schedule 200
1st 20,000 kWh, per kWh 194,371,807 194,371,807 190,869,386 kWh
All additional kWh, per kWh 1,115,243,559 1,115,243,559 1,093,845,348 kWh
Schedule 201
1st 20,000 kWh, per kWh 194,371,807 194,371,807 190,869,386 kWh
All additional kWh, per kWh 1,115,243,559 1,115,243,559 1,093,845,348 kWh
Subtotal 1,309,615,366 1,309,615,366 1,284,714,734 kWh
Renewable Adjustment Clause, per kWh 1,309,615,366 1,309,615,366 1,284,714,734 kWh
Klamath Rate Reconciliation Surcharge, per kWh 1,309,615,366 1,309,615,366 1,284,714,734 kWh
Total 1,309,615,366 1,309,615,366 1,284,714,734 kWh

Schedule No. 30/730- Commercial
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Exhibit PPL/1008

PACIFIC POWER & LIGHT COMPANY Grifiith/7

State of Oregon

Billing Determinants

Actual 12 Months Ended June 30, 2008
Forecast 12 Months Ended December 31, 2010

C Normalized Forecast
Accounting 7/07-6/08 1/10 - 12/10
Schedule Units Units Units

Large General Service - (Secondary)

Transmission & Ancillary Services Charge
per kW 2,749,827 2,749,827 2,681,366 kW

Distribution Charge
Basic Charge

Load Size <200 kW, per month 144 144 137 bill
Load Size 201-300 kW, per month 2,317 2,317 2,205 bill
Load Size > 300 kW, per month 5,469 5,469 5,204 bill
Load Size Charge
<200 kW 14,249 14,249 13,894 kW
201-300 kW, per kW 595,377 595,377 580,554 kW
>300 kW, per kW 2,642,390 2,642,390 2,576,604 kW
Demand Charge, per kW 2,749,827 2,749,827 2,681,366 kW
Reactive Power Charge, per kvar 414,090 414,090 403,781 kvar
Energy Charge
Schedule 200
1st 20,000 kWh, per kWh 154,065,213 154,065,213 150,229,560 kWh
All additional kWh, per kWh 923,249,926 923,249,926 900,264,423 kWh
Schedule 201
1st 20,000 kWh, per kWh 154,065,213 154,065,213 150,229,560 kWh
All additional kWh, per kWh 923,249,926 923,249,926 900,264,423 kWh
Subtotal 1,077,315,139 1,077,315,139 1,050,493,983 kWh
Renewable Adjustment Clause, per kWh 1,077,315,139 1,077,315,139 1,050,493,983 kWh
Klamath Rate Reconciliation Surcharge, per kWh 1,077,315,139 1,077,315,139 1,050,493,983 kWh
Total 1,077,315,139 1,077,315,139 1,050,493,983 kWh

Schedule No. 30/730 - Industrial
Large General Service - (Secondary)

Transmission & Ancillary Services Charge
per kW 845,935 845,935 852,929 kW

Distribution Charge
Basic Charge

Load Size < 200 kW, per month 18 18 18 bill
Load Size 201-300 kW, per month 521 521 511 bill
Load Size > 300 kW, per month 1,566 1,566 1,535 bill
Load Size Charge
<200 kW 727 727 733 kW
201-300 kW, per kW 132,741 132,741 133,838 kW
>300 kW, per kW 828,538 828,538 835,388 kW
Demand Charge, per kW 845,935 845,935 852,929 kW
Reactive Power Charge, per kvar 307,309 307,309 309,850 kvar
Energy Charge
Schedule 200
1st 20,000 kWh, per kWh 40,306,594 40,306,594 40,639,826 kWh
All additional kWh, per kWh 191,993,633 191,993,633 193,580,925 kWh
Schedule 201
1st 20,000 kWh, per kWh 40,306,594 40,306,594 40,639,826 kWh
All additional kWh, per kWh 191,993,633 191,993,633 193,580,925 kWh
Subtotal 232,300,227 232,300,227 234,220,751 kWh
Renewable Adjustment Clause, per kWh 232,300,227 232,300,227 234,220,751 kWh
Klamath Rate Reconciliation Surcharge, per kWh 232,300,227 232,300,227 234,220,751 kWh
Total 232,300,227 232,300,227 234,220,751 kWh

Schedule No. 30/730 - Composite
Large General Service - (Primary)

Transmission & Ancillary Services Charge
per kW 285,266 285,266 279,833 kW

Distribution Charge
Basic Charge

Load Size <200 kW, per month 0 0 0 bill
Load Size 201-300 kW, per month 111 111 106 bill
Load Size > 300 kW, per month 544 544 520 bill
Load Size Charge
<200 kW 0 0 0 kW
201-300 kW, per kW 28,251 28,251 27,640 kW
>300 kW, per kW 320,444 320,444 314,299 kW
Demand Charge, per kW 285,266 285,266 279,833 kW
Reactive Power Charge, per kvar 35,398 35,398 35,084 kvar
Energy Charge
Schedule 200
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PACIFIC POWER & LIGHT COMPANY Exhibit PPL/1008

Griffith/8
State of Oregon
Billing Determinants
Actual 12 Months Ended June 30, 2008
Forecast 12 Months Ended December 31, 2010
C Normalized Forecast
Accounting 7/07-6/08 1/10 - 12/10
Schedule Units Units Units
1st 20,000 kWh, per kWh 12,726,101 12,726,101 12,465,248 kWh
All additional kWh, per kWh 83,286,870 83,286,870 81,466,178 kWh
Schedule 201
15t 20,000 kWh, per kWh 12,726,101 12,726,101 12,465,248 kWh
All additional kWh, per kWh 83,286,870 83,286,870 81,466,178 kWh
Subtotal 96,012,971 96,012,971 93,931,426 kWh
Renewable Adjustment Clause, per kWh 96,012,971 96,012,971 93,931,426 kWh
Klamath Rate Reconciliation Surcharge, per kWh 96,012,971 96,012,971 93,931,426 kWh
Total 96,012,971 96,012,971 93,931,426 kWh

Schedule No. 30/730 - Commercial
Large General Service - (Primary)

Transmission & Ancillary Services Charge
per kW 234,929 234,929 229,080 kW

Distribution Charge
Basic Charge

Load Size <200 kW, per month 0 0 0 bill
Load Size 201-300 kW, per month 99 99 94 bill
Load Size > 300 kW, per month 460 460 438 bill
Load Size Charge
<200 kW 0 0 0 kW
201-300 kW, per kW 25,473 25,473 24,839 kW
>300 kW, per kW 265,197 265,197 258,595 kW
Demand Charge, per kW 234,929 234,929 229,080 kW
Reactive Power Charge, per kvar 18,295 18,295 17,840 kvar
Energy Charge
Schedule 200
1st 20,000 kWh, per kWh 11,038,101 11,038,101 10,763,293 kWh
All additional kWh, per kWh 75,662,830 75,662,830 73,779,106 kWh
Schedule 201
1st 20,000 kWh, per kWh 11,038,101 11,038,101 10,763,293 kWh
All additional kWh, per kWh 75,662,830 75,662,830 73,779,106 kWh
Subtotal 86,700,931 86,700,931 84,542,399 kWh
Renewable Adjustment Clause, per kWh 86,700,931 86,700,931 84,542,399 kWh
Klamath Rate Reconciliation Surcharge, per kWh 86,700,931 86,700,931 84,542,399 kWh
Total 86,700,931 86,700,931 84,542,399 kWh

Schedule No. 30/730 - Industrial
Large General Service - (Primary)

Transmission & Ancillary Services Charge
per kW 50,337 50,337 50,753 kW

Distribution Charge
Basic Charge

Load Size < 200 kW, per month 0 0 0 bill
Load Size 201-300 kW, per month 12 12 12 bill
Load Size > 300 kW, per month 84 84 82 bill
Load Size Charge
<200 kW 0 0 0 kW
201-300 kW, per kW 2,778 2,778 2,801 kW
>300 kW, per kW 55,247 55,247 55,704 kW
Demand Charge, per kW 50,337 50,337 50,753 kW
Reactive Power Charge, per kvar 17,103 17,103 17,244 kvar
Energy Charge
Schedule 200
1st 20,000 kWh, per kWh 1,688,000 1,688,000 1,701,955 kWh
All additional kWh, per kWh 7,624,040 7,624,040 7,687,072 kWh
Schedule 201
1st 20,000 kWh, per kWh 1,688,000 1,688,000 1,701,955 kWh
All additional kWh, per kWh 7,624,040 7,624,040 7,687,072 kWh
Subtotal 9,312,040 9,312,040 9,389,027 kWh
Renewable Adjustment Clause, per kWh 9,312,040 9,312,040 9,389,027 kWh
Klamath Rate Reconciliation Surcharge, per kWh 9,312,040 9,312,040 9,389,027 kWh
Total 9,312,040 9,312,040 9,389,027 kWh

Schedule No. 33
Klamath Irrigation and Drainage Pumping

Total Customers 2,187 2,187 2,062
Monthly Bills 9,626
Charges

On-Project (Rate Code 40) 55,233,459 55,233,459 62,373,687 kWh
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Griffith/9
State of Oregon
Billing Determinants
Actual 12 Months Ended June 30, 2008
Forecast 12 Months Ended December 31, 2010
C Normalized Forecast
Accounting 7/07-6/08 1/10 - 12/10
Schedule Units Units Units
Off-Project (Rate Code 35) 46,118,679 46,118,679 52,080,607 kWh
U.S. Government (Rate Code 33TX) 3,180,888 3,180,888 3,592,093 kWh
U.S. Gov - On Peak 1,273,221 1,273,221 1,437,815 kWh
U.S. Gov - Off Peak 1,907,667 1,907,667 2,154,278 kWh
Minimum Charges On-Project
Minimum Charges Off-Project
Subtotal 104,533,026 104,533,026 118,046,387 kWh
Renewable Adjustment Clause, per kWh 104,533,026 104,533,026 118,046,387 kWh
Total 104,533,026 104,533,026 118,046,387 kWh

Note: Rates reflect estimated rate changes through 2010.

Schedule No. 41/741
Agricultural Pumping Service (Secondary)

Transmission & Ancillary Services Charge
per kWh 128,386,530 128,386,530 134,221,373 kWh

Distribution Charge
Basic Charge

Load Size < 50 kW, or Single Phase Any Size 5,668 5,668 5,637 bill
Three Phase Load Size 51 - 300 kW, per month 456 456 453 bill
Three Phase Load Size > 300 kW, per month 13 13 13 bill
Total Customers 6,137 6,137 6,103 bill
Monthly Bills 34,163
Load Size Charge
Single Phase Any Size, Three Phase < 50 kW 71,484 71,484 74,733 kW
Three Phase 51-300 kW, per kW 38,116 38,116 39,848 kW
Three Phase > 300 kW, kW 6,352 6,352 6,641 kW
Single Phase, Minimum Charge 843 843 838 bill
Three Phase, Minimum Charge 1,145 1,145 1,139 bill
Distribution Energy Charge, per kWh 128,386,530 128,386,530 134,221,373 kWh
Reactive Power Charge, per kvar 26,240 26,240 27,433 kvar
Energy Charge
Schedule 200
Winter, 1st 100 kWh/kW, per kWh 1,304,389 1,304,389 1,363,670 kWh
Winter, All additional kWh, per kWh 1,402,430 1,402,430 1,466,167 kWh
Summer, All kWh, per kWh 125,679,711 125,679,711 131,391,536 kWh
Schedule 201
Winter, 1st 100 kWh/kW, per kWh 1,304,389 1,304,389 1,363,670 kWh
Winter, All additional kWh, per kWh 1,402,430 1,402,430 1,466,167 kWh
Summer, All kWh, per kWh 125,679,711 125,679,711 131,391,536 kWh
Subtotal 128,386,530 128,386,530 134,221,373 kWh
Renewable Adjustment Clause, per kWh 128,386,530 128,386,530 134,221,373 kWh
Klamath Rate Reconciliation Surcharge, per kWh 128,386,530 128,386,530 134,221,373 kWh
Total 128,386,530 128,386,530 134,221,373 kWh

Schedule No. 41/741
Agricultural Pumping Service (Primary)

Transmission & Ancillary Services Charge
per kWh 2,458,762 2,458,762 2,570,507 kWh

Distribution Charge
Basic Charge

Load Size < 50 kW, or Single Phase Any Size 3 3 3 bill
Three Phase Load Size 51 - 300 kW, per month 0 0 0 bill
Three Phase Load Size > 300 kW, per month 2 2 2 bill
Total Customers 5 5 5 bill
Monthly Bills 36
Load Size Charge
Single Phase Any Size, Three Phase < 50 kW 44 44 46 kW
Three Phase 51-300 kW, per kW 0 0 0 kW
Three Phase > 300 kW, kW 2,075 2,075 2,169 kW
Single Phase, Minimum Charge 0 0 0 bill
Three Phase, Minimum Charge 1 1 1 bill
Distribution Energy Charge, per kWh 2,458,762 2,458,762 2,570,507 kWh
Reactive Power Charge, per kvar 2,933 2,933 3,066 kvar
Energy Charge
Schedule 200
Winter, 1st 100 kWh/kW, per kWh 10,152 10,152 10,613 kWh
Winter, All additional kWh, per kWh 59,179 59,179 61,869 kWh
Summer, All kWh, per kWh 2,389,431 2,389,431 2,498,025 kWh
Schedule 201
Winter, 1st 100 kWh/kW, per kWh 10,152 10,152 10,613 kWh
Winter, All additional kWh, per kWh 59,179 59,179 61,869 kWh
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PACIFIC POWER & LIGHT COMPANY

Exhibit PPL/1008

State of Oregon Griffith/10
Billing Determinants
Actual 12 Months Ended June 30, 2008
Forecast 12 Months Ended December 31, 2010
C Normalized Forecast
Accounting 7/07-6/08 1/10 - 12/10
Schedule Units Units Units
Summer, All kWh, per kWh 2,389,431 2,389,431 2,498,025 kWh
Subtotal 2,458,762 2,458,762 2,570,507 kWh
Renewable Adjustment Clause, per kWh 2,458,762 2,458,762 2,570,507 kWh
Klamath Rate Reconciliation Surcharge, per kWh 2,458,762 2,458,762 2,570,507 kWh
Total 2,458,762 2,458,762 2,570,507 kWh
Schedule No. 47/747 - Industrial
Large General Service - Partial Requirement (Primary)
Transmission & Ancillary Services Charge
per kW of on-peak demand 654,784 654,784 629,550 kW
credit per kW of on-peak demand 0 0 0 kW
Distribution Charge
Basic Charge
Load Size < 4,000 kW, per month 0 0 0 bill
Load Size > 4,000 kW, per month 36 36 36 bill
Load Size/Facility Charge
Load Size < 4,000 kW, per kW 0 0 0 kW
Load Size > 4,000 kW, per kW 682,277 682,277 655,984 kW
Demand Charge, per kW of on-peak demand 654,784 654,784 629,550 kW
Reactive Power Charge, per kvar 23,861 23,861 22,941 kvar
Reactive Hours, per kvarh 4,246,730 4,246,730 4,083,071 kvarh
Reserves Charges
Spinning Reserves, per kW of Facility 682,277 682,277 655,984 kW
Supplemental Reserves, per kW of Facility 682,277 682,277 655,984 kW
Spinning Reserves Credit, per kW of Facility 541,575 541,575 520,704 kW
Supplemental Reserves Credit, per kW of Facility 541,575 541,575 520,704 kW
Energy Charge
Schedule 200
On-Peak, per on-peak kWh 241,837,086 241,837,086 232,517,250 kWh
Off-Peak, per off-peak kWh 186,613,881 186,613,881 179,422,218 kWh
Schedule 201
On-Peak, per on-peak kWh 241,837,086 241,837,086 232,517,250 kWh
Off-Peak, per off-peak kWh 186,613,881 186,613,881 179,422,218 kWh
Unscheduled Energy, per kWh 865,993 865,993 832,620 kWh
Subtotal 429,316,960 429,316,960 412,772,088 kWh
Renewable Adjustment Clause, per kWh 429,316,960 429,316,960 412,772,088 kWh
Klamath Rate Reconciliation Surcharge, per kWh 429,316,960 429,316,960 412,772,088 kWh
Total 429,316,960 429,316,960 412,772,088 kWh
Schedule No. 47/747 - Composite
Large General Service - Partial Requirement (Transmission)
Transmission & Ancillary Services Charge
per kW of on-peak demand 293,228 293,228 291,068 kW
credit per kW of on-peak demand 0 0 0 kW
Distribution Charge
Basic Charge
Load Size < 4,000 kW, per month 24 24 24 bill
Load Size > 4,000 kW, per month 24 24 24 bill
Load Size/Facility Charge
Load Size < 4,000 kW, per kW 31,689 31,689 35910 kW
Load Size > 4,000 kW, per kW 328,000 328,000 330,471 kW
Demand Charge, per kW of on-peak demand 293,228 293,228 291,068 kW
Reactive Power Charge, per kvar 43,784 43,784 43,402 kvar
Reactive Hours, per kvarh 862,200 862,200 977,033 kvarh
Reserves Charges
Spinning Reserves, per kW of Facility 359,689 359,689 366,381 kW
Supplemental Reserves, per kW of Facility 359,689 359,689 366,381 kW
Spinning Reserves Credit, per kW of Facility 0 0 0 kW
Supplemental Reserves Credit, per kW of Facility 0 0 0 kW
Energy Charge
Schedule 200
On-Peak, per on-peak kWh 91,858,163 91,858,163 88,587,292 kWh
Off-Peak, per off-peak kWh 66,780,706 66,780,706 64,575,860 kWh
Schedule 201
On-Peak, per on-peak kWh 91,858,163 91,858,163 88,587,292 kWh
Off-Peak, per off-peak kWh 66,780,706 66,780,706 64,575,860 kWh
Unscheduled Energy, per kWh 6,207,444 6,207,444 6,030,044 kWh
Subtotal 164,846,313 164,846,313 159,193,196 kWh
Renewable Adjustment Clause, per kWh 164,846,313 164,846,313 159,193,196 kWh
Klamath Rate Reconciliation Surcharge, per kWh 164,846,313 164,846,313 159,193,196 kWh
Total 164,846,313 164,846,313 159,193,196 kWh
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PACIFIC POWER & LIGHT COMPANY

Exhibit PPL/1008

State of Oregon Griffith/11
Billing Determinants
Actual 12 Months Ended June 30, 2008
Forecast 12 Months Ended December 31, 2010
C Normalized Forecast
Accounting 7/07-6/08 1/10 - 12/10
Schedule Units Units Units
Schedule No. 47/747 - Commercial
Large General Service - Partial Requirement (Transmission)
Transmission & Ancillary Services Charge
per kW of on-peak demand 53,228 53,228 60,317 kW
credit per kW of on-peak demand
Distribution Charge
Basic Charge
Load Size < 4,000 kW, per month 24 24 24 bill
Load Size > 4,000 kW, per month 12 12 12 bill
Load Size/Facility Charge
Load Size < 4,000 kW, per kW 31,689 31,689 35910 kW
Load Size > 4,000 kW, per kW 88,000 88,000 99,720 kW
Demand Charge, per kW of on-peak demand 53,228 53,228 60,317 kW
Reactive Power Charge, per kvar 7,600 7,600 8,612 kvar
Reactive Hours, per kvarh 862,200 862,200 977,033 kvarh
Reserves Charges
Spinning Reserves, per kW of Facility 119,689 119,689 135,630 kW
Supplemental Reserves, per kW of Facility 119,689 119,689 135,630 kW
Spinning Reserves Credit, per kW of Facility 0 0 0 kW
Supplemental Reserves Credit, per kW of Facility 0 0 0 kW
Energy Charge
Schedule 200
On-Peak, per on-peak kWh 1,567,213 1,567,213 1,775,944 kWh
Off-Peak, per off-peak kWh 2,147,209 2,147,209 2,433,187 kWh
Schedule 201
On-Peak, per on-peak kWh 1,567,213 1,567,213 1,775,944 kWh
Off-Peak, per off-peak kWh 2,147,209 2,147,209 2,433,187 kWh
Unscheduled Energy, per kWh 360,000 360,000 407,947 kWh
Subtotal 4,074,422 4,074,422 4,617,077 kWh
Renewable Adjustment Clause, per kWh 4,074,422 4,074,422 4,617,077 kWh
Klamath Rate Reconciliation Surcharge, per kWh 4,074,422 4,074,422 4,617,077 kWh
Total 4,074,422 4,074,422 4,617,077 kWh
Schedule No. 47/747 - Industrial
Large General Service - Partial Requirement (Transmission)
Transmission & Ancillary Services Charge
per kW of on-peak demand 240,000 240,000 230,751 kW
credit per kW of on-peak demand 0 0 0 kW
Distribution Charge
Basic Charge
Load Size < 4,000 kW, per month 0 0 0 bill
Load Size > 4,000 kW, per month 12 12 12 bill
Load Size/Facility Charge
Load Size < 4,000 kW, per kW 0 0 0 kW
Load Size > 4,000 kW, per kW 240,000 240,000 230,751 kW
Demand Charge, per kW of on-peak demand 240,000 240,000 230,751 kW
Reactive Power Charge, per kvar 36,184 36,184 34,790 kvar
Reactive Hours, per kvarh 0 0 0 kvarh
Reserves Charges
Spinning Reserves, per kW of Facility 240,000 240,000 230,751 kW
Supplemental Reserves, per kW of Facility 240,000 240,000 230,751 kW
Spinning Reserves Credit, per kW of Facility 0 0 0 kW
Supplemental Reserves Credit, per kW of Facility 0 0 0 kW
Energy Charge
Schedule 200
On-Peak, per on-peak kWh 90,290,950 90,290,950 86,811,348 kWh
Off-Peak, per off-peak kWh 64,633,497 64,633,497 62,142,673 kWh
Schedule 201
On-Peak, per on-peak kWh 90,290,950 90,290,950 86,811,348 kWh
Off-Peak, per off-peak kWh 64,633,497 64,633,497 62,142,673 kWh
Unscheduled Energy, per kWh 5,847,444 5,847,444 5,622,097 kWh
Subtotal 160,771,891 160,771,891 154,576,118 kWh
Renewable Adjustment Clause, per kWh 160,771,891 160,771,891 154,576,118 kWh
Klamath Rate Reconciliation Surcharge, per kWh 160,771,891 160,771,891 154,576,118 kWh
Total 160,771,891 160,771,891 154,576,118 kWh

Schedule No. 76R/776R

Large General Service/Partial Requirements Service - Economic Replacement Power Rider
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State of Oregon Griffith/12
Billing Determinants
Actual 12 Months Ended June 30, 2008
Forecast 12 Months Ended December 31, 2010
C Normalized Forecast
Accounting 7/07-6/08 1/10 - 12/10
Schedule Units Units Units
Transmission & Ancillary Services Charge, per kW of Daily ERP On-Peak Demand
Secondary 0 0 0 kW
Primary 0 0 0 kW
Transmission 0 0 0 kW
Daily ERP Demand Charge, per kW of Daily ERP On-Peak Demand
Secondary 0 0 0 kW
Primary 0 0 0 kW
Transmission 0 0 0 kW
Schedule No. 48/748 - Composite
Large General Service (Secondary)
Transmission & Ancillary Services Charge
per kW of on-peak demand 1,837,744 1,837,744 1,680,446 kW
Distribution Charge
Basic Charge
Load Size < 4,000 kW, per month 1,489 1,489 1,466 bill
Load Size > 4,000 kW, per month 12 12 12 bill
Load Size/Facility Charge
Load Size < 4,000 kW, per kW 2,114,534 2,114,534 1,931,585 kW
Load Size > 4,000 kW, per kW 139,476 139,476 130,868 kW
Demand Charge, per kW of on-peak demand 1,837,744 1,837,744 1,680,446 kW
Reactive Power Charge, per kvar 538,768 538,768 486,931 kvar
Energy Charge
Schedule 200
On-Peak, per on-peak kWh 453,657,975 453,657,975 415,357,613 kWh
Off-Peak, per off-peak kWh 255,084,614 255,084,614 233,733,537 kWh
Schedule 201
On-Peak, per on-peak kWh 453,657,975 453,657,975 415,357,613 kWh
Off-Peak, per off-peak kWh 255,084,614 255,084,614 233,733,537 kWh
Subtotal 708,742,589 708,742,589 649,091,150 kWh
Renewable Adjustment Clause, per kWh 708,742,589 708,742,589 649,091,150 kWh
Klamath Rate Reconciliation Surcharge, per kWh 708,742,589 708,742,589 649,091,150 kWh
Total 708,742,589 708,742,589 649,091,150 kWh
Schedule No. 48/748 - Commercial
Large General Service (Secondary)
Transmission & Ancillary Services Charge
per kW of on-peak demand 904,929 904,929 849,080 kW
Distribution Charge
Basic Charge
Load Size < 4,000 kW, per month 689 689 687 bill
Load Size > 4,000 kW, per month 12 12 12 bill
Load Size/Facility Charge
Load Size < 4,000 kW, per kW 999,562 999,562 937,872 kW
Load Size > 4,000 kW, per kW 139,476 139,476 130,868 kW
Demand Charge, per kW of On-Peak demand 904,929 904,929 849,080 kW
Reactive Power Charge, per kvar 143,650 143,650 134,784 kvar
Energy Charge
Schedule 200
On-Peak, per on-peak kWh 234,646,175 234,646,175 220,164,527 kWh
Off-Peak, per off-peak kWh 135,862,293 135,862,293 127,477,286 kWh
Schedule 201
On-Peak, per on-peak kWh 234,646,175 234,646,175 220,164,527 kWh
Off-Peak, per off-peak kWh 135,862,293 135,862,293 127,477,286 kWh
Subtotal 370,508,468 370,508,468 347,641,813 kWh
Renewable Adjustment Clause, per kWh 370,508,468 370,508,468 347,641,813 kWh
Klamath Rate Reconciliation Surcharge, per kWh 370,508,468 370,508,468 347,641,813 kWh
Total 370,508,468 370,508,468 347,641,813 kWh
Schedule No. 48/748 - Industrial
Large General Service (Secondary)
Transmission & Ancillary Services Charge
per kW of on-peak demand 932,815 932,815 831,366 kW
Distribution Charge
Basic Charge
Load Size < 4,000 kW, per month 800 800 779 bill
Load Size > 4,000 kW, per month 0 0 0 bill
Load Size/Facility Charge
Load Size < 4,000 kW, per kW 1,114,972 1,114,972 993,713 kW



PACIFIC POWER & LIGHT COMPANY Exhibit PPL/1008

Griffith/13
State of Oregon
Billing Determinants
Actual 12 Months Ended June 30, 2008
Forecast 12 Months Ended December 31, 2010
C Normalized Forecast
Accounting 7/07-6/08 1/10 - 12/10
Schedule Units Units Units
Load Size > 4,000 kW, per kW 0 0 0 kW
Demand Charge, per kW of on-peak demand 932,815 932,815 831,366 kW
Reactive Power Charge, per kvar 395,118 395,118 352,147 kvar
Energy Charge
Schedule 200
On-Peak, per on-peak kWh 219,011,800 219,011,800 195,193,086 kWh
Off-Peak, per off-peak kWh 119,222,321 119,222,321 106,256,251 kWh
Schedule 201
On-Peak, per on-peak kWh 219,011,800 219,011,800 195,193,086 kWh
Off-Peak, per off-peak kWh 119,222,321 119,222,321 106,256,251 kWh
Subtotal 338,234,121 338,234,121 301,449,337 kWh
Renewable Adjustment Clause, per kWh 338,234,121 338,234,121 301,449,337 kWh
Klamath Rate Reconciliation Surcharge, per kWh 338,234,121 338,234,121 301,449,337 kWh
Total 338,234,121 338,234,121 301,449,337 kWh

Schedule No. 48/748 - Composite
Large General Service (Primary)

Transmission & Ancillary Services Charge
per kW of on-peak demand 3,824,236 3,824,236 3,454,326 kW

Distribution Charge
Basic Charge

Load Size < 4,000 kW, per month 682 682 673 bill
Load Size > 4,000 kW, per month 408 408 400 bill
Load Size/Facility Charge
Load Size < 4,000 kW, per kW 1,298,929 1,298,929 1,185,743 kW
Load Size > 4,000 kW, per kW 3,173,748 3,173,748 2,859,392 kW
Demand Charge, per kW of on-peak demand 3,824,236 3,824,236 3,454,326 kW
Reactive Power Charge, per kvar 891,427 891,427 800,170 kvar
Energy Charge
Schedule 200
On-Peak, per on-peak kWh 1,065,724,850 1,065,724,850 962,377,337 kWh
Off-Peak, per off-peak kWh 695,040,800 695,040,800 627,543,923 kWh
Schedule 201
On-Peak, per on-peak kWh 1,065,724,850 1,065,724,850 962,377,337 kWh
Off-Peak, per off-peak kWh 695,040,800 695,040,800 627,543,923 kWh
Subtotal 1,760,765,650 1,760,765,650 1,589,921,260 kWh
Renewable Adjustment Clause, per kWh 1,760,765,650 1,760,765,650 1,589,921,260 kWh
Klamath Rate Reconciliation Surcharge, per kWh 1,760,765,650 1,760,765,650 1,589,921,260 kWh
Total 1,760,765,650 1,760,765,650 1,589,921,260 kWh

Schedule No. 48/748 - Commercial
Large General Service (Primary)

Transmission & Ancillary Services Charge
per kW of on-peak demand 977,826 977,826 917,478 kW

Distribution Charge
Basic Charge

Load Size < 4,000 kW, per month 370 370 369 bill
Load Size > 4,000 kW, per month 84 84 84 bill
Load Size/Facility Charge
Load Size < 4,000 kW, per kW 596,938 596,938 560,097 kW
Load Size > 4,000 kW, per kW 654,924 654,924 614,504 kW
Demand Charge, per kW of on-peak demand 977,826 977,826 917,478 kW
Reactive Power Charge, per kvar 120,977 120,977 113,511 kvar
Energy Charge
Schedule 200
On-Peak, per on-peak kWh 266,926,600 266,926,600 250,452,703 kWh
Off-Peak, per off-peak kWh 172,041,400 172,041,400 161,423,528 kWh
Schedule 201
On-Peak, per on-peak kWh 266,926,600 266,926,600 250,452,703 kWh
Off-Peak, per off-peak kWh 172,041,400 172,041,400 161,423,528 kWh
Subtotal 438,968,000 438,968,000 411,876,231 kWh
Renewable Adjustment Clause, per kWh 438,968,000 438,968,000 411,876,231 kWh
Klamath Rate Reconciliation Surcharge, per kWh 438,968,000 438,968,000 411,876,231 kWh
Total 438,968,000 438,968,000 411,876,231 kWh

Schedule No. 48/748 - Industrial
Large General Service (Primary)

Transmission & Ancillary Services Charge
per kW of on-peak demand 2,846,410 2,846,410 2,536,848 kW
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State of Oregon Griffith/14
Billing Determinants
Actual 12 Months Ended June 30, 2008
Forecast 12 Months Ended December 31, 2010
C Normalized Forecast
Accounting 7/07-6/08 1/10 - 12/10
Schedule Units Units Units
Distribution Charge
Basic Charge
Load Size < 4,000 kW, per month 312 312 304 bill
Load Size > 4,000 kW, per month 324 324 316 bill
Load Size/Facility Charge
Load Size < 4,000 kW, per kW 701,991 701,991 625,646 kW
Load Size > 4,000 kW, per kW 2,518,824 2,518,824 2,244,888 kW
Demand Charge, per kW of on-peak demand 2,846,410 2,846,410 2,536,848 kW
Reactive Power Charge, per kvar 770,450 770,450 686,659 kvar
Energy Charge
Schedule 200
On-Peak, per on-peak kWh 798,798,250 798,798,250 711,924,634 kWh
Off-Peak, per off-peak kWh 522,999,400 522,999,400 466,120,395 kWh
Schedule 201
On-Peak, per on-peak kWh 798,798,250 798,798,250 711,924,634 kWh
Off-Peak, per off-peak kWh 522,999,400 522,999,400 466,120,395 kWh
Subtotal 1,321,797,650 1,321,797,650 1,178,045,029 kWh
Renewable Adjustment Clause, per kWh 1,321,797,650 1,321,797,650 1,178,045,029 kWh
Klamath Rate Reconciliation Surcharge, per kWh 1,321,797,650 1,321,797,650 1,178,045,029 kWh
Total 1,321,797,650 1,321,797,650 1,178,045,029 kWh
Schedule No. 48/748 - Industrial
Large General Service (Transmission)
Transmission & Ancillary Services Charge
per kW of on-peak demand 695,089 695,089 619,494 kW
Distribution Charge
Basic Charge
Load Size < 4,000 kW, per month 0 0 0 bill
Load Size > 4,000 kW, per month 24 24 23 bill
Load Size/Facility Charge
Load Size < 4,000 kW, per kW 0 0 0 kW
Load Size > 4,000 kW, per kW 845,056 845,056 753,152 kW
Demand Charge, per kW of on-peak demand 695,089 695,089 619,494 kW
Reactive Power Charge, per kvar 142,703 142,703 127,183 kvar
Energy Charge
Schedule 200
On-Peak, per on-peak kWh 254,592,000 254,592,000 226,903,748 kWh
Off-Peak, per off-peak kWh 199,704,000 199,704,000 177,985,113 kWh
Schedule 201
On-Peak, per on-peak kWh 254,592,000 254,592,000 226,903,748 kWh
Off-Peak, per off-peak kWh 199,704,000 199,704,000 177,985,113 kWh
Subtotal 454,296,000 454,296,000 404,888,861 kWh
Renewable Adjustment Clause, per kWh 454,296,000 454,296,000 404,888,861 kWh
Klamath Rate Reconciliation Surcharge, per kWh 454,296,000 454,296,000 404,888,861 kWh
Total 454,296,000 454,296,000 404,888,861 kWh
Schedule No. 15 - Composit
Outdoor Area Lighting Service
No. of Customers 7,620 7,620 7,404
Transmission & Ancillary Services Charge
per kWh 11,114,728 11,114,728 10,467,219 kWh
Distribution Charge
Distribution Charge, per kWh 11,114,728 11,114,728 10,467,219 kWh
Energy Charge
Sch 200, per kWh 11,114,728 11,114,728 10,467,219 kWh
Sch 201 TAM, per kWh 11,114,728 11,114,728 10,467,219 kWh
Subtotal 11,114,728 11,114,728 10,467,219 kWh
Renewable Adjustment Clause, per kWh 11,114,728 11,114,728 10,467,219 kWh
Klamath Rate Reconciliation Surcharge, per kWh 11,114,728 11,114,728 10,467,219 kWh
Total 11,114,728 11,114,728 10,467,219 kWh
Schedule No. 15 - Residential
Outdoor Area Lighting Service
No. of Customers 3,054 3,054 2,999
Transmission & Ancillary Services Charge
per kWh 2,735,890 2,735,890 2,774,367 kWh
Distribution Charge
Distribution Charge, per kWh 2,735,890 2,735,890 2,774,367 kWh
Energy Charge
Sch 200, per kWh 2,735,890 2,735,890 2,774,367 kWh
Sch 201 TAM, per kWh 2,735,890 2,735,890 2,774,367 kWh
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PACIFIC POWER & LIGHT COMPANY Exhibit PPL/1008

State of Oregon Griffith/15
Billing Determinants
Actual 12 Months Ended June 30, 2008
Forecast 12 Months Ended December 31, 2010
C Normalized Forecast
Accounting 7/07-6/08 1/10 - 12/10
Schedule Units Units Units
Subtotal 2,735,890 2,735,890 2,774,367 kWh
Renewable Adjustment Clause, per kWh 2,735,890 2,735,890 2,774,367 kWh
Klamath Rate Reconciliation Surcharge, per kWh 2,735,890 2,735,890 2,774,367 kWh
Total 2,735,890 2,735,890 2,774,367 kWh
Schedule No. 15 - Commercial
Outdoor Area Lighting Service
No. of Customers 4,396 4,396 4,254
Transmission & Ancillary Services Charge
per kWh 7,994,784 7,994,784 7,322,033 kWh
Distribution Charge
Distribution Charge, per kWh 7,994,784 7,994,784 7,322,033 kWh
Energy Charge
Sch 200, per kWh 7,994,784 7,994,784 7,322,033 kWh
Sch 201 TAM, per kWh 7,994,784 7,994,784 7,322,033 kWh
Subtotal 7,994,784 7,994,784 7,322,033 kWh
Renewable Adjustment Clause, per kWh 7,994,784 7,994,784 7,322,033 kWh
Klamath Rate Reconciliation Surcharge, per kWh 7,994,784 7,994,784 7,322,033 kWh
Total 7,994,784 7,994,784 7,322,033 kWh
Schedule No. 15 - Industrial
Outdoor Area Lighting Service
No. of Customers 164 164 146
Transmission & Ancillary Services Charge
per kWh 375,797 375,797 365,386 kWh
Distribution Charge
Distribution Charge, per kWh 375,797 375,797 365,386 kWh
Energy Charge
Sch 200, per kWh 375,797 375,797 365,386 kWh
Sch 201 TAM, per kWh 375,797 375,797 365,386 kWh
Subtotal 375,797 375,797 365,386 kWh
Renewable Adjustment Clause, per kWh 375,797 375,797 365,386 kWh
Klamath Rate Reconciliation Surcharge, per kWh 375,797 375,197 365,386 kWh
Total 375,797 375,797 365,386 kWh
Schedule No. 15 - PS&HW Lighting
Outdoor Area Lighting Service
No. of Customers 6 6 5
Transmission & Ancillary Services Charge
per kWh 8,257 8,257 5,433 kWh
Distribution Charge
Distribution Charge, per kWh 8,257 8,257 5,433 kWh
Energy Charge
Sch 200, per kWh 8,257 8,257 5,433 kWh
Sch 201 TAM, per kWh 8,257 8,257 5,433 kWh
Subtotal 8,257 8,257 5,433 kWh
Renewable Adjustment Clause, per kWh 8,257 8,257 5,433 kWh
Klamath Rate Reconciliation Surcharge, per kWh 8,257 8,257 5,433 kWh
Total 8,257 8,257 5,433 kWh
Schedule No. 50
Mercury Vapor Street Lighting Service
No. of Customers 286 286 287
Transmission & Ancillary Services Charge
per kWh 10,754,350 10,754,350 10,738,031 kWh
Distribution Charge
Distribution Charge, per kWh 10,754,350 10,754,350 10,738,031 kWh
Energy Charge
Sch 200, per kWh 10,754,350 10,754,350 10,738,031 kWh
Sch 201 TAM, per kWh 10,754,350 10,754,350 10,738,031 kWh
Subtotal 10,754,350 10,754,350 10,738,031 kWh
Renewable Adjustment Clause, per kWh 10,754,350 10,754,350 10,738,031 kWh
Klamath Rate Reconciliation Surcharge, per kWh 10,754,350 10,754,350 10,738,031 kWh
Total 10,754,350 10,754,350 10,738,031 kWh
Schedule No. 51/751
High Pressure Sodium Vapor Street Lighting Service
No. of Customers 674 674 686
Transmission & Ancillary Services Charge
per kWh 16,615,292 16,615,292 16,084,697 kWh
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PACIFIC POWER & LIGHT COMPANY Exhibit PPL/1008

State of Oregon Griffith/16
Billing Determinants
Actual 12 Months Ended June 30, 2008
Forecast 12 Months Ended December 31, 2010
C Normalized Forecast
Accounting 7/07-6/08 1/10 - 12/10
Schedule Units Units Units
Distribution Charge
Distribution Charge, per kWh 16,615,292 16,615,292 16,084,697 kWh
Energy Charge
Sch 200, per kWh 16,615,292 16,615,292 16,084,697 kWh
Sch 201 TAM, per kWh 16,615,292 16,615,292 16,084,697 kWh
Subtotal 16,615,292 16,615,292 16,084,697 kWh
Renewable Adjustment Clause, per kWh 16,615,292 16,615,292 16,084,697 kWh
Klamath Rate Reconciliation Surcharge, per kWh 16,615,292 16,615,292 16,084,697 kWh
Total 16,615,292 16,615,292 16,084,697 kWh
Schedule No. 52/752
Company-Owned Street Lighting Service
No. of Customers 86 86 79
Transmission & Ancillary Services Charge
per kWh 1,356,205 1,356,205 1,185,726 kWh
Distribution Charge
Distribution Charge, per kWh 1,356,205 1,356,205 1,185,726 kWh
Energy Charge
Sch 200, per kWh 1,356,205 1,356,205 1,185,726 kWh
Sch 201 TAM, per kWh 1,356,205 1,356,205 1,185,726 kWh
Subtotal 1,356,205 1,356,205 1,185,726 kWh
Renewable Adjustment Clause, per kWh 1,356,205 1,356,205 1,185,726 kWh
Klamath Rate Reconciliation Surcharge, per kWh 1,356,205 1,356,205 1,185,726 kWh
Total 1,356,205 1,356,205 1,185,726 kWh
Schedule No. 53/753
Customer-Owned Street Lighting Service
No. of Customers 249 249 250
Transmission & Ancillary Services Charge
per kWh 9,277,495 9,277,495 9,316,113 kWh
Distribution Charge
Distribution Charge, per kWh 9,277,495 9,277,495 9,316,113 kWh
Energy Charge
Sch 200, per kWh 9,277,495 9,277,495 9,316,113 kWh
Sch 201 TAM, per kWh 9,277,495 9,277,495 9,316,113 kWh
Subtotal 9,277,495 9,277,495 9,316,113 kWh
Renewable Adjustment Clause, per kWh 9,277,495 9,277,495 9,316,113 kWh
Klamath Rate Reconciliation Surcharge, per kWh 9,277,495 9,277,495 9,316,113 kWh
Total 9,277,495 9,277,495 9,316,113 kWh
Schedule No. 54/754
Recreational Field Lighting
Transmission & Ancillary Services Charge
per kWh 1,004,784 1,004,784 815,719 kWh
Distribution Charge
Basic Charge, Single Phase, per month 840 840 865 bill
Basic Charge, Three Phase, per month 385 385 397 bill
Distribution Energy Charge, per kWh 1,004,784 1,004,784 815,719 kWh
Energy Charge
Sch 200, per kWh 1,004,784 1,004,784 815,719 kWh
Sch 201 TAM, per kWh 1,004,784 1,004,784 815,719 kWh
Subtotal 1,004,784 1,004,784 815,719 kWh
Renewable Adjustment Clause, per kWh 1,004,784 1,004,784 815,719 kWh
Klamath Rate Reconciliation Surcharge, per kWh 1,004,784 1,004,784 815,719 kWh
Total 1,004,784 1,004,784 815,719 kWh
TOTAL OREGON 14,204,832,722 13,978,377,707 13,392,810,002
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Exhibit Accompanying Supplemental Direct Testimony of William R. Griffith
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