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June 5,2009

VIA ELECTRONIC FILING
AND OVERNIGHT DELIVERY

Oregon Public Utility Commission
550 Capitol Street NE, Suite 215
Salem, OR 97301-2551

Attn: Filing Center

RE: Docket No. UE-210 - PacifiCorp's Supplemental Direct Testimony

825 NE Multnomah. Suite 2000
Portland. Oregon 97232

Pursuant to the Administrative Law Judge's May 14,2009 Ruling ("Ruling") in the above
referenced matter, enclosed for filing by PacifiCorp d/b/a Pacific Power are an original and five
(5) copies of supplemental direct testimony and exhibits. The following witnesses submit
supplemental direct testimony on the specific requests from the Ruling:

• Dr. Samuel C. Hadaway, responds to Requests 1 and 3.
• Stefan A. Bird, responds to Request 2.
• Gregory N. Duvall, responds to Requests 9, 10, 11, 12, 13, 15, 16, 17, 18, 19

and 20.
• R. Bryce Dalley, responds to Requests 4, 6, 7, and 8.
• C. Craig Paice, responds to Request 22.
• William R. Griffith, responds to Requests 5, 14,21, and 23.

It is respectfully requested that all data requests regarding this matter be addressed to:

By E-mail (preferred):

By regular mail:

datarequest@pacificorp.com.

Data Request Response Center
PacifiCorp
825 NE Multnomah, Suite 300
Portland, OR 97232

Please direct informal correspondence and questions regarding this filing to Joelle Steward,
Regulatory Manager, at (503) 813-5542.

Very truly yours,

f\f\d,w, L, ILtLLcr!~ ')
Andrea L. Kelly
Vice President, Regulation
Enclosures



CERTIFICATE OF SERVICE

I hereby certify that I served a true and correct copy of the foregoing document, in
Docket UE 210, on the date indicated below by email andlor overnight delivery,
addressed to said parties at his or her last-known addressees) indicated below.

Service List
UE-210

Randall Dahlgren (W)
Rates & Regulatory Affairs
Portland General Electric
121 SW Salmon Street, 1WTC0702
Portland, OR 97204
Pge.opuc.filings@pgn.com

Gordon Feighner (W)
Citizens' Utility Board of Oregon
610 SW Broadway, Suite 308
Portland, OR 97205
gordon@oregoncub.org

G. Catriona McCracken (W) (C)
Citizens' Utility Board of Oregon
610 SW Broadway, Suite 308
Portland, OR 97205
catriona@oregoncub.org

Richard Lorenz (W) (C)
Cable Huston Benedict Haagensen &
Lloyd LLP
1001 SW 5th Avenue, Suite 2000
Portland, OR 97204
rlorenz@chbh.com

Judy Johnson (C)
Oregon Public Utility Commission
PO Box 2148
Salem, OR 97308-2148
Judy. iohnson@state.or.us

Katherine A. McDowell (W)
McDowell & Associates PC
520 SW Sixty Ave., Suite 830
Portland, OR 97204
Katherine@mcd-Iaw.c0111

Douglas Tingey (W)
Asst General Counsel
Portland General Electric
121 SW Salmon Street, 1WTC 13
Portland, OR 97204
Doug.tingey@pgn.com

Robert Jenks (W) (C)
Citizens' Utility Board of Oregon
610 SW Broadway, Suite 308
Portland, OR 97205
bob@oregoncub.org

Melinda Davison (C)
Davison Van Cleve PC
333 SW Taylor, Suite 400
Portland, OR 97204
mail@dvclaw.com

J. Laurence Cable (W) (C)
Cable Huston Benedict et al
1001 SW 5th Avenue, Suite 2000
Portland, OR 97204
lcablermchbh.com

Jason W. Jones (C)
Department of Justice
Regulated Utility & Business Section
1162 Court St. NE
Salem, OR 97301-4096
Jason.w. jones@state.or.us

Arnie Jamieson (W)
McDowell & Associates PC
520 SW Sixty Ave., Suite 830
Portland, OR 97204
amie@mcd-Iaw.com



Joelle Steward (W)
Pacific Power & Light
825 NE Multnomah si., Suite 2000
Portland, OR 97232
Joelle. steward@pacificorp.com

Oregon Dockets (W)
Pacific Power & Light
825 NE Multnomah S1., Suite 2000
Portland, OR 97232
oregondockets((i{pacificorp.com

Greg Addington (W) (C)
Klamath Water Users Association
2455 Patterson S1., Suite 3
Klamath Falls, OR 97603
greg@cvcwireless.net

DATED: June 5, 2009.

Jordan A. White (W)
Pacific Power & Light
825 NE Multnomah sr., Suite 1800
Portland, OR 97232
Jordan.white@paeificorp.com

Randall J. Falkenberg (C)
RFI Consulting Inc
PMB 362
8343 Roswell Rd
Sandy Springs, GA 30350
consultrfi@aol.eorn
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A. My name is Samuel C. Hadaway.   

Q. Are you the same Samuel C. Hadaway who provided direct testimony in this 

case as Exhibit PPL/200? 

A. Yes. 

Purpose of Testimony 

Q. What is the purpose of your supplemental direct testimony? 

A. The purpose of my supplemental direct testimony is to respond to Requests 1 and 

3 in the May 14, 2009 Ruling of the Administrative Law Judges on Supplemental 

Testimony ("Ruling on Supplemental Testimony"), which pertain to my direct 

testimony.   

Request 1—Request for Documents 

Q. What is Request 1 in the Ruling on Supplemental Testimony?

A. Request 1 directed the Company to provide, as additional exhibits to PPL/200, 

copies of the documents cited in the following testimony:

� PPL/200, Hadaway/25, Lines 3-4, 14-15; 
� PPL/200, Hadaway/28, Table 4; and 
� PPL/200, Hadaway/35, Lines 1-2 

Q. Did you previously provide copies of each of these documents in the 

workpapers filed as a part of the Company’s initial filing? 

A. Yes.  These documents were included in whole or in part in my workpapers, 

which were provided with the Company’s initial filing on April 2, 2009.   

Supplemental Direct Testimony of Samuel C. Hadaway 
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Q. Have you provided new exhibits to your testimony in response to this 

request?
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A. Yes.  My testimony relies upon and sponsors only the following, specific pages 

from these documents 

� Exhibit PPL/209 – Standard & Poor’s Industry Surveys, Electric 
Utilities, February 26, 2009, p. 6.  (Referenced at PPL/200, 
Hadaway/25, Lines 3-4.) 

� Exhibit PPL/210 – Value Line Investment Survey, Electric Industry, 
February 27, 2009, p. 148.  (Referenced at PPL/200, Hadaway/25, 
Lines 14-15.) 

� Confidential Exhibit PPL/211 – Regulatory Focus, Regulatory
Research Associates, Inc., Major Rate Case Decisions, January 12, 
2009.  (Referenced at PPL/200, Hadaway/28, Table 4.) 

� Exhibit PPL/212 – Morningstar, Inc., Ibbotson SBBI, 2008 Classic 
Yearbook, p.31.  (Referenced at PPL/200, Hadaway/35, Lines 1-2.) 

In compliance with the Ruling on Supplemental Testimony, I have 

provided a complete copy of the documents in Exhibits PPL/209 and PPL/211.  

Because the documents cited in Exhibits PPL/210 and PPL/212 are too 

voluminous to provide in full, the Company has provided only the relevant 

portions of these documents. By submitting these documents as exhibits, the 

Company does not concede the relevance of all of the information  contained in 

the entire publication. 

Request 3—Return on Equity Information from Comparable Group 

Q. What is Request 3 in the Ruling on Supplemental Testimony? 

A. Request 3 directs the Company to provide, as additional exhibits to PPL/200, the 

authorized rate of return on equity for the 19 comparable companies listed in 

Exhibits PPL/202 and PPL/204. 

Supplemental Direct Testimony of Samuel C. Hadaway 
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Q. Was the authorized rate of return on equity one of the factors you considered 

in determining the comparable group? 
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A. No.  My review focused on companies with business risk and financial risk 

profiles comparable to PacifiCorp.  I did not consider the current authorized rate 

of return on equity in selecting the companies in my analysis.  

Q. Is the information requested in the Ruling on Supplemental Testimony 

available?

A. No.  The comparable group listed in Exhibits PPL/202 and PPL/204 is comprised 

of publicly traded parent companies, which have the market data required for the 

comparable company DCF analysis.  Because these parent companies are not 

regulated entities, they do not have authorized rates of return.  

Q. Is there information available on the authorized rates of return on equity for 

the regulated utility operating subsidiaries of the comparable companies 

listed in Exhibits PPL/202 and PPL/204?

A. Yes.   Authorized returns for the regulated operating subsidiaries of the 

comparable companies are available.  To the extent that such operating companies 

have had cases with announced authorized returns during the past two years, those 

data are included in pages 5 to 7 in the Regulatory Research Associates (“RRA”) 

publication, which was provided in my workpapers and is now being filed as 

Confidential Exhibit PPL/211.   

Other RRA data available to the Company lists historical authorized rates 

of return on equity.  Using these RRA data, the Company has prepared a list of 

authorized rates of return on equity for each operating subsidiary of my 

Supplemental Direct Testimony of Samuel C. Hadaway 
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Supplemental Direct Testimony of Samuel C. Hadaway 
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comparable companies.  This listing is provided as Exhibit PPL/213.   

Q. Do you have any additional observations about Exhibit PPL/213? 

A. Yes.  The data in Exhibit PPL/213 are, to my knowledge, the best indication of 

authorized returns associated with the comparable companies.  However, some of 

the authorized returns are from cases decided several years ago and, therefore, 

may not be representative of the current cost of capital.  Also, there is no standard 

weighting methodology that I am aware of for grouping the operating companies’ 

authorized returns into a composite return for their respective parent companies.  

For these reasons, and because I selected the comparable group without 

considering such information, the Company does not believe that Exhibit 

PPL/213 is relevant to setting PacifiCorp’s authorized return on equity in this 

case.

Q. Does this conclude your supplemental direct testimony? 

A. Yes. 
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Standard & Poor’s Industry Surveys, Electric Utilities, February 26, 2009 
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Regulatory Focus, Regulatory Research Associates, Inc., Major Rate Case Decisions, 
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Allowed Date
No Holding Company Operating Company Name State ROE Allowed
1 ALLETE Minnesota Power, Inc. MN 10.74% 5/4/2009

2 Alliant Energy Corp. Interstate Power & Light Co. IA 10.97% 12/14/2004
Alliant Energy Corp. Interstate Power & Light Co. MN 10.39% 3/3/2006
Alliant Energy Corp. Wisconsin Power & Light Co. WI 10.80% 1/19/2007

3 Consolidated Edison, Inc. Consolidated Edison Co. Of New York Inc. NY 10.00% 4/24/2009
Consolidated Edison, Inc. Orange & Rockland Utilities, Inc. NY 9.40% 7/16/2008
Consolidated Edison, Inc. Rockland Electric Co. NJ 9.75% 3/22/2007

4 DPL Dayton Power & Light OH 13.00% 1/22/1992

5 DTE Energy Co. Detroit Edison Co. MI 11.00% 12/23/2008

6 Duke Energy Duke Energy Ohio OH 10.29% 12/21/2005
Duke Energy Duke Energy Carolinas NC 11.00% 12/20/2007
Duke Energy Duke Energy Carolinas SC 12.25% 11/5/1991
Duke Energy Duke Energy Kentucky KY 11.50% 5/5/1992
Duke Energy Duke Energy Indiana IN 10.50% 5/18/2004

7 Edison International Southern California Edison Co. CA 11.50% 12/21/2007

8 Entergy Entrgy Arkansas AR 9.90% 6/15/2007
Entergy Entergy Gulf States LA 11.10% 1/8/2003
Entergy Entergy Lousiiana LA 10.25% 5/18/2005
Entergy Entergy Mississppi MS 11.75% 12/31/2002
Entergy Entergy New Orleans LA 11.10% 4/2/2009
Entergy Energy Texas TX 11.40% 7/10/1998

9 FPL Group, Inc. Florida Power & Light Co. FL 12.80% 1/9/1990

10 IDACORP, Inc. Idaho Power Co. ID 10.50% 1/30/2009

11 NSTAR NSTAR Electric Co. MA 11.75% 10/30/1992

12 PG&E Corp Pacific Gas and Electric Co. CA 11.35% 12/21/2007

13 Portland General Electric Co. Portland General Electric Co. OR 10.10% 12/29/2008

14 Progress Energy, Inc. Progress Energy Carolinas NC 12.75% 8/5/1988
Progress Energy, Inc. Progress Energy Carolinas SC 12.75% 8/29/1988
Progress Energy, Inc. Progress Energy Florida FL 12.00% 9/22/1992

15 Sempra San Diego Gas & Electric CA 11.10% 12/21/2007

16 Southern Co. Alabama Power Co. AL 13.75% 3/5/1990
Southern Co. Georgia Power Co. GA 11.25% 12/31/2007
Southern Co. Gulf Power Co. FL 12.00% 6/10/2002
Southern Co. Mississippi Power Co. MS 12.88% 12/3/2001

17 Vectren Corp. Southern Indiana Gas & Electric Co. IN 10.40% 8/15/2007

18 Wisconsin Energy Corp. Wisconsin Electric Power Co. WI 10.75% 1/17/2008

19 Xcel Energy, Inc. Northern States Power Co. MN 10.54% 9/1/2006
Xcel Energy, Inc. Northern States Power Co. ND 10.75% 12/31/2008
Xcel Energy, Inc. Northern States Power Co. SD 12.00% 12/19/1990
Xcel Energy, Inc. Northern States Power Co. Wisconsin WI 10.75% 1/8/2008
Xcel Energy, Inc. PSC of Colorado CO 10.50% 12/1/2006
Xcel Energy, Inc. Southwestern Public Service Co. NM 10.18% 8/26/2008
Xcel Energy, Inc. Southwestern Public Service Co. TX 16.17% 6/23/1982

Summary of Operating Companies in Dr. Hadaway's Proxy Group

Exhibit PPL/213 
Hadaway/1



Stefan A
. B

ird
Exhibit PPL/504



Docket No. UE-210 
Exhibit PPL/504 
Witness: Stefan A. Bird 

BEFORE THE PUBLIC UTILITY COMMISSION 

OF THE STATE OF OREGON 

PACIFICORP 
___________________________________________________________

Supplemental Direct Testimony of Stefan A. Bird 

June 2009



PPL/504
Bird/1
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A. My name is Stefan A. Bird.   

Q.  Are you the same Stefan A. Bird who provided direct testimony in this case 

as Exhibit PPL/500? 

A. Yes. 

Purpose of Testimony 

Q. What is the purpose of your supplemental direct testimony? 

A. The purpose of my supplemental direct testimony is to respond to Request 2 in the 

May 14, 2009 Ruling of the Administrative Law Judges on Supplemental 

Testimony ("Ruling on Supplemental Testimony"), which pertains to my direct 

testimony.   

Request 2—Request for Documents 

Q. What is Request 2 in the Ruling on Supplemental Testimony?

A. Request 2 directs the Company to provide, as additional exhibits to PPL/500, 

copies of the documents cited in PPL/500, Bird/9, n 1-3.    

Q. Did you previously provide copies of each of these documents in the 

workpapers filed as a part of the Company’s initial filing? 

A. Yes.  These documents were included in my workpapers, which were provided 

with the Company’s initial filing on April 2, 2009.

Q. Have you provided these documents as new exhibits to your testimony in 

response to this request? 

A. Yes.  While I am including complete copies of these documents as exhibits in 

compliance with the Ruling on Supplemental Testimony, my testimony relies 

Supplemental Direct Testimony of Stefan A. Bird 
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Supplemental Direct Testimony of Stefan A. Bird 
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upon and sponsors only the following, specific pages from these documents: 

� Exhibit PPL/505 – Prabhu, Aneesh and Pratt, Terry A., “Increasing 
Construction Costs Could Hamper U.S. Utilities Plans to Build New 
Power Generation,” Ratings Direct, Standard & Poor’s (June 12, 
2007), page 2. (Referenced at PPL/500, Bird/9, n 1.) 

� Exhibit PPL/506 – Chupka, Marc W. and Basheda, Gregory, Rising 
Utility Construction Costs: Sources and Impacts, The Brattle Group 
for The Edison Foundation (September 2007), page 8. (Referenced at 
PPL/500, Bird/9, n 2.) 

� Exhibit PPL/507 – Chupka, Marc. W and Earle, Robert, Transforming 
America’s Power Industry: the Investment Challenge 2010-2030, The 
Brattle Group for The Edison Foundation (November 2008), page 6-7. 
(Referenced at PPL/500, Bird/9, n 3.) 

By submitting these complete documents as exhibits, the Company does not 

concede the relevance of all of the information they contain.  

Q. Does this conclude your Supplemental Direct Testimony? 

A. Yes. 
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Increasing Construction Costs COllld
Halnper U.S. Utilities' Plans To Build
New Power Generation
Primary Credit Analyst:
Aneesh Prabhu, New York (1) 212-438-1285; aneesh_prabhu'©standardandpoors.com

Secondary Credit Ana Iyst:
Terry A Pratt, New York (1) 212-438-2080; terry...jlratt@standardandpoors.com

TabIe Of Contents

The Resource Challenge

Extent Of Cost Increase

Credit Implications For Industry Participants

Notes

Other Sources

www.standardandpoors.com/ratingsdirect

Standard & Poor's. All lig[11S resorvcd. No reprim or dissemination withoU1 S&P's permission. See Terms of
Usc/Disclaimer on the last page.

1
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Increasing Construction Costs Could Hamper
U.S. Utilities' Plans To Build New Power
Generation
As a result of declining reserve margins in some U.S. regions the U.S. brought about by a sustained growth of the

economy, the domestic power industry is in the midst of an expansion. Standing iil the way are capital costs of new

generation t,hat have riseu, substantially qver the pas~ three years. Cost, pres_sure~ have been caused by demands of

global infrastmcture expansion. In the domestic power industry, cost pressu,res have arisen from higher demand for

pollution control equipment, expansion of the tr.ansmission grid, and new generation.

While the industry has experienced buildout cydes in the past, what makes the current environment different is the

supply-side resource challenges faced by the construction industry. A confluence of resource limitations have

contributed, which Standard & Poor's Ratings Services broadly classifies under the following categories:

• Global demand for commodities,

• Material and equipment supply,

• Relative inexperience of new labor force, and

• Contractor availability.

The power industry has seen capital costs for new generation climb by more than 50% in the past three years, with

more than 70% of this increase resulting from engineering, proCLlrement, and construction (ErC) costs. Continuing

demand, both domestic and international, for EPC services will likely keep costs at elevated levels. As a resuJr, it is

possible that with-declining reserve margins, utilities conld end up bnilding generation;:lt a time when labor ;:Ind

materials shortages cause capital costS to rise, well north of $2,500 per kWfor supercritical coal plants and

approaching $1,000 per kWior combined-cycle gas turbines (CCGT) (1). In a separate yet key point, as capital

costs rise, eilergy efficiency and demand side management, already important from a climate change .perspective,

become even more cmci;:ll as any redue.tion in demand will me;:tnJower req uirementior new capacity.

Increasing capital costs will affect market participant.., to varying degrees. For regulated utilities, regulation remains

the dominant credit driver. The key credit consideration for utilities with plants under development will be the

preappIoval of costs in rate base and timeliness of allowed returns as construction progresses. For utilities that

choose to accept additional risks posed by nontraditional EPe cOiltracts, agreements for recovery of .potential cost

increases OI self-insurance against contingencies through reserve funds will also be important.

Construction risks of large pr.ojects undertaken by unregulated generation affiliates of diversified energy c.ompanies

may affect the consolidated business risk profile, especiall)' if costs aren't locked in and overages must be recovered

from competitive market revenues. Projeet-financedsingle-asset constru.:tions that rely on nonstandard EPC

contracts could he challenged to reach invesnilent-grade ratings even if they are fnIly contracted post-construction.

The Resource Challenge

Standard & Poor's RatingsDirect I June 12, 2007

SIandard & Poor's. All righls rcsmved. No rcprim or disseminalion without S&P's pormission. Sec Terms of UsciDisclaiincron the lasl page.
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Increasing Construction Costs Could Hamper U.S. Utilit;es' Plans To Build New Power Generation

Global demand for cOtru:llodities
A rapid increase in global demand, predominantly from A,>i~, has resulted in a sharp increase in prices for

cOll1ll1odities important in the power sector. Some industry sources estimate that China's consumption accOlUlted for

about 40% of world cement supply and 25% of world steel supply in 2005 (2). A number of construction materials

haYe seen a dramatic price increase in each of the years since the f-irst quarter of 2004, and still remain at elevated

levels. Prices of steel--up 50% ill first half of 2004 alone--Ieveled off in 2005 but were on the rise again in 2007, up

20% over December 2005 (3). Copper products' (up 60% since December 2005) and cement (up 15% since 2005)

are the current drivers for continuing upward price pressures.

Material and equipment supply
In recent years, price competitiveness has encouraged (read: forced) original equipment manufacturers to employ

global SOllICing for raw material and fabrication needs. Bnthere too the rapid growth in Asia, which is drawing on

global supply for raw materials, is resulting in long'er lead times and price increases. An example of this rapid

growth is China: It went from an exporter bf iron ore to being the world's largest importer by 2004 (4). Lead times

for materials have increased (see cbart) as raw material suppliers and fabrication facilities are taking reservation fees

in order to secure availability of material and fabrication slots.

Tube And Pipe Leadtimes"

• CapaGity' slots

ee s ExMil1

• r,'lar 6t

90.,-----------------------------

, lIoytuaes High alloy tub~ Pipe Large diameter pipes

t s of March 2(}()7. Source: Burns 8. ROi;. Market implies no reservation.

© Standard &. Poor's 200 .

Relative inexperience of new labor
While an extreme lllilteriaJs price escalation may have nm itl' course, lahar Lasts are becoming, the new driver for

industry inflation. The Construction Cost Inc!ex (CCI) (4) and the Building Cost Index (BCI) h<lve inLIeasec! at a

compound annual growth rate of 5% and 5.5%, .t:espectively, over the past three years. We learned in discussions

with EPe contractors that the cost of labor has nearly doubled since the last round of constmCtion in 2001. TillS

www.standardandpoors.com/ratingsdirect 3
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labor cost and supply situation is due to a sign,ificant amount of construction experience that has retired and

replaced by a new, less experienced workforce resulting inreductions in labor productivity. And it could get worse:

In the engineering Sector. over 45% of labor will be eligible for retirement over the next five years. At the same time.

strong global labor construction demand is leading to shortages of skilled labor, especially in the energy sector,

which threatens the schedule and in-service dates of projects.

Contractor availability
Only a few contractors can absorb the risk of major construction projects. Sponsors are seeing more single bidder

pmjects and an overall redL1ction in the number of bidders for projee.ts.

Contract provisions are changing
The sL1pply-side issL1es are caL1sing a change in contract pmvisions offered by the construction industry. liPe
conuacts with _guaranteed prices that shield utilities from cost overruns are now either very expensive, contain

clauses that one can drive a tfL1ck through, or simply aren't offered. Simultaneously, we have seen the advent of
risk-sharing mechanisms such as multi-prime conrractin,g (EPCM), which distributes construction risk between

contractor and sponsor but lowers installed cost.

To he clear though, the record of construction over the past few years when contractors got hit with perform<'Ulce

pen;11ties is another reason that conJract pmvisions have changed. Still, the sLlpply issues have allowed contractors

the upper hand. We llave increasingly seen the use of adj ustlllent cia uses as contractors respond to material price

escalations. including:

• Material escalation clauses that traLk the actual variation of prices from bid amounts,

• The use of indices to adj ust prices, commonly CCI (which assigns a higher weigl1ting to labor cost.<;) and also the

Materials Cost Inde..'(,

• An escalation allowance line item in contracts that serves as a cap for the contractor to recover unanticipated cost

increases,

• The use of surcharges typically to limit fLlel-Only escalations, and

• The re-emergence of cost-based plus contracting.

Extent Of Cost Increase
We assessed the magnitude of cost increases by comparing coal projects. Mder construction during 2003 to 200D.

Table 1 lists S0me coal-fired generation projects currently under devel0pment:

Table 1

Coal Plants Under Construction

Project
Power Size EPC Year EPC Broke Expected cost ($
plant Location Primary owner (MWI Type of unit contract contracted ground completion perkWl
Council Iowa MidAmerican 790 Super-critical Fixed 2002 2003 2007 1,816
Bluffs Unit Energy Co.
4

Elm Road Wisconsin Wisconsin 1,230 Super-critical Fixed 2002/2003 2004 2009/2010 1,781
Energy Corp.

Weston 4 Wisconsin WPS Resources 500 Super-critical Mu Iti-prime 2002/2003 2004 2008 1,560
Corp.

Standard & Poor's RatingsDirect I June 12, 2007
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Table 1

Coal Plants Under Construction (cont.)

Nebraska Nebraska Omaha Publio 653 Sub cdtical Fixed 20M 2005 2009 1,600
City 2 Power District

latan Unit 2 Missouri Kansas City 850 Super-critical Multi-pril11e December 2006 2010 1,965
Power & Light 2005
Co.

Plum Point Arkansas Plum Point 663 Su b-critical Fixed 2005 2006 2010 2,150
Energy
Associates

LongView Pennsylva nia LongView Power 695 Super-critical Multi 2006 2007 2010 2,600
LLC

Sub a~d supercritical teohnologies result in minor diffBle~ces to oapital cost Adjustments were made to AFUDC/funded interest to make the oomparison reJevant Some
projects also have modest other costs such as coal cars or transmission connects. AFUDC-Allowance for funds used during con;;truction. EPC-Engineering,. proourement
and CQnstructJOn

The sample is small lnlt the trend is evident. Brbadly, capital costs have risen, from about $1,700 per kW in

2003-2004 to about $2,500 per kW by year-end 2006. The increase was sharp from 2005 to- 2006. A key

comparison is between Nebraska City #2 (NC#2)and the Plum Point Project as these t\VO allow us to control all

other cost variables--they are of similar size and have a fixed priced EPC that is conn-acted with the same

construction consortium (we recognize that the existing site gives NC#2 some advantages). The important

distinction is that the constructim1 contracting was a year apart. Capital costs for Plum Point were almost 35 tyo
higher. The fixed price ErC componentfor Plum Point was almost 40% higher,increasing to nearly $1 1325 per kW

compared with $960 per kW for NC#2. For the Longview project, which completed construction contract

negotiations a year after Plum Point, the EFC contract price is a further 30% higher <;It about $1,700 per kW

New combined-cycle plants have similar issues
We had informal discussions with some EPC contractors to determine the effect on new combined-cycle plants (see

table 2). The theme is similar. Labor costs have l1early doubled since the last constru.ction cycle, from abollt 25% to

nearly 40% of total project cost. Other factors included higher costs of commodities like copper; steel, and cement,

somewhat offset by reduction:s in tuIbine costs. The range of about $745 to $785 per kW is about 20%, to 25%

higher than costs in 2002. The high range is abom ,60% higher than price in 2002.

Table 2

Combined-Cycle Plant Cost Comparison*

($perkW) EPC 1 EPC 210w range EPC3 Average EPC 1 high range EPC 2 ~igh Range
EPC cost 630 615 650 632 870 760

Soft cost~ 160 125 195 160 220 225

Total 790 740 845 792 1090 9a~

~Costs estimated by three different EPC oontractors. Estimates are identified as EPC 1, EPC 2, and fPC 3. ~ 5@ftcosts.include water supply, finance, legal, IDC, and natur.al
gas pipe connects, EPC--fngineering, procurement, and constrUl:tJon.

Still, these Lmits have shorter COllstrLlction lead times and can be carried bn utilities' balalicesheets without

significant credit impact. Together with pOtential future costs relating to climate change, we could see the

cancellation of some coal-fired construction projects and a shift in favor of natural gas fired units. However, supply,

longer-term prices, and vola tility of Ila tural gas will remain concerns.
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Credit Implications Fot Industry Participants
Beca use the electric ind ustry is entering a period of sLlstained building after a prolonged absence, companies are

again highly dependent on regulatory decisions for full recovery of tbe_se growing costs. There has also heena shift

in this round .of heavy construction to predominantly rate-based recovery aB regulated utilities undertake many large

projects. However, regulators are ·de<lling with cost pressures from <l variety of other f~ctors, such as expiring

frozen/capped periods, fuel cost recovery, distrihution related hase rate requests, and extensive spendiag related to

environmental emissions control. After the relatively calm period of transition/rate freeze agreements between 1996

and 2005, the sheer volLlme of rate cases facing regulators will pose a challenge. Balancing competing priorities of

maintaining reliability ~rld avoiding I.;lte shocks will be an unenviable job, and some I<lte-case orders ~y result in

regulatory deferrals or even pressure the full recoverahility·of rate-based pl~nts, which could weaken some utilities'

credit quality.

Recognizing the need for new power,sonte states are enacting laws that allow utilities to seek regulatory decisions

that effectively preapprove the costs of new generation facilities. Rulemaking clarity is also, being provided by

specifying the rate-making principles that commissions' wiJl apply when that new generation can be placed in the

utility's rate base. HOllse BillS77 in Iowa, Senate Bill 79 in Wisconsin, Senate Bill 1416 in Virginia, and House Bill

1910 in Oklahom~ are examples of such efforts. While the laws in Wisconsin, Oklahoma, and Virginia rem~in

untested, MidAmerican 'Energy Co. used Iowa's ill" 577 to seek preapptoval of its 60.67% ownershipinterestia the

CoUlicil Bluffs facility. Pursuarlt to rate settlements in Iowa, MidArherican Energy will he permitted to include in its

rate base the Iowa portion of up to $682.5 million in construction costs and earn a 12.29% return on equity once

the 790 MW plant is completed. Costs exceeding this cap would be recoverable if determined to have been

prudently incurred.

Credit implications for regulated utilities should be fairly straight forward. As long as the utility .in the process of

building a large project has access to protective safeguards like regulatbIy preapproval for cbnstructioll, timely

recovery on capital work in progress, and other cost-recovery mechanisms, it can meaningfully mitigate the large

risks posed by construction projects. Still, these utilities will have to manage overall risks' during the construction

pr.ocess to avoid cost overruns. For example, despite their approved f-ixed-priceEPC construction for the Elm Road

project, Wisconsin Energy Corp. and Ma:dison Gas -& Electric Co. will have to absorb cost escal~tions from more

stringent env:ironmental requirements if overall cost overruns exceed 5% of the approved. capital cost.

Regulated utilities that forego the protection of a fixed EPC will increase their exposure to construction risk from

material cost increases, scheduling delays, and performance issues. In such cases, we look for regulatory

pre-agreements that lessen the risk of disallowance or restricted reserves that mitigate the risk of overruns. Some

utilities also address risk by partaking in large projects through joint ownership interest. Utilities have also used a

combination of these strategies. The laton 2 project is a good example of a EPCM approach that is structured to

protect its owners' credit quality. The project has fiv:e owners, but two bwners, Kansas City Pmv'er & Light Co. and

Empire District Electric Co., are allowed to accelerate plant-related amortization expense in rate proceedings

occurring before tbe in-service date, and the project has nearly 12.5% of project cost_s in contingency reserves.

Uillegulated generation companies can't recover any of their capital investment through regulated means and mllst

rely on market prices to recover these investments. The current environment of increasing prices has pressured the

economics of merchant generation. While capacity markets can provide visibility into market-based revenues in

Standard & Poor's RatingsDirect I June 12, 2007
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some areas, they have not developed enough to provide the certainty needed to support generation projects with

long lead times. However, the capacity clearing price of PJM's first reliability pricing model anctionf01' the eastern

Mid-Atlantic Area Council subregion is dose to the price that can support new CCCT capital costs. Howev.er, it's

too early to tell whetller this will drive significant unregulated construction activity. We do expect some unregulated

generation affiliates of diversified utilities to consider self-build options for CCGTs to lower installed cost.

Implications for credit qLlality will depend on the relative m;lgnitude of construction risk and !;he presence of

mitiga ting factors like contingency reserves.

Regions with strong demand and. depleting reserve margins \lv.ill see some project finance-based. deht issuances. The

695 MW Longview project is a good example of a recently rated merchant project finance transaction. However, in

that case, merchant risks doniinated the credit-quality considerations. Plum Point is an example of a fully contracted

coal-fired plant with a .fixed-price EPC currently under construction. The project has investment-grade

characteris.tics supported by 16.5% of !;he EPC contract price in c.ontingency reserve and contingent equity during

construction.

Notes
(1) We exclLlde nuclear from this discussion as investments in nuclear unit,<; may only be in the medium to long term,

and potentially at over $4,000 per kW.

(2) John Gallagher and. }irank Briggs, Construction Briefings. December 2006, Thomas West.

(3) U.S. Bureau of Labor Statistics.

(4) The }iinallcial Times, Jan. 27, 2004.

(5) Engineering N ews-Record, a unit of McGraw-Hill Companies. Both the CCI and BCI indexes ha ve labor as the

major component at 80% and 64%), respectively.

Other Sources
• "Constrm::tion Contract Provisions: Credit Considerations }ior Utilities That Are Building Owned Generation"

published on RatingsDirem on March 30, 2005.

• "Regulatory Support Is Key for U.S. Utilities Building New Coal-fired Power Plants') published on RatingsDirect

on Nov. 3, 2006.
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The Edison Foundation is a nonprofit organization dedicated to 
bringing the benefits of electricity to families, businesses, and 
industries worldwide.  

Furthering Thomas Alva Edison’s spirit of invention, the 
Foundation works to encourage a greater understanding of 
the production, delivery, and use of electric power to foster 
economic progress; to ensure a safe and clean environment; 
and to improve the quality of life for all people.

The Edison Foundation  provides knowledge, insight, and 
leadership to achieve its goals through research, conferences, 
grants, and other outreach activities.

The Brattle Group

The Brattle Group provides consulting services and expert 
testimony in economics, finance, and regulation to corporations, 
law firms, and public agencies worldwide. Our principals 
are internationally recognized experts, and we have strong 
partnerships with leading academics and highly credentialed 
industry specialists around the world.

The Brattle Group has offices in Cambridge, Massachusetts; 
San Francisco; Washington, D.C.; Brussels; and London.

Detailed information about The Brattle Group is available at 
www.brattle.com.

The analysis and views contained in this report are solely those 
of the authors and do not necessarily reflect the views of The 
Brattle Group, Inc. or its clients.
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 Executive Summary 

The U.S. electric utility industry faces the greatest challenge in its history.  The demand for electric services 
to meet the needs of our growing population and to power our increasingly digital and connected economy 
continues to rise.  At the same time, high demand for commodities such as steel and cement is causing cost 
increases for building all electric infrastructure systems, including every type of new power plant, whether 
it’s fueled by coal, nuclear power, natural gas, or renewable sources of energy.  Concerns about global 
climate change and other environmental issues have created a new industry emphasis on more energy-
efficient products and services and low-emission generation sources.  New distribution end-use technologies, 
such as advanced automation and communications and plug-in hybrid electric vehicles (PHEVs), will 
dramatically change how utilities deliver electricity and how customers use it, allowing new efficiencies and 
greater customization of electric service.  
 
To chart the magnitude of this challenge, The Edison Foundation asked The Brattle Group to examine the 
total investment that would be required to maintain today’s high levels of reliable electric service across the 
United States through 2030, net of the investment that could be avoided through the implementation of more 
aggressive energy efficiency and demand response (EE/DR) programs.1  In addition, the Foundation wanted 
The Brattle Group to determine the investment cost of one projected generation mix, known as the “Prism 
Analysis,” which the Electric Power Research Institute (EPRI) developed to reduce the growth in carbon 
emissions.  
 
For our research, we developed four scenarios: 

1. Reference Scenario:  This is similar to the Annual Energy Outlook (AEO) forecast published by the 
U.S. Department of Energy’s Energy Information Administration (EIA), but is adjusted for higher 
fuel and construction costs.  The Reference Scenario is a modeling benchmark and the starting point 
for our analysis.  It does not include the impact of any new federal policy to limit carbon emissions, 
nor does it include the possible impacts of new industry EE/DR program efforts. The Reference 
Scenario should not be viewed as our “base” or “most likely” scenario, but rather is a starting point 
for our analysis. 

2. RAP Efficiency Base Case Scenario:  This scenario adds the impact of realistically achievable 
potential (RAP) for EE/DR programs, but does not include any new federal carbon policy.  This 
scenario includes a forecast of likely customer behavior and takes into account existing market, 
financial, political, and regulatory barriers that are likely to limit the amount of savings that might be 
achievable through EE/DR programs. It is important to note that the RAP Efficiency Base Case 

                                                           
 
1  For ease of exposition, we refer throughout this report to The Brattle Group; however, the analysis and views contained in 

this report are solely those of the authors and do not necessarily reflect the views of The Brattle Group, Inc. or its clients. 
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Scenario is our most likely case in the absence of a new federal carbon policy, while the Reference 
Scenario is simply a benchmark. 

3. MAP Efficiency Scenario:  This scenario captures the higher-end or maximum achievable potential 
(MAP) for EE/DR programs and assumes a more aggressive customer participation rate in EE/DR 
programs. It still does not include the effects of a new federal carbon policy. 

4. Prism RAP Scenario:   The final scenario assumes there is a new federal policy to constrain carbon 
emissions, and captures the cost of EPRI’s Prism Analysis projections for generation investments 
(nuclear, advanced coal, renewables, etc.) that will reduce the growth in carbon emissions.  This 
scenario further assumes the implementation of RAP EE/DR programs. 

 

Study Findings 

� By 2030, the electric utility industry will need to make a total infrastructure investment of $1.5 
trillion to $2.0 trillion.2  The entire U.S. electric utility industry will require investment on the order 
of $1.5 trillion under the RAP Efficiency Base Case Scenario. The cost could increase to $2.0 trillion 
under the Prism RAP Scenario.   

� Under the Reference Scenario, 214 gigawatts (GW) of new generation capacity would be 
required by 2030, at an investment cost of $697 billion.3  For the Reference Scenario, we 
determined that the entire U.S. electric utility industry would require an investment of $697 billion to 
build 214 GW of new generation capacity under existing EE/DR programs and state-level renewable 
programs and carbon policies.  Figure 1 shows the breakdown of required new generation capacity by 
geographic region and generation capacity type.  

� EE/DR programs could significantly reduce, but not eliminate, the need for new generation 
capacity.  As shown in Figure 2, the implementation of realistically achievable EE/DR programs by 
electric utilities would reduce the need for new generation capacity significantly; dropping the 
Reference Scenario’s forecast from 214 GW to an estimated 133 GW, or by 38 percent. 
 
In Figure 2, we also calculated the potential results for the MAP Efficiency Scenario, which represents 
the higher-end of the range of potential impacts of EE/DR programs.  Under the MAP Efficiency 
Scenario, the need for new generation capacity would be reduced from 214 GW to 111 GW, or by 48 
percent. 

 

                                                           
 
2  Dollar amounts have been rounded to the nearest billion or trillion dollars, and generation capacity has been rounded to the 

nearest gigawatt (GW) throughout the text of this report for readability.   
3  Our estimates of generation cost apply to the entire U.S. electric utility industry, including shareholder-owned electric 

utilities, electric cooperatives, and government-owned utilities.  We assume that all segments of the industry have 
approximately the same capital costs and plan their systems to supply at the lowest regional cost. 
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Figure 1 
Required New Regional Generation Capacity  
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Figure 2 
Impact of RAP and MAP EE/DR Programs on Reference Scenario Required Generation Capacity 
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Our projected demand and sales reductions from utility EE/DR programs used in this study are based 
on a study of energy efficiency potentials conducted by EPRI.4 The EPRI study incorporates extensive 
analysis of demand response and dynamic pricing programs, as well as energy-saving technologies.  

� Reductions in generation capacity requirements do not mean an equal reduction in total 
investment, due in part to offsetting the cost of utility EE/DR programs. As shown in Figure 3, the 
implementation of the RAP Efficiency Base Case Scenario would reduce required generation 
investment by $192 billion (28 percent), from $697 billion to $505 billion.  Generation investment 
costs are not reduced in proportion to the GW reduction.  This is because the bulk of capacity avoided 
due to the RAP Efficiency Base Case Scenario programs is comprised of lower capital cost natural gas 
technologies.  This generation investment reduction notwithstanding, the implementation of the RAP 
Efficiency Base Case Scenario would require an additional investment of at least $85 billion through 
2030 in both advanced metering infrastructure (AMI) and EE/DR programs.  Thus, the net reduction in 
total investment needs between the Reference Scenario and the RAP Efficiency Base Case Scenario is 
$107 billion, or 15 percent. 

 
Figure 3 

Potential Avoided Investment from RAP and MAP EE/DR and AMI Programs 
No Carbon Policy (2010-2030) 
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Figure 3 also shows that the more aggressive MAP Efficiency Scenario would lead to a $242-billion 
(35-percent) drop in the generation investment requirement, from $697 billion to $455 billion.  
However, this would require AMI and EE/DR program outlays of about $192 billion and, therefore, 
would decrease total investment needs by only $50 billion to $647 billion, which is a savings of 7 
percent. 

                                                           
 
4  A report on the results of the study, entitled Assessment of Achievable Potential for Energy Efficiency and Demand 

Response in the U.S. (2010-2030), by the Electric Power Research Institute will be published soon. 
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� All types of generation capacity are needed.  As Figure 4 illustrates, in projections through 2030, 
new generation investment will vary significantly in different regions of the United States, with the 
highest investment and load growth occurring in the South.   

For the country as a whole, every type of power plant, including those fueled by natural gas, coal, 
nuclear, and renewable sources will play a significant role in the projected expansion plan.  Of the total 
new 133 GW built under the RAP Efficiency Base Case Scenario, natural gas would fuel 17 GW (13 
percent), of which about 13 GW represents combined cycle and 4 GW represents combustion turbines.  
Coal would comprise an additional 48 GW (36 percent); nuclear would provide 29 GW (22 percent); 
and renewable sources (primarily wind and biomass) would provide 39 GW (29 percent).  This level 
of renewable investment assumes the full implementation of state-level requirements in place as of 
August 2008. 

 
Figure 4 

Required New Regional Generation Capacity for RAP Efficiency Base Case Scenario 
No Carbon Policy (2010-2030) 
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� Implementation of a new federal carbon policy would significantly increase the cost and change 
the mix of new generation capacity.  For this study, we created a simplified model of one scenario 
for industry adjustment to a new carbon policy.  It is based on EPRI’s Prism Analysis, shown in Figure 
5, which incorporates both energy efficiency and generation-related technologies to reduce the growth 
in carbon emissions.5  In the scenario that we developed based on EPRI’s Prism Analysis (i.e., the 
Prism RAP Scenario), plants with advanced coal technology and full carbon capture and storage 
(CCS) would be the only coal-based plants deployed after 2020; some fossil-based plants would be 
retired prematurely; and the electric industry would increase investments in renewable energy and 
nuclear plants.  The results of this scenario should be viewed as an illustrative example of a possible 
outcome rather than a definitive picture of the impacts of a U.S. carbon policy (Figure 6).   

                                                           
 
5  Figure 5 uses “GWe” as an acronym for Gigawatt-electric.  GWe is equivalent to GW. 
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Figure 5 
EPRI Prism Analysis for U.S. Carbon Policy Outcomes 
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Source:  Based on data compiled by Electric Power Research Institute (EPRI), found at: 
http://www.iea.org/Textbase/work/2008/roadmap/2a_Tyran_EPRI%20Roadmaps.pdf 
 

 
Figure 6 

Regional Capacity Additions and Generation Capital Costs 
In Prism RAP Scenario with Carbon Policy (2010-2030) 
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In the EPRI Prism Analysis, energy efficiency programs produce approximately the same reduction in 
demand growth as under our RAP Efficiency Base Case Scenario.  However, in our Prism RAP 
Scenario, the generation capacity requirements will increase to 216 GW from 133 GW, which will 
increase the total investment cost to $951 billion from $505 billion.  This capacity increase is due to 
several factors: the greater use of renewables; 21 GW of premature retirements of carbon-intensive 
generation; and a larger nuclear construction program of 64 GW. 

� Required transmission and distribution (T&D) investment could be as large as, or larger than, 
generation investment.  The combined investment in new T&D during this period will total about 
$880 billion, including $298 billion for transmission and $582 billion for distribution (Figure 7).6   In 
comparison, generation investment will cost $505 billion for the RAP Efficiency Base Case Scenario.  
These investments will enable the industry to integrate the approximately 39 GW of renewable energy 
already mandated under state renewable portfolio standards (RPS) and continue the installation of a 
“Smart Grid.”7  These investments also will bring new efficiencies and service options to electricity 
customers and accommodate new end-use technologies, such as PHEVs. 

 
Figure 7 

Transmission and Distribution Investment Including Smart Grid 
(2010-2030) 
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6  These estimates are derived primarily from shareholder-owned electric utility expenditure data.  To the extent that the data 

excludes T&D expenditures undertaken by electric cooperatives or government-owned utilities, these estimates are 
conservative. 

7  There is currently no standard definition of “Smart Grid” within the electric utility industry.   It commonly refers to an 
array of advanced technologies for the telecommunication network and electric grid that possess two-way communication 
and monitoring to link all functional areas of the electric power system, including customers.  The “Smart Grid” vision is 
that the technologies will:  1) provide customers with information and tools that allow them to be responsive to system 
conditions; 2) ensure more efficient use of the electric grid; and 3) enhance system reliability. 
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Study Methodology 

This study’s findings are based on EIA’s AEO 2008. We modified EIA’s data to reflect more recent, higher 
prices for electric fuels and the costs of new power plants.  This resulted in an average price increase of 53 
percent for natural gas (Figure 8) and 18 percent for coal (Figure 9) over the 2010 to 2020 period. The cost 
of constructing new power plants was based on EPRI’s Technical Assessment Guide (TAG), published in 
July 2008 (Figure 10). 
 

Figure 8 
Comparison of U.S. Average Delivered Natural Gas Price Projections 
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Figure 9 
Comparison of U.S. Average Delivered Coal Price Projections 
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Figure 10 
Updated Plant Construction Cost Estimates 

(Including Construction Interest) 
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We inserted these updated cost figures into a generation expansion planning model that The Brattle Group 
developed, the Regional Capacity Model (RECAP).  This allowed us to estimate regional least-cost build-out 
plans through 2030.8  RECAP uses traditional least-cost planning criteria to choose the mix of generation 
additions that can most economically supply the energy needs of each region that remain after energy 
efficiency programs reduce peak demand and energy sales.  Using the readjusted EIA data in RECAP, we 
developed the four scenarios outlined on pages v and vi.   
 

Summary of Results and Conclusion 

The results of our study, in terms of capacity and investment costs, are summarized in Table 1.   
 
As our starting point under the Reference Scenario, we determined that the electric industry would have to 
build 214 GW of new generation capacity and make a total infrastructure investment of $1.577 trillion by 
2030.  In the RAP Efficiency Base Case Scenario, which depicts the most likely impact of EE/DR programs 
under existing real-world constraints (and is therefore highlighted in Table 1), the industry still would have 
to build 133 GW of new generation capacity and make a total infrastructure investment of $1.470 trillion.    
In the MAP Efficiency Scenario, which depicts the impact of more aggressive EE/DR programs, the required 
new generation build still would be 111 GW, with a total infrastructure investment cost of $1.527 trillion.  
Finally, in the Prism RAP Scenario, which depicts the impact of a new carbon policy, the industry would 
have to build 216 GW of new generation capacity and make a total infrastructure investment of $2.023 
trillion.   

                                                           
 
8  It is important to note that we did not model customer response to the increased retail rates that would accompany the 

higher fuel and construction costs used in RECAP.  Depending on the price elasticity of demand, the reductions in future 
load growth could be significant. 
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Table 1:  Model Results Overview 

 
Reference 
Scenario 

RAP Efficiency 
Base Case 
Scenario  

No Carbon Policy 

MAP Efficiency 
Scenario  

Prism RAP 
Scenario  

  
No Carbon 

Policy 
No Carbon 

Policy 
Carbon 
Policy 

      
Average Peak Load Growth Rate   0.70% 0.30% 0.70% 
      
New Capacity Through 2030  
(in GW)         
      
Renewables  38.6 39.2 38.8 103.7 
Combustion Turbine 25.0   4.3   0.0    5.5 
Nuclear 29.1 28.9 26.2   64.0 
Conventional Combined Cycle 39.5 12.9   3.8   5.4 
Coal 81.8 47.6 42.1         36.9* 
Total New Capacity (GW)         214.0 

 
           132.9 

 
         110.9 

 
      215.5 

 
      
Capital Investment Through 2030     
(rounded to nearest billion)         
      
Generation $697  $505  $455  $951  
Transmission $298  $298  $298  $298  
AMI and EE/DR    $0    $85  $192  $192  
Distribution $582  $582  $582  $582  
Total Capital Investment  
($ Billions)  

      $1,577 
  

          $1,470 
  

       $1,527 
   

    $2,023 
  

     
*32 GW of EPRI Prism coal generation incorporates carbon capture and storage.   
     

 
No matter which scenario is implemented, total utility industry investment needs will range from 
approximately $1.5 trillion to $2.0 trillion by 2030. 
 
It is important to recognize that total investment amounts are not the same as revenue requirements, rate 
levels, or societal costs.  As a result, one cannot directly link higher investment costs with specific rate 
changes until fuel costs and other operating expenses are considered.  For example, the implementation of 
RAP and MAP EE/DR programs could lead to reduced fuel expenditures or the Prism RAP Scenario could 
reduce the costs of complying with carbon policy mandates. 
 
Affordable, reliable electricity is as essential to the global economy of the 21st century as it was to the 
American economy of the 20th century.  The U.S. electric utility industry is capable of rising to this 
enormous investment challenge, but implementation of appropriate policies will be an essential ingredient for 
success. 
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Chapter 1: Reference Projections for New 
Generation Capacity 2010-2030 

The electric utility industry currently faces its greatest challenge in decades as it endeavors to meet rising 
demand while contending with the impact of higher fuel prices and construction costs.  To assist the industry 
in addressing this challenge, The Edison Foundation commissioned a study by The Brattle Group to analyze 
the impact of higher fuel prices and construction costs on the projected capacity mix through 2030, as well as 
the overall capital costs associated with this new capacity.9  Further, The Brattle Group was asked to 
examine the impact on new generation capacity and projected overall capital costs of both an aggressive 
expansion of energy efficiency and demand response (EE/DR) programs and investments (see Chapter 2) 
and a federal climate change policy that emphasizes low-carbon investments [such as nuclear, renewables, 
and coal with carbon capture and storage (CCS)] in the generation sector (see Chapter 3).  The Brattle Group 
used analysis for both the EE/DR and climate scenarios from the Electric Power Research Institute (EPRI). 
 
Long-run projections of the cost of building new generation capacity are based on projections of electricity 
demand growth, generation fuel costs, state-level renewable energy requirements, construction costs, and 
retail rates.  Our analysis used the U.S. Department of Energy’s Energy Information Administration’s 
(EIA’s) widely used Annual Energy Outlook (AEO) forecast of U.S. electricity market growth as a starting 
point, but we adopt different assumptions regarding several key elements, such as generation fuel and 
construction costs, to reflect sustained and substantial price increases that are not reflected in the data used 
by EIA.  
 

The Annual Energy Outlook 

EIA’s AEO is a well-known reference for a long-term national generation investment outlook that presents 
projections of energy supply, demand, and prices for the energy sector (not just electricity) over a 25-year 
horizon.  The projections are based on results from the National Energy Modeling System (NEMS) and 
assume no changes in energy policy, such as enactment of a federal policy that limits carbon emissions.  The 
AEO is a reliable starting point for analyzing the need for new generation capacity because of its high 
visibility and credibility among policy makers. 

                                                           
 
9  For ease of exposition, we refer throughout this report to The Brattle Group; however, the analysis and views contained in 

this report are solely those of the authors and do not necessarily reflect the views of The Brattle Group, Inc. or its clients. 
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The AEO 2008 was published in June 2008.10  As part of the AEO release, EIA makes underlying data and 
detailed NEMS modeling results available, which the authors of this study used to construct alternative 
projections of capacity builds. 
 

AEO 2008 Load Growth 

EIA projects regional and national growth in the demand for electricity through 2030, accounting for 
assumed economic growth and projected future energy prices.  The AEO 2008 forecast projects that 
electricity demand growth will average about 1.1 percent per year between 2008 and 2030. 
 
In recent versions of the AEO, EIA has projected higher retail electricity prices and lower load growth as a 
result of those prices (and as a result of policy changes).  As the cost of the fuels used to generate electricity 
has risen over the past several years, customer rates have risen as well.  These price increases will tend to 
dampen load growth.11  Figure 1-1 shows the increased retail price projections since the AEO 2006, and 
Figure 1-2 shows the resulting EIA electricity growth projections. 
 

Figure 1-1 
Comparison of AEO U.S. End-Use Electricity Price Forecasts 
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10  Normally, the AEO is published in January, but EIA elected to postpone the release of the full document until the impacts 

of the Energy Independence and Security Act of 2007 (EISA) could be incorporated into the long-term projections.   
11  See Why Are Electricity Prices Increasing? An Industry-Wide Perspective, prepared by The Brattle Group for The Edison 

Foundation, June 2006, pages 30-31 and Appendix B. 

Exhibit PPL/506 
Bird/18



Transforming America’s Power Industry: The Investment Challenge 2010-2030 

  3 

Figure 1-2 
Comparison of AEO U.S. Annual Electricity Sales Forecasts 
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AEO 2008 Generation Investment Projections 

New Generation Capacity 

According to the AEO 2008, overall electricity consumption will be about five million gigawatt-hours 
(GWh) by 2030, which will require the addition of 231 GW of new generation capacity during the 2010 to 
2030 period.  EIA projects that about 101 GW, or 44 percent, of new capacity will be coal-based.  
Combustion turbines (CTs), which primarily are fueled by natural gas, represent the next largest category of 
plant, with 54 GW (23 percent) of new CTs built.  EIA estimates that the nation will add 38 GW (16 percent 
of the total) of renewable generation capacity, primarily to comply with existing state-level renewable 
portfolio standard (RPS) requirements.12  Natural gas-based combined-cycle plants (21 GW) and nuclear 
generation (17 GW) make up the remaining capacity additions.  Figure 1-3 shows the capacity builds from 
2010 to 2030 by technology type in the four main U.S. census regions. 

                                                           
 
12 An RPS also can be referred to as a Renewable Electricity Standard (RES). 
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Figure 1-3 
Required New Regional Generation Capacity  
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Almost half, or 109 GW, of the cumulative new generation capacity in the AEO 2008 forecast would be 
located in the South census region, with about half of that as coal-based capacity.  The South also accounts 
for the majority of nuclear capacity additions (15 GW out of a total of 17 GW) nationwide.13  The West 
census region would build 57 GW of the new capacity, and the remainder will be built in the Midwest  
(46 GW) and the Northeast (19 GW).  Coal-based capacity additions also comprise about half of the 
generation capacity added in the West, while capacity additions in the Midwest and the Northeast reflect a 
more even composition of coal, renewables, combined-cycle, and combustion turbine plants. 
 
The regional differences in cumulative generation capacity additions appear to be largely explained by 
assumed growth in electricity consumption, relative fuel costs, and the assumed generation capacity 
retirements.  In the South census region, there is significant growth expected in population, economic 
activity, and electricity demand.  According to the AEO 2008 load forecast, roughly half of the expected 
increase in U.S. electricity demand between 2010 and 2030 will occur in the South.  
 
Renewable capacity builds are primarily a function of state-level RPS requirements that will grow rapidly 
over the next two decades.  One of the significant differences between the AEO 2007 and AEO 2008 
capacity projections is the amount of renewables (particularly wind) that is expected to come online.  The 
AEO 2007 projection showed a very small magnitude of renewable capacity additions (only 9 GW through 
2030, primarily in early years) while the AEO 2008 projects 38 GW of renewable capacity between 2010 
and 2030.  This significant increase appears to arise from EIA’s increased recognition of the impact of state-

                                                           
 
13  The AEO 2008 provides new generation capacity data by region through the NEMS Electricity Market Module (EMM).  

Projections of capacity builds in the NEMS EMM regions were mapped to census regions.   
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level RPS requirements, which require a rising percentage of electricity to be provided by renewable electric 
generation.14 
 
It is important to emphasize that the AEO does not account for the likelihood of a new federal policy to 
constrain carbon emissions.15  The emergence of state and regional carbon-reduction efforts and the 
prospects for a federal carbon policy already have affected utility capacity planning in ways that the AEO 
projections do not reflect.  While the long-term form and intensity of such regulations are very difficult to 
predict, these regulations likely will have a significant impact on the cost and composition of new generation 
development, as well as the value of demand-side energy efficiency investments.  A detailed examination of 
these impacts is beyond the scope of this study; however, we do explore the capital cost implications of a 
technology-based carbon policy on new capacity in Chapter 3. 
   

The Brattle Group’s RECAP Model Projections 

In order to explore the impact of alternative assumptions and policies on the “projected” or “future” level and 
composition of new generation capacity builds, The Brattle Group used the proprietary Regional Capacity 
Model (RECAP).  RECAP is a regional capacity expansion and economic dispatch model that can be 
configured to the regional detail that underlies the AEO modeling framework.  It provides the optimum 
generation expansion plan (subject to reliability, technology, and policy constraints) under alternative 
assumptions regarding load growth, fuel prices, construction costs, and other inputs within the AEO 
modeling framework.  RECAP is described in more detail in Appendix A. 
 
When run with identical economic assumptions and constraints as the AEO 2008 forecast, RECAP projects a 
mix of generation plant additions (by technology type and region) that corresponds closely to the AEO 2008 
projections, suggesting that RECAP provides an appropriate modeling framework to explore the impact of 
alternative assumptions.   
 
The RECAP model also has the capability to estimate changes in demand for electricity from higher retail 
prices (i.e., RECAP can explore the implications of customer price elasticity in future load growth scenarios 
if retail prices change from baseline assumptions).  This could occur, for example, as a result of persistently 
higher generation fuel prices or elevated construction costs as outlined elsewhere in this report.  However, in 
keeping with the objective of maintaining an initial focus in this report on generation sector investment under 
different assumed scenarios of energy efficiency investment, such an analysis has not been prepared at this 
time.  

                                                           
 
14  As of August 2008, 27 states and the District of Columbia had RPS programs and an additional five states had renewable 

energy goals. While the program structure and qualifying renewable technologies for RPS programs differ from state to 
state, all encourage the development of renewable energy for electricity generation.  The most common format is the 
definition of a target percentage for renewables within the state’s energy portfolio during a set time frame (such as: 20 
percent renewable energy either by sale or generation by 2015). 

15  The AEO is designed to provide projections under current policy, and the omission of potential carbon policy impacts is 
consistent with EIA’s mandate.  In other analyses, EIA has conducted extensive analysis of the impact of carbon policies 
on future outcomes in the U.S. energy sector. 
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Major Assumptions in The Brattle Group’s Reference Scenario 

The Brattle Group’s Reference Scenario is based on altering a few key assumptions contained in the AEO 
2008, particularly those relating to delivered generation fuel prices and construction costs. 
 

Power Plant Construction Costs 

In a September 2007 report prepared for The Edison Foundation, The Brattle Group observed that the AEO 
analyses from 2004 to 2007 had assumed that utility construction costs would increase at the general rate of 
inflation, while actual construction costs were increasing more rapidly.16  For the AEO 2008, EIA increased 
the assumed real capital costs of most generation technologies by 15 to 20 percent.  However, this 
adjustment still does not reflect recent increases in construction costs, which continue to occur.  Part of this 
is due to the fact that the costs of many utility construction materials, such as steel, copper, aluminum, and 
crushed stone, continued to rise through 2007 and early 2008 because of high worldwide demand for these 
commodities.  Many of these commodity-price increases are associated with the weak U.S. dollar, which 
increases the price of both imported commodities as well as those produced domestically. 
 
In order to reflect recent construction cost increases, The Brattle Group used construction cost figures 
developed by EPRI that were publicly released in July 2008.17  These EPRI “Technical Assessment Guide” 
(TAG) estimates are substantially higher than those assumed by EIA in the AEO 2008, but in our judgment 
are more accurate than EIA's assumptions at this time. 
 
Applying the EPRI data, in lieu of EIA’s assumptions, has a substantial impact. Figure 1-4 compares the 
capital costs [in dollars per kilowatt (kW) of installed capacity] of the major generation technology types 
using the AEO 2008 assumptions and the recent EPRI study.  As shown in this graph, EPRI’s estimates of 
conventional coal (without CCS) and nuclear costs are about 60 percent higher than EIA’s assumptions, and 
wind and combined-cycle costs are more than 33 percent higher than EIA’s assumptions.   

                                                           
 
16 See Rising Utility Construction Costs:  Sources and Impacts, by Marc W. Chupka and Greg Basheda of The Brattle 

Group, prepared for The Edison Foundation, September 2007. 
17 See Program on Technology Innovation:  Power Generation (Central Station) Technology Options – Executive Summary, 

Electric Power Research Institute, July 2008. 
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Figure 1-4 
Updated Plant Construction Cost Estimates 

(Including Construction Interest) 
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Generation Fuel Prices 

The Brattle Group also assumed higher delivered generation fuel prices than EIA used in the AEO 2008.  
We did this because fuel prices have risen dramatically through this decade and currently are at historic 
highs.  EIA’s fuel price forecasts are based on models of long-term fuel market fundamentals, which tend to 
revert to historic norms and may not capture recent shifts in global markets adequately.  Next, we describe 
how we construct alternative fuel price projections. 
 
For natural gas and oil, The Brattle Group used forward prices as cited at The New York Mercantile 
Exchange (NYMEX), and then we assumed the EIA real price trend thereafter.  The five-year forward curve 
in natural gas (Henry Hub) is roughly 50 percent higher than the prices projected in 2013 in the AEO 2008.  
Figure 1-5 compares the EIA Henry Hub natural gas fuel price forecast with The Brattle Group’s projection 
based on futures market data and the long-term EIA trend.18 

                                                           
 
18  For Figure 1-5, historical averages are brought into real 2006 dollars using Gross Domestic Product (GDP) deflators from 

the St. Louis Federal Reserve Bank.  Forecasted and futures prices are converted to real 2006 dollars using EIA’s AEO 
2008 GDP deflator forecasts. 
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Figure 1-5 
Historic and Forecasted Annual Average Natural Gas Henry Hub Prices 

(2006 Dollars) 
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Regional basis differentials between the Henry Hub price and delivered prices were assumed to remain 
constant (in real terms) as projected by EIA. Likewise, the difference between EIA crude oil prices and 
regional product prices (#2 distillate fuel oil and #6 residual fuel oil) also were held constant.  Figure 1-6 
compares the average delivered natural gas price forecast from the AEO 2008 and the Reference Scenario.  
The Brattle Group’s delivered natural gas prices across the regions are 50 percent to 60 percent higher, and 
the average delivered price is 53 percent higher (in real dollars) than the AEO 2008 forecast prices over the 
forecast period. 

Figure 1-6 
Comparison of U.S. Average Delivered Natural Gas Price Projections 

(2006 Dollars) 
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Compared to natural gas or crude oil, coal is a much more heterogeneous fuel, and futures markets for coal 
are far less developed than for liquid and gaseous fuel commodities.  Nevertheless, coal prices clearly have 
risen in the past decade, in varying amounts across regions and coal types.  In order to reflect these changes, 
The Brattle Group’s projections for regional coal prices were increased above EIA’s projected levels to 
reflect higher production and transportation costs, using the following assumptions: 

� All minemouth prices were increased assuming that 15 percent of the minemouth price is energy-
related costs, and this portion of the cost would increase by a factor equal to the difference between 
EIA’s and The Brattle Group’s forecasts of distillate fuel price; 

� Appalachian coal minemouth price was raised by an additional 20 percent over the next 10 years to 
reflect increased export demand for this type of coal;  

� Using origin-destination coal shipment and price data, we derived the implicit transportation costs, 
from which we derived cost adders assuming that 25 percent of transportation costs were fuel-related.  
We applied these adders to delivered prices. 

 
As a result of these adjustments, The Brattle Group concluded that projected regional delivered prices for 
coal are roughly 10 percent to 25 percent higher than those projected by EIA in the AEO 2008 forecast.  
Figure 1-7 displays the average U.S. delivered coal price difference, showing that The Brattle Group forecast 
averages 18 percent higher than the AEO 2008 average forecast. 
 

Figure 1-7 
Comparison of U.S. Average Delivered Coal Price Projections 
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State Renewable Electricity Requirements 

As of August 2008, 27 states and the District of Columbia had adopted RPS programs that require them to 
meet a percentage of the state’s electricity needs with renewable generation.  Another five states have 
instituted statewide renewable electricity goals that are not requirements.  Because state RPS programs are 
driving investment in generation, we analyzed existing state-level RPS requirements and linked them to 
projections of demand growth.  Figure 1-8 illustrates these renewable requirements and goals for each state.  
These requirements were maintained in the RECAP model.  
 

Figure 1-8 
State Renewable Portfolio Standards and Goals 
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Load Growth 

As discussed earlier, we assumed the same regional load growth as in the AEO 2008 forecast.  This enabled 
us to explicitly examine the impact of EE/DR investments on projected capacity growth without separately 
estimating how customers might respond to higher retail rates implied by the higher assumed fuel and 
construction costs.    
 
Nuclear Limits 

We placed limits on the amount of nuclear capacity that could be added in each region to reflect the lengthy 
regulatory process and construction schedules for new nuclear plants.  For 2015, no new nuclear construction 
was assumed complete.  For 2020, we constrained RECAP to limit nuclear construction to those projects that 
have applied for a Nuclear Regulatory Commission (NRC) license, representing approximately 18.5 GW of 
new capacity.  For 2025, we limited nuclear construction to those projects that have applied or announced 
intentions to apply to the NRC for a license, which totals about 38.5 GW of new capacity.  Between 2025 
and 2030, we assumed that the industry could add between one GW and four GW of new nuclear capacity in 
each region, above the overall 2025 limit of 38.5 GW. This brings the total limit for 2030 to 64 GW. 
 
The Brattle Group’s Reference Scenario  

As an interim step in our analysis, we created a “Reference Scenario.”  This scenario is similar to the AEO 
2008 forecast, but reflects higher construction costs and fuel prices.  The Reference Scenario should not be 
viewed as our “base” or “most likely” scenario, but rather a starting point for our analysis.  Figure 1-9 
shows the cumulative capacity built between 2010 and 2030 under the Reference Scenario.  Compared 
to the AEO 2008 forecast of 231 GW of new capacity built, the Reference Scenario builds 214 GW of 
new capacity.19  As in the AEO 2008 forecast, almost half of new generation capacity through 2030 is built 
in the South, followed by the Midwest and the West (Figure 1-10).  New generation capacity in the Northeast 
constitutes less than 10 percent of nationwide capacity.20 
 

                                                           
 
19  Further comparisons of our Reference Scenario and AEO forecasts are shown in Appendix A, Figure A-1. 
20  The difference in the overall amount of generation capacity may be due to differences in how load is modeled, capacity 

availability, and transmission losses. 
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Figure 1-9 
Cumulative New Generation Capacity  

Reference Scenario - No Carbon Policy (2010-2030) 
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Figure 1-10 
Required New Regional Generation Capacity  

Reference Scenario - No Carbon Policy (2010-2030) 

0

20

40

60

80

100

120

West Midwest South Northeast

G
W

Renewables

Combustion Turbine

Nuclear

Conventional Combined Cycle

Coal

$127.5 B
34.5 GW

$149.8 B
59.2 GW

$356.4 B
100.5 GW

$63.5 B
19.8 GW

 
 

Exhibit PPL/506 
Bird/28



Transforming America’s Power Industry: The Investment Challenge 2010-2030 

  13 

Generation Investment in the Reference Scenario 

Under the assumed construction costs, the Reference Scenario capacity expansion would entail spending 
$697 billion over the 2010 to 2030 period (undiscounted, nominal, mixed-year dollars assuming a  
1.9-percent annual inflation rate).  Figure 1-11 shows the cumulative capital cost by region, where the South 
accounts for slightly more than half of the total ($356 billion).  Although construction costs are somewhat 
lower in the South compared to the rest of the country, the cumulative capital costs reflect the prevalence of 
new baseload generation – coal and nuclear – that is being built in the South compared to other regions.  On 
a cumulative installed basis, the mix of generation resources built in the South averages $3,560/kW, only 
slightly less expensive than capacity built in the West ($3,630/kW), higher than that built in the Northeast 
($3,150/kW), and much higher than that built in the Midwest ($2,542/kW). 
 

Figure 1-11 
Cumulative Capital Requirements New Generation Capacity  

Reference Scenario - No Carbon Policy (2010-2030)  
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Chapter 2: Energy Efficiency and Demand 
Response Programs and Their Impacts 

For a number of reasons, there has been a strong revival of interest in utility EE/DR efforts.  EE/DR 
generally are defined as measures that utilities undertake to reduce customer energy consumption and peak 
loads.21  The Energy Independence and Security Act of 2007 (EISA) contained several initiatives to increase 
energy efficiency.  Several states have set ambitious goals to reduce or even eliminate the growth in 
electricity demand.  Utilities are facing increased opposition to building new power plants, in part because of 
public perceptions that robust efforts to intensify energy efficiency measures and rely more on renewable 
generation can eliminate the need for new generation capacity, particularly as a national policy to limit 
carbon emissions may be enacted in the next decade. 
 

EE/DR Forecast Overview 

As an increasing emphasis is placed on the importance of EE/DR as resources in the nation’s energy mix, 
The Edison Foundation asked The Brattle Group to incorporate the potential peak demand and energy 
savings that EE/DR could provide and to estimate their impact on projected utility generation and investment 
requirements.  The Brattle Group did so by relying upon a study by EPRI.22  This study produced a regional 
forecast of the measure-specific potential savings that could be realized through the implementation of 
EE/DR programs in addition to important efficiency measures already imposed by EISA, which EIA already 
took into account in its AEO 2008 forecast.  Specifically, the study produces two “potential” estimates. 

� “Realistically Achievable Potential” (RAP) Efficiency Base Case Scenario. This scenario 
recognizes imperfect dissemination of customer information and the real-world factors associated with 
utility program implementation (i.e., budgetary constraints, competing priorities, etc.).  The RAP 
Efficiency Base Case Scenario also reflects realistic customer participation rates based on recent 
historical experience with EE/DR programs.  These realistic customer participation rates take into 
account existing political and regulatory barriers that are likely to limit the amount of savings that 
might be achieved through EE/DR programs.   

� “Maximum Achievable Potential” (MAP) Efficiency Scenario. This scenario is a measure of all 
energy and peak demand savings that would be adopted by customers under ideal utility program 
conditions. The MAP Efficiency Scenario does not reach the full theoretical economic potential 
because there are barriers to customer adoption of measures that appear to be cost-effective that will 

                                                           
 
21 The usage in this paper of “energy efficiency” or “EE/DR” includes energy efficiency efforts as well as demand response. 
22 A report on the results of the study, entitled Assessment of Achievable Potential For Energy Efficiency and Demand 

Response in the U.S. (2010-2030), by the Electric Power Research Institute will be published soon.  
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not be overcome with utility programs (e.g., customer unwillingness to purchase certain technologies 
or to enroll in cost-effective programs). 

 
The EPRI study contains substantial additional detail on the derivation of these and other potential estimates.  
For the purposes of this study, we examine the regional RAP Efficiency Base Case Scenario and the MAP 
Efficiency Scenario savings trajectories and their associated costs.  In particular, our RAP Efficiency Base 
Case Scenario includes EE/DR savings as our best estimate of projected demand for electricity prior to the 
full modeling of price response or a national carbon policy. 
 

Energy Efficiency 

One of the two components of the EPRI forecasts is energy efficiency (EE).  The EE forecasts consider an 
extensive set of technologies and measures for the residential, commercial, and industrial sectors.  These EE 
technologies and measures affect different end uses.  Programs, products, and services that encourage 
customers to adopt EE technologies and measures come in several forms, including rebates and subsidies.  
Following are some of the various technologies and measures considered in the EPRI study and the end uses 
they affect. 

� Residential High-Efficiency Equipment: The residential high-efficiency equipment categories 
include: central and room air conditioners, heat pumps, efficient lighting, water heating, refrigerators, 
freezers, clothes washers and dryers, and dishwashers.  Other measures and devices include: air 
conditioning maintenance, ceiling and whole-house fans, ceiling and wall insulation, duct insulation 
and repair, external shades, foundation and wall insulation, heat pump maintenance, infiltration 
control, programmable thermostats, reflective roofs, storm doors, faucet aerators, pipe insulation, and 
low-flow showerheads.  These measures affect various end uses, such as cooling, space heating, 
lighting, water heating, refrigeration, clothes washing and drying, and dishwashing.  

� Commercial High-Efficiency Equipment: The commercial high-efficiency equipment categories 
include: central air conditioners, chillers, heat pumps, fans, other water heating, lighting, refrigeration, 
and office equipment.  Other measures and devices include duct insulation, economizers, energy 
management control systems, fans with energy-efficient motors, variable speed control fans, 
programmable thermostats, variable air volume systems, variable speed drive on pumps, water 
temperature reset devices, outdoor daylight controls, light-emitting diode exit lighting, occupancy 
sensors, task lighting, photovoltaic outdoor lighting, high-efficiency compressors, anti-sweat heater 
controls, floating head pressure controls, glass door installations, and vending machines.  These 
technologies and measures affect various end uses, such as cooling, space heating, ventilation, 
lighting, water heating, and refrigeration.  

� Industrial High-Efficiency Equipment: The industrial high-efficiency equipment categories include: 
motors of various types and sizes; electric resistance and radio frequency devices; heating, ventilating, 
and air conditioning systems; and incandescent, fluorescent, and high-intensity discharge lighting.  
These measures include various end uses, such as process heating, machine drives, and lighting. 
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Demand Response 

While energy efficiency technologies and measures are designed for the purpose of reducing overall 
electricity consumption, DR programs focus specifically on reducing peak demand.  They also provide a 
means for cutting back load during times of system emergencies, system peaks, or high market prices.  The 
EPRI study modeled three types of DR programs for the residential, commercial, and industrial sectors.  

� Direct Load Control (DLC):  Customer end uses are controlled directly by the utility through a 
“switch” or other comparable two-way communication-capable control device.  This DLC device 
allows for customers’ end-use settings to be automatically and remotely altered such that the loads are 
reduced during short “critical” event periods when the reductions are needed most.  Customers 
commonly have the option of overriding the functionality of the DLC devices before or during events.  
End uses commonly controlled through DLC include air conditioners and water heaters.  In exchange 
for participation, customers are typically awarded a payment or a rebate on their bill. 

� Interruptible Service:  Interruptible service programs require customers to reduce their usage by a pre-
specified amount when called upon by utilities during system emergencies. These programs are 
generally only available for commercial and industrial (C&I) customers.  For their participation, these 
customers generally receive a lower rate and/or a payment for the load reduction they provide. 

� Dynamic Pricing:  Dynamic pricing includes rate designs that are time-varying and reflect the higher 
cost to the utility of providing electricity during the peak period of the day.  These designs go beyond 
the basic flat rate or even the time-of-use (TOU) rate, and can be “dispatched” during times of high 
market prices or system emergencies.  Examples include critical peak pricing (CPP), peak time rebates 
(PTR), and real-time pricing (RTP).  Customers must be equipped with an interval meter or “smart 
meter” as part of the evolving advanced metering infrastructure (AMI) to be eligible to participate in 
any dynamic pricing program.  For CPP and RTP, customers receive an incentive equal to the potential 
bill savings that would come from shifting load from higher-priced (peak) periods to lower-priced (off-
peak) periods. For PTR, customers receive a credit on their bill equal to the peak reduction multiplied 
by the pre-determined rebate amount. 

 
In the EPRI forecast, the residential DLC programs apply to central air conditioning and water heating loads.  
The C&I programs target cooling, lighting, and other end uses.  The interruptible service programs apply 
only to C&I customers and include interruptible, demand bidding, emergency, and ancillary services.  The 
combined peak demand reduction of all of these programs produces the systemwide impact. 
 

Load Forecast Summary for AEO 2008 and EE/DR Scenarios 

The resulting annual peak and energy forecasts used by The Brattle Group in this analysis are shown in 
Figure 2-1 and Figure 2-2.  By 2030, the peak reduction from the AEO 2008 load forecast is 12 percent in 
the RAP Efficiency Base Case Scenario and 19 percent in the MAP Efficiency Scenario (Figure 2-1).23  
Energy savings in 2030, shown in Figure 2-2, are five percent in the RAP Efficiency Base Case Scenario and 
eight percent in the MAP Efficiency Scenario. 

                                                           
 
23 For a discussion of how these EE/DR projections differ from those presented in the final EPRI study, see Appendix A. 
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Figure 2-1 
Comparison of U.S. Peak Demand Forecasts 

0

200

400

600

800

1,000

1,200

2010 2012 2014 2016 2018 2020 2022 2024 2026 2028 2030
Year

Pe
ak

 D
em

an
d 

(G
W

)

AEO 2008 Forecast

RAP Efficiency Base Case Scenario

MAP Efficiency Scenario

 
 

Figure 2-2 
Comparison of U.S. Electricity Sales Forecasts 
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Impacts of EE/DR Forecasts on Capacity Expansion Projections 

Relative to the Reference Scenario, the RAP Efficiency Base Case Scenario and the MAP Efficiency 
Scenario lead to a dramatic reduction in the amount of new generation capacity that would need to be built.  
Our projection of new generation capacity between 2010 and 2030 drops from 214 GW in the Reference 
Scenario to 133 GW in the RAP Efficiency Base Case Scenario.  The amount of projected new capacity 
drops further to 111 GW in the more aggressive MAP Efficiency Scenario.  These changes in total U.S. new 
generation capacity under the two energy efficiency (no carbon policy) scenarios are shown in Figure 2-3. 
 

Figure 2-3 
Impact of RAP and MAP EE/DR Programs on Reference Scenario Required Generation Capacity 
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The mix of new capacity also changes in the two EE/DR scenarios (no carbon policy) because they project 
an improving load factor for all regions of the United States.  In other words, the RECAP projections for 
these scenarios suggest that, on a percentage basis, more peaking capacity will be avoided than baseload.  As 
illustrated in Table 2-1, in the RAP Efficiency Base Case Scenario, new coal-based capacity decreases by 42 
percent, while new combustion turbine (CT) capacity decreases by 83 percent.  The load factor improvement 
also persists in the MAP Efficiency Scenario, where 49 percent of new coal capacity is avoided, and all new 
CT capacity is avoided.  However, it is important to note that, despite the changing mix of new capacity, coal 
dominates the total amount of new builds across the three scenarios. 
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Table 2-1 
Changes in New Capacity Under Energy Efficiency Scenarios 

 
RAP Efficiency Base 

Case Scenario 
MAP Efficiency 

Scenario 
 No Carbon Policy No Carbon Policy 

Changes in New Capacity from 
Reference Scenario  
Through 2030 (in GW) 

 

 

 

 
     
Renewables +0.6 GW (+ 1.5%) +0.2 GW (+   0.5%) 
Combustion Turbine -20.6 GW (-82.6%) -25.0 GW (-100.0%) 
Nuclear -0.2 GW (-  0.8%) -2.9 GW (  -10.1%) 
Conventional Combined Cycle -26.6 GW (-67.3%) -35.7 GW (  -90.5%) 
Coal -34.2 GW (-41.8%) -39.7 GW (  -48.6%) 

Total Change in New Capacity (GW) -81.1 GW (-37.9%) -103.2 GW (  -48.2%) 
     
* Note: Totals may not equal sum of components due to independent rounding. 
     

 
The mix of avoided generation capacity plays an important role in determining the avoided capital costs 
achieved through EE/DR.  In the RAP Efficiency Base Case Scenario, the total cost of new capacity is 
projected to be $505 billion in nominal terms.  This represents a 28-percent decrease from the Reference 
Scenario (Figure 2-4 and Figure 2-5). 
 

Figure 2-4 
 Cumulative Capital Requirements for New Generation Capacity  for RAP Efficiency Base Case Scenario 
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Figure 2-5 
Required New Regional Generation Capacity for RAP Efficiency Base Case Scenario 

No Carbon Policy (2010-2030) 
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The MAP Efficiency Scenario projects the total cost of new capacity to be around $455 billion in nominal 
terms, a 35-percent decrease from the Reference Scenario (Figure 2-6 and Figure 2-7).   
 

Figure 2-6 
Cumulative Capital Requirements for New Generation Capacity for MAP Efficiency Scenario 
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Figure 2-7 
Required New Regional Generation Capacity for MAP Efficiency Scenario 

No Carbon Policy (2010-2030) 
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The larger relative reduction in new costs in the MAP Efficiency Scenario is driven by two factors.  First, the 
EE/DR assumptions are more aggressive, resulting in larger peak reductions and a higher level of avoided 
capacity.  Second, a higher relative percentage of coal capacity is avoided through this scenario, further 
reducing the total cost.  Ultimately, in nominal dollars, the RAP Efficiency Base Case Scenario leads to a 
$192-billion (28-percent) reduction in the capital cost of new generation, while the MAP Efficiency Scenario 
leads to a $242-billion (35-percent) reduction.  
 

Costs Associated with EE/DR Programs 

The EE/DR forecasts that we have analyzed in this study are composed of a number of EE/DR programs, and 
each of these programs has its own associated costs.  For example, in a program to encourage the adoption of 
more energy-efficient appliances, residential customers might receive a rebate for the purchase of a new air 
conditioner, refrigerator, or dishwasher.  Similarly, for their participation in an interruptible service program, 
industrial customers might receive a discounted electricity rate or a rebate for each kilowatt-hour (kWh) of 
reduced consumption during peak periods.  
 
A major cost that is likely to be capitalized in the EE/DR forecast is investment in AMI, the equipment that 
enables dynamic pricing (as well as a wide range of operational benefits and reliability improvements).  
Harvesting potential gains from DR programs will require a substantial capital investment in AMI, as well as 
customer adoption of dynamic pricing, which is necessary to enable customers to curtail loads or shift 
consumption patterns away from peak periods in response to price signals.  To estimate the capital cost of 
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DR initiatives, we separately projected the investment in AMI that likely would be necessary to support 
these forecasts.24   
 
Our projection of AMI investment costs is driven primarily by three factors: 

� Final AMI penetration rate:  For the MAP Efficiency Scenario, we have assumed that 30 percent of 
residential customers and 50 percent of C&I customers would be equipped with AMI.  These 
participation rates were reduced by roughly 60 percent to produce the RAP Efficiency Base Case 
Scenario. 

� AMI deployment rate over time:  We assume that AMI deployment will begin in 2010 for C&I 
customers and in 2015 for residential customers.  Full deployment will be reached in 2030 for the RAP 
Efficiency Base Case Scenario.  Deployment is accelerated under the MAP Efficiency Scenario, 
reaching full deployment in 2020. 

� Cost of AMI per customer:  Based on a review of California shareholder filings for AMI budget 
approval, we have estimated the full cost per residential customer to be $300.  The cost per C&I 
customer is estimated at $1,500. 

 
In addition to estimating the cost of AMI, the measure costs of energy efficiency also were included.  Energy 
efficiency measure costs do not include direct program costs, such as program design, administration, 
marketing, and evaluation.  They are the specific costs of the measure, such as equipment and installation 
costs.  Assumed average levelized measure costs were assumed to be: $0.0188 per kWh in 2010, $0.0299 per 
kWh in 2020, and $0.0279 per kWh in 2030.25  With these assumptions, we are able to project the annual 
investment in AMI and energy efficiency between 2010 and 2030.  
 
Table 2-2 shows these costs on an undiscounted nominal basis.  Total EE/DR outlays are about 44 percent of 
the avoided capacity cost in the RAP Efficiency Base Case Scenario and 79 percent of avoided capacity 
costs in the MAP Efficiency Scenario.  

                                                           
 
24  These are very rough approximations that are intended only to provide an idea as to the magnitude of DR capital costs 

relative to the avoided capital costs of generation from Demand Side Management (DSM).  A detailed, region-specific, 
bottom-up study would be necessary to provide precision to these estimates. 

25 Costs provided by Global Energy Partners as inputs to the forthcoming EPRI report, Assessment of Achievable Potential 
for Energy Efficiency and Demand Response in the U.S. (2010-2030), and used as the basis of our EE/DR scenarios. 
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Table 2-2 
Estimated EE/DR Capital Costs (2010-2030) 

 

 
RAP Efficiency 

Base Case Scenario 
 

 
 

MAP Efficiency Scenario 

 No Carbon Policy No Carbon Policy 

EE/DR Capital Costs Through 2030 
(rounded to nearest billion)   
   
AMI Capital Costs $19   $27 

Energy Efficiency Measure Cost $66 $165 

Total EE/DR Capital Costs,  
($ Billions) 

$85 $192 

 

The Role of EE/DR in Displacing New Generation  

The analysis indicates that aggressive EE/DR could be effective in displacing a significant amount of new 
generation capacity and in reducing overall capital requirements.  However, it is equally clear that EE/DR (as 
modeled here) does not eliminate the need to build new generation, nor does it dramatically reduce the 
capital necessary to fund construction of new generating plants.  The RAP Efficiency Base Case Scenario, 
which estimates the impact of aggressive EE/DR programs under likely real-world conditions, reduces the 
need for new generation capacity by about 38 percent by 2030.  With correctly modeled price impacts and a 
national carbon policy, this percentage will be increased. However, the amount cannot be predicted due to 
several factors, including a number of plants already “in the pipeline” and mandated renewable capacity 
requirements already exceeding 39 GW. 
 
In terms of reducing generation capital requirements, the impact of EE/DR is not proportional to the impact 
on reducing generation capacity.  Because of the cost of implementing EE/DR programs, especially the cost 
of new AMI technology, the overall reduction in projected utility capital requirements is far less than the 
reduction in generation capacity.  When EE/DR costs are factored in, overall capital requirements are 
reduced by seven percent under the MAP Efficiency Scenario and 15 percent under the RAP Efficiency Base 
Case Scenario (Table 2-3). 
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Table 2-3 
Summary of Avoided Generation Capital Investment  

Due to EE/DR (2010-2030) 

Total Investment after EE/DR 

 

RAP Efficiency 
Base Case Scenario 

MAP Efficiency 
Scenario 

 No Carbon Policy No Carbon Policy 

Total Reference Scenario investment               697  697 
(Avoided) generation investment due to EE/DR             (192)* (242) 
 Equals new scenario investment              505  455 
Capital cost of EE/DR and AMI                85  192 
Total Investment after EE/DR              590  647 
Percent reduction in capital investment  
due to EE/DR             -15%  -7% 

Net (avoided) generation investment 

 

RAP Efficiency 
Base Case Scenario 

MAP Efficiency 
Scenario 

 No Carbon Policy No Carbon Policy 

(Avoided) generation investment due to EE/DR (192) (242) 

Capital cost of EE/DR and AMI   85  192 

Net (avoided) generation investment    (107) (50) 
   
* Numbers in parentheses (#) indicate negative numbers. 
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Chapter 3: Projecting the Capital Cost  
Of Carbon-Related Investments:  
The Prism RAP Scenario 

The issue of climate change is central to any long-term projection of electricity investment, particularly in 
generation capacity.  In fact, the prospect that federal legislation will be enacted to reduce carbon emissions 
in the sector already has affected utility planning and investment analysis.  Although the emission targets, 
timing, and form of a national carbon policy have yet to be determined, most industry and political observers 
believe that a federal climate change policy will be enacted within the next few years.   
   
Recognizing the importance of this issue to future generation investments, as well as the current uncertainty 
regarding the eventual carbon policy, The Edison Foundation asked The Brattle Group to evaluate one 
particular scenario of generation and efficiency investments that EPRI has developed, known as the “Prism 
Analysis.” The Prism Analysis represents a suite of technologies that EPRI has concluded are feasible to 
deploy in the 2010 to 2030 timeframe and will lead to reduced carbon emissions in the electricity sector.26 
 
The EPRI Prism Analysis technology targets are estimates of technically feasible development and 
deployment of technologies, but do not necessarily reflect an optimal mix that might result from responses to 
carbon prices.  In fact, the Prism Analysis results in more low-carbon generation capacity being built by 
2030 than would be needed strictly to serve increased load.  Given these observations, The Brattle Group’s 
analysis under the Prism RAP Scenario assumes that only certain Prism technologies are deployed, and 
focuses on the carbon and capital cost implications.   
 

Prism Analysis Technology Targets 

Figure 3-1 shows the EPRI Prism Analysis targets for technology deployment compared to EIA’s AEO 2008 
forecast.  The Prism consists of seven broad types of technologies: 

� Energy efficiency that reduces load growth from the AEO 2008 forecast levels to approximately the 
levels in our RAP Efficiency Base Case Scenario;  

� Roughly double the level of renewable generation capacity over the AEO 2008 forecast levels; 

                                                           
 
26  See The Power to Reduce CO� Emissions: The Full Portfolio, EPRI Discussion Paper, August 2007, for a description of 

the primary technologies.  EPRI has updated this analysis to incorporate the AEO 2008 forecast as a benchmark.  EPRI 
also has examined the role that the Prism technologies could play in reducing the cost of carbon-reduction policies.  See 
The Value of Technological Advance in Decarbonizing the U.S. Economy by Richard Richels and Geoffrey Blanford, 
AEI/Brookings Joint Institute for Regulatory Studies, Working Paper 07-19, November 2007.   
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� A tripling of nuclear capacity by 2030 over the AEO 2008 forecast levels; 

� Advanced coal generation technology that enhances the efficiency of existing and new coal plants; 

� CCS widely deployed after 2020; 

� Plug-in hybrid electric vehicles (PHEVs) reaching a third of new vehicle sales by 2030; and 

� Increased penetration of distributed energy resources (DER), including solar power. 
 

Figure 3-1  
EPRI Prism Analysis Targets for Carbon-Related Technology Changes 

Technology EIA 2008 Reference Target

Efficiency Load Growth ~ +1.05%/yr Load Growth ~ +0.75%/yr

Renewables 55 GWe by 2030 100 GWe by 2030

Nuclear Generation 15 GWe by 2030 64 GWe by 2030

Advanced Coal 
Generation

No Heat Rate Improvement for 
Existing Plants

40% New Plant Efficiency
by 2020–2030

1-3% Heat Rate Improvement for 
130 GWe Existing Plants
46% New Plant Efficiency 

by 2020; 49% in 2030

CCS None Widely Deployed After 2020

PHEV None 10% of New Light-Duty Vehicle 
Sales by 2017; 33% by 2030 

DER < 0.1% of Base Load in 2030 5% of Base Load in 2030

Technology EIA 2008 Reference Target

Efficiency Load Growth ~ +1.05%/yr Load Growth ~ +0.75%/yr

Renewables 55 GWe by 2030 100 GWe by 2030

Nuclear Generation 15 GWe by 2030 64 GWe by 2030

Advanced Coal 
Generation

No Heat Rate Improvement for 
Existing Plants

40% New Plant Efficiency
by 2020–2030

1-3% Heat Rate Improvement for 
130 GWe Existing Plants
46% New Plant Efficiency 

by 2020; 49% in 2030

CCS None Widely Deployed After 2020

PHEV None 10% of New Light-Duty Vehicle 
Sales by 2017; 33% by 2030 

DER < 0.1% of Base Load in 2030 5% of Base Load in 2030

Technology EIA 2008 Reference Target

Efficiency Load Growth ~ +1.05%/yr Load Growth ~ +0.75%/yr

Renewables 55 GWe by 2030 100 GWe by 2030

Nuclear Generation 15 GWe by 2030 64 GWe by 2030

Advanced Coal 
Generation

No Heat Rate Improvement for 
Existing Plants

40% New Plant Efficiency
by 2020–2030

1-3% Heat Rate Improvement for 
130 GWe Existing Plants
46% New Plant Efficiency 

by 2020; 49% in 2030

CCS None Widely Deployed After 2020

PHEV None 10% of New Light-Duty Vehicle 
Sales by 2017; 33% by 2030 

DER < 0.1% of Base Load in 2030 5% of Base Load in 2030

Technology EIA 2008 Reference Target

Efficiency Load Growth ~ +1.05%/yr Load Growth ~ +0.75%/yr

Renewables 55 GWe by 2030 100 GWe by 2030

Nuclear Generation 15 GWe by 2030 64 GWe by 2030

Advanced Coal 
Generation

No Heat Rate Improvement for 
Existing Plants

40% New Plant Efficiency
by 2020–2030

1-3% Heat Rate Improvement for 
130 GWe Existing Plants
46% New Plant Efficiency 

by 2020; 49% in 2030

CCS None Widely Deployed After 2020

PHEV None 10% of New Light-Duty Vehicle 
Sales by 2017; 33% by 2030 

DER < 0.1% of Base Load in 2030 5% of Base Load in 2030
 

Source:  Based on data compiled by Electric Power Research Institute (EPRI), found at: 
http://www.iea.org/Textbase/work/2008/roadmap/2a_Tyran_EPRI%20Roadmaps.pdf.   

 
 
Figure 3-2 shows the impact of these technologies on emissions from the electric generation sector of the 
industry, with colors of the “wedges” corresponding to the left column of Figure 3-1 (this depiction yields 
the “prism” effect from which the analysis draws its name).  As seen in Figure 3-1, carbon emissions from 
electricity production would rise by about 20 percent from current levels in the AEO 2008 forecast, while the 
emissions resulting from the application of the Prism technologies represent about a 40-percent reduction 
from the AEO 2008 forecasted levels. 
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Figure 3-2 
EPRI Prism Analysis Impacts of Technology Changes on Electric Sector CO2 Emissions 
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Source:  Based on data compiled by Electric Power Research Institute (EPRI), found at: 
http://www.iea.org/Textbase/work/2008/roadmap/2a_Tyran_EPRI%20Roadmaps.pdf.   

 
It is also evident from Figure 3-2 that most of the reductions occur from four types of technologies: energy 
efficiency, CCS, nuclear, and renewables.  Our analysis focuses on these technologies because they provide 
for the greatest emissions reductions.   
 

Developing the Prism RAP Scenario 

The four major technologies included in the Prism Analysis—energy efficiency, CCS, renewables, and 
nuclear—were incorporated into The Brattle Group’s RECAP model simulations in the following manner: 

� Energy Efficiency was included in the Prism RAP Scenario by incorporating the same EE/DR 
assumptions that were used in the RAP Efficiency Base Case Scenario.  This scenario reduced the 
growth in electricity demand in a nearly identical manner as the Prism target (which reduced annual 
average load growth from 1.05 percent to 0.75 percent); 

� CCS was modeled by requiring all coal builds in 2020 and after to incorporate CCS.  The cost of CCS 
was derived from the EPRI analysis of integrated gasification combined-cycle (IGCC) with CCS 
capability that was 90 percent effective in capturing carbon emissions; 

� Renewables were increased by assuming the expansion of RPS requirements between 2020 and 2030 
in regions that already had such requirements, and adopting modest renewable goals after 2020 in 
regions that currently have no state-level requirements, to yield approximately the 100 GW capacity 
level in the EPRI Prism Analysis. 
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Carbon Policy (2010-2030)
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� Nuclear was introduced into the model by converting our regional nuclear build limits to requirements 
for nuclear construction in RECAP, as these were already at 64 GW by 2030;  

 

Generation Capacity and Costs: The Prism RAP Scenario  

The results of the Prism RAP Scenario are summarized in Figure 3-3, Figure 3-4, and Figure 3-5.  The Prism 
RAP Scenario projects that 216 GW of new generation capacity would be built between 2010 and 2030, 
compared to 133 GW projected in the RAP Efficiency Base Case Scenario.  This occurs primarily because 
the Prism RAP Scenario assumes specific investments in new low-carbon generation capacity, without 
regard to whether that generation mix is the least-cost way to meet the projected load growth.  In fact, the 
investment requirements (including about 100 GW of renewables and 64 GW of nuclear) account for more 
capacity than the RAP Efficiency Base Case Scenario implies.  Additional amounts of coal with CCS and 
small amounts of natural gas-based capacity are added in some regions, as required by reliability 
considerations for backing up renewable generation.  The Prism RAP Scenario also estimates that about  
20 GW of retirements (vs. 2 GW in the RAP Efficiency Base Case Scenario) would occur as a result of the 
nuclear, renewable, and coal with CCS investments that are assumed. 
 

Figure 3-3 
Cumulative New Generation Capacity in Prism RAP Scenario  

With Carbon Policy (2010-2030) 
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Figure 3-4 
Regional Capacity Additions and Generation Capital Costs in Prism RAP Scenario  

With Carbon Policy (2010-2030) 
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Figure 3-5 
Cumulative Capital Requirements for New Generation Capacity in Prism RAP Scenario 

With Carbon Policy (2010-2030) 

 
 
 
 
 
 
 
 
 
 
 
 
 
 
The capital cost associated with the supply investments in the Prism RAP Scenario is about $951 billion 
between 2010 and 2030.  When AMI and program costs associated with the RAP Efficiency Base Case 
Scenario (a total of $85 billion) are added, the resulting figure is $1.036 trillion.  This represents an increase 
of about 50 percent over the capital costs in the Reference Scenario and approximately a 75-percent increase 
above the overall capital costs of the RAP Efficiency Base Case Scenario.
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Chapter 4: Projected Costs of Investments 
In Transmisson and Distribution Systems 

Investments in generation and EE/DR programs are the focus of much policy attention as utilities make 
major resource planning decisions in the face of substantial uncertainties regarding input commodity (e.g., 
cement, steel, and fuel) prices and emissions requirements.  Utilities also will have to undertake major and 
growing investments in transmission and distribution systems. 
 
Estimating future transmission capital requirements over a multi-decade horizon is extremely difficult.  This 
is due to the variety of objectives and unique circumstances that motivate transmission investment, as well as 
the fact that the data available on announced projects, current transmission expenditures, and unit-level costs 
are neither comprehensive nor always reliable.  It is particularly difficult to predict the timing or cost of 
major transmission additions – they are lumpy and frequently delayed or rerouted.  Furthermore, proposed 
transmission developments exhibit a wide range of costs due to varying types of transmission lines (e.g., 
underground or overhead), the inclusion of different numbers of substations, the terrain crossed, and the cost 
of land.  Finally, the recent historical pattern of new generating plants built at locations needing minimal grid 
build-out is shifting toward new plants in more distant, resource-rich areas.  This phenomenon could 
considerably boost transmission miles built per installed megawatt (MW) of generation capacity, though we 
cannot reliably predict the magnitude of this effect. 
 

Transmission System Costs and Data 

The most detailed source of planned transmission projects is the “Coordinated Bulk Power Supply Program 
Report (Form EIA-411),” made publicly available by the North American Electric Reliability Corporation 
(NERC) through its annual Energy Supply & Demand (ES&D) database.  The NERC ES&D data, which 
currently extend through 2015, include only announced or planned high-voltage projects [those that are rated 
at 230 kilovolts (kV) and above], thereby excluding investments in transmission lines of lower voltage (those 
that are rated below 230 kV) and other non-transmission line elements such as substations.  The NERC 
ES&D data indicate that an additional 13,020 miles of high-voltage transmission lines will be built between 
2007 and 2015.  A second source of transmission data, which includes lower-voltage projects, comes from  
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the Edison Electric Institute’s “Electric Transmission Capital Budget & Forecast Survey.”27  This survey 
projects transmission investment from 2007 to 2010 based on responses from EEI’s members.  As seen in 
Figure 4-1, annual transmission investment by shareholder-owned electric utilities during the 2007 to 2010 
period will be in the range of $8.3 billion to $10.2 billion, corresponding to approximately $37 billion in total 
investment (2006 dollars).  
 

Figure 4-1 
Actual and Planned Transmission Investment  

By Shareholder-Owned Electric Utilities (2000-2010) 

 

                                                           
 
27 The 2007 EEI “Electric Transmission Capital Budget & Forecast Survey” focuses on U.S. shareholder-owned electric 

utilities, including both vertically integrated and stand-alone transmission utilities.  Sixty shareholder-owned electric 
utilities, whose stocks are publicly traded on major U.S. stock exchanges, were asked to participate. These utilities were 
either holding companies consisting of one or more operating subsidiaries or consolidated electric utilities. In addition, the 
survey also sought to capture data from 10 additional utilities that are either privately held or owned by non-U.S. 
corporations. 
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EEI’s January 2008 “Transmission Projects: At a Glance” report also was used to estimate the per-unit costs 
of new transmission lines (i.e., investment dollar per mile and per MW-mile across various voltage classes).  
Our unit costs for new transmission are based on an EEI transmission project report, which contains recent 
estimates of project costs for a number of specific actual projects.28  A summary of unit transmission costs 
based on that report is shown in Table 4-1. 
 

Table 4-1 
Recent Unit Transmission Costs  

2008 Dollars 
    

Voltage Cost Capacity Cost 
             (kV) (Thousands of  

Dollars/Mile) 
(MW)* (Millions of  

Dollars/GW-Mile)* 
230 $2,076.5   500 $5.46 
345 $2,539.4   967 $2.85 
500 $4,328.2 2,040 $1.45 
765 $6,577.6 5,000 $1.32 

    
    
Assumptions, Sources, and Notes: 
Source is EEI’s “Transmission Projects at a Glance,” January 2008. 

Projects that use underground lines, have more than three segments, or have significantly mixed voltage levels 
are excluded. 

The cost of projects is assumed to be given in 2007 dollars unless specified, and has been adjusted using the 
2007 to 2008 percentage change in the Handy-Whitman Index. 

*Based on a subset of projects where capacity was reported.  Gigawatt miles are calculated by multiplying the 
capacity of the line (in GW) times the length of the line (in miles). 

 
 
Using the dollar-per-mile figures for various voltage classes in Table 4-1 (adjusted for assumed 1.9 percent 
inflation), we estimate the overall nominal cost of the projects in the NERC ES&D dataset.29  Table 4-2 
shows that our estimates of transmission investments based on these data are approximately $32.5 billion 
through 2015.   

                                                           
 
28  Note that these data are based on a partial sample of EEI members only. 
29  The long-run GDP deflator assumed in the AEO 2008 increases about 1.9 percent per year, a figure that we adopt to 

convert real dollars into future nominal dollars. 
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Table 4-2 
Projected Cost of New Transmission 2008-2015 

Millions of Dollars (Nominal) 

Voltage Level 

Year AC 230 AC 345 AC 500 AC 765 DC 500 Total AC & DC 
2008    $784.3    $421.1    $220.7 $0.0        $0.0 $1,426.1 
2009 $1,916.4    $785.1 $2,467.7 $0.0        $0.0 $5,169.2 
2010    $932.6 $1,346.7 $3,061.4 $0.0 $2,280.9 $7,621.5 
2011    $816.9        $0.0 $2,662.3 $0.0        $0.0 $3,479.2 
2012 $1,008.3 $3,776.1 $3,654.4 $0.0        $0.0 $8,438.8 
2013      $79.0   $427.0 $2,151.2 $0.0        $0.0 $2,657.2 
2014    $113.2   $607.1      $10.1 $0.0        $0.0    $730.4 
2015    $176.9 $2,423.0    $410.8 $0.0        $0.0 $3,010.7 

Total (2008-2015) $5,827.6 $9,786.1   $14,638.7 $0.0 $2,280.9     $32,533.2 
       
       
Note: Totals may not equal sum of components due to independent rounding. 

 

Overview of Methods to Estimate Transmission Investment Through 2030 

For purposes of this report, we examined two methods to estimate potential overall transmission investment 
through 2030 using the previously described data:    

� The Transmission Additions Method (selected method); and 

� The Generation Additions Method. 
 
In simple terms, our first method (the Transmission Additions Method) takes the annual average number of 
miles of new transmission lines built or proposed between 2007 and 2015 and applies this annual average 
growth rate to the 2016 to 2030 time period.  We then assume that future transmission line construction costs 
from 2016 to 2030 will reflect the dollar-per-mile costs shown in Table 4-1.  Finally, we adjust these costs at 
the assumed rate of inflation (1.9 percent per year).  This estimate assumes that recently proposed 
construction activity continues (in terms of miles per year and real dollars per mile) and adjusts these costs at 
the assumed rate of inflation, yielding a nominal dollar investment stream. 
 
As explained in Chapters 1 to 3, we examine several generation scenarios with significant differences in the 
amount and type of generation constructed.  Because the amount of generation varies in these scenarios, the 
amount of transmission investment also could vary.  Accordingly, we employ a second method to estimate 
transmission investment, referred henceforth as the Generation Additions Method.  This method derives the 
ratio of transmission miles built to MW of new generation capacity installed, and multiplies this ratio by 
different projections of generation capacity to estimate future miles of transmission required.  We use the 
values reported in Table 4-1 to provide the cost of this projected transmission investment and escalate for 
assumed inflation.  Both of these methods are explained further in the following two sections. 
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Resulting Transmission Investment Based on the Transmission Additions Method 

The Transmission Additions Method uses different sources of data for high- and low-voltage transmission 
investments.  This method treats the two voltage classes differently due to the dissimilarity in available data. 
 
The NERC ES&D data for high-voltage transmission lines are fairly narrow in scope, containing primarily 
region, line voltage, and line length information.   From these data we determine average annual total 
transmission line-miles (by voltage level) added or proposed between 2007 and 2015.   We then multiply 
these average annual line-miles by their respective 2008 cost by voltage level (in dollars per mile) as shown 
in Table 4-1.  This yields average annual transmission investments by voltage level at 2008 costs.  We then 
assume that this level of transmission investment will remain constant (in real terms) between 2016 and 
2030.  Finally, we adjust these investments by the assumed rate of inflation of 1.9 percent per year.  The 
projected amount of high-voltage transmission investment resulting from our analysis of the NERC ES&D 
data, combined with EEI’s transmission cost figures (Table 4-1), is $113 billion (nominal) for the 2010 to 
2030 period. 
 
Because we do not have access to comparable data for low-voltage facilities, we use the following method to 
estimate this component of our projected total transmission investment under the Transmission Additions 
Method.   
 
According to Table 4-2, the amount of high-voltage transmission investment for the 2008 to 2010 period is 
approximately $14.2 billion.  EEI’s 2007 “Electric Transmission Capital Budget & Forecast Survey” projects 
total shareholder-owned electric utility transmission investments of about $35.5 billion (nominal) during the 
same 2008 to 2010 period.30  Netting out the $14.2 billion in high-voltage investments from the $35.5 billion 
in total transmission investments results in $21.3 billion in low-voltage investments over the three-year 
period, or $7.1 billion per year (nominal) of investments in low-voltage transmission facilities and other 
elements.  Assuming that this amount of investment remains constant in real terms over the 2010 to 2030 
period, the resulting amount of projected low-voltage transmission investment would be $184 billion 
(nominal). 
 
Finally, we combine our low-voltage estimate with the high-voltage investment projection to reach a total 
annual transmission investment of $298 billion (nominal) for the 2010 to 2030 study period.  Figure 4-2 
shows the results from our selected method, the Transmission Additions Method. 
 
In Figure 4-2, the navy blue line represents near-term estimated transmission investments from 2008 to 2015, 
while the pink line represents our long-term projection using the selected method, the Transmission 
Additions Method.  As expected, our projected investments beyond 2015 are much smoother than the 
projections based directly upon forecast data from the NERC ES&D.  This smooth investment from 2016 to 
2030 reflects a constant level of real investment, adjusted for inflation.    

                                                           
 
30  Figure 4-1 shows projected transmission investment between 2008 and 2010 as $28.6 billion expressed in real 2006 

dollars.  Converting to nominal dollars, using the change in the Handy-Whitman Index for the years 2006 to 2008 and 1.9 
percent assumed inflation thereafter, this amount increases to $35.5 billion. 
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Comparative Transmission Investment Based on the Generation Additions Method 
As mentioned previously, cumulative transmission investments under our selected method, the Transmission 
Additions Method, equal $298 billion (nominal) over the 2010 to 2030 period—a figure that, by design, does 
not vary with the four generation scenarios covered in Chapters 1 to 3 of this report (i.e., the Reference 
Scenario, the RAP Efficiency Base Case Scenario, the MAP Efficiency Scenario, and the Prism RAP 
Scenario). 
 

Figure 4-2  
Annual Transmission Investment Projection 
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The Generation Additions Method employs the average levels of transmission investment per MW of 
generation built for high-voltage transmission facilities.  First, we derive the ratio of high-voltage 
transmission line-miles built per MW of installed capacity for the 2008 through 2015 period based on NERC 
ES&D data and the Reference Scenario RECAP results.  Next, we use these ratios to project annual 
transmission line-miles built as a function of various projections of annual generation capacity builds and use 
the cost figures in Table 4-1 to estimate annual high-voltage transmission investments. Finally, we combine 
these figures with our average annual low-voltage investment estimate of $7.1 billion per year and adjust the 
resulting amount for inflation. 
 
Figure 4-3 illustrates a single estimate of the annual investment costs using the Transmission Additions 
Method (pink line).  It also shows three estimates of the annual investment costs using the Generation 
Additions Method: one for the RAP Efficiency Base Case Scenario (light blue line); one for the MAP 
Efficiency Scenario (brown line); and one for the Reference Scenario (purple line). 
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As one might expect, under the Generation Additions Method, the lower the level of projected generation 
capacity, the lower the level of projected transmission investment.31   Under this method, the Reference 
Scenario has the highest level of generation builds followed by the RAP Efficiency Base Case Scenario and 
finally the MAP Efficiency Scenario.  
 

Figure 4-3 
Annual Transmission Investment Projections 
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Figure 4-4 depicts four estimated cumulative projections of transmission investment for the 2010 to 2030 
period: one estimate for the Transmission Additions Method and three estimates using the Generation 
Additions Method as applied to the three scenarios described in Chapter 1 and Chapter 2.  As illustrated in 
Figure 4-4, the cumulative transmission investments range from a low of $295 billion under the MAP 
Efficiency Scenario to a high of $370 billion using the same method under the Reference Scenario.  
 
The lower portion of each stacked bar in Figure 4-4 represents cumulative high-voltage transmission 
investments based on the two transmission projection methods and three of the generation scenarios.  The 
upper portion of the bars corresponds to the low-voltage transmission investments. As discussed earlier in 
this chapter, estimating future transmission capital investments over a multi-decade horizon is extremely 
challenging due in large part to the difficulty of predicting the location and fuel characteristics of the future 
generation capacity requirements.  For this reason, we selected the $298-billion estimated transmission 
requirement derived from the Transmission Additions Method over the three transmission investment 
estimates produced under the Generation Additions Method.  Based on our analysis and the results as 

                                                           
 
31  The transmission investment results from the Prism RAP Scenario described in Chapter 3 are not shown because they are 

very similar to those shown for the Reference Scenario as a result of overall MW of generation capacity built between 
2010 and 2030 being nearly identical.  Note that a federal carbon policy could affect the mix of transmission projects to 
accommodate remote renewables and CCS sites.  This potential effect was not quantified. 
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illustrated in Figure 4-4, we believe that our selected method produces an investment projection that is: 1) 
consistent and well within the range of transmission investment projections from the alternative generation-
based methods, and 2) conservative, so that the results have not been influenced by uncertain future 
generation capacity scenarios. 
 

Figure 4-4 
Cumulative Transmission Investment Projections 
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Distribution System Costs and Data 

Shareholder-owned electric utility distribution-related construction expenditures have been rising in real and 
nominal terms since the mid-1990s, surpassing $17 billion per year in 2006.  These investments have been 
made to expand distribution systems, replace aging equipment, enhance reliability, improve power quality, 
and to begin to integrate “Smart Grid” system elements.  Figure 4-5 shows the trends of distribution 
investments over the past quarter-century.  Distribution investments are a substantial portion of current utility 
capital expenditures—about 25 percent to 30 percent of overall capital expenditures—a share that is steady 
under current trends. 

Transmission and Renewable Generation 

As discussed previously, gaining access to the amount of renewable generation implied by escalating RPS 
requirements will involve additional transmission development that may not be reflected in the recent data 
from NERC. While some of the projects in the NERC ES&D database and the EEI “At A Glance” report may 
be motivated in part by new renewable generation opportunities, it is plausible that additional transmission 
development beyond those projects will have to occur in order to significantly increase the contribution of 
renewables into the electricity supply mix. 
 
In order to provide a rough estimate of the magnitude of investment required, we assume that each GW of 
additional renewable capacity requires an associated transmission investment that increases slightly over time.  
This could occur, for example, as the most accessible resources are developed earlier, with more remote 
resources gradually becoming attractive as demand for renewables increases.  We adopted the following rule 
of thumb: for each GW of renewable capacity built in 2011, we assume that 10 miles of transmission capacity 
are needed, and we escalate that mileage figure by 10 miles each successive year.  Under this framework, 
renewable capacity built in 2015 needs 50 miles of transmission, renewable capacity built in 2020 needs 100 
miles, renewable capacity built in 2025 needs 150 miles, and renewable capacity built in 2030 needs 200 
miles.  Since Table 4-1 shows that a 345-kV transmission link can support roughly one GW of power transfer 
and costs roughly $3 million per mile, we apply that cost to our estimated transmission builds for expanded 
renewable generation access. 
 
For the amount of renewable capacity in the Reference Scenario, these assumptions would add about $15.5 
billion between 2010 and 2030 in undiscounted nominal terms to account for transmission investments made 
in order to access increasing amounts of progressively more remote renewables.  Although this is obviously a 
rough calculation, on the whole it is probably conservative.  That is because there are many remote 
renewables–e.g., wind power in the central United States and northern New England–that may require 
transmission lines that are more than 200 miles long to connect them to the grid.  While this calculation may 
understate the transmission costs associated with renewables, it still represents a significant capital cost that 
the utility sector will bear as it complies with state RPS requirements. 
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Figure 4-5 
Distribution Investment by Shareholder-Owned Electric Utilities 

(1980-2006) 

 
 
Some of the recent increases in distribution investment levels are attributable to the same drivers that are 
responsible for the construction cost increases observed in the generation and transmission segments of the 
industry.32 Estimating and projecting distribution investments over a multi-decade horizon are prone to the 
same difficulties as those found with transmission.  Discrete distribution investments are much smaller than 
transmission investments and are undertaken for a variety of reasons; some of these are discretionary and 
others are required to maintain system reliability and power quality.  The industry’s obligation to provide 
and maintain reliable electric service to its customers, combined with the prospects for “Smart Grid” 
investments to enable greater operating efficiencies, suggest that distribution system investment levels in the 
future are likely to reflect the recent growth observed in current investment trends.  To explore the sensitivity 
of distribution investments to these key drivers and trends, we employ three methods to project distribution 
investments for the years 2010 to 2030, namely: 

� Real Investment Growth Rate Method: Our selected method.  This method extrapolates the recent trend 
in real distribution investment levels to provide a projection of nominal distribution costs from 2010 
through 2030; 

� Per Capita Method: A trend of per capita distribution expenditures based on forecasted population 
change.  We examine nominal per capita investments under this method; and 

                                                           
 
32  See Rising Utility Construction Costs: Sources and Impacts, prepared by Marc W. Chupka and Greg Basheda of The 

Brattle Group for The Edison Foundation, September 2007. 
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� Nominal Growth Rate Method: We present two nominal growth rate projections—one version that 
extrapolates recent growth rates in nominal distribution expenditures and another version that assumes 
that the 2007 distribution expenditures will grow at the assumed rate of inflation. 

 
All three of these methods use the same basic underlying distribution investment input data to project future 
distribution investment requirements. 
 

Real Investment Growth Rate Method  

Historic distribution system investment figures from 1998 through 2007 were obtained from EEI’s “Annual 
Property and Plant Capital Investment Survey.”33  The average real growth rate based on this historical data 
is about 0.8 percent per year. This real investment growth rate was applied to 2007 annual distribution 
investment expenditures and then adjusted annually at the rate of inflation (1.9 percent per year) to forecast 
distribution investments through 2030, as shown in Figure 4-6.  The total distribution costs for the 2010 to 
2030 period using the Real Investment Growth Rate Method are $582 billion in nominal terms.  We chose 
this as our selected method to provide an estimate of distribution investment requirements to 2030, and used 
the alternative methods described next to provide comparisons to our selected method. 
 

Figure 4-6 
Annual Distribution Investment Projection 
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33  These costs were converted from nominal dollars to 2008 dollars using the Handy-Whitman distribution cost index.  

Because we use the Handy-Whitman distribution cost index, the resulting growth in annual real costs should reflect 
increased physical investment in distribution systems. 
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Per Capita Method 

Our second method derives the historic relationship between distribution costs, time, and U.S. population, 
and uses population growth projections to yield a distribution investment forecast.  We first calculate actual 
per capita distribution investment costs from 1998 through 2007 using EEI survey data and Census Bureau 
population data.  We then project the trends in per capita distribution costs using the results of a regression 
that captures the relationship between per capita costs and time over the 1998 to 2007 period, where the trend 
equals 1 in 1998, 2 in 1999, and 3 in 2000, etc.34 

Nominal Per Capita Costs = 32.91 + 2.25 x Trend     

R2= 0.83                     (2.26)    (0.37) 
 

This method produces a linear increase in the amount of distribution investment per year per capita, and in 
turn allows us to project the per capita distribution investments from 2008 to 2030 using projections of U.S. 
population growth.35  Figure 4-7 presents the forecast results using the Per Capita Method, which yields a 
total industry distribution investment requirement of $605 billion for the years 2010 to 2030.  Because this 
estimate is based on the total U.S. population, it reflects estimated investments by the entire U.S. utility 
industry. 
 

Figure 4-7 
Annual Distribution Investment Projection 
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34  Standard errors of the coefficients are shown in parentheses. 
35  We use the population projection reported in the assumption tables in the AEO 2008 for this calculation.  
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Nominal Growth Rate Method 

This method projects distribution investment costs based on trends in total nominal distribution expenditures 
between 1998 and 2007.  The growth rate in nominal distribution investment costs over this period averaged 
approximately 5.9 percent per year.  This nominal growth rate was applied to 2007 distribution expenditures 
to project annual nominal distribution investments through 2030.  An additional projection was constructed 
to examine an alternative possibility where 2007 distribution investments simply grow at the rate of overall 
inflation (assumed to be 1.9 percent per year).  Implicit in this projection are the assumptions that 
distribution costs will grow at the rate of inflation (i.e., that trends in distribution costs will follow the overall 
inflation rate) and that real distribution investments will remain constant at 2007 levels. 
 
Figure 4-8 displays the results of the two versions under the Nominal Growth Rate Method, which provide 
additional comparative projections of future distribution investments.  The total investment using the historic 
nominal growth rate of distribution investment is $821 billion, while the general inflation-only projection 
results in a $475-billion investment.   
 

Figure 4-8 
Annual Distribution Investment Projections 
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Figure 4-9 and Figure 4-10 illustrate the overall results from the three distribution investment methods, both 
over time and in total cumulative nominal dollars, respectively.  These figures show that our selected 
method—the Real Investment Growth Rate Method—yields a distribution investment projection of $582 
billion through 2030.  As is the case with our transmission estimates, our selected method regarding 
distribution investments is solidly within the range (from nominal $475 billion to $821 billion) of the 
distribution investment estimates produced under the alternative methods (Per Capita and Nominal Growth 
Rate Methods) utilized in this report. 
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Beyond the fact that our selected method is well within the range of alternative methods, the estimated 
investment requirement under the Real Investment Growth Rate Method is strikingly close to the estimate 
under the Per Capita Method—both are approximately $600 billion through 2030—which provides us added 
confidence in the projections yielded from our selected method. 
 

Figure 4-9 
Annual Distribution Investment Projections 
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Figure 4-10 
Cumulative Distribution Investment Projections 
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Appendix A 

The Brattle Group’s RECAP Model 

All our scenario simulations were performed with RECAP, The Brattle Group’s least-cost generation 
expansion planning model.  The composition of capacity builds in our Reference Scenario is similar to the 
AEO 2008 forecast.  Figure A-1 compares the AEO 2008 forecast of capacity by type to the RECAP results.  
As shown on Figure A-1, the RECAP model (Reference Scenario) builds almost 20 GW less of coal-based 
capacity, but about 18 GW more of natural gas combined-cycle capacity than in the AEO 2008.  Although 
natural gas prices are higher in the Reference Scenario than in the AEO 2008, the construction costs 
associated with coal units are much higher, which means that natural gas-based capacity is relatively more 
attractive.  This is consistent with recent trends where utilities have scaled back plans for expensive coal-
based capacity and shifted toward natural gas, a trend also influenced by concerns about carbon emissions 
from coal.  The Reference Scenario also builds about half the capacity of combustion turbines as in the AEO 
2008 (25 GW compared to 54 GW in AEO 2008), which may be due to the fact that RECAP models system 
peak load in greater detail than does NEMS, the model underlying the AEO 2008 forecast.  Renewable 
capacity in the Reference Scenario is nearly identical to the AEO 2008 forecast, as most renewable capacity 
is built to satisfy requirements that depend on load growth, which is identical.  Finally, the Reference 
Scenario builds more nuclear generation than in the AEO 2008 projection, possibly because the AEO 2008 
forecast has stricter limits on nuclear builds. (The 17 GW of nuclear capacity built in the AEO 2008 forecast 
is very similar to the amount of capacity represented by the project developers that had submitted 
applications to the NRC at the time the AEO 2008 forecast was performed.) 
 

Figure A-1 
Comparison of New Generation Capacity 
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Linking EE/DR Projections in the EPRI Study to RECAP  

It is important to note two ways in which the EE/DR projections that were used in this analysis differ from 
the impacts that are being reported through the EPRI study.  These differences are driven by: 1) the impact of 
retail electricity prices on EE/DR cost-effectiveness and 2) the reference load forecast by which the impacts 
are being measured. 
 
First, the RAP Efficiency Base Case Scenario and the MAP Efficiency Scenario estimates will be affected by 
the projected level of the retail electricity price.  As retail prices rise, more EE/DR measures will become 
cost effective and the overall impact of EE/DR will increase.  Our analysis accounted for this relationship by 
relying on region-specific EE/DR projections that were a function of the projected retail electricity rate 
projected by RECAP.  This served as an analytic point of departure from the EPRI projections, which relied 
solely on the price projections implied in the AEO 2008 forecasts.  Due to the higher fuel price and 
installation cost assumptions in The Brattle Group’s analysis (relative to the AEO 2008 forecast), and their 
impact on the projected retail electricity rate, our assumed EE/DR impacts were larger than those reported in 
the EPRI study. 
 
Second, the EE/DR impacts projected in the EPRI study produce potential annual peak and energy-savings 
forecasts for the 2010 to 2030 period.   These impact estimates assume no existing EE/DR in the load 
forecast.  In other words, they represent a percentage change from a load forecast that does not include any 
existing EE/DR.  However, for our analysis, we are using the AEO 2008 forecast as the starting point for our 
load forecast.  This load forecast already includes a moderate amount of EE/DR and, thus, is lower than the 
starting point of the EPRI forecasts.  As a result, we have scaled down the EPRI numbers such that they 
represent changes from the AEO 2008 load forecast.   
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Introduction and Executive Summary 

In Why Are Electricity Prices Increasing? An Industry-Wide Perspective (June 2006), The Brattle Group 
identified fuel and purchased-power cost increases as the primary driver of the electricity rate increases that 
consumers currently are facing.  That report also noted that utilities are once again entering an infrastructure 
expansion phase, with significant investments in new baseload generating capacity, expansion of the bulk 
transmission system, distribution system enhancements, and new environmental controls.  The report 
concluded that the industry could make the needed investments cost-effectively under a generally supportive 
rate environment. 
 
The rate increase pressures arising from elevated fuel and purchased power prices continue.  However, 
another major cost driver that was not explored in the previous work also will impact electric rates, namely, 
the substantial increases in the costs of building utility infrastructure projects.  Some of the factors 
underlying these construction cost trends are straightforward—such as sharp increases in materials cost—
while others are complex, and sometimes less transparent in their impact.  Moreover, the recent rise in many 
utility construction cost components follows roughly a decade of relatively stable (or even declining) real 
construction costs, adding to the “sticker shock” that utilities experience when obtaining cost estimates or 
bids and that state public utility commissions experience during the process of reviewing applications for 
approvals to proceed with construction.  While the full rate impact associated with construction cost 
increases will not be seen by customers until infrastructure projects are completed, the issue of rising 
construction costs currently affects industry investment plans and presents new challenges to regulators.  
  
The purpose of this study is to a) document recent increases in the construction cost of utility infrastructure 
(generation, transmission, and distribution), b) identify the underlying causes of these increases, and c) 
explain how these increased costs will translate into higher rates that consumers might face as a result of 
required infrastructure investment.  This report also provides a reference for utilities, regulators and the 
public to understand the issues related to recent construction cost increases.  In summary, we find the 
following: 

� Dramatically increased raw materials prices (e.g., steel, cement) have increased construction cost 
directly and indirectly through the higher cost of manufactured components common in utility 
infrastructure projects.  These cost increases have primarily been due to high global demand for 
commodities and manufactured goods, higher production and transportation costs (in part owing to 
high fuel prices), and a weakening U.S. dollar. 

� Increased labor costs are a smaller contributor to increased utility construction costs, although that 
contribution may rise in the future as large construction projects across the country raise the demand 
for specialized and skilled labor over current or projected supply.  There also is a growing backlog of 
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project contracts at large engineering, procurement and construction (EPC) firms, and construction 
management bids have begun to rise as a result.  Although it is not possible to quantify the impact on 
future project bids by EPC firms, it is reasonable to assume that bids will become less cost-competitive 
as new construction projects are added to the queue. 

� The price increases experienced over the past several years have affected all electric sector investment 
costs.  In the generation sector, all technologies have experienced substantial cost increases in the past 
three years, from coal plants to windpower projects.  Large proposed transmission projects have 
undergone cost revisions, and distribution system equipment costs have been rising rapidly.  This is 
seen in Figure ES-1, which shows recent price trends in generation, transmission and distribution 
infrastructure costs based on the Handy-Whitman Index© data series, compared with the general price 
level as measured by the gross domestic product (GDP) deflator over the same time period.1  As 
shown in Figure ES-1, infrastructure costs were relatively stable during the 1990s, but have 
experienced substantial price increases in the past several years.  Between January 2004 and January 
2007, the costs of steam-generation plant, transmission projects and distribution equipment rose by 25 
percent to 35 percent (compared to an 8 percent increase in the GDP deflator).  For example, the cost 
of gas turbines, which was fairly steady in the early part of the decade, increased by 17 percent during 
the year 2006 alone.  As a result of these cost increases, the levelized capital cost component of 
baseload coal and nuclear plants has risen by $20/MWh or more—substantially narrowing coal’s 
overall cost advantages over natural gas-fired combined-cycle plants—and thus limiting some of the 
cost-reduction benefits expected from expanding the solid-fuel fleet. 

 
Figure ES-1  

National Average Utility Infrastructure Cost Indices 

 

90

100

110

120

130

140

150

160

170

180

190

1991 1992 1993 1994 1995 1996 1997 1998 1999 2000 2001 2002 2003 2004 2005 2006 2007

Year

In
de

x 
(1

99
1=

10
0)

Total Plant-All Steam Generation Gas Turbogenerators GDP Deflator Transmission Distribution

Sources:  The Handy-Whitman© Bulletin, No. 165 and the U.S. Bureau of Economic Analysis.
Simple average of all regional construction and equipment cost indexes for the specified components.

                                                           
 
1  The GDP deflator measures the cost of goods and services purchased by households, industry and government, and as such 

is a broader price index than the Consumer Price Index (CPI) or Producer Price Index (PPI), which track the costs of 
goods and services purchased by households and industry, respectively. 
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� The rapid increases experienced in utility construction costs have raised the price of recently 
completed infrastructure projects, but the impact has been mitigated somewhat to the extent that 
construction or materials acquisition preceded the most recent price increases.  The impact of rising 
costs has a more dramatic impact on the estimated cost of proposed utility infrastructure projects, 
which fully incorporates recent price trends.   This has raised significant concerns that the next wave 
of utility investments may be imperiled by the high cost environment.  These rising construction costs 
have also motivated utilities and regulators to more actively pursue energy efficiency and demand 
response initiatives in order to reduce the future rate impacts on consumers. 

� Despite the overwhelming evidence that construction costs have risen and will be elevated for some 
time, these increased costs are largely absent from the capital costs specified in the Energy Information 
Administration's (EIA's) 2007 Annual Energy Outlook (AEO).  The AEO generation capital cost 
assumptions since 2001 are shown in Figure ES-2.  Since 2004, capital costs of all technologies are 
assumed to grow at the general price level—a pattern that contradicts the market evidence presented in 
this report.  The growing divergence between the AEO data assumptions and recent cost escalation is 
now so substantial that the AEO data need to be adjusted to reflect recent cost increases to provide 
reliable indicators of current or future capital costs. 

   
Figure ES-2 

EIA Generation Construction Cost Estimates 
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Projected Investment Needs and Recent 
Infrastructure Cost Increases 

Current and Projected U.S. Investment in Electricity Infrastructure   

The electric power industry is a very capital-intensive industry.  The total value of generation, transmission 
and distribution infrastructure for regulated electric utilities is roughly $440 billion (property in service, net 
of accumulated depreciation and amortization), and capital expenditures are expected to exceed $70 billion 
in 2007.2  Although the industry as a whole is always investing in capital, the rate of capital expenditures 
was relatively stable during the 1990s and began to rise near the turn of the century.  As shown in Why Are 
Electricity Prices Increasing? An Industry-Wide Perspective (June 2006), utilities anticipate substantial 
increases in generation, transmission and distribution investment levels over the next two decades. 
Moreover, the significant need for new electricity infrastructure is a world-wide phenomenon: According to 
the World Energy Investment Outlook 2006, investments by power-sector companies throughout the world 
will total about $11 trillion dollars by 2030.3

 

Generation 

As of December 31, 2005, there were 988 gigawatts (GW) of electric generating capacity in service in the 
U.S., with the majority of this capacity owned by electric utilities.  Close to 400 GW of this total, or 39 
percent, consists of natural gas-fired capacity, with coal-based capacity comprising 32 percent, or slightly 
more than 300 GW, of the U.S. electric generation fleet.  Nuclear and hydroelectric plants comprise 
approximately 10 percent of the electric generation fleet.  Approximately 49 percent of energy production is 
provided by coal plants, with 19 percent provided by nuclear plants.  Natural gas-fired plants, which tend to 
operate as intermediate or peaking plants, also provided about 19 percent of U.S. energy production in 2006. 
  
The need for installed generating capacity is highly correlated with load growth and projected growth in peak 
demand.  According to EIA’s most recent projections, U.S. electricity sales are expected to grow at an annual 
rate of about 1.4 percent through 2030.  According to the North American Electric Reliability Corporation 
(NERC), U.S. non-coincident peak demand is expected to grow by 19 percent (141 GW) from 2006 to 2015.  
According to EIA, utilities will need to build 258 GW of new generating capacity by 2030 to meet the 

                                                           
 
2  Net property in service figure as of December 31, 2006, derived from Federal Energy Regulatory Commission (FERC) 

Form 1 data compiled by the Edison Electric Institute (EEI).  Gross property is roughly $730 billion, with about $290 
billion already depreciated and/or amortized. Annual capital expenditure estimate is derived from a sample of 10K reports 
surveyed by EEI. 

3  Richard Stavros. “Power Plant Development: Raising the Stakes.”  Public Utilities Fortnightly, May 2007, pp. 36-42. 
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projected growth in electricity demand and to replace old, inefficient plants that will be retired.  EIA further 
projects that coal-based capacity, that is more capital intensive than natural gas-fired capacity which 
dominated new capacity additions over the last 15 years, will account for about 54 percent of total capacity 
additions from 2006 to 2030.  Natural gas-fired plants comprise 36 percent of the projected capacity 
additions in AEO 2007.  EIA projects that the remaining 10 percent of capacity additions will be provided by 
renewable generators (6 percent) and nuclear power plants (4 percent).  Renewable generators and nuclear 
power plants, similar to coal-based plants, are capital-intensive technologies with relatively high construction 
costs but low operating costs. 
    

High-Voltage Transmission  

The U.S. and Canadian electric transmission grid includes more than 200,000 miles of high voltage (230 kV 
and higher) transmission lines that ultimately serve more than 300 million customers.  This system was built 
over the past 100 years, primarily by vertically integrated utilities that generated and transmitted electricity 
locally for the benefit of their native load customers.  Today, 134 control areas or balancing authorities 
manage electricity operations for local areas and coordinate reliability through the eight regional reliability 
councils of NERC.  
   
After a long period of decline, transmission investment began a significant upward trend starting in the year 
2000.  Since the beginning of 2000, the industry has invested more than $37.8 billion in the nation’s 
transmission system.  In 2006 alone, investor-owned electric utilities and stand-alone transmission 
companies invested an historic $6.9 billion in the nation’s grid, while the Edison Electric Institute (EEI) 
estimates that utility transmission investments will increase to $8.0 billion during 2007.  A recent EEI survey 
shows that its members plan to invest $31.5 billion in the transmission system from 2006 to 2009, a nearly 
60-percent increase over the amount invested from 2002 to 2005.  These increased investments in 
transmission are prompted in part by the larger scale of base load generation additions that will occur farther 
from load centers, creating a need for larger and more costly transmission projects than those built over the 
past 20 years.  In addition, new government policies and industry structures will contribute to greater 
transmission investment.  In many parts of the country, transmission planning has been formally 
regionalized, and power markets create greater price transparency that highlights the value of transmission 
expansion in some instances. 
   
NERC projects that 12,873 miles of new transmission will be added by 2015, an increase of 6.1 percent in 
the total miles of installed extra high-voltage (EHV) transmission lines (230 kV and above) in North 
America over the 2006 to 2015 period. NERC notes that this expansion lags demand growth and expansion 
of generating resources in most areas.  However, NERC’s figures do not include several major new 
transmission projects proposed in the PJM Interconnection LLC, such as the major new lines proposed by 
American Electric Power, Allegheny Power, and Pepco. 
 

Distribution  

While transmission systems move bulk power across wide areas, distribution systems deliver lower-voltage 
power to retail customers.  The distribution system includes poles, as well as metering, billing, and other 
related infrastructure and software associated with retail sales and customer care functions.  Continual 
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investment in distribution facilities is needed, first and foremost, to keep pace with growth in customer 
demand.  In real terms, investment began to increase in the mid-1990s, preceding the corresponding boom in 
generation.  This steady climb in investment in distribution assets shows no sign of diminishing.  The need to 
replace an aging infrastructure, coupled with increased population growth and demand for power quality and 
customer service, is continuing to motivate utilities to improve their ultimate delivery system to customers.  
  
Continued customer load growth will require continued expansion in distribution system capacity.  In 2006, 
utilities invested about $17.3 billion in upgrading and expanding distribution systems, a 32-percent increase 
over the investment levels incurred in 2004. EEI projects that distribution investment during 2007 will again 
exceed $17.0 billion.  While much of the recent increase in distribution investment reflects expanding 
physical infrastructure, a substantial portion of the increased dollar investment reflects the increased input 
costs of materials and labor to meet current distribution infrastructure needs. 
 

Construction Costs for Recently Completed Generation  

The majority of recently constructed plants have been either natural gas-fired or wind power plants.  Both 
have displayed increasing real costs for several years.  Since the 1990s, most of the new generating capacity 
built in the U.S. has been natural gas-fired capacity, either natural gas-fired combined-cycle units or natural 
gas-fired combustion turbines.  Combustion turbine prices recently rose sharply after years of real price 
decreases, while significant increases in the cost of installed natural gas combined-cycle combustion capacity 
have emerged during the past several years. 
 
Using commercially available databases and other sources, such as financial reports, press releases and 
government documents, The Brattle Group collected data on the installation cost of natural gas-fired 
combined-cycle generating plants built in the U.S. during the last major construction cycle, defined as 
generating plants brought into service between 2000 and 2006.  We estimated that the average real 
construction cost of all natural gas-fired combined-cycle units brought online between 2000 and 2006 was 
approximately $550/kilowatt (kW) (in 2006 dollars), with a range of costs between $400/kW to 
approximately $1,000/kW.  Statistical analysis confirmed that real installation cost was influenced by plant 
size, the turbine technology, the NERC region in which the plant was located, and the commercial online 
date.  Notably, we found a positive and statistically significant relationship between a plant’s construction 
cost and its online date, meaning that, everything else equal, the later a plant was brought online, the higher 
its real installation cost.4  Figure 1 shows the average yearly installation cost, in nominal dollars, as predicted 
by the regression analysis.5  This figure shows that the average installation cost of combined-cycle units 
increased gradually from 2000 to 2003, followed by a fairly significant increase in 2004 and a very 
significant escalation—more than $300/kW—in 2006. This provides vivid evidence of the recent sharp 
increase in plant construction costs.  

                                                           
 
4  To be precise, we used a “dummy” variable to represent each year in the analysis.  The year-specific dummy variables 

were statistically significant and uniformly positive; i.e., they had an upward impact on installation cost.  
5  The nominal form regression results are discussed here to facilitate comparison with the GDP deflator measure used to 

compare other price trends in other figures in this report. 
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Figure 1 
Multi-Variable Regression Estimation:  

Average Nominal Installation Costs Based on Online Year ($/kW) 
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Sources and Notes:
* Data on summer capacity, total installation cost , turbine technology, commercial online date, and zip code for the period 2000-2006 
were collected from commercially available databases and other sources such as company websites and 10k reports.   

Figure 2 compares the trend in plant installation costs to the GDP deflator, using 2000 as the base year.  Over 
the period of 2000 to 2006, the cumulative increase in the general price level was 16 percent while the 
cumulative increase in the installation cost of new combined-cycle units was almost 95 percent, with much 
of this increase occurring in 2006. 
 

Figure 2 
Multi-Variable Regression Estimation:  

Average Nominal Installation Costs Based on Online Year (Index Year 2000 = 100) 
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Another major class of generation development during this decade has been wind generation, the costs of 
which have also increased in recent years.  The Northwest Power and Conservation Council (NPCC), a 
regional planning council that prepares long-term electric resource plans for the Pacific Northwest, issued its 
most recent review of the cost of wind power in July 2006.6  The Council found that the cost of new wind 
projects rose substantially in real terms in the last two years, and was much higher than that assumed in its 
most recent resource plan.  Specifically, the Council found that the levelized lifecycle cost of power for new 
wind projects rose 50 to 70 percent, with higher construction costs being the principal contributor to this 
increased cost.  According to the Council, the construction cost of wind projects, in real dollars, has 
increased from about $1150/kW to $1300-$1700/kW in the past few years, with an unweighted average 
capital cost of wind projects in 2006 at $1,485/kW.  Factors contributing to the increase in wind power costs 
include a weakening dollar, escalation of commodity and energy costs, and increased demand for wind 
power under renewable portfolio standards established by a growing number of states.  The Council notes 
that commodities used in the manufacture and installation of wind turbines and ancillary equipment, 
including cement, copper, steel and resin have experienced significant cost increases in recent years.  Figure 
3 shows real construction costs of wind projects by actual or projected in-service date. 
 

Figure 3 
Wind Power Project Capital Costs 

 

 

 

 

 

 

 
Source: The Northwest Power and Conservation Council, "Biennial Review of the Cost of Windpower" July 13, 2006. 
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These observations were confirmed recently in a May 2007 report by the U.S. Department of Energy (DOE), 
which found that prices for wind turbines (the primary cost component of installed wind capacity) rose by 
more than $400/kW between 2002 and 2006, a nearly 60-percent increase.7   Figure 4 is reproduced from the 
DOE report (Figure 21) and shows the significant upward trend in turbine prices since 2001. 

                                                           
 
6  The NPCC planning studies and analyses cover the following four states: Washington, Oregon, Idaho, and Montana.  See 

“Biennial Review of the Cost of Windpower” July 13, 2006, at 
www.bpa.gov/Energy/N/projects/post2006conservation/doc/Windpower_Cost_Review.doc. This study provides many 
reasons for windpower cost increases.

7  See U.S. Department of Energy, Annual Report on U.S. Wind Power Installation, Cost and Performance Trends: 2006 
Figure 21, page 16.    
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Figure 4 
Wind Turbine Prices 1997 - 2007 

 

 

Rising Projected Construction Costs:  Examples and Case Studies 

Although recently completed gas-fired and wind-powered capacity has shown steady real cost increases in 
recent years, the most dramatic cost escalation figures arise from proposed utility investments, which fully 
reflect the recent, sharply rising prices of various components of construction and installation costs.  The 
most visible of these are generation proposals, although several transmission proposals also have undergone 
substantial upward cost revisions.  Distribution-level investments are smaller and less discrete (“lumpy”) and 
thus are not subject to similar ongoing public scrutiny on a project-by-project basis. 
 
Coal-Based Power Plants 

Evidence of the significant increase in the construction cost of coal-based power plants can be found in 
recent applications filed by utilities, such as Duke Energy and Otter Tail Power Company, seeking 
regulatory approval to build such plants.  Otter Tail Power Company leads a consortium of seven 
Midwestern utilities that are seeking to build a 630-MW coal-based generating unit (Big Stone II) on the site 
of the existing Big Stone Plant near Milbank, South Dakota.  In addition, the developers of Big Stone II seek 
to build a new high-voltage transmission line to deliver power from Big Stone II and from other sources, 
including possibly wind and other renewable forms of energy.  Initial cost estimates for the power plant were 
about $1 billion, with an additional $200 million for the transmission line project.  However, these cost 
estimates increased dramatically, largely due to higher costs for construction materials and labor.8  Based on 
the most recent design refinements, the project, including transmission, is expected to cost $1.6 billion. 

                                                           
 
8  Other factors contributing to the cost increase include design changes made by project participants to increase output and 

improve the unit’s efficiency.  For example, the voltage of the proposed transmission line was increased from 230 kV to 
345 kV to accommodate more generation. 

10 
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In June 2006, Duke submitted a filing with the North Carolina Utilities Commission (NCUC) seeking a 
certificate of public convenience and necessity for the construction of two 800 MW coal-based generating 
units at the site of the existing Cliffside Steam Station.  In its initial application, Duke relied on a May 2005 
preliminary cost estimate showing that the two units would cost approximately $2 billion to build.  Five 
months later, Duke submitted a second filing with a significantly revised cost estimate.  In its second filing, 
Duke estimated that the two units would cost approximately $3 billion to build, a 50 percent cost increase.  
The North Carolina Utilities Commission approved the construction of one 800 MW unit at Cliffside but 
disapproved the other unit, primarily on the basis that Duke had not made a showing that it needed the 
capacity to serve projected native load demands.  Duke’s latest projected cost for building one 800 MW unit 
at Cliffside is approximately $1.8 billion, or about $2,250/kW.  When financing costs, or allowance for funds 
used during construction (AFUDC), are included, the total cost is estimated to be $2.4 billion (or about 
$3,000/kW). 
 
Rising construction costs have also led utilities to reconsider expansion plans prior to regulatory actions.  In 
December 2006, Westar Energy announced that it was deferring the consideration of a new 600 MW coal-
based generation facility due to significant increases in the estimated construction costs, which increased 
from $1.0 billion to about $1.4 billion since the plant was first announced in May 2005. 
 
Increased construction costs are also affecting proposed demonstration projects.  For example, DOE 
announced earlier this year that the projected cost for one of its most prominent clean coal demonstration 
project, FutureGen, had nearly doubled.9  FutureGen is a clean coal demonstration project being pursued by 
a public-private partnership involving DOE and an alliance of industrial coal producers and electric utilities.  
FutureGen is an experimental advanced Integrated Gasification Combined Cycle (IGCC) coal plant project 
that will aim for near zero emissions of sulfur dioxide (SO2), nitrogen oxides (NOx), mercury, particulates 
and carbon dioxide (CO2).  Its initial cost was estimated at $950 million.  But after re-evaluating the price of 
construction materials and labor and adjusting for inflation over time, DOE’s Office of Fossil Energy 
announced that the project’s price had increased to $1.7 billion. 
 
Transmission Projects 

NSTAR, the electric distribution company that serves the Boston metropolitan area, recently built two 345 
kV lines from a switching station in Stoughton, Massachusetts, to substations in the Hyde Park section of 
Boston and to South Boston, respectively.  In an August 2004 filing before ISO New England Inc. (ISO-NE), 
NSTAR indicated that the project would cost $234.2 million.  In March 2007, NSTAR informed ISO-NE 
that estimated project costs had increased by $57.7 million, or almost 25 percent, for a revised total project 
cost of $292 million.  NSTAR stated that the increase is driven by increases in both construction and material 
costs, with construction bids coming in 24 percent higher than initially estimated.  NSTAR further explained 
that there have been dramatic increases in material costs, with copper costs increasing by 160 percent, core 
steel by 70 percent, flow-fill concrete by 45 percent, and dielectric fluid (used for cable cooling) by 66 
percent. 

                                                           
 
9 U.S. Department of Energy, April 10, 2007, press release available at 

http://www.fossil.energy.gov/news/techlines/2007/07019-DOE_Signs_FutureGen_Agreement.html 
. 

Exhibit PPL/507 
Bird/17



Projected Investment Needs and Recent Infrastructure Cost Increases 

12 

Another aspect of transmission projects is land requirements, and in many areas of the country land prices 
have increased substantially in the past few years.  In March 2007, the California Public Utilities 
Commission (CPUC) approved construction of the Southern California Edison (SCE) Company’s proposed 
25.6-mile, 500 kV transmission line between SCE’s existing Antelope and Pardee Substations.  SCE initially 
estimated a cost of $80.3 million for the Antelope-Pardee 500 kV line.  However, the company subsequently 
revised its estimate by updating the anticipated cost of acquiring a right-of-way, reflecting a rise in 
California’s real estate prices.  The increased land acquisition costs increased the total estimate for the 
project to $92.5 million, increasing the estimated costs to more than $3.5 million per mile. 
 
Distribution Equipment 

Although most individual distribution projects are small relative to the more visible and public generation 
and transmission projects, costs have been rising in this sector as well.  This is most readily seen in Handy-
Whitman Index© price series relating to distribution equipment and components.  Several important 
categories of distribution equipment have experienced sharp price increases over the past three years.  For 
example, the prices of line transformers and pad transformers have increased by 68 percent and 79 percent, 
respectively, between January 2004 and January 2007, with increases during 2006 alone of 28 percent and 23 
percent.10  The cost of overhead conductors and devices increased over the past three years by 34 percent, 
and the cost of station equipment rose by 38 percent.  These are in contrast to the overall price increases 
(measured by the GDP deflator) of roughly 8 percent over the past three years.   
 

                                                           
 
10  Handy-Whitman© Bulletin No. 165, average increase of six U.S. regions.   Used with permission. 
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Factors Spurring Rising Construction 
Costs  

Broadly speaking, there are four primary sources of the increase in construction costs: (1) material input 
costs, including the cost of raw physical inputs, such as steel and cement as well as increased costs of 
components manufactured from these inputs (e.g., transformers, turbines, pumps); (2) shop and fabrication 
capacity for manufactured components (relative to current demand); (3) the cost of construction field labor, 
both unskilled and craft labor; and (4) the market for large construction project management, i.e., the queuing 
and bidding for projects.  This section will discuss each of these factors. 
  

Material Input Costs  

Utility construction projects involve large quantities of steel, aluminum and copper (and components 
manufactured from these metals) as well as cement for foundations, footings and structures.   All of these 
commodities have experienced substantial recent price increases, due to increased domestic and global 
demands as well as increased energy costs in mineral extraction, processing and transportation.  In addition, 
since many of these materials are traded globally, the recent performance of the U.S. dollar will impact the 
domestic costs (see box on page 14). 
 
Metals 

After being relatively stable for many years (and even declining in real terms), the price of various metals, 
including steel, copper and aluminum, has increased significantly in the last few years.  These increases are 
primarily the result of high global demand and increased production costs (including the impact of high 
energy prices).  A weakening U.S. dollar has also contributed to high domestic prices for imported metals 
and various component products. 
 
Figure 5 shows price indices for primary inputs into steel production (iron and steel scrap, and iron ore) since 
1997.  The price of both inputs fell in real terms during the late 1990s, but rose sharply after 2002.  
Compared to the 20-percent increase in the general inflation rate (GDP deflator) between 1997 and 2006, 
iron ore prices rose 75 percent and iron and steel scrap prices rose nearly 120 percent.  The increase over the 
last few years was especially sharp—between 2003 and 2006, prices for iron ore rose 60 percent and iron 
and scrap steel rose 150 percent. 
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Exchange Rates 

Many of the raw materials involved in utility construction projects (e.g., steel, copper, 
cement), as well as many major manufactured components of utility infrastructure 
investments, are globally traded.  This means that prices in the U.S. are also affected 
by exchange rate fluctuations, which have been adverse to the dollar in recent years.  
The chart below shows trade-weighted exchange rates from 1997.  Although the dollar 
appreciated against other currencies between 1997 and 2001, the graph also clearly 
shows a substantial erosion of the dollar since the beginning of 2002, losing roughly 20 
percent of its value against other major trading partners’ currencies.  This has had a 
substantial impact on U.S. material and manufactured component prices, as will be 
reflected in many of the graphs that follow. 
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Figure 5 
Inputs to Iron and Steel Production Cost Indices 

50

75

100

125

150

175

200

225

1997 1998 1999 2000 2001 2002 2003 2004 2005 2006

Year

In
de

x 
(1

99
7=

10
0)

GDP Deflator

Iron Ore

Iron and Steel Scrap

Sources: U.S. Geological Survey, Mineral Commodity Summaries, and the U.S. Bureau of Economic Analysis.
 

The increase in input prices has been reflected in steel mill product prices.  Figure 6 compares the trend in 
steel mill product prices to the general inflation rate (using the GDP deflator) over the past 10 years.  Figure 
6 shows that the price of steel has increased about 60 percent since 2003.   
 

Figure 6 
Steel Mill Products Price Index 
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Various sources point to the rapid growth of steel production and demand in China as a primary cause of the 
increases in both steel prices and the prices of steelmaking inputs.11  China has become both the world’s 
largest steelmaker and steel consumer.  In addition, some analysts contend that steel companies have 
achieved greater pricing power, partly due to ongoing consolidation of the industry, and note that recently 
increased demand for steel has been driven largely by products used in energy and heavy industry, such as 
plate and structural steels.   
 
From the perspective of the steel industry, the substantial and at least semi-permanent rise in the price of 
steel has been justified by the rapid rise in the price of many steelmaking inputs, such as steel scrap, iron ore, 
coking coal, and natural gas.  Today’s steel prices remain at historically elevated levels and, based on the 
underlying causes for high prices described, it appears that iron and steel costs are likely to remain at these 
high levels at least for the near future. 
 
Other metals important for utility infrastructure display similar price patterns: declining real prices over the 
first five years or so of the previous 10 years, followed by sharp increases in the last few years.  Figure 7 
shows that aluminum prices doubled between 2003 and 2006, while copper prices nearly quadrupled over the 
same period. 
 

Figure 7 
Aluminum and Copper Price Indices 
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11  See, for example, Steel: Price and Policy Issues, CRS Report to Congress, Congressional Research Service, August 31, 

2006.  
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These price increases were also evident in metals that contribute to important steel alloys used broadly in 
electrical infrastructure, such as nickel and tungsten.  The prices of these display similar patterns, as shown 
in Figure 8. 
 

Figure 8 
Nickel and Tungsten Price Indices 
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Sources: U.S. Geological Survey, Mineral Commodity Summaries, and the U.S. Bureau of Economic Analysis.  

 

Cement, Concrete, Stone and Gravel 

Large infrastructure projects require huge amounts of cement as well as basic stone materials.  The price of 
cement has also risen substantially in the past few years, for the same reasons cited above for metals.  
Cement is an energy-intensive commodity that is traded on international markets, and recent price patterns 
resemble those displayed for metals.  In utility construction, cement is often combined with stone and other 
aggregates for concrete (often reinforced with steel), and there are other site uses for sand, gravel and stone.  
These materials have also undergone significant price increases, primarily as a result of increased energy 
costs in extraction and transportation.  Figure 9 shows recent price increases for cement and crushed stone.  
Prices for these materials have increased about 30 percent between 2004 and 2006. 
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Figure 9 
Cement and Crushed Stone Price Indices 
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Sources: U.S. Geological Survey, Mineral Commodity Summaries, and the U.S. Bureau of Economic Analysis.  

Manufactured Products for Utility Infrastructure 

Although large utility construction projects consume substantial amounts of unassembled or semi-finished 
metal products (e.g., reinforcing bars for concrete, structural steel), many of the components such as 
conductors, transformers and other equipment are manufactured elsewhere and shipped to the construction 
site.  Available price indices for these components display similar patterns of recent sharp price increases. 
 
Figure 10 shows the increased prices experienced in wire products compared to the inflation rate, according 
to the U.S. Bureau of Labor Statistics (BLS), highlighting the impact of underlying metal price increases. 
 
Manufactured components of generating facilities—large pressure vessels, condensers, pumps, valves—have 
also increased sharply since 2004.  Figure 11 shows the yearly increases experienced in key component 
prices since 2003. 
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Figure 10 
Electric Wire and Cable Price Indices 
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Figure 11 

Equipment Price Increases 
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Labor Costs  

A significant component of utility construction costs is labor—both unskilled (common) labor as well as 
craft labor such as pipefitters and electricians.  Labor costs have also increased at rates higher than the 
general inflation rate, although more steadily since 1997, and recent increases have been less dramatic than 
for commodities.  Figure 12 shows a composite national labor cost index based on simple averages of the 
regional Handy-Whitman Index© for common and craft labor.  Between January 2001 and January 2007, the 
general inflation rate (measured by the GDP deflator) increased about 15 percent.  During the same period, 
the cost of craft labor and heavy construction labor increased about 26 percent, while common labor 
increased 27 percent, or almost twice the rate of general inflation.12  While less severe than commodity cost 
increases, increased labor costs contributed to the overall construction cost increases because of their 
substantial share in overall utility infrastructure construction costs. 
 

Figure 12 
National Average Labor Costs Index 
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Although labor costs have not risen dramatically in recent years, there is growing concern about an emerging 
gap between demand and supply of skilled construction labor—especially if the anticipated boom in utility 
construction materializes.  In 2002, the Construction Users Roundtable (CURT), surveyed its members and 
found that recruitment, education, and retention of craft workers continue to be critical issues for the 
industry.13  The average age of the current construction skilled workforce is rising rapidly, and high attrition 
rates in construction are compounding the problem.  The industry has always had high attrition at the entry-
level positions, but now many workers in the 35-40 year-old age group are leaving the industry for a variety 
of reasons.  The latest projections indicate that, because of attrition and anticipated growth, the construction 
                                                           
 
12  These figures represent a simple average of six regional indices, however, local and regional labor markets can vary 

substantially from these national averages. 
13  Confronting the Skilled Construction Workforce Shortage. The Construction Users Roundtable, WP-401, June 2004, p. 1.  
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industry must recruit 200,000 to 250,000 new craft workers per year to meet future needs.  However, both 
demographics and a poor industry image are working against the construction industry as it tries to address 
this need.14  
 
There also could be a growing gap between the demand and supply of electrical lineworkers who maintain 
the electric grid and who perform much of the labor for transmission and distribution investments.  These 
workers erect poles and transmission towers and install or repair cables or wires used to carry electricity 
from power plants to customers.  According to a DOE report, demand for such workers is expected to 
outpace supply over the next decade.15  The DOE analysis indicates a significant forecasted shortage in the 
availability of qualified candidates by as many as 10,000 lineworkers, or nearly 20 percent of the current 
workforce.  As of 2005, lineworkers earned a mean hourly wage of $25/hour, or $52,300 per year.  The 
forecast supply shortage will place upward pressure on the wages earned by lineworkers.16   
 

Shop and Fabrication Capacity 

Many of the components of utility projects—including large components like turbines, condensers, and 
transformers—are manufactured, often as special orders to coincide with particular construction projects.  
Because many of these components are not held in large inventories, the overall capacity of their 
manufacturers can influence the prices obtained and the length of time between order and delivery.  The 
price increases of major manufactured components were shown in Figure 11.  While equipment and 
component prices obviously reflect underlying material costs, some of the price increases of manufactured 
components and the delivery lags are due to manufacturing capacity constraints that are not readily overcome 
in the near term. 
 
As shown in Figure 13 and Figure 14, recent orders have largely eliminated spare shop capacity, and 
delivery times for major manufactured components have risen.  These constraints are adding to price 
increases and are difficult to overcome with imported components because of the lower value of the dollar in 
recent years. 
 
The increased delivery times can affect utility construction costs through completion delays that increase the 
cost of financing a project.  In general, utilities commit substantial funds during the construction phase of a 
project that have to be financed either through debt or equity, called “allowance for fund used during 
construction” (AFUDC).  All else held equal, the longer the time from the initiation through completion of a 
project, the higher is the financing costs of the investment and the ultimate costs passed through to 
ratepayers.    

                                                           
 
14  Id., p. 1.  
15  Workforce Trends in the Electric Utility Industry: A Report to the United States Congress Pursuant to Section 1101 of the 

Energy Policy Act of 2005. U.S. Department of Energy, August 2006, p. xi.  
16  Id., p. 5.  
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Figure 13 
Shop Capacity 
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Figure 14 

Delivery Schedules 
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Engineering, Procurement and Construction (EPC) Market Conditions 

Increased worldwide demand for new generating and other electric infrastructure projects, particularly in 
China, has been cited as a significant reason for the recent escalation in the construction cost of new power 
plants.  This suggests that major Engineering, Procurement and Construction (EPC) firms should have a 
growing backlog of utility infrastructure projects in the pipeline.  While we were unable to obtain specific 
information from the major EPC firms on their worldwide backlog of electric utility infrastructure projects 
(i.e., the number of electric utility projects compared with other infrastructure projects such as roads, port 
facilities and water infrastructure, in their respective pipelines), we examined their financial statements, 
which specify the financial value associated with their backlog of infrastructure projects.  Figure 15 shows 
the cumulative annual financial value associated with the backlog of infrastructure projects at the following 
four major EPC firms; Fluor Corporation, Bechtel Corporation, The Shaw Group Inc., and Tyco 
International Ltd.  Figure 15 shows that the annual backlog of infrastructure projects rose sharply between 
2005 and 2006, from $4.1 billion to $5.6 billion, an increase of 37 percent.  This significant increase in the 
annual backlog of infrastructure projects at EPC firms is consistent with the data showing an increased 
worldwide demand for infrastructure projects in general and also utility generation, transmission, and 
distribution projects.  
 

Figure 15 
Annual Backlog at Major EPC Firms 
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Data are compiled from the Annual Reports of Fluor Corporation, Bechtel Corporation, The Shaw Group Inc., and Tyco 
International Ltd.  For Bechtel, the data represent new booked work, as backlog is not reported.  

 
The growth in construction project backlogs likely will dampen the competitiveness of EPC bids for future 
projects, at least until the EPC industry is able to expand capacity to manage and execute greater volumes of 
projects.  This observation does not imply that this market is generally uncompetitive—rather it reflects the 
limited ability of EPC firms with near-term capacity constraints to service an upswing in new project 
development associated with a boom period in infrastructure construction cycles.  Such constraints, 
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combined with a rapidly filling (or full) queue for project management services, limit incentives to bid 
aggressively on new projects. 
 
Although difficult to quantify, this lack of spare capacity in the EPC market will undoubtedly have an 
upward price pressure on new bids for EPC services and contracts.  A recent filing by Oklahoma Gas & 
Electric Company (OG&E) seeking approval of the Red Rock plant (a 950 MW coal unit) provides a 
demonstration of this effect.   In January 2007, OG&E testimony indicated that their February 3, 2006, cost 
estimate of nearly $1,700/kW had been revised to more than $1,900/kW by September 29, 2006, a 12-
percent increase in just nine months.   More than half of the increase (6.6 percent) was ascribed to change in 
market conditions which “reflect higher materials costs (steel and concrete), escalation in major equipment 
costs, and a significant tightening of the market for EPC contractor services (as there are relatively few 
qualified firms that serve the power plant development market).”17  In the detailed cost table, OG&E 
indicated that the estimate for EPC services had increased by more than 50 percent during the nine month 
period (from $223/kW to $340/kW). 
 

Summary Construction Cost Indices 

Several sources publish summary construction cost indices that reflect composite costs for various 
construction projects.  Although changes in these indices depend on the actual cost weights assumed e.g., 
labor, materials, manufactured components, they provide useful summary measures for large infrastructure 
project construction costs. 
 
The RSMeans Construction Cost Index provides a general construction cost index, which reflects primarily 
building construction (as opposed to utility projects).  This index also reflects many of the same cost drivers 
as large utility construction projects such as steel, cement and labor.  Figure 16 shows the changes in the 
RSMeans Construction Cost index since 1990 relative to the general inflation rate.  While the index rose 
slightly higher than the GDP deflator beginning in the mid 1990s, it shows a pronounced increase between 
2003 and 2006 when it rose by 18 percent compared to the 9 percent increase in general inflation. 
 

                                                           
 
17  Testimony of Jesse B. Langston before the Corporation Commission of the State of Oklahoma, Cause No. PUD 

200700012, January 17, 2007, page 27 and Exhibit JBL-9. 
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Figure 16 
RSMeans Historical Construction Cost Index 
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The Handy-Whitman Index© publishes detailed indices of utility construction costs for six regions, broken 
down by detailed component costs in many cases.  Figures 17 through 19 show the evolution of several of 
the broad aggregate indices since 1991 compared with the general inflation index (GDP deflator).18   The 
index numbers displayed on the graphs are for January 1 of each year displayed. 
 
Figure 17 displays two indices for generation costs:  a weighted average of coal steam plant construction 
costs (boilers, generators, piping, etc.) and a stand-alone cost index for gas combustion turbines.  
 
As seen on Figure 17, steam generation construction costs tracked the general inflation rate fairly well 
through the 1990s, began to rise modestly in 2001, and increased significantly since 2004.  Between January 
1, 2004, and January 1, 2007, the cost of constructing steam generating units increased by 25 percent—more 
than triple the rate of inflation over the same time period. The cost of gas turbogenerators (combustion 
turbines), on the other hand, actually fell between 2003 and 2005.  However, during 2006, the cost of a new 
combustion turbine increased by nearly 18 percent—roughly 10 times the rate of general inflation. 

                                                           
 
18  Used with permission.  See Handy-Whitman© Bulletin, No. 165 for detailed data breakouts and regional values for six 

regions:  Pacific, Plateau, South Central, North Central, South Atlantic and North Atlantic.  The Figures shown reflect 
simple averages of the six regions. 
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Figure 17 
National Average Generation Cost Index 
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Figure 18 displays the increased cost of transmission investment, which reflects such items as towers, poles, 
station equipment, conductors and conduit.  The cost of transmission plant investments rose at about the rate 
of inflation between 1991 and 2000, increased in 2001, and then showed an especially sharp increase 
between 2004 and 2007, rising almost 30 percent or nearly four times the annual inflation rate over that 
period. 
 

Figure 18 
National Average Transmission Cost Index 
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Figure 19 shows distribution plant costs, which include poles, conductors, conduit, transformers and meters.  
Overall distribution plant costs tracked the general inflation rate very closely between 1991 and 2003.  
However, it then increased 34 percent between January 2004 and January 2007, a rate that exceeded four 
times the rate of general inflation. 
 

Figure 19 
National Average Distribution Cost Index 
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Comparison with Energy Information Administration Power Plant Cost Estimates  

Every year, EIA prepares a long-term forecast of energy prices, production, and consumption (for electricity 
and the other major energy sectors), which is documented in the Annual Energy Outlook (AEO).  A 
companion publication, Assumptions to the Annual Energy Outlook, itemizes the assumptions (e.g., fuel 
prices, economic growth, environmental regulation) underlying EIA’s annual long-term forecast.   Included 
in the latter document are estimates of the “overnight” capital cost of new generating units (i.e., the capital 
cost exclusive of financing costs).  These cost estimates influence the type of new generating capacity 
projected to be built during the 25-year time horizon modeled in the AEO.   
 
The EIA capital cost assumptions are generic estimates that do not take into account the site-specific 
characteristics that can affect construction costs significantly.19  While EIA’s estimates do not necessarily 
provide an accurate estimate of the cost of building a power plant at a specific location, they should, in 
theory, provide a good “ballpark” estimate of the relative construction cost of different generation 

                                                           
 
19  EIA does incorporate regional multipliers to reflect minor variations in construction costs based on labor conditions. 
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technologies at any given time.  In addition, since they are prepared annually, these estimates also should 
provide insight into construction cost trends over time.   
 
The EIA plant cost estimates are widely used by industry analysts, consultants, academics, and 
policymakers.  These numbers frequently are cited in regulatory proceedings, sometimes as a yardstick by 
which to measure a utility’s projected or incurred capital costs for a generating plant.  Given this, it is 
important that EIA’s numbers provide a reasonable estimate of plant costs and incorporate both 
technological and other market trends that significantly affect these costs.   
 
We reviewed EIA’s estimate of overnight plant costs for the six-year period 2001 to 2006.  Figure 20 shows 
EIA’s estimates of the construction cost of six generation technologies—combined-cycle gas-fired plants, 
combustion turbines (CTs), pulverized coal, nuclear, IGCC, and wind—over the period 2001 to 2006 and 
compares these projections to the general inflation rate (GDP deflator).  These six technologies, generally 
speaking, have been the ones most commonly built or given serious consideration in utility resource plans 
over the last few years.  Thus, we can compare the data and case studies discussed above to EIA’s cost 
estimates.   
 

Figure 20 
EIA Generation Construction Cost Estimates 
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The general pattern in Figure 20 shows a dramatic change in several technology costs between 2001 and 
2004 followed by a stable period of growth until 2006.  The two exceptions to this are conventional coal and 
IGCC, which increase by a near constant rate each year close to the rate of inflation throughout the period.  
The data show conventional CC and conventional CT experiencing a sharp increase between 2001 and 2002.  
After this increase, conventional CC levels off and proceeds to increase at a pace near inflation, while 
conventional CT actually drops significantly before 2004 when it too levels near the rate of inflation.  The 
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pattern seen with nuclear technology is near to the opposite.  It falls dramatically until about 2003 and then 
increases at the same rate as the GDP deflator.  Lastly, wind moves close to inflation until 2004 when it 
experiences a one-time jump and then flattens off through 2006.   
 
These patterns of cost estimates over time contradict the data and findings of this report.  Almost every other 
generation construction cost element has shown price changes at or near the rate of inflation throughout the 
early part of this decade with a dramatic change in only the last few years.  EIA appears to have reconsidered 
several technology cost estimates (or revised the benchmark technology type) in isolation between 2001 and 
2004, without a systematic update of others.  Meanwhile, during the period that overall construction costs 
were rising well above the general inflation rate, EIA has not revised its estimated capital cost figures to 
reflect this trend.   
 
EIA’s estimates of plant costs do not adequately reflect the recent increase in plant construction costs that 
has occurred in the last few years.  Indeed, EIA itself acknowledges that its estimated construction costs do 
not reflect short-term changes in the price of commodities such as steel, cement and concrete.20 While one 
would expect some lag in the EIA data, it is troubling that its most recent estimates continue to show the 
construction cost of conventional power plants increasing only at the general rate of inflation.  Empirical 
evidence shows that the construction cost of generating plants—both fossil-fired and renewable—is 
escalating at a rate well above the GDP deflator.  Even the most recent EIA data fail to reflect important 
market impacts that are driving plant construction costs, and thus do not provide a reliable measure of current 
or expected construction costs. 

                                                           
 
20 Annual Energy Outlook 2007, U.S. Energy Information Administration, p. 36. 
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Conclusion  

Construction costs for electric utility investments have risen sharply over the past several years, due to 
factors beyond the industry’s control.  Increased prices for material and manufactured components, rising 
wages, and a tighter market for construction project management services have contributed to an across-the-
board increase in the costs of investing in utility infrastructure.   These higher costs show no immediate signs 
of abating. 
 
Despite these higher costs, utilities will continue to invest in baseload generation, environmental controls, 
transmission projects and distribution system expansion.  However, rising construction costs will put 
additional upward pressure on retail rates over time, and may alter the pace and composition of investments 
going forward.  The overall impact on the industry and on customers, however, will be borne out in various 
ways, depending on how utilities, markets and regulators respond to these cost increases.   In the long run, 
customers ultimately will pay for higher construction costs—either directly in rates for completed assets of 
regulated companies, less directly in the form of higher energy prices needed to attract new generating 
capacity in organized markets and in higher transmission tariffs, or indirectly when rising construction costs 
defer investments and delay expected benefits such as enhanced reliability and lower, more stable long-term 
electricity prices. 
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Q. Please state your name, business address and present position with 

PacifiCorp (“Company”). 
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A. My name is Gregory N. Duvall. My business address is 825 NE Multnomah St., Suite 

600, Portland, Oregon 97232. My present title is Director, Long Range Planning and 

Net Power Costs.

Q. Are you the same Gregory N. Duvall that previously provided testimony in 

this docket? 

A.  Yes, as Exhibit PPL/600.   

Purpose of Testimony 

Q. Please explain the purpose of your testimony in this proceeding. 

A. The purpose of this supplemental direct testimony is to respond to Requests 9, 10, 

11, 12, 13, 15, 17, 18, 19 and 20 from the May 14, 2009 Ruling of the 

Administrative Law Judges on Supplemental Testimony ("Ruling on 

Supplemental Testimony"), in which PacifiCorp was ordered to file supplemental 

direct testimony. Each of these requests pertains to the Company’s load forecast.  

I will also address Request 16 related to energy efficiency measures for each 

jurisdiction.

Q. How is your testimony organized? 

A. First, I discuss temperature normalization  and describe how the Company 

developed the forecast for kilowatt-hour sales at the meter (“sales”), and system 

loads and system peak loads at the system input level (“loads”) for the twelve-

month period ending December 31, 2010 (Requests 12 and 13).  These forecasts 

are produced for all six states in which the Company serves retail customers and 
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are necessary for the development of inter-jurisdictional allocation factors, 

forecasted revenues, and net power costs.  Second, I discuss how the Company’s 

historical sales and coincident peaks compare with the forecast (Requests 9 and 

10).  Third, I describe how the change in the definition of normal weather has 

affected Oregon’s System Energy (“SE”) and System Generation (“SG”) 

allocation factors (Request 11). Fourth, I discuss how price elasticity is being 

treated in the load forecast (Request 15). Fifth, I focus on the improvements in 

modeling methodology and discuss various aspects of the modeling (Requests 17 

through 20). Finally, I address energy efficiency achievements and the 2009 

energy efficiency forecast in each jurisdiction (Request 16).

Request 12--Temperature Adjustment and Development of Forecast Sales 

Q. What is the Request 12 in the Ruling on Supplemental Testimony? 

A. Request 12 requires that the Company provide testimony explaining the methods 

used to adjust sales for temperature and to forecast sales, coincident peak loads, 

and customer numbers. 

16
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19

20

21

22

23

Temperature Adjustment

Q. Please describe the Company’s temperature adjustment methodology. 

A. Temperature is a critical factor in forecasting residential, commercial and 

irrigation customer loads. In forecasting, it is important to represent as well as 

possible the response of customer loads to temperature in a mathematical 

equation. To do this, the Company begins by conducting load research studies by 

class by state to collect observations of loads across different temperatures. 

Exhibit PPL/606 shows the different temperature responses across PacifiCorp’s 
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seven jurisdictions. The Company identified multipart slopes and breakpoints 

through a neural network framework.  The neural network model identifies the 

break points and shape of the weather impacts.  From this load research data, the 

Company analyzes the sensitivities of sales at different temperature levels and a 

composite weather variable is developed in order to capture extreme temperature 

within a month.  The Oregon residential temperature response graph and 

composite equation are shown in Exhibit PPL/607. Temperature is not used as an 

input to the industrial forecast. 
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Forecast of Energy Sales (at the meter)

Q. How are monthly sales forecasts developed by customer class? 

A. Monthly sales forecasts are developed as a product of two separate forecasts: the 

number of customers and sales per customer.  This methodology is used for all 

customer classes except for the industrial customer class.   

Q. How is average use per customer for customer classes forecasted? 

A. Sales per customer for the residential class are modeled through a Statistically 

Adjusted End-use (“SAE”) model, which combines the end-use modeling 

concepts with traditional regression analysis techniques. Major drivers of the 

SAE-based residential model are weather-related variables, end-use information 

such as equipment shares, saturation levels and efficiency trends, and economic 

drivers such as household size, income and energy price.  

  For the commercial class, sales per customer are forecasted using 

regression analysis techniques with non-manufacturing employment used as the 

major economic driver in addition to weather-related variables.  
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  For other non-industrial classes, sales per customer are forecasted through 

regression analysis techniques using monthly binary and weather variables.  

Q. How does the Company forecast sales for the industrial customer class? 3

A. The industrial customers are separated into three categories: i) existing customers 

that are tracked by the Customer Account Managers (“CAMs”), ii) new large 

customers or expansions by existing large customers, and iii) industrial customers 

that are not tracked by the CAMs.  Customers are tracked by the CAMs if they 

have a peak load of one megawatt or more at a single site. 

  The forecast for the first two categories is developed through the data 

gathered by the CAM assigned to each customer and represents about 28 percent 

of the total system forecast and about 14 percent of the Oregon forecast.  The 

CAMs have ongoing direct contact with large customers and are in the best 

position to know about the customer’s plans for changes in business processes, 

which might impact their energy consumption.   

  The portion of the industrial forecast related to new large customers and 

expansion by existing large customers is developed based on the direct input of 

the customers, forecasted load factors, and the probability of the project 

occurrence.  The third category, industrial customers under one megawatt, is more 

homogeneous and is modeled using regression analysis with trend and economic 

variables.  Manufacturing employment is the major economic driver.  

  The total industrial sales forecast is developed by aggregating the forecast 

for the three industrial customer categories. 
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Q. Why are industrial sales forecasted by a different methodology than the 

other customer classes? 
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A. This class is forecasted differently because of the diverse makeup of the 

customers within the class.  In the industrial class, there is no “typical” customer. 

Large customers have very diverse usage patterns and power requirements.  It is 

not unusual for the entire class to be strongly influenced by the behavior of one 

customer or a small group of customers.  

  In contrast, customer classes that are made up of mostly smaller, 

homogeneous customers are best forecasted as a use per customer multiplied by 

number of customers. Those customer classes are generally composed of many 

smaller customers that have similar behaviors and usage patterns.  No small group 

of customers, or single customer, influences the movement of the entire class.  

This difference requires the different processes for forecasting. 
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Forecast of Customers

Q. Please describe the method used to forecast number of customers. 

A. The forecast of number of customers is generally based on a combination of 

regression analysis and exponential smoothing techniques using historical data 

from 1997 to January 2009. For the residential class, the forecast of number of 

customers is developed using a regression model with Global Insight’s forecast of 

each state’s number of households as the major driver. For the commercial class, 

forecasts rely on a regression model with the forecasted residential customer 

numbers used as the major driver. For irrigation and street lighting classes, 

customer forecasts are developed based on exponential smoothing models. 
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Peak Forecast (at system input)

Q. Please describe the method used to forecast each state’s contribution to the 

coincident peak loads. 

A. Each state’s contribution to the coincident peak is calculated from the hourly 

loads.  After the hourly load forecasts for each state are developed, hourly loads 

are aggregated to the system level. The system peaks can then be identified as 

well as the contribution of each jurisdiction to those monthly peaks 

Q. Please outline how the hourly load forecast is developed. 8

A. After the forecasts of monthly energy sales by customer class are developed, a 9

forecast of hourly loads is developed in two steps: 

  First, monthly and seasonal peak forecasts for each state are developed for 

each jurisdiction. These are done at system input.  The monthly peak model uses 

historic peak-producing weather for each state, and incorporates the impact of 

weather on peak loads through several weather variables. These weather variables 

include the average temperature on the peak day and lagged average 

temperatures.  The peak forecast is based on average monthly historical peak-

producing weather for the period 1990-2007. Use of the average peak producing 

weather results in a one-in-two forecast in which it is equally likely that the actual 

peak load is higher or lower than the forecast peak load. 

  Second, hourly load forecasts for each state are obtained from hourly load 

models using state-specific hourly load data and daily weather variables.  Hourly 

loads are developed using a model which incorporates the twenty-year rank and 

average temperatures, a typical weather pattern for each year, and day-type 
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variables such as weekends and holidays.  The hourly loads are adjusted for line 

losses and calibrated to monthly and seasonal peaks.  

Q. What do you mean by “rank and average”? 

A. Rank and average occurs in three steps. First, the daily average temperatures for 

each month of the 20-year history are ranked from high to low. Second, these 

ranked monthly temperatures are averaged from the highest temperature to the 

lowest temperature. Third, the average temperatures are assigned to each day 

based on a typical weather pattern.  Using this method allows the Company to 

accurately forecast hourly loads capturing peak producing weather.
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Impact of Current Economic Conditions

Q. Please describe how the impact of the current economic conditions is 

reflected in the Company’s sales forecast for Oregon. 

The Company’s sales forecast model was developed using historical sales data 

ending January 2009, and the most recent available economic data.  This data 

reflected economic variables from late 2008 and early 2009. Next, to fully capture 

the effects of the current recession on the load forecast for the industrial class, the 

Company compared the model results to the load reduction experienced in the 

2001-2002 recession, supplemented with information obtained by the Company’s 

CAMs who talk with customers on a regular basis. During the 2001-2002 

recession, Oregon’s total retail sales dropped by 4 percent, and as indicated in my 

direct testimony (Exhibit PPL/600, Duvall/6-7), sales in 2008 started declining in 

the second quarter, and were down 5.3 percent in the last quarter of 2008 as 

compared to the last quarter of 2007. On an annual basis, 2008 sales in Oregon 
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were about 1.5 percent below 2007 sales on a temperature adjusted basis.  Based 

on the review of this information, the Company reduced the model-driven results 

for industrial sales forecast by 222,154 megawatt-hours (“MWh”) in 2010.  As a 

result, the 2010 forecast sales for Oregon are 2.4 percent lower than the weather 

normalized 2008 sales.

Request 13--Conversion of Sales Estimates to Energy Deliveries 

Q. What is Request 13 in the Ruling on Supplemental Testimony? 

A. This request requires that the Company provide testimony explaining how sales 

estimates are converted into energy deliveries. 

Q. How does the Company convert sales estimates at the customer meter to 

energy deliveries at the system input level?

A. The Company uses the average of the most recent five years (ending December 

31, 2007) of energy losses by state to convert metered sales forecasts to system 

input. The use of actual losses is a reasonable basis for capturing total system 

losses. Oregon’s average line loss is 9.52 percent. Peak loads are forecast at the 

system input level for each state and therefore do not require any conversion. 

Requests 9 & 10--Comparison of Historical Sales and Peak to the Forecast 

Q. What is Request 9 in the Ruling on Supplemental Testimony? 

A. This request requires that the Company provide testimony explaining how retail 

sales have changed or are forecasted to change from October 1, 2006, through the 

test year, as well as the key factors driving such changes. 
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Q.  Has the Company compared Oregon’s actual weather normalized retail sales 

to test period forecasted retail sales? 
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A. Yes, the Company made this comparison for Oregon in my direct testimony, 

Exhibit PPL/600, Duvall/7. Based on the recent history through January 2009, it 

was clear that the declining sales in Oregon are expected to continue and are 

driven by the nationwide economic downturn and housing market slowdown and 

closures in the wood products sector.  Continuing this trend, the retail sales in 

2010 (13,392,810 MWh) are 2.4 percent lower than the 2008 weather normalized 

sales (13,717,170 MWh). Table 1 details the 2006-2010 Oregon retail sales by 

class.

Class 2006 2007 2008 2009 2010
Residential 5,516,750 5,526,360 5,503,230 5,400,708 5,438,620
Commercial 4,800,350 4,916,970 4,960,970 4,819,008 4,836,110

Industrial 3,245,220 3,183,040 2,964,750 2,780,724 2,815,620
Other 279,150 299,420 288,220 303,750 302,460
Total 13,841,470 13,925,790 13,717,170 13,304,190 13,392,810

Oregon Retail Sales by Class
Table 1

Q.  How does Oregon compare with the other states?   11

12

13
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A. Comparing weather normalized retail sales between 2006 and 2008, Oregon and 

Washington declined by 0.45 percent and 1.16 percent, respectively, primarily 

driven by the economic downturn, housing market slowdown and closures in 

wood products sector. On the other hand, sales grew by 3.8 percent and 6.0 

percent in Utah and Wyoming, respectively, with continuing industrial growth, in 

particular, attributed to the oil and gas growth in Wyoming.  

Q. Has the Company compared actual weather normalized energy at system 

input to test period forecasted energy at system input? 
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A. Yes, Exhibit PPL/608 presents this comparison.  The Company used actual 

weather normalized energy sales data for each month through January 2009, and 

used data from the February 2009 forecast from February 2009 through December 

2010. Each point on the graphs in Exhibit PPL/608 represents a 12-month sum, 

consistent with the SE factor. For example, the first point is the 12-months ending 

October 2006, the second point is the 12-months ending November 2006, and the 

final point on the graphs is the 12-months ending December 2010, which is the 

basis of the SE factor used in this docket. The exhibit has a graph for each 

jurisdiction.

Q. Please explain how energy at input have changed or are forecast to change 

from October 1, 2006, through the test year, as well as the key factors driving 

such change. 

A. As shown in Exhibit PPL/608, energy has been relatively flat over this time 

period in Oregon, Washington, California and Idaho, but has increased in Utah 

and Wyoming. Some slowdown in growth is seen in both Rocky Mountain Power 

and Pacific Power states near the end of 2008 and through 2009. This is due to the 

current economic recession. The growth in Utah and Wyoming is led by the 

industrial class, particularly the oil and gas customers in Wyoming. 

Q. What is Request 10 in the Ruling on Supplemental Testimony? 

A. This request requires that the Company provide testimony explaining how 

monthly coincident peak loads (12 CP) have changed or are forecasted to change 

from October 1, 2006, through the test year in this docket, including an 

explanation of key factors causing such changes.
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A. Yes, Exhibit PPL/609 presents this comparison.  The Company used weather 

normalized monthly coincident peak load data for each month through January 

2009 and used that data to forecast February 2009 through December 2010 peak 

loads. Each point on the graphs in Exhibit PPL/609 represent a 12-month sum (12 

CP), consistent with the System Capacity (“SC”) factor, which makes up 75 

percent of the SG factor, with the remaining 25 percent being derived from the SE 

factor.  For example, the first point is the 12-months ending October 2006, the 

second point is the 12-months ending November 2006, and the final point on the 

graphs is the 12-months ending December 2010, which is the basis of the SC 

factor used in this docket. The exhibit has a graph for each jurisdiction. 

Q. Please explain how the 12 CP has changed or is forecast to change from 

October 1, 2006, through the test year, as well as the key factors driving such 

change.

A. As shown in Exhibit PPL/609, coincident peaks have been relatively flat over this 

time period in Oregon, Washington, California and Idaho, but have increased in 

Utah and Wyoming. Some slowdown in growth is seen in both Rocky Mountain 

Power and Pacific Power states (more pronounced in Oregon) near the end of 

2008 and through 2009. This is due to the current economic recession. The 

growth in Utah and Wyoming is led by the industrial class, particularly the oil and 

gas customers in Wyoming. 
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Q. What is Request 11 in the Ruling on Supplemental Testimony? 

A. This request requires that the Company provide testimony explaining how the 

adoption of the 20-year weather data set (1988 through 2007) changes the 

forecasted energy and peak allocation factors for the test year, relative to the 

previous 30-year NOAA data set (1971 through 2000). 

Q. Has the Company quantified the impact on the allocation factors due to 

changing from 30 years (1971 – 2000) to 20 years (1988-2007) for 

temperature normalization? 

A. Yes. The Company recast the February 2009 forecast using the 30 years from 

1971 – 2000 as the basis of “normal” weather to make this determination. Use of 

the 20 years from 1988 – 2007 reduces Oregon’s SE factor by 0.0014, from 

0.2531 to 0.2517, and reduces Oregon’s SG factor by less than 0.0001, from 

0.26735 to 0.26733 for the test period. In addition, the Company assessed the 

impact of using peak producing weather to forecast the monthly peaks as opposed 

to the old method which used average daily temperatures to predict peak loads. 

This latter change increases Oregon’s SG factor by 0.0042, from 0.2631 to 

0.2673. Oregon’s SE factor was unaffected by this latter change. 
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A. When compared to Utah, Wyoming and Idaho, Oregon has more sales that vary 

with temperature. For example, about 50 percent of the sales in Utah, Wyoming 

and Idaho are from the industrial class, which is not affected by weather. 

Oregon’s industrial sales comprise only about 22 percent of the total Oregon 

sales. This fact, combined with the use of using peak producing rather than 

average temperatures to predict peak loads, resulted in a small increase in 

Oregon’s contribution to peak loads when compared to the prior forecast. 

Q. Why does Oregon’s SE factor decrease? 

A. Normal temperatures are higher when moving to more recent data as shown in 

Exhibit PPL/610. As a result, forecasted winter loads are lower and summer loads 

are higher. Since Oregon has more winter load and less summer load relative to 

some of the other five jurisdictions, Oregon’s energy allocation factor goes down. 

Request 15--Price Elasticity

Q. What is Request 15 in the Ruling on Supplemental Testimony? 

A. This request requires that the Company provide testimony explaining price 

elasticities, whether they are used in the load forecasts, their derivation (studies 

utilized by the PacifiCorp) and level, and their impact on test year 2010 energy 

volumes. 

Q. Please explain what is meant by price elasticity? 

A. Price elasticity is a measure of the change in electric sales in response to the 

change in the retail electric price (adjusted for inflation).
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A. There are two related concepts of price elasticity: short-run and long-run.  The 

short-run elasticity is a measure of consumer response during the time frame 

when the consumer cannot change the appliance stock.  During the short-run, the 

consumer response to an increase in price is limited to measures such as turning 

out lights and turning down thermostats.  In the long-run, consumers have time to 

adjust their appliance choice in response to the retail price change.  For example, 

in the long-run, consumers can purchase more energy efficient air conditioners or 

switch from an electric hot water heater to a gas hot water heater. 

Q. How did the Company model short-term elasticity in the February 2009 

forecast?

A. The Company explicitly modeled the residential price elasticity within the model 

as a 0.125 percent reduction in usage for each one percent real increase in price.

The Company did not explicitly model short-run elasticity for the commercial and 

industrial customer classes.  This is based on discussions with ITRON, the 

consultant that worked with the Company to update the forecasting methodology, 

and on industry experience. For forecasting purposes and because the Company is 

unable to predict the outcomes of rate cases, the Company assumed that the 

nominal rate increases match the rate of inflation so there are no real price 

increases in any state. As a result, the short-term elasticity response for residential 

customers did not result in any change to any states’ loads.   
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A.  Including the total proposed rate increase in the model would decrease Oregon 

residential sales for the test period by about 5 average megawatts, which is about 

0.31 percent of total Oregon 2010 retail sales. Sensitivities were not conducted for 

any other state. 

Q. Are the effects of long-term elasticity reflected in the load forecast for the 

test period? 

A. Yes.  While energy efficiency is not directly part of the load forecasting models, 

the Company is actively acquiring energy efficiency resources across its six-state 

service territory and expects over 150 megawatts of load reduction to be achieved 

through its energy efficiency programs in 2009 and 2010. These reductions are 

reflected in the load forecast used in this docket. 

Request 17-20--Technical Discussion on Modeling and Refinements

Q. What is Request 17 in the Ruling on Supplemental Testimony? 

A. This Request requires that the Company provide testimony explaining the 

statistical models used by PacifiCorp in developing the 2010 test year load 

forecast including theoretical bases, mathematical forms, and relevant statistics. 

(a) Provide testimony explaining how such statistical models were developed 

(e.g., a discussion of any process involving step-wise regression). 

(b)  Provide testimony explaining forecasts of or trends in the independent 

variables used in such statistical models, including the source of any such 
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Q. How many statistical models were used by the Company to develop the 2010 

test year load forecast? 

A. The Company employed a total of 1,070 statistical models in preparing the 2010 

test year load forecast. These models fall into three broad categories: neural 

network models, least squared models, and exponential smoothing models.  

Q. What is a neural network model and when is it used? 

A. The neural network model is a broad class of models that changes its structure 

based on the use of learning algorithms.  The neural network models were used 

for developing temperature response relationships.  The neural network model is 

the best choice for developing the temperature response functions because it can 

be used to model complex relationships or to find patterns in data. 

Q. What are least squared models and when are they used? 

A. Least squared models are a broad class of models which are estimated based on 

minimizing the sum of squared errors.  Errors are the difference between the 

predicted values and actual values.  Additionally, if the error terms are correlated, 

least squared models can be extended to non-linear least squares by adding a time 

series variable. Least squared models are the best choice of models to use when 

there are sufficient observations to estimate the equations (i.e., sufficient degrees 

of freedom) and when there are external drivers.  The SAE model falls within this 

class of models.  These models are the best choice for estimating residential use 

per customer because (1) they allow for changes in saturation and efficiency over 

time, (2) allow for correlation of the error term over time, and (3) they allow for 
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economic drivers. 

Q. What are exponential smoothing models and when are they used? 

A. Exponential smoothing models are a broad class of models that are generally used 

to forecast a series over time if there are not any external drivers.  These models 

give more weight to more recent data and less weight to older data.  This model is 

the best choice of models to use when there are not any external drivers because 

these models tend to be very robust. Exhibit PPL/611 provides an overview of the 

model estimation techniques and objective functions.   

Q. What is the theoretical basis for these models? 

A. The theoretical basis for these models is to achieve an expected error of zero.  

That is, there is an equal chance that the results will over forecast or under 

forecast.

Q. What mathematical forms were used? 

A. The Company used traditional statistical modeling forms. Though there are many 

models, a handful of the models, mathematical forms, and coefficients were 

provided to the Staff through data requests OPUC 27 and OPUC 180a.

Confidential Exhibit PPL/612 provides a sample of the mathematical forms that 

were used in the Company’s proprietary models for the Oregon residential, peak, 

and hourly models. In addition, the Company’s load forecasting staff has already 

led a technical presentation with the Staff and is available to meet with Staff or 

intervenors to view and demonstrate the model. 

Q. What relevant statistics did the Company rely upon? 

A. The Company relied upon a variety of statistics, including the t-statistic, the Mean 
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Absolute Percentage Error, the R-squared, the Durbin Watson, and the F-statistic.  

Additionally, the Company reviewed the results to ensure consistency between 

the forecast results and what the Company has observed. 

Q. How were the statistical models developed?  

A. The Company developed each model based on the characteristics of the particular 

customer class.  In each case, the Company reviewed a graph of the error terms 

and the test statistics.  The Company then made the decision to add variables, 

delete variables, change variables, or not to make any change at all.  For example, 

if the graph of the error term indicated a growing trend of under forecasting the 

summer cooling sales, the Company may include a time trend interacted with a 

cooling degree day variable.  This decision to add, delete, or change variables can 

be viewed as one form of stepwise regression.   

Q. How did the Company forecast or trend the independent variables used in 

the statistical models? 

A. The Company relied on IHS Global Insight’s forecast of independent economic 

variables.  For the residential customer class, the Company relied on ITRON to 

provide forecasts of end use efficiencies.

Q. What is Request 18 in the Ruling on Supplemental Testimony? 

A. This request requires that the Company provide testimony explaining in detail any 

non-statistical models used by PacifiCorp in developing the 2010 test year load 

forecast including theoretical bases and, if applicable, mathematical forms. 
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A. Yes, the Company developed the industrial forecast for large customers directly 

from information collected by the CAMs, therefore, this forecast is not done 

through statistical modeling. The detailed methodology and rationale behind the 

industrial forecast methodology have been described earlier in this testimony  

Q. What theoretical basis did the Company use to develop these non-statistical 

models?

A. The Company recognized that the forecasting process could be improved by using 

information from the CAMs for large industrial customers.  As mentioned earlier 

in this testimony, these customers are relatively heterogeneous and any changes in 

sales to these customers tends to be rather “lumpy.”  These characteristics support 

the use of a non-statistical model to forecast sales to these customers. 

Q. What mathematical forms did the Company use in the non-statistical 

models?

A. The Company used a spreadsheet with details regarding each customer, the 

probability that the load would materialize, the load factor, the number of hours in 

the month, and the timing of the sales increase to develop a forecast of the 

expected sales by month. 

Q. What is Request 19 in the Ruling on Supplemental Testimony? 

A. This request requires that the Company provide testimony explaining how 

PacifiCorp’s statistical and non-statistical models differ from those used in 

PacifiCorp’s last Oregon general rate case for forecasting test year energy 
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deliveries.

Q. Why did the Company improve its forecasting methodology? 

A. The Company wanted to develop an integrated forecasting model that improves 

transparency and precision.

Q. How do the models used in this forecast compare with the models used in the 5

previous general rate case in UE 179? 

A. First, statistical models were refined to improve the accuracy of the forecast. In 

UE 179, energy deliveries were forecasted on an annual basis, and then monthly 

energy was derived based on monthly energy pattern. In the current filing, energy 

deliveries are directly forecast by month.  

Second, the impact of weather on monthly retail sales and peaks by state 

by class was refined by using load research data.

Third, the time period used to define normal weather was updated from 

the NOAA’s 30-year period of 1971-2000 to the 20-year time period of 1988-

2007.

Fourth, the SAE models were used for forecasting residential class sales as 

compared to the simple end use modeling used in UE 179, which used a single 

year of end use information. In contrast, the SAE approach incorporates end use 

information on saturation and efficiency across multiple years that reflect market 

changes as well as changes in appliance and equipment efficiency standards. This 

more robust approach to incorporating end-use data allows continuity between 

history and the forecast while retaining the capability to make adjustments for end 

use changes, such as specific known changes in efficiency standards.

Supplemental Direct Testimony of Gregory N. Duvall 



PPL/605
Duvall/21

1

2

3

4

5

6

7

8

9

10

11

12

13

14

15

16

17

18

19

20

21

22

23

Fifth, for the commercial class, the Company has used an econometric 

model in the current filing instead of using an end use model. Inclusion of end use 

information in the commercial class forecast was not found to improve the 

accuracy of the forecast and was therefore not included as a matter of keeping the 

forecast as simple as possible while not compromising its accuracy.  

Sixth, the current filing forecasts monthly peaks directly by using a peak 

model for each state using peak-producing weather obtained by averaging 

weather on peak days.

Lastly, for non statistical models, there is no difference between the 

methodology used in the last general rate case and current general rate case. 

Q. What is Request 20 in the Ruling on Supplemental Testimony? 

A. This request requires that the Company provide testimony explaining the risks 

and uncertainties associated with the 2010 test year load forecasts. 

Q. Please identify the uncertainties associated with the 2010 load forecast. 

A. As pointed out earlier in my testimony, this forecast is unbiased, that is, there is 

an equal chance that this forecast will over-forecast sales or under-forecast sales 

and peak.  With that said, the uncertainty to the forecast largely centers on the 

economy and the recovery from the economic downturn.  If the recovery is slower 

than forecasted, energy sales and peak will likely be less in all the states where 

PacifiCorp serves.  If on the other hand, the recovery is faster, energy sales and 

peak will likely be higher in all states.  Another uncertainty is if actual weather is 

significantly different from assumed normal weather.   

Q. What are the risks associated with these uncertainties? 
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A. For customers, the risks are largely mitigated by the fact that forecast 

uncertainties will not change customer rates for PacifiCorp since the Company 

has no regulatory mechanisms that true-up customer rates to actual costs. For 

example, if actual loads turn out to be higher than the loads used to set rates, the 

Company receives more retail revenue. This is offset, however, by the loss of 

wholesale revenue. On the contrary, if actual loads are lower than the loads used 

to set rates, the Company receives fewer retail revenues but more wholesale 

revenues than were assumed for setting rates. If the retail rates for power costs are 

close to the wholesale power rate, then any errors in the forecast are largely 

mitigated. 

Request 16--Energy Efficiency – 2006 to 2009

Q. What is Request 16 in the Ruling on Supplemental Testimony? 

A. Request 16 requires that the Company provide testimony and exhibits related to 

volume changes from October 1, 2006, through calendar year 2009 related to 

energy efficiency measures for each jurisdiction.

Q.  What was the Company’s actual energy efficiency acquisitions for calendar 

years 2006 through 2008 and what is the forecast or planning assumption for 

energy efficiency acquisitions in 2009? 

A. System-wide acquisitions of energy efficiency resources for 2006 through 2008 

through Company and Energy Trust of Oregon administered programs were as 

follows: 

Calendar Year 2006 - 297,856 MWh 

Calendar Year 2007 - 309,306 MWh 
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Calendar Year 2008 - 392,390 MWh  

The planning assumption for energy efficiency acquisitions in 2009 is 394,323 

MWh. All amounts are estimated first year savings measured at the source, i.e. 

adjusted for line losses. Exhibit PPL/613 catalogs the actual energy efficiency 

resource acquisitions for calendar years 2006 through 2008 and the forecasted 

acquisitions for 2009, by jurisdiction.

Q. Is the 2009 planning assumption for energy efficiency resources the same 

assumption used in the development of the Company’s current forecast in 

the rate case? 

A.  Yes. The planning assumption is for 394,323 MWh of energy efficiency 

resources, which is the same forecast used in the recently filed 2008 Integrated 

Resource Plan.

Q. What role does demand side management play in PacifiCorp’s resource 

planning process? 

A.  PacifiCorp includes available demand-side management resources, specifically 

Class 1 load management and Class 2 energy efficiency resources, as comparable 

resources options to supply-side resources within the Company’s integrated 

resource planning process. 

Q.  Have PacifiCorp’s forecasted energy efficiency targets for planning purposes 

changed since the completion of the 2007 Integrated Resource Plan (2007 

through 2016 planning period)? 

A.  Yes. The planning forecasts for energy efficiency resources in Company planning 

documents beginning with the 2007 Integrated Resource Plan Update (filed in 
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June 2008) doubled from those assumed in the 2007 Integrated Resource Plan. 

The increase was driven primarily by three factors: 1) the completion of the 

Company’s June 2007 “Assessment of Long-Term System-Wide Potential for 

Demand-Side and Other Supplemental Resources” study (“Potential Study”); 2) a 

revised acquisition forecast by the Energy Trust of Oregon (assisted by the 

passage of Oregon Senate Bill 838 and approval of the Company’s Schedule 

297); and 3) changes in the way the Company models demand-side management 

resources in the resource planning process. The Potential Study provided more 

granular information on resource costs and quantities from which to develop 

demand-side resource supply-curves and effectively helped reduce the risk of 

over reliance on demand-side resources through a better assessment resource 

availability within each of PacifiCorp’s jurisdictions.

Q. Does this conclude your supplemental direct testimony? 

A. Yes.
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PacifiCorp’s forecasted and actual energy efficiency acquisitions  
for calendar years 2006 through 2009 

 

Calendar
Year

Oregon Washington California Utah Idaho Wyoming Total
(mWh)1

20092
 144,695 30,257 6,472 183,965 16,434 12,500 394,323

2008 138,681 48,323 518 193,328 11,540 0 392,390
2007 109,651 38,415 210 148,969 12,061 0 309,306

1 Estimate of first year savings as measured at source (adjusted for line losses by jurisdiction).  
2 Planning forecast used in PacifiCorp’s 2008 Integrated Resource Plan.  
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Q. Please state your name, business address and present position with 

PacifiCorp (“the Company”). 

1

2

3

4

5

6

7

8

9
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13

14

15

16

17

18

19

20

21

22

23

A. My name is R. Bryce Dalley and my business address is 825 NE Multnomah, 

Suite 2000, Portland, Oregon, 97232. I am currently employed as Manager of 

Revenue Requirement.  

Q. Are you the same R. Bryce Dalley that previously provided testimony in this 

docket?

A.  Yes.   

Purpose of Testimony 

Q. Please explain the purpose of your supplemental direct testimony in this 

proceeding. 

A. The purpose of my supplemental direct testimony is to respond to Requests 4, 6, 

7, and 8 from the May 14, 2009 Ruling of the Administrative Law Judges on 

Supplemental Testimony (“Ruling on Supplemental Testimony”), in which 

PacifiCorp was ordered to file supplemental direct testimony.  

Q. What issues does your testimony cover? 

A. My testimony responds to questions on three main issues: 

� The selection of the historic base period used to develop the revenue 

requirement; 

� The Company’s compliance with the Revised Protocol allocation 

methodology in this proceeding; and 

� The consistency of the load forecast used to develop jurisdictional 

allocation factors, test year revenues and net power costs. 
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Request 4 – Explanation of the Company’s Base Historical Period (12 months ended 

June 2008) 
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Q. What is Request 4 in the Ruling on Supplemental Testimony? 

A. Request 4 requires the Company to provide testimony explaining why PacifiCorp 

used July 2007 through June 2008 as the historical basis for its 2010 test year 

rather than calendar year 2008. 

Q. Please explain why the Company used July 2007 through June 2008 as the 

historical basis for its 2010 test year rather than calendar year 2008. 

A.  The Company selected the twelve-month period ended June 2008 as the historical 

basis for this proceeding because it was the most recent total Company data 

available for inter-jurisdictional allocations at the time of the Company’s filing. 

The Company audits and extracts total company accounting information with the 

data components necessary for state allocations on a semi-annual basis for the 

twelve-month periods ending June and December each year.  This semi-annual 

data extract and review procedure is a key control measure to ensure the accuracy 

and reliability of the data which serves as the basis for each of the Company’s 

results of operations and general rate case filings.

Q. When was the December 2008 total Company financial data filed with the 

Securities and Exchange Commission (“SEC”) and the Federal Energy 

Regulatory Commission (“FERC”)? 

A.  The Company filed its 2008 10-K report with the SEC on February 27, 2009 and 

the 2008 Form 1 with the FERC on March 31, 2009.  Only once total Company 

data is audited does it become available for analysis on an inter-jurisdictional 
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allocation basis. Because of the unique complexities the Company faces as a 

multi-jurisdictional utility, additional time is necessary once total Company 

financial data is finalized to ensure accurate state-allocated data.  Due to these 

complex steps, it is not possible for the Company to use the twelve-month period 

ending December 2008 for filing a general rate case in early April 2009.

Q. Why was an early April 2009 filing date necessary? 

A. With a calendar year 2010 test period and a ten-month statutory period between 

when a case is filed and the date rates become effective, any filing date after the 

beginning of March 1 each year results in a mismatch between when rates are 

effective and the beginning of the test year.  An early April filing minimizes this 

mismatch and more appropriately synchronizes the test periods used in both the 

rate case and the Transition Adjustment Mechanism (“TAM”) proceedings.  The 

current TAM is based on an April 1st filing date. 

Q. Does the Company file annual Oregon financial reports with the 

Commission? 

A. Yes. Each year the Company prepares and files the Oregon Results of Operations 

Report pursuant to OAR 860-027-0070(1). 

Q.   When does the Company make this filing with the Commission each year? 

A.   The Company files this information at the end of April each year. The 

Commission recognizes the time needed to prepare the historic report by granting 

each year a one-month extension from the statutory deadline.  This approximate 

120-day period is necessary to appropriately and accurately reflect state-allocated 

data on a historical basis.  This historical data is then the basis to project a 
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forecasted test period revenue requirement.  

Q. Is the amount of time between the end of the historical period and the filing 

date in this proceeding comparable to that in UE 179, the Company’s last 

general rate case? 

A. Yes.  Approximately 11 months separated the end of the historical period and the 

filing date in Docket UE 179, whereas approximately nine months separate the 

end of the June 2008 historical period used in this case and the April 2009 filing 

date.

Q.  Are there other factors that need to be considered in future proceedings as to 

the historical period used in the Company’s general rate case filings? 

A. Yes. The TAM Stipulation and Agreement of the Parties on General Guidelines 

filed recently in Docket UE 199 states: 

“In all future TAM filings after UE 207 in a year in which the Company 
files a general rate case, the TAM will be included in or processed 
concurrently with the general rate case filing. In future filings after UE 
207, the Company agrees that both filings will be made no later than 
March 1 to allow for a January rate effective date.” Emphasis added. 

 If the Commission adopts this Stipulation, eight months will separate the end of 

the June historic period and the filing date in future general rate case filings. 

Request 6 – Compliance with Revised Protocol Order No. 05-021  

Q. What is Request 6 in the Ruling on Supplemental Testimony? 

A. Request 6 states:  “In PPL/700, Dalley/34, lines 13-18, witness Dalley indicates 

that PacifiCorp relied on the Revised Protocol adopted by the Commission in 

Order 05-021 to determine jurisdiction allocation in this docket. Please file 

additional testimony explaining how the jurisdictional allocations in this docket 
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comply with the Revised Protocol.”1
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Q. Please explain how the jurisdictional allocation factors applied in this 

proceeding comply with the Commission order approving the Revised 

Protocol.

A. Each of the jurisdictional allocation factors included in this proceeding is 

calculated in the same manner prescribed in the Revised Protocol approved by the 

Commission in Order No. 05-021, pursuant to a joint-party Stipulation.  

Specifically, Exhibit PPL/702, “Tab 2 - Results of Operations” applies allocation 

factors to the revenue requirement components as outlined in Appendix B of the  

Revised Protocol.  In addition, the calculations of the allocation factors included 

in this proceeding are consistent with the algebraic definitions approved by the 

Commission shown in Appendix C of the Revised Protocol. 

Q.   What exhibits have been filed with the Commission in this proceeding that 

demonstrate compliance with Order No. 05-021?    

A. Two main files have been provided as part of this filing to demonstrate the 

Company’s compliance with Order No. 05-021.  First, “Tab 11 – Allocation 

Factors” in Exhibit PPL/702 shows the calculation and derivation of each Revised 

Protocol factor included in the filing. An electronic version of this section of my 

exhibit was provided with the Company’s workpapers. In addition, the 

Company’s revenue requirement model, the Jurisdictional Allocation Model 

(“JAM”), was provided as part of the Company’s workpapers. The “Factors” 

worksheet within the model shows the linked formulas and inputs used in the 

development of each of the allocation percentages.  As noted above, the 
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calculations in this section of the model were developed based on the algebraic 

definitions set forth in Appendix C of the Revised Protocol.     

Q. Have there been any changes to the allocation factor calculations since the 

Commission issued Order No. 05-021? 

A. No.  In Order No. 05-021 the Commission stated: 

“In this order, we ratify the Revised PacifiCorp Inter-Jurisdictional Cost 
Allocation Protocol (Revised Protocol) for use in future rate cases to 
determine how costs and wholesale revenues associated with PacifiCorp’s 
generation, transmission, and distribution systems will be allocated among 
its six-state service territory.” 

Since this Order, the Company has used the approved factor calculations in each 

of its Oregon rate-making and Results of Operations filings.

Request 7 – Changes in Key Assumptions Underlying the Revised Protocol 

Q. What is Request 7 in the Ruling on Supplemental Testimony? 

A. Request 7 requires the Company to identify any changes to the key assumptions 

underlying the Revised Protocol and explain whether these changes were 

considered in determining the jurisdictional allocation factors used in 

PacifiCorp’s filing.

Q. Have there been any changes to the key assumptions underlying the Revised 

Protocol?

A. No. There have been no changes to key assumptions to the Revised Protocol since 

the Commission approved the allocation methodology in Order No. 05-021. Key 

assumption changes would be addressed by the Multi-State Process (“MSP”) 

standing committee, and potentially lead to proposed amendments to the Revised 

Protocol.  As stated in Order No. 05-021,  
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“An MSP Standing Committee will be formed, consisting of one 
member/delegate from each Commission. The MSP Standing Committee 
will appoint a Standing Neutral to assist the Committee, facilitate 
discussions among the states, and monitor issues. The Standing Neutral 
will convene at least one meeting of the MSP Standing Committee each 
calendar year to discuss inter-jurisdictional issues facing PacifiCorp and 
its customers. While the MSP Committee may consider possible 
amendments to the Revised Protocol, any amendments would only go into 
effect after each Commission that previously ratified the Revised Protocol 
also ratified the amendments.” 

Any amendments to the methodology would need to be implemented consistent 

with Section XIII of the Revised Protocol. 

Request 8 – Forecast Loads Used For Jurisdictional Allocation Factors, Revenues, 

and Net Power Costs 

Q. What is Request 8 in the Ruling on Supplemental Testimony? 

A. Request 8 states:  “Please provide testimony explaining whether the forecast loads 

used to derive the jurisdictional allocation factors are the same as the forecast 

loads used to develop test year revenues and net power costs.  If different, please 

explain the differences.”

Q. Please explain whether the forecast loads used to derive the jurisdictional 

allocation factors are the same as the forecast loads used to develop test year 

revenues and net power costs. 

A. As explained on page 34 of my direct testimony, Exhibit PPL/700, the forecast 

loads used in the calculation of allocation factors are consistent with the loads 

used in the development of test period revenues and net power costs.  By using 

the same load forecast for each of these revenue requirement components, an 

appropriate matching of revenues, expenses and rate base balances is achieved.

The load forecast applied in this case is described in detail in the supplemental 
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direct testimony of Company witness Mr. Gregory N. Duvall. 

Q. Although a consistent load forecast is used for jurisdictional allocation 

factors, test year revenues, and net power costs, are there any differences in 

the application of these loads? 

A. Yes.  Net power costs and jurisdictional allocation factors are developed using 

forecasted loads at the system input level instead of the metered or sales level 

used in the development of test period revenues.  The differences between the 

system input level and sales level are line losses. In addition, jurisdictional 

allocation factors are adjusted for load curtailments consistent with the 

Commission-approved Revised Protocol methodology. 

Q. Does this conclude your supplemental direct testimony? 

A. Yes. 
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Q. Please state your name. 1
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A. My name is C. Craig Paice. 

Q. Are you the same C. Craig Paice who provided direct testimony in this case as 

Exhibit PPL/900? 

A.  Yes, I am. 

Purpose of Testimony 

Q. What is the purpose of your supplemental direct testimony?  

A. The purpose of my supplemental direct testimony is to respond to Request 22 from 

the May 14, 2009 Ruling of  the Administrative Law Judges on Supplemental 

Testimony (“Ruling on Supplemental Testimony”), in which PacifiCorp was ordered 

to file supplemental direct testimony.   

Q. What is asked in Request 22?  

A. Request 22 states: Provide testimony explaining the data in PPL/907, Paice Tab 17.4, 

including a discussion of how the customer load factors were derived.  

Q. What is addressed in your supplemental testimony?

A. I will describe the data presented in Exhibit PPL/907, Tab 17.4 and discuss how the 

customer load factors were derived.  

Request 22 

Q. What data are presented in Exhibit PPL/907, Tab 17.4?  

A. The data in Exhibit PPL/907, Tab 17.4 are 12 month average system, feeder and 

transformer load factors.  

Q. What are customer load factors and how are they used? 

A. Customer load factors are developed in order to estimate the customer class demands 
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shown in the cost of service study, Exhibit PPL/907, Tab 2.3, Lines 5-7.  Customer 

class demands are used to calculate demand-related marginal costs.  

Q. Please explain the customer load factors used in the cost of service study and 3

how they were developed.

A. Exhibit PPL/909 contains a summary page showing the three types of load factors 5

used in the marginal cost of service study along with detailed data supporting their 

development.  These load factors are defined and described below.

� System (coincident) load factors are annual customer load factors based on 

monthly estimated average demands for each of the twelve months of load data at 

the time of monthly system peak.  These factors are developed by dividing each 

listed rate schedule’s annual average kWh by the respective rate schedule’s 

annual average kW at the time of system peak multiplied by the average hours 

(730) in a month.   

� Feeder (jurisdictional) load factors are annual customer load factors based on 

monthly estimated average demands for each of the twelve months of load data at 

the time of monthly jurisdictional (i.e., Oregon)  peak.  These factors are 

developed by dividing each listed Oregon rate schedule’s annual average kWh by 

the respective rate schedule’s annual average kW at the time of jurisdictional peak 

multiplied by the average hours (730) in a month.  Jurisdictional demand provides 

a good estimate of the feeder demand since the proportional mix of customers by 

load size group is the same for an average feeder as it is for the jurisdiction.

� Transformer (Individual Customer Maximum Demand or “ICMD”) load factors 

are annual customer load factors based on the average of the highest estimated 
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non-coincident peak (NCP) values for each listed rate schedule for each of the 

twelve months of load data.  These factors are developed by dividing each listed 

rate schedule’s annual average kWh by the rate schedule’s annual average 

maximum kW multiplied by average hours (730) in a month.  To recognize 

transformer diversity, the average transformer load factor for each rate schedule is 

divided by the appropriate coincidence factor for that rate schedule’s average 

number of customers per transformer.  These calculations are illustrated in the 

electronic version of the cost of service model (see tab “Cust Data 4”).  

Coincidence factors are taken from PacifiCorp’s Distribution Construction 

Standards handbook.

Q. Are you providing additional data to support your supplemental testimony? 11

A. Yes.  In addition to Exhibit PPL/909 described above, Exhibit PPL/910 contains 12

PacifiCorp’s Distribution Construction Standards Handbook, Standard DA 411 

(“Handbook”).  Page 3, Table 5 of the Handbook shows coincidence factor values 

used in the cost of service study to adjust transformer load factors for Schedules 4 and 

23 (0-15 kW and 15+  kW) to recognize load diversity.  Coincidence factors are 

selected according to the number of Oregon customers per transformer.  Exhibit 

PPL/911 contains Oregon customer per transformer data and shows Schedules 4 and 

23 as the only schedules having more than one customer per transformer.      

Q. Does this conclude your supplemental direct testimony?  

A. Yes. 
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PacifiCorp

2009 Oregon Price Filing

Average Customer Loads

RESD 004

 

System Peak

Date/Time (actual) RESD 004

Jan 22, 2010 @ 08:00 3.142
Feb 04, 2010 @ 08:00 2.685
Mar 30, 2010 @ 08:00 2.561
Apr 01, 2010 @ 08:00 2.152
May 19, 2010 @ 15:00 0.954
Jun 24, 2010 @ 15:00 1.163
Jul 19, 2010 @ 16:00 1.292
Aug 26, 2010 @ 16:00 0.982
Sep 09, 2010 @ 16:00 0.969
Oct 29, 2010 @ 08:00 2.278
Nov 24, 2010 @ 18:00 2.015
Dec 15, 2010 @ 18:00 2.902

Annual Average 1.925

Jurisdictional Peak

Date/Time RESD 004

Jan 28, 2010 @ 09:00 3.763
Feb 09, 2010 @ 08:00 3.444
Mar 10, 2010 @ 08:00 2.95
Apr 06, 2010 @ 07:00 3.353
May 05, 2010 @ 08:00 2.639
Jun 09, 2010 @ 08:00 2.02
Jul 13, 2010 @ 18:00 2.103
Aug 05, 2010 @ 18:00 1.751
Sep 02, 2010 @ 18:00 1.719
Oct 29, 2010 @ 08:00 2.278
Nov 29, 2010 @ 08:00 2.701
Dec 16, 2010 @ 08:00 3.139

Annual Average 2.655

Class Peak

Date/Time RESD 004

Jan 26, 2010 @ 07:00 3.981
Feb 13, 2010 @ 09:00 3.644
Mar 27, 2010 @ 08:00 3.153
Apr 03, 2010 @ 08:00 3.466
May 05, 2010 @ 08:00 2.639
Jun 09, 2010 @ 08:00 2.02
Jul 13, 2010 @ 18:00 2.103
Aug 05, 2010 @ 18:00 1.751
Sep 02, 2010 @ 20:00 1.817
Oct 30, 2010 @ 09:00 2.713
Nov 25, 2010 @ 10:00 3.094
Dec 12, 2010 @ 10:00 3.452

Annual Average 2.819

Exhibit PPL/909 
Paice/2



ICMD Peak

Date/Time RESD 004

Jul-07 5.540

Aug-07 5.640

Sep-07 6.340

Oct-07 7.030

Nov-07 8.370

Dec-07 9.100

Jan-08 9.000

Feb-08 8.560

Mar-08 8.350

Apr-08 8.400

May-08 6.800

Jun-08 6.340

Annual Average 7.456

kWh

Date/Time RESD 004

Jul-07 805.0

Aug-07 724.0

Sep-07 740.0

Oct-07 957.0

Nov-07 1,157.0

Dec-07 1,546.0

Jan-08 1,778.0

Feb-08 1,318.0

Mar-08 1,326.0

Apr-08 1,149.0

May-08 928.0

Jun-08 848.0

Annual Average 1,106.3
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Paice/3



PacifiCorp

2009 Oregon Price Filing

Average Customer Loads

GNSV 023

 

System Peak

Date/Time (actual) 0 - 15 kW GT 15 kW Primary

Jan 22, 2010 @ 08:00 1.589 17.435 8.321

Feb 04, 2010 @ 08:00 1.531 18.175 8.602

Mar 30, 2010 @ 08:00 1.247 16.75 7.833

Apr 01, 2010 @ 08:00 1.107 16.462 7.630

May 19, 2010 @ 15:00 1.664 16.432 7.938

Jun 24, 2010 @ 15:00 1.22 16.882 7.874

Jul 19, 2010 @ 16:00 1.426 16.765 7.942

Aug 26, 2010 @ 16:00 1.098 16.992 7.850

Sep 09, 2010 @ 16:00 1.097 17.287 7.975

Oct 29, 2010 @ 08:00 1.32 14.891 7.085

Nov 24, 2010 @ 18:00 1.525 15.112 7.297

Dec 15, 2010 @ 18:00 1.86 16.313 8.000

Annual Average 1.390 16.625 7.862

Jurisdictional Peak

Date/Time 0 - 15 kW GT 15 kW Primary

Jan 28, 2010 @ 09:00 1.362 21.097 9.746

Feb 09, 2010 @ 08:00 2.218 18.178 8.998

Mar 10, 2010 @ 08:00 1.155 17.944 8.287

Apr 06, 2010 @ 07:00 1.138 16.79 7.787

May 05, 2010 @ 08:00 1.201 14.841 6.996

Jun 09, 2010 @ 08:00 1.162 13.134 6.248

Jul 13, 2010 @ 18:00 1.363 17.365 8.161

Aug 05, 2010 @ 18:00 1.237 16.263 7.620

Sep 02, 2010 @ 18:00 1.281 16.791 7.870

Oct 29, 2010 @ 08:00 1.32 14.891 7.085

Nov 29, 2010 @ 08:00 1.348 15.957 7.554

Dec 16, 2010 @ 08:00 1.634 16.673 8.023

Annual Average 1.368 16.660 7.865

Class Peak

Date/Time 0 - 15 kW GT 15 kW Primary

Jan 28, 2010 @ 11:00 1.549 21.085 9.848  

Feb 09, 2010 @ 11:00 1.467 21.142 9.825

Mar 02, 2010 @ 11:00 1.711 18.652 8.908

Apr 21, 2010 @ 11:00 1.337 18.39 8.582

May 24, 2010 @ 14:00 1.356 21.189 9.782

Jun 24, 2010 @ 14:00 1.18 16.357 7.628

Jul 13, 2010 @ 14:00 1.345 19.797 9.184

Aug 05, 2010 @ 14:00 1.235 19.823 9.132

Sep 02, 2010 @ 15:00 1.478 20.065 9.374

Oct 26, 2010 @ 14:00 1.393 17.659 8.303

Nov 29, 2010 @ 11:00 1.517 18.657 8.798

Dec 14, 2010 @ 11:00 1.512 21.264 9.903

Exhibit PPL/909 
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Annual Average 1.423 19.507 9.106
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ICMD Peak

Date/Time 0 - 15 kW GT 15 kW Primary

Jul-07 4.515 29.342 15.062

Aug-07 4.603 30.825 15.743

Sep-07 4.873 31.912 16.360

Oct-07 4.517 30.208 15.431

Nov-07 4.703 32.218 16.392

Dec-07 5.009 33.956 17.306

Jan-08 5.085 32.551 16.753

Feb-08 5.068 32.904 16.893

Mar-08 5.482 34.257 17.706

Apr-08 5.515 32.006 16.769

May-08 5.213 30.815 16.089

Jun-08 5.603 31.756 16.713

Annual Average 5.016 31.896 16.435

kWh

Date/Time 0 - 15 kW GT 15 kW Primary

Jul-07 831.0 8,770.0 4,203.672

Aug-07 786.0 9,158.0 4,342.621

Sep-07 761.0 8,282.0 3,956.096

Oct-07 874.0 8,847.0 4,261.116

Nov-07 901.0 8,898.0 4,298.312

Dec-07 1,052.0 9,543.0 4,659.175

Jan-08 1,142.0 10,144.0 4,966.260

Feb-08 950.0 9,351.0 4,518.941

Mar-08 940.0 9,389.0 4,529.332

Apr-08 883.0 8,795.0 4,244.202

May-08 823.0 8,443.0 4,060.154

Jun-08 825.0 8,210.0 3,962.320

Annual Average 897.3 8,985.8 4,333.5

Exhibit PPL/909 
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PacifiCorp

2009 Oregon Price Filing

Average Customer Loads

GNSV 028

 

System Peak

Date/Time (actual) 0 - 50 kW 51 - 100 kW GT 100 kW Primary

Jan 22, 2010 @ 08:00 14.893 55.238 96.369 65.357

Feb 04, 2010 @ 08:00 15.333 49.900 91.149 61.305

Mar 30, 2010 @ 08:00 15.202 49.150 79.899 55.908

Apr 01, 2010 @ 08:00 14.607 48.025 81.494 56.134

May 19, 2010 @ 15:00 18.214 52.563 93.423 63.837

Jun 24, 2010 @ 15:00 17.167 47.663 82.446 56.993

Jul 19, 2010 @ 16:00 16.452 56.488 105.923 70.452

Aug 26, 2010 @ 16:00 13.810 53.925 93.869 63.553

Sep 09, 2010 @ 16:00 13.643 55.400 106.863 69.921

Oct 29, 2010 @ 08:00 15.655 52.963 96.411 64.784

Nov 24, 2010 @ 18:00 10.107 39.500 80.964 52.105

Dec 15, 2010 @ 18:00 14.607 47.950 85.994 58.157

Annual Average 14.974 50.730 91.234 61.542

Jurisdictional Peak

Date/Time 0 - 50 kW 51 - 100 kW GT 100 kW Primary

Jan 28, 2010 @ 09:00 22.095 58.838 103.399 71.286

Feb 09, 2010 @ 08:00 15.738 52.950 91.619 62.617

Mar 10, 2010 @ 08:00 17.702 49.300 85.315 58.956

Apr 06, 2010 @ 07:00 13.464 48.725 84.202 57.355

May 05, 2010 @ 08:00 13.595 44.613 76.054 52.310

Jun 09, 2010 @ 08:00 12.917 39.175 67.381 46.415

Jul 13, 2010 @ 18:00 18.036 46.638 100.345 64.983

Aug 05, 2010 @ 18:00 15.143 47.313 96.565 62.871

Sep 02, 2010 @ 18:00 13.345 51.850 99.649 65.396

Oct 29, 2010 @ 08:00 15.655 52.963 96.411 64.784

Nov 29, 2010 @ 08:00 16.702 53.338 101.268 67.342

Dec 16, 2010 @ 08:00 14.000 55.588 98.173 66.104

Annual Average 15.699 50.107 91.698 61.702

Class Peak

Date/Time 0 - 50 kW 51 - 100 kW GT 100 kW Primary

Jan 28, 2010 @ 11:00 22.16666667 59.725 103.7916667 71.774

Feb 09, 2010 @ 11:00 17.53571429 59.4 99.13690476 68.561

Mar 02, 2010 @ 11:00 20.5952381 55.975 83.07142857 60.766

Apr 21, 2010 @ 11:00 17.96428571 55.9375 81.91071429 59.664

May 24, 2010 @ 14:00 16.85714286 59.8625 102.1904762 69.960

Jun 24, 2010 @ 14:00 17.03571429 47.3 88.23214286 59.478

Jul 13, 2010 @ 14:00 17.94047619 58.85 111.1785714 73.945

Aug 05, 2010 @ 14:00 21.89285714 55.575 106.4940476 71.569

Sep 02, 2010 @ 15:00 16.42857143 65.4125 109.1547619 74.879

Oct 26, 2010 @ 14:00 19.82142857 55.1125 103.8869048 69.788

Nov 29, 2010 @ 11:00 21.60714286 58.95 108.4940476 73.538

Dec 14, 2010 @ 11:00 22.40476191 60.0125 105.327381 72.619

Annual Average 19.354 57.676 100.239 68.878

ICMD Peak

Date/Time 0 - 50 kW 51 - 100 kW GT 100 kW Primary

Jul-07 26.799 67.032 116.749 81.083

Aug-07 25.069 64.581 110.678 77.138

Sep-07 22.122 62.143 120.475 80.159

Oct-07 21.793 60.995 121.520 80.184

Nov-07 21.425 55.323 101.021 68.895

Dec-07 21.019 55.579 101.218 68.983

Jan-08 21.279 58.326 112.758 75.202

Feb-08 20.661 60.032 111.175 74.915

Mar-08 20.904 58.686 118.054 77.651

Apr-08 22.747 64.275 124.197 82.694

May-08 23.425 62.089 127.721 83.717

Jun-08 25.201 62.900 116.883 79.432

Annual Average 22.704 60.997 115.204 77.504

kWh

Date/Time 0 - 50 kW 51 - 100 kW GT 100 kW Primary

Jul-07 8,491.3 25,587.8 50,852.2 33,441.590

Aug-07 8,041.9 24,800.5 50,937.0 33,123.171

Sep-07 7,758.8 23,723.9 52,496.6 33,415.398

Oct-07 8,696.1 27,969.6 56,251.9 36,732.756

Nov-07 8,903.4 26,353.1 56,249.2 36,239.448

Dec-07 9,542.1 26,570.7 54,260.5 35,542.751

Jan-08 9,748.8 27,899.7 53,888.4 35,858.377

Feb-08 8,778.6 26,236.2 46,466.0 31,721.814

Mar-08 8,294.0 27,049.5 46,911.3 32,091.009

Apr-08 7,968.1 24,875.9 45,738.1 30,766.487

May-08 7,670.2 22,784.3 44,077.8 29,253.479

Jun-08 7,991.1 22,468.6 43,562.8 28,982.747

Annual Average 8,490.4 25,526.7 50,141.0 33,097.4
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PacifiCorp

2009 Oregon Price Filing

Average Customer Loads

GNSV 030

 

System Peak

Date/Time (actual) 0 - 300 kW GT 300 kW Primary

Jan 22, 2010 @ 08:00 145.878 363.310 328.406

Feb 04, 2010 @ 08:00 138.639 397.106 355.615

Mar 30, 2010 @ 08:00 145.506 401.456 360.368

Apr 01, 2010 @ 08:00 153.994 384.845 347.787

May 19, 2010 @ 15:00 160.456 427.766 384.855

Jun 24, 2010 @ 15:00 157.194 430.169 386.349

Jul 19, 2010 @ 16:00 154.383 425.574 382.040

Aug 26, 2010 @ 16:00 150.756 410.523 368.823

Sep 09, 2010 @ 16:00 149.200 403.887 363.002

Oct 29, 2010 @ 08:00 145.800 354.581 321.066

Nov 24, 2010 @ 18:00 110.972 328.472 293.557

Dec 15, 2010 @ 18:00 115.122 328.481 294.231

Annual Average 143.992 388.014 348.842

Jurisdictional Peak

Date/Time 200 - 300 kW GT 300 kW Primary

Exhibit PPL/909 
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Jan 28, 2010 @ 09:00 164.583 417.537 376.931

Feb 09, 2010 @ 08:00 155.767 413.648 372.251

Mar 10, 2010 @ 08:00 142.211 378.308 340.407

Apr 06, 2010 @ 07:00 142.767 386.993 347.788

May 05, 2010 @ 08:00 132.511 388.486 347.395

Jun 09, 2010 @ 08:00 128.422 399.975 356.382

Jul 13, 2010 @ 18:00 142.106 417.863 373.596

Aug 05, 2010 @ 18:00 142.472 406.829 364.392

Sep 02, 2010 @ 18:00 136.772 375.741 337.379

Oct 29, 2010 @ 08:00 145.800 354.581 321.066

Nov 29, 2010 @ 08:00 150.150 397.340 357.659

Dec 16, 2010 @ 08:00 153.967 401.419 361.696

Annual Average 144.794 394.893 354.745

Class Peak

Date/Time 200 - 300 kW GT 300 kW Primary

Jan 28, 2010 @ 11:00 166.417 422.525 381.413

Feb 09, 2010 @ 11:00 169.689 422.426 381.854

Mar 02, 2010 @ 11:00 155.661 405.940 365.763

Apr 21, 2010 @ 11:00 154.000 412.449 370.960

May 24, 2010 @ 14:00 175.628 458.898 413.425

Jun 24, 2010 @ 14:00 152.383 452.618 404.422

Jul 13, 2010 @ 14:00 187.644 491.025 442.324

Aug 05, 2010 @ 14:00 187.289 467.324 422.370

Sep 02, 2010 @ 15:00 173.417 439.301 396.619

Oct 26, 2010 @ 14:00 166.056 422.771 381.561

Nov 29, 2010 @ 11:00 171.289 419.873 379.968

Dec 14, 2010 @ 11:00 164.878 421.669 380.446

Annual Average 168.696 436.402 393.427

ICMD Peak

Date/Time 200 - 300 kW GT 300 kW Primary

Jul-07 169.023 429.523 387.705

Aug-07 164.589 428.529 386.159

Sep-07 157.695 405.366 365.607

Oct-07 166.873 433.408 390.622

Nov-07 168.318 437.338 394.152

Dec-07 168.816 454.660 408.773

Jan-08 181.812 471.632 425.108

Feb-08 184.991 456.724 413.103

Mar-08 173.213 431.054 389.663

Apr-08 174.910 437.076 394.991

May-08 171.168 421.069 380.952

Jun-08 157.528 395.346 357.169

Annual Average 169.911 433.477 391.167

kWh

Date/Time 200 - 300 kW GT 300 kW Primary

Exhibit PPL/909 
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Jul-07 88,062.4 246,704.8 221,238.029

Aug-07 86,137.5 238,778.5 214,275.115

Sep-07 78,885.4 213,404.8 191,810.520

Oct-07 83,038.2 219,683.7 197,748.097

Nov-07 80,366.7 210,542.2 189,645.253

Dec-07 79,530.2 206,889.9 186,444.952

Jan-08 83,335.1 221,293.8 199,147.424

Feb-08 75,308.9 204,563.2 183,814.135

Mar-08 78,220.2 207,731.3 186,940.957

Apr-08 76,855.7 210,407.0 188,968.137

May-08 78,463.5 218,247.7 195,808.238

Jun-08 75,716.0 220,921.1 197,611.428

Annual Average 80,326.6 218,264.0 196,121.0
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PacifiCorp

2009 Oregon Price Filing

Average Customer Loads

LGSV 048

 

System Peak

Date/Time (actual) Sec LT 4 MW Pri LT 4 ME Sec GT 4 MW Pri GT 4 MW Trans.

Jan 22, 2010 @ 08:00 791.748 1079.156 1199.375 4197.007 17577.625
Feb 04, 2010 @ 08:00 807.057 1172.964 1185.250 4163.051 19651.250
Mar 30, 2010 @ 08:00 798.929 1083.634 2542.750 4518.684 19336.875
Apr 01, 2010 @ 08:00 770.868 1112.710 2709.500 4446.088 17243.750
May 19, 2010 @ 15:00 824.083 1202.161 4307.750 5047.566 20591.125
Jun 24, 2010 @ 15:00 825.717 1168.433 6881.250 4838.206 20718.625
Jul 19, 2010 @ 16:00 837.073 1208.080 7437.750 5526.640 26361.250
Aug 26, 2010 @ 16:00 854.750 1230.067 7137.125 5531.096 19363.500
Sep 09, 2010 @ 16:00 808.421 1156.933 6574.875 5140.956 18723.250
Oct 29, 2010 @ 08:00 786.167 1015.170 1261.625 4187.566 19999.625
Nov 24, 2010 @ 18:00 618.512 880.129 1247.625 3738.309 27064.875
Dec 15, 2010 @ 18:00 718.220 1013.174 1157.500 4152.397 19083.500

Annual Average 786.795 1,110.218 3,636.865 4,623.964 20,476.271

Jurisdictional Peak

Date/Time Sec LT 4 MW Pri LT 4 MW Sec GT 4 MW Pri GT 4 MW Trans.

Jan 28, 2010 @ 09:00 850.2 1232.3 1187.5 4618.8 21536.3
Feb 09, 2010 @ 08:00 803.4 1126.8 1185.9 4399.6 19649.6
Mar 10, 2010 @ 08:00 768.7 1142.8 1930.5 4439.8 18612.9
Apr 06, 2010 @ 07:00 788.8 1106.4 2685.6 4746.5 19317.0
May 05, 2010 @ 08:00 795.3 1152.7 3641.3 4996.7 20120.9
Jun 09, 2010 @ 08:00 778.0 1176.4 5318.0 4441.4 17435.4
Jul 13, 2010 @ 18:00 801.3 1155.0 7325.9 5232.4 21090.6
Aug 05, 2010 @ 18:00 790.6 1101.0 7041.8 5286.4 25516.5
Sep 02, 2010 @ 18:00 786.8 1163.2 7212.5 5101.9 17884.9
Oct 29, 2010 @ 08:00 786.2 1015.2 1261.6 4187.6 19999.6
Nov 29, 2010 @ 08:00 807.1 1179.7 1179.1 3808.9 18760.9
Dec 16, 2010 @ 08:00 849.7 1178.3 1196.6 4328.9 19333.8

Annual Average 800.504 1,144.132 3,430.521 4,632.415 19,938.188

Class Peak

Date/Time Sec LT 4 MW Pri LT 4 ME Sec GT 4 MW Pri GT 4 MW Trans.

Jan 28, 2010 @ 11:00 855.1 1242.1 1219.8 4567.5 22400.8
Feb 09, 2010 @ 11:00 822.9 1141.6 1225.0 4525.6 19473.5
Mar 02, 2010 @ 11:00 782.1 1020.5 1201.6 4478.2 19079.0
Apr 21, 2010 @ 11:00 851.6 1159.6 3812.9 4937.9 20300.6
May 24, 2010 @ 14:00 861.4 1231.9 5202.4 4894.5 20471.4
Jun 24, 2010 @ 14:00 832.7 1243.2 6801.3 5262.8 20432.4
Jul 13, 2010 @ 14:00 942.5 1313.7 7428.3 5617.6 20936.1
Aug 05, 2010 @ 14:00 926.7 1224.6 7267.4 5501.9 26206.5
Sep 02, 2010 @ 15:00 914.3 1288.1 7249.9 5413.7 19076.3
Oct 26, 2010 @ 14:00 853.1 1154.6 1565.5 4663.3 19560.6
Nov 29, 2010 @ 11:00 833.4 1203.9 1222.1 4087.5 18352.5
Dec 14, 2010 @ 11:00 849.7 1161.5 1223.9 4386.5 18920.8

Annual Average 860.462 1,198.770 3,784.990 4,861.423 20,434.198
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ICMD Peak

Date/Time Sec LT 4 MW Pri LT 4 ME Sec GT 4 MW Pri GT 4 MW Trans.

Jul-07 1,268.917 1,687.836 7,966.000 6,852.147 27,933.500

Aug-07 1,252.167 1,728.407 7,372.500 7,085.559 28,099.000

Sep-07 1,200.248 1,669.909 7,288.000 6,838.882 27,138.000

Oct-07 1,153.901 1,637.236 2,635.000 6,375.618 26,871.500

Nov-07 1,162.917 1,580.636 3,082.000 5,988.313 27,468.000

Dec-07 1,148.256 1,564.473 2,957.000 5,960.633 27,417.500

Jan-08 1,171.139 1,599.255 2,922.000 6,051.700 27,812.500

Feb-08 1,148.885 1,577.109 3,314.000 6,003.452 27,986.500

Mar-08 1,117.244 1,552.661 3,397.000 6,499.912 25,255.000

Apr-08 1,147.911 1,559.357 4,705.000 6,115.941 27,200.500

May-08 1,183.935 1,640.232 6,685.000 6,358.353 27,711.500

Jun-08 1,162.545 1,659.839 7,700.500 6,356.909 27,435.500

Annual Average 1,176.505 1,621.413 5,002.000 6,373.952 27,360.750

kWh

Date/Time Sec LT 4 MW Pri LT 4 ME Sec GT 4 MW Pri GT 4 MW Trans.

Jul-07 483,363.8 729,403.2 5,025,838.5 3,517,773.1 17,534,068.5

Aug-07 496,928.2 731,375.0 4,952,723.3 3,563,799.5 15,824,713.4

Sep-07 439,666.3 666,446.6 3,546,133.0 3,006,589.6 14,129,434.9

Oct-07 453,061.1 686,149.2 1,073,767.4 2,992,879.6 14,297,914.0

Nov-07 427,536.8 634,660.5 844,159.0 2,649,627.7 13,782,892.4

Dec-07 414,317.6 614,354.9 836,097.8 2,448,799.1 14,594,775.8

Jan-08 460,766.9 691,611.5 830,991.9 2,750,274.0 14,864,978.1

Feb-08 406,523.1 635,316.8 797,834.6 2,587,711.5 14,657,764.9

Mar-08 405,020.5 645,368.2 1,734,006.4 2,892,632.5 14,293,494.0

Apr-08 411,649.9 637,304.6 2,463,923.0 2,981,911.2 13,638,681.4

May-08 422,051.9 647,979.6 3,052,012.3 2,984,580.1 15,381,015.5

Jun-08 422,110.1 656,540.7 4,338,584.9 2,968,958.3 15,176,484.3

Annual Average 436,916.4 664,709.2 2,458,006.0 2,945,461.3 14,848,018.1
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PacifiCorp

2009 Oregon Price Filing

Average Customer Loads

 

History Period: 12 Months Ended December 31,  2010

a b c d e

Monthly Monthly Monthly Monthly Est. Class

ICMD kWh ICMD Est. Class Coin. Peak

Total Total Max. LF Coin. LF kW Total

Secondary (cust acct) (cust acct) b/HrsMo/a .50+c/2 b/HrsMo/d

Jul-07 97,809 29,688,204 40.80% 70.40% 56,682

Aug-07 93,862 28,491,847 40.80% 70.40% 54,397

Sep-07 90,825 22,374,970 34.22% 67.11% 46,308

Oct-07 58,522 9,297,233 21.35% 60.68% 20,595

Nov-07 15,010 2,093,223 19.37% 59.68% 4,871

Dec-07 2,980 521,520 23.52% 61.76% 1,135

Jan-08 2,650 338,520 17.17% 58.58% 777

Feb-08 3,092 354,063 16.45% 58.23% 874

Mar-08 3,806 354,144 12.51% 56.25% 846

Apr-08 19,669 3,605,352 25.46% 62.73% 7,983

May-08 71,354 13,442,413 25.32% 62.66% 28,834

Jun-08 88,851 18,177,581 28.41% 64.21% 39,321

Average 45,703 10,728,256 21,885

a b c d e

Monthly Monthly Monthly Monthly Est. Class

ICMD kWh ICMD Est. Class Coin. Peak

Total Total Max. LF Coin. LF kW Total

Primary (cust acct) (cust acct) b/HrsMo/a .50+c/2 b/HrsMo/d

Jul-07 0 0 #DIV/0! #DIV/0! #DIV/0!

Aug-07 0 0 #DIV/0! #DIV/0! #DIV/0!

Sep-07 0 0 #DIV/0! #DIV/0! #DIV/0!

Oct-07 0 0 #DIV/0! #DIV/0! #DIV/0!

Nov-07 0 0 #DIV/0! #DIV/0! #DIV/0!

Dec-07 0 0 #DIV/0! #DIV/0! #DIV/0!

Jan-08 0 0 #DIV/0! #DIV/0! #DIV/0!

Feb-08 0 0 #DIV/0! #DIV/0! #DIV/0!

Mar-08 0 0 #DIV/0! #DIV/0! #DIV/0!

Apr-08 0 0 #DIV/0! #DIV/0! #DIV/0!

May-08 0 0 #DIV/0! #DIV/0! #DIV/0!

Jun-08 0 0 #DIV/0! #DIV/0! #DIV/0!

Average 0 0 #DIV/0!
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a b c d e

Monthly Monthly Monthly Monthly Est. Class

ICMD kWh ICMD Est. Class Coin. Peak

Total Total Max. LF Coin. LF kW Total

Total (cust acct) (cust acct) b/HrsMo/a .50+c/2 b/HrsMo/d

Jul-07 97,809 29,688,204 40.80% 70.40% 56,682

Aug-07 93,862 28,491,847 40.80% 70.40% 54,397

Sep-07 90,825 22,374,970 34.22% 67.11% 46,308

Oct-07 58,522 9,297,233 21.35% 60.68% 20,595

Nov-07 15,010 2,093,223 19.37% 59.68% 4,871

Dec-07 2,980 521,520 23.52% 61.76% 1,135

Jan-08 2,650 338,520 17.17% 58.58% 777

Feb-08 3,092 354,063 16.45% 58.23% 874

Mar-08 3,806 354,144 12.51% 56.25% 846

Apr-08 19,669 3,605,352 25.46% 62.73% 7,983

May-08 71,354 13,442,413 25.32% 62.66% 28,834

Jun-08 88,851 18,177,581 28.41% 64.21% 39,321

Average 45,703 10,728,256 21,885
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STREET LIGHTING LOAD FACTORS

Oregon Price Filing - 12 Months Ending December 2010 Test Year

ASSUMPTIONS
1. Street light are on 3,940 hours each year.

2. System 12 CP - all monthly system peaks occur during daylight hours
    when street lights are off except for the months of  November
    and December.

3. Class 12 CP - all street lights are on at monthly class coincident
    peaks.

4. Winter system is calculated based on the hours ending 09:00, 10:00
    and 19:00 PST. All street lights are off during the daylight hours (09:00
    and 10:00) and on during the evening hours.

12 MONTH SYSTEM COINCIDENT PEAK LOAD FACTOR

kWh/8760
12CPLF = --------------- = infinity

kW

12 MONTH JURISDICTIONAL COINCIDENT PEAK LOAD FACTOR

Same as 12CPLF above (Oregon jurisdictional peaks 
coincide with system peaks).

12 MONTH CLASS COINCIDENT PEAK LOAD FACTOR

kWh/8760 kW*3940/8760 3940
12CLPLF = --------------- = --------------- = ---------------

kW kW 8760

= 44.977%

WINTER SYSTEM DIVERSIFIED LOAD FACTOR

kWh/8760 kW*3940/8760 3*3940
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12CLPLF = --------------- = --------------- = ---------------
(0+0+kW) kW/3 8760

= 134.932%
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DA 411

Distribution
Construction Standard

17 Feb 09
Page 1 of 8
DA 411

General—Residential
Electrical Demand

E 2008 by PacifiCorp. All rights reserved.

Engineer (E. Maleki):

Standards Manager (G. Lyons):

General—Residential Electrical Demand

A. Scope

This guideline provides information regarding residential electrical demand calculations.
Covered are customer class, load factor, peak demand, coincidence factor, and
energy-to-demand conversion.

B. General

When actual values are not available, residential energy and demand information can
be estimated using the following guidelines. These guidelines are to be used through-
out the PacifiCorp System.Transformers must be sized to handle the worst case of both
winter and summer loads.

C. Customer Group and Load Factor

Residential customers are categorized into four classes according to connected
electrical load. The residential classes and electrical loads are defined below:

1. Class I includes LM

2. Class II includes LMRD

3. Class III includes LMRDW

4. Class IV includes LMRDWH/AIR

Where:

L = lights

M = miscellaneous, including small appliances

R = electric range

D = electric dryer

W = electric water heater

H/HP/AC = electric heat / heat pump / air conditioner

Table 1 relates residential customer class to annual load factor, based on past field
tests. The annual load factor is defined as the ratio of the average load divided by the
peak load over the time period of a year.

Table 1—Annual Load Factor

Load Factor

Single Family

Frame House

Multiple Family

Unit Mobile Home

48.1% Class I — —

40.4% Class II non-electric heat —

40.1% Class III — —

29.0% Class IV electric heat electric heat

Exhibit PPL/910 
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Engineer (E. Maleki):

Standards Manager (G. Lyons):

D. Demand Usage

Good judgment should be exercised when using the peak demand tables. The
following are examples of items which can vary greatly, and may require adjustment of
peak demand values from tables:

1. Type of Construction

insulation

2. Location

elevation
prevailing winds

3. Unusual Connected Electrical Loads

duplicate major appliances
hot tub
sauna
etc.

Table 2—Peak Demand for Single Family Frame Houses (kW)

Size of House

Class I Class II

winter
LM

winter
LM+HP

summer
LM+AC/HP

winter
LMRD

winter
LMRD+HP

summer
LMRD+AC/HP

< 1300 sq. ft. 3 8 5 5 13 8

1300---2000 sq. ft. 5 10 7 7 17 10

2001---3500 sq. ft. 7 13 10 10 20 13

3501---4500 sq. ft. — — — — — —

Size of House

Class III Class IV

winter
LMRDW

winter
LMRDW+HP

summer
LMRDW+AC/HP

summer
LMRDW+AC/HP

< 1300 sq. ft. 8 13 13 13

1300---2000 sq. ft. 10 17 17 17

2001---3500 sq. ft. 13 20 20 20

3501---4500 sq. ft. — — — 22

Table 3—Peak Demand per Unit for Multiple Family Units (kW)

Size of Apartment Non-Electric Heat Electric Heat

< 800 sq. ft. 4 10

800---1000 sq. ft. 5 13

1001---1400 sq. ft. 9 17
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Engineer (E. Maleki):

Standards Manager (G. Lyons):

Table 4—Peak Demand for Mobile Homes with
Electric Heat (kW)

Size of Mobile Home Peak Demand
Single-Wide 13
Double-Wide 17
Triple-Wide 25

E. Coincidence Factor

The coincidence factor pertains to the total demand, at any one time, of customers
served by a single transformer or set of conductors. Since all of the customers general-
ly don’t reach peak load at the same moment, the total load on the cables or transform-
er is generally less than the sum of the individual peak loads. The coincidental peak
demand is determined by adding up the individual peak demands and multiplying by a
coincidence factor less than or equal to 1. The coincidence factor is related to the
number of customers, and is shown in Table 5:

Table 5—Coincidence Factor

Number Of Customers 1 2 3 4 5 6 7 8 9 10 11 or more
CF for Summer Loads 1.0 .90 .86 .82 .78 .76 .74 .72 .71 .70 .70
CF for Winter Loads 1.0 .77 .70 .67 .64 .62 .60 .59 .58 .57 .56

F. Transformer Facility Design and Loading Guidelines—
Single Family Residential

Table 6 lists the maximum loads for single-family dwellings. When designing facilities to
serve single-family residences, care must be taken to load transformers as close to
these values as possible. Each transformer must be sized for all homes/lots it is
designed to serve. It is not necessary to reserve transformer capacity for load growth
within the homes unless unusual circumstances exist. Table 6 applies to both pole-
mounted and pad-mounted transformers.

After determining the load requirements from Table 2 and Table 5, choose the appropri-
ate transformer size listed in Table 6. Select the value for summer if the loads are
expected to peak in summer. Select the value for winter if the loads are expected to
peak in winter. Check the overall design for appropriate voltage levels and flicker
constraints. Consult your engineer if you have questions.

The loading limits shown in Table 6 are based on 130 percent of nameplate for summer
loads and 180 percent of nameplate for winter loads.

In areas with conditions requiring more conservative transformer loadings, use Table 7
when designing facilities. Use Table 6 when evaluating whether transformers already in
service should be replaced. Table 7 is based on 100 percent of nameplate for summer
loads and 150 percent of nameplate for winter loads.

Both tables apply to residential application with kW at .95 power factor.
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Engineer (E. Maleki):

Standards Manager (G. Lyons):

Table 6 —Standard Transformer Loading Guidelines
130 Percent Summer Loading, 180 Percent Winter Loading

Ambient
Temp.*

Transformer Size

(�C/�F) 25 kVA 50 kVA 75 kVA 100 kVA

Winter

0/32 0--48 49--96 97--144 145--193

10/50 0--46 47--91 92--137 138--182

20/68 0--42 43--85 86--127 128--170

Summer

20/68 0--37 38--75 76--113 114--151

30/86 0--35 36--69 70--104 105--139

40/104 0--31 32--64 65--95 96--128

*Ambient temperature is the mean average temperature during the peak loading
season +5 degrees C (or +9 degrees F) as a safety margin.

Table 7 —Conservative Transformer Loading Guidelines
100 Percent Summer Loading, 150 Percent Winter Loading

Transformer
Size

25 kVA 50 kVA 75 kVA 100 kVA

Winter 0--37.5 38--75 76--112.5 113--150

Summer 0--25 26--50 51--75 76--100
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Engineer (E. Maleki):

Standards Manager (G. Lyons):

G. Energy to Demand Conversion

When the actual energy usage (kWH/day) is available, the peak demand in kW can be
approximated using the energy-to-demand conversion graph shown in Figure 1.
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Figure 1—Energy-to-Demand Conversion

H. Example 1

Determine the coincidental peak demand and load factor for the following group of
single family frame houses:

Number of
Customers

Size of
House Class

1 1000 sq. ft. II

2 1500 sq. ft. III

1 2400 sq. ft. IV
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Engineer (E. Maleki):

Standards Manager (G. Lyons):

1. STEP 1

Find the individual peak demand values in Table 2, and determine the sum total.

Peak Demands, from Table 2:

Number of
Customers Class Individual

Demand
Sum of
Demands

1 II 5 kW 5 kW

2 III 10 kW 20 kW

1 IV 20 kW 20 kW

Total Demand = 45kw

2. STEP 2

Using Table 5, determine the group’s winter (or summer) Coincidental Peak
Demand.

From Table 5, Coincidence Factor for 4 Customers = 0.67

Therefore:
Winter Coincidental Peak Demand = Winter Coincidence Factor * Total Demand

= 0.67 * 45kW
= 30.15kW

3. STEP 3

Using Table 1 and Table 2, determine the group’s load factor.

Recall that Load Factor = Average Load / Peak Demand Load.

Therefore:
Individual Average Load = Individual Load Factor * Individual Demand

(Example) Average Load

Number of
Customers Class Individual

Demand
Individual
Load Factor

Individual
Avg. Load

Sum of
Avg. Loads

1 II 5 kW 40.4% 2.02 kW 2.02 kW

2 III 10 kW 40.1% 4.01 kW 8.02 kW

1 IV 20 kW 29.0% 5.80 kW 5.80 kW

Total Average Load = 15.84kW
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Engineer (E. Maleki):

Standards Manager (G. Lyons):

Then:
Group Load Factor = (Total Avg. Load / Winter Coincidental Peak Demand)*100

= (15.84kW / 30.15kW) * 100
= 52.5%

These calculated values (i.e., Coincidental Peak Demand = 30.15kW) would be
used in determining the group’s transformer and secondary sizes. The service to
each individual house would be determined based on the individual peak demand
and individual load factor.

I. Example 2

Determine the appropriate size pad-mounted transformer to serve 10 single-family,
2,000 square-foot homes with gas heat and water heating, electric ranges and dryers,
and no air conditioning. The mean average temperature in winter is 32� F. The mean
average temperature in summer is 87� F.

1. STEP 1 Determine the Load of Each Home

According to Table 2, these homes fall into category II, and each has a load of 7
kW.

2. STEP 2 Determine the Peak Load for the Transformer

The total load for 10 homes is 7 kW¢ 10 = 70 kW.
According to Table 5, the winter coincidence factor for 10 homes is .57.
The coincident peak load on the transformer is therefore 70 kW¢ .57 = 39.9 kW.

3. STEP 3 Determine the Appropriate Size of Transformer to Serve the Load

From Table 6, choose the winter block and the row for 32� F. The proper size for
the transformer is 25 kVA. From the summer block at 87� F (the 86� F block), the
proper size for the transformer is 50 kVA. The 50 kVA transformer should be used.

J. Example 3

Size a pad-mounted transformer to serve 10 single-family, 2,000 square--foot homes
with gas heat and water heating, electric ranges and dryers, and air conditioning. The
mean average temperature in winter is 32� F. The mean average temperature in
summer is 97� F.

1. STEP 1 Determine the Load of Each Home

According to Table 2, these homes fall into category II, and each has a load of 10
kW.

2. STEP 2 Determine the Peak Load for the Transformer

The total load for 10 homes is 10 kW¢ 10 = 100 kW.
According to Table 5, the summer coincidence factor for 10 homes is .7
The coincident peak load on the transformer is therefore 100 kW¢ .7 = 70 kW.
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Engineer (E. Maleki):

Standards Manager (G. Lyons):

3. STEP 3 Determine the Appropriate Size of Transformer to Serve the Load

From Table 6, choose the winter block and the row for 32� F. The proper size for
the transformer is 50 kVA. From the summer block at 97� F (the 104� F block), the
proper size for the transformer is 75 kVA. The 75 kVA transformer should be used.

K. Example 4

Determine the appropriate size pad mounted transformer to serve 10 single-family,
2,000 square--foot homes with gas heat and water heating, electric ranges and dryers,
and heat pumps. The mean average temperature in winter is 32� F. The mean average
temperature in summer is 87� F.

1. STEP 1 Determine the Load of Each Home

According to Table 2, these homes fall into category II, and each has a load of 17
kW.

2. STEP 2 Determine the Peak Load for the Transformer

The total load for 10 homes is 17 kW¢ 10 = 170 kW.
According to Table 5, the winter coincidence factor for 10 homes is .57
The coincident peak load on the transformer is therefore 170 kW¢ .57 = 96.9 kW.

3. STEP 3 Determine the Appropriate Size of Transformer to Serve the Load

From Table 6, choose the winter block and the row for 32� F. The proper size for
the transformer is 75 kVA. From the summer block at 87� F (the 86� F block), the
proper size for the transformer is 75 kVA. The 75 kVA transformer should be used.
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Customers Per Transformer

State OR

Data
Schedule Phase Sum of Customers Sum of Sum of Units Units per Customer

4 1 479,925                       129,172                          4                                    
3 5,355                           443                                 12                                  

4 Total 485,280                       129,615                          4                                   
23 1 59,717                         23,473                            3                                    

3 27,042                         19,771                            1                                    
23 Total 86,759                         43,244                            2                                   

28 1 17                                10                                   2                                    
3 198                              167                                 1                                    

28 Total 215                              177                                 1                                   
30 1 2                                  1                                     2                                    

3 751                              783                                 1                                    
30 Total 753                              784                                 1                                   

33 1 74                                44                                   
3 2,013                           4,314                              

33 Total 2,087                           4,358                              
40 1 3                                  2                                     

3 40                                62                                   
40 Total 43                                64                                   

41 1 1,333                           760                                 2                                    
3 5,399                           8,869                              1

41 Total 6,732                           9,629                              1                                   
47 3 7                                  9                                     

47 Total 7                                  9                                     
48 3 223                              342                                 1                                    

48 Total 223                              342                                 1                                   
53 1 66                                33                                   

3 4                                  2                                     
53 Total 70                                35                                   

54 1 70                                44                                   
3 35                                40                                   

54 Total 105                              83                                   
Grand Total 582,274                       188,340                          
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PPL/1004
Griffith/1 

Q. Please state your name. 1

2

3

4

5

6

7

8

9

10

11

12

13

14

15

16

17

18

19

20

21

22

23

A. My name is William R. Griffith. My business address is 825 NE Multnomah 

Avenue, Suite 2000, Portland, Oregon. My present position is Director, Pricing & 

Cost of Service, in the Regulation Department. 

Q. Are you the same William R. Griffith who provided direct testimony in this 

case as Exhibit PPL/1000? 

A. Yes. 

Purpose of Testimony 

Q. What is the purpose of your Supplemental Direct Testimony? 

A. The purpose of my Supplemental Direct Testimony is to respond to four 

requests—Requests 5, 14, 21, and 23—in the May 14, 2009 Ruling of the 

Administrative Law Judges on Supplemental Testimony (“Ruling on 

Supplemental Testimony”), which pertain to my Direct Testimony. 

Request 5 – Rate Spread 

Q. What is Request 5 in the Ruling on Supplemental Testimony?

A. Request 5 directs the Company to “Provide testimony explaining in detail how 

PacifiCorp’s proposed rate spread appropriately reflects cost of service, including 

an explanation of why rate increases were relatively equal for all customer classes 

in docket UE 179, but the proposed rate increases in this docket vary significantly 

by customer class.” 

Q. Please more fully explain the difference between base and net revenues as 

shown in the rate spread in Exhibit PPL/1002, Griffith/1. 

A. In order to explain how the Company’s proposed rate spread appropriately 
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reflects cost of service, it is important to distinguish between base and net 

revenues shown in Exhibit PPL/1002, Griffith/1.  Base revenues are the 

Company’s revenues under the rates in the standard tariff electric service rate 

schedules for delivery and supply service.  Base revenues reflect the Company’s 

revenue requirement.  Base revenues do not include any adjustment schedules 

(i.e., tariff riders) which are applied in addition to each rate schedule’s base rates. 

 For example, Schedule 93, Independent Evaluator Cost Adjustment or Schedule 

299, Rate Mitigation Adjustment are two of the tariff riders that are applied to 

customer’s base rates.  

  Net rates include the effects of all tariff riders applicable to each rate 

schedule’s base rates.  Net revenues and net revenue increases are important 

because they better reflect the ultimate rates that customers will pay on their bills. 

 Net rates include the effect of base rates plus the effect of all tariff riders 

applicable to each electric service rate schedule.

Q. Please discuss how the Company’s proposed base rate spread appropriately 

reflects cost of service. 

A. The Company’s base rates are designed directly based on the results of the cost of 

service study as presented in the direct testimony of Mr. C. Craig Paice.  The 

proposed rates for each rate schedule included in the cost of service study are 

targeted to collect the cost of service for that rate schedule in the test year.

Therefore, the base rate increase to each rate schedule exactly reflects the cost to 

serve consumers under that schedule, as determined by the cost of service study.  

Base proposed revenues by rate schedule shown in Exhibit PPL/1002, Griffith/1, 
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column 9 are equal to the cost of service by rate schedule shown in Exhibit 

PPL/905, Paice/1, row 36.  Minor differences are due to the rounding of rates. 

Q. Is this methodology consistent with the methodology used in the Company’s 

last general rate case, UE 179? 

A. Yes.  Base rate increases in UE 179 were also based directly on cost of service as 

required by the Commission’s rules on direct access regulation adopted under 

OAR 860-038-0200. 

Q. The base percentage rate increases for the major rate schedules shown in 

Exhibit PPL/1002 range from 69 to 159 percent of the overall average base 

rate increase.  Is this level of variance consistent with the base rate increases 

proposed by the Company in UE 179? 

A. Yes.  Base rate increases proposed for the major rate schedules in UE 179 also 

varied widely, from 82 to 145 percent of the overall average base rate increase. 

Q. Was the variance in the level of increase by rate schedule similar for the final 

ordered base rate increases in UE 179? 

A. Yes.  The final base rate increases in UE 179 by schedule varied from 82 to 146 

percent of the overall average base rate increase. 

Q. What is the variance in net rate increase by rate schedule proposed in this 

case?

A. Net rate increases proposed for the major rate schedules in this case vary from 69 

to 192 percent of the overall average net rate increase. 

Q. Do the adjustment schedules influence the net rate spread? 

A. Yes.  In particular, the Company’s net rate spread reflects an ongoing Rate 
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Mitigation Adjustment (“RMA”) which is designed to minimize price impacts on 

consumers while still sending them proper signals about the increasing costs of 

serving them 

Q. Is the variance in the proposed net percentage increases by rate schedule in 

this case consistent with the variance in the proposed net percentage 

increases by rate schedule in UE 179? 

A. Yes.  Net rate increases proposed for the major rate schedules in UE 179 varied 

from 71 to 150 percent of the overall average net rate increase.  The Company 

proposed a rate cap in UE 179, similar to the one proposed in this case, so that 

none of the major rate schedules would see an increase greater than 1.5 times the 

overall average net proposed rate increase. 

Q. How were the final net rate increases in UE 179 determined? 

A. The final net increases were settled as part of a stipulation which called for net 

rate increases “largely based upon equal percentage increases to all rate groups”.

The RMA was used to achieve this goal. 

Q. Why did the Company not propose equal percentage increases to all rate 

groups in this docket? 

A. As described in my direct testimony, the Company’s proposed rate increase caps 

are intended to strike a balance between moderating rate impacts on consumers, 

sending proper price signals about the increasing costs to serve consumers, and 

not unreasonably impacting electric retail competition.  The Company does not 

believe an equal percentage increase to all rate schedules would achieve these 

goals.
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Q. What is Request 14 in the Ruling on Supplemental Testimony?

A. Request 14 directs the Company to “Provide testimony and exhibits showing 

energy volumes delivered from January 2006 through December 2008 in Oregon 

by month and by rate schedule. 

(a) Provide testimony showing the same information in a combination of actual 

plus forecast for 2009. 

(b) Provide testimony showing the same information as forecast for the 2010 test 

year by month, by rate schedule, and by peak and off-peak periods.” 

Q. Have you prepared exhibits containing the requested information? 

A. Yes.  I have prepared three exhibits with the requested information that is 

presently available or could reasonably be prepared.

Q. Please describe Exhibit PPL/1005. 

A. Exhibit PPL/1005 contains actual monthly energy volumes by rate schedule for 

January 2006 through April 2009.  These energy volumes have not been 

normalized.   

Q. Please describe Exhibit PPL/1006. 

A. Exhibit PPL/1006 contains the Company’s current monthly energy forecasts by 

class for May 2009 through December 2009.  A current forecast by rate schedule 

for 2009 has not been prepared and is not readily available.

Q. Please describe Exhibit PPL/1007. 

A. Exhibit PPL/1007 contains monthly energy forecasts by rate schedule for the 

2010 forecast test year.  Energy forecasts for 2010 for Schedule 48, Large General 

Supplemental Direct Testimony of William R. Griffith 
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Service, and Schedule 47, Large General Service Partial Requirements, are split 

to show on- and off-peak time-of-use levels.  The Company breaks down energy 

forecasts into on- and off- peak time-of-use levels based on collected actual time-

of-use meter data.  Time-of-use meter data is collected only for rate schedules 

which are billed on time-of-use rates.  Time-of-use meter data is not available to 

break down energy forecasts for any of the other rate schedules.

Request 21 – Reconciliation of Test Year Load Forecast to Billing Determinants 

Q. What is Request 21 in the Ruling on Supplemental Testimony?

A. Request 21 directs the Company to “Provide testimony and exhibits related to 

reconciliation of the 2010 test year load forecast with levels of billing 

determinants as used in PPL/1000 through PPL/1003.” 

Q. Please describe how the forecast test year billing determinants are developed. 

A. Forecast test year billing determinants are developed based on the Company’s 

forecast test year bills and energy forecasts along with the historic test year billing 

determinants.   

  A three step process occurs in developing test year billing determinants.  

First, monthly forecast test year bills and energy by class and by rate schedule are 

prepared by the Company as described in the supplemental direct testimony of 

Mr. Gregory N. Duvall.

  Second a full set of billing determinants, including all rate elements such 

as demand amounts, load size quantities, kilovar quantities and kilowatt-hours by 

rate block, are retrieved at the customer invoice level from the Company’s billing 

system for the historic test period – in this case, the twelve months ended June 
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2008.  These historic billing determinants are summarized by class, rate schedule 

and voltage level. 

  Finally, a full set of forecast billing determinants is developed using the 

historic test period data and the forecast test period information.  The forecast 

billing determinants are calculated based upon the ratio of historic bills and 

energy (temperature normalized) in the historic test period to the forecast bills and 

energy provided in the load forecast.

Q. Do the bills and energy in the forecast billing determinants match the 

Company’s forecast of bills and energy? 

A. Yes.  When summed by class and by rate schedule, the bills and energy in the 

forecast billing determinants match the Company’s forecast test year bills and 

energy forecast.

Q. Have you prepared an exhibit which compares the historic billing 

determinants in this case to the forecast billing determinants? 

A. Yes.  Exhibit PPL/1008 shows the historic billing determinants for the 12 months 

ended June 2008, the temperature normalized billing determinants for the same 

period, and the forecast billing determinants as filed in this case.  This detail, with 

formulas intact, was included in the tab labeled “Blocking” in the Griffith GRC 

Rate Design Model provided electronically at the time of the original filing. 

Q. Is the method of developing forecast billing determinants used in this docket 

consistent with the methods previously used by the Company in Oregon and 

in other jurisdictions? 

A. Yes.  This method of developing forecast billing determinants is the same method 
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as has been used by the Company in all of its recent general rate cases in Oregon 

as well as all rate cases in other states where forecast test periods are used. 

Request 23 – Removal of Net Power Costs from Schedule 200 

Q. What is Request 23 in the Ruling on Supplemental Testimony?

A. Request 23 directs the Company to ”Provide further testimony explaining the 

removal of net power costs from Schedule 200, and how Schedules 200 and 201 

appropriately reflect cost causation principles.” 

Q. How are net power costs currently collected? 

A. Net power costs are currently collected within Schedule 200, Cost Based Supply 

Service.  Schedule 200 currently collects all functionalized generation costs, 

including all net power costs and other generation-related costs.  In the 

Company’s last general rate case, UE 179, Schedule 200 rates were designed to 

collect all functionalized Generation costs as identified by the cost of service 

study in that case.  Increases to the Company’s net power costs as approved in the 

Company’s Transition Adjustment Mechanism (“TAM”) filings since UE 179 

have been collected through an increase to Schedule 200 rates. 

Q. How have proposed net power costs by rate schedule been identified in this 

case?

A. Total net power costs included in the proposed revenue requirement in this docket 

have been allocated to the rate schedules in proportion to the spread of generation 

revenues to the rate schedules as indicated by the cost of service study. 
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Q. Have you prepared an exhibit showing net power costs by rate schedule for 

the rate schedules contained in the cost of service study? 
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A. Yes.  Exhibit PPL/1009 provides the proposed functionalized Generation costs in 

this docket, as shown in the exhibit accompanying the direct testimony of Mr. 

Paice, PPL/905, further unbundled into Generation-Net Power Costs and 

Generation-Other categories by rate schedule.  Generation – Net Power Costs by 

rate schedule are proposed to be collected through Schedule 201 in this docket.

Generation-Other Generation costs are proposed to be collected through Schedule 

200.

Q. Why is the Company proposing further unbundling of Generation costs? 

A. The Company agreed to propose this additional unbundling as part of the UE 199 

Stipulation and Agreement of the Parties on the General Guidelines for the TAM, 

filed on June 1, 2009.  This change to rate design simply allows rates collecting 

net power costs to be more easily reviewed and revised in a TAM proceeding 

outside of a general rate case. 

Q. Does this proposed rate design properly reflect cost causation principles? 

A Yes.  Cost causation principles and the direct access rules adopted under OAR 

860-038-0200 indicate that costs, including Generation costs, must be allocated to 

the class of consumers who incur those costs.  Under the Company’s proposed 

rates, and under the Company’s present rates, total Generation costs for each rate 

schedule as determined by the cost of service study will be collected through the 

base rates for each rate schedule.  Each rate schedule will continue to pay its 

allocated generation costs as occurs today. 
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Q. Does this conclude your supplemental direct testimony? 

A. Yes. 
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PACIFIC POWER & LIGHT COMPANY 
State of Oregon
Billing Determinants
Actual 12 Months Ended June 30, 2008
Forecast 12 Months Ended December 31, 2010

Customer Normalized Forecast
Accounting 7/07-6/08 1/10 - 12/10

Schedule Units Units Units

Schedule No. 4
Residential Service

Transmission & Ancillary Services Charge
    per kWh 5,757,030,628 5,546,124,729 5,435,845,633 kWh
Distribution Charge
    Basic Charge, per month 5,632,563 5,632,563 5,741,820 bill
    Three Phase Demand Charge, per kW demand 17,680 17,680 17,328 kW
    Three Phase Minimum Demand Charge, per month 1,526 1,526 1,556 bill
    Distribution Energy Charge, per kWh 5,757,030,628 5,546,124,729 5,435,845,633 kWh
Energy Charge
Schedule 200
    First Block kWh 2,514,471,640 2,422,356,640 2,374,190,522 kWh
    Second Block kWh 1,588,620,353 1,530,420,353 1,499,989,488 kWh
    Third Block kWh 1,653,938,635 1,593,347,736 1,561,665,624 kWh
Schedule 201
    First Block kWh 2,514,471,640 2,422,356,640 2,374,190,522 kWh
    Second Block kWh 1,588,620,353 1,530,420,353 1,499,989,488 kWh
    Third Block kWh 1,653,938,635 1,593,347,736 1,561,665,624 kWh
Subtotal 5,757,030,628 5,546,124,729 5,435,845,633 kWh
Renewable Adjustment Clause, per kWh 5,757,030,628 5,546,124,729 5,435,845,633 kWh
Klamath Rate Reconciliation Surcharge, per kWh 5,757,030,628 5,546,124,729 5,435,845,633 kWh
Total 5,757,030,628 5,546,124,729 5,435,845,633 kWh

Schedule No. 4 - Employee Discount
Residential Service
Transmission & Ancillary Services Charge
    per kWh 18,855,991 18,855,991 18,481,059 kWh
Distribution Charge
    Basic Charge, per month 14,088 14,088 14,361 bill
    Three Phase Demand Charge, per kW demand 84 84 82 kW
    Three Phase Minimum Demand Charge, per month 12 12 12 bill
    Distribution Energy Charge, per kWh 18,855,991 18,855,991 18,481,059 kWh
Energy Charge
Schedule 200
    First Block kWh 6,851,337 6,851,337 6,715,105 kWh
    Second Block kWh 5,297,997 5,297,997 5,192,652 kWh
    Third Block kWh 6,706,657 6,706,657 6,573,302 kWh
Schedule 201
    First Block kWh 6,851,337 6,851,337 6,715,105 kWh
    Second Block kWh 5,297,997 5,297,997 5,192,652 kWh
    Third Block kWh 6,706,657 6,706,657 6,573,302 kWh
Subtotal 18,855,991 18,855,991 18,481,059 kWh
Renewable Adjustment Clause, per kWh 18,855,991 18,855,991 18,481,059 kWh
Klamath Rate Reconciliation Surcharge, per kWh 18,855,991 18,855,991 18,481,059 kWh
Total 18,855,991 18,855,991 18,481,059 kWh
Total Employee Discount

Schedule No. 23/723 - Composite
General Service (Secondary)

Transmission & Ancillary Services Charge
    per kWh 1,148,538,615 1,132,989,499 1,012,788,782 kWh
Distribution Charge
    Basic Charge
        Single Phase, per month 702,472 702,472 695,056 bill
        Three Phase, per month 195,431 195,431 193,187 bill
    Load Size Charge
        � 15 kW kW
        per kW for all kW in excess of 15 kW 857,804 857,804 767,514 kW
    Demand Charge, the first 15 kW of demand kW
    Demand Charge, per kW for all kW in excess of 15 kW 469,225 469,225 419,716 kW
    Reactive Power Charge, per kvar 60,146 60,146 54,155 kvar
    Distribution Energy Charge, per kWh 1,148,538,615 1,132,989,499 1,012,788,782 kWh
Energy Charge
Schedule 200
    1st 3,000 kWh, per kWh 883,222,383 871,259,383 778,802,018 kWh
    All additional kWh, per kWh 265,316,232 261,730,116 233,986,764 kWh
Schedule 201
    1st 3,000 kWh, per kWh 883,222,383 871,259,383 778,802,018 kWh
    All additional kWh, per kWh 265,316,232 261,730,116 233,986,764 kWh
Subtotal 1,148,538,615 1,132,989,499 1,012,788,782 kWh
Renewable Adjustment Clause, per kWh 1,148,538,615 1,132,989,499 1,012,788,782 kWh
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PACIFIC POWER & LIGHT COMPANY 
State of Oregon
Billing Determinants
Actual 12 Months Ended June 30, 2008
Forecast 12 Months Ended December 31, 2010

Customer Normalized Forecast
Accounting 7/07-6/08 1/10 - 12/10

Schedule Units Units Units

Klamath Rate Reconciliation Surcharge, per kWh 1,148,538,615 1,132,989,499 1,012,788,782 kWh
Total 1,148,538,615 1,132,989,499 1,012,788,782 kWh

Schedule No. 23/723 - Commercial
General Service (Secondary)

Transmission & Ancillary Services Charge
    per kWh 1,125,102,211 1,109,553,095 990,156,219 kWh
Distribution Charge
    Basic Charge
        Single Phase, per month 695,790 695,790 688,637 bill
        Three Phase, per month 187,334 187,334 185,409 bill
    Load Size Charge
        � 15 kW kW
        per kW for all kW in excess of 15 kW 830,300 830,300 740,953 kW
    Demand Charge, the first 15 kW of demand kW
    Demand Charge, per kW for all kW in excess of 15 kW 455,809 455,809 406,760 kW
    Reactive Power Charge, per kvar 53,579 53,579 47,813 kvar
    Distribution Energy Charge, per kWh 1,125,102,211 1,109,553,095 990,156,219 kWh
Energy Charge
Schedule 200
    1st 3,000 kWh, per kWh 865,527,705 853,564,705 761,714,247 kWh
    All additional kWh, per kWh 259,574,506 255,988,390 228,441,972 kWh
Schedule 201
    1st 3,000 kWh, per kWh 865,527,705 853,564,705 761,714,247 kWh
    All additional kWh, per kWh 259,574,506 255,988,390 228,441,972 kWh
Subtotal 1,125,102,211 1,109,553,095 990,156,219 kWh
Renewable Adjustment Clause, per kWh 1,125,102,211 1,109,553,095 990,156,219 kWh
Klamath Rate Reconciliation Surcharge, per kWh 1,125,102,211 1,109,553,095 990,156,219 kWh
Total 1,125,102,211 1,109,553,095 990,156,219 kWh

Schedule No. 23/723 - Industrial
General Service (Secondary)

Transmission & Ancillary Services Charge
    per kWh 23,436,404 23,436,404 22,632,563 kWh
Distribution Charge
    Basic Charge
        Single Phase, per month 6,682 6,682 6,419 bill
        Three Phase, per month 8,097 8,097 7,778 bill
    Load Size Charge
        � 15 kW kW
        per kW for all kW in excess of 15 kW 27,504 27,504 26,561 kW
    Demand Charge, the first 15 kW of demand kW
    Demand Charge, per kW for all kW in excess of 15 kW 13,416 13,416 12,956 kW
    Reactive Power Charge, per kvar 6,567 6,567 6,342 kvar
    Distribution Energy Charge, per kWh 23,436,404 23,436,404 22,632,563 kWh
Energy Charge
Schedule 200
    1st 3,000 kWh, per kWh 17,694,678 17,694,678 17,087,771 kWh
    All additional kWh, per kWh 5,741,726 5,741,726 5,544,792 kWh
Schedule 201
    1st 3,000 kWh, per kWh 17,694,678 17,694,678 17,087,771 kWh
    All additional kWh, per kWh 5,741,726 5,741,726 5,544,792 kWh
Subtotal 23,436,404 23,436,404 22,632,563 kWh
Renewable Adjustment Clause, per kWh 23,436,404 23,436,404 22,632,563 kWh
Klamath Rate Reconciliation Surcharge, per kWh 23,436,404 23,436,404 22,632,563 kWh
Total 23,436,404 23,436,404 22,632,563 kWh

Schedule No. 23/723 - Composite
General Service (Primary)

Transmission & Ancillary Services Charge
    per kWh 1,278,403 1,278,403 1,151,715 kWh
Distribution Charge
    Basic Charge
        Single Phase, per month 230 230 228 bill
        Three Phase, per month 182 182 190 bill
    Load Size Charge
        � 15 kW kW
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PACIFIC POWER & LIGHT COMPANY 
State of Oregon
Billing Determinants
Actual 12 Months Ended June 30, 2008
Forecast 12 Months Ended December 31, 2010

Customer Normalized Forecast
Accounting 7/07-6/08 1/10 - 12/10

Schedule Units Units Units

        per kW for all kW in excess of 15 kW 3,269 3,269 2,989 kW
    Demand Charge, the first 15 kW of demand kW
    Demand Charge, per kW for all kW in excess of 15 kW 2,691 2,691 2,440 kW
    Reactive Power Charge, per kvar 4,248 4,248 3,872 kvar
    Distribution Energy Charge, per kWh 1,278,403 1,278,403 1,151,715 kWh
Energy Charge
Schedule 200
    1st 3,000 kWh, per kWh 594,365 594,365 535,677 kWh
    All additional kWh, per kWh 684,038 684,038 616,038 kWh
Schedule 201
    1st 3,000 kWh, per kWh 594,365 594,365 535,677 kWh
    All additional kWh, per kWh 684,038 684,038 616,038 kWh
Subtotal 1,278,403 1,278,403 1,151,715 kWh
Renewable Adjustment Clause, per kWh 1,278,403 1,278,403 1,151,715 kWh
Klamath Rate Reconciliation Surcharge, per kWh 1,278,403 1,278,403 1,151,715 kWh
Total 1,278,403 1,278,403 1,151,715 kWh

Schedule No. 23/723 - Commercial
General Service (Primary)

Transmission & Ancillary Services Charge
    per kWh 1,130,002 1,130,002 1,008,404 kWh
Distribution Charge
    Basic Charge
        Single Phase, per month 230 230 228 bill
        Three Phase, per month 131 131 129 bill
    Load Size Charge
        � 15 kW kW
        per kW for all kW in excess of 15 kW 2,285 2,285 2,039 kW
    Demand Charge, the first 15 kW of demand kW
    Demand Charge, per kW for all kW in excess of 15 kW 2,162 2,162 1,929 kW
    Reactive Power Charge, per kvar 3,139 3,139 2,801 kvar
    Distribution Energy Charge, per kWh 1,130,002 1,130,002 1,008,404 kWh
Energy Charge
Schedule 200
    1st 3,000 kWh, per kWh 522,465 522,465 466,243 kWh
    All additional kWh, per kWh 607,537 607,537 542,161 kWh
Schedule 201
    1st 3,000 kWh, per kWh 522,465 522,465 466,243 kWh
    All additional kWh, per kWh 607,537 607,537 542,161 kWh
Subtotal 1,130,002 1,130,002 1,008,404 kWh
Renewable Adjustment Clause, per kWh 1,130,002 1,130,002 1,008,404 kWh
Klamath Rate Reconciliation Surcharge, per kWh 1,130,002 1,130,002 1,008,404 kWh
Total 1,130,002 1,130,002 1,008,404 kWh

Schedule No. 23/723 - Industrial
General Service (Primary)

Transmission & Ancillary Services Charge
    per kWh 148,401 148,401 143,311 kWh
Distribution Charge
    Basic Charge
        Single Phase, per month 0 0 0 bill
        Three Phase, per month 51 51 61 bill
    Load Size Charge
        � 15 kW kW
        per kW for all kW in excess of 15 kW 984 984 950 kW
    Demand Charge, the first 15 kW of demand kW
    Demand Charge, per kW for all kW in excess of 15 kW 529 529 511 kW
    Reactive Power Charge, per kvar 1,109 1,109 1,071 kvar
    Distribution Energy Charge, per kWh 148,401 148,401 143,311 kWh
Energy Charge
Schedule 200
    1st 3,000 kWh, per kWh 71,900 71,900 69,434 kWh
    All additional kWh, per kWh 76,501 76,501 73,877 kWh
Schedule 201
    1st 3,000 kWh, per kWh 71,900 71,900 69,434 kWh
    All additional kWh, per kWh 76,501 76,501 73,877 kWh
Subtotal 148,401 148,401 143,311 kWh
Renewable Adjustment Clause, per kWh 148,401 148,401 143,311 kWh
Klamath Rate Reconciliation Surcharge, per kWh 148,401 148,401 143,311 kWh
Total 148,401 148,401 143,311 kWh
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PACIFIC POWER & LIGHT COMPANY 
State of Oregon
Billing Determinants
Actual 12 Months Ended June 30, 2008
Forecast 12 Months Ended December 31, 2010

Customer Normalized Forecast
Accounting 7/07-6/08 1/10 - 12/10

Schedule Units Units Units

Schedule No. 28/728 - Composite
Large General Service - (Secondary)

Transmission & Ancillary Services Charge
    per kW 6,836,337 6,836,337 6,689,074 kW
Distribution Charge
    Basic Charge
        Load Size � 50 kW, per month 55,160 55,160 55,594 bill
        Load Size 51-100 kW, per month 41,321 41,321 41,613 bill
        Load Size 101-300 kW, per month 22,846 22,846 22,978 bill
        Load Size > 300 kW, per month 422 422 422 bill
    Load Size Charge
         � 50 kW 2,103,426 2,103,426 2,060,865 kW
        51-100 kW, per kW 2,881,811 2,881,811 2,821,071 kW
        101-300 kW, per kW 3,417,193 3,417,193 3,340,661 kW
        >300 kW, per kW 188,751 188,751 183,259 kW
    Demand Charge, per kW 6,836,337 6,836,337 6,689,074 kW
    Reactive Power Charge, per kvar 579,707 579,707 562,858 kvar
    Distribution Energy Charge, per kWh 2,070,090,171 2,070,090,171 2,026,816,182 kWh
Energy Charge
Schedule 200
    1st 20,000 kWh, per kWh 1,463,921,462 1,463,921,462 1,433,359,115 kWh
    All additional kWh, per kWh 606,168,709 606,168,709 593,457,067 kWh
Schedule 201
    1st 20,000 kWh, per kWh 1,463,921,462 1,463,921,462 1,433,359,115 kWh
    All additional kWh, per kWh 606,168,709 606,168,709 593,457,067 kWh
Subtotal 2,070,090,171 2,070,090,171 2,026,816,182 kWh
Renewable Adjustment Clause, per kWh 2,070,090,171 2,070,090,171 2,026,816,182 kWh
Klamath Rate Reconciliation Surcharge, per kWh 2,070,090,171 2,070,090,171 2,026,816,182 kWh
Total 2,070,090,171 2,070,090,171 2,026,816,182 kWh

Schedule No. 28/728 - Commercial
Large General Service - (Secondary)

Transmission & Ancillary Services Charge
    per kW 6,377,111 6,377,111 6,259,491 kW
Distribution Charge
    Basic Charge
        Load Size � 50 kW, per month 53,089 53,089 53,595 bill
        Load Size 51-100 kW, per month 38,998 38,998 39,370 bill
        Load Size 101-300 kW, per month 20,917 20,917 21,116 bill
        Load Size > 300 kW, per month 342 342 345 bill
    Load Size Charge
         � 50 kW 2,021,765 2,021,765 1,984,475 kW
        51-100 kW, per kW 2,717,243 2,717,243 2,667,126 kW
        101-300 kW, per kW 3,124,291 3,124,291 3,066,666 kW
        >300 kW, per kW 145,147 145,147 142,470 kW
    Demand Charge, per kW 6,377,111 6,377,111 6,259,491 kW
    Reactive Power Charge, per kvar 446,188 446,188 437,958 kvar
    Distribution Energy Charge, per kWh 1,959,628,234 1,959,628,234 1,923,484,654 kWh
Energy Charge
Schedule 200
    1st 20,000 kWh, per kWh 1,386,673,899 1,386,673,899 1,361,097,946 kWh
    All additional kWh, per kWh 572,954,335 572,954,335 562,386,708 kWh
Schedule 201
    1st 20,000 kWh, per kWh 1,386,673,899 1,386,673,899 1,361,097,946 kWh
    All additional kWh, per kWh 572,954,335 572,954,335 562,386,708 kWh
Subtotal 1,959,628,234 1,959,628,234 1,923,484,654 kWh
Renewable Adjustment Clause, per kWh 1,959,628,234 1,959,628,234 1,923,484,654 kWh
Klamath Rate Reconciliation Surcharge, per kWh 1,959,628,234 1,959,628,234 1,923,484,654 kWh
Total 1,959,628,234 1,959,628,234 1,923,484,654 kWh

Schedule No. 28/728 - Industrial
Large General Service - (Secondary)

Transmission & Ancillary Services Charge
    per kW 459,226 459,226 429,583 kW
Distribution Charge
    Basic Charge
        Load Size � 50 kW, per month 2,071 2,071 1,999 bill
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PACIFIC POWER & LIGHT COMPANY 
State of Oregon
Billing Determinants
Actual 12 Months Ended June 30, 2008
Forecast 12 Months Ended December 31, 2010

Customer Normalized Forecast
Accounting 7/07-6/08 1/10 - 12/10

Schedule Units Units Units

        Load Size 51-100 kW, per month 2,323 2,323 2,243 bill
        Load Size 101-300 kW, per month 1,929 1,929 1,862 bill
        Load Size > 300 kW, per month 80 80 77 bill
    Load Size Charge
         � 50 kW 81,661 81,661 76,390 kW
        51-100 kW, per kW 164,568 164,568 153,945 kW
        101-300 kW, per kW 292,902 292,902 273,995 kW
        >300 kW, per kW 43,604 43,604 40,789 kW
    Demand Charge, per kW 459,226 459,226 429,583 kW
    Reactive Power Charge, per kvar 133,519 133,519 124,900 kvar
    Distribution Energy Charge, per kWh 110,461,937 110,461,937 103,331,528 kWh
Energy Charge
Schedule 200
    1st 20,000 kWh, per kWh 77,247,563 77,247,563 72,261,169 kWh
    All additional kWh, per kWh 33,214,374 33,214,374 31,070,359 kWh
Schedule 201
    1st 20,000 kWh, per kWh 77,247,563 77,247,563 72,261,169 kWh
    All additional kWh, per kWh 33,214,374 33,214,374 31,070,359 kWh
Subtotal 110,461,937 110,461,937 103,331,528 kWh
Renewable Adjustment Clause, per kWh 110,461,937 110,461,937 103,331,528 kWh
Klamath Rate Reconciliation Surcharge, per kWh 110,461,937 110,461,937 103,331,528 kWh
Total 110,461,937 110,461,937 103,331,528 kWh

Schedule No. 28/728 - Composite
Large General Service - (Primary)

Transmission & Ancillary Services Charge
    per kW 62,814 62,814 60,958 kW
Distribution Charge
    Basic Charge
        Load Size � 50 kW, per month 58 58 59 bill
        Load Size 51-100 kW, per month 175 175 174 bill
        Load Size 101-300 kW, per month 358 358 356 bill
        Load Size > 300 kW, per month 14 14 14 bill
    Load Size Charge
         � 50 kW 2,196 2,196 2,153 kW
        51-100 kW, per kW 12,837 12,837 12,408 kW
        101-300 kW, per kW 60,527 60,527 58,741 kW
        >300 kW, per kW 6,850 6,850 6,724 kW
    Demand Charge, per kW 62,814 62,814 60,958 kW
    Reactive Power Charge, per kvar 35,548 35,548 34,625 kvar
    Distribution Energy Charge, per kWh 18,797,884 18,797,884 18,249,203 kWh
Energy Charge
Schedule 200
    1st 20,000 kWh, per kWh 9,802,616 9,802,616 9,486,985 kWh
    All additional kWh, per kWh 8,995,268 8,995,268 8,762,218 kWh
Schedule 201
    1st 20,000 kWh, per kWh 9,802,616 9,802,616 9,486,985 kWh
    All additional kWh, per kWh 8,995,268 8,995,268 8,762,218 kWh
Subtotal 18,797,884 18,797,884 18,249,203 kWh
Renewable Adjustment Clause, per kWh 18,797,884 18,797,884 18,249,203 kWh
Klamath Rate Reconciliation Surcharge, per kWh 18,797,884 18,797,884 18,249,203 kWh
Total 18,797,884 18,797,884 18,249,203 kWh

Schedule No. 28/728 - Commercial
Large General Service - (Primary)

Transmission & Ancillary Services Charge
    per kW 47,683 47,683 46,804 kW
Distribution Charge
    Basic Charge
        Load Size � 50 kW, per month 57 57 58 bill
        Load Size 51-100 kW, per month 120 120 121 bill
        Load Size 101-300 kW, per month 250 250 252 bill
        Load Size > 300 kW, per month 14 14 14 bill
    Load Size Charge
         � 50 kW 2,146 2,146 2,106 kW
        51-100 kW, per kW 8,675 8,675 8,515 kW
        101-300 kW, per kW 45,991 45,991 45,143 kW
        >300 kW, per kW 6,850 6,850 6,724 kW
    Demand Charge, per kW 47,683 47,683 46,804 kW
    Reactive Power Charge, per kvar 29,733 29,733 29,185 kvar
    Distribution Energy Charge, per kWh 14,417,384 14,417,384 14,151,468 kWh
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PACIFIC POWER & LIGHT COMPANY 
State of Oregon
Billing Determinants
Actual 12 Months Ended June 30, 2008
Forecast 12 Months Ended December 31, 2010

Customer Normalized Forecast
Accounting 7/07-6/08 1/10 - 12/10

Schedule Units Units Units

Energy Charge
Schedule 200
    1st 20,000 kWh, per kWh 6,878,296 6,878,296 6,751,432 kWh
    All additional kWh, per kWh 7,539,088 7,539,088 7,400,036 kWh
Schedule 201
    1st 20,000 kWh, per kWh 6,878,296 6,878,296 6,751,432 kWh
    All additional kWh, per kWh 7,539,088 7,539,088 7,400,036 kWh
Subtotal 14,417,384 14,417,384 14,151,468 kWh
Renewable Adjustment Clause, per kWh 14,417,384 14,417,384 14,151,468 kWh
Klamath Rate Reconciliation Surcharge, per kWh 14,417,384 14,417,384 14,151,468 kWh
Total 14,417,384 14,417,384 14,151,468 kWh

Schedule No. 28/728 - Industrial
Large General Service - (Primary)

Transmission & Ancillary Services Charge
    per kW 15,131 15,131 14,154 kW
Distribution Charge
    Basic Charge
        Load Size � 50 kW, per month 1 1 1 bill
        Load Size 51-100 kW, per month 55 55 53 bill
        Load Size 101-300 kW, per month 108 108 104 bill
        Load Size > 300 kW, per month 0 0 0 bill
    Load Size Charge
         � 50 kW 50 50 47 kW
        51-100 kW, per kW 4,162 4,162 3,893 kW
        101-300 kW, per kW 14,536 14,536 13,598 kW
        >300 kW, per kW 0 0 0 kW
    Demand Charge, per kW 15,131 15,131 14,154 kW
    Reactive Power Charge, per kvar 5,815 5,815 5,440 kvar
    Distribution Energy Charge, per kWh 4,380,500 4,380,500 4,097,735 kWh
Energy Charge
Schedule 200
    1st 20,000 kWh, per kWh 2,924,320 2,924,320 2,735,553 kWh
    All additional kWh, per kWh 1,456,180 1,456,180 1,362,182 kWh
Schedule 201
    1st 20,000 kWh, per kWh 2,924,320 2,924,320 2,735,553 kWh
    All additional kWh, per kWh 1,456,180 1,456,180 1,362,182 kWh
Subtotal 4,380,500 4,380,500 4,097,735 kWh
Renewable Adjustment Clause, per kWh 4,380,500 4,380,500 4,097,735 kWh
Klamath Rate Reconciliation Surcharge, per kWh 4,380,500 4,380,500 4,097,735 kWh
Total 4,380,500 4,380,500 4,097,735 kWh

Schedule No. 30/730 - Composite
Large General Service - (Secondary)

Transmission & Ancillary Services Charge
    per kW 3,595,762 3,595,762 3,534,295 kW
Distribution Charge
    Basic Charge
        Load Size � 200 kW, per month 162 162 155 bill
        Load Size 201-300 kW, per month 2,838 2,838 2,716 bill
        Load Size > 300 kW, per month 7,035 7,035 6,740 bill
    Load Size Charge
         � 200 kW 14,976 14,976 14,627 kW
        201-300 kW, per kW 728,118 728,118 714,392 kW
        >300 kW, per kW 3,470,928 3,470,928 3,411,992 kW
    Demand Charge, per kW 3,595,762 3,595,762 3,534,295 kW
    Reactive Power Charge, per kvar 721,399 721,399 713,631 kvar
Energy Charge
Schedule 200
    1st 20,000 kWh, per kWh 194,371,807 194,371,807 190,869,386 kWh
    All additional kWh, per kWh 1,115,243,559 1,115,243,559 1,093,845,348 kWh
Schedule 201
    1st 20,000 kWh, per kWh 194,371,807 194,371,807 190,869,386 kWh
    All additional kWh, per kWh 1,115,243,559 1,115,243,559 1,093,845,348 kWh
Subtotal 1,309,615,366 1,309,615,366 1,284,714,734 kWh
Renewable Adjustment Clause, per kWh 1,309,615,366 1,309,615,366 1,284,714,734 kWh
Klamath Rate Reconciliation Surcharge, per kWh 1,309,615,366 1,309,615,366 1,284,714,734 kWh
Total 1,309,615,366 1,309,615,366 1,284,714,734 kWh

Schedule No. 30/730- Commercial
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PACIFIC POWER & LIGHT COMPANY 
State of Oregon
Billing Determinants
Actual 12 Months Ended June 30, 2008
Forecast 12 Months Ended December 31, 2010

Customer Normalized Forecast
Accounting 7/07-6/08 1/10 - 12/10

Schedule Units Units Units

Large General Service - (Secondary)

Transmission & Ancillary Services Charge
    per kW 2,749,827 2,749,827 2,681,366 kW
Distribution Charge
    Basic Charge
        Load Size � 200 kW, per month 144 144 137 bill
        Load Size 201-300 kW, per month 2,317 2,317 2,205 bill
        Load Size > 300 kW, per month 5,469 5,469 5,204 bill
    Load Size Charge
         � 200 kW 14,249 14,249 13,894 kW
        201-300 kW, per kW 595,377 595,377 580,554 kW
        >300 kW, per kW 2,642,390 2,642,390 2,576,604 kW
    Demand Charge, per kW 2,749,827 2,749,827 2,681,366 kW
    Reactive Power Charge, per kvar 414,090 414,090 403,781 kvar
Energy Charge
Schedule 200
    1st 20,000 kWh, per kWh 154,065,213 154,065,213 150,229,560 kWh
    All additional kWh, per kWh 923,249,926 923,249,926 900,264,423 kWh
Schedule 201
    1st 20,000 kWh, per kWh 154,065,213 154,065,213 150,229,560 kWh
    All additional kWh, per kWh 923,249,926 923,249,926 900,264,423 kWh
Subtotal 1,077,315,139 1,077,315,139 1,050,493,983 kWh
Renewable Adjustment Clause, per kWh 1,077,315,139 1,077,315,139 1,050,493,983 kWh
Klamath Rate Reconciliation Surcharge, per kWh 1,077,315,139 1,077,315,139 1,050,493,983 kWh
Total 1,077,315,139 1,077,315,139 1,050,493,983 kWh

Schedule No. 30/730 - Industrial
Large General Service - (Secondary)

Transmission & Ancillary Services Charge
    per kW 845,935 845,935 852,929 kW
Distribution Charge
    Basic Charge
        Load Size � 200 kW, per month 18 18 18 bill
        Load Size 201-300 kW, per month 521 521 511 bill
        Load Size > 300 kW, per month 1,566 1,566 1,535 bill
    Load Size Charge
         � 200 kW 727 727 733 kW
        201-300 kW, per kW 132,741 132,741 133,838 kW
        >300 kW, per kW 828,538 828,538 835,388 kW
    Demand Charge, per kW 845,935 845,935 852,929 kW
    Reactive Power Charge, per kvar 307,309 307,309 309,850 kvar
Energy Charge
Schedule 200
    1st 20,000 kWh, per kWh 40,306,594 40,306,594 40,639,826 kWh
    All additional kWh, per kWh 191,993,633 191,993,633 193,580,925 kWh
Schedule 201
    1st 20,000 kWh, per kWh 40,306,594 40,306,594 40,639,826 kWh
    All additional kWh, per kWh 191,993,633 191,993,633 193,580,925 kWh
Subtotal 232,300,227 232,300,227 234,220,751 kWh
Renewable Adjustment Clause, per kWh 232,300,227 232,300,227 234,220,751 kWh
Klamath Rate Reconciliation Surcharge, per kWh 232,300,227 232,300,227 234,220,751 kWh
Total 232,300,227 232,300,227 234,220,751 kWh

Schedule No. 30/730 - Composite
Large General Service - (Primary)

Transmission & Ancillary Services Charge
    per kW 285,266 285,266 279,833 kW
Distribution Charge
    Basic Charge
        Load Size � 200 kW, per month 0 0 0 bill
        Load Size 201-300 kW, per month 111 111 106 bill
        Load Size > 300 kW, per month 544 544 520 bill
    Load Size Charge
         � 200 kW 0 0 0 kW
        201-300 kW, per kW 28,251 28,251 27,640 kW
        >300 kW, per kW 320,444 320,444 314,299 kW
    Demand Charge, per kW 285,266 285,266 279,833 kW
    Reactive Power Charge, per kvar 35,398 35,398 35,084 kvar
Energy Charge
Schedule 200
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PACIFIC POWER & LIGHT COMPANY 
State of Oregon
Billing Determinants
Actual 12 Months Ended June 30, 2008
Forecast 12 Months Ended December 31, 2010

Customer Normalized Forecast
Accounting 7/07-6/08 1/10 - 12/10

Schedule Units Units Units

    1st 20,000 kWh, per kWh 12,726,101 12,726,101 12,465,248 kWh
    All additional kWh, per kWh 83,286,870 83,286,870 81,466,178 kWh
Schedule 201
    1st 20,000 kWh, per kWh 12,726,101 12,726,101 12,465,248 kWh
    All additional kWh, per kWh 83,286,870 83,286,870 81,466,178 kWh
Subtotal 96,012,971 96,012,971 93,931,426 kWh
Renewable Adjustment Clause, per kWh 96,012,971 96,012,971 93,931,426 kWh
Klamath Rate Reconciliation Surcharge, per kWh 96,012,971 96,012,971 93,931,426 kWh
Total 96,012,971 96,012,971 93,931,426 kWh

Schedule No. 30/730 - Commercial
Large General Service - (Primary)

Transmission & Ancillary Services Charge
    per kW 234,929 234,929 229,080 kW
Distribution Charge
    Basic Charge
        Load Size � 200 kW, per month 0 0 0 bill
        Load Size 201-300 kW, per month 99 99 94 bill
        Load Size > 300 kW, per month 460 460 438 bill
    Load Size Charge
         � 200 kW 0 0 0 kW
        201-300 kW, per kW 25,473 25,473 24,839 kW
        >300 kW, per kW 265,197 265,197 258,595 kW
    Demand Charge, per kW 234,929 234,929 229,080 kW
    Reactive Power Charge, per kvar 18,295 18,295 17,840 kvar
Energy Charge
Schedule 200
    1st 20,000 kWh, per kWh 11,038,101 11,038,101 10,763,293 kWh
    All additional kWh, per kWh 75,662,830 75,662,830 73,779,106 kWh
Schedule 201
    1st 20,000 kWh, per kWh 11,038,101 11,038,101 10,763,293 kWh
    All additional kWh, per kWh 75,662,830 75,662,830 73,779,106 kWh
Subtotal 86,700,931 86,700,931 84,542,399 kWh
Renewable Adjustment Clause, per kWh 86,700,931 86,700,931 84,542,399 kWh
Klamath Rate Reconciliation Surcharge, per kWh 86,700,931 86,700,931 84,542,399 kWh
Total 86,700,931 86,700,931 84,542,399 kWh

Schedule No. 30/730 - Industrial
Large General Service - (Primary)

Transmission & Ancillary Services Charge
    per kW 50,337 50,337 50,753 kW
Distribution Charge
    Basic Charge
        Load Size � 200 kW, per month 0 0 0 bill
        Load Size 201-300 kW, per month 12 12 12 bill
        Load Size > 300 kW, per month 84 84 82 bill
    Load Size Charge
         � 200 kW 0 0 0 kW
        201-300 kW, per kW 2,778 2,778 2,801 kW
        >300 kW, per kW 55,247 55,247 55,704 kW
    Demand Charge, per kW 50,337 50,337 50,753 kW
    Reactive Power Charge, per kvar 17,103 17,103 17,244 kvar
Energy Charge
Schedule 200
    1st 20,000 kWh, per kWh 1,688,000 1,688,000 1,701,955 kWh
    All additional kWh, per kWh 7,624,040 7,624,040 7,687,072 kWh
Schedule 201
    1st 20,000 kWh, per kWh 1,688,000 1,688,000 1,701,955 kWh
    All additional kWh, per kWh 7,624,040 7,624,040 7,687,072 kWh
Subtotal 9,312,040 9,312,040 9,389,027 kWh
Renewable Adjustment Clause, per kWh 9,312,040 9,312,040 9,389,027 kWh
Klamath Rate Reconciliation Surcharge, per kWh 9,312,040 9,312,040 9,389,027 kWh
Total 9,312,040 9,312,040 9,389,027 kWh

Schedule No. 33
Klamath Irrigation and Drainage Pumping
Total Customers 2,187 2,187 2,062
Monthly Bills 9,626
Charges
    On-Project (Rate Code 40) 55,233,459 55,233,459 62,373,687 kWh

Page 8 of  16

Exhibit PPL/1008 
Griffith/8



PACIFIC POWER & LIGHT COMPANY 
State of Oregon
Billing Determinants
Actual 12 Months Ended June 30, 2008
Forecast 12 Months Ended December 31, 2010

Customer Normalized Forecast
Accounting 7/07-6/08 1/10 - 12/10

Schedule Units Units Units

    Off-Project (Rate Code 35) 46,118,679 46,118,679 52,080,607 kWh
    U.S. Government (Rate Code 33TX) 3,180,888 3,180,888 3,592,093 kWh
        U.S. Gov - On Peak 1,273,221 1,273,221 1,437,815 kWh
        U.S. Gov - Off Peak 1,907,667 1,907,667 2,154,278 kWh
    Minimum Charges On-Project
    Minimum Charges Off-Project
Subtotal 104,533,026 104,533,026 118,046,387 kWh
Renewable Adjustment Clause, per kWh 104,533,026 104,533,026 118,046,387 kWh
Total 104,533,026 104,533,026 118,046,387 kWh
Note:  Rates reflect estimated rate changes through 2010.

Schedule No. 41/741
Agricultural Pumping Service (Secondary)

Transmission & Ancillary Services Charge
    per kWh 128,386,530 128,386,530 134,221,373 kWh
Distribution Charge
    Basic Charge
        Load Size � 50 kW, or Single Phase Any Size 5,668 5,668 5,637 bill
        Three Phase Load Size 51 - 300 kW, per month 456 456 453 bill
        Three Phase Load Size > 300 kW, per month 13 13 13 bill
        Total Customers 6,137 6,137 6,103 bill
                Monthly Bills 34,163
    Load Size Charge
        Single Phase Any Size, Three Phase � 50 kW 71,484 71,484 74,733 kW
        Three Phase 51-300 kW, per kW 38,116 38,116 39,848 kW
        Three Phase > 300 kW, kW 6,352 6,352 6,641 kW
        Single Phase, Minimum Charge 843 843 838 bill
        Three Phase, Minimum Charge 1,145 1,145 1,139 bill
    Distribution Energy Charge, per kWh 128,386,530 128,386,530 134,221,373 kWh
    Reactive Power Charge, per kvar 26,240 26,240 27,433 kvar
Energy Charge
Schedule 200
    Winter, 1st 100 kWh/kW, per kWh 1,304,389 1,304,389 1,363,670 kWh
    Winter, All additional kWh, per kWh 1,402,430 1,402,430 1,466,167 kWh
    Summer, All kWh, per kWh 125,679,711 125,679,711 131,391,536 kWh
Schedule 201
    Winter, 1st 100 kWh/kW, per kWh 1,304,389 1,304,389 1,363,670 kWh
    Winter, All additional kWh, per kWh 1,402,430 1,402,430 1,466,167 kWh
    Summer, All kWh, per kWh 125,679,711 125,679,711 131,391,536 kWh
Subtotal 128,386,530 128,386,530 134,221,373 kWh
Renewable Adjustment Clause, per kWh 128,386,530 128,386,530 134,221,373 kWh
Klamath Rate Reconciliation Surcharge, per kWh 128,386,530 128,386,530 134,221,373 kWh
Total 128,386,530 128,386,530 134,221,373 kWh

Schedule No. 41/741
Agricultural Pumping Service (Primary)

Transmission & Ancillary Services Charge
    per kWh 2,458,762 2,458,762 2,570,507 kWh
Distribution Charge
    Basic Charge
        Load Size � 50 kW, or Single Phase Any Size 3 3 3 bill
        Three Phase Load Size 51 - 300 kW, per month 0 0 0 bill
        Three Phase Load Size > 300 kW, per month 2 2 2 bill
        Total Customers 5 5 5 bill
                Monthly Bills 36
    Load Size Charge
        Single Phase Any Size, Three Phase � 50 kW 44 44 46 kW
        Three Phase 51-300 kW, per kW 0 0 0 kW
        Three Phase > 300 kW, kW 2,075 2,075 2,169 kW
        Single Phase, Minimum Charge 0 0 0 bill
        Three Phase, Minimum Charge 1 1 1 bill
    Distribution Energy Charge, per kWh 2,458,762 2,458,762 2,570,507 kWh
    Reactive Power Charge, per kvar 2,933 2,933 3,066 kvar
Energy Charge
Schedule 200
    Winter, 1st 100 kWh/kW, per kWh 10,152 10,152 10,613 kWh
    Winter, All additional kWh, per kWh 59,179 59,179 61,869 kWh
    Summer, All kWh, per kWh 2,389,431 2,389,431 2,498,025 kWh
Schedule 201
    Winter, 1st 100 kWh/kW, per kWh 10,152 10,152 10,613 kWh
    Winter, All additional kWh, per kWh 59,179 59,179 61,869 kWh
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PACIFIC POWER & LIGHT COMPANY 
State of Oregon
Billing Determinants
Actual 12 Months Ended June 30, 2008
Forecast 12 Months Ended December 31, 2010

Customer Normalized Forecast
Accounting 7/07-6/08 1/10 - 12/10

Schedule Units Units Units

    Summer, All kWh, per kWh 2,389,431 2,389,431 2,498,025 kWh
Subtotal 2,458,762 2,458,762 2,570,507 kWh
Renewable Adjustment Clause, per kWh 2,458,762 2,458,762 2,570,507 kWh
Klamath Rate Reconciliation Surcharge, per kWh 2,458,762 2,458,762 2,570,507 kWh
Total 2,458,762 2,458,762 2,570,507 kWh

Schedule No. 47/747 - Industrial
Large General Service - Partial Requirement (Primary)

Transmission & Ancillary Services Charge
    per kW of on-peak demand 654,784 654,784 629,550 kW
    credit per kW of on-peak demand 0 0 0 kW
Distribution Charge
    Basic Charge
        Load Size � 4,000 kW, per month 0 0 0 bill
        Load Size > 4,000 kW, per month 36 36 36 bill
    Load Size/Facility Charge
        Load Size � 4,000 kW, per kW 0 0 0 kW
        Load Size > 4,000 kW, per kW 682,277 682,277 655,984 kW
    Demand Charge, per kW of on-peak demand 654,784 654,784 629,550 kW
    Reactive Power Charge, per kvar 23,861 23,861 22,941 kvar
    Reactive Hours, per kvarh 4,246,730 4,246,730 4,083,071 kvarh
    Reserves Charges
        Spinning Reserves, per kW of Facility 682,277 682,277 655,984 kW
        Supplemental Reserves, per kW of Facility 682,277 682,277 655,984 kW
        Spinning Reserves Credit, per kW of Facility 541,575 541,575 520,704 kW
        Supplemental Reserves Credit, per kW of Facility 541,575 541,575 520,704 kW
Energy Charge
Schedule 200
    On-Peak, per on-peak kWh 241,837,086 241,837,086 232,517,250 kWh
    Off-Peak, per off-peak kWh 186,613,881 186,613,881 179,422,218 kWh
Schedule 201
    On-Peak, per on-peak kWh 241,837,086 241,837,086 232,517,250 kWh
    Off-Peak, per off-peak kWh 186,613,881 186,613,881 179,422,218 kWh
 Unscheduled Energy, per kWh 865,993 865,993 832,620 kWh
Subtotal 429,316,960 429,316,960 412,772,088 kWh
Renewable Adjustment Clause, per kWh 429,316,960 429,316,960 412,772,088 kWh
Klamath Rate Reconciliation Surcharge, per kWh 429,316,960 429,316,960 412,772,088 kWh
Total 429,316,960 429,316,960 412,772,088 kWh

Schedule No. 47/747 - Composite
Large General Service - Partial Requirement (Transmission)

Transmission & Ancillary Services Charge
    per kW of on-peak demand 293,228 293,228 291,068 kW
    credit per kW of on-peak demand 0 0 0 kW
Distribution Charge
    Basic Charge
        Load Size � 4,000 kW, per month 24 24 24 bill
        Load Size > 4,000 kW, per month 24 24 24 bill
    Load Size/Facility Charge
        Load Size � 4,000 kW, per kW 31,689 31,689 35,910 kW
        Load Size > 4,000 kW, per kW 328,000 328,000 330,471 kW
    Demand Charge, per kW of on-peak demand 293,228 293,228 291,068 kW
    Reactive Power Charge, per kvar 43,784 43,784 43,402 kvar
    Reactive Hours, per kvarh 862,200 862,200 977,033 kvarh
    Reserves Charges
        Spinning Reserves, per kW of Facility 359,689 359,689 366,381 kW
        Supplemental Reserves, per kW of Facility 359,689 359,689 366,381 kW
        Spinning Reserves Credit, per kW of Facility 0 0 0 kW
        Supplemental Reserves Credit, per kW of Facility 0 0 0 kW
Energy Charge
Schedule 200
    On-Peak, per on-peak kWh 91,858,163 91,858,163 88,587,292 kWh
    Off-Peak, per off-peak kWh 66,780,706 66,780,706 64,575,860 kWh
Schedule 201
    On-Peak, per on-peak kWh 91,858,163 91,858,163 88,587,292 kWh
    Off-Peak, per off-peak kWh 66,780,706 66,780,706 64,575,860 kWh
 Unscheduled Energy, per kWh 6,207,444 6,207,444 6,030,044 kWh
Subtotal 164,846,313 164,846,313 159,193,196 kWh
Renewable Adjustment Clause, per kWh 164,846,313 164,846,313 159,193,196 kWh
Klamath Rate Reconciliation Surcharge, per kWh 164,846,313 164,846,313 159,193,196 kWh
Total 164,846,313 164,846,313 159,193,196 kWh
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PACIFIC POWER & LIGHT COMPANY 
State of Oregon
Billing Determinants
Actual 12 Months Ended June 30, 2008
Forecast 12 Months Ended December 31, 2010

Customer Normalized Forecast
Accounting 7/07-6/08 1/10 - 12/10

Schedule Units Units Units

Schedule No. 47/747 - Commercial
Large General Service - Partial Requirement (Transmission)

Transmission & Ancillary Services Charge
    per kW of on-peak demand 53,228 53,228 60,317 kW
    credit per kW of on-peak demand
Distribution Charge
    Basic Charge
        Load Size � 4,000 kW, per month 24 24 24 bill
        Load Size > 4,000 kW, per month 12 12 12 bill
    Load Size/Facility Charge
        Load Size � 4,000 kW, per kW 31,689 31,689 35,910 kW
        Load Size > 4,000 kW, per kW 88,000 88,000 99,720 kW
    Demand Charge, per kW of on-peak demand 53,228 53,228 60,317 kW
    Reactive Power Charge, per kvar 7,600 7,600 8,612 kvar
    Reactive Hours, per kvarh 862,200 862,200 977,033 kvarh
    Reserves Charges
        Spinning Reserves, per kW of Facility 119,689 119,689 135,630 kW
        Supplemental Reserves, per kW of Facility 119,689 119,689 135,630 kW
        Spinning Reserves Credit, per kW of Facility 0 0 0 kW
        Supplemental Reserves Credit, per kW of Facility 0 0 0 kW
Energy Charge
Schedule 200
    On-Peak, per on-peak kWh 1,567,213 1,567,213 1,775,944 kWh
    Off-Peak, per off-peak kWh 2,147,209 2,147,209 2,433,187 kWh
Schedule 201
    On-Peak, per on-peak kWh 1,567,213 1,567,213 1,775,944 kWh
    Off-Peak, per off-peak kWh 2,147,209 2,147,209 2,433,187 kWh
 Unscheduled Energy, per kWh 360,000 360,000 407,947 kWh
Subtotal 4,074,422 4,074,422 4,617,077 kWh
Renewable Adjustment Clause, per kWh 4,074,422 4,074,422 4,617,077 kWh
Klamath Rate Reconciliation Surcharge, per kWh 4,074,422 4,074,422 4,617,077 kWh
Total 4,074,422 4,074,422 4,617,077 kWh

Schedule No. 47/747 - Industrial
Large General Service - Partial Requirement (Transmission)

Transmission & Ancillary Services Charge
    per kW of on-peak demand 240,000 240,000 230,751 kW
    credit per kW of on-peak demand 0 0 0 kW
Distribution Charge
    Basic Charge
        Load Size � 4,000 kW, per month 0 0 0 bill
        Load Size > 4,000 kW, per month 12 12 12 bill
    Load Size/Facility Charge
        Load Size � 4,000 kW, per kW 0 0 0 kW
        Load Size > 4,000 kW, per kW 240,000 240,000 230,751 kW
    Demand Charge, per kW of on-peak demand 240,000 240,000 230,751 kW
    Reactive Power Charge, per kvar 36,184 36,184 34,790 kvar
    Reactive Hours, per kvarh 0 0 0 kvarh
    Reserves Charges
        Spinning Reserves, per kW of Facility 240,000 240,000 230,751 kW
        Supplemental Reserves, per kW of Facility 240,000 240,000 230,751 kW
        Spinning Reserves Credit, per kW of Facility 0 0 0 kW
        Supplemental Reserves Credit, per kW of Facility 0 0 0 kW
Energy Charge
Schedule 200
    On-Peak, per on-peak kWh 90,290,950 90,290,950 86,811,348 kWh
    Off-Peak, per off-peak kWh 64,633,497 64,633,497 62,142,673 kWh
Schedule 201
    On-Peak, per on-peak kWh 90,290,950 90,290,950 86,811,348 kWh
    Off-Peak, per off-peak kWh 64,633,497 64,633,497 62,142,673 kWh
 Unscheduled Energy, per kWh 5,847,444 5,847,444 5,622,097 kWh
Subtotal 160,771,891 160,771,891 154,576,118 kWh
Renewable Adjustment Clause, per kWh 160,771,891 160,771,891 154,576,118 kWh
Klamath Rate Reconciliation Surcharge, per kWh 160,771,891 160,771,891 154,576,118 kWh
Total 160,771,891 160,771,891 154,576,118 kWh

Schedule No. 76R/776R
Large General Service/Partial Requirements Service - Economic Replacement Power Rider
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PACIFIC POWER & LIGHT COMPANY 
State of Oregon
Billing Determinants
Actual 12 Months Ended June 30, 2008
Forecast 12 Months Ended December 31, 2010

Customer Normalized Forecast
Accounting 7/07-6/08 1/10 - 12/10

Schedule Units Units Units

Transmission & Ancillary Services Charge, per kW of Daily ERP On-Peak Demand
       Secondary 0 0 0 kW
       Primary 0 0 0 kW
       Transmission 0 0 0 kW
Daily ERP Demand Charge, per kW of Daily ERP On-Peak Demand
       Secondary 0 0 0 kW
       Primary 0 0 0 kW
       Transmission 0 0 0 kW

Schedule No. 48/748 - Composite
Large General Service (Secondary)

Transmission & Ancillary Services Charge
    per kW of on-peak demand 1,837,744 1,837,744 1,680,446 kW
Distribution Charge
    Basic Charge
        Load Size � 4,000 kW, per month 1,489 1,489 1,466 bill
        Load Size > 4,000 kW, per month 12 12 12 bill
    Load Size/Facility Charge
        Load Size � 4,000 kW, per kW 2,114,534 2,114,534 1,931,585 kW
        Load Size > 4,000 kW, per kW 139,476 139,476 130,868 kW
    Demand Charge, per kW of on-peak demand 1,837,744 1,837,744 1,680,446 kW
    Reactive Power Charge, per kvar 538,768 538,768 486,931 kvar
Energy Charge
Schedule 200
    On-Peak, per on-peak kWh 453,657,975 453,657,975 415,357,613 kWh
    Off-Peak, per off-peak kWh 255,084,614 255,084,614 233,733,537 kWh
Schedule 201
    On-Peak, per on-peak kWh 453,657,975 453,657,975 415,357,613 kWh
    Off-Peak, per off-peak kWh 255,084,614 255,084,614 233,733,537 kWh
Subtotal 708,742,589 708,742,589 649,091,150 kWh
Renewable Adjustment Clause, per kWh 708,742,589 708,742,589 649,091,150 kWh
Klamath Rate Reconciliation Surcharge, per kWh 708,742,589 708,742,589 649,091,150 kWh
Total 708,742,589 708,742,589 649,091,150 kWh

Schedule No. 48/748 - Commercial
Large General Service (Secondary)

Transmission & Ancillary Services Charge
    per kW of on-peak demand 904,929 904,929 849,080 kW
Distribution Charge
    Basic Charge
        Load Size � 4,000 kW, per month 689 689 687 bill
        Load Size > 4,000 kW, per month 12 12 12 bill
    Load Size/Facility Charge
        Load Size � 4,000 kW, per kW 999,562 999,562 937,872 kW
        Load Size > 4,000 kW, per kW 139,476 139,476 130,868 kW
    Demand Charge, per kW of On-Peak demand 904,929 904,929 849,080 kW
    Reactive Power Charge, per kvar 143,650 143,650 134,784 kvar
Energy Charge
Schedule 200
    On-Peak, per on-peak kWh 234,646,175 234,646,175 220,164,527 kWh
    Off-Peak, per off-peak kWh 135,862,293 135,862,293 127,477,286 kWh
Schedule 201
    On-Peak, per on-peak kWh 234,646,175 234,646,175 220,164,527 kWh
    Off-Peak, per off-peak kWh 135,862,293 135,862,293 127,477,286 kWh
Subtotal 370,508,468 370,508,468 347,641,813 kWh
Renewable Adjustment Clause, per kWh 370,508,468 370,508,468 347,641,813 kWh
Klamath Rate Reconciliation Surcharge, per kWh 370,508,468 370,508,468 347,641,813 kWh
Total 370,508,468 370,508,468 347,641,813 kWh

Schedule No. 48/748 - Industrial
Large General Service (Secondary)

Transmission & Ancillary Services Charge
    per kW of on-peak demand 932,815 932,815 831,366 kW
Distribution Charge
    Basic Charge
        Load Size � 4,000 kW, per month 800 800 779 bill
        Load Size > 4,000 kW, per month 0 0 0 bill
    Load Size/Facility Charge
        Load Size � 4,000 kW, per kW 1,114,972 1,114,972 993,713 kW
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PACIFIC POWER & LIGHT COMPANY 
State of Oregon
Billing Determinants
Actual 12 Months Ended June 30, 2008
Forecast 12 Months Ended December 31, 2010

Customer Normalized Forecast
Accounting 7/07-6/08 1/10 - 12/10

Schedule Units Units Units

        Load Size > 4,000 kW, per kW 0 0 0 kW
    Demand Charge, per kW of on-peak demand 932,815 932,815 831,366 kW
    Reactive Power Charge, per kvar 395,118 395,118 352,147 kvar
Energy Charge
Schedule 200
    On-Peak, per on-peak kWh 219,011,800 219,011,800 195,193,086 kWh
    Off-Peak, per off-peak kWh 119,222,321 119,222,321 106,256,251 kWh
Schedule 201
    On-Peak, per on-peak kWh 219,011,800 219,011,800 195,193,086 kWh
    Off-Peak, per off-peak kWh 119,222,321 119,222,321 106,256,251 kWh
Subtotal 338,234,121 338,234,121 301,449,337 kWh
Renewable Adjustment Clause, per kWh 338,234,121 338,234,121 301,449,337 kWh
Klamath Rate Reconciliation Surcharge, per kWh 338,234,121 338,234,121 301,449,337 kWh
Total 338,234,121 338,234,121 301,449,337 kWh

Schedule No. 48/748 - Composite
Large General Service (Primary)

Transmission & Ancillary Services Charge
    per kW of on-peak demand 3,824,236 3,824,236 3,454,326 kW
Distribution Charge
    Basic Charge
        Load Size � 4,000 kW, per month 682 682 673 bill
        Load Size > 4,000 kW, per month 408 408 400 bill
    Load Size/Facility Charge
        Load Size � 4,000 kW, per kW 1,298,929 1,298,929 1,185,743 kW
        Load Size > 4,000 kW, per kW 3,173,748 3,173,748 2,859,392 kW
    Demand Charge, per kW of on-peak demand 3,824,236 3,824,236 3,454,326 kW
    Reactive Power Charge, per kvar 891,427 891,427 800,170 kvar
Energy Charge
Schedule 200
    On-Peak, per on-peak kWh 1,065,724,850 1,065,724,850 962,377,337 kWh
    Off-Peak, per off-peak kWh 695,040,800 695,040,800 627,543,923 kWh
Schedule 201
    On-Peak, per on-peak kWh 1,065,724,850 1,065,724,850 962,377,337 kWh
    Off-Peak, per off-peak kWh 695,040,800 695,040,800 627,543,923 kWh
Subtotal 1,760,765,650 1,760,765,650 1,589,921,260 kWh
Renewable Adjustment Clause, per kWh 1,760,765,650 1,760,765,650 1,589,921,260 kWh
Klamath Rate Reconciliation Surcharge, per kWh 1,760,765,650 1,760,765,650 1,589,921,260 kWh
Total 1,760,765,650 1,760,765,650 1,589,921,260 kWh

Schedule No. 48/748 - Commercial
Large General Service (Primary)

Transmission & Ancillary Services Charge
    per kW of on-peak demand 977,826 977,826 917,478 kW
Distribution Charge
    Basic Charge
        Load Size � 4,000 kW, per month 370 370 369 bill
        Load Size > 4,000 kW, per month 84 84 84 bill
    Load Size/Facility Charge
        Load Size � 4,000 kW, per kW 596,938 596,938 560,097 kW
        Load Size > 4,000 kW, per kW 654,924 654,924 614,504 kW
    Demand Charge, per kW of on-peak demand 977,826 977,826 917,478 kW
    Reactive Power Charge, per kvar 120,977 120,977 113,511 kvar
Energy Charge
Schedule 200
    On-Peak, per on-peak kWh 266,926,600 266,926,600 250,452,703 kWh
    Off-Peak, per off-peak kWh 172,041,400 172,041,400 161,423,528 kWh
Schedule 201
    On-Peak, per on-peak kWh 266,926,600 266,926,600 250,452,703 kWh
    Off-Peak, per off-peak kWh 172,041,400 172,041,400 161,423,528 kWh
Subtotal 438,968,000 438,968,000 411,876,231 kWh
Renewable Adjustment Clause, per kWh 438,968,000 438,968,000 411,876,231 kWh
Klamath Rate Reconciliation Surcharge, per kWh 438,968,000 438,968,000 411,876,231 kWh
Total 438,968,000 438,968,000 411,876,231 kWh

Schedule No. 48/748 - Industrial
Large General Service (Primary)

Transmission & Ancillary Services Charge
    per kW of on-peak demand 2,846,410 2,846,410 2,536,848 kW
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PACIFIC POWER & LIGHT COMPANY 
State of Oregon
Billing Determinants
Actual 12 Months Ended June 30, 2008
Forecast 12 Months Ended December 31, 2010

Customer Normalized Forecast
Accounting 7/07-6/08 1/10 - 12/10

Schedule Units Units Units

Distribution Charge
    Basic Charge
        Load Size � 4,000 kW, per month 312 312 304 bill
        Load Size > 4,000 kW, per month 324 324 316 bill
    Load Size/Facility Charge
        Load Size � 4,000 kW, per kW 701,991 701,991 625,646 kW
        Load Size > 4,000 kW, per kW 2,518,824 2,518,824 2,244,888 kW
    Demand Charge, per kW of on-peak demand 2,846,410 2,846,410 2,536,848 kW
    Reactive Power Charge, per kvar 770,450 770,450 686,659 kvar
Energy Charge
Schedule 200
    On-Peak, per on-peak kWh 798,798,250 798,798,250 711,924,634 kWh
    Off-Peak, per off-peak kWh 522,999,400 522,999,400 466,120,395 kWh
Schedule 201
    On-Peak, per on-peak kWh 798,798,250 798,798,250 711,924,634 kWh
    Off-Peak, per off-peak kWh 522,999,400 522,999,400 466,120,395 kWh
Subtotal 1,321,797,650 1,321,797,650 1,178,045,029 kWh
Renewable Adjustment Clause, per kWh 1,321,797,650 1,321,797,650 1,178,045,029 kWh
Klamath Rate Reconciliation Surcharge, per kWh 1,321,797,650 1,321,797,650 1,178,045,029 kWh
Total 1,321,797,650 1,321,797,650 1,178,045,029 kWh

Schedule No. 48/748 - Industrial
Large General Service (Transmission)

Transmission & Ancillary Services Charge
    per kW of on-peak demand 695,089 695,089 619,494 kW
Distribution Charge
    Basic Charge
        Load Size � 4,000 kW, per month 0 0 0 bill
        Load Size > 4,000 kW, per month 24 24 23 bill
    Load Size/Facility Charge
        Load Size � 4,000 kW, per kW 0 0 0 kW
        Load Size > 4,000 kW, per kW 845,056 845,056 753,152 kW
    Demand Charge, per kW of on-peak demand 695,089 695,089 619,494 kW
    Reactive Power Charge, per kvar 142,703 142,703 127,183 kvar
Energy Charge
Schedule 200
    On-Peak, per on-peak kWh 254,592,000 254,592,000 226,903,748 kWh
    Off-Peak, per off-peak kWh 199,704,000 199,704,000 177,985,113 kWh
Schedule 201
    On-Peak, per on-peak kWh 254,592,000 254,592,000 226,903,748 kWh
    Off-Peak, per off-peak kWh 199,704,000 199,704,000 177,985,113 kWh
Subtotal 454,296,000 454,296,000 404,888,861 kWh
Renewable Adjustment Clause, per kWh 454,296,000 454,296,000 404,888,861 kWh
Klamath Rate Reconciliation Surcharge, per kWh 454,296,000 454,296,000 404,888,861 kWh
Total 454,296,000 454,296,000 404,888,861 kWh

Schedule No. 15 - Composite
Outdoor Area Lighting Service
No. of Customers 7,620 7,620 7,404
Transmission & Ancillary Services Charge
    per kWh 11,114,728 11,114,728 10,467,219 kWh
Distribution Charge
    Distribution Charge, per kWh 11,114,728 11,114,728 10,467,219 kWh
Energy Charge
    Sch 200, per kWh 11,114,728 11,114,728 10,467,219 kWh
    Sch 201 TAM, per kWh 11,114,728 11,114,728 10,467,219 kWh
Subtotal 11,114,728 11,114,728 10,467,219 kWh
Renewable Adjustment Clause, per kWh 11,114,728 11,114,728 10,467,219 kWh
Klamath Rate Reconciliation Surcharge, per kWh 11,114,728 11,114,728 10,467,219 kWh
Total 11,114,728 11,114,728 10,467,219 kWh

Schedule No. 15 - Residential
Outdoor Area Lighting Service
No. of Customers 3,054 3,054 2,999
Transmission & Ancillary Services Charge
    per kWh 2,735,890 2,735,890 2,774,367 kWh
Distribution Charge
    Distribution Charge, per kWh 2,735,890 2,735,890 2,774,367 kWh
Energy Charge
    Sch 200, per kWh 2,735,890 2,735,890 2,774,367 kWh
    Sch 201 TAM, per kWh 2,735,890 2,735,890 2,774,367 kWh
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PACIFIC POWER & LIGHT COMPANY 
State of Oregon
Billing Determinants
Actual 12 Months Ended June 30, 2008
Forecast 12 Months Ended December 31, 2010

Customer Normalized Forecast
Accounting 7/07-6/08 1/10 - 12/10

Schedule Units Units Units

Subtotal 2,735,890 2,735,890 2,774,367 kWh
Renewable Adjustment Clause, per kWh 2,735,890 2,735,890 2,774,367 kWh
Klamath Rate Reconciliation Surcharge, per kWh 2,735,890 2,735,890 2,774,367 kWh
Total 2,735,890 2,735,890 2,774,367 kWh

Schedule No. 15 - Commercial
Outdoor Area Lighting Service
No. of Customers 4,396 4,396 4,254
Transmission & Ancillary Services Charge
    per kWh 7,994,784 7,994,784 7,322,033 kWh
Distribution Charge
    Distribution Charge, per kWh 7,994,784 7,994,784 7,322,033 kWh
Energy Charge
    Sch 200, per kWh 7,994,784 7,994,784 7,322,033 kWh
    Sch 201 TAM, per kWh 7,994,784 7,994,784 7,322,033 kWh
Subtotal 7,994,784 7,994,784 7,322,033 kWh
Renewable Adjustment Clause, per kWh 7,994,784 7,994,784 7,322,033 kWh
Klamath Rate Reconciliation Surcharge, per kWh 7,994,784 7,994,784 7,322,033 kWh
Total 7,994,784 7,994,784 7,322,033 kWh

Schedule No. 15 - Industrial
Outdoor Area Lighting Service
No. of Customers 164 164 146
Transmission & Ancillary Services Charge
    per kWh 375,797 375,797 365,386 kWh
Distribution Charge
    Distribution Charge, per kWh 375,797 375,797 365,386 kWh
Energy Charge
    Sch 200, per kWh 375,797 375,797 365,386 kWh
    Sch 201 TAM, per kWh 375,797 375,797 365,386 kWh
Subtotal 375,797 375,797 365,386 kWh
Renewable Adjustment Clause, per kWh 375,797 375,797 365,386 kWh
Klamath Rate Reconciliation Surcharge, per kWh 375,797 375,797 365,386 kWh
Total 375,797 375,797 365,386 kWh

Schedule No. 15 - PS&HW Lighting
Outdoor Area Lighting Service
No. of Customers 6 6 5
Transmission & Ancillary Services Charge
    per kWh 8,257 8,257 5,433 kWh
Distribution Charge
    Distribution Charge, per kWh 8,257 8,257 5,433 kWh
Energy Charge
    Sch 200, per kWh 8,257 8,257 5,433 kWh
    Sch 201 TAM, per kWh 8,257 8,257 5,433 kWh
Subtotal 8,257 8,257 5,433 kWh
Renewable Adjustment Clause, per kWh 8,257 8,257 5,433 kWh
Klamath Rate Reconciliation Surcharge, per kWh 8,257 8,257 5,433 kWh
Total 8,257 8,257 5,433 kWh

Schedule No. 50
Mercury Vapor Street Lighting Service
No. of Customers 286 286 287
Transmission & Ancillary Services Charge
    per kWh 10,754,350 10,754,350 10,738,031 kWh
Distribution Charge
    Distribution Charge, per kWh 10,754,350 10,754,350 10,738,031 kWh
Energy Charge
    Sch 200, per kWh 10,754,350 10,754,350 10,738,031 kWh
    Sch 201 TAM, per kWh 10,754,350 10,754,350 10,738,031 kWh
Subtotal 10,754,350 10,754,350 10,738,031 kWh
Renewable Adjustment Clause, per kWh 10,754,350 10,754,350 10,738,031 kWh
Klamath Rate Reconciliation Surcharge, per kWh 10,754,350 10,754,350 10,738,031 kWh
Total 10,754,350 10,754,350 10,738,031 kWh

Schedule No. 51/751
High Pressure Sodium Vapor Street Lighting Service
No. of Customers 674 674 686
Transmission & Ancillary Services Charge
    per kWh 16,615,292 16,615,292 16,084,697 kWh
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PACIFIC POWER & LIGHT COMPANY 
State of Oregon
Billing Determinants
Actual 12 Months Ended June 30, 2008
Forecast 12 Months Ended December 31, 2010

Customer Normalized Forecast
Accounting 7/07-6/08 1/10 - 12/10

Schedule Units Units Units

Distribution Charge
    Distribution Charge, per kWh 16,615,292 16,615,292 16,084,697 kWh
Energy Charge
    Sch 200, per kWh 16,615,292 16,615,292 16,084,697 kWh
    Sch 201 TAM, per kWh 16,615,292 16,615,292 16,084,697 kWh
Subtotal 16,615,292 16,615,292 16,084,697 kWh
Renewable Adjustment Clause, per kWh 16,615,292 16,615,292 16,084,697 kWh
Klamath Rate Reconciliation Surcharge, per kWh 16,615,292 16,615,292 16,084,697 kWh
Total 16,615,292 16,615,292 16,084,697 kWh

Schedule No. 52/752
Company-Owned Street Lighting Service
No. of Customers 86 86 79
Transmission & Ancillary Services Charge
    per kWh 1,356,205 1,356,205 1,185,726 kWh
Distribution Charge
    Distribution Charge, per kWh 1,356,205 1,356,205 1,185,726 kWh
Energy Charge
    Sch 200, per kWh 1,356,205 1,356,205 1,185,726 kWh
    Sch 201 TAM, per kWh 1,356,205 1,356,205 1,185,726 kWh
Subtotal 1,356,205 1,356,205 1,185,726 kWh
Renewable Adjustment Clause, per kWh 1,356,205 1,356,205 1,185,726 kWh
Klamath Rate Reconciliation Surcharge, per kWh 1,356,205 1,356,205 1,185,726 kWh
Total 1,356,205 1,356,205 1,185,726 kWh

Schedule No. 53/753
Customer-Owned Street Lighting Service
No. of Customers 249 249 250
Transmission & Ancillary Services Charge
    per kWh 9,277,495 9,277,495 9,316,113 kWh
Distribution Charge
    Distribution Charge, per kWh 9,277,495 9,277,495 9,316,113 kWh
Energy Charge
    Sch 200, per kWh 9,277,495 9,277,495 9,316,113 kWh
    Sch 201 TAM, per kWh 9,277,495 9,277,495 9,316,113 kWh
Subtotal 9,277,495 9,277,495 9,316,113 kWh
Renewable Adjustment Clause, per kWh 9,277,495 9,277,495 9,316,113 kWh
Klamath Rate Reconciliation Surcharge, per kWh 9,277,495 9,277,495 9,316,113 kWh
Total 9,277,495 9,277,495 9,316,113 kWh

Schedule No. 54/754
Recreational Field Lighting

Transmission & Ancillary Services Charge
    per kWh 1,004,784 1,004,784 815,719 kWh
Distribution Charge
    Basic Charge, Single Phase, per month 840 840 865 bill
    Basic Charge, Three Phase, per month 385 385 397 bill
    Distribution Energy Charge, per kWh 1,004,784 1,004,784 815,719 kWh
Energy Charge
    Sch 200, per kWh 1,004,784 1,004,784 815,719 kWh
    Sch 201 TAM, per kWh 1,004,784 1,004,784 815,719 kWh
Subtotal 1,004,784 1,004,784 815,719 kWh
Renewable Adjustment Clause, per kWh 1,004,784 1,004,784 815,719 kWh
Klamath Rate Reconciliation Surcharge, per kWh 1,004,784 1,004,784 815,719 kWh
Total 1,004,784 1,004,784 815,719 kWh

TOTAL OREGON 14,204,832,722 13,978,377,707 13,392,810,002
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