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I. Introduction 

Q. Please state your names and positions at PGE.   1 

A. My name is L. Alex Tooman.  I am a Project Manager in the Rates and Regulatory Affairs 2 

Department. 3 

  My name is Michael A. Niman.  I am Manager of the Financial Analysis Department. 4 

  My name is Stephen Schue.  I am a Senior Analyst in the Rates and Regulatory Affairs 5 

Department. 6 

  Our qualifications are provided in Section IV of this testimony. 7 

Q. What is the purpose of your testimony? 8 

A. The primary purpose of our testimony is to present PGE’s 2007 forecast of power costs 9 

using PGE’s existing Resource Valuation Mechanism (RVM).  As we discuss in the next 10 

section, our current forecast of 2007 power costs is approximately $811.6 million, a $183 11 

million (29.1%) increase from the 2006 RVM forecast in UE 172.  However, approximately 12 

$42 million of this increase is the result of a higher cost of service load forecast for 2007.  13 

On a unit cost basis, PGE’s power costs have increased from $32.15/MWh for 2005 to 14 

$40.09/MWh for 2007, an increase of 24.7%.  Section III, Part B describes the primary 15 

drivers of our higher power costs. 16 

  As we discuss below, we expect to provide several updates to our 2007 forecast, the 17 

number and dates to be determined by the Administrative Law Judge (ALJ).  We will file 18 

our final 2007 power cost forecast in November 2006. 19 

Q. What is the rate impact of the $183 million increase in power costs? 20 
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A. As described in PGE Exhibit 200, we currently expect an overall increase in rates for cost of 1 

service loads of 4.3 % (including supplemental tariffs) as a result of the increase in power 2 

costs. 3 

Q. How is your testimony organized? 4 

A. There are four sections to our testimony.  First, we briefly review the prior Public Utility 5 

Commission of Oregon (Commission) orders and stipulations that establish the scope of the 6 

2007 RVM.  Second, we summarize our load forecast for 2007, explaining the primary 7 

differences between the 2007 forecast and the 2006 load forecast that we provided in 8 

UE 172.  PGE’s expected 2007 loads determine the amount of power that we must generate 9 

and/or purchase.  Third, we briefly discuss MONET (Monet), PGE’s power cost forecasting 10 

model that we have used since the mid-1990s.  We broadly describe Monet, including the 11 

forward price curves and other inputs, and note that no new enhancements have been made 12 

to Monet for the 2007 RVM.  We also discuss the updates that we have made to the input 13 

data since the final Monet run for the 2006 RVM in November 2005, and the updates to the 14 

input data that we intend to make before our final 2007 RVM power cost forecast in 15 

November 2006.  The final section contains our qualifications. 16 

Q. Does PGE have a schedule for updates to Monet for 2007 power costs? 17 

A. No.  We anticipate that the ALJ assigned to the 2007 RVM proceeding will establish the 18 

schedule of Monet updates based on discussion among and input by the parties.  We want 19 

these updates to be consistent with the Monet updates in our general rate case (Docket 20 

UE 180).  21 

Q. Has PGE made any scope changes or enhancements to the Monet model that are 22 

included in the 2007 RVM? 23 
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A. No.  We have not made any scope changes or enhancements to the Monet model for the 1 

2007 RVM. 2 

Q. What are the differences between the Monet-based net variable power cost forecast 3 

you provided in your recent general rate case filing (Docket UE 180) and the forecast 4 

you provide in this filing? 5 

A. There are two primary differences.  First, we proposed six modeling changes in our general 6 

rate case (GRC) filing.  PGE Exhibit 400 in UE 180, attached as PGE Exhibit 103, explains 7 

these changes on pages 52-56.  Second, this filing is based on busbar loads of 2,311 MWa, 8 

whereas our GRC power cost estimate uses busbar loads of 2,405 MWa.  The difference, 94 9 

MWa, is Schedule 125-B opt-out load.  We propose to eliminate this option in our GRC 10 

testimony (PGE Exhibit 400), but include it in this RVM filing.  Therefore, in this filing we 11 

do not have to supply as much load with short-term contracts and/or market purchases.  We 12 

also do not have to purchase as much transmission.  The decomposition of the $45 million 13 

difference between net variable power costs in this filing ($812 million) and those in our 14 

GRC filing ($857 million) is then: 15 

Factor  $ Million  

Higher Loads in GRC       51 

More Transmission in GRC         2 

Effect of Model Changes in GRC       (8) 

Total Change       45 

  

 

Q. Are other witnesses providing testimony in the 2007 RVM? 16 



UE 181 / PGE / 100 
Tooman – Niman – Schue / 4 

 

UE 181 – Direct Testimony 

A. Yes.  PGE is submitting one additional set of testimony and exhibits.  PGE Exhibit 200, 1 

sponsored by Marc Cody, provides the details of how RVM rates are calculated pursuant to 2 

the power cost forecast.   3 
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II. 2006 Retail Load Forecast 

Q. Please summarize PGE’s forecast for its 2007 retail load. 1 

A. PGE Exhibit 202 provides PGE’s forecast for retail loads in 2007 by customer class.  We 2 

summarize the forecast and historical loads below in Table 1. 3 

Table 1 
Retail Load Forecast Comparison 

(in million kWh) 
     Actual 

    2002 
  Actual 
  2003 

     Actual 
     2004 

    Actual 
    2005 

  2006 RVM 
   Forecast 

     Current Forecast 
      (2006)        (2007) 

Residential 7,063 7,201 7,440 7,388 7,559 7,467 7,531 

Commercial 6,442 6,580 6,761 6,897 7,095 7,067 7,262 

Industrial 5,014 4,553 4,286 4,382 4,385 4,474 4,653 

Miscellaneous 207 202 199 195 209 209 212 

Total Retail 18,726 18,537 18,686 18,862 19,248 19,218 19,658 

Note:  Actual data are weather-adjusted; forecasts are at normal weather.

 

Q. Does the forecast include all loads? 4 

A. Yes.  The forecast includes both PGE cost of service loads and deliveries of energy to 5 

customers who have provided PGE notice “not to plan” for them or “non cost of service” 6 

loads.  We also sometimes refer to “non cost of service” load as “opt-out” load.  PGE 7 

Exhibit 201 decomposes the 2007 total retail load into cost of service load by rate schedule, 8 

and then adds opt-out load in one figure.   9 

Q. How does this forecast compare to the 2006 RVM (UE 172) forecast? 10 

A. Table 1 shows PGE’s actual weather-adjusted retail loads since 2002 and compares the 11 

UE 172 (September 2005) forecast with our current forecast of 2006 retail load and our 12 

forecast of retail loads by customer group for 2007.  Our current 2006 retail load forecast is 13 

19,218 million kWh, approximately 0.2% lower than the UE 172 (RVM) forecast for 2006.  14 

We forecast retail load to increase 2.3% to 19,658 million kWh for 2007 from our current 15 
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2006 load estimate.  Our expected 2007 load remains below our UE 115 2002 test year 1 

estimate of 20,227 million kWh.  We calibrated Table 1 sector data, primarily commercial 2 

and industrial, to the North American Industry Classification System (NAICS).  3 

  For our general rate case (UE 180) filing and this proceeding, PGE re-estimated the 4 

load model, using recent information on the national economy, state economic and 5 

employment forecasts, and the California economy.  PGE Exhibit 1200 in Docket UE 180 6 

(particularly pages 7 and 9) explains the estimation procedures in detail. 7 

Q. What load do you use in the power cost forecast? 8 

A. The load listed in Table 1 represents total system load and is used in the rate-making 9 

process.  The load used to generate power costs with Monet (described in Section III, below) 10 

is based on cost of service load (i.e., total system load less Schedule 125, Part B opt-out 11 

load).  This difference is listed below in Table 2. 12 

Table 2 
Comparison of Cost of Service Load with Total System Load 

(Cycle Month Energy in million kWh) 
 

 2005 
RVM 

2006 
RVM 

2007  
RVM 

Total System Load 19,181 19,248 19,658 

Part B Opt-Out   1,958   1,067      787 

Cost of Service Load  17,223  18,181 

 

 18,870 

   

Whereas PGE's 2007 total system load forecast is projected to increase by only 2.1% 13 

the 2006 RVM forecast, PGE’s cost of service load is projected to increase by 3.8%, 14 

reflecting less Part B opt-out load.  Thus, PGE must plan for additional cost of service load 15 

in 2007. 16 
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III. PGE’s Power Cost Forecast For 2007 

A. Scope of the 2007 RVM 1 

Q. What is the scope of the 2007 RVM? 2 

A. The scope of the 2007 RVM is a review of PGE’s expected net variable power costs 3 

(NVPC) for calendar year 2007 (OPUC Order No. 02-772, at 6).  The net variable costs are 4 

combined with other resource costs from UE 115 to determine the rates for Schedule 125.  5 

PGE Exhibit 200 provides a detailed discussion of the development of Schedule 125 rates. 6 

Q. Did you define “net variable power costs” in your UE 180 testimony? 7 

A. Yes.  Pages 13-14 of PGE Exhibit 400 provide this information. 8 

Q. What changes to Monet did you make for this filing?  9 

A. As we discussed in Section I, we proposed six modeling changes in our general rate case 10 

filing.  However, we do not include them in this RVM filing.  Consistent with past RVM 11 

proceedings, the changes we plan to make in the RVM model inputs after this initial filing 12 

are limited.  They include updates for load forecasts, power purchase or sales contracts, fuel 13 

and fuel transportation contracts, and forward price curves for electricity and natural gas.  14 

The only other changes we plan to make are updates to the Canadian/U.S. dollar exchange 15 

rate, hedge contracts, and the price for oil that we use at our thermal plants and distributed 16 

standby generation facilities.   17 

 

B. The Monet Model 18 

Q. Please describe PGE’s power cost forecasting model. 19 

A. PGE uses a model called Monet that we built in the mid-1990s and have since refined.  20 

Monet is capable of modeling the hourly dispatch of our generating units.  Each thermal unit 21 
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has an individual profile that includes its capacity, heat rate, fuel costs, variable maintenance 1 

costs, and other characteristics.  Monet models hydroelectric units with peak capabilities and 2 

annual, monthly, and hourly usage factors.  Since the emergence of forward markets, PGE 3 

has input the forward market curves for purchased power and gas, and then run plants under 4 

a “dispatch to forward market curve” mode. 5 

Q. Have you provided additional information on Monet in other testimony? 6 

A. Yes.  PGE Exhibit 100 in our 2006 RVM filing (Docket UE 172) and PGE Exhibit 400 in 7 

our recent general rate case filing (Docket UE 180) describe Monet in detail.  Pages 14-15 of 8 

PGE Exhibit 400 specifically describe how Monet calculates net variable power costs. 9 

Q. What is PGE’s current forecast for power costs in 2007? 10 

A. PGE’s most recent forecast for 2007 power costs is approximately $812 million. 11 

Q. Could the November open enrollment process affect PGE’s power costs in 2007? 12 

A. Yes.  All large non-residential customers, regardless whether they have “opted out” or not, 13 

are eligible to receive service from PGE or from an ESS.  If PGE’s non-cost of service load 14 

is less than 94 MWa, PGE will have to purchase more energy in order to serve these 15 

customers.  Conversely, if PGE’s non-annual load exceeds 94 MWa, PGE will have to sell 16 

energy in order to maintain its relative position. 17 

Q. Can PGE’s 2006 and 2007 forecasts for power costs be made consistent with the 2002 18 

test year forecast in UE 115? 19 

A. Yes.  If we assume that all of the 2006 and 2007 opt-out loads are supplied at the market 20 

prices in PGE’s forward curves for 2006 and 2007, then we can compare the three forecasts.  21 

We refer to this power cost forecast as the “all loads” forecast. 22 
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Q. How do PGE’s all loads power cost forecasts for 2006 and 2007 compare with PGE’s 1 

forecasts for 2002 power costs? 2 

A. The “all loads” forecast for 2007 power costs is $865 million.  This is an increase of 3 

approximately $146 million above the 2006 “all loads” power cost estimate in UE 172 and 4 

greater than power costs in UE 115.  Table 3 below provides a summary of our power cost 5 

forecasts.  As we noted above in Section I, we will further update our forecast for 2007 and 6 

our final forecast will be submitted in November 2006.  In addition, PGE may be required to 7 

adjust Schedule 125 according to the large nonresidential load shift true-up provision 8 

identified in Schedule 125-6. 9 

Table 3 
Power Cost Forecast Summary 

 2002 
UE 1151 

2005 
All Loads 

2006 
All Loads 

2007 
All Loads 

2005 
RVM 

2006 
RVM 

2007 
RVM 

Costs ($’000) $766,882 $591,007 $718,428 $864,640 $486,266 $628,512 $811,622 

Loads2 (‘000 MWh)    21,664    20,591     20,849     21,072     18,551    19,556    20,243 

Unit Cost ($/MWh)    $35.40    $28.70     $34.46     $41.03     $26.21    $32.14    $40.09 

1. Represents the annualized power costs established in UE 115 based on a 15-month test 
period for power costs.  Includes the impact of the Hydro Rider, Schedule 125, Part C. 

2. Calendar busbar loads in 000’s of MWh.  The 2005, 2006, and 2007 RVM exclude non 
cost of service loads of approximately 232 MWa, 148 MWa, and 94 MWa respectively. 

  PGE Exhibits 101-C and 102-C contain the Monet output for our 2007 RVM forecast.  10 

The Monet forecast includes transmission costs for opt-out loads and must be adjusted to 11 

yield the appropriate 2007 RVM costs1. 12 

Q. Why are the RVM costs in 2007 higher than in 2006? 13 

A. Our forecasted 2007 RVM costs are higher than our forecasted 2006 RVM costs for four 14 

primary reasons, as shown in Table 4.  15 

                                                           
1 For the 2003, 2004, 2005, 2006, and 2007 RVM, transmission costs that are assigned to “Opt-Out” load total $5.3 
million, $5.4 million, $4.9 million, $3.0 million, and $2.2 million respectively. 
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Table 4 
Estimate of Change from 2006 Final RVM:  Amount ($Million) 

     
Additional 79 MWa COS Load   42  
Lost BPA Subscription Power Benefit  59  
Impact of Higher Contract Prices on Term Purchases 32  
Impact of Higher Per Unit Gas Cost  46  
Other Factors     3  
     
Total    183  

 
Q. Please explain in more detail the four primary reasons for higher 2007 net variable 1 

power costs. 2 

A. First, we project 79 MWa in additional cost of service load – 25 MWa due to load growth 3 

and 54 MWa due to decreased Schedule 125-B opt-out load.  The cost to supply the 4 

additional 79 MWa at market purchase or short-term contract prices of approximately 5 

$61/MWh is approximately $42 million.  Second, we lose 193 MWa of BPA subscription 6 

power benefits in 2007.  We must then supply this power with market or short-term contract 7 

purchases at approximately $61/MWh, rather than at the 2006 BPA subscription power rate 8 

of approximately $26/MWh.  Third, approximately 800 MWa of 2006 market and 9 

short-term contract purchases were at an average price of approximately $56/MWh.  10 

However, the comparable 2007 average price is approximately $61/MWh.  Fourth, although 11 

projected market gas prices are high for both this and the final 2006 RVM filings, the value 12 

of gas financials is $46 million higher in the final 2006 RVM filing.   13 

Q. Are there any factors that mitigate power costs in the 2007 RVM? 14 

A. Yes.  Expected output from our hydro plants and contracts is approximately 20 MWa higher 15 

in 2007.  However, other factors off-set the savings related to increased hydro output.  These 16 

include somewhat lower projected coal-fired output, slightly higher coal and contract hydro 17 

prices, and higher transmission costs.   18 
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C. Monet Updates 1 

Q. Please describe the overall process of updating Monet with new data. 2 

A. When we fully update Monet, we incorporate available information regarding the inputs 3 

affecting our power costs, including retail loads, transmission (or wheeling) costs, 4 

generation performance parameters, purchase and sales contracts, coal costs, fuel 5 

transportation costs, and the expected wholesale market prices for gas and electricity over 6 

the relevant time period.  We then run Monet to determine PGE’s forecasted net variable 7 

power costs. 8 

Q. What is the purpose of the updates to Monet? 9 

A. We update Monet with the latest information available to provide us with the best forecast 10 

for our power costs. 11 

Q. Please describe the Monet resource updates that PGE considers significant. 12 

A. All of the resource updates to Monet are provided in the step log, included in our work 13 

papers.  Table 5 below summarizes significant resource updates made to Monet for this 14 

filing. 15 

Table 5 
Major Resource Updates 

 
 Data Update Description 
1 Update PGE and Mid-C Hydro Energy Incorporate results from the new PNCA Headwater Benefit 

Study.  

2 Colstrip Unit 3 HP/IP Turbine Upgrade Represents the improved capacity and heat rate of the Colstrip 
facility as a result of the upgrade.  Reduces Colstrip’s cost per 
unit of output at the plant and increases its output. 

3 PGE  Planned Maintenance Use best current information on planned maintenance outages at 
our hydro and thermal plants in 2007. 

4 Update Heat Rates and Capacities Use best current plant data to update plant performance statistics. 
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Q. Please discuss the first resource update, which incorporates the PNCA study of hydro 1 

operating constraints and conditions. 2 

A. This update came out in mid-2005 and allowed us to compile a 69-year hydro data set.  We 3 

discuss this in more detail in our recent general rate case testimony.  See pages 56-57 of 4 

PGE Exhibit 400.   5 

Q. Do you also discuss the Colstrip Unit 3 HP/IP Turbine upgrade and the updates to 6 

planned maintenance outages in PGE Exhibit 400 (Docket UE 180)? 7 

A. Yes.  See pages 57-59 of PGE Exhibit 400. 8 

Q. Please summarize the expected thermal plant performance parameters for PGE’s 9 

thermal resources. 10 

A. Table 6 below summarizes our expectations of thermal plant performance for 2007 and 11 

provides a comparison to the 2006 RVM parameters. 12 

Table 6 
Thermal Performance Parameters 

 
 Heat Rate Capacity Forced Outage Planned 
 2006 

Btu/kWh 
2007 

Btu/kWh 
2006 
(MW) 

2007 
(MW) 

2006  
Rate 

2007  
Rate 

2006 
Days  

2007 
Days 

Beaver 9,299 9,299 521  521  8.7% 20.8% 28.5 See Text 

Boardman 9,725 9,725 380  380  6.5% 12.1% 29 30 

Colstrip 3 10,913 10,842/10,490 148  143/148  13.0% 12.4% 9 44 

Colstrip 4 10,913/10,556 10,490 148/153 148 13.0% 12.4% 52 0 

Coyote 7,146 7,128 240  243  6.8% 7.3% 16  16  

         

Q. What is the basis of the forced outage rates (FOR) for the thermal units? 13 

A. For all thermal resources, the FORs are calculated on the basis of rolling 4-year averages.  14 

For 2007, this average is calculated based on the actual forced outages experienced from 15 
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2002 through 2005.  We provided forced outage data in PGE Exhibit 300 in Docket UE 180 1 

(see pages 19-20). 2 
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IV. Qualifications 

Q. Mr. Tooman, please describe your qualifications. 1 

A. I received a Bachelor of Science degree in Accounting and Finance from the Ohio State 2 

University in 1976.  I received a Master of Arts degree in Economics from the University of 3 

Tennessee in 1993 and a Ph.D. in Economics from the University of Tennessee in 1995.  I 4 

have taught economics at the undergraduate level for the University of Tennessee, 5 

Tennessee Wesleyan College, Western Oregon University, and Linfield College.  I have 6 

worked for PGE in the Rates and Regulatory Affairs Department since 1996. 7 

Q. Mr. Niman, please describe your qualifications. 8 

A. I received a Bachelor of Science degree in Mechanical Engineering from Carnegie-Mellon 9 

University and a Master of Science degree in Mechanical Engineering from the California 10 

Institute of Technology.  I am a registered Professional Mechanical Engineer in the state of 11 

Oregon. 12 

  I have been employed at PGE since 1979 in a variety of positions including: Power 13 

Operations Engineer, Mechanical Engineer, Power Analyst, Senior Resource Planner, and 14 

Project Manager before entering into my current position as Manager, Financial Analysis in 15 

1999.  I am responsible for the economic evaluation and analysis of power supply including 16 

power cost forecasting, new resource development, least cost planning, and avoided cost 17 

estimates.  The Financial Analysis group supports the Power Operations, Business Decision 18 

Support, and Rates & Regulatory Affairs groups within PGE.    19 

Q. Mr. Schue, please describe your qualifications. 20 

A. I received a Bachelor of Science degree in Economics from the University of Oregon, a 21 

Master of Arts degree in Economics from the University of Minnesota, and a Master of 22 
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Business Administration degree from the University of Louvain (Belgium).  I have taught 1 

beginning and intermediate level economics courses at the University of Minnesota, 2 

particularly in the area of public finance. 3 

  I have been employed at PGE in a variety of positions beginning in 1984, primarily in 4 

the Rates and Regulatory Affairs Department.  I have worked on Bonneville Power 5 

Administration rate cases, particularly in transmission rate design.  I was the Project 6 

Manager for PGE’s 2000 Integrated Resource Plan (IRP), and worked on PGE’s 2002 IRP 7 

and related Request for Proposals.  I also co-sponsored testimony and provided analytical 8 

support in the Trojan-related UE 88 Remand docket.  In addition, I worked at the Oregon 9 

Public Utility Commission during 1986 and 1987, where my primary assignment was 10 

economic evaluation of conservation programs.   11 

Q. Does this conclude your testimony? 12 

A. Yes. 13 
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I. Introduction 

Q. Please state your names and positions at PGE. 1 

A. My name is Pamela G. Lesh and my position is Vice-President, Regulatory Affairs and 2 

Strategic Planning.  I am responsible for all aspects of regulatory affairs and for overall 3 

strategic planning at PGE.  My qualifications are in PGE Exhibit 100. 4 

  My name is Michael A. Niman and my position is Manager, Financial Analysis.  I am 5 

responsible for power cost, project, and other financial analyses at PGE.  My qualifications 6 

are in Section VI of this testimony. 7 

Q. What is the purpose of your testimony? 8 

A. The purpose of our testimony is to support PGE’s forecast of net variable power costs 9 

(NVPC) for the purpose of setting cost of service rates for 2007 and to propose a fair 10 

methodology for reflecting power costs in PGE’s cost of service rates.  We propose a 11 

framework for power costs that uses three major regulatory tools – a general rate case 12 

(GRC), a forward-looking automatic adjustment clause (AAC), and a retrospective 13 

automatic adjustment clause – to achieve rates reasonably reflective of actual cost, and to 14 

allocate (between PGE and our customers) the risk of variances between the forecast used to 15 

set rates and the actual costs experienced.  Our proposal includes not only methodologies 16 

and allocations, but also process and timing. 17 

  In brief, we propose to use a GRC much as we do now.  Filed as needed by PGE, or 18 

initiated by the Commission or a complainant, the GRC would establish – for a test period 19 

and the indefinite future until the next GRC – the following: 20 

• Capital recovery costs for generation investments (return of and return on)  21 

• O&M for plants and power operations 22 
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• Operating parameters for PGE resources (or contracts that resemble resources) 1 

such as heat rate, maximum capacity, and environmental constraints 2 

• MONET (the PGE power cost model) logic or other changes not specifically 3 

included in the annual update 4 

  We further propose to replace the Resource Valuation Mechanism (RVM) with Annual 5 

Power Cost Update (Annual Update – see Schedule 125).  The RVM served two purposes: 6 

updating NVPC and providing the methodology for calculating transition adjustments for 7 

customers choosing direct access or market-based rate offers.  PGE Exhibit 1300 explains 8 

the mechanism by which we propose to calculate transition charges in the future.  For the 9 

Annual Update, each year, PGE will produce a new NVPC forecast by inputting to 10 

MONET: 11 

• New power, fuel and transmission contracts (physical and financial) entered into 12 

by PGE; 13 

• A load forecast for the following calendar year;  14 

• Forward curves for power and fuel to value any short or long positions; 15 

• Updated forced outage rates, using the traditional four-year rolling average 16 

methodology; and 17 

• Planned maintenance outages for the following calendar year. 18 

  Unlike the RVM, the Annual Update will not re-spread fixed power costs (developed 19 

through unbundling) for the new load forecast.  This feature of the RVM related primarily to 20 

its use as a transition cost mechanism. 21 

  Last, we propose an automatic adjustment clause – the Annual Power Cost Variance 22 

(Annual Variance – see Schedule 126) that compares the difference between the forecast 23 
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NVPC for a given year with the actual NVPC that PGE incurred, and allocates that 1 

difference between PGE and customers according to the following parameters: 2 

• Variances shared 90% to customers and 10% to PGE 3 

• Portion of variance related to changes in load from the forecast neutralized by 4 

comparing forecast average NVPC to actual average NVPC 5 

• Prudence review 6 

  Both the Annual Update and Annual Variance would be subject to an earnings test, 7 

which we modeled on the Commission’s 1999 policy ruling relating to Purchased Gas 8 

Adjustment (PGA) clauses, Order No. 99-272.  Once a year, a proceeding would occur to 9 

enable a Commission finding whether the effects of the Annual Update and Annual 10 

Variance mechanisms in the prior calendar year, combined with the results of risk 11 

allocations from the last general rate case and any other regulatory actions for that year, 12 

resulted in reasonable rates.  PGE would share equally (50-50) with customers any earnings 13 

for that prior calendar year above a threshold, which we propose as 100 basis points above 14 

our authorized return on common equity (ROE), adjusted for years between GRCs. 15 

Q. Will PGE make an RVM filing for 2007? 16 

A. Yes.  PGE’s current Schedule 125 remains effective until the Commission approves its 17 

modification.  Accordingly, we have included with this filing an RVM estimate, similar to 18 

those we have provided over the last several years, and we will file the 2007 RVM by April 19 

1, 2006, per the usual schedule.  The RVM estimate differs from the GRC NVPC forecast in 20 

two respects: 21 

• It reflects no changes to the MONET model 22 
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• The load excludes those customers who have given us notice “not to plan” for 1 

them under Part B of Schedule 125.  As explained in PGE Exhibit 1300 we 2 

propose to eliminate this option beginning in 2007. 3 

  The 2007 RVM preliminary estimate is $813.8 million, a 29% increase from 2006.  4 

Continued high projected electric and natural gas prices and large unfilled positions are the 5 

primary causes of the increase.  The forward curves in the final 2006 RVM filing were 6 

$67.44 per MWh and $9.35 per DT, respectively.  However, at that time we had already 7 

filled most of our needs, either on physical or financial bases.  The average cost to pay for 8 

short-term electric contracts and cover a small open electric position at forward curve prices 9 

was $49.76/MWh, and the value of our gas financials was more than $57 million.  On the 10 

other hand, as of 2/23/06, forward curves for 2007 were $61.49 per MWh and $8.48 per DT, 11 

only somewhat lower than those in the final 2006 RVM filing, and we had large unfilled 12 

electric and gas needs.  The average cost to pay for short-term electric contracts and cover a 13 

large open electric position was $60.63/MWh, and the value of our gas financials was less 14 

than $10 million.  Our confidential workpapers provide detailed MONET model output for 15 

our 2007 RVM and GRC NVPC forecasts. 16 

Q. What is your GRC NVPC forecast? 17 

A. Our GRC NVPC forecast is $857 million.  Both this forecast and the RVM estimate include: 18 

• Forced outages rates based on the years 2002 through 2005 19 

• Planned maintenance outages for 2007 20 

• Power and fuel contracts entered into through 2/23/06 21 

• Forward electricity and natural gas curves on 2/23/06 22 

• Updated cost and performance parameters for thermal plants 23 
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• Updated hydro generation forecast based on the average of 69 years of hydro 1 

conditions 2 

• Updated transmission and wheeling assumptions 3 

Q. How do you propose to update your RVM estimate and GRC NVPC forecast? 4 

A. We propose to do this according to the schedule adopted in the 2007 RVM, using that 5 

schedule for updating the GRC NVPC forecast as well.  We intend to propose a schedule for 6 

this GRC docket that enables resolution of PGE’s proposed changes to direct access by the 7 

end of August, in time for the September Schedule 483 and 489 elections.  Assuming this 8 

resolution includes the disposition of Schedule 125 Part B opt-out as well, there will be no 9 

difference between the GRC NVPC and RVM NVPC forecasts except for any contested 10 

MONET changes.  The RVM estimated rate change would, however, continue to reflect 11 

re-spreading the UE 115 supply function fixed costs over 2007 RVM loads. 12 

Q. How does the Boardman outage that begin briefly in October 2005, and PGE’s pending 13 

deferral for part of the outage period, affect your RVM and GRC estimates and your 14 

proposed framework? 15 

A. In this filing, both the 2007 RVM and GRC NVPC forecasts include the days starting 16 

October 23 through December 31, 2005, in the rolling four-year average calculation of 17 

Boardman’s forced outage rate.  We stated in our application for deferred accounting that, to 18 

the extent that PGE receives recovery of the cost of replacing Boardman, the forced outage 19 

rate calculation should not reflect days included in that recovery.  If the deferral proceeding 20 

results in a Commission order by October or November, we can reflect the outcome in the 21 

RVM and GRC NVPC forecasts. 22 
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  The effect of the outage and the potential deferral on the Annual Variance component of 1 

our proposed NVPC framework is more complex.  As we summarized above, the Annual 2 

Variance tariff puts in place a sharing of variances, positive and negative.  All else being 3 

equal, including Boardman’s unexpected forced outage days in the rolling average used for 4 

forecasting increases the likelihood of a negative variance; i.e., actual NVPC would be 5 

lower because Boardman would produce more electricity at its variable cost of 6 

approximately $13/MWh, compared to a market price that may be approximately $60/MWh.  7 

Under our proposal, customers would receive 90% of such negative variances.  This result 8 

would deprive PGE of the opportunity to recoup our loss from the outage period, to the 9 

extent that the Commission did not allow us direct recovery of the costs through deferral.  10 

The reverse could happen as well if, for example, Colstrip or Coyote Springs had performed 11 

particularly well in 2004 or 2005.  Transition to the Annual Variance tariff could deprive 12 

customers of some of the expected compensation for the extraordinary performance that did 13 

not benefit them because no variance mechanism was in place. 14 

  To address this transition issue, which occurs both at the start and at the eventual end of 15 

the Annual Variance tariff, we have included language in the tariff to preserve the “benefit 16 

of the bargain” for customers and for PGE of variances related to how we forecast forced 17 

outage rates.   18 

Q. How have you organized your testimony? 19 

A. In the remainder of this introduction, we review the regulatory tools available for including 20 

power costs in cost of service rates and summarize a study PGE has prepared regarding how 21 

regulatory agencies in other states have applied these tools for electric utilities under their 22 

jurisdictions.  We drew upon our review and this study, as well as the Commission’s Order 23 
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No. 05-1261, Oregon’s regulatory treatment of natural gas utilities’ purchased gas, and our 1 

interactions with expected parties to this case, in developing our proposed framework.  We 2 

also briefly review the definition of net variable power costs (NVPC) and how we use our 3 

MONET model to produce a forecast of NVPC.   4 

  Section II discusses the GRC portion of our framework.  We explain why we believe it 5 

appropriate to address the selected components of power costs in that forum, rather than in 6 

an annual update or a retrospective automatic adjustment clause, and the risk allocation 7 

reflected by the proposed treatment of those components.   8 

  Section III explains why we included the Annual Update mechanism in our framework.  9 

We also support our short list of items eligible for the Annual Update and describe the 10 

process and timing we propose to apply to the proceeding.  As with Section II, we identify 11 

the risk allocation contained within this part of the framework. 12 

  Section IV explains why we included a retrospective mechanism in our proposed power 13 

cost framework, describes the parameters and process we propose for the Annual Variance 14 

tariff and why we chose or designed them and rejected others.  We address the guidelines 15 

the Commission suggested in Docket UE 165 for the SD-PCAM as well as parameters 16 

currently in place for similar mechanisms or used in the past. 17 

  In Section V, we discuss the MONET changes that we propose the Commission adopt 18 

either for use in a continued RVM or for use in the proposed Annual Update.  We present a 19 

preliminary estimate of the amount by which each change will affect NVPC.   20 

Q. What regulatory tools are available for handling power costs in cost of service rates in 21 

Oregon? 22 
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A. Oregon has at least four regulatory tools that it can employ to reflect power costs properly in 1 

cost-of-service prices.  These are: 2 

• GRCs, which are a comprehensive review of all of a utility’s costs, including the 3 

cost of capital; 4 

• Forward-looking automatic adjustment clauses, for which the Commission may 5 

by statute suspend some of the procedural requirements for processing rates and 6 

which generally focus on components of cost of service that change more 7 

frequently than most; 8 

• Retrospective-looking automatic adjustment clauses, which by using deferred 9 

accounting authority can adjust rates for components of cost of service that 10 

change frequently but are difficult or impossible to forecast accurately; and 11 

• Deferred accounting, presently governed by the guidelines the Commission 12 

adopted in Docket UM 1147 and which is best suited for unexpected and short-13 

term changes in a utility’s costs. 14 

  All of the regulatory tools other than the GRC require features that ensure that the 15 

prices resulting from their application still meet U.S. Constitutional and statutory 16 

requirements.  Commonly, this occurs through a prospective or retrospective review of 17 

earnings that will or have resulted from the approved cost changes. 18 

Q. What are the characteristics of a GRC that you considered in deciding how to use this 19 

tool in the framework? 20 

A. A GRC is the most thorough of all the tools, with a process that provides ample access to 21 

information and time to ensure understanding.  The inclusion of all costs and revenues 22 

allows exploration of all linkages, direct and indirect.  Determining whether the resulting 23 
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prices meet Constitutional and statutory requirements is intrinsic to the proceeding, because 1 

the Commission determines the authorized rate of return based upon its application of the 2 

requirements to the record developed in the GRC.  This is the proceeding in which the 3 

Commission can best address the alignment of risk allocation and cost of capital and this is 4 

why PGE is proposing a comprehensive regulatory framework for power costs in this filing. 5 

  A GRC, with its “test year” core, is not well suited, however, to highly dynamic 6 

information, such as near-term power and fuel purchase contracts, and forward curves.  7 

Depending on the process, it can become questionable whether the forecasts of such 8 

dynamic costs or revenues will be an acceptable representation of what will happen in the 9 

test year, let alone subsequent years.  In addition, initiation of GRCs in Oregon has been 10 

one-sided in practice although not in right: the Commission or a customer can initiate a 11 

GRC.  The slowness and initiation characteristics make a GRC ill-suited to cost components 12 

that can change significantly, up or down, from year to year (e.g., NVPC).  This tool is best 13 

for cost components that slowly rise or slowly fall over time, such as most fixed costs. 14 

Q. Which characteristics of an automatic adjustment clause (AAC) did you consider 15 

important in deciding how to use this tool in the framework?  16 

A. Based on Oregon’s experience with PGA clauses and PGE’s power cost adjustment clause 17 

in the 1980s (1980s PCA) and RVM since 2001, we conclude that AACs are a good 18 

regulatory tool for cost of service rates if the cost (or revenue) to which the AAC applies: 19 

• Changes frequently and in ways that could both increase or decrease prices, such 20 

that removing the utility’s information advantage helps ensure fairness over time;  21 
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• Implements an already-decided risk allocation, rather than changing that 1 

allocation or revising it to reflect a new risk (such as a major new investment); 2 

and 3 

• Generally is actually incurred, third-party generated, per a previously-agreed 4 

methodology, or verifiable. 5 

  Two items on this list are similar to those mentioned by the Commission in its 1989 6 

order modifying PGA clauses in Oregon, Order No. 89-1046, which noted the standards of: 7 

(1) a cost that changes frequently so that tracking is useful to avoid numerous rate 8 

proceedings; (2) the significance of the cost in relation to the utility’s total expenses; and (3) 9 

the degree of control the utility has over the cost.  In 1989, gas costs were over 56% of 10 

Northwest Natural’s total expenses; in 2007, we expect NVPC to be over 50% of our total 11 

revenue requirement. 12 

  AACs based on the above criteria can proceed rapidly and consume relatively few 13 

regulatory resources.  The tool works less well if the underlying information is complex or 14 

involves choices about which disagreement might exist or if the AAC’s timing does not 15 

permit review of all information used in adjusting prices. 16 

  The primary difference between forward-looking and retrospective AACs is the nature 17 

of the cost or revenue change involved.  AACs for costs already incurred to serve a future 18 

period (e.g. gas purchase contracts) or capable of accurate forecasting can easily be forward-19 

looking.  AACs for costs not yet incurred and subject to uncertainty (e.g., energy efficiency 20 

program incentives that will depend on how many customers choose the program) require a 21 

retrospective AAC.  22 
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Q. Why do you believe that AACs, forward-looking or retrospective, and deferred 1 

accounting require features to ensure that the prices resulting from their application 2 

still meet U.S. Constitutional and statutory requirements? 3 

A. Any time the Commission rules on utility prices, its decision must meet these tests.  As we 4 

noted above, this happens in a GRC as an intrinsic function of the scope of the proceeding.  5 

By their very nature, however, AACs or deferred accounting matters do not involve all costs 6 

and revenues and unreasonable prices could result if, for example: 7 

• The cost or revenue adjusted through the AAC or deferred accounting relates 8 

integrally to another cost or revenue that is not adjusted; or 9 

• Unrelated costs or revenues have changed significantly. 10 

  The Commission typically does this through an earnings test of some sort.  In the PGAs, 11 

for example, the earnings test generally does not directly relate to the ways in which the 12 

AACs update the forecast of future natural gas costs or the variance between forecast and 13 

incurred gas costs for a prior period (this is slightly different for Avista).  Rather, once a 14 

year, the Commission checks whether the complete regulatory framework for the gas 15 

utilities (GRCs and PGAs) has resulted in reasonable rates.  Earnings above a certain 16 

threshold are subject to sharing.  See Order No. 99-272 and OAR 860-022-0070.  With 17 

respect to deferred accounting, the Commission has explained that “the sole issue is whether 18 

a utility’s earnings for the test period enable it to absorb a cost that has been approved for 19 

deferral.” Order No. 93-257 at 7.   20 

Q. Did PGE conduct a study of how other states handled power costs for purposes of 21 

setting cost of service rates?    22 
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A. Yes, PGE engaged NERA Economic Consulting, formerly National Economic Research 1 

Associates, to conduct this study on our behalf.  NERA completed the study in August 2005.  2 

PGE includes the full study entitled The Continuing Role of Power Cost Adjustments in the 3 

Electric Utility Industry as PGE Exhibit 401.  In addition, PGE routinely tracks how other 4 

Northwest states address power cost recovery. 5 

Q. What states and utilities did NERA include in the study? 6 

A. NERA began with the fifty states as well as the District of Columbia and divided them into 7 

traditionally regulated states and states that had restructured their electric industry.  8 

(Nebraska and Alaska do not have any investor owned utilities.)  PGE Exhibit 402 shows 9 

the types of states as defined by NERA and the states that have long standing Power Cost 10 

Adjustments (PCAs).  The study excludes the restructured states and focuses on the 11 

traditionally regulated states outside the Northwest (30).  Although NERA excluded Arizona 12 

as a restructured state, it should probably be included because restructuring is largely halted 13 

and the Arizona Corporate Commission has reinstituted a PCA for Arizona Public Service. 14 

Tucson Electric Power has not yet filed a rate case because of a prolonged rate freeze 15 

associated with the now halted restructuring.  16 

Q. At a high level, what were the results of this study? 17 

A. Of the states and utilities reviewed, the overwhelming majority track through to retail prices 18 

100% of a utility’s prudently-incurred NVPC, both power and fuel.  This occurs through 19 

periodic filings for forward-looking rate adjustments and true-up mechanisms to reconcile 20 

past variances.  Rate adjustments are usually accompanied by requirements for a regulatory 21 

hearing or report to the Commission.  The frequency of adjustments varies from state to 22 

state, ranging from monthly to annually.  Of the 28 states that authorize their utilities to have 23 



UE 180 / PGE / 400                                      UE 181 / PGE Exhibit / 103 
Lesh – Niman / 13                                                                             Tooman – Niman – Schue / 
13 

UE 181 – DIRECT TESTIMONY 
 

a power cost adjustment clause, 25 include some form of true-up.  The time-lag for full cost 1 

recovery of forward-looking adjustments and true-up reconciliation varies from 1 month to 2 

12 months. 3 

  Some states include purchased capacity costs in their PCAs.  These states include 4 

Hawaii, Montana, Oklahoma, South Carolina and South Dakota.  Others address capacity in 5 

separate clauses (AR, FL, WI) or the utilities’ base rate (GA, IA).  Some states allow 6 

utilities to recover the cost of financial hedges (AL, GA, MS, NV, ND, SD).  Utilities may 7 

include some or all of the gains/losses from financial hedging aimed at reducing energy 8 

costs in the PCA.  Distinct geographic characteristics exist.  PGE Exhibit 403 provides 9 

details of the state process. 10 

Q. What did the survey show regarding the use of dead-bands and sharing?  11 

A. Only Washington has had a dead-band of the nature applied in Oregon to two recent 12 

deferred accounting requests and proposed by various parties for ongoing AACs.  Sharing 13 

mechanisms are infrequent and, where they exist, generally relate to the true-up or 14 

retrospective portion of the mechanism.  These mechanisms take on a variety of forms.  We 15 

discuss dead-bands and sharing further in Section IV. 16 

Q. What did NERA do to ensure full understanding of the power cost framework in place 17 

in the various states? 18 

A. NERA contacted both the Commissions and the utilities listed in the study.  NERA solicited 19 

information about the framework of each PCA so that we could understand the mechanics 20 

and rationale.  Appendix 1 of PGE Exhibit 401 presents the detailed information. 21 

Q. What are your conclusions from the NERA study? 22 

A. We conclude that, among states that continue to regulate utilities on a cost of service basis: 23 
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• The use of regulatory tools that allow frequent resetting of rates for power cost 1 

components, outside of a general rate case, is common; 2 

• The use of regulatory tools that adjust rates for differences between the forecasted 3 

power cost components and actual power costs incurred, is common; and 4 

• Commissions in the Western states tend to allocate more risk of variance to 5 

utilities than those in the Southern or Midwestern states. 6 

  PGE’s current lack of a retrospective tool for variances between forecasted and actual 7 

power costs places us in an "outlier" status among cost of service electric (or combination) 8 

utilities.  This is why our framework includes the Annual Variance tariff.   9 

Q. How does PGE define "net variable power costs” (NVPC)? 10 

A. NVPC include wholesale (physical and financial) power purchases and sales ("purchased 11 

power" and "sales for resale"), fuel costs, and other costs of power that generally change as 12 

power output changes, such as transmission payments to third parties.  PGE records its 13 

variable power costs to FERC accounts 501, 547, 555, 565, and 447.  Based on historical 14 

decisions, we include some fixed power costs, such as Boardman taxes.  These items, such 15 

as transportation charges and excise taxes, relate to fuel used to produce electricity.  We 16 

"amortize" these fuel-related costs even though, for purposes of FERC accounting, they 17 

appear in a balance sheet account (151).  We also exclude some variable power costs, such 18 

as variable operation and maintenance costs, because they are already included elsewhere in 19 

PGE’s accounting.  The "net" refers to net of assumed wholesale sales.  20 

Q. How does PGE produce a forecast of NVPC? 21 

A. PGE uses a model to forecast NVPC.  The primary purpose of the model is to reflect in 22 

estimating NVPC the principles of economic dispatch; i.e., a utility should use lowest 23 
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variable cost resources to serve customers first, moving up the price/supply curve as load 1 

requires.  PGE uses a combination of known future costs, forecast cost inputs, and a model 2 

to produce a forecast of net variable power costs, built around the principle of economic 3 

dispatch.  In other words, for PGE and the region, resources such as hydro plants, coal 4 

plants, and combustion turbines run to meet load in order of lowest (variable) cost first, and 5 

highest cost last.  We use a model called MONET that we first built in the mid-1990s and 6 

have since refined.   7 

Q. How does PGE use MONET to forecast net variable power costs? 8 

A. PGE uses MONET to "dispatch" PGE’s resources against forward curves for purchased 9 

power and gas.  To do this, the model employs the following data inputs: 10 

• Forecasted retail loads, on an hourly basis; 11 

• Physical and financial contract and market fuel (coal, natural gas, and oil) 12 

commodity and transportation costs; 13 

• Thermal plants, with forced outage rates and scheduled maintenance outage days, 14 

maximum operating capabilities, heat rates, and any variable operating and 15 

maintenance costs (although not part of net variable power costs for ratemaking 16 

purposes); 17 

• Hydroelectric plants, with output reflecting current non-power operating 18 

constraints (such as fish issues) and peak, annual, seasonal, and hourly maximum 19 

usage capabilities; 20 

• Transmission (wheeling) contract costs; 21 

• Physical and financial electric contract purchases and sales; and 22 

• Forward market curves for gas and electric power purchases and sales. 23 
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  Using these data inputs, MONET dispatches PGE resources to meet customer loads 1 

based on the principle of economic dispatch.  Thus, any plant is dispatched when it is 2 

available and its dispatch cost is below the market electric price.  Any plant can also be 3 

operating in one of various stages – maximum availability, ramping up to its maximum 4 

availability, starting up, shutting down, or off-line.  Given thermal output, expected hydro 5 

generation, and contract purchases and sales, MONET fills any resulting gap between total 6 

resource output and PGE’s retail load with market purchases (or sales) based on the forward 7 

market price curve. 8 
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II. Power Cost Framework – General Rate Case Role 

Q. What components of PGE’s power costs do you propose that the Commission reflect in 1 

rates only through a GRC? 2 

A. As has historically occurred, we propose that the Commission reflect the following in rates 3 

through a GRC: 4 

• Capital recovery costs for generation investments (return of and return on), 5 

whether new or capital additions;  6 

• O&M for plants and power operations; 7 

• Operating parameters for PGE resources (or contracts that resemble resources) 8 

such as heat rate, maximum capacity, and environmental constraints; and 9 

• MONET logic or other changes not specifically included in the annual update. 10 

Q. Why are capital recovery costs on this list? 11 

A. Oregon’s practice for many years has been to change cost of capital only in a GRC, at which 12 

time the Commission can ensure that the rate of return (reflecting cost of debt, equity, 13 

preferred and cap structure) produces an end result that meets Constitutional and statutory 14 

requirements.  Similarly, Oregon has, for many years, required that utilities update their 15 

depreciation studies every five years, a time frame more suitable to addressing these "return 16 

of" issues in a GRC.  For major new investment or capital additions, PGE generally knows 17 

in advance and a GRC schedule is workable.  In addition, a proposed addition to rate base is 18 

not a highly variable number that requires frequent updating throughout the process.  19 

Q. Are there circumstances under which PGE and participants in your rate cases might 20 

not want to do a full GRC to update power supply capital recovery costs?   21 
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A. Yes.  We have one instance in this case.  PGE plans to complete Port Westward shortly after 1 

concluding a GRC for the 2007 test year.  PGE could almost simultaneously run a GRC for 2 

a test period that ends on Port Westward’s on-line date but it makes more sense simply to 3 

"track" the plant into the already approved test year when it becomes available.  The 4 

Commission previously used this procedure for PGE’s Coyote Springs plant, and there are 5 

other examples as well.  In essence, these "tracker" cases operate on the implicit assumption 6 

that nothing else requires review to ensure that the end result of the rates is reasonable.  As 7 

we think ahead to the next five to ten years, it is probable that PGE will have more frequent 8 

generation-related major investments or capital additions than in the past 10 years.  PGE is 9 

open to adapting this framework to accommodate a "tracker" concept for certain resource 10 

investments or capital additions. 11 

Q. Why do you propose to address plant-related and power operations O&M in a GRC? 12 

A. We propose this for two reasons.  First, costs incurred in other areas, such as information 13 

technology, affect plant or power supply O&M costs making it difficult to address only 14 

O&M.  For example, in this case, IT costs allocable to generation are $3.7 million.  Second, 15 

these costs are not highly variable, either during a GRC process or after the case’s 16 

conclusion.   17 

Q. What do you mean by the term "plant operating parameters" that you use to describe 18 

the next category of power cost components you propose to address in a GRC? 19 

A. The two main parameters we have in mind here are heat rate (for thermal plants) and 20 

maximum output capability (for hydro and thermal plants).  Specifically for hydro, we 21 

include environmental operating constraints as a parameter matter, but updating “average 22 

water” for additional years of data would not be.  These are characteristics that change from 23 
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time to time because of reasons such as capital investments or environmental issues (permits 1 

etc.).    2 

Q. Why do you propose to update these plant operating parameters in a GRC? 3 

A.  We propose this primarily for two reasons.  First, the reasons for changes in these 4 

parameters can be complex, such as a new biological opinion affecting Columbia River 5 

hydro operations or air quality issues that constrain a given plant’s operation during certain 6 

hours of the year.  Handling such issues in a GRC allows all parties more time to understand 7 

the change.  Second, particularly for improvements in heat rate or maximum capability, 8 

capital additions and higher O&M may be integrally related with the change.  It seems 9 

unbalanced to reflect the parameter changes without recognizing the capital additions or 10 

higher O&M.  On the other hand, a planned maintenance outage – which we do intend to 11 

reflect in the annual update – may be particularly long in a given year because of the work 12 

that is required to improve heat rate or increase maximum capability.  This actually occurred 13 

with Boardman in 2004 and is underway for Colstrip 4 and 3 in 2006 and 2007, respectively. 14 

  In the RVM, we did change operating parameters for these matters.  At times, however, 15 

our proposed changes generated controversy for a variety of reasons.  We are open to 16 

discussing this part of the proposal during the process of this case.  Solutions to the 17 

complexity and linkage issues may appear that we are not aware of right now. 18 

Q. Why do you propose to handle MONET logic and other types of changes not 19 

specifically allowed by the Annual Update process in a GRC? 20 

A. We make this proposal primarily because of our experience with the RVM and feedback 21 

from parties about the RVM process.  The range of logic, data, and other modeling changes 22 

that can occur, as we attempt to produce as accurate a forecast as possible, is large.  The 23 
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effect of most such changes, however, is generally small.  We may gain some process 1 

efficiency by gathering these together for handling in a GRC and parties will gain time to 2 

evaluate these changes. 3 

Q. How would your proposed framework operate in a year in which you had a GRC? 4 

A. Much as we are doing in this filing, we would provide an estimate of the upcoming Annual 5 

Update with the GRC so that customers understood the combined possible rate change and 6 

we would include in the GRC any MONET or operating parameter changes not allowed by 7 

the Annual Update process.  On the date contained in the Annual Update tariff, we would 8 

file the Annual Update for the following year, without the effects of the proposed model 9 

changes in the GRC.  Once the Commission acted on the GRC, we would include those 10 

decisions in the final Annual Update model run for the upcoming year. 11 

Q. What risk allocations does this part of your proposed framework embody? 12 

A. This part of the framework allocates to PGE the following risks: 13 

• Regulatory lag and prudence on the recovery of generation capital investments; 14 

• Changes in load that affect the recovery of these fixed capital recovery and O&M 15 

costs; 16 

• Changes in and prudence of fixed O&M costs; 17 

• Regulatory lag on changes in costs related to changes in plant/contract operations; 18 

parameters, to the extent of PGE’s share per the Annual Variance mechanism; and 19 

• Modeling choices, to the extent of PGE’s share per the Annual Variance. 20 

Q. What modeling choices allocate risk to PGE? 21 

A. Two of our inputs to MONET embody significant risk allocations: 22 
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• The four-year rolling average methodology used to create a forecast forced outage 1 

rate for generating plants; and 2 

• The methodology used to forecast the amount of hydro-electric power PGE’s 3 

plants and Mid-C contracts will produce. 4 

  For both of these, we use a methodology because we have no way of knowing for 5 

certain what a given plant’s forced outage rate for a year will be or what hydro-electric 6 

power we will receive from our projects or contracts.  Only by fluke will the methodology 7 

result in a forecast that is the same as what actually occurs. 8 

Q. How does the four-year rolling average for forced outages work? 9 

A. We use a four-year rolling average, incorporating data from the four most recent calendar 10 

years for which data are available.  For the 2007 net variable power cost estimate in this 11 

filing, we use data from 2002-2005.  For example, if a plant had experienced forced outage 12 

rates of 5%, 12%, 3%, and 8% for the years 2002, 2003, 2004, and 2005 respectively, we 13 

would assume a 7% forced outage rate in our 2007 power cost estimate.  This simple 14 

example assumes equal weighting of the forced outage rates.  The actual calculation is 15 

effectively a weighted average, however, using the total unit forced outage hours, equivalent 16 

derated hours, service hours, etc. as applicable over the four calendar year period.  17 

  This produces a point forecast for a given year.  If the actual forced outage rate for the 18 

year is less than this, PGE may experience the benefit of the additional plant availability, 19 

subject to the Annual Variance tariff.  Customers will receive this benefit, however, over the 20 

following four years, as the increased availability lowers the forecast forced outage rate 21 

below what would otherwise have been forecast.  The reverse occurs also. 22 
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  Over the last seven years, the actual forced outage rates for PGE’s coal generating 1 

plants have varied between 2.9% and 24.1%.  The range is slightly larger for the gas-fired 2 

generating plants: between 0.6% and 30.4%.  The financial effects can be significant, 3 

however, particularly for the coal-fired resources because of the differences between a given 4 

plant’s variable cost and the market value of a MWh.  The financial effect of forced outage 5 

rate changes at Coyote Springs and Beaver (and Port Westward, when it begins operation) 6 

are smaller because the natural gas-driven variable costs are often close to market on a given 7 

day.   8 

Q. Is this an acceptable risk allocation? 9 

A. Yes, when matched with the Annual Variance tariff we propose.  The Annual Variance tariff 10 

will ensure that customers see most of the benefit of good plant performance and that PGE 11 

recovers most of its costs to provide power despite prudently-incurred plant outages.  PGE 12 

will, of course, remain subject to bearing the cost of outages caused by imprudence.  As we 13 

noted in Section I and explain in Section IV, the Annual Variance tariff must include a 14 

transition mechanism, however, because the four-year rolling average methodology includes 15 

in the mechanism the effects of years before it was in place.   16 

Q. How do you forecast the amount of hydro-electric power production PGE will have 17 

available to it? 18 

A. We use the Pacific Northwest Coordination Agreement (PNCA) hydro regulation model to 19 

develop an average monthly generation for each hydro resource, based on the historical 20 

stream-flows over the period 1929 through 1997, with in-board and out-board adjustments to 21 

the model.  This produces a point forecast for a given year.  If the actual production for the 22 

year is less or more than this, PGE will experience the cost of replacing the expected 23 
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production (subject to the APCV mechanism).  Generally speaking, over the last 10 years, 1 

actual hydro production has varied between a low of 428 MWa to a high of 708 MWa.  This 2 

is a large range.  Moreover, a swing of 20% or more from one year to the next is not 3 

uncommon.  The financial effects are also large, because of the difference between the 4 

variable cost of hydro power, which is close to zero, and the market value of the power 5 

produced.  For example, if the market electric price is $60/MWh, and hydro production is 6 

100 MWa different than expected, the financial effect is more than $50 million 7 

( 60 x 100 x 8,760 > 50,000,000 ).   8 

Q. Is this similar to the rolling four-year average you use for forced outage rates? 9 

A. No.  It is different in a critical respect.  Except for periods of highly volatile power markets, 10 

the rolling four-year average will roughly ensure an even risk allocation between PGE and 11 

customers over a five-year period.  The shape of effect to each differs, but the totals should 12 

be close.  This is NOT the case for how we forecast hydro production.  Every year’s forecast 13 

is a new look, unaffected by the year (or four) that just occurred.  Moreover, the vast range 14 

of years covers an even larger range of wholesale electricity power prices (or no wholesale 15 

power prices, as there likely was little in the nature of a wholesale power market in many of 16 

the early decades included in the 69 years).  It is doubtful (although we do not have records) 17 

that hydro production variations up to and as late as the 1950s had as much financial effect 18 

on utilities as they do today.   19 

  Thus, only at the end of 69 years could customers and PGE know whether this risk 20 

allocation resulted in revenue and cost neutrality and, of that, we have no certainty because 21 

we have no way of knowing whether the same distribution of water years will occur over a 22 

given sixty-nine years.  And, of course, from 2007 forward, it is uncertain whether PGE will 23 
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have access to production from the Mid-C hydro plants for 69 years and somewhat doubtful 1 

even for production from PGE’s own hydro facilities, the longest license for which now 2 

expires in 2055. 3 

Q. Is this an acceptable risk allocation? 4 

A. No, not without a retrospective AAC of some sort.  The Commission has recognized this, 5 

encouraging the development of an ongoing mechanism in Dockets UM 1077 and UE 165.  6 

Q. Is there any other methodology PGE could use to create a point forecast of hydro 7 

production for purposes of creating a NVPC forecast? 8 

A. Some have suggested that developing “expected value power costs” could produce a point 9 

NVPC forecast that reflects an even chance of positive or negative variances and an even 10 

size of such variances. 11 

Q. What is expected value power cost? 12 

A. Assuming all relevant variables are defined accurately, it represents a “fair roll of the dice” 13 

with respect to expected power cost recovery for the next year.  If you roll the dice many 14 

times (i.e., many simulations of next year), the deviations between the simulations and 15 

Expected Value Power Costs for next year will tend to even out.  The method simulates 16 

individual or aggregated draws of possible hydro conditions from the period 1929-1997, 17 

simulated to occur in the next year.  It simulates next year only and not years into the future.  18 

In other words, whether one uses Average Hydro Power Cost or Expected Value Power 19 

Cost, there can be no reason to expect an inter-temporal matching of the costs and benefits.  20 

Q. What are your concerns with developing Expected Value Power Cost? 21 

A. One of the difficulties in developing Expected Value Power Cost is developing reasonable 22 

parameters for the relationship between hydro generation and market electric prices.  23 
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Moreover, Expected Value Power Cost does not represent a ratemaking response for treating 1 

the volatility of power costs around the baseline forecast.  It does not simulate hydro 2 

conditions outside of the 1929-1997 period or other more extreme hydro conditions.  It does 3 

not handle unanticipated events (e.g., the 2000-2001 California Power Crisis), and generally 4 

is very poor at reflecting non-fundamental factors such as market psychology.  It also does 5 

not simulate the next 69 years into the future.  This is because: 6 

• Hydro system non-power constraints change over time into the future. 7 

• Hydro resource shares change over time into the future. 8 

• The distribution of potential hydro production outcomes may not be represented 9 

by the 69 years because of climate change or changes in environmental 10 

requirements.   11 

• The relevant parameters (e.g., hydro/market price relationship, gas/electric price 12 

relationship) are not static.  As a result, even if the parameters are defined 13 

correctly for one year, they will tend to change over time.  Thus, a deviation in 14 

power cost that is consistent with a distribution of potential outcomes in year 1 15 

could not be expected to be offset with a deviation in power cost in year 2 (or 16 

some other future year) that is consistent with a different distribution of potential 17 

outcomes.  18 
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III. Power Cost Framework – Annual Update Role 

Q. What components of PGE’s power costs do you propose to address through the Annual 1 

Update? 2 

A. We propose to establish a forecast of NVPC – which we defined in Section I – for 3 

ratemaking purposes each year through the Annual Update tariff.  To create this forecast, we 4 

propose to use MONET, updating only for: 5 

• Hourly loads for the forecast year; 6 

• New physical and financial contracts and changes to existing contracts for power, 7 

fuel, fuel transportation, or transmission/wheeling; 8 

• Forced outage rates, using the traditional four-year weighted, rolling-average 9 

methodology; 10 

• Planned maintenance outage days for the forecast year; and 11 

• Forward curves for long or short open power, natural gas, oil, or U.S./Canadian 12 

foreign exchange rate positions. 13 

  As we stated in Section II, any model change or data input not on this list would not 14 

occur in the Annual Update process. 15 

Q. Why have you included an annual NVPC update in your proposed framework? 16 

A. The primary driver of changes in our NVPC is power and fuel contracts that we purchase in 17 

advance for a given future year or years.   18 

  With the advent of markets for both power and fuel, and the shift away from long-term 19 

(15-year plus) agreements, neither PGE nor customers can have confidence that forecasts 20 

created for one year will be even approximately representative for a subsequent year.  For 21 

example, just from 2002 to 2003, the average price of our power contracts fell by almost 22 
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49%; our 2003 RVM passed this cost decrease through to customers with no lag.  An even 1 

larger drop in natural gas prices occurred after prices based on the UE 88 test year took 2 

effect in early 1995.  PGE adjusted prices for this decrease at the end of 1996 in UE 100.  3 

Without an AAC, reflecting these market-driven changes in PGE’s prices may not occur on 4 

a timely basis.  PGE would have to evaluate whether to file a GRC based on the overall 5 

change in our revenue requirements and our belief about how long the changed power and 6 

fuel prices would persist.   7 

Q. Doesn’t an annual NVPC update eliminate regulatory lag as a risk the utility bears? 8 

A. First, it is important to note that regulatory lag is a two-way risk: a utility has the risk of not 9 

receiving timely (via either load growth or rate increases) revenue increases to cover rising 10 

costs and customers have the risk of not receiving timely rate decreases as load growth 11 

and/or falling costs increase a utility’s earnings.  The Annual Update eliminates this risk for 12 

both PGE and our customers.  Moreover, it does so only for this limited set of costs.  The 13 

framework we are proposing allocates to PGE the regulatory lag risk for several power cost-14 

related components.   15 

  Second, one of the traditional purposes of regulatory lag – to create an incentive for 16 

prudent decision making – may be less needed for the costs we propose to include in the 17 

Annual Update.  One of the benefits of regulatory lag in the past was to encourage prudence 18 

by aligning interests between the utility and customers; i.e., the lag assured that the utility 19 

experienced either the benefits or detriments of the particular decision.  For power and fuel 20 

contracts entered into in a competitive market, this assurance of prudence is less necessary 21 

because the Commission can judge the prudence of decisions according to other available 22 

decisions.  Even for structured contracts, which may not have directly comparable 23 
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alternatives, the market will provide enough information to construct a cost-benefit analysis.  1 

And, as with the purchased gas costs for which gas utilities also do not experience 2 

regulatory lag, PGE earns nothing on its power and fuel contracts.  These are not rate base 3 

investments. 4 

Q. Does an annual update discourage PGE from entering into multiple-year contracts? 5 

A. No.  PGE entered into several multiple-year (five years and longer) power contracts as part 6 

of the 2002 IRP Action Plan and RFP process.  As market liquidity improves for contracts in 7 

the three-to-five year range, we will evaluate entering into these as well.   8 

Q. Why does your proposal update hourly loads? 9 

A. NVPC relates directly to loads.  It would make no sense to update the costs without updating 10 

the loads. 11 

Q. What model will you use for load forecasting in the Annual Update? 12 

A. We propose to use the same model as we use in a GRC but, as explained in PGE Exhibit 13 

1200, we will need to re-estimate the parameters with current external data.  Load forecasts 14 

for the annual update process will incorporate the most recent data available for key inputs 15 

such as employment, GDP, building permits, and interest rates. 16 

Q. Why will you include updates to power, fuel and transmission contracts in the Annual 17 

Update mechanism? 18 

A. Again, these are the drivers of year-to-year changes in forecast NVPC.  Chart 1 below 19 

shows, in $/MWh the average variable cost of gas resources and of power contracts during 20 

the last five years and in millions the total dollars spent.  The total results from both the 21 

average cost and the volume, which can vary from year-to-year both because of load and 22 

because of trade-offs between gas and electricity. 23 
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Chart 1 
 

  2001/2 2003 2004 2005 2006 
$/MWh 38.5 38.3 40.9 37.6 50.6 Gas 

Resources Total $’s 201M* 98M 91M 51M 103M 
$/MWh 74.8 38.4 42.8 46.1 52.6 Contract 

Resources Total $’s 508M* 204M 221M 299M 381M 
 

 * indicates 15-month number, from October 1, 2001 through December 31, 2002 1 

Q. Why will you update forced outage rates in the Annual Update? 2 

A. As we explained in Section II, the methodology we use for forecasting a forced outage rate 3 

allocates the risk that this forecast is wrong very specifically: the in-year effect goes to PGE 4 

and customers experience the variance in the following four years.  To make this risk 5 

allocation methodology work fairly requires an annual update. 6 

Q. What is the reason you update planned maintenance outages in the Annual Update? 7 

A. These specific plans to perform, or not perform, maintenance vary significantly every year.  8 

PGE will purchase power to cover these periods and customers should pay that expected 9 

cost, which will change from year to year as maintenance needs change.  If we set this only 10 

in a GRC, both sides would run a significant risk that the test year estimate was not 11 

representative in later years.   12 

  In contrast to the current RVM process, we propose to update the planned maintenance 13 

outage forecast in October of each year.  By October, plant managers have largely 14 

completed their budgets, committing dollars to the planned maintenance and firming the 15 

timing.  This should decrease the chance for variance over the current RVM process, in 16 

which we set the planned maintenance outage forecast in March.   17 

Q. Even if you lock your forecasts of planned maintenance outages in October, is there a 18 

chance that the outages do not occur as planned? 19 
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A. Yes.  We experienced this with our Sullivan plant.  As of March 2004, we expected to take 1 

Sullivan out of service from July through October, 2005.  In February 2005, we learned that 2 

we could not obtain all the necessary permits in time and would need to reschedule the 3 

outage for the following year – 2006.  There is also a chance the outages go longer than 4 

expected.  For example, in 2000, the Boardman outage lasted almost 54 days, rather than the 5 

15 planned. 6 

Q. How will you address this in the Annual Update mechanism?   7 

A. We are open to discussing with the parties means of adjusting for changes between actual 8 

and planned maintenance outages.  One approach might be to spread the missing or extra 9 

days over the following 2-3 years.  Other approaches may exist as well.   10 

Q. You noted above that some planned maintenance outages include work to increase the 11 

output or decrease the heat rate of a generating plant.  Since customers “pay” for the 12 

variable cost effects, shouldn’t they receive the benefits of the increase in capacity or 13 

decrease in heat rate? 14 

A. It is reasonable that customers should get some benefit but, unless we also include the 15 

investment and additional O&M costs, it is not fair that customers receive the entire benefit.  16 

We are willing to explore allocating the benefits according the proportions represented by 17 

capital carrying costs (return of and on), one-time O&M, and foregone power production.  18 

As with the potential mismatch between forecasted and actual planned maintenance outages, 19 

we have not included a solution in the Annual Update tariff but are open to discussing the 20 

issue with the parties. 21 

Q. Why do you need forward gas and electric curves for the Annual Update mechanism? 22 
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A. MONET meets load and dispatches PGE’s resources on an hourly basis.  As we begin a 1 

given calendar year, there are always some hours for which we have not purchased power or 2 

natural gas as MONET would indicate or have, in fact, purchased more power or gas than 3 

MONET calculates that we need to meet load.  We input forward curves in MONET to 4 

value both what we need to buy and what we need to sell. 5 

Q. What forward curves do you propose to use for the Annual Update? 6 

A. We propose to use the average of five daily forward curves that we generate internally in 7 

early November.  8 

Q. Is this a change from the RVM? 9 

A. Yes.  In the RVM, we have used PGE’s internally-generated curve from just one day. 10 

Q. Why do you propose to average the curves over a five-day period? 11 

A. We have two reasons.  First, an average over five days will smooth daily fluctuations from 12 

the forward look.  Although uncommon, we have seen some extreme one-day moves in the 13 

forward curve that would cause us to have significant reservations about using that single 14 

day in ratemaking.  Second, the use of five days’ curves should ease concerns that PGE is 15 

proposing an unrealistic curve for purposes of the Annual Update.  These are the same 16 

curves that we use to adjust our positions on a daily basis.  Using an inaccurate curve for 17 

five days could have a significant adverse financial effect.   18 

Q. Are externally-generated curves available? 19 

A. We are aware of several external sources for forward curves, including ICE, brokers, and 20 

Energy Market Report.  The difficulty with any of these is that we do not have direct access 21 

to their sources.  We cannot validate their projections.  We base our curve on actual 22 
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conversations with trusted sources and document those.  We do validate our curve against 1 

the externally-generated curves.   2 

Q. Is it feasible for parties to the Annual Update process to audit PGE’s internally 3 

generated gas and power curves? 4 

A. Yes.  We could make available to parties our documentation and the externally-generated 5 

curves from the same period.  Review of these materials would not take much time. 6 

Q. What process and timing do you propose for the Annual Update process? 7 

A. We would initiate the process each July 1, providing an estimate of NVPC for the following 8 

calendar year, along with projected rate changes.  This filing would include final forced 9 

outage rate calculations and all structured (including capacity) or multi-year power or fuel 10 

contracts that PGE intended to include.  For the latter, the filing would include the basis on 11 

which we determined that the price of the structured contracts was reasonable.  The estimate 12 

would also reflect preliminary planned maintenance outages, market contracts, pricing 13 

changes under old contracts, such as long-term transmission/wheeling agreements, and 14 

forward curves as of a certain date before July 1.  For this initial filing, we would use just 15 

one-day curves.  We chose this timing to allow parties ample time to review the support 16 

behind our structured contracts and verify the forced outage rate calculations.  Parties could 17 

also review market contracts and old contract pricing updates included in this estimate and 18 

preliminarily review the load forecast. 19 

  On or before October 1, we would provide a final load forecast and the final planned 20 

maintenance outages.  As noted above, by early Fall, plant managers generally have firmed 21 

their plans for maintenance work in the following year.  The only load change allowed after 22 

this date would be that necessary to reflect customer elections in September under Schedules 23 
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483 and 489.  We envision that the parties would use the following six weeks to verify the 1 

load forecast and engage in any necessary review of the planned maintenance outages.   2 

  On or before November 15, we would provide a final MONET run for the following 3 

calendar year, updating market contracts through early November, any short-term 4 

transmission pricing, and using the averaged forward curves described above.  This run 5 

would include any load changes resulting from Schedule 483 and 489 elections.  During the 6 

following three weeks, parties could audit the forward curve calculations and review the 7 

final market contracts and transmission pricing included.   8 

  We anticipate a Commission order on rates for the Annual Update tariff on or around 9 

December 15. 10 

Q. Does your proposed Annual Update change any of the risk allocations you discussed in 11 

Section II or create any new risk allocations? 12 

A. We discussed above how this mechanism interacts with the risk of regulatory lag, with 13 

respect to power and fuel contracts.  The cut-off of structured contracts as of July 1 14 

heightens somewhat the risk of regulatory lag for PGE for any such contracts.  For forced 15 

outages rates and planned maintenance outages, the Annual Update simply implements the 16 

risk allocation stemming from the methodology choice made in a GRC.  17 
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IV. Proposed Annual Variance Tariff 

Q. What are the parameters of your proposed APCV mechanism? 1 

A. Under the proposed APCV mechanism, PGE would: 2 

• Track the difference between its actual NVPC for a given year and its forecast 3 

NVPC, resulting from the Annual Update; 4 

• Neutralize the effects of load changes (increases or decreases) on that variance; 5 

• Absorb 10% of the variance and design the remaining 90% into a per kWh rider 6 

per an amortization schedule set by the Commission; and  7 

• Demonstrate each year that earnings in the prior year, with the effects of the 8 

Annual Update and Annual Variance tariffs, do not exceed a reasonable amount, 9 

sharing any earnings above a threshold ROE 50-50 between PGE and customers.  10 

Q. Why have you included a retrospective AAC in your power cost framework? 11 

A. We believe that, notwithstanding an annual update of forecast NVPC, a substantial 12 

probability remains that the actual incurred NVPC will differ significantly from the forecast 13 

most years and will do so in both a positive and negative manner, resulting in lower NVPC 14 

one year and higher NVPC another year.  Without a retrospective mechanism in the 15 

framework, neither PGE nor customers will have the assurance they should have that prices 16 

reflect cost of service. 17 

Q. Why does the Annual Variance tariff track variances between actual NVPC and 18 

forecast NVPC? 19 

A. We have several reasons for proposing this construct.  First, it is most consistent with the 20 

nature of our resource portfolio and how we operate the system.  We work hard to minimize 21 

costs across the entire system and engage in much day-to-day activity to this end.  Isolating 22 
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the variance mechanism to a couple of cost components eliminates much of this activity 1 

from the mechanism and may distort the result.  Second, and related, although we certainly 2 

know the uncertainty associated with hydro production, uncertainty – positive and negative 3 

– exists with respect to many other inputs to the MONET forecast even if hydro variations 4 

can swamp their effect.  Third, during the last several years that we have wrestled with this 5 

issue with CUB, ICNU and OPUC Staff, we understand most have come to believe that a 6 

comprehensive mechanism is best.  The disagreement lies in use of a dead-band and sharing, 7 

not in the scope of the mechanism. 8 

Q. What has been the historical variance between forecast and actual NVPC? 9 

A. Graph 1 below illustrates the variance between actual and forecasted net variable power 10 

costs from 1993 through 2005. 11 

Graph 1 
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Graph 1 indicates that variances can be more than $150 million, both positive and 1 

negative. 2 

Q. What do you cover in this section? 3 

A. We first address, in Section A, how we propose to neutralize the outcome of the Annual 4 

Variance calculations to changes in load.  Section B discusses why we included a sharing 5 

element in the proposal; Section C addresses why we did not, however, include a dead-band.  6 

In Section D we address the requirement of revenue neutrality the Commission suggested in 7 

its Order in UE 165.  Section D discusses earnings tests, why we chose the form we did and 8 

how it would work.  Last, in Section F, we address the process we would follow for the 9 

Annual Variance tariff.  10 

A. Neutralizing Load Effects 

Q. Why is it necessary to neutralize the effects of load changes on the variance tracked by 11 

the mechanism? 12 

A. To fail to do so would create a mismatch between the NVPC component of rates and the 13 

actual costs incurred to serve customers.   14 

Q. How will you neutralize these effects? 15 

A. Because variable power costs are:  1) direct costs, 2) allocated to rate schedules on a kWh 16 

basis, and 3) included in energy charges that are billed on a kWh basis, it is relatively 17 

straightforward to determine the rate component associated with NVPC.  In simple terms, it 18 

is the forecast NVPC divided by the forecast loads which we will call forecast unit NVPC.  19 

If actual load increases over forecast, NVPC will also increase, all else being equal.  20 

Likewise revenue associated with NVPC will increase by the forecast unit NVPC per kWh 21 
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of load change.  If loads decrease, the opposite will happen.  Therefore, it is necessary to 1 

adjust for changes in loads by multiplying the load difference by the forecast unit NVPC.  2 

Q. Are there other methodologies to achieve this neutralization? 3 

A. There may be others, but they do not align actual NVPC incurred with revenues received. 4 

Q. If customers respond to a prolonged period of tight power supply by reducing load, are 5 

they helped or hurt by this mechanism? 6 

A. They are helped.  In general, but especially during time of power shortage (e.g., a drought 7 

condition), we would expect the market value of power to exceed the forecast unit NVPC.  8 

Thus, a reduction in load would reduce what we call the “Power Cost Variance” (the 9 

difference between actual and forecast NVPC adjusted for load differences at the average 10 

unit NVPC) from what it would otherwise be. 11 

Q. Please describe the Power Cost Variance as a formula. 12 

A. The Power Cost Variance is equal to: 13 

  Actual NVPC  -  Forecast NVPC  - (Actual Load  -  Forecast Load)  *  Forecast Unit NVPC 14 

 An algebraically equivalent way to express this is: 15 

  (Actual Unit NVPC  -  Forecast Unit NVPC)  *  Actual Load 16 

 (The proof is left to the reader.)  This is the formulation included in our proposed tariff 17 

(PGE Exhibit 1302) and is the same as that used in our 1979-1987 PCA. 18 

B. Sharing 

Q. What purpose does a sharing feature serve? 19 

A. To the extent the AAC is capturing variances between a forecast cost and an actual cost, the 20 

sharing percentages serve to align interests between the utility and customers, much as 21 

regulatory lag does.  In other words, the utility experiences a direct financial effect of every 22 
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decision made and action taken during the period over which the AAC is capturing the 1 

variance.  This alignment of interests allows an assumption that the utility is acting 2 

prudently.  Thus, while to some extent this feature works – as a dead-band does – to 3 

preclude the utility from recovery of some level of prudently incurred cost, it serves a 4 

regulatory purpose of aligning interests on decision-making and easing regulatory burdens 5 

associated with establishing prudence. 6 

Q. What other states have used sharing as a feature of AACs for NVPC? 7 

A. Colorado recently adopted a stipulated AAC that included sharing for Public Service 8 

Company of Colorado.  Docket No. 02S-315EG.  This AAC, in effect for 2004 through 9 

2006, shares the first $15 million difference 50-50, the next $15 million is allocated 75% to 10 

customers and 25% to the utility and variances beyond that are 100% to customers.  Order 11 

No. CO3-0670.  The Commission explained in adopting the stipulation that:  “This 12 

mechanism insures that the difference between ECA [energy cost adjustment] revenue paid 13 

by customers and prudently-incurred CPUC jurisdictional energy costs will never vary more 14 

that $11.25 million, either positive or negative.”  [p. 60.]  The Order also notes that “[m]any 15 

parties filed testimony urging the Commission to adopt a 100% pass-through mechanism.”  16 

[p. 59.]  17 

  Idaho uses a 90-10 sharing parameter in long-standing AACs in place for Avista and 18 

Idaho Power Company.  Similarly, in 2005, Arizona approved an AAC for Arizona Public 19 

Service Company (APS) that includes 90-10 sharing.  Docket No. E-01345A-03-0437.  The 20 

Arizona Commission stated that it “agree[d] that the use of an adjustor when fuel costs are 21 

volatile prevents a utility’s financial condition from deteriorating.”  [p. 16-17.]  Because 22 

testimony indicated that APS required the AAC primarily for the cost of power purchased to 23 
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serve load growth, however, rather than price volatility, the Commission limited the annual 1 

amount of NVPC that APS could use to calculate the AAC, thus requiring that APS file a 2 

rate case to reset the base if it deems necessary because the cap was reached.  [p. 17.] 3 

  Sharing is also a parameter in Washington.  We discuss this in Section C. below, on 4 

dead-bands. 5 

Q. Has Oregon used sharing in AACs? 6 

A. Yes, frequently.  PGE’s early PCA included sharing of the variances between the quarterly 7 

forecast NVPC and the actual NVPC 80% to customers and 20% to PGE.  Since 1989, 8 

Oregon’s PGAs also have included sharing.  Historically, the PGA passed through 100% of 9 

any variances in the cost of purchased gas which, at that time, was typically from a sole 10 

interstate pipeline supplier.  In 1989, it became possible for gas utilities to purchase from 11 

multiple suppliers.  Gas costs were then approximately 56% of Northwest Natural Gas 12 

Company’s total expenses.  The Commission stated: “[I]t is obvious that changes in gas 13 

costs can have a significant effect on LDC earnings.  The determinations in this order 14 

demonstrate that it is the intention of the Commission to continue to provide safeguards to 15 

LDCs and their customers regarding gas cost changes.”  Order No. 89-1046.  The 16 

Commission adopted 80-20 sharing for the retrospective aspect of the PGA.  17 

Q. How do the PGA’s work? 18 

A. Our understanding is that a PGA has two components, similar to those we propose for PGE: 19 

a forward-looking mechanism to reset base natural gas costs for a coming year and a 20 

retrospective mechanism which defers, for later inclusion in rates, 100% of the monthly 21 

difference between actual fixed costs and the base level and a portion of the monthly 22 

differences between actual commodity-related costs and the base level in rates.  See Order 23 
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No. 99-272 at 2.  As indicted above, this portion was 80-20 for all gas utilities starting in 1 

1989.  In the late 1990s, two of the Oregon gas utilities moved to 67-33 sharing, while one 2 

remains at 80-20.  The sharing percentage triggers different applications of an earnings test.  3 

Order No. 99-272.  4 

  The base is set according to the cost of gas for a given gas utility for twelve months 5 

ending June 30 of each year.  Volumes are not normalized to a prior rate case or for weather.  6 

This historical period can be adjusted for known and measurable changes in purchase 7 

contracts.  See Order No. 89-1046.  In other words, the base includes forward contracts.  8 

Only projected volumes not covered by forward contracts would be priced at the historical 9 

cost. 10 

  Based on this understanding, we perceive that the risk allocated between gas utilities 11 

and their customers is as follows: 12 

  1. Regulatory lag in adjusting the price of any “base” gas required for the following 13 

year and not purchased in advance.  Gas utilities have this risk, but it is also largely within 14 

their control. 15 

  2. Variance risk between the volume of gas used in the prior year and, thus, used to 16 

set the base and the volume of gas actually needed.  This risk is shared, either 67-33 or 17 

80-20. 18 

  3. Variance risk between the price of gas needed to serve load greater than that in the 19 

base forecast and the price included in rates and, thus, recovered for the additional sales.  20 

This risk is also shared, either 67-33, or 80-20.   21 

Q. Is the process of setting the forward-looking base for the PGA the same as you propose 22 

for the Annual Update? 23 
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A. No.  There are two significant differences.  First, we currently, and would in the future, use a 1 

normalized, forecasted load, not historical volumes.  Second, both the Annual Update and 2 

Annual Variance mechanisms concern net variable power costs: we forecast sales of any 3 

power or fuel purchased in excess of the forecasted, normalized load and generating plant 4 

needs and would track the variance in sales as they actually occurred. 5 

Q. Is there any other difference between natural gas and PGAs and NVPC and your 6 

proposed mechanisms that is worth noting?   7 

A. Yes.  PGE faces a much larger price variance that is not related to volume/load variance.  8 

Our NVPC is based on a resource stack at the bottom of which are resources with very low 9 

or zero variable costs.  Changes in the delivery from these resources can profoundly affect 10 

our actual NVPC.  It would be analogous to the gas utilities having access to natural gas 11 

supplies priced at nothing or very low prices – say, $0.50/MMBtu – but being unsure, day-12 

to-day just how much of this gas they will receive in their system.  In addition, we have 13 

single-source risk for both some of our plants and our purchases.  In other words, we expect 14 

significant volumes from these sources raising the risks of default or production variations.  15 

Examples would be the Mid-C contracts, the Trans Alta contract, and our coal-fired 16 

generating plants.  17 

Q. How did you choose the sharing percentage? 18 

A. The sharing percentage is the same as used in Arizona and Idaho.  It is also the same as 19 

being proposed by Avista for Washington, to match what is in place for them in Idaho.   20 

C. Dead-bands 

Q. Does your proposed Annual Variance tariff use a dead-band? 21 

A. No. 22 
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Q. What has been Oregon’s application of a dead-band to an AAC?  1 

A. Oregon has applied a dead-band to an AAC only once: in the stipulated power cost 2 

adjustment mechanism adopted in UE 115.  Because the tariff for this mechanism expired 15 3 

months following its effective date, however, it is arguable that this tariff was more in the 4 

nature of a deferral than an AAC.  Oregon does not apply any dead-band to the regulatory 5 

framework used for purchased gas adjustments (PGAs) for natural gas utilities nor did 6 

Oregon apply a dead-band to PGE ‘s 1980s PCA.  7 

  The Commission has also imposed a dead-band in one instance of a deferred accounting 8 

request.1  Such requests are markedly different from AACs, however, because of their 9 

sporadic nature. 10 

Q. What other states use a dead-band for AACs that apply to electric utility power costs?  11 

A. Washington (through the Washington Utilities and Transportation Commission) has 12 

approved, in the instance of two stipulations offered to it, a dead-band for AACs that apply 13 

to NVPC.  Within the last month, Wyoming also approved a stipulation filed with it in a 14 

PacifiCorp case that includes a power cost adjustment clause with a dead-band. 15 

  A dead-band parameter –$20 million plus or minus – appears in the AAC stipulated to 16 

by Puget Sound Energy (PSE) Company in 2002, along with sharing tiers of 50% for the 17 

next $20 million, 90%/10% for the next $80 million and anything over $120 million shared 18 

95% to customers and 5% to PSE.  Twelfth Supplemental Order Docket No. UE-011570.  19 

That stipulation also placed a cumulative $40 million, 4-year limit (7/1/02 through 6/30/06) 20 

on the amount of NVPC variances allocated either to customers or PSE, with sharing 21 

moving to 99% to customers and 1% to PSE for amounts over this.  A dead-band – $9 22 

                                                           
1 PGE stipulated to a dead-band in another deferred accounting request (Docket UM 1008/1009). 
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million plus or minus – also appears in the AAC stipulated to by Avista in 2002, with 90-10 1 

sharing of all amounts outside of that.  Fifth Supplemental Order, Docket No. UE-011195. 2 

Q. Will Washington be reviewing the appropriateness of dead-bands in AACs for NVPC? 3 

A. Yes.  Both Avista (Docket No UE-060181) and PSE (Docket No. UE-060266) have filed 4 

cases requesting removal of the dead-bands from their power-cost related AACs.  Avista 5 

proposes an AAC with 90-10 sharing.  PSE proposes an AAC with 50-50 sharing of the first 6 

$25 million in positive or negative variance, with 90-10 sharing of the next $95 million in 7 

variance and 95-5 sharing of any remainder.   8 

Q. Has Wyoming applied a dead-band parameter to an AAC for NVPC? 9 

A. As noted above, Wyoming just approved a stipulation that included one for PacifiCorp.  The 10 

NERA report indicates that Wyoming had previously approved a dead-band mechanism for 11 

Cheyenne Light, Fuel and Power Company (Cheyenne) but, based on our review of the 12 

matter, it is not clear that is the case.  The August 2001 Order describes a stipulation 13 

regarding a long-standing NVPC AAC for Cheyenne.  Docket No. 20003-ES-01-58.  14 

Because of costs incurred during the Western power market crisis, Cheyenne was proposing 15 

rate increases from 57.1% to 88.2%.  In the Stipulation, the parties agreed to spread recovery 16 

of some of the already-incurred costs included in those increases over future years (through 17 

2005) and Cheyenne agreed to fix capacity and energy prices for purposes of the AAC from 18 

February 24, 2001 through the end of 2002.  After the end of 2002, the AAC would revert to 19 

passing through 100% of actual NVPC.  This plan allowed Cheyenne to drop the proposed 20 

rate increases by about a half in 2001 with an additional round of increases in 2002.   21 

Q. Does the NERA report also show Kansas as a state that has used a dead-band for 22 

utility power-cost related AACs? 23 
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A. Yes.  Again, we reviewed the material and would not classify the approach as a dead-band.  1 

The state-wide policy, adopted in 1977, puts limits on certain costs, such as line losses.   2 

Q. Why haven’t you included a dead-band in your mechanism? 3 

A. We have several reasons.   4 

  First, as noted above, Oregon has only applied a dead-band in a non-settlement matter 5 

for a deferred accounting request.  A dead-band applied to PGE’s stipulated 15-month PCA, 6 

but this was not an ongoing AAC.  Oregon has never applied the dead-band concept to an 7 

indefinite AAC, of which the most comparable example is the PGA mechanisms. 8 

  Second, a dead-band interferes with the risk allocation of the forced outage rate 9 

methodology.  This occurs because the dead-band, for positive or negative variances, will 10 

consume some of the amounts the methodology would otherwise allocate to PGE or to 11 

customers, depending on what other factors are causing NVPC to vary.  Applying sharing 12 

does not cause this because the sharing is consistent across the five years the forced outage 13 

rate methodology requires to reach parity. 14 

  Third, a dead-band suggests that a utility’s earnings opportunity must, first and 15 

foremost, be at risk to variances in costs over which the utility has little or no control and 16 

must incur to meet its obligation to serve.  NVPC differ from fixed O&M both in the size of 17 

potential variance, which is much higher for NVPC, and the ability to delay or avoid 18 

expenditures, which is much greater for fixed O&M.  Delaying significant amounts of fixed 19 

O&M can threaten the quality of customer service and, over some period, the health of the 20 

utility’s system.  Delaying the purchase of power customers demand could threaten the 21 

stability of the system, causing widespread outages. 22 
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  Last, a dead-band is not necessary to prevent undue rate volatility.  The Commission 1 

has control over the amortization of any variances accumulated through the mechanism.  2 

Small variances need not trigger a rate change and the Commission may spread large 3 

variances over several years. 4 

Q. Are you aware of any regulatory policy reason for applying a dead-band? 5 

A. No.  Some argue that a retrospective AAC must include a dead-band to ensure that the utility 6 

bears some risk.  However, most aspects of regulation, such as the concept of 7 

administratively-determined prudence, allocate risk to a utility.  A dead-band that 8 

automatically works to preclude recovery of prudently-incurred costs a utility must incur, or 9 

to prevent customers from benefiting from the characteristics of resources such as hydro 10 

generation, is not a necessary step to ensure that a utility bears risk.    11 

Q. Doesn’t the Commission’s Order in UE 165 suggest that an AAC for hydro variances 12 

include a dead-band? 13 

A. The Commission stated that “unusual, but not necessarily extraordinary, events – should be 14 

used for hydro-related PCAs.”  Order No. 05-1261.  It is not clear what the Commission 15 

would conclude with respect to a retrospective adjustment for all NVPC variances, as 16 

opposed to hydro-generation variances only.  If this conclusion applied to a retrospective 17 

adjustment for comprehensive NVPC variances, it would suggest that there is some level of 18 

“usual” prudently incurred cost that a utility may not have an opportunity to recover.  19 

Moreover, this policy would preclude recovery simply because the cost is uncertain and, 20 

thereby, difficult to forecast.  While utilities have traditionally borne responsibility for 21 

managing costs within their control, they have not borne responsibility for uncertainty.  In 22 

some circumstances, a utility’s NVPC may not be uncertain and such circumstances would 23 
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support a regulatory framework that did not include a retrospective adjustment.  That is not 1 

the case, however, for PGE. 2 

Q. Has the Commission required a dead-band as described in UE 165 to Oregon PGA 3 

clauses?  4 

A. No.  5 

D. Revenue Neutrality 

Q. What is your understanding of “revenue neutrality,” a guideline the Commission 6 

recently suggested apply to a hydro-related AAC in UE 165? 7 

A. We understand that the Commission’s goal was “that operation of a hydro-related PCA 8 

should not bias the overall expected level of power cost recovery; i.e., the mechanism should 9 

be revenue neutral over time.”  Order No. 05-1261 at 10.  We find this difficult to apply, 10 

however. 11 

  The reason regulatory practice has included AACs over the years is that some costs defy 12 

accurate forecasting.  NVPC are such, both for individual components, such as hydro 13 

production, and overall.  This is particularly the case in a resource portfolio that has 14 

resources with significantly different dispatch costs and in a region in which there is an 15 

active wholesale market in which utilities participate to achieve lower overall NVPC as the 16 

market-clearing heat rate changes, affecting planned dispatch decisions.   17 

  Thus, it is impossible to determine whether a given AAC will result in the same 18 

collection of costs from customers – revenue neutrality – whether it existed or not.  This 19 

goal appears to suggest a long-term backward look, limiting recoveries from or refund to 20 

customers to equalize them over the period chosen.  Such a practice, however, setting aside 21 

legal concerns, suggests that we know the costs covered by the AAC will distribute 22 
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themselves over the period of years chosen in a manner that provides the utility and 1 

customers equal probabilities of the same amount of economic variance.  We can think of no 2 

cost included within NVPC that meets such criteria, let alone that the overall resulting 3 

NVPC over a period of years would meet such criteria.   4 

  Until we can achieve a fuller understanding of the steps and pre-conditions necessary to 5 

apply this parameter, we will not attempt to do so.  We cannot “show” that the retrospective 6 

APCV we propose, and the alternate, are “revenue neutral.”  We can assure, however, that 7 

customers pay no more than the actual cost of service related to NVPC as those rise and fall. 8 
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E. Earnings Tests 

Q. How has Oregon applied earnings tests to AACs? 1 

A. At some point in the 1990s, Oregon began to apply an earnings test to natural gas utilities’ 2 

PGA mechanisms.  Our understanding of how this earnings test works is as follows.  In the 3 

Spring of each year, once audited results are available for the prior calendar year, the gas 4 

utilities make a filing of regulated earnings for that prior year.  Using a formula, the parties 5 

derive an updated “allowed” ROE for the prior year.  A portion of actual earnings a given 6 

number of basis points above the updated ROE are shared with customers.  For example, it 7 

appears that this is 33% of earnings more than 300 basis points above the updated ROE for 8 

Northwest Natural.  If a gas utility chooses 67-33, rather than 80-20, sharing for the 9 

retrospective portion of the PGC, the earnings test does not apply to deferred amounts.  That 10 

the earnings test triggers, does not limit applying the PGA to create a new base natural gas 11 

cost for the following year, it simply generates a credit to customers that the utility 12 

amortizes in that following year.  If an earnings test applies to the deferred amounts, and if 13 

adjusted earnings are above the threshold earnings levels and the deferrals would result in a 14 

surcharge to customers, the gas utility will return to customers the lesser of: (a) the amount 15 

of revenue in the readjusted test year representing 80% of the earnings above the threshold, 16 

or (b) the amount of revenue related to offsetting the purchased gas cost deferrals.   17 

  An earnings test did not apply to PGE’s old PCA, nor did one apply to the SAVE 18 

mechanism. 19 

Q. Has Oregon applied earnings tests to deferred accounting requests? 20 

A. Yes.  The statute that gives the Commission authority to use deferred accounting requires an 21 

earnings test in most instances.  Nonetheless, in practice an earnings test is not always a 22 
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factor.  For example, the Commission did not perform an earnings test in passing through 1 

property tax reductions to customers (UM 374), the amount by which actual IT expenditures 2 

were less than its forecast (UE 115), or in allowing PGE to recover certain conservation 3 

expenses (UM 784).   4 

  During the early 1990s, when PGE’s Trojan plant experienced prolonged outages and 5 

then we permanently closed it to achieve long-term lower costs for customers, the 6 

Commission authorized PGE to defer replacement power costs four times.  Table 1 below 7 

shows the dockets, amount deferred, earnings test applied, and resulting recovery for each 8 

deferral. 9 

Table 1 
Trojan-Related Deferrals ($000) 

Earnings Effective
Test Power Before After Customer

Customer Year Cost Earnings Earnings Share
Dockets Period Covered Share Ending Variance Test Test Percentage

UE 81, UE 82, UM 445 11/01/91 - 03/31/92 90% 04/01/92 26,112     23,501     23,501     90%

UM 529, UE 85 12/04/92 - 03/31/93 80% 04/01/93 56,714     45,371     45,371     80%

UM 594, UM 571, UE 93 07/01/93 - 03/31/94 50% 04/01/94 98,360     49,180     9,100       9%

UM 692, UE 93 01/01/95 - 03/31/95 40% 04/01/95 29,000     11,600     11,600     40%

Customer Share

 

Q. As a matter of regulatory policy, should earnings test considerations used for deferred 10 

accounting requests apply to AACs? 11 

A. In general, no2.  The two regulatory tools are different.  As we noted above, the use of 12 

deferred accounting is infrequent and limited to temporary and extraordinary cost or revenue 13 

changes.  Most AACs, in contrast, are an ongoing regulatory mechanism and features 14 

included in them directly affect the probability of cost recovery a utility can expect and that 15 

                                                           
2 An exception may be applying an earnings test to the AACs adopted as a result of SB 408.  Because various 
interpretations of SB 408 needed for the AACs could cause utilities severe financial harm, an earnings test may be 
the only means of achieving a reasonable result under the Hope test.  
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is important to determining whether the approved prices meet Constitutional and statutory 1 

requirements.  For example, an AAC earnings test that routinely cut-off recovery of incurred 2 

costs at a point below a utility’s authorized return on common equity (ROE) would affect 3 

the risk profile for the utility’s entire cost structure.  With such an earnings test, it could be 4 

impossible to conclude that the prices allowed the utility an opportunity to recover its costs 5 

and earn a return commensurate with firms facing comparable risks.  It would lower 6 

investors’ expected ROE, driving down the utility’s market value and, ultimately, increasing 7 

its cost of raising capital.  See PGE Exhibit 1100.  Such an earnings test is a penalty, rather 8 

than a means of assuring reasonable prices.  9 

  An AAC should not, by its operation, cause prices to become unreasonable.  The 10 

earnings test used for PGAs accomplishes that purpose.  For an electric utility, however, 11 

because of the amounts involved in NVPC, sharing of earnings more than 100 basis points 12 

above an updated ROE may be more appropriate than the 300 basis points used for gas 13 

utilities.   14 

Q. How would the earnings test apply? 15 

A. PGE proposes to share evenly with customers the amount by which PGE’s normalized 16 

actual ROE exceeds a threshold ROE.  The threshold ROE is 100 basis points over a 17 

baseline ROE, calculated as follows: 18 

• The baseline ROE for each year that is also a GRC test year will be the 19 

Commission authorized ROE as determined in that GRC. 20 

• The baseline ROE for each year that is not a test year will be based on the 21 

difference between the risk free rate used to derive the Commission authorized 22 

ROE in the most recent GRC case and the actual risk free rate, based on actual 23 
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Treasury yield data and applying the same methods used to determine the risk free 1 

rate in the GRC.   2 

  The annual update to ROE will ensure that if interest rates change (up or down), the 3 

baseline ROE (and hence, threshold ROE) will move accordingly. 4 

  The normalized actual ROE will be determined based on PGE’s actual financial results 5 

as reported in the Results of Operations report filed annually with the OPUC, adjusted for 6 

the following: 7 

• Costs explicitly disallowed for recovery by the Commission in our last GRC, such 8 

as Category C advertising expenditures (these are not adjustments to forecasted 9 

expenditures). 10 

• Removal of any non-utility costs inappropriately included in utility accounts. 11 

• Removal of any prior period costs or revenues. 12 

• Coordination of the interest deduction for tax purposes to reconcile to the cost of 13 

long-term debt financing of PGE’s rate base. 14 

Q. Does your proposed Annual Variance tariff use the earnings test the Commission 15 

suggested in its order in Docket UE 165? 16 

A. No.  The Commission’s suggested earnings test mechanism would constrain any recovery by 17 

PGE to that which brought our earnings up to the bottom of a range calculated by 18 

subtracting 100 basis points from our authorized ROE and limit any refund by PGE to that 19 

which brought our earnings down to the top of a range calculated by adding 100 basis points 20 

to our authorized ROE.  In other words, if PGE had experienced higher NVPC and managed 21 

to control other expenses or receive revenue to offset some of this loss, the earnings test 22 

would commensurately preclude recovery of the increased NVPC, ensuring that, at a 23 
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minimum, PGE had to absorb all (or more – depending on net rate base) of the $15 million 1 

dead-band the Commission also suggested to be appropriate.   2 

  Even assuming an equal probability that NVPC will be lower or higher than the 3 

forecast, with an equal probability that the positive or negative variance will be the same, 4 

this unprecedented version of an earnings test would systematically and negatively interfere 5 

with the other risk allocations already made to the utility by the overall regulatory 6 

framework.  Compounding this problem is what PGE has demonstrated in Docket UE 165: 7 

the variance between forecast and actual NVPC is not symmetric in probability and amount.  8 

Given the amount of hydro power in the NW, hydro conditions have the ability to move the 9 

market clearing heat rate across the WECC, with lower than average hydro raising the 10 

market clearing heat rate and higher than average hydro lowering it.  Even if water 11 

conditions, over some period of years, produced a symmetric distribution of lower and 12 

higher than average production, the financial effects would not be symmetric because of 13 

how hydro affects the market.    14 

Q. Has the Commission applied an earnings test such as the one suggested in UE 165 to 15 

Oregon PGA clauses or in any other instance? 16 

A. No, not to our knowledge.   17 

F. Process 

Q. What process do you propose for the Annual Variance mechanism? 18 

A. We propose to initiate the mechanism in June with a filing that contains: 19 

• Calculation of the variance 20 

• The earnings test  21 

• Proposed rate adjustments 22 



UE 180 / PGE / 400                                      UE 181 / PGE Exhibit / 103 
Lesh – Niman / 53                                                                             Tooman – Niman – Schue / 
53 

UE 181 – DIRECT TESTIMONY 
 

  Assuming that the Commission could complete any necessary process with six months, 1 

PGE can make the price change on January 1 of the following year with ample advance 2 

notice to customers. 3 

Q. Is it possible to make more timely rate changes for results of the Annual Variance 4 

mechanism? 5 

A. Yes.  PGE could estimate the result of the Annual Variance mechanism (although not the 6 

earnings test) for a given calendar year as of October of that year and include this estimate in 7 

the final stages of the Annual Update for the following year.  As long as the Commission 8 

had authorized us to maintain a balancing account for this mechanism that we could credit or 9 

debit as need be for any reconciliation of the final to the estimate, PGE would be willing to 10 

do this. 11 

Q. Would prudence be an issue in the Annual Variance proceeding? 12 

A. Yes, actions or decisions that pre-date but affect the period of the variance and that were not 13 

the subject of regulatory scrutiny in the Annual Update process would be subject to a 14 

prudence review.  An example of this would be maintenance decisions on PGE’s generating 15 

facilities and forced outage rates.  While a party could raise prudence issues with respect to 16 

decisions and actions during the period of the variance, the alignment produced by the 17 

sharing mechanism should limit such issues to a minimum. 18 
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V. MONET Changes 

Q. What model changes have you made to MONET since your 2006 RVM (UE 172) filing? 1 

A. We have made the following modeling changes: 2 

• Inclusion of Boardman coal losses 3 

• Change in definition of electric market from the PGE system to the Mid-C trading 4 

curve 5 

• Inclusion of an electric exchange option  6 

• Increase in stand-by generator ratings to full capacity 7 

• Inclusion of net costs of Troutdale-Linneman wheeling 8 

• Inclusion of wheeling cost for "excess" Montana Colstrip power 9 

Q. Why have you changed the model to include consideration of the loss of coal during its 10 

transportation from Wyoming to Boardman? 11 

A. We have documented (over the period 1999 through 2002) that we lose approximately 1% 12 

of the coal between the point where it is loaded in Wyoming to where it is fed into the 13 

Boardman boiler. The trip is approximately 1,121 miles.  During transit, strong winds attack 14 

the coal from the cumulative effects of train speed, headwinds, and crosswinds.  These 15 

winds blow coal out of the rail cars, which is called in-transit wind erosion.   In the coal 16 

industry, in-transit wind erosion is a commonly accepted fact, much like the loss of 17 

electrical energy over transmission lines.  Studies in the 1970s and early 1980s reported 18 

losses of up to 3%.  The studies used several methods of measuring the amount of coal lost, 19 

including both measuring the change in the depth of the coal and the weight of the coal, 20 

before and after transit and wind tunnel tests.  A study by K.H. Nimerick and O.P Laflin, 21 

"In-transit Wind Erosion Losses of Coal and Methods of Control", Mining Engineering, 22 
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August (1979), 1236-1240, reported that coal loss can be as high as 1.675 tons (3,350 lbs.) 1 

per rail car when subjected to 58 mph winds for six hours.  2 

  We calculated our estimate of 1% by comparing the difference between coal purchased 3 

and coal burned and the actual physical change in our coal pile.  In equation form: 4 

  Coal Loss = (Coal Purchased – Coal Burned) – (Change in Actual Coal Pile)  5 

  Our 1% coal loss figure is then total coal losses over 1999-2002 divided by total coal 6 

purchases over that same period.  7 

Q. How does the inclusion of coal losses affect 2007 NVPC? 8 

A. We presently estimate that this model change will increase NVPC by approximately 9 

$354,000 but this number will likely change as we update MONET. 10 

Q. Why isn’t PGE proposing a similar model change for coal transported to Colstrip?  11 

A. Colstrip is located only six miles from the mine, so any coal loss due to in-transit wind 12 

erosion is minor.  In fact, our study found that the coal losses were only 0.1%, which is 13 

insignificant.   14 

Q. Why have you changed MONET’s definition of the electric market from PGE system 15 

price to Mid-C prices? 16 

A. Using Mid-C prices, rather than PGE system prices, removes the 1.9% adder for contractual 17 

losses over BPA’s transmission system that we previously applied to purchases we 18 

forecasted we would make at Mid-C.  We include losses in our load forecast, so this adder 19 

caused double-counting.  Removing it is consistent with how we model losses from our 20 

thermal plants.  This enhancement also removes a minor inconsistency in MONET’s 21 

treatment of contract purchases vs. market purchases.  Previously, when PGE purchased a 22 

contract at the current Mid-C price, the power incrementally displaced assumed forward 23 
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market purchases in MONET at the PGE system price.  In theory, there should be no change 1 

in power costs because both the contract and the market purchase were at the market price.  2 

This displacement did create a change in power costs in MONET, however, because of the 3 

loss adder on the forward market purchases.  Suppose, for example, that PGE purchased a 4 

100 MWa flat contract at the Mid-C for $50/MWh.  We would input that contract into 5 

MONET, and MONET would reduce forward market purchases by 100 MWa, but at a PGE 6 

market curve price of approximately $51/MWh ($50 x 1.019 = 50.95).  Forecasted power 7 

costs would fall because the adder did not apply to the contract.    8 

Q. What effect does using Mid-C prices instead of PGE’s system prices have on 2007 9 

NVPC? 10 

A. We currently estimate that using Mid-C prices decreases net variable power costs by 11 

approximately $7.0 million.  This effect will diminish as we replace assumed forward 12 

market purchases with contracts through the year.  13 

Q. How have you included the electric exchange option contract in MONET? 14 

A. This contract is what we would call a structured contract, which is designed to achieve a 15 

particular result between the contracting parties.  In this structured contract, the counterparty 16 

pays PGE an annual fee, and, in return, when the option is exercised by the counterparty, 17 

PGE must transmit (wheel) the counterparty’s generation for them. Under normal 18 

conditions, we expect to use our existing BPA Point-To-Point transmission capacity with no 19 

incremental cost to PGE. However, we expect to incur incremental wheeling costs when 20 

simultaneously: (a) the counterparty exercises its option and (b) certain transmission paths 21 

are curtailed. This contract makes use of otherwise available capability on PGE’s system.  22 

To include this contract in MONET, we modeled the incremental wheeling cost PGE 23 
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expects to incur based on our expectation of how often the two conditions will occur 1 

simultaneously and included this estimate as well as the annual fee PGE receives from the 2 

counterparty.  The forecasted net benefit to customers is approximately $1.1 million in 2007.  3 

Q. Why did you change the stand-by generator ratings in MONET from partial-capacity 4 

to full capacity? 5 

A. In prior MONET model runs, we significantly de-rated the capacities of the distributed 6 

standby generation (DSG) units at PGE customers’ sites because of the annual run-time 7 

limits in their operating permits, which are typically a few hundred hours.  Based on our 8 

observations of how PGE actually dispatches these DSG units, however, we believe this is 9 

too conservative. There might be only a few high-priced hours in a year when MONET 10 

dispatches a standby generator, and in reality the standby generator would then typically 11 

operate at its full capacity.  12 

  Going forward, we will monitor each DSG unit’s run time to ensure that it stays within 13 

its annual limit.  If a unit begins to exceed its annual limit, we will need to modify MONET 14 

to constrain its dispatch, probably by using a de-ration for certain months as needed.  Under 15 

current conditions, we do not expect the annual run-time limits to limit DSG generation, but 16 

we do expect this enhancement to improve our power cost modeling. 17 

Q. Does increasing the DSG units’ capacities have any effect on NVPC in this proceeding? 18 

A. No.  With current oil prices and electric prices, we do not presently forecast to run any of 19 

these units in 2007.  This is consistent with their peak resource nature. 20 

Q. What change did you make to MONET to reflect the net wheeling costs related to the 21 

Troutdale-Linneman transmission facilities? 22 
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A. These costs relate to an old transmission contract between PGE and Pacific Power, under 1 

which we pay each other for wheeling rights on each other’s transmission facilities.  We 2 

overlooked this contract in UE 115 and first proposed to include it in MONET in the 2004 3 

RVM proceeding.  We have added this contract to MONET. Under the contract, PacifiCorp 4 

pays PGE a fixed $20,529 per month to use PGE’s 230-kV Linneman-Bethel transmission 5 

line, and PGE pays PacifiCorp a fixed $8,646 per month to use PacifiCorp’s Troutdale-6 

Linneman 230-kV transmission line.  The net effect is a fixed NVPC cost reduction of 7 

approximately $140,000 for 2007.  8 

Q. Why have you modified MONET to include wheeling costs for "excess" power 9 

generated at the Colstrip plant in Montana? 10 

A. This change corrects an omission on our part. There are times when our share of Colstrip’s 11 

generation (296 MW at the busbar in the last several RVMs) exceeds our firm contract 12 

wheeling capacity on the Townsend-Garrison line in Montana (approximately 280 MW).  13 

We pay non-firm wheeling charges to deliver this power to the Garrison Substation, from 14 

which our BPA IR Contract wheels the power the rest of the way to our system.  Because we 15 

include this excess power in MONET as part of our normal generation from Colstrip, the 16 

model should also include these “excess” wheeling costs.  Our 2007 estimate is based on the 17 

2002-2005 four-year average of actual excess wheeling payments to Northwestern Energy. 18 

This increases 2007 NVPC by approximately $205,000. 19 

Q. Has more hydro output data become available since the Commission approved PGE’s 20 

2006 RVM filing? 21 

A. Yes.  We have historically based our hydro output forecasts on data that the Northwest 22 

Power Pool (NWPP) uses in its Headwater Benefits Studies (HBS).  NWPP completed an 23 
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HBS in mid-2005, using data for the August 1928-July 1998 period, 70 Operating Years.  1 

The previous HBS used only 60 Operating Years, the August 1928-July 1988 period.  The 2 

new HBS allowed us to construct a 69-calendar year data set.  3 

Q. Has PGE added any new resources from the 2002 IRP Final Action Plan to MONET 4 

since the 2006 RVM filing? 5 

A. Yes, we have added one such resource.  The only new resource from the 2002 IRP Final 6 

Action Plan that is new since the 2006 RVM is Port Westward, commencing in March 2007  7 

Q. How will Port Westward affect NVPC in 2007 when it begins commercial operation? 8 

A. We expect that Port Westward’s operation will lower NVPC because its favorable heat rate 9 

will displace higher cost contracts and assumed forward market purchases.  We presently 10 

estimate these benefits, using the 2007 GRC MONET run, at approximately $11.7 million 11 

on an annualized basis. 12 

  After preparing this estimate, we became aware that the maximum operating capacity 13 

we used in MONET for Port Westward is too high and the heat rate is too low.  We are 14 

working with the manufacturer to project Port Westward’s operating parameters during the 15 

test year and will include heat rate and maximum capacity revisions in the updated MONET 16 

runs we do as this case proceeds.  PGE Exhibit 300 discusses these parameter changes.  17 

Q. What are your present expectations regarding 2007 planned maintenance outages 18 

(PMOs) for PGE’s thermal plants? 19 

A. Table 2 below shows both the 2006 and 2007 PMOs, the latter of which is based on the 20 

expectations of the respective PGE plant managers for Beaver, Boardman, and Coyote, and   21 

PP&L Montana, the plant operator for Colstrip.   22 



UE 180 / PGE / 400                                      UE 181 / PGE Exhibit / 103 
Lesh – Niman / 60                                                                             Tooman – Niman – Schue / 
60 

UE 181 – DIRECT TESTIMONY 
 

  Planned 2007 outages at Beaver include 16 days for the entire plant, and 21, 14, and 21 1 

additional days for Units 6, 5, and 1, as we expect these units to need combustion turbine 2 

inspections and other work.  Colstrip Unit 3 will be out for more than six weeks to complete 3 

an upgrade, which will increase PGE’s output share by 4.8 MW.  PP&L Montana does not 4 

plan a maintenance outage at Colstrip Unit 4 during 2007.  The planned outage at Coyote 5 

relates to a hot gas path inspection and planned maintenance at Port Westward is for a 6 

combustion turbine inspection.   7 

Table 2 
Thermal Plant Scheduled Maintenance (Days/Year) 

  Plant 2006 RVM 2007 GRC 

Beaver 28.5 See Text 
Boardman 29 30 
Colstrip 3 9 44 
Colstrip 4 52 0 
Coyote 16 16 
Port Westward NA 16 

 

Q. What are your present expectations regarding 2007 PMOs for PGE’s hydro plants? 8 

A. Our planning includes the following hydro plant outages: 9 

• Bull Run production decrease of more than two thirds in November and 10 

December – dismantlement begins 11 

• Sullivan production decrease of approximately 15% from  June 1 through 12 

November 9 – two units out for runner replacements 13 

• River Mill production decrease of approximately 7% from April 15 through June 14 

15, and during November – test spills for fish 15 

• Round Butte production decrease of 10% in November – work on Selective Water 16 

Withdrawal Structure 17 

Q. Have you changed the total capability and heat rate of Colstrip Units 3 and 4 for this 18 

filing? 19 
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A. Yes, because, consistent with our framework proposals, this type of change would appear in 1 

a GRC.  We are updating for two types of changes at Colstrip for the 2007 GRC, which are 2 

updates to the existing capacity and heat rate of Units 3 and 4 and updates to reflect a 3 

turbine upgrade at each unit. Over the last 1-2 years, degradation in the capacity of Units 3 4 

and 4 has been observed, reducing each unit’s capacity from approximately 740 MW to 716 5 

MW net.  There is a minor update to the combined heat rate for Units 3 and 4, from 10,913 6 

Btu/kWh to 10,842 Btu/kWh. Then, effective July 1, 2006 Colstrip 4 will have its high-7 

pressure steam turbine upgraded, adding an estimated 24 MW of capacity with no additional 8 

fuel input. A year later, effective July 1, 2007, Unit 3 will be upgraded in the same manner. 9 

After the upgrade is complete, each unit’s capacity will be increased by 24 MW, which is 10 

also coincidentally the approximate amount of observed capacity degradation over the last 11 

1-2 years. Thus, after the upgrade is complete, each unit’s capacity will be restored to about 12 

740 MW net.  The heat rate will also improve, to 10,490 Btu/kWh, because the upgrade 13 

capacity does not use additional fuel. 14 
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VI. Qualifications 

Q. Mr. Niman, please describe your qualifications. 1 

A. I received a Bachelor of Science degree in Mechanical Engineering from Carnegie-Mellon 2 

University and a Master of Science degree in Mechanical Engineering from the California 3 

Institute of Technology.  I am a registered Professional Mechanical Engineer in the state of 4 

Oregon. 5 

  I have been employed at PGE since 1979 in a variety of positions including: Power 6 

Operations Engineer, Mechanical Engineer, Power Analyst, Senior Resource Planner, and 7 

Project Manager before entering into my current position as Manager, Financial Analysis in 8 

1999.  I am responsible for the economic evaluation and analysis of power supply including 9 

power cost forecasting, new resource development, least-cost planning, and avoided cost 10 

estimates.  The Financial Analysis group supports the Power Operations, Business Decision 11 

Support, and Rates & Regulatory Affairs groups within PGE.  12 
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I. Introduction 

Q. Please state your name and position. 1 

A. My name is Marc A. Cody.  I am a Senior Pricing Analyst in the Rates and Regulatory 2 

Department.  My qualifications are described in Section IV. 3 

Q. What is the purpose of your testimony? 4 

A. In this testimony I:  5 

• Summarize the projected 2007 Schedule 125 Resource Valuation Mechanism (RVM) 6 

update methodology, adjustment rates, and Energy Charges based on the power cost 7 

estimates provided in Exhibit 100 and;  8 

• Describe the steps used to determine the projected 2007 RVM rates.  9 
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II. RVM Rate Summary 

Q. Why are the RVM rates updated on January 1, 2007?  1 

A. PGE is implementing the annual power cost update mechanism as approved in Order 2 

No. 01-777.  This annual update, referred to as the RVM update (Resource Valuation 3 

Mechanism), provides that in mid-November of each year, PGE update and post the Energy 4 

Charges for each rate schedule and simultaneously post Schedule 125, RVM Part A and Part 5 

B rates for the upcoming year.  With this filing PGE presents its current projections of those 6 

rates for 2007.  These are only projections at this point and will change with future updates.  7 

Q. Please describe the basis and overall methodology for updating power supply-related 8 

rates in this RVM filing. 9 

A. The annual RVM update mechanism is designed to meet requirements originating in 10 

SB1149 that include unbundling costs into functional cost categories for recovery in rates.  11 

In addition, PGE is required to allow non-residential customers an opportunity to move to 12 

direct access service  without adversely affecting other customers. 13 

  The annual RVM update is based on updated power supply costs and forward market 14 

prices for 2007.  The methodology used to recover power supply costs through rates is built 15 

on two primary elements, the Energy Charge and the Schedule 125, Part A and Part B rates 16 

which, when summed, yield the cost of service rates.  The following describes the Energy 17 

Charge and RVM rates and the basis of the rates: 18 

• Rate schedule Energy Charges are set at the projected market value of power based 19 

on forward curves.  While PGE has used the forward curve on February 23, 2006, for 20 

this filing, the actual Energy Charge rates for 2007 will be updated and finalized on 21 

November 15th based on the forward curve used for the November posting.   22 
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• RVM adjustment rates (Schedule 125) consist of two parts: 1 

ο Part A – Long-term Resources.  Part A rates (which may be a charge 2 

or credit) are determined as the difference between the projected 3 

production and fixed costs of PGE’s long-term resources (resources 4 

with an initial term longer than five years) and the market value of the 5 

output of the Long-term resources.  The projected market value 6 

utilizes the same forward curve used to set rate schedule Energy 7 

Charges described above.  8 

ο Part B – Short-term Resources.  Part B (which may be a charge or 9 

credit) is determined as the difference between the projected costs of 10 

power from Short-term resources (that is all resources not considered 11 

long-term resources) and the projected market value of the equivalent 12 

amount of power. The projected market value utilizes the same 13 

forward curve used to set rate schedule Energy Charges described 14 

above.  15 

  From the resulting Energy Charge and RVM Part A and Part B rates: 16 

  Power supply cost of service = Energy Rate + RVM Part A + RVM Part B, where RVM 17 

Parts A and B may be a charge or credit. 18 

  This approach allows PGE to accommodate different power supply options that 19 

customers may choose.  For example, a large non-residential customer that elects to be 20 

served by an ESS will continue to receive the charge or credit of the Part A and Part B rates, 21 

but will not incur our Energy Charge.  PGE also allows Schedule 83 customers to opt-out of 22 
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the Part B rate entirely, but only with one year notice.  PGE then effectively does not plan to 1 

serve that load and thus does not incur the associated power costs. 2 

  I provide a more detailed description of the steps and costs used to set the revised 3 

Energy Charge and Schedule 125, Part A and Part B rates below. 4 

  The applicable tariff sheets will be updated and filed on November 15th with final 5 

prices based on power costs resulting from this proceeding and then current market prices 6 

for 2007.  7 

Q. Please summarize the projected Energy Charges and Schedule 125 RVM adjustment 8 

rates as updated for 2007. 9 

A. The projected 2007 Energy Charges and Schedule 125 Part A and Part B rates applicable to 10 

rate schedules 7 through 93 are listed on Exhibit 201, Projected Energy and Schedule 125 11 

Rates for 2007.  As described above, the projected Energy Charge by rate schedule is 12 

derived from the power market forward curve for 2007.  The projected RVM Part A and Part 13 

B rates are calculated based on the difference between Long and Short-term power costs and 14 

the market value of power.  These projected rates will be updated and posted for the 15 

November 15th posting. 16 

Q. How have the projected 2007 Energy Charge and Schedule 125 RVM adjustment rates 17 

changed from the equivalent final 2006 RVM update rates? 18 

A. Table 1 below demonstrates, for a sample of our rate schedules, the development of the 19 

overall cost of service power supply rates which include the projected 2007 Energy Charge, 20 

Parts A and B rates, and the resulting net rates.  21 

 



UE 181 / PGE / 200 
Cody / 5 

 

UE 181 – Direct Testimony 

Table 1 

 2007     Projected 2007 energy charge (cents/kWh)  
 Selected Schedules    Energy Charge* Part A Part B Total 
  
 Residential (Sch. 7)** 

Block 1    7.032  -1.390 0.084 5.726 
Block 2    7.032  -1.390 0.084 5.726 
 

 Small Non-Residential (Sch. 32)  6.946  -1.267 0.017 5.696 
   
 Large Non-Residential  
 Sch. 83-P, Primary    

Flat ( < 1,000 kW)   6.621  -1.380 -0.017 5.224 
On-Peak ( > 1,000 kW)   7.011  -1.380 -0.017 5.614 
Off-Peak ( > 1,000 kW)  5.938  -1.380 -0.017 4.541  

      
 2006     Current 2006  energy charge (cents/kWh)  
 Selected Schedules    Energy Charge* Part A Part B Total  
  
 Residential (Sch. 7)** 

Block 1    8.037  -1.984 -0.402 5.651 
Block 2    7.756  -1.984     - 0.402 5.370 
 

 Small Non-Residential (Sch. 32)  7.754  -1.865     - 0.702 5.187 
   
 Large Non-Residential  
 Sch. 83-P, Primary    

Flat ( < 1,000 kW)   7.369  -2.105 -0.527 4.737 
On-Peak ( > 1,000 kW)   7.765  -2.105 -0.527 5.133 
Off-Peak ( > 1,000 kW)  6.714  -2.105 -0.527 4.082 

     “-“ denotes the adjustment rate is a credit. 
      * Energy Charge does not include the system usage charge. 

** Sch. 7 block rates do not include Sch.  102 
 

Note that the above table does not include all charges applicable to the rate schedule.  

 

  The second portion of the table shows the current 2006 Energy Charges, Parts A and B 1 

rates, and resulting net rates for the same rate schedules.  The changes in costs and forward 2 

curves between 2006 and projected 2007 can be noted.  3 

  The projected 2007 Energy Charges (column labeled Energy Charge), which are based 4 

on the forward curve, have decreased when compared to 2006.  This indicates that the 5 

market price for power has decreased for 2007.  In addition, the Part A credits are smaller 6 

reflecting the decrease in market prices and changes in costs.  Part B rates for the most part 7 

are close to zero reflecting the large open position at this time.  The Total column shows the 8 
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sum of the Energy Charge and RVM Part A and B rates for the schedules.  The results of 1 

this comparison show that the resulting net power costs have increased from the 2006 levels. 2 

Q. Please describe the projected rate impacts for 2007 resulting from the RVM update. 3 

A. Table 2 below summarizes the estimated rate impact for 2007 based on the power costs and 4 

market prices used in developing the updated RVM rates.  The first column contains the 5 

estimated percentage changes in rates from Energy Charges and the Schedule 125 rates 6 

described above.  The second column contains the estimated rate impacts with all 7 

supplemental schedules except the Low-Income Adjustment (LIA) and the Public Purpose 8 

Charge (PPC).  Assumptions contained in the second column are as follows:  BPA monetary 9 

benefits (Residential Exchange) of $15.59/MWh for 2007; termination of Schedule 107 10 

DSM Refinancing; and minor changes to Schedule 105.  PGE intends to provide updates to 11 

these rate impacts during the RVM process. 12 

Table 2 13 

    Estimated Rate Change (%)  Estimated Rate Change (%)  
    (w/Sch. 125, Part A and B, 102)*  (w/all supplementals)**** 

 
Residential**    2.9%     2.4% 

 Small Non-Residential   5.8%                 5.0%  

Large Non-Residential, COS***  7.0%    6.1% 

Overall     4.9%    4.3% 

* includes base rates with Schedule 125. 
** current rates assume BPA rate change October 1, 2006. 
*** represents Cost of Service customers only. 
**** includes all supplementals except LIA & PPC. 
 
 

  The Table 2 estimated rate change percentages as well as the prices that appear in Table 14 

1 will change as RVM cost estimates are updated.  In addition, the supplemental adjustment 15 

assumptions and associated rate impact estimates may change in upcoming updates. 16 
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III. Rates Determination 

Q. Please describe how the updated Schedule 125 RVM Part A and Part B rates were 1 

developed. 2 

A. The 2007 projected rates are determined by the following process, which is consistent with 3 

the methodology used to set 2006 rates: 4 

1. Determine the market value of power for residential, small nonresidential, and 5 

large nonresidential customer classes.  6 

2. Determine the costs of meeting each class’s (residential, small nonresidential, 7 

large nonresidential) load requirements using Long-term and Short-Term 8 

resources.  Because BPA Subscription Power deliveries terminate September 9 

2006, the cost of Subscription Power is zero. 10 

3. Allocate the market value of power for each class consistent with the percent of 11 

resources used to meet the class’s load. 12 

4. Calculate the differences between the allocated market value and the cost of each 13 

resource for each class. 14 

5. Calculate the RVM Part A and B rates for each customer class. 15 

  Exhibit 202, RVM Adjustment Rate Development, provides the computations and steps 16 

used to compute the RVM adjustment rates.  Pages 1 through 6 provide the detailed 17 

calculations of the market value of power for each rate schedule (Step 1).  Page 7 presents 18 

the costs of meeting each class’s power requirements using Long-term, Short-term and BPA 19 

Subscription Power (Step 2).  Page 8 demonstrates how the market value of power for each 20 

class is allocated (Step 3).  Page 9 summarizes both the production costs and the market 21 

value of power while page 10 details the calculation of the differences between the 22 
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production costs and market value for each class (step 4).  Page 11 summarizes the 1 

calculations of the rates for the RVM (step 5). 2 

Q. Please describe the purpose and process for each of the steps for Part A and B rate 3 

development.   4 

A. The 2007 update applies the same methodology as 2006 rates, but with revised power costs, 5 

load forecast data, and line loss estimates.  6 

• Step 1:  Determine the market value for each customer class by employing the energy 7 

consumption and load profiles of each schedule and the same forward price curve 8 

used to determine PGE’s 2007 power costs. The forecast consumption of large 9 

residential customers who have “opted out” of Short-Term Resource Supply (the 10 

RVM Part B adjustment) is not part of the market value calculation.   11 

• Step 2:  Determine the power supply cost for each class consistent with the UE 115 12 

Power Cost Stipulation resource stacking process.  As in the market value of power 13 

calculation, the opt-out loads and associated wheeling costs are removed from the 14 

power cost calculations.  The result is that the costs of the resources are separately 15 

identified for each customer class.   16 

• Step 3:  Allocate the market value of power for each customer class to Long-Term, 17 

and Short-Term resources consistent with the cost allocations from Step 2. 18 

• Step 4:  Calculate the difference between resource costs and the market value of 19 

power.  This amount represents the total difference in dollars between costs of power 20 

and the market value determined from the forward price curve.  This establishes the 21 

basis for Schedule 125’s resource valuations.  22 
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• Step 5:  Calculate the Schedule 125 rates from the dollar differences from Step 4.  For 1 

rate calculations, the RVM Part A utilizes the consumption of PGE’s total system less 2 

Schedule 483 loads.  The revenues from Schedule 129 are subtracted from the dollar 3 

differences calculated in step 4 in order to appropriately calculate the RVM Part A 4 

rate.  The RVM Part B rate is calculated with the opt-out loads removed.  This 5 

ensures that the appropriate loads are used to determine rates and revenues.  The 6 

resulting RVM rates reflect the difference between the market value of power and the 7 

cost of the resources.  8 

Q. Do the calculated energy and RVM rates recover the target power costs. 9 

A. Yes.  Exhibit 203, Estimate of 2007 Energy Revenues, calculates the energy charge 10 

revenues of $1,029.4 million resulting from the projected load and calculated net energy 11 

rates for each rate schedule.  Comparing these revenues to Exhibit 202, page 7, demonstrates 12 

that subject to rounding, PGE recovers its production costs. 13 
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IV. Qualifications 

Q. Mr. Cody, please state your educational background and qualifications. 1 

A. I received a Bachelor of Arts degree and a Master of Science degree from Portland State 2 

University.  Both degrees were in Economics.  The Master of Science degree has a 3 

concentration in econometrics and industrial organization. 4 

  Since joining PGE in 1996, I have worked as an analyst in the Rates and Regulatory 5 

Affairs Department.  My duties at PGE have focused on cost of capital estimation, marginal 6 

cost-of-service, rate spread and rate design. 7 

Q. Does this conclude your testimony? 8 

A. Yes, it does.  9 
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