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A. Randall J. Falkenberg, PMB 362, 8351 Roswell Road, Atlanta, Georgia 30350. 

Q. PLEASE STATE YOUR OCCUPATION, EMPLOYMENT AND ON 
WHOSE BEHALF YOU ARE TESTIFYING. 

A. I am a utility regulatory consultant, and President of RFI Consulting, Inc. (“RFI”).  

RFI provides consulting services related to electric utility system planning, energy 

cost recovery issues, revenue requirement, cost of service, and rate design.  I am 

appearing on behalf of the Industrial Customers of Northwest Utilities (“ICNU”).   

Q. PLEASE SUMMARIZE YOUR QUALIFICATIONS AND 
APPEARANCES. 

A. My qualifications and appearances are provided in Exhibit ICNU/101.  

I. INTRODUCTION AND SUMMARY 

Q. WHAT IS THE PURPOSE OF THIS TESTIMONY? 

A. My testimony addresses a limited set of issues related to PacifiCorp’s Generation 

and Regulation Initiatives Decision Tool (“GRID”) model study of normalized net 

power costs for the projected test period, calendar year 2006.  These issues were 

specifically reserved in the Partial Stipulation entered into by the parties to this 

case.  I also address PacifiCorp’s computation of Oregon revenue requirements 

under the Commission approved Revised Protocol methodology and PacifiCorp’s 

proposed transition adjustment and Resource Valuation Mechanism (“RVM”). 

Q. PLEASE SUMMARIZE YOUR TESTIMONY.  

A. I have included Table 1 at the end of my summary, which illustrates my 

recommended test year net power cost and other revenue requirements 

adjustments.  My major findings and recommendations are as follows: 
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1. The Commission approved Revised Protocol requires situs allocation of  
“Existing QF Contract” costs in excess of embedded cost.  Existing QF 
Contracts are those in effect prior to the effective date of the Revised 
Protocol.  The Revised Protocol document indicates the effective date for 
a state is the date of Commission approval.  For Oregon the effective date 
was January 12, 2005.  Four QF contracts (Desert Power, US Magnesium, 
Kennecott and Tesoro) were negotiated and executed prior to that date.  
For these contracts expenses in excess of embedded costs should be 
allocated situs, rather than on a system basis.  Correcting this problem 
results in a reduction to Oregon revenue requirements in the amount 
shown on Table 1. 

2. The Commission approved Revised Protocol also requires PacifiCorp to 
acquire resources on a least cost basis and to reflect new plants in rates 
consistent with the laws and regulations of Oregon.  The Company has 
failed to do so in this case. 

3. West Valley was an imprudent resource selection from the very start.  The 
Company failed to make a prudent effort to take advantage of the West 
Valley lease early termination clause.  RFP 2003-A provided the best 
opportunity to obtain a lower cost replacement for West Valley.  However, 
the Company only exercised the early termination option in May 2004 
after pressure from regulators and ratepayer representatives.  
Consequently, the Company missed the best opportunity to replace the 
West Valley lease.  Further, the RFP 2004-X solicitation for a West Valley 
replacement was biased in favor of continuing the lease.  As a result, I 
include an imprudence disallowance in the West Valley adjustment shown 
on Table 1.  

4. PacifiCorp obtained a $7.5 million concession from General Electric 
(“GE”) when it negotiated the Gadsby combustion turbine purchase.  This 
credit was realized as a waiver of combustion turbine rental fees, but not 
as a reduction to the cost of the project.  By structuring the credit in this 
manner, the Company retained the benefit for shareholders instead of 
customers.  I recommend a rate base offset in this amount because the 
Company had a conflict of interest in its negotiation for this concession 
and customers are entitled to the credit for this high cost resource.  This 
adjustment is shown on Table 1. 

5. Based on the requirements of OAR § 860-038-0080(1)(b), Currant Creek 
must be included in rates at market value, not at cost.   This adjustment 
reduces net power costs by the amount shown on Table 1. 



ICNU/100 
Falkenberg/3 

6. OAR 860-038-0080(1)(b) also requires that, if Gadsby and West Valley 
are included in rates, they should be included at market prices rather than 
cost.  Table 1 includes an additional disallowance for Gadsby and West 
Valley to reflect the market price rule.  
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1. I recommend a number of power cost adjustments, resulting in a reduction 
to Oregon’s allocated net power costs.  Table 1 shows the dollar impact of 
each of my proposed adjustments and the approximate Oregon allocation. 

2. The Company has failed to recognize all of the cost offsets in the Georgia-
Pacific Camus contract.  Correcting this problem reduces power costs by 
the amount shown in Table 1. 

3. PacifiCorp claims to have reversed the Hunter outage from its net power 
costs study.  Removing this event from outage rates is appropriate because 
ratepayers are paying for the cost of the Hunter outage via the deferral 
approved in UM 995.  However, Hunter was only one of many outages 
that occurred during the deferral period, which customers are already 
paying for.  To eliminate all double recovery, all outages that occurred 
during the deferral period should be reversed from GRID, resulting in a 
reduction to net power costs by the amount shown on Table 1. 

4. I recommend the Commission reverse the outage rate adjustments 
proposed by the Company (in Mr. Widmer’s February supplemental 
testimony) related to ramping and deferred maintenance.  These 
adjustments are not well supported, and result in an understatement of 
coal-fired generation.  Reversing these adjustments reduces net power 
costs by the amount shown on Table 1. 

5. The proposed station service adjustment should also be rejected.  This 
adjustment is unnecessary and unrealistic.  Reversing this adjustment 
reduces power costs by the amount shown on Table 1.   

6. I recommend against use of the 2005 Scheduled outages in GRID in the 
March GRID update.  This change was not made in a timely manner, and 
it runs contrary to existing Commission precedent.  This adjustment 
reduces net power costs by the amount shown on Table 1. 

7. I likewise recommend against the selective March update of GRID outage 
rates and heat rates. This adjustment reduces net power costs by the 
amount shown in Table 1.   
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RVM Issues 1 
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1. I recommend rejection of PacifiCorp’s proposed Resource Valuation 
Mechanism (“RVM”) and transition adjustment.  The transition 
adjustment should only be changed during general rate cases.  Having an 
annual update to net power costs will result in additional regulatory 
burdens and will unreasonably shift risks from the Company to ratepayers.  
A RVM is not necessary to provide a reasonable transition adjustment.   

2. PacifiCorp’s original transition adjustment was a “market-minus” proposal 
that would make it impossible for any customer to benefit by switching to 
direct access.  The revised methodology referenced in the Partial 
Stipulation is an improvement, but the Company needs to demonstrate that 
it is not still a “market minus” approach.  I propose a “market-plus” 
method based on the standard product prices  to better reflect the value of 
freed up resources based on appropriate planning assumptions, consistent 
with the Commission’s goals as articulated in its final Order in Docket No. 
UM 1081. 

       Total Est. Oregon
    Company Jurisdiction

SE 27.3%
Reference: SG 28.0%

MSP Issues -$22,874,512 -$13,156,832
1 US Mag, Desert, Kennecott, Tesoro Si $0 -$7,669,448

Prudence
1 West Valley Lease -$6,182,746 -$1,729,809
2 Gadsby CT Rate Base -$983,630 -$246,795

OAR § 860-038-0080(1)(b) 
1 Current Creek -$6,038,839 -$1,263,331
2 West Valley -$4,242,698 -$885,900
3 Gadsby CT -$5,426,599 -$1,361,548

II.  GRID (Net Power Cost Issues)
 PacifiCorp Request  - Updated $851,946,860 $235,660,871

Partial Settlement Adjustment -$28,921,114 -$8,000,000
Adjsuted Request $823,042,525 $227,660,871

Remaining Issue Adjustments -$65,407,599 -$18,068,301
4 GP Camus Contract -$7,705,275 -$2,107,000
5 Excess Power Cost Outages -$27,291,613 -$7,549,256
6 Reverse Outage Update Period -$7,191,950 -$1,989,398
7 Reverse Maint Schedule -$13,992,978 -$3,870,661
8 Reverse Ramping -$2,400,500 -$664,013
9 Reverse Def. Maint -$4,090,531 -$1,131,500

10 Reverse Station Svc. -$2,734,752 -$756,472
Total Power Cost Adjustments - -$65,407,599 -$18,068,301
Allowed - Final GRID Result $757,634,926 $209,592,570
Total All Adjustments -$88,282,111 -$31,225,132

Table 1  
Summary of Recommended Adjustments

$1,000
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Q. DO YOU HAVE ANY OTHER COMMENTS REGARDING 

PACIFICORP’S FILING? 
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A. Yes.  PacifiCorp has already had several months to provide any corrections or 

updates to its filing.  In the area of power costs the Company has already made 

two updates.  The Company should not be permitted to make additional updates 

during the rebuttal phase of the case, as parties will not have sufficient time to 

address all of the pertinent issues and information.  In addition, ICNU entered into 

a Partial Stipulation that resolved the parties disputed issues related to power cost 

modeling disputes, with certain enumerated exceptions.  It would be particularly 

inappropriate for PacifiCorp to introduce new power cost modeling issues after 

the parties have reached a reasonable compromise on these issues. 

II. MSP ISSUES 

Q. WERE ICNU’S MSP ISSUES RESOLVED IN THE PARTIAL 
STIPULATION? 

A. No. The Partial Stipulation only resolved a specific set of limited ICNU issues 

that were identified in the agreement.  ICNU reserved the right to raise all other 

issues, including issues related to the MSP.  In addition, the Partial Stipulation 

contains language that specifically allows the parties to raise power cost related 

issues that relate to new resources discussed in the MSP process.  This includes 

the Gadsby, West Valley and Currant Creek resources.  

Q. HAS PACIFICORP CORRECTLY APPLIED THE REVISED PROTOCOL 
METHODOLOGY TO DEVELOP THE OREGON JURISDICTIONAL 
ALLOCTION OF POWER COSTS? 

A. No.  The Company has assigned several existing QF contracts purely on a system 

basis.  However, certain costs of these contracts should be assigned on a situs 
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basis.  These contracts are the US Magnesium, Desert Power, Kennecott and 

Tesoro QF contracts. 
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Q. PLEASE EXPLAIN. 

A. Under the Revised Protocol methodology, costs in excess of embedded cost for 

Existing QF Contracts are assigned on a situs basis in the Embedded Cost 

Differential (“ECD”) methodology.  PPL/403.  In the Revised Protocol document, 

Existing QF Contracts are defined as follows: 

“Existing QF Contracts” means Qualifying Facility Contracts 
entered into prior to the effective date of this Protocol, but not such 
contracts renewed or extended subsequent to the effective date of 
this Protocol.  
 

Q. HOW DOES THE PROTOCOL DEFINE THE “EFFECITVE DATE” 

A. The “effective date” is not a defined term in the Revised Protocol, and there is 

some possible ambiguity concerning this date.1/  However, there are only two 

logical choices: the date the Revised Protocol was approved by the Oregon 

Commission (January 12, 2005), or the date the Revised Protocol was approved 

by the Idaho Commission (February 28, 2005).   In either case, the effective date 

is later than the first delivery date or the signing dates of the contracts listed 

above. 
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Q. WHAT IS THE BASIS FOR THESE EFFECTIVE DATES? 

A. Section D of the Revised Protocol document addresses the issue of the effective 

date: 

 
1/  The document does reference a “proposed effective date,” that merely is a suggestion that the 

Protocol be applied to rate cases starting in June 2004.  Because effective date is not a defined 
term, and subsequent language in the Protocol addresses the issue of effective date, the “proposed 
effective date” language is of no consequence.  Further, as the document cannot be effective 
before its Commission approval, the proposed effective date is meaningless. 
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D. Interdependency among Commission Approvals The Protocol 
has been developed by the parties as an integrated, inter-
dependent, organic whole.  Therefore, final adoption of the 
Protocol by any of the Commissions of Oregon, Utah, Wyoming 
and Idaho, is expressly conditioned upon similar adoption of the 
Protocol by the other mentioned Commissions, without any 
deletion or alteration of a material term, or the addition of other 
material terms or conditions.   Upon any rejection of the Protocol, 
or any material deletion, alteration, or addition to its terms, by any 
one or more of the four Commissions, the Commissions who have 
previously conditionally adopted the Protocol shall initiate 
proceedings to determine whether they should reaffirm their prior 
adoption of the Protocol, notwithstanding the action of the other 
Commission or Commissions.  The Protocol shall only be in effect 
for a State upon final adoption by its Commission. Absent the final 
adoption of the Protocol, the Company will continue to bear the 
risk of inconsistent allocation methods among the States. 
(Emphasis added) 
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The document clearly specifies that the Revised Protocol is only in effect 

for a State upon final adoption by its Commission.  The Oregon Commission first 

approved the document on January 12, 2005.  Thus, one could argue that was the 

effective date for Oregon.  However, the document specifies that its final adoption 

is conditioned upon approval by the Commissions in Idaho, Oregon, Utah and 

Wyoming.  As Idaho was the last of the four states to approve the Revised 

Protocol, it stands to reason that the final adoption date, and therefore the 

effective date of the document, did not occur until the date it was approved by 

Idaho (February 28, 2005).   

Q. WHAT ARE THE DATES OF THE QF CONTRACTS LISTED ABOVE? 

A. These contracts were all effective on or before January 1, 2005.  Listed below is 

the initial delivery date for each contract: 

US Magnesium – January 2005 

Desert Power – September 2004 
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Tesoro – September 2004 1 
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Kennecott – October 2004 

All four contracts commenced prior to the final adoption of the Revised 

Protocol date by the Oregon Commission.   

Q. HOW ARE THESE CONTRACTS TREATED IN THE ECD 
CALCULATION? 

A. None of these contracts’ costs are assigned on a situs basis in the ECD.  Rather, 

they are allocated on the SG factor.  See PacifiCorp response to OPUC Staff Data 

request (“DR”) No. 403.  Because all four contracts have prices that exceed 

embedded costs, the excess of contract price over embedded cost should be 

assigned situs.  Table 1 shows the reduction to Oregon revenue requirements 

accompanying this correction. 

Q. IF THE OREGON COMMISSION ADOPTS THIS ADJUSTMENT, DOES 
THAT MEAN IT WOULD BE RESPONSIBLE FOR INCREASING 
RATES IN THE UTAH JURISDICTION? 

A. That is unlikely, at least for the present.  Currently Utah revenue requirements are 

capped by the stipulation among the various parties in that state.  In the last Utah 

rate case (Docket No. 04-035-42) the capped revenue requirement was $9 million 

below that Revised Protocol revenue requirement.  Thus, increases in Utah 

revenue requirements would not necessarily equate to an increase in Utah 

customers’ rates. 

Resource Acquisition Issues 22 

23 
24 

25 

26 

Q. DOES THE PROTOCOL ADDRESS THE ISSUE OF RESOURCE 
ACQUISITION? 

A. Yes.  Paragraph XII of the Revised Protocol (Commission Regulation of 

Resources) requires that “PacifiCorp will plan and acquire new resources on a 
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system-wide least cost, least risk basis.  Prudently incurred investments in 

Resources will be reflected in rates consistent with the laws and regulations of 

each state.” 
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This is a very important requirement on PacifiCorp.  It requires the 

Company to acquire resources on a least cost basis, and prohibits the Company 

from including imprudent costs in rates. 

Q. WHY IS THIS LANGUAGE IMPORTANT? 

A. In this case PacifiCorp seeks rate recovery for costs of three new resources (West 

Valley, Gadsby and Currant Creek).  This is the first case involving Currant 

Creek, and owing to settlements of prior cases, the Commission has never decided 

the issue of prudence for the Gadsby and West Valley CTs.2/  Thus, this case 

provides the opportunity for the Commission to evaluate these resources. 
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Q. WAS IT THE POSITION OF OREGON PARTIES DURING THE MSP 
THAT THESE UNITS WERE BUILT TO SERVE EASTERN DIVISION 
LOAD GROWTH? 

A. Yes.  Oregon parties consistently argued that these resources were all required to 

meet eastern division load growth.   

Q. DOES THE REVISED PROTOCOL CURRENTLY CONTAIN ANY 
PROVISION THAT WOULD ASSIGN THESE GROWTH RELATED 
COSTS TO THE EAST? 

A. No.  As a result, the only avenue available to the Commission related to the costs 

of these resources is the language contained in Paragraph XII, quoted above. 

 
2/  In fact, owing to rate case settlements, the prudence of these resources has never been decided in 

Utah or Washington either. 
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Q. HOW WILL YOU PROCEED WITH THIS ISSUE? 1 

2 A. I will first address the prudence of Gadsby and West Valley, then discuss rule 

OAR § 860-038-0080(1)(b) as related to Currant Creek,3/ Gadsby and West 

Valley.
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West Valley 5 
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Q. BRIEFLY DESCRIBE THE WEST VALLEY LEASE. 

A. The West Valley project consists of five 40 MW LM6000 CT units.  The lease is 

a fifteen-year contract that obligates PacifiCorp to pay Pacific Power Marketing 

(“PPM”), a non-regulated affiliate, approximately $15.7 million per year to obtain 

the output from the West Valley CTs.   

Q. IS WEST VALLEY A HIGH COST RESOURCE FOR PACIFICORP? 

A. Yes.  The test year annual revenue requirement exceeds $100/kW year, excluding 

fuel.4/ In addition to the lease payment, the Company is responsible for O&M 

expenses and property taxes on the facility.  One can infer from the lease purchase 

option that the original investment cost underlying the project is $765/kW.  On a 

$/kW basis, the West Valley lease costs more than the Gadsby CTs or recent 

combined cycle plant additions such as the Currant Creek or Lakeside projects.  

13 

14 

15 

16 

17 

18 
19 

20 

21 

                                                

Q. PLEASE REVIEW THE CIRCUMSTANCES SURROUNDING THE 
COMPANY’S DECISION TO SIGN THE WEST VALLEY LEASE. 

A. The West Valley lease provides a case study as to why such transactions demand 

extra scrutiny by regulators.  This lease is a long-term, high-cost transaction that 

 
3/  I suggest the Commission focus on OAR § 860-038-0080(1)(b) issues only in this proceeding and 

then consider the issue of Currant Creek prudence in the first case when the combined cycle 
portion of the plant is complete.  As the facility is not yet complete as a combined cycle unit, the 
time is not ripe for a full prudence investigation. 

 
4/  Total TY revenue requirements of $20,341,972 divided by 200 MW = $101.71/kW.   
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PacifiCorp entered into with its affiliate, PPM.  It was entered into under 

questionable circumstances and justified using a novel methodology.  
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PPM began developing the West Valley Project as a “merchant plant” 

during the height of the Western power crisis in January 2001. At that time, there 

was a shortage of combustion turbine equipment in the West, resulting in a very 

high cost for the turbines.  However, the state of the market in early 2001 was 

such that even a very high cost project such as West Valley could have been quite 

profitable, so long as prices remained high.  At the time, Federal Energy 

Regulatory Commission (“FERC”) appeared reluctant to address the problems in 

the Western power market suggesting prices would remain high indefinitely.  

West Valley could have been a very attractive investment for PPM under those 

circumstances.   

As project development progressed, however, the power crisis abated.  

Once FERC set its price cap in June 2001, the high cost power from West Valley 

was much less attractive and PPM was caught with the West Valley project 

underway, but with limited prospects for finding buyers willing to purchase such 

expensive power.  At some point during this period, PPM suspended construction 

of the Project until it could secure a buyer for West Valley’s output.  Construction 

was not underway when PacifiCorp issued a Request for Proposals (“RFP”) in 

September 2001.  

By the summer of 2001, PacifiCorp decided that it needed additional 

capacity to serve rapidly growing peak loads in its eastern control area.  To 

address this problem an RFP was issued in September 2001 seeking resources for 
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the summer of 2002.  West Valley was one of the resources selected in the RFP 

process.  The lease was negotiated in early 2002, and finalized on March 5, 2002.  

The project became operational later that year. 

1 

2 

3 

4 

5 

6 

7 

8 

9 

10 

11 

12 
13 

14 

15 

16 

17 

18 

19 

20 

21 
22 

23 

24 

Given PacifiCorp’s pressing need for new capacity in summer 2002, it was 

not possible in late 2001 to develop a larger and more economical project than 

West Valley. Thus, the short lead-time available for development of the project 

led to PacifiCorp’s perceived need to sign the West Valley lease.  These 

circumstances parallel those surrounding the Gadsby CTs, another relatively high 

cost 2002 capacity addition, necessitated by the pressing need for power at the 

time.  In both cases, eastern division load growth outstripped supply, and very 

high costs peaking units were the only option available on a tight time schedule.  

Q. IN YOUR OPINION, WAS THE WEST VALLEY LEASE A PRUDENT 
RESOURCE ADDITION FOR PACIFICORP? 

A. No, not when one looks at the totality of the Company’s participation in the 

project, particularly in light of the fact that it was a transaction with an affiliated 

company.  I have concluded it was imprudent because decisions concerning the 

project were driven by the affiliate relationship, not the interest of ratepayers.  

This is based on my analysis of the project starting from the initial decision to 

sign the West Valley lease, to the recent evaluation of the early termination option 

contained in the lease.  

Q. HOW DID PACIFICORP EVALUATE ITS INITIAL DECISION TO 
ENTER INTO THE WEST VALLEY LEASE? 

A. The Company evaluated its decision to sign the West Valley lease using the 

Black-Scholes methodology, which is also known as option theory.  
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Q. IS THIS AN ACCEPTED METHOD FOR VALUING ENERGY 
RESOURCES? 
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A. Black-Scholes modeling was originally applied to applications in securities 

trading for valuation of stock options.  While the underlying assumptions of the 

method may be applicable for evaluation of financial instruments, there is no 

proof that they apply in the case of energy derivatives or physical energy 

resources.  In my view, at best, Black-Scholes modeling is a novel and speculative 

approach for resource selection by a regulated utility.  

Q. HAS THE BLACK-SCHOLES METHODOLOGY BEEN WIDELY 
ACCEPTED FOR SECURITIES TRADING APPLICATIONS? 

A. Yes.  Based on my review of the literature, it is a commonly applied technique.  

However, it has not always been successfully applied.  The Black-Scholes 

equations were used extensively by the infamous hedge fund, Long Term Capital 

Management (“LTCM”).  LTCM was the fund directed by two Nobel Laureates, 

Myron Scholes and Robert Merton, that threw the financial world into near 

calamity.  Exhibit ICNU/102 is an excerpt from the transcript of a February 8, 

2000 episode of Nova on the Public Broadcasting Service, which summarizes the 

LTCM debacle.  The excerpt indicates that even with the help of two of the Nobel 

Laureates who are credited with developing the Black-Scholes equations, the 

dynamic hedging methodology used by LTCM failed to predict market 

movements and nearly resulted in an epic collapse of the financial system. 

Q. ARE YOU SAYING THE USE OF BLACK-SCHOLES MODELING FOR 
RESOURCE SELECTION DECISIONS IS PER SE IMPRUDENT? 

A. I’ll leave that for the Commission to decide.  The Commission could certainly 

consider disallowing the costs of resources selected by the model on the basis of 
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imprudence.  However, there is also a fundamental problem of equity in that the 

benefits ascribed to resources by the Black-Scholes modeling are impossible to 

reflect in a rate case test year.  Thus, PacifiCorp is in the situation of having 

selected resources on the basis of certain speculative benefits that will never be 

reflected in a rate case setting.   The Company ultimately justified its decision to 

enter into the West Valley lease not on the basis of its fundamental economic 

value, but rather on the basis of this novel methodology.  This approach was quite 

different from the analytical methods used by the Company (and accepted by 

regulators) in the Gadsby CT and Currant Creek certification proceedings.  
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Q. EXPLAIN YOUR COMMENT THAT THE WEST VALLEY LEASE IS 
NOT JUSTIFIED ON THE BASIS OF ITS FUNDAMENTAL ECONOMIC 
VALUE, BUT RATHER DEPENDS ON THE METHOD USED BY THE 
COMPANY TO EVALUATE THE PROJECT. 

A. This is demonstrated in Confidential Exhibit ICNU/103C taken from the 

Company’s supplemental testimony in UE 134.  This document is a copy of the 

economic evaluation of West Valley used by the Company to support the decision 

to enter into the lease.5/  Analysis of this document demonstrates that the decision 

to sign the lease was imprudent.   
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With reference to the rebuttal testimony of Mr. Mark Klein in UE 134, 

Confidential Exhibit ICNU/103C demonstrates that the value of the lease option 

was xxxxxxx million per year over its fifteen-year term.  Because this exceeded 21 

                                                 
5/  The Company previously contended that this analysis was the basis for its evaluation of the West 

Valley project in Docket No. UE 134.  That case was ultimately settled as part of the global 
settlement in UE 147, but parties are free to continue to raise the issue of West Valley prudence.  
As of this date, the Commission has never directly decided the issue of prudence of the West 
Valley lease. 
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the (then expected) cost of the lease ($14.71 million), Mr. Klein contended that 

signing the lease was beneficial to customers and by implication prudent. 

1 

2 

3 
4 

Q. BASED ON THE ANALYSIS SHOWN IN EXHIBIT ICNU/103C, DO YOU 
AGREE WITH PACIFICORP’S CONCLUSIONS?  

A. No.  The claimed net benefit margin of about xxxxxxxxxxxxx.   At best, the 5 

analysis demonstrates xxxxxxxxxxxxxx for the project, but only if all of the 

underlying assumptions are proven out.   

6 

7 

However, I believe there are substantial problems with the analysis.  First, 

the Black-Scholes method selected by the Company is responsible for a majority 

of the assumed benefits.  Given that this method was not even applied in the 

contemporaneous Gadsby certification proceeding, this is quite disturbing.  

8 

9 

10 

11 

12 

13 

14 

Instead of applying a conventional power system simulation, PacifiCorp 

applied options theory (the Black-Scholes techniques) to estimate the value of the 

physical assets underlying the lease. 

Second, the Black-Scholes method used by the Company did not provide a 

detailed simulation of the impact of the West Valley project on the PacifiCorp 

system, such as might be derived from a model like GRID.  Indeed, the 

methodology really does not even consider whether PacifiCorp actually needs the 

power, or might even ever dispatch it for purposes of serving native load.  Rather, 

the unit is dispatched in response to general market prices.  The limited dispatch 

modeling shown in Exhibit ICNU/103C completely ignores factors that impact 

the PacifiCorp system dispatch such as minimum run rates or transmission 

constraints.  In fact, there is very little in Exhibit ICNU/103C that would make it 

specifically applicable to PacifiCorp’s system.   It is little more than a generic 

15 

16 

17 

18 

19 

20 

21 

22 

23 

24 
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analysis of the project based on expected market conditions in the Desert 

Southwest (“DSW”) market.  While this might be the norm for evaluating a 

merchant project for purposes of energy trading, it is not typical of the kinds of 

analyses performed in the industry to evaluate the economics of a capacity 

addition to a utility system.  Clearly, this was not an example of planning on a 

system-wide least cost basis as required by Paragraph XII of the Revised 

Protocol. 

1 

2 

3 

4 

5 

6 

7 

Q. CAN YOU DECOMPOSE THE CLAIMED XXXXXXXX IN ANNUAL 
BENEFITS FROM WEST VALLEY INTO DIFFERENT CATEGORIES? 

8 
9 

10 

11 

12 

A. Yes.  The project can be thought of as producing the following benefits, based on 

PacifiCorp’s analysis shown in Confidential Exhibit ICNU/103C:  

(a) 200 MW firm on-peak capacity and energy based on its 
expected market value, less operating costs (xxxxxxxxxxx 13 
xxxxxxx);  14 

15 (b) The “extrinsic” or “option value” of the lease associated 
with uncertainty related to future spark spreads (xxxxx 16 
xxxxxx) based on the Black-Scholes equation; 17 

(c) Avoidance of the shoulder-sell off (xxxxxxxxxx); 18 
(d) Quick start capacity (xxxxxxxxxx); and 19 

20 (e) Value of the early termination and project buy-out clauses 
(xxxxxxxxxx). 21 

These benefits add up to xxxxx million per year, or only xxxx million (about xxx) 

more than the (then) expected annual cost of the lease ($14.7 million). 

22 

23 

24 

25 

It should first be noticed that, without any single one of the assumed 

benefits, the West Valley project is not economic.  Moreover, a reduction of the 

quick start benefit xxxxxxxx, the shoulder sell-off value xxxxxxx or the lease 26 

option value xxxxxx would eliminate any economic advantage of the project.  If 27 

the “Black-Scholes” option value (item (b) above), is overstated by just xxx, then 

the project is uneconomic. 

28 

29 
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Of the claimed benefits, only capacity and energy (item (a) above), the 

shoulder sell-off value (item (c) above), and quick start capability (item (d) 

above) are based on what might be called the “fundamental value” of the resource 

such as one would expect to find in a traditional resource evaluation. Given that 

by March 2002 PacifiCorp had already undertaken the certification of Gadsby CT 

units, it is quite questionable whether PacifiCorp required the benefits provided 

by additional ancillary services.  
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Two of the most significant benefits ascribed to the West Valley project 

(the option value, and the value of the purchase and early lease termination 

options) were also estimated using Black-Scholes modeling.  Without either one 

of these benefits, the project would have been uneconomic.   

In the Gadsby certification proceedings (which occurred around the very 

same time), the Company did not use Black-Scholes modeling.  The same is true 

of the more recent Currant Creek and Lakeside certification proceedings in Utah.  

Thus, Black-Scholes modeling seems to have been an “ad-hoc” methodology 

applied only at the time when the Company was evaluating the West Valley lease. 

An obvious question then is why the Company used a much different 

approach in evaluating West Valley than it did in its decision to certify the 

Gadsby CT units and other recent projects.  Given the narrow economic 

advantage for West Valley portrayed in Exhibit ICNU/103C, and the close 

affiliate relationship with PPM, one might assume that the Company simply 

“shopped” for an evaluation method that would support the overall benefit of 

signing the lease.   
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Q. ELABORATE ON THE BLACK-SCHOLES BENEFIT SHOWN ABOVE. 1 

2 

3 

4 

5 

A. The second benefit, the “extrinsic” or “spark spread” option value derived by the 

Company, reflects the benefits associated with application of the Black-Scholes 

equations and is related to the spread in the forward price curve; specifically, the 

chance that the “spark spread” could change over time.   Thus, we should think of 

the project as having a “Black-Scholes spark spread benefit” of xxx million.  In 

other words, this is the amount of the project benefit that would disappear 

completely if we simply used the PacifiCorp forward price curve and long-term 

market price forecast to determine the value of the project (as was done in the 

case of the Gadsby and Currant Creek projects.)  This is the assumed value of the 

project stemming from its ability to provide protection against unexpected 

increases in the spread between gas and electric prices.  This type of benefit 

cannot be reflected in GRID, and was not considered in any of the recent 

certification cases.  However, it would most certainly be a benefit to shareholders 

if higher than expected spark-spreads materialized, and it would provide earnings 

protection. 
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Q. WERE THERE ADDITIONAL BENEFITS CLAIMED BY THE 
COMPANY CRUCIAL TO THE ECONOMIC EVALUATION OF THE 
PROJECT? 

A. Yes.  Assuming PacifiCorp’s forward price curve analysis and long-term market 

price forecast was perfectly sound, the capacity and energy benefits produce only 

xxxx million in annual benefits versus an expected $14.7 million lease expense.  22 

Stated differently, the capacity and energy benefits were only xxx of the annual 

lease payment, and the Company could have obtained equivalent power for a 

23 

24 

xxxxxxxxxxxxxxxxxx West Valley.  Had PacifiCorp stopped at this point, it 25 
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should have never signed the West Valley lease in the first place.  PacifiCorp 

needed to claim these additional benefits in order to show that the West Valley 

lease was economic.  With only a modest reduction to any of the five claimed 

benefits, the project is clearly uneconomic on the basis of market fundamentals 

and PacifiCorp’s own analysis as of the signing date of the lease. 
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Q. WERE OTHER ASSUMPTIONS BIASED IN FAVOR OF WEST VALLEY 
IN CONFIDENTIAL EXHIBIT ICNU/103C? 

A. Yes.  It was assumed the units would operate at their design (full load) heat rate 

(10,000 BTU/kWh) on an annual average basis.  This would be impossible if the 

units were going to cycle and provide substantial operating reserves as assumed 

by the Company.  Further, the PacifiCorp GRID modeling shows much higher 

heat rates for these units.  Finally, the Company significantly understated the 

staffing and O&M costs of the facility in its estimates and ignored reserve 

capacity costs.  

Q. EXPLAIN THE SIGNIFICANCE OF ALL THIS IN THE CONTEXT OF 
THE FACT THAT WEST VALLEY WAS LEASED FROM AN 
AFFILIATE, PACIFIC POWER MARKETING. 

A. This is the very reason why regulators have traditionally been extremely 

concerned about transactions between affiliates.  Despite any protests to the 

contrary about prudence, the Company cannot change the fact that its lease from 

an affiliated Company is one of the highest cost resources on the system.  It also 

cannot deny that it used a much different standard and technique for evaluating 

the project as compared to other projects it has recently acquired.  

In my view, good regulatory policy would require a careful review when 

dealing with affiliate transactions.  Indeed, FERC has adopted a standard that 
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requires a bidding process must be “above suspicion” when it results in award to 

an affiliate.   For this reason alone, it would be wise to assign no value to highly 

speculative and subjective benefits, such as the options value. 
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Q. THE LEASE ALSO CONTAINS PURCHASE OPTIONS.  DID THE 
PURCHASE OPTIONS HAVE ANY VALUE IN 2002? 

A. The purchase options were of very little value, even in 2002.  The option purchase 

price is based on the original cost of West Valley ($765/kW) as depreciated in 

2005 ($690/kW) and 2008 ($615/kW).  This substantially exceeded the cost of a 

new conventional combustion turbine even in 2002.  Based on RAMP– 6 figures, 

a new CT unit could be installed for around $500/kW.  Further, the market for 

these CTs has declined sharply in the past few years, rendering the purchase 

option completely worthless at the present time.  

Q. WAS THE EARLY TERMINATION OPTION OF THE LEASE OF ANY 
VALUE? 

A. The option only had value because of the high cost of West Valley.   If West 

Valley were an economical resource, an early termination option would have been 

without any significant value.  Given its high cost, had the Company made a good 

faith effort to take advantage of the early termination option, it could have 

provided value, but only by undoing the original mistake.  However, this value 

only exists to the extent the Company actually terminates the lease at the end of 

the third or sixth year and replaces it with a lower cost resource.  Unfortunately, 

the Company never made a prudent effort to take advantage of the third year 

termination option. 
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Q. PLEASE EXPLAIN. 1 

2 
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A. Section 12.1 (a) of the lease states as follows: 

The Lessee may terminate the Lease Term by giving the Lessor 
notice in writing of such termination on or before December 1, 2006; 
provided, however, that (i) if such notice is given on or before June 1, 
2004 and not rescinded by notice in writing on or before September 
30, 2004, this Lease shall terminate effective May 31, 2005; and (ii) if 
such notice is given after June 1, 2004 and not rescinded by notice in 
writing on or before June 30, 2007, this Lease shall terminate 
effective May 31, 2008 . . . . 

The plain language of this section of the lease provided PacifiCorp an opportunity to 

escape from the lease in June 2005, by giving notice prior to June 1, 2004.   Because 

the original lease was evaluated and negotiated in the aftermath of the Western power 

crisis, and at a time when CT capacity was very scarce, a prudent utility would have 

taken a very serious look at terminating the lease and replacing it with a lower cost 

resource.   

Q. HOW WOULD A PRUDENT UTILITY HAVE RESPONDED TO THIS 
EARLY TERMINATION OPTION? 

A. The early termination option would have been useful as a tool to obtain lower 

prices from other suppliers, or as negotiating leverage with PPM.  To take full 

advantage of the option, PacifiCorp should have given its notice well in advance 

of June 1, 2004, and evaluated the most economical options available at an earlier 

time.  It would have been sensible to consider a Request for Proposal (“RFP”) 

timed to provide replacement capacity starting on June 1, 2005, because that was 

the date of the first termination option. 
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Q. DID PACIFICORP HAVE AN OPPORTUNITY TO ISSUE SUCH AN 
RFP? 
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A. Absolutely.  PacifiCorp issued RFP 2003-A on June 6, 2003.  This RFP was 

issued in ample time to have provided a permanent replacement for West Valley 

by June 1, 2005.  RFP 2003-A even requested 200 MWs of east-side peaking 

capacity, an amount identical to the capacity of West Valley.  The Company 

could have easily requested 400 MW of east-side peaking capacity for the 

summer of 2005.  There was simply no reason why PacifiCorp could not have 

used the RFP 2003-A process to seek out the most economical replacement 

available for West Valley.   

Q. DID THE COMPANY DO SO? 

A. No.  It appears that the Company never even considered replacement of West 

Valley in connection with RFP 2003-A.  Further, the Company never gave its 

termination notice regarding the West Valley lease until very late in May 2004.  

This termination notice was provided only after inquiries into the issue were made 

by ICNU and the OPUC Staff, as well as the Utah Committee of Consumer 

Services (“CCS”) and the Utah Division of Public Utilities (“DPU”) staff.  

Exhibit ICNU/104 is a copy of certain letters discussing this issue.  My 

interpretation of these events is that the Company simply “drug its feet” on the 

matter until pressure from regulators and customer representatives forced the 

issue.  Again, this is clear evidence of a utility more interested in supporting its 

affiliate than minimizing costs for its ratepayers. 
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Q. IS IT REASONABLE TO ASSUME THE COMPANY COULD HAVE 
OBTAINED A LOWER COST REPLACEMENT FOR WEST VALLEY 
HAD IT SOUGHT A REPLACEMENT IN RFP 2003-A?  
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A. Yes.  In Utah Docket No. 03-035-29 (Currant Creek), the Company’s bid 

evaluation model demonstrated that traditional peaking units were much less 

economic than combined cycle generators.  Further, given the high cost of West 

Valley relative to more conventional types of CTs, it is apparent that West Valley 

would have been a very unattractive option for the Company.  One can easily 

infer that a West Valley “Next Best Alternative” would have never made the short 

list had it been examined in RFP 2003-A. Clearly the Company failed to avail 

itself of the best opportunity to obtain resources at a much lower cost than West 

Valley. 

Q. DID REGULATORS MAKE INQUIRIES REGARDING THE EARLY 
TERMINATION OF THE WEST VALLEY LEASE? 

A. Yes.  In the hearing in Utah Docket No. 03-035-14 on May 20, 2004, the 

Commission Chair inquired as to the status of the West Valley lease: 

CHAIRMAN CAMPBELL:  Let me ask about – I guess some of 
that was based on testimony related to West Valley, whether that 
was in or out or a deferrable resource contract.  I guess I’d like to 
ask the Company, and it’s my understanding that you had a major 
party in Oregon ask you to give notice on June 1st related to that 
contract.  Can you just based on the testimony of that now is on the 
record related to West Valley, would you please let us know what 
you intend to do if  you've made a decision? 

MR. TALLMAN:  Well, like most decisions we’re – we’re looking 
at it pretty closely.  One of the things that we’re looking at that 
we’re very concerned about is that we make sure we fully 
understand the option language that's in the agreement as far as 
how we understand it versus how our counter party understands 
it.  And one of the things -- so we’re having a legal analysis done 
on that right now. The obvious concern with that is if we don’t see 
it eye to eye, that if we were to go ahead and exercise an option 
and then change our mind and that somehow affected our ability 
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with the next option period, which, of course, is a longer term 
decision, but the decision now is a three-year decision, it basically 
affects the 2005 through 2008 timeframe, which is really the 
summers of 2005, six, and seven.  And those review the ‘05, ‘06 
summers as being pretty important, at least I do, in terms of 
resource needs.  So I’m very -- I want to be very cautious, 
judicious, prudent before we make the election to issue a 
termination notice even if we think we might have to unwind that 
termination notice.  So that’s where we are at right now.  And 
certainly before June 4th or June 1st we’ll get that sorted out. 
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*   *   * 

CHAIRMAN CAMPBELL:  I’m trying to be as subtle as I can to 
send signals that the Commission is interested in that contract in 
that the past rate case things were stipulated.  And so this is the 
first case before this Commission we’ve fully seen numbers and 
discussion related to that contract.  Clearly, we’re concerned, but 
we are interested and extra interested in contracts related with 
affiliates.  And so maybe my expectation of the Division would 
audit this and other parties would take a serious look at this as 
far as any future rate case.  

Re PacifiCorp, UPSC Docket No. 03-035-29, Reporters Transcript of Proceedings 

at 55-60 (May 20, 2004) (emphasis added). 
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Q. PLEASE COMMENT ON MR. TALLMAN’S ANSWER TO THE UTAH 
COMMISSION. 

A. His answer seems rather strange in light of PacifiCorp’s prior testimony in UE 

134 (2002) and Washington Docket No. UE-032065 (2003): 

Q. Does the lease give PacifiCorp an option to purchase the 
Project or terminate the lease? 

A. Yes.  PacifiCorp has two options (vesting in years three and 
six) to either terminate the lease or purchase the Project.  If 
PacifiCorp elects to exercise either purchase option, the 
fixed purchase prices ($138 million and $123 million, 
respectively) are estimated to be near the then-depreciated 
book cost for the Project at the time of the purchase. These 
options allow PacifiCorp to hedge against changes in 
market prices and load forecasts in the coming years and 
then decide which of three paths—continuation of the 
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lease, termination of the lease or outright purchase of the 
Project—is the best economic choice.   

1 
2 

Re PacifiCorp, OPUC Docket No. UE 134 (Supplemental Direct Testimony of 

Mark Tallman). 
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Q. What specific risks are mitigated through the additional 
options in the lease structure? 

A. There is higher uncertainty over the value of the spark 
spread associated with a longer time horizon, therefore, it is 
prudent and valuable for PacifiCorp to make provisions to 
cut losses if the spark spread collapsed and to capture 
additional value if the spread widened.  The lease 
termination and the plant purchase provisions in year 3 and 
year 6 of the lease serve this risk mitigating purpose. 

Q. How were the values for termination of the lease and 
plant purchase determined? 

A. Option theory was used to value the special contract 
provisions.  The option to abandon the lease was valued as 
a put option with the strike equal to the NPV of the 
remaining lease payments against the underlying asset price 
(i.e., NPV of free cash flows for the remaining lease 
period). 

The option to purchase the plant is a call option with the 
strike at the net book value against the underlying asset 
price (i.e., NPV of free cash flows until the end of the 
thirty-year assumed book life plus the liquidation of 
remaining assets).  To value this option, the Company 
explicitly calculated the residual value of the plant based on 
the best market information available.  The cumulative 
value of the put and call options in year 3 of the lease is in 
excess of $28,568,000.  The value of this premium is 
included in the annual lease payment; it is not paid up-
front, but instead spread across the whole duration of the 
lease as an annuity discounted at 2.5 percent.  Therefore, if 
PacifiCorp exercises the lease termination option, PPM will 
not receive full payment for the options it granted.  The 
annualized contract option premium is $2,110,000.  

Re PacifiCorp, OPUC Docket No. UE 134 (Supplemental Direct Testimony of 

Mark Klein). 

37 

38 
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Q. Does the lease give PacifiCorp an option to purchase the 
West Valley Project or terminate the lease? 
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A. Yes, the lease is very flexible. PacifiCorp has two options 
(vesting in years three and six) to either terminate the 
lease or purchase the West Valley Project. If PacifiCorp 
elects to exercise either purchase option, the fixed purchase 
price ($138 million or $123 million, respectively) were, at 
the time, estimated to be near the then-depreciated book 
cost for the West Valley Project at the time of the purchase. 
These options allow PacifiCorp to hedge against changes in 
market prices and load forecasts in the coming years and 
then decide which of three paths-continuation of the lease, 
termination of the lease or outright purchase of the West 
Valley Project-is the best economic choice.   

Re PacifiCorp, Washington Utilities and Transportation Commission (“WUTC”) 

Docket No. UE-032065, Direct Testimony of Mark Tallman, (December 2003) 

(emphasis added). 
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These passages show that the Company was very quick to point out the 

lease termination options to the Oregon and Washington Commissions, and even 

ascribed a substantial dollar value to those options in UE 134.  However, when it 

came time to actually exercise the option, the Company determined that it 

suddenly needed a “legal analysis” of the lease to verify these same terms and 

conditions.   

Q. IS THIS EVIDENCE OF IMPRUDENCE? 

A. Certainly.  The Company should have performed a detailed legal analysis of the 

lease when it was being negotiated, not two years later.  They should not have 

required any further legal analysis in order to confirm what the lease itself plainly 

states in Section 12.1 and what the Company told the Oregon and Washington 

Commissions in 2002 and 2003.  It appears the Company simply used the alleged 

need for a legal analysis as an excuse for failing to conduct a fair evaluation of the 
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lease through a reasonable RFP process much earlier.  In any case, were a legal 

analysis needed at all, there is simply no prudent reason why it could not have 

been performed long before May of 2004. 
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Q. WAS RFP 2004-X A REASONABLE AND PRUDENT EFFORT TO FIND 
A LOWER COST REPLACEMENT FOR WEST VALLEY? 

A. No.  The Company biased its selection process in favor of West Valley by 

soliciting only bids for resources that had similar contract terms and options as 

West Valley: 

This solicitation seeks resources that may replace the leased 
resource, as more fully described below, with a resource capable 
of delivering electricity to PacifiCorp's network transmission 
system at a location that can, utilizing firm transmission rights, 
deliver the electricity to a point electrically North of Camp 
Williams and South of Ben Lomond substations. The replacement 
resource must be available as of June I , 2005 for terms of: a) 
three (3) years, or b) three (3) years with a nine (9) year extension 
option to be exercised at PacifiCorp's option prior to June 30, 
2007, or 3) up to twelve (12) years with a three (3) year 
minimum.  

RFP 2004-X, at 3 (issued July 19, 2004). 

By issuing the RFP so late (less than 11 months prior to the date power 

was needed), and insisting on a minimum three-year term, the Company virtually 

eliminated any realistic option for the construction of new capacity.  

Q. WAS THIS REASONABLE? 

A. No.  In effect, the Company assigned an infinite value to the early termination 

option, as it refused to consider options other than those with a minimum three-

year term.  This is strange considering that, when the Company first evaluated the 

lease, it believed it had a methodology that could fairly monetize the value of the 

early termination option.  If PacifiCorp still believed in Black-Scholes modeling, 
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it would have ascribed some fraction of the previously determined lease option 

value to West Valley because there was only one remaining termination option.  
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Q. DO YOU DISPUTE THAT THERE IS SOME VALUE IN HAVING AN 
EARLY TERMINATION OPTION? 

A. In theory there is, but only due to the high cost of West Valley.  Further, 

PacifiCorp is capacity short and clearly needs long-term resources.  There is little 

reason to expect that it will suddenly become long on capacity and avoid the need 

for 200 MW of capacity in 2008.  Further, for the option to have any real value, it 

must be evaluated in a manner that is timely, reasonable and prudent.  PacifiCorp 

failed on all three counts.  Given that this is a lease with an affiliated Company, 

there is ample reason to be suspicious of the entire arrangement.  Were this case 

being heard by FERC, I fail to see how it would survive FERC’s “above 

suspicion” standard. 

Q. REGARDING THE ACTUAL BID EVALUATION IN RFP 2004-X, DO 
YOU BELIEVE THAT PACIFICORP’S ANALYSIS IS SOUND? 

A. I am very skeptical of PacifiCorp’s bid evaluation.  I have had an opportunity to 

review the workpapers underlying the RFP 2004-X bid evaluation on November 

10, 2004, and later when it was produced in discovery in the recent Utah rate case.  

While my review was limited in scope, it was apparent that a substantial portion 

of the advantage assumed for West Valley was due to modeling of its ancillary 

service benefits (principally spinning reserve and quick start).  My discussions 

with personnel from the PacifiCorp dispatch center (on the same day) and review 

of West Valley’s generator logs calls this assumption into question.  Owing to the 

presence of substantial resources on PacifiCorp’s system that are able to provide 

quick start and operating reserves, West Valley is seldom needed for purposes of 
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carrying reserves and, on average, has only had 10 MW of capacity available for 

spinning reserve per month in 2004.  
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Q. HOW DID PACIFICORP DETERMINE THE ANCILLARY SERVICES 
BENEFITS OF WEST VALLEY? 

A. I understand this was based on a GRID run where the ancillary services 

characteristics of West Valley were “turned off.”  However, there are many issues 

surrounding the modeling of CTs in GRID.  The model is operating the CTs in a 

very unrealistic manner, owing to inaccurate assumptions concerning regulation 

modeling.6/  Further, PacifiCorp now has reserve capacity also available from the 

US Magnesium contract.  Thus, these ancillary services benefits derived from 

GRID runs are highly questionable. 
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Q. HOW DO YOU PROPOSE TO DEAL WITH THE ISSUES 
SURROUNDING THE EARLY TERMINATION OPTION? 

A. Irrespective of the prudence or imprudence of the original West Valley lease 

decision, the Company failed to avail itself of a reasonable opportunity to obtain 

the best alternatives to replace West Valley in 2005.  Instead, the Company made 

a late half-hearted effort primarily due to the prodding of regulators and 

consumers groups.   

Consequently, I recommend the Commission adopt a disallowance based 

on the cost of replacing West Valley in RFP 2003-A.  There were many possible 

alternatives to West Valley (including comparable resources with much lower 

costs).  However, I used the cost of the Currant Creek CT as the proxy cost for a 

prudent winning replacement for West Valley.  This results in a revenue 

 
6/  This issue was one of the matters resolved in the Partial Stipulation. 
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requirement reduction for the West Valley lease in the amount shown on line 1 of 

Table 1.  
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Gadsby CT 3 
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Q. ARE THERE ANY ISSUES PRUDENCE RELATED TO THE COST OF 
THE GADSBY COMBUSTION TURBINES? 

A. Yes.  The installed cost of the Gadsby CTs was exceptionally high (approximately 

$667/kW).  In the Gadsby Certification case (Utah Docket No. 00-035-37), the 

Company contended that one of the benefits of the Gadsby project was the fact 

that General Electric (“GE”) had agreed to an early termination of a rental 

agreement for some temporary CTs at the Gadsby site.  This resulted in a $7.5 

million savings for PacifiCorp. This benefit flowed directly through to the 

Company and was never reflected in rates.  Had the Company obtained a simple 

$7.5 million price concession on the cost of the peaking units from GE, the 

Gadsby rate base would be reduced.  I am concerned that PacifiCorp had a 

conflict of interest in negotiating the purchase price of the Gadsby CTs, as it may 

have had to choose between a lower permanent cost for ratepayers versus a one-

time $7.5 million cost savings for PacifiCorp.   

Q, DO YOU WISH TO PRESENT ANY DOCUMENTS THAT SHED LIGHT 
ON THIS ISSUE? 

A. Yes. Confidential Exhibit ICNU/105C is a copy of a portion of a PacifiCorp 

exhibit (Morrison Exhibit 6) presented by the Company in the Gadsby CCN case, 

Utah Docket No. 00-035-37.  This document is a summary of information 

provided to the ScottishPower Board concerning the project.  There are two 

interesting items contained in the Board presentation: 



ICNU/100 
Falkenberg/31 

xxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxx 1 
xxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxx 2 
xxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxx 3 
xxxxxxxxxxxxxxxxxxxxxxx 4 

xxxxx 5 

xxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxx 6 
xxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxx 7 

8 Confidential Exhibit ICNU/105C. 

I believe this establishes three important points.  xxxxxxxxxxxxxxxxxxxx 9 

xxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxx  10 

xxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxx 11 

xxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxx 12 

xxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxx 13 

xxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxx 14 

xxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxx 15 

xxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxx   16 
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This is a classic case of a conflict of interest that the Commission should 

resolve in favor of the ratepayers.  I recommend that the Commission decrease the 

level of the Gadsby CT plant investment by $7.5 million.  The impact of this 

adjustment (based on PacifiCorp’s requested rate of return) is shown on Table 1. 

Currant Creek 21 

22 

23 

24 

25 

Q. HOW HAS PACIFICORP TREATED CURRANT CREEK IN THIS CASE? 

A. The Company has annualized the cost and operation of the Currant Creek SSCT 

portion of the project for the 2006 test year.  It has included Currant Creek at cost 

in its calculation of overall revenue requirements. 
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Q. IS THIS TREATMENT CONSISTENT WITH OAR § 860-038-0080(1)(B)? 1 
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A. No.  It is completely inconsistent. OAR § 860-038-0080(1)(b) provides: 

The Commission will not require an electric company to acquire 
new generating resources except as provided in ORS 757.663.  
Major capital improvements to existing generating resources will 
continue to be subject to least cost planning processes and analyses 
and the Oregon share of their prudently-incurred costs will be 
included in an electric company's Oregon revenue requirement, 
which for a multi-state electric company shall be consistent with 
Commission decisions pursuant to subsection (3)(a)(G) of this rule.  
Electric companies must include new generating resources in 
revenue requirement at market prices, and not at cost, and such 
new generating resources will not be added to an electric 
company’s rate base even if owned by the electric company [.] 

OAR § 860-038-0080(1)(b) (emphasis added). 

The italicized section of the code is the part most applicable to this 

proceeding.  This language prohibits the cost of new resources from being 

included in rate base.  Instead, new resources must be included in revenue 

requirements at market prices.  This rule implies that new resources should be 

reflected in revenue requirement at current market prices, rather than actual cost.  

Because Paragraph XII of the Revised Protocol requires the Company to reflect 

the cost of new plants in rates consistent with the laws and regulations of Oregon, 

this proposed treatment is not permitted under the Revised Protocol.  I have 

included Currant Creek in rates based on the net market value of the power 

produced by the project as derived from the Thermal Revenue output of GRID.  

This adjustment reduces net power costs by the amount shown on Table 1. 
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Q. DOES OAR § 860-038-0080(1)(b) APPLY IN THE CASE OF GADSBY AND 
WEST VALLEY IN THIS CASE? 
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A. It is ICNU’s position that OAR § 860-038-0080(1)(b) applies in the same manner 

for Currant Creek, Gadsby and West Valley because all three plants came on line 

after the application of the rule in September 2000.  While the Gadsby and West 

Valley units arguably have been included in prior rate cases at cost not market 

value, those cases have settled.  In addition, there is nothing in the language of 

OAR § 860-038-0080(1)(b) to imply it would not apply the same for Gadsby and 

West Valley as for Currant Creek. Further, PacifiCorp has not asked for a waiver 

of the rule for these units.  Consequently, ICNU recommends that the 

Commission apply OAR § 860-038-0080(1)(b) in the same manner for all new 

resources: Currant Creek, Gadsby and West Valley. 

Q. ASSUME THAT THE COMMISSION AGREES THAT OAR § 
860-038-0080(1)(b) ALSO APPLIES TO THE GADSBY AND WEST 
VALLEY CT UNITS.   WHAT WOULD BE THE RESULTING 
DISALLOWANCES? 

 
A. OAR § 860-038-0080(1)(b) would supersede the prudence adjustments discussed 

earlier.  In that case, I have computed a disallowance of $1,608.343 for the 

Gadsby CTs and $2,615,709 for West Valley.  These adjustments exceed the 

prudence adjustments I discussed earlier.  If the Commission applies the market 

value rule, these disallowances should be made irrespective of whether the 

Commission believes these new resources were prudent.   In Table 1, I show the 

incremental amount of these adjustments over and above the prudence 

adjustments.  If the Commission decides to apply OAR § 860-038-0080(1)(b) in 

the manner recommended by ICNU, it merely needs to add the prudence 



ICNU/100 
Falkenberg/34 

adjustments shown in Table 1 to the market value adjustments.  The total 

adjustment would then equal the OAR § 860-038-0080(1)(b) (market value) 

adjustment. 
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III. NET POWER COST ISSUES 

Q. WHAT ARE “NET POWER COSTS” AND WHY ARE THEY 
IMPORTANT TO THIS PROCEEDING? 

A. Net power costs are the variable production costs related to fuel and purchased 

power expenses net of power sales revenue.  Net power costs comprise a 

substantial portion of overall revenue requirement and therefore are a significant 

component of PacifiCorp’s proposed base rates.  In Docket No. UE 147, the 

Company requested $610.7 million (total Company basis) in net power costs.  In 

the Stipulation in that case, the Company agreed to final net power costs of $598 

million.7/ In this case, the Company is now requesting $785 million based on the 

Partial Stipulation and its original filing.  Based on the Oregon allocators used in 

each case, the increase in net power costs is responsible for approximately $46 

million of total revenue requirements.
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Q. DID ICNU SETTLE ANY NET POWER COST ISSUES IN THE PARTIAL 

STIPULATION?  

A. Yes, for the most part ICNU’s net power cost adjustments regarding PacifiCorp’s 

GRID model were settled.  The issues that follow were reserved by ICNU in the 

Partial Stipulation.  

 
7/  Docket No. UE 147, Stipulation Paragraph 5. 
8/  785*.277-598*.286 = 46.4 million. 
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Georgia-Pacific Camus Contract 1 
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Q. HAS THE COMPANY CORRECTLY MODELED THE GEORGIA 
PACIFIC (“GP”) CAMUS CONTRACT? 

A. No.  The Company has included the unadjusted contract cost of power it received 

from GP, but has ignored various offsets it receives from the customer.  This issue 

was specifically reserved in the Partial Stipulation. 

Q. EXPLAIN THE PAYMENT TERMS OF THE CONTRACT? 

A. While the contract is fairly complex, GP supplies steam to a generator (owned by 

PacifiCorp), and PacifiCorp pays a “Steam Royalty” to GP.  The Steam Royalty is 

equal to a contract price, less certain offsets.  In computing the cost of power from 

GP in this case, PacifiCorp has ignored the offsets.   

This is a substantial problem because the contract does not require 

PacifiCorp to pay for any of power from the facility, unless it exceeds the 

“revenue requirement” of the project, and other conditions related to GP’s average 

price for power are also met.  However, in its filing, PacifiCorp ignored GP-

Camas contract offsets.  Correcting this oversight reduce net power costs by the 

amount shown in Table 1. 

Q. PACIFICORP HAS ACKNOWLEDGED THIS ERROR IN RESPONSE TO 
ICNU AND OPUC DATA REQUESTS.   HOWEVER, IT CONTENDS THE 
ERROR IS OFFSET BY A FUEL HANDLING ERROR.  PLEASE 
COMMENT. 

A. While the Company makes this claim in ICNU 17.7, in ICNU 17.5 it admits the 

fuel handling issue had no relationship to the GP Camas error.  Exhibit 

ICNU/109.  In ICNU 17.4 the Company indicated it could not provide any 

workpapers support for the fuel handling error.  Exhibit ICNU/109.  While the 
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Company has not amended its filing to reflect the alleged fuel handling error, 

given this, I suggest the Commission ignore it. 
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Thermal Deration Factors 3 
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Q. EXPLAIN THE SIGNIFICANCE OF THERMAL DERATION FACTORS 
IN GRID. 

A. In GRID, thermal deration factors (also called outage rates) control the amount of 

generation available from thermal units.  The more energy available, the lower net 

power costs.  If a generator has an average outage rate of 5%, GRID assumes a 

thermal deration factor of 95%.  This means that only 95% of the unit’s capacity 

is available to produce energy.  The remaining capacity is assumed to be 

permanently on outage.  In its initial filing, the Company used a compilation of 

outages over the most recent forty-eight month historical period (April 2000 to 

March 2004) to compute the deration factors for its thermal plants.  

Q. IN THE MARCH 15, 2005 GRID UPDATE, THE COMPANY PROPOSED 
TO USE A MORE RECENT FORTY-EIGHT MONTH PERIOD TO 
COMPUTE OUTAGE RATES AND HEAT RATES IN GRID.  DO YOU 
AGREE WITH THIS PROPOSAL? 

A. No this item is a reserved issue listed in the Partial Stipulation in Paragraph 

5(a)(1).  This Commission should reject this “last minute” selective update of 

GRID.  There are several reasons for this recommendation.   First, outage rates 

are computed from thousands of individual outage events.  It can take substantial 

discovery and time to determine whether certain outages may have been the result 

of mismanagement or imprudence.  By making this change to the data so late in 

the proceeding (only two weeks prior to the date settlement positions were 

required to be filed) it seriously disadvantages parties who wish to challenge the 

prudence of outages.  This is an even more serious problem when the Company 
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updates its GRID study historical period, it changes much of the underlying data 

used in preparation of its case.  There were a large number of ICNU data requests 

issued that sought this data.  Though our requests were continuing, the Company 

refused to provide updates to these data requests when it changed the GRID 

inputs without issuance of a new data request.  Owing to the time limits in the 

case, this meant that there would be very little time for analysis of this 

information after the update was filed. 
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Second, the proposed data was based on the 48 months ended September 

30, 2004.  There is no apparent reason why this information could not have been 

available at the time of the February GRID update.  
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Third, this data is clearly not 

the only information that could have changed in time for inclusion in the March 

15 filing.  The Company had the option of using updated information that 

increased power costs, while not using updated data that decreased power costs, 

or other components of its overall rate request.  

10 

11 

12 

13 

Fourth, in prior discussions I had 

with the Company no mention was ever made regarding an update to these kinds 

of inputs.  Instead it was indicated that the March update would be limited to new 

contracts for fuel and power.  Had I been aware of this proposal, I could have 

conducted preliminary discovery on these changes, as I did in the case of new 

contracts.
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9/  I am left with a clear feeling that the Company was simply try to 

place ICNU and other parties at a disadvantage in proposing this data update.   

19 

20 

Finally, the presence of multiple updates of the GRID model greatly 

complicates the efforts of analysts trying to analyze the PacifiCorp rate filing.  

21 

22 

                                                 
9/ See ICNU’s Seventh Set of Data Requests to PacifiCorp. 
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The Commission should make it clear that it will allow only limited updates in 

specific areas in future cases.  For all these reasons, I recommend the Commission 

disallow this proposed data change.  This adjustment is shown on Table 1. 
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Q. PGE HAS BEEN ALLOWED TO MAKE UPDATES TO OUTAGE RATES 
IN ITS APRIL 1 RVM FILINGS.  WHY SHOULDN’T PACIFICORP BE 
ALLOWED TO MAKE A COMPARABLE UPDATE IN MARCH? 

A. I will discuss RVM in more detail later.  However, it is not proven that PGE’s 

approach amounts to the “best practices” a regulatory commission might follow.  

More significantly, in the RVM cases, parties generally have not had to file 

testimony until late June to Mid August (3-5.5 months), thus affording substantial 

time to address such issues.  In this case, the Company would only allow parties 

two weeks before settlement positions were due and about six weeks before 

testimony was due.   

Q. HAVE YOU IDENTIFIED ANY OUTAGES THAT SHOULD BE 
EXCLUDED FROM THE FOUR-YEAR ROLLING AVERAGE? 

A. Yes. Again, this is a reserved issue in Paragraph 5(a) of the Partial Stipulation.  I 

have identified a major problem in PacifiCorp’s calculation of outage rates for 

GRID.  This problem concerns the outages that occurred during the UM 995 

deferral period, from November 2000 to September 2001.  This period includes 

the Hunter Unit 1 outage from November 2000 to May 2001, which the Company 

has already reversed from its calculation of outage rates.   

Q. WHAT IS THE BASIS FOR REVERSING THE HUNTER OUTAGE? 

A. Mr. Widmer does not explain this in his direct testimony.  However, the same 

adjustment was also made in Docket No. UE 147.  In that case, Mr. Widmer 

testified as follows: 
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Because the Company is recovering the cost of the catastrophic 
Hunter unit 1 outage through the treatment adopted in UM 995, the 
Company has excluded that outage from its 48-month outage 
calculation.   
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Re PacifiCorp, OPUC Docket No. UE 147, Direct Testimony of Mark Widmer, at 

12. 

5 

6 

7 

8 

9 

10 

11 

Similarly, in the most recent Utah rate cases, the Company has reversed 

the Hunter outage.  However, in the states where the Company did not collect for 

the Hunter outage via a deferral mechanism, the Company included the event in 

computing thermal outage rates. Mr. Widmer explained this in the 2003 

Washington rate case by stating, “The Company’s outage rate modeling is simply 

a four-year amortization of outage costs.”  See Re PacifiCorp, Washington UTC 

Docket No. UE-032065, Rebuttal Testimony of Mark Widmer at 37;  see also 

Exhibit ICNU/110 (PacifiCorp response to ICNU DR No. 13.49 in Washington 

Docket No. UE 032065).  Because Mr. Widmer contended that Washington had 

not already paid for Hunter outage costs, he did not remove it from the 

computation of outage rates. 
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Q. WAS THE HUNTER OUTAGE THE ONLY GENERATOR OUTAGE 
THAT OCCURRED DURING THE 48-MONTH PERIOD? 

A. No.  There were many other events, no different than the Hunter outages, except 

for their severity.  All outages that occurred during the UM 995 deferral period 

increased net power costs, just like Hunter, and customers are paying for those 

costs in exactly the same manner as the Hunter outage.   

21 

22 

23 



ICNU/100 
Falkenberg/40 

Q. HAS THE COMPANY MADE ANY ADJUSTMENTS TO REVERSE THE 
REMAINING DEFERRAL PERIOD OUTAGES? 
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A. No.  While the Company acknowledges that recovery of Hunter outage costs via 

the deferral and through the use of higher outage rates in GRID would amount to 

a “double recovery,” it has not made any adjustments to remove the other outages 

that occurred during the UM 995 deferral period.  There is simply no possible 

logical explanation as to why one outage should be removed, while other outages 

should not, particularly in light of the PacifiCorp testimony in Washington that 

the purpose of the 48-month rolling average methodology is to amortize the cost 

of prior outages.  Because these costs are already being recovered, their inclusion 

in the GRID study amounts to a “double count.” 

Q. WHAT IS YOUR RECOMMENDATION? 

A. The Commission should reverse all outages that occurred during the deferral 

period from the 48-month rolling average.  This will eliminate the double 

recovery of such outage costs. 
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Q. OWING TO THE SHARING MECHANISM AND DEADBAND BUILT 
INTO THE UM 995 DEFERRAL, RATEPAYERS HAVE NOT 
NECESSARILY PAID 100% OF THE COST OF THE EXCESS POWER 
COSTS.  DOES THIS IMPLY THAT LESS THAN 100% OF THESE 
OUTAGE COSTS SHOULD BE REVERSED IN GRID? 

A. No.  The Commission made a policy decision that limited recovery of the excess 

power costs in UM 995.  It is important to realize that the deferral in UM 995 was 

an extraordinary allowance by the Commission in the case of very unusual 

circumstances.  The normal status quo is for companies to absorb all excess power 

costs that occur outside of test years.  Under more normal circumstances, the 

Company would not have recovered any excess power costs during that time.  The 
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Commission granted recovery on the basis of many important considerations.   It 

should not now reverse any part of that decision.   
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Further, the Company is proposing a full reversal of Hunter outage costs, 

not a partial one.  Other outages should not be treated any differently.  Finally, 

during the deferral period, market prices were much higher than assumed in the 

GRID study.  Even though less than 100% of all outage costs may have been 

recovered in the past, the amount recovered is substantially more than the current 

level of cost built into GRID. 

Q. DO YOU RECOMMEND THE COMMISSION ACCEPT THE THERMAL 
RAMPING AND STATION SERVICE ADJUSTMENTS IN THE 
FEBRUARY GRID UPDATE? 

A. No. These are also issues reserved in Paragraph 5(a)(3) and (5).  These are 

adjustments proposed by the Company ostensibly to better represent the operation 

of thermal units.  They were motivated by a mistaken assumption on the part of 

the Company that GRID was producing an excess of coal-fired generation.  

PPL/604, Widmer/2-3.  To address the ramping issue, PacifiCorp creates 

“phantom outages” inflating its outage rates.  To address Station Service during 

outages, the Company adds a zero revenue sales transaction to the model. 

Q. IS MODELING OF STATION SERVICE DURING OUTAGES AND 
THERMAL RAMPING IN THE MANNER USED BY THE COMPANY 
STANDARD INDUSTRY PRACTICE? 

A. No.  Based on my more than twenty-five years experience in working with 

various production cost models, this approach is extremely unusual, and contrary 

to standard industry practice.  NERC publishes a standard formula for 

computation of forced outage rates, and the approach proposed by the Company is 

inconsistent with the NERC formula. 
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Q. ARE YOU AWARE OF ANY INSTANCE WHERE A UTILITY 
PROPOSED TO INCLUDE ENERGY LOST DUE TO RAMPING IN THE 
OUTAGE RATES USED IN A POWER COST MODEL? 
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A. There is only one case that I am aware of.  In Docket No. UE 139, Portland 

General Electric Company (“PGE”) proposed a similar modification to outage 

rates for the Colstrip plant to solve a similar assumed problem of generation from 

its model exceeding actual (“lost generation”).  In that case, the Commission 

flatly rejected the PGE proposal: 

ICNU disapproves of PGE’s calculations in modeling planned 
outages for the Colstrip plant. ICNU notes that the North American 
Electric Reliability Council (NERC) has promulgated a standard 
equation to estimate the forced outage rate of a particular plant. In 
estimating the forced outage rate for Colstrip, however, PGE 
modified NERC’s standard equation by substituting the plant’s 
capacity factor (CF) for its equivalent availability factor (EAF) 
ICNU contends that PGE’s deviation from standard industry 
practice is unjustified and arbitrarily inflates PGE’s net variable 
power cost estimate by $1.5 million. 

PGE explains it made the adjustment because it obtains less energy 
from Colstrip than one should expect from the plant’s EAF. PGE 
highlights that it has normally received 1 to 4 percent less 
generation—based on the plant’s CF—than would be expected—
given the plant’s EAF. To account for this, PGE assigns the 
“missing generation” to unplanned outages. PGE has not identified 
any specific reason why the generation at Colstrip has fallen short 
of potential levels, but speculates that up or down ramping periods, 
generation variances including minor forced derations, or 
transmission pathway deratings may be responsible. 

*  *  * 

While it appears that an aberration exists in PGE’s system that 
prevents the company from obtaining expected generation levels 
from the Colstrip plant, we are not convinced that creating 
“phantom outages” is the appropriate solution. First, PGE’s 
proposed adjustment violates standard industry practice and is 
contrary to the company’s own forecasting methods that it uses for 
other plants. Second, PGE’s adjustment fails to account for the fact 
that a plant’s CF, by definition, will never exceed its EAF, even 
those that run continuously. 
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We are also troubled by PGE’s decision to make this adjustment 
despite the fact that it is unable to identify the source of the 
generation shortfall or to quantify its effect. If the loss of energy 
from Colstrip is due to minor forced derations as PGE speculates, 
the company should be able to modify Monet to capture these 
derations. 
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For these reasons, we disagree with PGE’s adjustment to a 
standard industry equation used to compute forced outage rates 
when outages have nothing to do with the alleged problem. 

Re PGE, OPUC Docket No. UE 139, Order No. 02-772 at 23-24 (Oct. 20, 2002) 

(internal citation omitted). 
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Q. ARE YOU AWARE OF ANY CASE WHERE A COMPANY HAS 
MODELED STATION SERVICE DURING OUTAGES AS A ZERO 
REVENUE SALES TRANSACTION? 

A. I can’t recall a single case where this has been done.  This approach is clearly far 

outside of standard industry practice and should also be rejected. 

Q. IS THERE ANOTHER REASON WHY THE COMMISSION SHOULD 
REJECT THE STATION SERVICE AND THERMAL RAMPING 
ADJUSTMENTS? 

A. Yes.  The support for these adjustments lies in a misperception that GRID was 

overstating coal-fired generation.  This occurred because GRID presents a naïve 

comparison of its projected coal-fired generation with the four-year average for 

the period ended December 31, 2004. However, a more proper comparison would 

be between the GRID projections and actual generation for the four-year period 

ended March 31, 2004, and a GRID run using loads consistent with those for the 

same four-year period.  Because the Company did not perform a proper 

comparison in its February update, Mr. Widmer mistakenly concluded that GRID 

overstates coal-fired generation.  Consequently, there is no sound basis for these 

adjustments, and they should be rejected.  
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Q. CAN YOU DEMONSTRATE THIS PROBLEM BASED ON 
COMPARISON OF GRID RESULTS TO ACTUAL DATA? 
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A. Yes. A proper comparison would be between the GRID projections and actual 

generation for the four-year period ended March 31, 2004. 

Q. WHY SHOULD GRID COMPARE PROJECTED COAL-FIRED 
GENERATION WITH THE ACTUAL FOR THE FOUR YEARS ENDED 
MARCH 31, 2004? 

A. The outage data used in the initial filing and the February GRID is based on that 

four-year period.  Comparison to any other period is incorrect because generators 

would have a different pattern of outages.  The period used in GRID understates 

actual coal-fired generation due to use of the incorrect period. 

Q. EXPLAIN THE GRID COMPARISON OF ACTUAL TO PROJECTED 
COAL-FIRED GENERATION. 

A. This is shown on Exhibit ICNU/106.  This presents the actual coal-fired 

generation for the four-year period ended March 31, 2004, taken directly from the 

hourly generator logs.10/  An adjustment to restore the generation lost during the 

Hunter outage is included because GRID also reverses the Hunter outage. 
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Because test year loads substantially exceed the actual loads used during 

the four-year historical period, it is necessary to run GRID using load levels 

consistent with the historical levels. I also use an extremely poor hydro scenario 

to mimic the poor hydro conditions of the past several years.  Because this 

reduces total net load, it also reduces coal-fired generation.  The exhibit shows the 

results of a GRID run based on loads with energy equal to the four-year average.  

 
10/ These are the same logs used by the Company to develop its thermal ramping and station service 

adjustments as will be discussed later. The figures in the exhibit already reflect the generation lost 
due to station service and ramping. 

 



ICNU/100 
Falkenberg/45 

Based on this comparison, the coal units in GRID are actually producing 44.2 and 

44.6 million MWh per year for the February and March updates respectively.   

Over the four-year historical period, the adjusted coal-fired generation was 44.96 

million MWh.  As a consequence, the modeling assumptions used by the 

Company actually result in a substantial understatement of coal-fired generation.   
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Q. ARE YOU DENYING THAT RAMPING AND STATION SERVICE 
ABSORB SOME OF THE AVAILABLE COAL-FIRED GENERATION? 

A. No.  I am pointing out that Mr. Widmer’s proposed “solution” to this problem is 

unnecessary, because the problem is a deficit of coal-fired generation in GRID, 

not a surplus.  Mr. Widmer is solving the wrong problem. 

Further, while many production cost models do modeling ramping, they 

do not do so using adjustments to the outage rates.  One of the advantages of an 

hourly model is that it can model ramping and station service in a realistic 

manner.  However, GRID does not take advantage of these capabilities. Because 

GRID does not actually model outages in a realistic manner (i.e., it uses deration 

instead of Monte Carlo or some other probabilistic technique), the Company 

cannot model ramping in the proper manner.  In the end, there is no reason to 

make the model worse by making unwarranted adjustments to the input data to 

model phantom outages to account for ramping.  

Q. DISCUSS THE DEFERRED MAINTENANCE ADJUSTMENT 
CONTAINED IN THE FEBRUARY UPDATE STUDY. 

A. Again this is a reserved issue in the Partial Stipulation, Paragraph 5(a)(4).  NERC 

defines maintenance outages as those outages that can be deferred to beyond the 

next weekend, but not longer than until the next planned outage.  Under the 

NERC formula, maintenance outages are not considered part of the forced outage 



ICNU/100 
Falkenberg/46 

rate.  For several years now, the Company has modeled maintenance outages as 

part of a weekend outage rate.  While this is not a “perfect” solution, it captures 

the likelihood that such outages could be deferred to a more advantageous time 

(i.e. periods when lower market prices prevail).  Mr. Widmer contends that GRID 

produces too much on-peak coal-fired generation vis-à-vis off-peak coal 

generation, and that maintenance outages do occur in both on and off-peak 

periods.  PPL/604, Widmer/2.
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Q. WHY DO YOU RECOMMEND THE COMMISSION REJECT THIS 
ADJUSTMENT? 

A. This adjustment is conceptually flawed.  Because these types of outages are 

deferrable, potentially until the next scheduled outage, it is unreasonable to 

include them as part of the weekday forced outage rate.  When they are included, 

they reduce generation during all hours, both peak and off peak.  In reality, such 

outages can be deferred until times when market prices are more favorable.  For 

example, if such a problem requiring a maintenance outage were to occur during a 

summer heat wave, plant managers could defer the repairs until milder weather 

(and lower market prices) prevailed.  

Q. IS THERE EVIDENCE THAT DEMONSTRATES DEFERRAL OF THIS 
TYPE OF OUTAGE OCCURS IN ACTUAL PRACTICE? 

A. Yes.  Based on my review of maintenance outages during the four-year period, I 

have found that substantially less than average maintenance outage energy losses 

occur during July and August.11/  Substantially more than average occurs in 22 

                                                 
11/ 82% of average. 
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September.12/  This clearly demonstrates that operators wait until more favorable 

load and price conditions prevail before bringing plants down for such repairs.  

Mr. Widmer’s proposed modeling ignores actual practice. 
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Further, the inclusion of maintenance outages during the weekday outage 

rate ignores the fact that the great majority of energy lost due to maintenance 

outages occurs during Low Load Hours (“LLH”).  Based on my review of all of 

the maintenance outages during the four-year period, I have found that 68.5% of 

all lost energy occurs during LLH.  Again, this demonstrates the operators 

schedule these outages to minimize cost.  Mr. Widmer’s proposed modeling 

technique assumes that no such efforts are made.  In the end, Mr. Widmer’s 

proposed treatment of maintenance outages is much more problematic than the 

Company’s previous methodology. 

Q. DO YOU AGREE WITH THE ADJUSTMENT IN THE MARCH 15, 2005 
UPDATE TO USE THE ACTUAL SCHEDULED MAINTENANCE 
RATHER THAN THE FORTY-EIGHT MONTH AVERAGE? 

A. No.  This issue was reserved in the Partial Stipulation in Paragraph 5(a)(2).  In 

many respects the reasons I gave above, related to the issue of outage rates, apply 

here as well.  This change comes very late in the game, and no justification of any 

kind is provided for it.  PPL/607, Widmer/2 (the exhibit merely describes the 

change but does not provide a basis for making it).  Further, it has been the 

Commission’s precedent to use a forty-eight month average to develop 

maintenance schedules for several cases now, and this unsupported adjustment is 

contrary to that precedent.  This clearly appears as an unjustified, opportunistic 

change to input data.  Again, the Company had the opportunity to weigh whether 
 

12/ 185% of average. 
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this adjustment increased or decreased power costs before deciding to make it.  

This adjustment should be reversed, resulting in the reduction to net power costs 

in the amount shown on Table 1. 
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IV. PACIFICORP’S RVM PROPOSAL 

Q. EXPLAIN THE RELATIONSHIP BETWEEN DIRECT ACCESS AND 
THE TRANSITION ADJUSTMENT. 

A. Ms. Omohundro describes the Transition Adjustment as the difference between 

the weighted market value of the energy previously used to serve direct access 

customers and the cost of service rate under the customers’ specific energy-only 

tariff schedule.  The Company proposes to determine the market value of this 

energy by comparing the output of two GRID model studies.  PPL/700, 

Omohundro/3.  12 

13 

14 

15 

Q. DOES PACIFICORP HAVE ANY DIRECT ACCESS CUSTOMERS? 

A. Based on the order in Docket No. UM 1081, there were no direct access 

customers at the time that order was issued in September 2004.  Only a handful of 

customers have switched since that time.13/ The Commission opened UM 1081 in 

order to address its concern that this may be due to the methodology used by the 

Company to compute the transition adjustment: 
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It is a fact that no eligible PacifiCorp customer has elected to 
receive direct access service from an ESS. Parties dispute the 
reasons why customers continue to choose electric energy service 
from PacifiCorp at cost of service rates, and efforts have been 
ongoing in this docket to discern whether there are barriers that 
impede the marketability of direct access. As PacifiCorp’s 
transition adjustment methodology has long been suspected to 

 
13/  The most recent reports show only 5 commercial direct access customers (18 MW).   These 

customers, however, apparently switched in response to a substantial “shopping incentive” 
($5/MWH). 
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hinder the economic viability of direct access in the Company’s 
service territory, the formal portion of this docket was opened in 
order to address this issue.

1 
2 
3  

Re an Investigation to Direct Access Issues, OPUC Docket No. UM 1081, Order 

No. 04-516 at 9 (Sept. 14, 2004). 

4 
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7 

While the Commission was apparently unable to reach a conclusion 

regarding this question, it did determine that a “market even” methodology for 

computation of an interim transition adjustment should be used.  Id.  

Consequently, the Commission directed the interim transition adjustment be 

computed to reflect the market value of freed up energy without any additions or 

subtractions.  In contrast, in UM 1081, PacifiCorp proposed a “market minus” 

methodology that would compute the market value of freed up energy based on 

the revenues obtained from additional sales minus transmission charges.  ICNU 

proposed a “market plus” approach based on the assumption that without direct 

access loads, PacifiCorp would purchase less power and, as a result, avoid 

transmission expenses required to wheel the power to the system’s load centers. 
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Q. IS PACIFICORP’S PROPOSED METHODOLOGY REALLY A TRUE 
“MARKET EVEN” APPROACH? 

A. No.  The original proposal was really a “market minus” method because of its use 

of the GRID model to compute the transition adjustment.  In fact, under 

PacifiCorp’s original proposal, it would likely be impossible for a customer to 

benefit by switching to direct access. 

Q. PLEASE EXPLAIN. 

A. PacifiCorp proposed to use the GRID model to determine the transition 

adjustment by modeling a scenario with a 25 MW Oregon load reduction to 
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simulate customers who have left for direct access.  Based on Ms. Omohundro’s 

Table 1, this load reduction results mainly in reduced purchases, though there are 

some increased sales, 

1 

2 

and a small reduction to thermal generation.  Based on her 

Table 1, the average cost per MWH of the decreased thermal generation is far 

below the average market price of purchases and sales.
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Q. WHY DOES GRID ASSUME THAT SOME OF THE REDUCTION IN 
LOAD RESULTS IN A TURN-DOWN OF THERMAL UNITS? 

A. GRID uses a trading curve dispatch methodology.  This means that generators 

will be dispatched (irrespective of load) if their dispatch cost is less than the 

hourly market price.  If thermal generation exceeds native load, then it is assumed 

that a spot sale of generation takes place.  This is known as “balancing energy” in 

GRID.  However, in GRID, market cap inputs place a limit on the amount of 

energy that can be sold during graveyard shift hours.  As a result, during those 

hours, GRID assumes the Company has no market for the power, and does not 

allow any sales to take place. 

This modeling approach results in a contradictory situation where 

PacifiCorp reduces output of coal fired plants with very low running costs, at a 

time when the balancing price built into the model is much higher. 

Q. EXPLAIN THE IMPLICATIONS OF THIS SET OF CIRCUMSTANCES. 

A. In effect, PacifiCorp is modeling two market prices, one before the market caps 

are exceeded, and a lower one after.  Effectively GRID assigns the lower valued 

 
14/ Because the purchases and sales represent both on and off-peak energy, while the reduced thermal 

generation tends to occur during graveyard shift hours (due to market caps), the prices are not 
directly comparable.  However, the cost of coal-fired energy during the graveyard shift hours is 
also below the prevailing balancing price assumed in GRID. 
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generation to direct access customers, resulting in a lower average market value 

for energy freed up by not serving these customers. 

However, any competing ESS would likely have to purchase energy from 

the market at the price of standard market products.  This would be a higher 

market price than the price GRID assigns to the departing load.  Thus, it appears 

unlikely that any customer would ever benefit by switching to an ESS.  In effect, 

GRID would eliminate the competition for direct access loads before it actually 

starts. 

Q. IS IT POSSIBLE TO ILLUSTRATE THIS PROBLEM VISUALLY? 

A. Yes.  The figure below shows a comparison of the STF (standard product) price 

for January 3, 2006, and the hourly balancing price used in GRID.   

GRID Market Prices: Jan 3 2006
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The chart also shows the “Transition Adjustment” price developed from the 

GRID simulation based on the 25 MW load decrement.  This price is essentially 

the same as the balancing price for all hours except the graveyard shift.  During 
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14 
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those hours, market caps force GRID to back down on coal plants rather than 

reducing market purchases.  As a result, the price used in computing the transition 

adjustment would only be the variable cost of a coal plant during the graveyard 

shift.  This figure is substantially lower than the block purchases price, or the 

balancing price.  In all likelihood, an ESS would have to purchase power at the 

standard product price, and the balancing price used in GRID will equal the 

standard product price over all hours in the month.  As a result, the transition 

adjustment price would always be lower than the price paid to serve a direct 

access customer by an ESS.  The “dip” in the transition adjustment price during 

the graveyard shift hours will serve to make it impossible for an ESS to attract 

direct access customers.  This figure demonstrates that the transition adjustment 

as computed by the Company will always be a “market minus” approach in that it 

would always be below the market price for standard products, or even balancing 

energy. 
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Q. DOES THE PARTIAL STIPULATION ADDRESS THIS PROBLEM? 

A. It provides a partial solution by relaxing market caps in an amount roughly equal 

to the amount of direct access load assumed in the transition adjustment 

calculation.  Intuitively, I would expect that this will reduce the problem 

described above.  However, it is not intuitively clear whether the Partial 

Stipulation methodology will completely eliminate this problem.  For this reason, 

ICNU agrees that if the Commission adopts the PacifiCorp proposal, this 

adjustment should be made.  However, ICNU believes the PacifiCorp method, 

even with this adjustment is not satisfactory.  



ICNU/100 
Falkenberg/53 

Q. HOW SHOULD THE COMMISSION RESOLVE THIS ISSUE? 1 
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A. There are two alternatives for the Commission to consider.  In its Order in Docket 

No. UM 1081, the Commission advocated a “market-even” rather than “market-

minus” methodology for the interim adjustment.  The original PacifiCorp 

proposal amounts to a “market-minus” method as it would always produce a 

result lower than the cost of a standard market product.  At a minimum, the 

Company must demonstrate in its rebuttal testimony, that the solution contained 

in the Partial Stipulation at least provides a true “market even” result.    However, 

ICNU continues to believe a “market plus” method should be applied. 

Q. PLEASE EXPLAIN. 

A. There are at least two remaining problems.  First, GRID does little to simulate 

transmission costs.  The vast majority of transmission costs in GRID are fixed, 

and changes in balancing energy have little impact on transmission costs.  Thus, 

GRID does not accurately assess whether reductions in purchases produce lower 

transmission costs in a scenario where direct access load leaves the system.  As 

shown in Ms. Omohundro’s Table 1 reductions in purchases are equal to 2.5 times 

the increases in sales implying transmission cost savings due to decreased 

purchases will far outweigh the added costs of increased sales. 
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The second problem with use of GRID is even more intractable.  GRID is 

an operational simulation model, meaning it will attempt to simulate changes in 

operations resulting from a change in conditions (whether it be lower loads, plant 

outages, etc.).  However, GRID does not simulate changes in planning that might 

have a much more important impact on operations.  GRID essentially takes the 

slate of resources, and short-term transactions as fixed.  Were 25 MW of load to 
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depart the system, planners would respond.  First, the portfolio of short-term firm 

transactions would be altered.  Eventually, the long-term resource mix would 

change as well. 
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Because GRID assumes that all resources are “locked-in,” the only 

variables it can change, in response to changes in load, are balancing transactions 

or the thermal unit dispatch.  Thus, GRID really oversimplifies the interplay 

between planning and operation.  This creates a “self-fulfilling prophecy” 

whereby direct access never leads to a change in resource plans, thus the value of 

freed up resources is always too low to allow competition to get started.  The 

Commission recognized this dilemma in its order in UM 1081: 

Second, we acknowledge the underlying dilemma at the core of the 
dispute about valuation of transmission resources. Avoiding the 
acquisition of power rather than disposing of acquired power by 
market sale results in a higher transition credit valuation as 
transmission costs to and from the market are not incurred. 
Supporters of a market-plus approach, therefore, argue that 
PacifiCorp should anticipate direct access load departure and not 
plan for it. PacifiCorp counters, however, [that it] balances its 
system on a 24-month rolling basis and plans for load departure 
only upon actual notice. Operationally, therefore, PacifiCorp is 
likely to always be in load balance when responding to direct 
access load departure, making the market-plus approach almost 
always inapplicable: The problem is further compounded by the 
nature of PacifiCorp’s transmission rights and the dispute about 
whether PacifiCorp uses transmission capacity freed up by direct 
access load. 

Our desire is to develop a long-range transition adjustment that 
values resources based not only on PacifiCorp’s actual operational 
responses, but actual operational responses that are based on 
appropriate planning. We approve the market-even transition 
adjustment methodology as an interim approach based upon 
PacifiCorp’s current resource position. In the near term, through 
2006, PacifiCorp is in resource balance and does not need to 
purchase additional energy resources. On a going forward basis, 
however, as PacifiCorp plans to cover anticipated resource 
deficiencies, a valid question is raised whether PacifiCorp should 
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anticipate direct access load in order to avoid acquisition for 
departing load. We therefore direct PacifiCorp together with Staff 
and parties, to address  how GRID model projections change if 
PacifiCorp’s operational assumptions change.  
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Re an Investigation into Direct Access, Order No. 04-516 at 12. 5 
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Unfortunately, as discussed above, GRID does not have the capability to 

anticipate changes in operational assumptions.  Therefore, it is a questionable tool 

for the Commission’s purposes in addressing this problem. 

Q. WHAT THEN IS YOUR PREFERRED SOLUTION? 

A. A better solution to this problem is to not rely on GRID at all, as it cannot 

simulate the changes in planning that would occur if the Company were to 

properly anticipate direct access load.  A much less complex solution is to simply 

recognize that when the system is appropriately planned, departure of direct 

access load will result in a net reduction in purchases.  Thus, the value of freed up 

resources should simply reflect the cost of a standard market product with 

additional transmission costs avoided.  This assumption is actually supported by 

GRID in that the model shows reductions in purchases are substantially greater 

than the increase in sales.  The GRID results could be used to compute the 

changes in standard product transactions in the varying market hubs.  Thus, a hub 

weighted price of standard products would be based on the GRID results. 

Q. IS IT REALISTIC TO ASSUME THAT FREED UP LOAD WILL RESULT 
IN CHANGES TO STANDARD PRODUCT TRANSACTIONS, AS 
OPPOSED TO CHANGES IN SPOT (OR BALANCING) TRANSACTIONS 
AS MODELED IN GRID? 

 
A. Yes.  Even though PacifiCorp contends that its planning is done in advance, a 

reduction in load due to direct access would provide the Company the opportunity 

to liquidate positions before they are delivered to the Company.  This would 
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eliminate the need for transmission costs required to take those deliveries into the 

system.  Under the GRID logic, it is assumed that standard product transactions 

are fixed, and cannot be altered in response to reductions in load.  Thus, in the 

GRID approach, products are wheeled into the system whether needed or not, and 

may later have to be wheeled out to make a spot sale.  This is not a realistic 

depiction of actual practice. 
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Q. PLEASE EXPLAIN HOW YOUR SOLUTION WOULD WORK? 

A. I would use a weighted average price for standard products reflecting multiple 

hubs.  Based on weights derived from GRID, this would result in a transition 

adjustment price of $46.38/MWH (September 30, 2004 trading curve) plus a 

transmission adder of $1.08/MWH.  See Confidential Exhibit ICNU/107C. This 

compares to PacifiCorp’s original recommended TA of $43.68/MWH based on 

Ms. Omohundro’s Table 1.15/ 13 
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Q. PLEASE CONSIDER THE PACIFICORP PROPOSAL TO DO AN 
ANNUAL RVM PROCESS SIMILAR TO PGE’S RVM.  DO YOU AGREE 
WITH THIS PROPOSAL? 

A. No.  The PGE RVM should not be considered as such a successful model that it 

should be emulated by PacifiCorp. PGE’s RVM has also resulted in ratepayers 

absorbing a substantial portion of PGE’s power cost risk.  There is no basis for 

assuming such a proposal will be beneficial to PacifiCorp’s ratepayers. 

Further, the PGE RVM has been fraught with numerous problems related 

to the scope of costs to be included, modeling methods, and prudence issues.  The 

 
15/  It is not yet known what impact the method contained in the Partial Stipulation will have on the 

transition adjustment. 
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RVM process amounts to an abbreviated rate case, in terms of the procedural 

schedule only.  In terms of the complexity of issues, and amount of time and 

discovery required, it differs little from a general rate case.  Further, the use of 

numerous updates has lead to a variety of problems and conflicts.  In just one 

example, PGE introduced new capacity tolling contracts into its RVM study in 

November 2004.  This created a substantial controversy because these resources 

didn’t produce any energy in the Monet model.  In the end, there was no avenue 

for parties to address the issue, and ratepayers are now being charged for the cost 

of resources that may be imprudent or unreasonable.  Exhibit ICNU/108 presents 

certain documents related to this issue. 
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However, at the start of RVM, PGE’s Monet model was more mature, and 

better understood than the GRID model is even now.  The Partial Stipulation in 

this case notwithstanding, there are many major modeling issue yet unresolved in 

GRID.  Only a full rate case provides the time and process necessary for a full 

review of all power cost issues. 

Q. IS AN ANNUAL RVM UPDATE NECESSARY TO DEVELOP A 
TRANSITION ADJUSTMENT? 

A. No.  The primary argument for having an annual RVM and transition adjustment 

update is that it would prevent ratepayers from subsidizing customers switching to 

direct access if market prices decline.  However, if net power costs increase, 

ratepayers assume risks the shareholders would ordinarily bear.  Given that there 

are apparently only a handful of current direct access customers, it seems rather 

unnecessary to require all customers have the power rates change every year to 

avoid a hypothetical subsidy to a few customers.  In this case, the risks assumed 
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by ratepayers are quite unbalanced if an RVM is adopted.  There is a risk of a 

small subsidy occurring between groups of ratepayers, as compared to a large risk 

that ratepayers will assume risks more appropriately placed on investors.   

Further, an annual RVM and update of the transition adjustment by itself will not 

promote direct access.  The number of customers on direct access will likely 

depend much more on how the Commission sets the transition adjustment (i.e. 

“market even,”  “market plus” or  “market minus”) than how often the adjustment 

is recomputed.   Even if a “market minus” adjustment were recomputed each 

month, there would still be no incentive for customers to switch to direct access 

because an ESS could never match the PacifiCorp price.   

Since the resolution of UE 116 on September 7, 2001 the transition 

adjustment has only changed once.16/  Unless the Commission adopts a 

fundamentally different approach, there is no basis for assuming substantial loads 

will switch to direct access in the foreseeable future.  Thus, an annual RVM 

update would really amount to a hypothetical tail, wagging a real dog.   This 

process really amounts to a regulatory complication that the Commission and 

ratepayers can do without. 
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Q. DOES THIS CONCLUDE YOUR TESTIMONY? 

A. Yes 

 
16/  With the issuance of Order No. 04-516 in September 2004, the UE 116 transition adjustment 

changed. 
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EDUCATIONAL BACKGROUND

I received my Bachelor of Science degree with Honors in Physics and a minor in mathematics from Indiana
University. I received a Master of Science degree in Physics from the University of Minnesota. My thesis research
was in nuclear theory. At Minnesota I also did graduate work in engineering economics and econometrics. I have
completed advanced study in power system reliability analysis.

PROFESSIONAL EXPERIENCE

After graduating from the University of Minnesota in 1977, I was employed by Minnesota Power as a Rate
Engineer. I designed and coordinated the Company's first load research program. I also performed load studies
used in cost-of-service studies and assisted in rate design activities.

In 1978, I accepted the position of Research Analyst in the Marketing and Rates department of Puget Sound
Power and Light Company. In that position, I prepared the two-year sales and revenue forecasts used in the
Company's budgeting activities and developed methods to perform both near- and long-term load forecasting
studies.

In 1979, I accepted the position of Consultant in the Utility Rate Department of Ebasco Service Inc. In 1980, I
was promoted to Senior Consultant in the Energy Management Services Department. At Ebasco I performed and
assisted in numerous studies in the areas of cost of service, load research, and utility planning. In particular, I was
involved in studies concerning analysis of excess capacity, evaluation of the planning activities of a major utility
on behalf of its public service commission, development of a methodology for computing avoided costs and
cogeneration rates, long-term electricity price forecasts, and cost allocation studies. 

At Ebasco, I specialized in the development of computer models used to simulate utility production costs, system
reliability, and load patterns. I was the principal author of production costing software used by eighteen utility
clients and public service commissions for evaluation of marginal costs, avoided costs and production costing
analysis. I assisted over a dozen utilities in the performance of marginal and avoided cost studies related to the
PURPA of 1978. In this capacity, I worked with utility planners and rate specialists in quantifying the rate and
cost impact of generation expansion alternatives. This activity included estimating carrying costs, O&M
expenses, and capital cost estimates for future generation.

In 1982 I accepted the position of Senior Consultant with Energy Management Associates, Inc. and was promoted
to Lead Consultant in June 1983. At EMA I trained and consulted with planners and financial analysts at several
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utilities in applications of the PROMOD and PROSCREEN planning models. I assisted planners in applications
of these models to the preparation of studies evaluating the revenue requirements and financial impact of
generation expansion alternatives, alternate load growth patterns and alternate regulatory treatments of new
baseload generation. I also assisted in EMA's educational seminars where utility personnel were trained in aspects
of production cost modeling and other modern techniques of generation planning.

I became a Principal in Kennedy and Associates in 1984. Since then I have performed numerous economic
studies and analyses of the expansion plans of several utilities. I have testified on several occasions regarding
plant cancellation, power system reliability, phase-in of new generating plants, and the proper rate treatment of
new generating capacity. In addition, I have been involved in many projects over the past several years
concerning the modeling of market prices in various regional power markets.

In January 2000, I founded RFI Consulting, Inc. whose practice is comparable to that of my former firm, J.
Kennedy and Associates, Inc.

The testimony that I present is based on widely accepted industry standard techniques and methodologies, and
unless otherwise noted relies upon information obtained in discovery or other publicly available information
sources of the type frequently cited and relied upon by electric utility industry experts. All of the analyses that
I perform are consistent with my education, training and experience in the utility industry. Should the source of
any information presented in my testimony be unclear to the reader, it will be provided it upon request by calling
me at 770-379-0505.

PAPERS AND PRESENTATIONS

Mid-America Regulatory Commissioners Conference - June 1984: "Nuclear Plant Rate
Shock - Is Phase-In the Answer"

Electric Consumers Resource Council - Annual Seminar, September 1986: "Rate Shock,
Excess Capacity and Phase-in"

The Metallurgical Society - Annual Convention, February 1987: "The Impact of Electric
Pricing Trends on the Aluminum Industry"

Public Utilities Fortnightly - "Future Electricity Supply Adequacy: The Sky Is Not Falling"
What Others Think, January 5, 1989 Issue

Public Utilities Fortnightly - "PoolCo and Market Dominance", December 1995 Issue
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APPEARANCES

3/84 8924 KY Airco Carbide Louisville CWIP in rate base.
Gas & Electric

5/84 830470- FL Florida Industrial Fla. Power Corp. Phase-in of coal unit, fuel
EI Power Users Group savings basis, cost

allocation.

10/84 89-07-R CT Connecticut Ind. Connecticut Excess capacity.
Energy Consumers Light & Power

11/84 R-842651 PA Lehigh Valley Pennsylvania Phase-in of nuclear unit.
Power Committee Power & Light Co.

2/85 I-840381 PA Phila. Area Ind.     Philadelphia Economics of
cancellation of Energy Users' Group Electric Co. nuclear generating units.

3/85 Case No. KY Kentucky Industrial Louisville Gas Economics of cancelling
fossil 9243 Utility Consumers & Electric Co. generating units.

3/85 R-842632 PA West Penn West Penn Power   Economics of pumped
storage Power Industrial Co. generating units, optimal 

Intervenors res. margin, excess capacity.

3/85 3498-U GA Georgia Public Georgia Power Co.  Nuclear unit cancellation,
Service Commission load and energy forecasting,
Staff generation economics.

5/85 84-768- WV West Virginia Monongahela Power Economics - pumped storage
E-42T Multiple Co. generating units, reserve

Intervenors margin, excess capacity.

7/85 E-7, NC Carolina Industrial Duke Power Co. Nuclear economics, fuel cost
SUB 391 Group for Fair projections.

Utility Rates

7/85 9299 KY Kentucky Union Light, Heat Interruptible rate design.
Industrial Utility & Power Co.
Consumers

8/85 84-249-U AR Arkansas Electric Arkansas Power & Prudence review.
Energy Consumers Light Co.

1/86 85-09-12 CT Connecticut Ind. Connecticut Light Excess capacity, financial
Energy Consumers & Power Co. impact of phase-in nuclear

plant.

1/86 R-850152 PA Philadelphia Area Philadelphia Phase-in and economics of
Industrial Energy Electric Co. nuclear plant.
Users' Group

2/86 R-850220 PA West Penn Power West Penn Power Optimal reserve margins,
Industrial prudence, off-system sales
Intervenors guarantee plan.

5/86 86-081- WV West Virginia Energy Monongahela Power Generation planning study ,
E-GI Users' Group Co. economics prudence of a pumped

storage hydroelectric unit.

5/86 3554-U GA Attorney General & Georgia Power Co. Cancellation of nuclear



Exhibit (RJF-1)
Page 4 of 10

RFI CONSULTING, INC.

Expert Testimony Appearances
of

Randall J. Falkenberg

Date Case Jurisdict. Party Utility Subject                

Georgia Public plant.
Service Commission
Staff

9/86 29327/28 NY Occidental Chemical Niagara Mohawk Avoided cost, production
Corp. Power Co. cost models.

9/86 E7- NC NC Industrial Duke Power Co. Incentive fuel adjustment
Sub 408 Energy Committee clause.

12/86 9437/ KY Attorney General Big Rivers Elect. Power system reliability
613 of Kentucky Corp. analysis, rate treatment of

excess capacity.

5/87 86-524- WV West Virginia Energy Monongahela Power Economics and rate treatment
E-SC Users' Group of Bath County pumped storage

County Pumped Storage Plant.

6/87 U-17282 LA Louisiana Gulf States Prudence of River Bend
Public Service Utilities Nuclear Plant.
Commission Staff

6/87 PUC-87- MN Eveleth Mines Minnesota Power/ Sale of generating
013-RD & USX Corp. Northern States unit and reliability
E002/E-015 Power requirements.
-PA-86-722

7/87 Docket KY Attorney General Big Rivers Elec. Financial workout plan for
9885 of Kentucky Corp. Big Rivers.

8/87 3673-U GA Georgia Public Georgia Power Co. Nuclear plant prudence audit,
Service Commission Vogtle buyback expenses.
Staff

10/87 R-850220 PA WPP Industrial West Penn Power Need for power and economics,
Intervenors County Pumped Storage Plant

10/87 870220-EI FL Occidental Chemical Fla. Power Corp. Cost allocation methods and
interruptible rate design.

10/87 870220-EI FL Occidental Chemical Fla. Power Corp. Nuclear plant performance.

1/88 Case No. KY Kentucky Industrial Louisville Gas & Review of the current status
9934 Utility Consumers Electric Co. of Trimble County Unit 1.

3/88 870189-EI FL Occidental Chemical Fla. Power Corp. Methodology for evaluating
Corp. interruptible load.

5/88 Case No. KY National Southwire Big Rivers Elec. Debt restructuring
10217 Aluminum Co., Corp. agreement.

ALCAN Alum Co.

7/88 Case No. LA Louisiana Public Gulf States Prudence of River Bend
325224 Div. I Service Commission Utilities Nuclear Plant.

19th Staff
Judicial
District

10/88 3780-U GA Georgia Public Atlanta Gas Light Weather normalization gas
Service Commission Co. sales and revenues.
Staff



Exhibit (RJF-1)
Page 5 of 10

RFI CONSULTING, INC.

Expert Testimony Appearances
of

Randall J. Falkenberg

Date Case Jurisdict. Party Utility Subject                

10/88 3799-U GA Georgia Public United Cities Gas Weather normalization of
gas Service Commission Co. sales and revenues.

Staff

12/88 88-171- OH Ohio Industrial Toledo Edison Co., Power system reliability
EL-AIR Energy Consumers Cleveland Electric reserve margin.
88-170- OH Illuminating Co.
EL-AIR

1/89 I-880052 PA Philadelphia Area Philadelphia Nuclear plant outage,
Industrial Energy Electric Co. replacement fuel cost
Users' Group recovery.

2/89 10300 KY Green River Steel K Kentucky Util. Contract termination clause
and interruptible rates.

3/89 P-870216 PA Armco Advanced West Penn Power Reserve margin, avoided
283/284/286 Materials Corp., costs.

Allegheny Ludlum Corp.

5/89 3741-U GA Georgia Public Georgia Power Co. Prudence of fuel procurement.
Service Commission
Staff

8/89 3840-U GA Georgia Public Georgia Power Co. Need and economics coal &
Service Commission nuclear capacity, power system
Staff planning.

10/89 2087 NM Attorney General of Public Service Co. Power system planning,
New Mexico of New Mexico economic and reliability

analysis, nuclear planning,
prudence.

10/89 89-128-U AR Arkansas Electric Arkansas Power Economic impact of asset
Energy Consumers Light Co. transfer and stipulation and

settlement agreement.

11/89 R-891364 PA Philadelphia Area Philadelphia Sale/leaseback nuclear plant,
Industrial Energy Electric Co. excess capacity, phase-in
Users' Group delay imprudence.

1/90 U-17282 LA Louisiana Public Gulf States Sale/leaseback nuclear power
Service Commission Utilities plant.

Staff

4/90 89-1001- OH Industrial Energy Ohio Edison Co. Power supply reliability,
EL-AIR Consumers excess capacity adjustment.

4/90 N/A N.O. New Orleans New Orleans Public Municipalization of investor-
Business Counsel Service Co. owned utility, generation

planning & reliability

7/90 3723-U GA Georgia Public Atlanta Gas Light Weather normalization
Service Commission Co. adjustment rider.
Staff

9/90 8278 MD Maryland Industrial Baltimore Gas & Revenue requirements gas &
Group Electric Co. electric, CWIP in rate base.

9/90 90-158 KY Kentucky Industrial Louisville Gas & Power system planning
study. Utility Consumers Electric Co.

12/90 U-9346 MI Association of Consumers Power DSM Policy Issues.



Exhibit (RJF-1)
Page 6 of 10

RFI CONSULTING, INC.

Expert Testimony Appearances
of

Randall J. Falkenberg

Date Case Jurisdict. Party Utility Subject                

Businesses Advocating
Tariff Equity (ABATE)

5/91 3979-U GA Georgia Public Georgia Power Co. DSM, load forecasting
Service Commission and IRP.
Staff

7/91 9945 TX Office of Public El Paso Electric Power system planning,
Utility Counsel Co. quantification of damages of

imprudence, environmental
cost of electricity

8/91 4007-U GA Georgia Public Georgia Power Co. Integrated resource planning,
Service Commission regulatory risk assessment.
Staff

11/91 10200 TX Office of Public Texas-New Mexico Imprudence disallowance.
Utility Counsel Power Co.

12/91 U-17282 LA Louisiana Public Gulf States Year-end sales and customer
Service Commission Utilities adjustment, jurisdictional
Staff allocation.

1/92 89-783- WVA West Virginia Monongahela Power Avoided cost, reserve margin,
E-C Energy Users Group Co. power plant economics.

3/92 91-370 KY Newport Steel Co. Union Light, Heat Interruptible rates, design,
& Power Co. cost allocation.

5/92 91890 FL Occidental Chemical Fla. Power Corp. Incentive regulation,
Corp. jurisdictional separation,

interruptible rate design.

6/92 4131-U GA Georgia Textile Georgia Power Co. Integrated resource planning,
Manufacturers Assn. DSM.

9/92 920324 FL Florida Industrial Tampa Electric Co. Cost allocation, interruptible
Power Users Group rates decoupling and DSM.

10/92 4132-U GA Georgia Textile Georgia Power Co. Residential conservation
Manufacturers Assn. program certification.

10/92 11000 TX Office of Public Houston Lighting Certification of utility
Utility Counsel and Power Co. cogeneration project.

11/92 U-19904 LA Louisiana Public Entergy/Gulf Production cost savings
Service Commission States Utilities from merger.
Staff (Direct)

11/92 8469 MD Westvaco Corp. Potomac Edison Co. Cost allocation, revenue
distribution.

11/92 920606 FL Florida Industrial Statewide Decoupling, demand-side
Power Users Group Rulemaking management, conservation,

Performance incentives.

12/92 R-009 PA Armco Advanced West Penn Power Energy allocation of
22378 Materials production costs.

1/93 8179 MD Eastalco Aluminum/ Potomac Edison Co. Economics of QF vs. combined
Westvaco Corp. cycle power plant.

2/93 92-E-0814 NY Occidental Chemical Niagara Mohawk Special rates, wheeling.
88-E-081 Corp. Power Corp.
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3/93 U-19904 LA Louisiana Public Entergy/Gulf Production cost savings from
Service Commission States Utilities  merger.
Staff (Surrebuttal)

4/93 EC92 FERC Louisiana Public Gulf States GSU Merger prodcution cost
21000 Service Commission Utilities/Entergy savings
ER92-806-000 Staff

6/93 930055-EU FL Florida Industrial Statewide Stockholder incentives for
Power Users' Group Rulemaking off-system sales.

9/93 92-490, KY Kentucky Industrial Big Rivers Elec. Prudence of fuel procurement
92-490A, Utility Customers Corp. decisions.
90-360-C & Attorney General

9/93 4152-U GA Georgia Textile Georgia Power Co. Cost allocation of pollution
Manufacturers Assn. control equipment.       

4/94 E-015/ MN Large Power Minn. Power Co. Analysis of revenue req.
GR-94-001 Intervenors and cost allocation issues.

4/94 93-465 KY Kentucky Industrial Kentucky Utilities Review and critique proposed
Utility Customers environmental surcharge.

4/94 4895-U GA Georgia Textile Georgia Power Co Purchased power agreement 
Manufacturers Assn. and fuel adjustment clause.

4/94 E-015/ MN Large Power Minnesota Power Rev. requirements, incentive
GR-94-001 Intervenors Light Co. compensation.

7/94 94-0035- WV West Virginia   Monongahela Power Revenue annualization, ROE
E-42T Energy Users' Co. performance bonus, and cost

Group allocation.

8/94 8652 MD Westvaco Corp. Potomac Edison Co. Revenue requirements, ROE
performance bonus, and
revenue distribution.

1/95 94-332 KY Kentucky Industrial Louisville Gas Environmental surcharge.
Utility Customers & Electric Company

1/95 94-996- OH Industrial Energy Ohio Power Company Cost-of-service, rate design,
EL-AIR Users of Ohio demand allocation of power

3/95 E999-CI MN Large Power Minnesota Public Environmental Costs
Intervenor Utilities Comm. Of electricity

4/95 95-060 KY Kentucky Industrial Kentucky Utilities Six month review of
Utility Customers Company CAAA surcharge.

11/95 I-940032 PA The Industrial Statewide - Direct Access vs. Poolco,
Energy Consumers of all utilities market power.
Pennsylvania

11/95 95-455 KY Kentucky Industrial Kentucky Utilities Clean Air Act Surcharge,

12/95 95-455 KY Kentucky Industrial Louisville Gas Clean Air Act Compliance
Utility Customers & Electric Company Surcharge.

6/96 960409-EI FL Florida Industrial Tampa Electric Co. Polk County Power Plant
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Power Users Group Rate Treatment Issues.

3/97 R-973877 PA PAIEUG. PECO Energy Stranded Costs & Market
Prices.

3/97 970096-EQ FL FIPUG Fla. Power Corp. Buyout of QF Contract

6/97 R-973593 PA PAIEUG PECO Energy Market Prices, Stranded Cost

7/97 R-973594 PA PPLICA PP&L Market Prices, Stranded Cost

8/97 96-360-U AR AEEC Entergy Ark. Inc. Market Prices and Stranded
Costs, Cost Allocation, Rate
Design

10/97 6739-U GA GPSC Staff Georgia Power Planning Prudence of Pumped
Storage Power Plant

10/97 R-974008 PA MIEUG Metropolitan Ed. Market Prices, Stranded 
R-974009  PICA PENELEC Costs

11/97 R-973981 PA WPII West Penn Power Market Prices, Stranded 
Costs

11/97 R-974104 PA DII  Duquesne Light Co. Market Prices, Stranded
Costs

2/98 APSC 97451 AR      AEEC         Generic Docket    Regulated vs. Market Rates,
97452                              Rate Unbundling, Timetable
97454 for Competition. 

7/98 APSC 87-166 AR    AEEC  Entergy Ark. Inc. Nuclear decommissioning cost
estimates & rate treatment.

9/98 97-035-01 UT    DPS and CCS PacifiCorp Net Power Cost Stipulation,
Production Cost Model Audit

12/98 19270 TX OPC HL&P Reliability, Load Forecasting

4/99 19512 TX OPC SPS Fuel Reconciliation

4/99 99-02-05 CT CIEC CL&P Stranded Costs, Market Prices

4/99 99-03-04 CT CIEC UI Stranded Costs, Market Prices

6/99 20290 TX OPC CP&L Fuel Reconciliation

7/99 99-03-36 CT CIEC CL&P Interim Nuclear Recovery

7/99 98-0453 WV WVEUG AEP & APS Stranded Costs, Market Prices

12/99 21111 TX OPC EGSI Fuel Reconciliation

2/00 99-035-01  UT  CCS PacifiCorp Net Power Costs, Production
Cost Modeling Issues

5/00 99-1658 OH AK Steel CG&E Stranded Costs, Market Prices

6/00 UE-111 OR ICNU PacifiCorp Net Power Costs, Production
Cost Modeling Issues

9/00 22355 TX OPC Reliant Energy Stranded cost
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10/00 22350 TX OPC TXU Electric Stranded cost

10/00 99-263-U AR Tyson Foods SW Elec. Coop Cost of Service

12/00 99-250-U AR Tyson Foods Ozarks Elec. Coop Cost of Service

01/01 00-099-U AR Tyson Foods SWEPCO Rate Unbundling

02/01 99-255-U AR Tyson Foods Ark. Valley Coop Rate Unbundling

03/01 UE-116 OR ICNU PacifiCorp Net Power Costs

6/01 01-035-01 UT   DPS and CCS PacifiCorp Net Power Costs

7/01 A.01-03-026 CA Roseburg FP PacifiCorp Net Power Costs

7/01 23550 TX OPC EGSI Fuel Reconciliation

7/01 23950 TX OPC Reliant Energy Price to beat fuel factor

8/01 24195 TX OPC CP&L Price to beat fuel factor

8/01 24335 TX OPC WTU Price to beat fuel factor

9/01 24449 TX OPC SWEPCO Price to beat fuel factor

10/01 20000-EP WY WIEC PacifiCorp Power Cost Adjustment
01-167 Excess Power Costs

2/02 UM-995 OR ICNU PacifiCorp Cost of Hydro Deficit

2/02 00-01-37 UT CCS PacifiCorp Certification of Peaking Plant

4/02 00-035-23 UT CCS PacifiCorp Cost of Plant Outage, Excess
Power Cost Stipulation.

4/02 01-084/296 AR AEEC Entergy Arkansas Recovery of Ice Storm Costs

5/02 25802 TX OPC TXU Energy Escalation of Fuel Factor

5/02 25840 TX OPC Reliant Energy Escalation of Fuel Factor

5/02 25873 TX OPC Mutual Energy CPL Escalation of Fuel Factor

5/02 25874 TX OPC Mutual Energy WTU Escalation of Fuel Factor

5/02 25885 TX OPC First Choice Escalation of Fuel Factor

7/02 UE-139 OR ICNU Portland General Power Cost Modeling

8/02 UE-137 OP ICNU Portland General Power Cost Adjustment Clause

10/02 RPU-02-03 IA Maytag, et al Interstate P&L Hourly Cost of Service Model

11/02 20000-Er WY WIEC PacifiCorp Net Power Costs,
02-184 Deferred Excess Power Cost

12/02 26933 TX OPC Reliant Energy Escalation of Fuel Factor

12/02 26195 TX OPC Centerpoint Energy Fuel Reconciliation

1/03 27167 TX OPC First Choice Escalation of Fuel Factor

1/03 UE-134 OR ICNU PacifiCorp West Valley CT Lease payment
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1/03 27167 TX OPC First Choice Escalation of Fuel Factor

1/03 26186 TX OPC SPS Fuel Reconciliation

2/03 UE-02417 WA ICNU PacifiCorp Rate Plan Stipulation,
Deferred Power Costs

2/03 27320 TX OPC Reliant Energy Escalation of Fuel Factor

2/03 27281 TX OPC TXU Energy Escalation of Fuel Factor

2/03 27376 TX OPC CPL Retail Energy Escalation of Fuel Factor

2/03 27377 TX OPC WTU Retail Energy Escalation of Fuel Factor

3/03 27390 TX OPC First Choice Escalation of Fuel Factor

4/03 27511 TX OPC First Choice Escalation of Fuel Factor

4/03 27035 TX OPC AEP Texas Central Fuel Reconciliation

05/03 03-028-U AR AEEC Entergy Ark., Inc. Power Sales Transaction

7/03 UE-149 OR ICNU Portland General Power Cost Modeling

8/03 28191 TX OPC TXU Energy Escalation of Fuel Factor

11/03 20000-ER WY WIEC PacifiCorp Net Power Costs
-03-198

2/04 03-035-29 UT CCS PacifiCorp Certification of CCCT Power
Plant, RFP and Bid Evaluation

6/04 29526 TX OPC Centerpoint Stranded cost true-up.

6/04 UE-161 OR ICNU Portland General Power Cost Modeling

7/04 UE-032065 WA ICNU PacifiCorp Power Cost modeling,     
Jurisdictional Allocation

7/04 UM-1050 OR ICNU PacifiCorp Jurisdictional Allocation

10/04 15392-U GA Calpine Georgia Power/ Fair Market Value of Combined
15392-U SEPCO Cycle Power Plant

12/04 04-035-42 UT CCS PacifiCorp Net power costs

02/05 UE-165 OP ICNU Portland General Hydro Adjustment Clause
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Excerpt from the Feb 8, 2000 airing of Nova, on PBS 

Derived by economists Myron Scholes, Robert Merton, and the late 
Fischer Black, the Black-Scholes Formula is a way to determine how much a call 
option is worth at any given time. The economist Zvi Bodie likens the impact of 
its discovery, which earned Scholes and Merton the 1997 Nobel Prize in 
Economics, to that of the discovery of the structure of DNA. Both gave birth to 
new fields of immense practical importance: genetic engineering on the one hand 
and, on the other, financial engineering. The latter relies on risk-management 
strategies, such as the use of the Black-Scholes formula, to reduce our 
vulnerability to the financial insecurity generated by a rapidly changing global 
economy. 

At the very height of their careers, Merton and Scholes were already 
multi-millionaires. Five years earlier, John Meriwether, the legendary bond trader 
at Salomon Brothers, had enticed Scholes and Merton to join him and 13 other 
partners in a new company he was launching, Long Term Capital Management. In 
1994, Business Week introduced the public to the "Dream Team" Meriwether had 
assembled.  

Within months they had raised three billion dollars and were ready to start 
investing across the globe. They set up not on Wall Street but far away from 
ordinary traders, in Greenwich, Connecticut. From their headquarters they devised 
one of the most ambitious investment strategies in history. Its success depended 
on absolute secrecy. Not even their investors were allowed to know what they 
were doing. Analyzing historical data, they used probability to bet that key prices 
would move roughly as they had in the past. To protect themselves against 
unwanted risk, they relied on an insight of the Black-Scholes formula - dynamic 
hedging. In effect, offsetting risk by taking bets in the opposite direction. 
Supremely confident, LTCM placed vast sums of money on the markets. 

"It was as though the world was behaving exactly the way it had been writ 
on the blackboard. Long Term Capital thought that they had discovered the path 
to Nirvana. Here they are doing their day-to-day activities, playing golf in lush 
Greenwich or attending hedge fund conferences in Bermuda, or raising funds in 
Cannes. And then slowly and totally unexpectedly, a change in the market 
dynamics began to become apparent." 

In the summer of 1997, across Thailand, property prices plummeted. This 
sparked a panic that swept through Asia. As banks went bust from Japan to 
Indonesia, people took to the streets - events so improbable they had never been 
included in anyone's models.  

"Everyone in the marketplace thought the sky was falling, and there was 
instant reaction. The market broke, then rallied, then broke, then rallied. We didn't 
know what to believe."  

As prices leapt and plunged as never before, the models traders used 
began to give them strange results, so they relied instead on their instincts. In a 
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time of crisis, cash is king. Traders stopped borrowing and dropped risky 
investments.  

"Models that they were using, not just Black-Scholes models, but other 
kinds of models, were based on normal behavior in the markets and when the 
behavior got wild, no models were able to put up with it."  

"Although their models told them that they shouldn't expect to lose more 
than 50 million or so on any given day, they began to lose 100 million and more, 
day after day after day till finally there was one day, four days after Russia 
defaulted, when they dropped half a billion dollars, 500 million in a single day."  

In Greenwich, LTCM faced bankruptcy, but if the company went down, it 
would also take with it the total value of the positions it held across the globe - by 
some accounts $1.25 trillion, the same amount as the annual budget of the US 
government. The elite of Wall Street would suffer heavy losses. The Federal 
Reserve Bank called upon the world's top financial regulators to discuss the crisis. 

Peter Fisher, a Federal Reserve Regulator said, "What really was the shock 
for me when we went up to Long Term Capital and the partners gave us an 
overview of their positions and the risks and the pressures they were under, was 
the extraordinary scope of the risks that they had taken on, the breadth of the 
portfolio, and yet how utterly their effort to diversify the portfolio had failed 
them, how - that this wide set of positions across all markets had all come in, were 
all behaving the same way. Everything had come up heads.  

Math doesn't drive financial markets, people drive financial markets, and 
people are not predictable. We do not yet have a universal theory of human 
behavior or human motivation. Given that that's so, we're not likely to have 
robust models of financial market behavior that will always work, and I think the 
hubris of the mathematician is to ignore that fact. [emphasis added]"  
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TEL (503) 241-7242 ● FAX (503) 241-8160 ● mail@dvclaw.com
Suite 400

333 S.W. Taylor
Portland, OR 97204

May 9, 2005

Via Electronic and US Mail

Public Utility Commission
Attn: Filing Center
550 Capitol St. NE #215
P.O. Box 2148
Salem OR 97308-2148

Re: In the Matter of PACIFIC POWER & LIGHT Request for a
General Rate Increase in the Company's Oregon Annual Revenues
Docket No. UE 170

Dear Filing Center:

Enclosed please find the following items for filing in the above-referenced
proceeding on behalf of the Industrial Customers of Northwest Utilities:

- five (5) copies of the Confidential Direct Testimony of Randall Falkenberg,
with confidential information in separate envelopes (these copies are unbound
to allow for easy integration of the separately provided confidential pages);

- two (2) copies of the Redacted Direct Testimony of Randall Falkenberg;

- five (5) copies of the Direct Testimony of James Selecky; and

- five (5) copies of the Direct Testimony of Kathryn Iverson.

Thank you for your assistance.

Sincerely,

/s/ Christian Griffen
Christian W. Griffen

Enclosures
cc: Service List
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CERTIFICATE OF SERVICE

I HEREBY CERTIFY that I have this day served the foregoing Testimonies of

Randall Falkenberg, James Selecky and Kathryn Iverson on behalf of the Industrial Customers of

Northwest Utilities upon the parties on the service list by causing the same to be mailed, postage-

prepaid, through the U.S. Mail. Only those parties who executed the Protective Order are

receiving confidential versions of Mr. Falkenberg’s testimony.

Dated at Portland, Oregon, this 9th day of May, 2005.

/s/ Christian Griffen
Christian W. Griffen

RATES & REGULATORY AFFAIRS
PORTLAND GENERAL ELECTRIC
RATES & REGULATORY AFFAIRS
121 SW SALMON STREET, 1WTC0702
PORTLAND OR 97204
pge.opuc.filings@pgn.com

JIM ABRAHAMSON -- CONFIDENTIAL
COMMUNITY ACTION DIRECTORS OF OREGON
4035 12TH ST CUTOFF SE STE 110
SALEM OR 97302
jim@cado-oregon.org

EDWARD BARTELL
KLAMATH OFF-PROJECT WATER USERS INC
30474 SPRAGUE RIVER ROAD
SPRAGUE RIVER OR 97639

KURT J BOEHM -- CONFIDENTIAL
BOEHM KURTZ & LOWRY
36 E SEVENTH ST - STE 1510
CINCINNATI OH 45202
kboehm@bkllawfirm.com

LISA BROWN
WATERWATCH OF OREGON
213 SW ASH ST STE 208
PORTLAND OR 97204
lisa@waterwatch.org

LOWREY R BROWN -- CONFIDENTIAL
CITIZENS' UTILITY BOARD OF OREGON
610 SW BROADWAY, SUITE 308
PORTLAND OR 97205
lowrey@oregoncub.org

PHIL CARVER
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February Update
Unit 4 Year Average Generation Including 
Ramping and Station Service deductions: 44,566,861
Correction for Hunter Outage 396,328
Total 4 Year Average 44,963,189

GRID Generation:  4-Year Historical Loads & Poor Hydro 44,668,305
Less Generation Dedicated to Station Service -67,177
Net Coal Generation 44,601,128
Difference from Adjusted Actual -362,061

% Difference -0.8%

March Update
GRID Generation:  4-Year Historical Loads & Poor Hydro 44,237,594
Less Generation Dedicated to Station Service -67,177
Net Coal Generation 44,170,417
Difference from Adjusted Actual -792,772

% Difference -1.8%

Exhibit ICNU/106
         Proper Comparison of GRID to Actual 4 Year Average



PETER SHEPHERD
Deputy Attorney GeneralHARDY MYERS 

Attorney General 

DEPARTMENT OF JUSTICE 
GENERAL COUNSEL DIVISION 

 
November 5, 2004 

 
TRACI KIRKPATRICK 
ADMINISTRATIVE LAW JUDGE 
OREGON PUBLIC UTILITY COMMISSION 
550 CAPITOL STREET, N.E., SUITE 215 
P.O. BOX 2148 
SALEM, OR 97308-2148 
 
RE:  RATEMAKING TREATMENT OF CAPACITY TOLLING AGREEMENTS IN 

PORTLAND GENERAL ELECTRIC'S 2005 RESOURCE VALUATION MECHANISM 
(DOCKET UE 161) 

 
Dear Judge Kirkpatrick:  
 
On November 3, 2004, Portland General Electric (PGE) filed a draft MONET run in Docket UE 
161.  Staff has reviewed the updates made in the November 3rd draft MONET run and has 
identified the ratemaking treatment of capacity tolling agreements as an issue to bring to your 
attention.  Because of Staff’s concerns we request a pre-hearing conference be scheduled next 
week to further discuss this issue. 
 
  As PGE indicated in its cover letter accompanying the November 3rd draft MONET run, the 
company recently signed two new capacity contracts pursuant to its 2002 Integrated Resource 
Plan and the associated Request for Proposals.  Both of these capacity contracts have delivery 
periods in 2005 and future years.  As a result, PGE has modeled the dispatch of these contracts in 
the November 3rd draft MONET run.   
 
The cost for each of these contracts is comprised of a capacity charge and an energy charge.  
PGE pays the capacity charge on a monthly basis whether or not it actually schedules any 
delivery of energy.  For calendar year 2005, PGE estimates that the capacity payments for these 
two contracts will total $2.174 million.  PGE pays the energy charge on a monthly basis for each 
megawatt-hour (MWh) of delivered energy.  Based on its MONET modeling of the dispatch of 
these contracts, PGE estimates for ratemaking purposes, that it will not dispatch (i.e., not actually 
use) these contracts in 2005.  Therefore, for calendar year 2005 the energy payments for these 
two contracts are estimated to be zero dollars.  Consequently, the total cost of these two contracts 
that PGE has included in the 2005 RVM is $2.174 million. 
 
The benefit of these contracts is comprised of the company's ability to reduce net variable power 
costs when market prices of electricity and natural gas make the dispatch of these contracts 
profitable.  Both of these capacity tolling agreements have terms and conditions that suggest that 
economic dispatch will only occur during periods where the spread between market electricity 
prices and natural gas prices is extreme.  The company, however, models net variable power 



costs in the MONET model on an expected price basis.  Under normal, or expected, price 
conditions the likelihood that these capacity contracts will be economic to dispatch is low – 
hence in MONET energy payments modeled to be zero dollars in 2005.  The uncertainty 
surrounding the dispatch of these capacity contracts complicates their treatment in PGE's rates.    
 
Staff believes that the ratemaking treatment implied in PGE's November 3rd draft MONET run 
creates a significant mismatch between ratepayer costs and benefits.  For 2005, PGE is asking its 
customers to pay $2.174 million in costs.  In exchange, because rates are set on an expected price 
basis, the only benefit that customers could possibly receive is if an extreme price event occurs 
and the company or an intervening party anticipates the event and files an application for a 
power cost deferral.  Absent that unlikely situation, the benefits of these capacity tolling 
agreements fall entirely to PGE's shareholders, despite the $2.174 million included in customers' 
rates. 
 
Permanent remedies to this mismatch of ratepayer costs and benefits include: (1) Abandoning 
expected price modeling in MONET and implementing expected net variable power cost 
modeling, or (2) Establishing a permanent power cost adjustment mechanism that appropriately 
matches costs and benefits on a long-run basis.  The first alternative involves an enhancement to 
MONET.  Implementing this alternative in the 2006 RVM would require the consent of PGE, 
Staff, the Citizens' Utility Board, and the Industrial Customer's of Northwest Utilities (see Order 
03-535 adopting stipulations in Docket UE 149) and significant analytical work.  The second 
alternative is being considered in Docket UE 165. 
 
To remedy this mismatch in the 2005 RVM, Staff recommends that the Commission remove the 
$2.174 million in capacity payments from PGE's net variable power costs.  Under this approach, 
shareholders would bear all of the costs and receive all of the benefits of these contracts during 
2005.  This has the effect of matching the 2005 costs and benefits.  It also reflects the fact PGE 
has traditionally borne the risk of extreme price events between rate cases.  Staff is willing to 
consider other remedies that PGE or intervenors may propose.   
 
As you know, PGE files its final MONET run on November 10, 2004.  We request a pre-hearing 
conference next week to further discuss this issue. 

 
Sincerely, 
 
 
David B. Hatton 
Assistant Attorney General 
Regulated Utility & Business Section 

 
DBH:nal/GENK7978.DOC 
 
cc:  UE 161 Service List       
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Q. PLEASE STATE YOUR NAME AND BUSINESS ADDRESS. 

A. James T. Selecky, 1215 Fern Ridge Parkway, Suite 208, St. Louis, MO 63141-2000. 

Q. WHAT IS YOUR OCCUPATION AND BY WHOM ARE YOU EMPLOYED? 

A. I am a consultant in the field of public utility regulation and a principal in the firm of 

Brubaker & Associates, Inc., energy, economic and regulatory consultants. 

Q. PLEASE SUMMARIZE YOUR EDUCATIONAL BACKGROUND AND 
EXPERIENCE. 

A. These are set forth in Exhibit ICNU/201. 

Q. ON WHOSE BEHALF ARE YOU APPEARING IN THIS PROCEEDING? 

A. I am appearing on behalf of the Industrial Customers of Northwest Utilities (“ICNU”).  

The ICNU membership consists of industrial entities with facilities served by PacifiCorp 

(or the “Company”). 

Q. WHAT IS THE SUBJECT OF YOUR TESTIMONY? 

A. My testimony will address the appropriate level of health care, pension and other 

retirement costs that should be included in the test year revenue requirement.  In addition, 

I will be addressing the treatment of the Regional Transmission Organization (“RTO”) 

expenses and the level of state and federal income taxes that should be included in 

PacifiCorp’s revenue requirement.  My testimony and that of the other ICNU witnesses 

address many, but not all, of the issues raised by the Company’s filing.  The fact that 

ICNU’s witnesses have not addressed an issue should not be construed as an endorsement 

of PacifiCorp’s position.  In addition, ICNU may support or adopt issues and adjustments 

proposed by other parties.   

  The following table includes the adjustments sponsored by ICNU’s witnesses 

Randall Falkenberg, Michael Gorman and myself: 
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TABLE 1 
 

ICNU Proposed Adjustments on an Oregon Jurisdictional Basis 
(000) 

 
MSP QF Contracts 
 

$7,669 

MSP New Resources 
 

$5,487 

GRID Net Power Costs 
 

$18,068 

Return on Equity  
 

$33,900 

Health Care 
 

$2,723 

General Pension Expense 
 

$3,446 

IBEW 57 Pension Expense 
 

$345 

Post Retirement Benefit, Other Than Pension 
 

$1,998 

Consolidated Tax Adjustment 
 

$27,580 

RTO Expense 
 

$900 

Total ICNU Proposed Adjustments 
 

$102,116 

 
 
Q. PLEASE SUMMARIZE YOUR RECOMMENDATIONS. 1 

2 

3 

4 

5 
6 
7 

8 
9 

10 

A. My adjustments reduce PacifiCorp’s total Company revenue requirement by 

approximately $136 million and the Oregon jurisdictional revenue requirements by 

approximately $37 million.  My recommendations are as follows:     

1. PacifiCorp’s test year medical, dental and vision insurance costs are overstated.  
For purposes of this testimony, I will refer to the medical, dental and vision 
insurance costs as health care costs. 

2. The Oregon Public Utility Commission (“OPUC” or the “Commission”) should 
reject PacifiCorp’s proposal to escalate medical costs at 12% and should escalate 
those costs at 8%, which represents current projections. 
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3. PacifiCorp’s health care costs should be adjusted to reflect a larger contribution 
from employees.  PacifiCorp indicates that in 2004, employee contributions were 
9%, while industry data indicates that employee contributions are approximately 
20%.  

4. Escalating PacifiCorp’s 2004 medical, dental and vision costs at rates of 8%, 5% 
and 5%, respectively, and reducing these costs for a greater employee 
contribution lowers the total Company expense by $11.85 million, and the Oregon 
jurisdictional expense by $2.605 million.   

5. PacifiCorp has included in its test year revenue requirement an electric pension 
expense of $42.2 million on a total Company basis.  This is significantly higher 
than its calendar year pension expenses in 2002 and 2003, which were $0.5 
million and $14.8 million, respectively.   

6. The Commission should establish PacifiCorp’s pension expense utilizing its 
calendar year 2004 pension expense, which was $31.5 million, adjusted for a 
more reasonable discount rate. 

7. Increasing PacifiCorp’s pension expense discount rate from 6.25% to 6.75% 
produces a total Company electric pension expense of $27.2 million and a 
jurisdictional Oregon expense of $8.01 million.   

8. PacifiCorp has included in its revenue requirement for IBEW 57 employees a 
pension expense contribution of $3 million.  Since PacifiCorp has not made a 
contribution in 2005 and $3 million was the estimated contribution for 2005, the 
Commission should reduce PacifiCorp’s IBEW 57 pension contribution expense 
for 2006 from $3 million to $1.5 million.  This produces an Oregon jurisdictional 
expense of $442,000. 

9. PacifiCorp’s expense for post retirement benefits other than pension should be 
based on the 2004 level for this expense, and adjusted to reflect a higher discount 
rate.  

10. Utilizing the 2004 post retirement benefit other than pension expense and 
adjusting that rate to reflect a 6.75% discount rate reduces the test year post 
retirement benefit and other pension expense from $26.8 million to $18.1 million. 

11. PacifiCorp’s rates in federal and state taxes that are included in its revenue 
requirement are overstated. 

12. The Commission should recognize in PacifiCorp’s ratemaking formula the 
income tax benefits associated with its parent company, PacifiCorp Holdings, Inc. 
(“PHI”).  PHI filed a consolidated tax return, which allows it to utilize this debt to 
reduce its federal and state income tax obligations.  Since approximately 95% of 
the assets of PHI are related to PacifiCorp, the benefit of the PHI debt should be 
passed on to PacifiCorp’s ratepayers.   
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13. Reflecting this debt in the calculation of federal and state income taxes reduces 
PacifiCorp’s Oregon jurisdictional revenue requirement by approximately $27.6 
million. 

14. PacifiCorp has included in its test year revenue requirement RTO costs of $3.057 
million on a total Company basis.  Since the RTO does not currently provide any 
benefits to Oregon ratepayers, these costs should be excluded from PacifiCorp’s 
test year revenue requirement. 

15. Excluding the RTO costs reduces the Oregon expense level by $900,410. 

Q. WHAT IS THE IMPACT ON PACIFICORP’S OREGON REVENUE 
REQUIREMENT OF THE ADJUSTMENTS THAT YOU ARE PROPOSING? 

A. Table 2 below summarizes the impact of my proposed adjustments on PacifiCorp’s 

Oregon revenue requirement.  I have provided the impact of my adjustments on a total 

Company and Oregon jurisdictional basis.   

 
TABLE 2 

 
Summary of Revenue Requirement Adjustments 

(000) 
 

 
Description 

 
Total Company 

Oregon 
Jurisdiction * 

Health Care 
 

$11,853 $2,723 

Electric Pension Expense 
 

$15,000 $3,446 

IBEW 57 
 

$1,500 $345 

Post Retirement Benefit, 
Other Than Pension 
 

$8,700 $1,998 

Consolidated Tax Adjustment 
 

$95,489 $27,580 

RTO Expense 
 

    $3,057     $900 

   Total 
 

$135,599 $36,991 

_____________ 
     * The Oregon jurisdictional revenue requirement reflects impacts on 

expense and capitalized costs.   
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I. HEALTH CARE COSTS 

Q. WHAT LEVEL OF MEDICAL, DENTAL AND VISION BENEFITS ARE 
INCLUDED IN PACIFICORP’S REVENUE REQUIREMENT IN THIS CASE? 

 
A. On a total Company basis, PacifiCorp has included the following medical, dental and 

vision insurance costs in its forecasted 2006 test year: 

 
 

TABLE 3 
 

Proposed Level of Health Care Benefits 
(Total Company) 

 
 
  Benefits 

Amount 
($Million) 

  Medical $52.107 

  Dental $4.026 

  Vision $0.665 

      Total $56.798 

 

Q. HOW DOES THE 2006 PROPOSED LEVEL OF HEALTH CARE COSTS 
COMPARE WITH ACTUAL 2004 COSTS? 

6 
7 

8 

9 

10 

11 

12 

 
A. PacifiCorp is projecting a substantial increase in annual health care costs from actual 

2004 costs to projected 2006 costs.  In 2004, PacifiCorp’s health care costs were $44.0 

million.  ICNU/202, Selecky/3.  The forecasted 2006 health care costs are approximately 

30% greater.  The increase is, in part, attributable to an annual 12% increase in medical 

insurance costs and a 5% increase in dental and vision insurance costs.   
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Q. ARE PACIFICORP’S PROJECTED INCREASES IN HEALTH CARE COSTS 
REASONABLE? 

 
A. No.  PacifiCorp has stated in its testimony that the medical cost portion of its health care 

costs is expected to increase by 12% per year from 2004 to 2006.  As shown in Table 3 

above, the medical cost makes up approximately 92% of the health care costs.  The 

assumed medical cost escalator of 12% exceeds the expected level of increase. 

Q. WHAT IS THE BASIS FOR YOUR STATEMENT THAT 12% EXCEEDS THE 
EXPECTED LEVEL OF INCREASE? 

 
A. Towers Perrin, a nationally recognized consulting firm that provides services in the area 

of employee benefits, stated in its November/December 2004 Monitor that employer 

health care costs are expected to rise by 8% in 2005.  That publication states the 

following: 

 According to the 2005 Towers Perrin Health Care Cost Survey, employers 
can expect, on average, an 8% increase in health care costs next year.  
That’s a first significant break in the 5-year string of double digit increases 
that hammered employer-sponsored plans starting in 2000.  Average 
increases reported during the period from 2000 to 2004 ranged from 12% 
to 16%.  

13 
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 Therefore, 12% annual increases projected by PacifiCorp are inconsistent with industry 

data and result in overstating health care costs. 

Q. HAVE PACIFICORP’S HEALTH CARE COSTS HISTORICALLY EXCEEDED 
NATIONAL LEVELS? 

 
A. No.  A review of industry data indicates that average increases in health care costs from 

2000 to 2004 have averaged 12% to 16% per year.  However, a review of PacifiCorp’s 

data indicates that during that period, PacifiCorp’s medical care costs have increased by 

approximately 8.8% per year and the total health care costs have increased by 

approximately 8.3% per year.  Since PacifiCorp’s health care costs have escalated at a 
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rate below the national average over the last couple of years, it is unreasonable to expect 

their health care costs should increase at a rate in excess of the forecasted rate.  

Therefore, the Commission should not utilize a 12% escalation rate to establish 

PacifiCorp’s test year medical costs. 

Q. ARE THERE FACTORS THAT SHOULD BE CONSIDERED IN 
ESTABLISHING THE APPROPRIATE LEVEL OF HEALTH CARE COSTS 
FOR PACIFICORP? 

 
A. Yes.  In the testimony of PacifiCorp witness Daniel J. Rosborough, he states that during 

2004 the Company paid 91% of the total medical program costs and employees paid 9%.  

PPL/1100, Rosborough/10.  Mr. Rosborough indicated that for 2005, the employees 

would be paying 10% of the costs of the plan.  PPL/1100, Rosborough/10-11.  These 

percentages of employee contribution are significantly below industry average. 

Q. WHAT PERCENTAGE OF HEALTH CARE COSTS IN GENERAL ARE 
EMPLOYEES REQUIRED TO PAY? 

 
A. Based on surveys conducted by Hewitt & Associates LLC and Towers Perrin, employees 

are picking up approximately 20% of health care costs.  Towers Perrin Monitor states the 

following regarding the shifting of costs to employees: 

 Not surprisingly, plan sponsors continue to shift more of the rising 
healthcare cost burden to employees.  This year’s survey shows the 
average employee share of premium costs will increase 14% in 2005, 
while the employer’s share will increase by 7% in 2005.  In addition, this 
year’s survey respondents reported an average reduction in benefits of 2%.   

 Despite the cost shifting, employers will pick up most of this year’s cost 
increase and, overall, continue to shoulder the lion’s share of the total.  
According to the survey, employees will contribute 19% of the premium 
costs for employee-only coverage, and 25% for the dependent coverage.  
Overall, they’re picking up 21% leaving the remaining 79% to be paid by 
the employer. 
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  Likewise, a survey performed by Hewitt & Associates LLC indicated that for 

2003, the average employee would contribute 21% of the costs, and was projecting it 

would increase to 23% for 2004. 

Q. WHAT IS YOUR PROPOSAL IN THIS CASE REGARDING THE 
APPROPRIATE LEVEL OF HEALTH CARE COSTS THAT SHOULD BE 
INCLUDED IN THE COMPANY’S REVENUE REQUIREMENT? 

 
A. I have used PacifiCorp’s actual 2004 health care costs as the starting point.  This 

represents PacifiCorp’s most recent known and measurable level of these costs.  I then 

increased the health care costs using an annual rate of inflation of 8% for medical costs 

and 5% for dental and vision costs.  I then adjusted the medical costs to reflect 

employee’s contributions of 20% and not the 9% that is reflected in the 2004 actual data.   

  These adjustments reduce PacifiCorp’s 2006 health care costs on a total Company 

basis from $56.8 million to $44.9 million.  The details supporting this adjustment are 

shown in Exhibit ICNU/203. 

Q. WHAT IS THE IMPACT ON PACIFICORP’S TEST YEAR EXPENSES OF 
YOUR PROPOSED ADJUSTMENT TO HEALTH CARE COSTS? 

 
A. As Exhibit ICNU/203 shows, I have reduced the level of health care costs on a total 

Company basis by $11.853 million in 2006.  Utilizing the Oregon System Overhead 

allocation factor of 29.446% and an expense allocation factor of 74.63%, PacifiCorp’s 

Oregon health care expense included in its test year revenue requirement is reduced by 

$2.605 million.   

Q. HAVE YOU MADE ANY ADJUSTMENT TO PACIFICORP’S HEALTH CARE 
COSTS TO REFLECT AN INCREASE IN EMPLOYEE LEVELS? 

 
A. No.  My adjustment is based on PacifiCorp’s most recent known and measurable expense 

level escalated for inflationary pressures.  As I indicated earlier, PacifiCorp has been able 
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to keep its health care costs below national levels.  My adjustment in this case is 

conservative because it reflects industry averages.   

II. PENSION EXPENSES 

Q. WHAT LEVEL OF PENSION EXPENSE HAS PACIFICORP INCLUDED IN ITS 
FORECASTED REVENUE REQUIREMENT FOR TEST YEAR 2006? 

 
A. PacifiCorp projected a total Company electric pension expense of $42.2 million in 

calendar year 2006.   As indicated in the testimony of PacifiCorp witness Rosborough, 

the 2006 projection is based on actual calendar year 2004 expense of $31.5 million, 

which is the result of an actuarial calculation conducted by the Company’s actuary 

Hewitt & Associates.  PPL/1100, Rosborough/4.  It should be noted that for calendar 

years 2002 and 2003, PacifiCorp’s pension expense was $0.5 million and $14.8 million, 

respectively.  This data not only shows that the 2004 and the projected 2006 amounts 

represent a dramatic increase in pension expense, but also highlights the volatility of 

pension expense accrual. 

Q. WHAT ARE THE REASONS THAT PACIFICORP GIVES FOR THIS 
DRAMATIC INCREASE IN ITS PENSION EXPENSE? 

 
A. PacifiCorp provides the following reasons for its estimated pension expense for calendar 

year 2006: 

1. From 2000 through 2002, the pension fund experienced $450 million of asset 
losses, which increased the level of its projected 2006 pension expense. 

 
2. PacifiCorp claimed an investment return of 4% and 8% in 2004 and 2005, 

respectively. 
 

3. The discount rate was lowered in 2004.  This produced part of the increase 
from 2003 to 2004. 

 
4. The Company is projecting an increase in the number of employees that will 

participate in its pension plan in fiscal year 2006 compared to fiscal year 
2004. 
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These factors contributed to PacifiCorp’s substantial increase in pension expense. 

Q. WHAT ARE THE TWO KEY FACTORS THAT CAN INFLUENCE THE 
PROJECTED LEVEL OF PENSION EXPENSE? 

 
A. Two key assumptions that can influence the level of pension expense are the discount rate 

utilized to present value the benefits and the expected return on pension fund assets.   

Q. WHAT IS YOUR RECOMMENDATION REGARDING THE LEVEL OF 
PENSION EXPENSE THAT SHOULD BE INCLUDED IN PACIFICORP’S 
RATES? 

A. My recommendation in this case is to utilize as a starting point PacifiCorp’s calendar year 

2004 pension expense of $31.5 million and adjust that for an appropriate discount rate. 

  As indicated in Exhibit ICNU/204, which is PacifiCorp’s response to OPUC Staff 

DR No. 299, PacifiCorp’s calendar year 2004 pension expense, which utilizes a 

measurement period from January 1, 2004 through December 31, 2004, is based on a 

discount rate of 6.25%.  It is my recommendation that the amount of pension expense 

should be adjusted to reflect a higher discount rate.  The pension expense is developed 

from an expected return on assets of 8.75%.  This is the minimum rate that should be 

utilized. 

Q. WOULD YOU DISCUSS WHY YOU BELIEVE IT IS APPROPRIATE TO 
ADJUST THE DISCOUNT RATE? 

A. Yes.  The discount rate that was utilized to calculate the calendar year 2004 pension 

expense is 6.25%.  PacifiCorp indicated in its testimony that it was assuming that for 

2006 the discount rate would be 6.75%, or 50 basis points higher.  Increasing the discount 

rate reduces the pension expense accrual. 

  Also, PacifiCorp’s witness Dr. Hadaway projects significant increases in the 

interest rates.  Dr. Hadaway states in his testimony that ten-year Treasury notes and long-
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term Treasury bonds are expected to increase by 100 basis points or 1% from the 

September 2004 level through the fourth quarter of 2005.  PPL/200, Hadaway/19.  Dr. 

Hadaway also indicates that corporate bonds are projected to increase by 80 basis points 

or 0.8% over the same period of time.  PPL/200, Hadaway/19.  Since the discount rate 

represents an interest rate, increasing the discount rate by only 50 basis points is 

justifiable.   

Q. COULD YOU PLEASE BRIEFLY DESCRIBE HOW YOU DETERMINE THE 
IMPACT ON PACIFICORP’S PENSION EXPENSE OF INCREASING THE 
DISCOUNT RATE FROM 6.25% TO 6.75%?  

A. In response to OPUC Staff DR No. 22, PacifiCorp indicated that an increase in the 

discount rate from 6.25% to 6.75% reduced the 2006 pension expense from $48.9 million 

to $42.2 million, or approximately 13.7%.  ICNU/205.  Therefore, I adjusted the 2004 

pension expense of $31.5 million by 13.7% to reflect the utilization of a higher discount 

rate.  This reduced the total Company electric pension expense by $4.3 million and $1.27 

million on an Oregon jurisdictional basis.  

Q. WHAT LEVEL OF RETURN ON EXPECTED ASSETS SHOULD BE UTILIZED 
TO DETERMINE PACIFICORP’S TEST YEAR PENSION EXPENSE? 

A. An expected return on assets of 8.75% should be utilized to determine PacifiCorp’s 

pension expense.  As previously indicated, the 2004 pension expense uses an 8.75% 

return on expected assets. 

  Table 4 below shows the type of investment and the return that PacifiCorp expects 

to receive from those investments.  As shown, its expected return is approximately 

8.75%.  

 
 



ICNU/200 
Selecky/12 

 
 

TABLE 4 
 

Expected Return on Pension Assets 
 

 
  Type of Investment  

 
Weighting 

Expected 
  Return   

Weighted 
   Cost    

  Domestic Stocks 55% 9% 5.06% 

  Bonds 35% 7% 2.28% 

  Private Holdings 10% 14% 1.40% 

     Total Return   8.74% 

 
 
Q. ARE THERE ANY OTHER FACTORS THAT SHOULD BE CONSIDERED 

THAT SUPPORT USING AN EXPECTED RETURN ON ASSETS OF 8.75%?   
1 
2 

3 

4 

5 

6 

7 

8 

9 

10 

11 

12 

13 

A. Yes.  In response to ICNU DR No. 15.2, PacifiCorp provided its most recent audit of 

PacifiCorp’s Retirement Plan.  ICNU/206.  The audit addressed 2002 and 2003.  A 

review of that audit indicates that PacifiCorp has made considerable investments in 

limited partnership units that are more risky.  These investments have incurred significant 

losses from their cost basis.  The losses from the cost basis are approximately $40 

million.  ICNU/206, Selecky/33.  These more risky investments make up approximately 

11% of the total current value investments as reported in the audit.  Since these 

investments are more risky, a higher return is warranted and a higher return should be 

required from these investments.  Therefore, it is appropriate to reflect a higher return 

rate in the development of PacifiCorp’s pension expense.  This is captured in the return 

associated with “Private Holdings.” 
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Q. WHY ARE YOU ADDRESSING THE EXPECTED RATE OF RETURN THAT 
WAS UTILIZED TO CALCULATE THE 2004 PENSION COSTS? 

A. A review of the testimony of PacifiCorp witness Rosborough indicates that the projected 

asset returns utilized to calculate PacifiCorp’s test year pension expense are less than 

8.75%.  Mr. Rosborough’s testimony states that an assumed investment return of 4% and 

8% were utilized in 2004 and 2005, respectively.  PPL/1100, Rosborough/5.  Therefore, 

PacifiCorp’s 2006 projection does not reflect the 8.75% return on assets.  It should also 

be noted that for 2004 the actual return on pension assets was 10.5%. 

Q. WHAT IS THE TOTAL ADJUSTMENT YOU ARE PROPOSING TO 
PACIFICORP’S PENSION EXPENSE? 

A. I am proposing that PacifiCorp’s total Company electric pension expense be reduced 

from the projected $42.2 million contained in the rate case to $27.2 million.  As 

previously discussed, this level of pension expense reflects PacifiCorp’s 2004 pension 

expense and reflects adjustments for a higher discount rate.   

III. IBEW PENSION EXPENSES 

Q. DOES YOUR PENSION EXPENSE ADJUSTMENT REFLECT THE PENSION 
EXPENSE FOR ALL PACIFICORP EMPLOYEES? 

 
A. No.  PacifiCorp has an agreement with IBEW 57 that requires PacifiCorp to make annual 

contributions to IBEW 57’s pension fund.  For purposes of this rate case, PacifiCorp 

forecasted that it would make contributions to IBEW’s pension fund of $3 million in both 

2005 and 2006.   

Q. DID PACIFICORP MAKE A $3 MILLION CONTRIBUTION TO THE IBEW 
PENSION FUND IN 2005? 

A. No.  In response to ICNU DR No. 19.4, the Company indicated that it did not make a 

contribution to the IBEW 57 pension expense in 2005.  ICNU/207.  This was a result of 

negotiations with representatives of IBEW 57.   
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Q. SHOULD THE COMMISSION MAKE ANY ADJUSTMENT TO THE IBEW 57 
PENSION EXPENSE THAT IS INCLUDED IN ITS TEST YEAR? 

A. Yes.  PacifiCorp has included in its revenue requirement a $3 million contribution to 

IBEW pension expense in its 2006 test year.  Since there was no contribution in 2005, I 

recommend that the Commission reduce the test year pension expense by 50%.  That is, 

for ratemaking purposes, the Commission should recognize only $1.5 million of IBEW 

57 pension expense.   

Q. WHAT IS THE IMPACT ON PACIFICORP’S REVENUE REQUIREMENT 
EXCLUDING $1.5 MILLION OF IBEW 57 PENSION EXPENSE? 

A. Excluding $1.5 million of IBEW’s 57 pension expense from PacifiCorp’s test year 

revenue requirement reduces its Oregon expenses by $330,000. 

Q. WHAT IS THE TOTAL IBEW 57 ADJUSTMENT YOU ARE PROPOSING TO 
PACIFICORP’S PENSION EXPENSE? 

A. I am proposing to reduce the pension expense associated with PacifiCorp’s contribution 

to IBEW 57.  This adjustment reduces the total pension expense by $1.5 million.  As a 

result of these adjustments, PacifiCorp’s total Company pension expense is reduced by 

$16.5 million and $3.625 million on an Oregon jurisdictional basis. 

IV. POST RETIREMENT BENEFITS OTHER THAN PENSION 

Q. DID YOU MAKE ANY ADJUSTMENTS TO THE LEVEL OF FAS 106 COSTS 
(POST RETIREMENT BENEFITS OTHER THAN PENSION)? 

A. Yes.  The adjustment I made to FAS 106 expense is similar to the adjustment I made to 

pension expense.  That is, as a starting point I utilized the actual calendar year 2004 FAS 

106 expense as provided in PacifiCorp’s response to OPUC DR No. 299.  ICNU/204.  I 

then adjusted this expense to reflect a discount rate of 6.75%.  PacifiCorp indicated that 

the 2004 FAS 106 was calculated using a discount rate of 6.25%.  The reasons for 
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adjusting the discount rate for FAS 106 are the same reasons that I outlined above in my 

testimony regarding pensions. 

Q. WHAT IS THE IMPACT OF YOUR PROPOSED FAS 106 ADJUSTMENTS? 

A. The impact of my FAS 106 adjustments is to reduce PacifiCorp’s proposed expense of 

$26.8 million to $18.1 million.  On a jurisdictional basis, this adjustment reduces 

PacifiCorp’s FAS 106 expense by $1.912 million.  The pension and other post-retirement 

cost adjustments are shown on Exhibit ICNU/208. 

V. CONSOLIDATED TAX ADJUSTMENT 

Q. WOULD YOU PLEASE DESCRIBE THE INCOME TAX ISSUE? 

A. PacifiCorp is a wholly owned subsidiary of PacifiCorp Holdings Inc. (“PHI”) which is a 

non-operating, direct, wholly owned subsidiary of the U.K. utility holding company 

ScottishPower.  The PHI corporate structure was designed by ScottishPower, to minimize 

income taxes on the taxable income of PacifiCorp and other PHI affiliates.    PHI was 

capitalized by ScottishPower by an intercompany acquisition related loan between 

ScottishPower and PHI.  PHI then used this loan to acquire ScottishPower shares of 

PacifiCorp.  PHI pays interest on the acquisition loan, and deducts the interest on its 

income tax filings.  The deduction of the interest on the acquisition loan results in a 

significant income tax deduction that allows PHI to avoid or significantly reduce the 

amount of state and federal income taxes paid on the profits generated from PacifiCorp 

regulated utility operations.   
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Q. DOES PACIFICORP RECOGNIZE THE PHI DEBT AND THE PHI INTEREST 
DEDUCTION WHEN CALCULATING ITS INCOME TAXES TO INCLUDE IN 
ITS OREGON REVENUE REQUIREMENT? 

A. No.  It calculates state and federal income taxes for PacifiCorp without regard to the tax 

deductibility of the PHI acquisition debt interest.  This acquisition debt interest reduces 

PHI actual tax obligations and enhances PHI after tax earnings.  As a result, PacifiCorp 

has included tax expense in its revenue requirement that will not be paid to the taxing 

authority.  In other words, rates have been increased to cover income taxes that will never 

be paid. 

Q. HOW LARGE OF A TAX BENEFIT IS PRODUCED BY THE PHI DEBT? 

A. A Standard & Poor’s research report on PacifiCorp, which was provided in PacifiCorp’s 

response to OPUC Staff DR No. 80, states that at March 31, 2004, PHI’s balance sheet 

contained acquisition-related debt of $2.375 billion bearing an interest rate of 6.75%.  

ICNU/402, Gorman/12.  Assuming a composite state and federal tax rate of 37.95% 

produces tax benefit of approximately $61 million per year.  Assuming that the loan 

supported only regulated activities would reduce PacifiCorp’s revenue requirement by 

approximately $98 million. 

Q. SHOULD THE PHI ACQUISITION-RELATED DEBT BE CONSIDERED IN 
DETERMINING PACIFICORP’S RETAIL REVENUE REQUIREMENT? 

A. Yes.  By not recognizing the interest deductibility of the PHI loan, this Commission 

would be asking Oregon ratepayers to pay taxes that neither PacifiCorp nor 

ScottishPower are required to pay.  The income taxes as contained in this filing ignore the 

existence of this tax benefit.  It should be remembered that PacifiCorp’s regulated 

ratepayers are largely supporting this loan. 
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Q. HAVE YOU ESTIMATED THE IMPACT THAT THIS BENEFIT HAS ON 
PACIFICORP’S OREGON OPERATION? 

A. Yes.  As noted above, PHI’s loan is $2.375 billion and bears an interest rate of 6.75%.  

This produces annual tax deductible interest expense of $160.31 million.   

  In response to ICNU Data Request No. 16.19, PacifiCorp provided the amount of 

buildings and other depreciable assets, land and other accumulated depreciation as of 

March 31, 2004, as listed on its consolidated PHI tax return.  ICNU/209.  Based on that 

summary, regulated utility operations are entitled to 94.72% of the tax benefit.  The 

Oregon jurisdictional rate base for 2006 is 28.88% of the total Company rate base.  

Therefore, jurisdictional Oregon customers should be allocated 28.88% of the interest 

expense for tax purposes.  This produces approximately $43.86 million of additional tax 

deductions which should be reflected in Oregon’s jurisdictional revenue requirement. 

Q. WHAT IS THE IMPACT ON THE OREGON REVENUE REQUIREMENT OF 
RECOGNIZING THE DEDUCTIBILITY OF $43.7 MILLION OF ADDITIONAL 
INTEREST EXPENSE? 

A. Utilizing an Oregon composite tax rate of 37.95%, recognizing an additional 

$43.7 million of interest expense reduces Oregon’s tax by $16.64 million and its revenue 

requirement by $27.58 million. 

Q. BY PROPOSING THIS ADJUSTMENT ARE YOU RECOGNIZING ANY TAX 
LOSSES ASSOCIATED WITH ANY OF PHI’S NON-REGULATED 
SUBSIDIARIES? 

A. No.  My recommendation is based on PHI tax minimization structure, which is created by 

the financing structure that PHI currently has in place for financing its regulated 

operations.  The adjustment does not take into account the profits or losses or credits that 

result from its operations of its unregulated subsidiaries.  This adjustment should not be 
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confused with reflecting the profitability of non-regulated assets in the regulated 

ratemaking formula. 

VI. RTO DEVELOPMENT COSTS 

Q. HAS PACIFICORP INCLUDED ANY RTO DEVELOPMENT COSTS IN ITS 
TEST YEAR REVENUE REQUIREMENT? 

A. Yes.  On a total Company basis, PacifiCorp has included $3.057 million of RTO costs in 

its test year revenue requirement.  This number was provided in response to ICNU DR 

No. 19.3.  ICNU/210.  Although this cost is identified as a fiscal year 2006 cost, I have 

assumed it is the cost included in the test year revenue requirement. 

Q. DO THE RTO EXPENSES PROVIDE BENEFITS TO THE RATEPAYERS? 

A. No.  Currently the RTO is not operating and is not expected to be operating during the 

test year.  As a result, the expenses associated with the development of the RTO are 

neither used nor useful during the test year.  As a result, these costs should not be passed 

on to ratepayers on a current basis. 

Q. WHAT IS YOUR RECOMMENDATION REGARDING THE TREATMENT OF 
THE RTO EXPENSES? 

A. Because this expense is not providing a current benefit to ratepayers, recovery of these 

costs should not occur until the RTO is operating.  Therefore, the $3.057 million of RTO 

expenses on a total Company basis should be excluded from PacifiCorp’s test year 

revenue requirement. 

Q. WHAT IS THE IMPACT ON PACIFICORP’S OREGON EXPENSES AS A 
RESULT OF EXCLUDING THE RTO EXPENSES? 

A. Excluding the RTO expenses reduces PacifiCorp’s revenue requirement by $900,410.  It 

is my recommendation that these costs should be deferred and subject to a prudency 
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review once the RTO is operating and providing benefits to PacifiCorp’s Oregon 

ratepayers. 

Q. DOES THIS CONCLUDE YOUR DIRECT TESTIMONY? 

A. Yes.
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Qualifications of James T. Selecky 

Q. PLEASE STATE YOUR NAME AND BUSINESS ADDRESS.    1 
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A. James T. Selecky.  My business address is 1215 Fern Ridge Parkway, Suite 208, 

St. Louis, Missouri 63141. 

Q. PLEASE STATE YOUR OCCUPATION.   

A. I am a consultant in the field of public utility regulation and am a principal with the firm 

of Brubaker & Associates, Inc. (“BAI”), energy, economic and regulatory consultants. 

Q. PLEASE STATE YOUR EDUCATIONAL BACKGROUND AND 
PROFESSIONAL EMPLOYMENT EXPERIENCE.    

A. I graduated from Oakland University in 1969 with a Bachelor of Science degree with a 

major in Engineering.  In 1978, I received the degree of Master of Business Admin-

istration with a major in Finance from Wayne State University.  

  I was employed by The Detroit Edison Company (“DECo”) in April of 1969 in its 

Professional Development Program.  My initial assignments were in the engineering and 

operations divisions where my responsibilities included evaluation of equipment for use 

on the distribution and transmission system; equipment performance testing under field 

and laboratory conditions; and troubleshooting and equipment testing at various power 

plants throughout the DECo system.  I also worked on system design and planning for 

system expansion.   

In May of 1975, I transferred to the Rate and Revenue Requirement area of 

DECo.  From that time, and until my departure from DECo in June 1984, I held various 

positions which included economic analyst, senior financial analyst, supervisor of the 

Rate Research Division, supervisor of the Cost-of-Service Division and director of the 
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Revenue Requirement Department.  In these positions, I was responsible for overseeing 

and performing economic and financial studies and book depreciation studies; 

developing fixed charge rates and parameters and procedures used in economic studies; 

providing a financial analysis consulting service to all areas of DEC; developing and 

designing rate structure for electrical and steam service; analyzing profitability of various 

classes of service and recommending changes therein; determining fuel and purchased 

power adjustments; and all aspects of determining revenue requirements for ratemaking 

purposes. 

In June of 1984, I joined the firm of Drazen-Brubaker & Associates, Inc. 

(“DBA”).  In April 1995 the firm of BAI was formed.  It includes most of the former 

DBA principals and staff.  At DBA and BAI I have testified in electric, gas and water 

proceedings involving almost all aspects of regulation.  I have also performed economic 

analyses for clients related to energy cost issues. 

In addition to our main office in St. Louis, the firm also has branch offices in 

Phoenix, Arizona; Chicago, Illinois; Corpus Christi, Texas; and Plano, Texas. 

Q. HAVE YOU PREVIOUSLY APPEARED BEFORE A REGULATORY 
COMMISSION?  

A. Yes.  I have testified on behalf of DECo in its steam heating and main electric cases.  In 

these cases I have testified to rate base, income statement adjustments, changes 

in book depreciation rates, rate design, and interim and final revenue deficiencies. 

In addition, I have testified before the regulatory commissions of the States of 

Colorado, Connecticut, Georgia, Illinois, Indiana, Iowa, Kansas, Louisiana, Maryland, 

Massachusetts, Missouri, New Hampshire, New Jersey, North Carolina, Ohio, Oklahoma, 

Tennessee, Texas, Utah, Washington, Wisconsin, and Wyoming, and the Provinces of 
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Alberta and Saskatchewan.  I also have testified before the Federal Energy Regulatory 

Commission.  In addition, I have filed testimony in proceedings before the regulatory 

commissions in the States of Florida, Montana, New York, and Pennsylvania and the 

Province of British Columbia.  My testimony has addressed revenue requirement issues, 

cost of service, rate design, financial integrity, accounting-related issues, merger-related 

issues, and performance standards.  The revenue requirement testimony has addressed 

book depreciation rates, decommissioning expense, O&M expense levels, and rate base 

adjustments for items such as plant held for future use, working capital, and post test year 

adjustments.  In addition, I have testified on deregulation issues such as stranded cost 

estimates and rate design. 

Q. ARE YOU A REGISTERED PROFESSIONAL ENGINEER?  

A. Yes, I am a registered professional engineer in the State of Michigan. 
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PACIFICORP – OREGON 
 

Health Care Adjustment 
(000) 

 

Line Description Medical Dental Vision Total 
1 Inflation Projection 8% 5% 5%  
2      2004 $40,854 $2,655 $495 $44,005 
3      2005 $44,123 $2,788 $520 $47,431 
4      2006 

 
$47,652 $2,927 $546 $51,126 

5 Adj. for Emp. Contribution 
 

$41,892 $2,573 $480 $44,946 

6 2006 PacifiCorp Forecast 
 

$52,107 $4,026 $665 $56,799 

7 Total Company Adjustment 
 

$10,215 $1,453 $185 $11,853 

8 Oregon Allocation 
 

29.446% 29.446% 29.446% 29.446% 

9 Oregon Adjustment $3,008 $428 $54 $3,490 
10 Expense Factor    74.63% 
11 Expense Adjustment    $2,605 
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PACIFICORP – OREGON 
 

Pension and Other Post Retirement Expense 
 
 

Line Description Amount 
(000) 

Amount 
(000) 

    
1 2004 Pension Expense $31,200  
2 Discount Rate Adjustment $4,300  
3    Test Year Pension Expense 

 
 $27,200 

4 IBEW Pension Contribution 
 

 $1,500 

5 2004 OPEB Expense $21,000  
6 Discount Rate Adjustment $2,900  
7    Test Year OPEB Expense 

 
 $18,100 

8    Total 
 

 $46,800 

9 PacifiCorp’s Test Year Pension Expense $42,200  
10 IBEW Pension Contribution  $3,000  
11 OPEB Expense $26,800  
12    Total 

 
 $72,000 

13 Reduction from Company 
 

 $25,200 

14 Oregon System Overhead Allocation 
(Line 13 X 29.446%) 
 

 $7,420 

15 Expense Reduction (Line 14 X 74.63%) 
 

 $5,538 
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PACIFICORP – OREGON 
 

Health Care Adjustment 
(000) 

 

Line Description Medical Dental Vision Total 
1 Inflation Projection 8% 5% 5%  
2      2004 $40,854 $2,655 $495 $44,005 
3      2005 $44,123 $2,788 $520 $47,431 
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5 Adj. for Emp. Contribution 
 

$41,892 $2,573 $480 $44,946 

6 2006 PacifiCorp Forecast 
 

$52,107 $4,026 $665 $56,799 

7 Total Company Adjustment 
 

$10,215 $1,453 $185 $11,853 

8 Oregon Allocation 
 

29.446% 29.446% 29.446% 29.446% 

9 Oregon Adjustment $3,008 $428 $54 $3,490 
10 Expense Factor    74.63% 
11 Expense Adjustment    $2,605 
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PACIFICORP – OREGON 
 

Pension and Other Post Retirement Expense 
 
 

Line Description Amount 
(000) 

Amount 
(000) 

    
1 2004 Pension Expense $31,200  
2 Discount Rate Adjustment $4,300  
3    Test Year Pension Expense 

 
 $27,200 

4 IBEW Pension Contribution 
 

 $1,500 

5 2004 OPEB Expense $21,000  
6 Discount Rate Adjustment $2,900  
7    Test Year OPEB Expense 

 
 $18,100 

8    Total 
 

 $46,800 

9 PacifiCorp’s Test Year Pension Expense $42,200  
10 IBEW Pension Contribution  $3,000  
11 OPEB Expense $26,800  
12    Total 

 
 $72,000 

13 Reduction from Company 
 

 $25,200 

14 Oregon System Overhead Allocation 
(Line 13 X 29.446%) 
 

 $7,420 

15 Expense Reduction (Line 14 X 74.63%) 
 

 $5,538 
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Q. PLEASE STATE YOUR NAME AND BUSINESS ADDRESS. 1 
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A. My name is Kathryn E. Iverson, 17244 W. Cordova Court, Surprise, Arizona, 85387. 

Q. WHAT IS YOUR OCCUPATION AND BY WHOM ARE YOU EMPLOYED? 

A. I am a consultant in the field of public utility regulation and employed by the firm of 

Brubaker & Associates, Inc. (“BAI”), regulatory and economic consultants with 

corporate headquarters in St. Louis, Missouri. 

Q. WOULD YOU PLEASE STATE YOUR EDUCATIONAL BACKGROUND AND 
EXPERIENCE? 

A. I have a Bachelor of Science Degree in Agricultural Sciences and a Master of Science 

Degree in Economics from Colorado State University.  I have been a consultant in this 

field since 1984, with experience in utility resource matters, cost allocation and rate 

design.  More details are provided in Exhibit ICNU/301. 

Q. ON WHOSE BEHALF ARE YOU TESTIFYING IN THIS PROCEEDING? 

A. I am testifying on behalf of the Industrial Customers of Northwest Utilities (“ICNU”).  

ICNU is a non-profit trade association, whose members are large industrial customers 

served by electric utilities throughout the Pacific Northwest, including PacifiCorp (or the 

“Company”). 

Q. WHAT SUBJECTS DO YOU ADDRESS IN THIS TESTIMONY? 

A. I have been asked to review PacifiCorp’s marginal cost study and proposed rate design.  I 

will make recommendations to the Oregon Public Utility Commission (“Commission”) 

on the proposed marginal cost study, rate spread, and rate design. 
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Q. WHAT SPECIFIC AREAS DOES YOUR TESTIMONY COVER? 1 
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A. My testimony reviews the reconciliation of marginal costs to embedded costs, and 

provides recommended relative base rate increases necessary to move rates closer to cost 

of service. 

Q. ARE YOU SPONSORING ANY EXHIBITS IN CONNECTION WITH YOUR 
TESTIMONY? 

A. Yes.  I am sponsoring Exhibits ICNU/301 through ICNU/305.  These exhibits were 

prepared either by me or under my supervision and direction. 

Q. WHAT INCREASE DOES PACIFICORP SEEK FROM SCHEDULE 48 
CUSTOMERS? 

A. While the Company is seeking an overall increase of 12.5% increase in base rates, the 

proposed increase to Schedule 48 customers is 21.6%.  PPL/1202, Griffith/1, column 13, 

line 6.  This increase is the second highest to a single class, and represents a substantial 

increase in costs to ICNU members. 

Q. WOULD YOU PLEASE SUMMARIZE YOUR FINDINGS AND CONCLUSIONS? 

A. The main points of my testimony can be summarized as follows: 

PacifiCorp’s marginal cost study classifies 71% of the generation revenue 

requirement on the basis of energy, as compared to the jurisdictional study, which 

classifies 51%.  For transmission, the marginal study classifies 47% on the basis 

of energy, as compared to the jurisdictional study, which classifies 26%.  This 

added focus on energy penalizes larger, higher load factor customers. 

By focusing so heavily on energy, PacifiCorp’s marginal study minimizes the 

economic consequences of both the timing of incremental energy use and the 

growth in peak demands.  Marginal cost studies that minimize demand costs can 
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result in price signals with no relationship to cost differentials that exist in the 

marketplace. 

The current marginal cost study reconciles marginal cost to the target revenue 

requirement on a functional basis that ignores the underlying energy and demand 

classifications.  An improvement would be to reconcile the functional marginal 

costs to their respective demand and energy classifications. 

I agree with the Company’s overall objective on rate spread where none of the 

major rate schedules will see an overall net rate increase greater than 

approximately 1.5 times the overall average net. 

Distribution and non-Federal Energy Regulatory Commission (“FERC”) related 

transmission costs should be recovered through the On-Peak Demand charge for 

Schedule 48. 

The proposed time-of-day pricing for Schedule 200 service to large power 

customers should be rejected.  Since the underlying cost study has no recognition 

of cost differentials, this proposal is simply a rate design strategy to boost 

revenues for energy sold to large power users during on-peak times.  Customers 

who shift usage to off-peak times, however, will see no benefit in subsequent 

revenue allocation since the Company’s cost study makes no distinction between 

on-peak and off-peak energy usage. 

Q. HAVE YOU REVIEWED PACIFICORP’S MARGINAL COST OF SERVICE 
STUDY CONTAINED IN THE TESTIMONY OF MR. DAVID TAYLOR? 

A. Yes, I have.  Mr. Taylor presents the results of a marginal cost study and the development 

of unbundled class revenue requirements in PPL/409.  According to the Company’s cost 

study, Schedule 48T secondary rates should be increased by 18.76%, primary rates by 
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22.12% and transmission rates by 25.71%, for a total base rate increase of 21.6% to 

Schedule 48T.  In contrast, the overall base rate increase for all classes is 12.48%. 

Q. WHY IS THE INCREASE TO SCHEDULE 48T CUSTOMERS SO MUCH 
HIGHER THAN FOR THE OTHER SCHEDULES? 

A. The above average increase is a result of a marginal cost study which allocates the bulk 

of generation and transmission costs on the basis of energy usage.  Since generation and 

transmission costs represent the greatest component of large power users’ costs, and since 

Schedule 48T customers are energy-intensive, this allocation method results in 

substantially more costs allocated to this class. 

Q. IS THIS A RESULT OF THE REVISED PROTOCOL? 

A. No, it is not.  Under the Revised Protocol, which dictates the allocation of costs among 

PacifiCorp’s jurisdictions, the bulk of the generation and transmission costs are classified 

and allocated on the basis of demand, and not on energy.  All Resource Fixed Costs, 

Wholesale Contracts and Short-term Purchases and Sales are classified as 75 percent 

demand related and 25 percent energy related in the Jurisdictional Allocation Model.  

PPL/400, Taylor/4. 

Q. PLEASE EXPLAIN HOW YOUR PROPOSALS WOULD IMPACT RATES. 

A. Using PacifiCorp’s requested revenue requirement and my recommendation for rate 

allocation and rate spread, the following table compares PacifiCorp’s and ICNU’s 

changes in both base rates and net rates for illustrative purposes.  Under ICNU’s 

proposal, Schedule 48 would receive a base rate increase of 18.6%, and with inclusion of 

all proposed riders a net rate increase of 5.2%.  This compares to PacifiCorp’s request for 

a base rate increase of 21.6% and net rate increase of 8.0%.  Classes with net rate 

increases of 9.9% under PacifiCorp’s proposal would be similarly treated under ICNU’s 
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proposal as a result of our consistent objective for none of the major rate schedules to 

experience an overall net rate increase greater than 1.5 times the overall average net 

increase proposed in this case.  Residential customers would receive a slightly higher net 

rate increase of 9.2% compared to PacifiCorp’s request for 8.4%.  Schedules 28 and 30 

would receive net rate increases of under 2% under either proposal. 

  
Base Rate Changes 

 
Net Rate Changes 

  
PacifiCorp 

 
ICNU 

 
PacifiCorp 

 
ICNU 

Residential: 
     Schedule 4 
 

 
10.4% 

 
11.2% 

 
8.4% 

 
9.2% 

Commercial & Industrial: 
     Schedule 23 
     Schedule 28 
     Schedule 30 
     Schedule 48 
     Schedule 41 
 

 
25.4% 
3.0% 
9.5% 
21.6% 
18.3% 

 
27.4% 
3.0% 
9.7% 
18.6% 
18.9% 

 
9.9% 
1.0% 
1.3% 
8.0% 
9.9% 

 
9.9% 
1.8% 
1.9% 
5.2% 
9.9% 

Lighting 
 

-2.8% -9.3% 3.4% 3.5% 

Total 
 

12.5% 12.5% 6.7% 6.7% 

 

I. MARGINAL COSTS OF GENERATION AND TRANSMISSION 6 
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Q. HOW ARE GENERATION MARGINAL COSTS DETERMINED IN THE 
MARGINAL COST STUDY? 

A. PacifiCorp calculates separate demand and energy-related marginal costs for generation 

in its marginal cost study.  The marginal demand and energy costs for generation are 

based on a hypothetical system where equipment is of the minimum size necessary to 

meet the load.  The demand-related marginal cost of generation is defined as the fixed 

cost of a simple cycle combustion turbine.  Fixed costs for a combined cycle combustion 

turbine which are in excess of the demand costs of a simple cycle turbine are assigned to 
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energy and are added to the variable production cost of the combustion cycle turbine.  

The long-run marginal costs of generation used by PacifiCorp in this case are $69.33 per 

kW-year for demand, and $27.22 per MWH for energy. 

Q. WHAT ARE THE RESULTS OF APPLYING THESE GENERATION 
MARGINAL COSTS TO CLASS LOADS? 

A. Applying the generation marginal costs to the class loads results in total generation 

marginal cost of $552 million.  Of that amount, 71% is classified and allocated to 

customers on the basis of energy. 

Demand:  $69.33 x Peak Demands =  $157,353,000    29% 

10 

11 

12 
13 

14 

15 

16 
17 
18 
19 

Energy:  $27.22 x Energy at Generation = $394,480,000    71% 

Total:      $551,833,000  100% 

Q. HAS PACIFICORP RECOGNIZED THE IMPLICATIONS OF THIS HIGH 
LEVEL OF ENERGY COMPONENT IN GENERATION MARGINAL COSTS? 

A. Yes.  In UE 147, Mr. Taylor noted that this high level of energy costs was shifting a 

larger share of generation costs to larger, higher load factor customers: 

The energy component of generation marginal costs increased from 69% 
of total generation costs in UE 116 to 77% in the current [UE 147] study 
 . . .  This increased energy component shifted a larger portion of 
generation costs to larger, higher load factor customers.   

Re PacifiCorp, OPUC Docket No. UE 147, PPL/1100, Taylor/6. 20 

21 
22 

23 

24 

25 

26 

27 

Q. HOW DOES THE COMPANY CLASSIFY AND ALLOCATE TRANSMISSION 
COSTS IN ITS MARGINAL COST STUDY? 

A. Growth-related investments in transmission, except bulk power lines, are classified 

entirely to demand.  Bulk power lines are classified to demand and energy in the same 

proportions as PacifiCorp’s proposed generation costs.  Consequently, any increase in the 

energy component of generation marginal costs will cause the energy component of 

transmission marginal costs to increase as well.  The long-run marginal costs of 
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transmission used by PacifiCorp in this case are $12.85 per kW-year for demand, and 

$1.75 per MWH for energy. 
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Q. WHAT ARE THE RESULTS OF APPLYING THESE TRANSMISSION 
MARGINAL COSTS TO CLASS LOADS? 

A. Applying the transmission marginal costs to the class loads results in a total transmission 

marginal cost of $55 million.  Of that amount, 47% is classified and allocated to 

customers on the basis of energy. 

Demand:  $12.85 x Peak Demands =  $29,165,000    53% 

9 
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11 
12 
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Energy:  $1.75 x Energy at Generation = $25,381,000    47% 

Total:      $54,546,000  100% 

Q. HOW DO PACIFICORP’S MARGINAL COST ENERGY COMPONENTS 
(GENERATION AT 71% AND TRANSMISSION AT 47%) COMPARE TO THE 
TARGET GENERATION REVENUE REQUIREMENT? 

A. These marginal cost energy components are significantly higher than what is reflected in 

Oregon’s jurisdictional revenue requirement.  For example, the Company seeks a target 

revenue requirement of $524 million for generation, of which $180 million is for energy-

related production expenses such as fuel and purchased energy.1/  Of the remaining 

amount, the Revised Protocol classifies 75% as demand-related and 25% as energy-

related.  As shown in Exhibit ICNU/302, when the 75/25 split is applied to the remaining 

$344 million generation revenue requirement target, Oregon’s generation is 51% energy-

related overall, not 71% as the marginal cost study assumes.  For transmission, Oregon’s 

transmission revenue requirement target is only 26% energy-related.  Because of this 

greater emphasis on energy, the marginal cost study penalizes larger, higher load factor 

customers in the determination of both generation and transmission revenues. 
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21 
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23 

24 
                         
1/ This is PacifiCorp’s proposed target revenue requirement for the generation function.  The amount actually 

allowed by the Commission may be substantially less than the filed request. 
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Q. DOES THE GREATER EMPHASIS ON ENERGY IN THE MARGINAL COST 
STUDY COMPARED TO THE TARGET REVENUE REQUIREMENT PRESENT 
ALLOCATION ISSUES AMONG THE CLASSES? 
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A. Yes, it does.  By focusing so heavily on energy, the present approach minimizes the 

economic consequences of both the timing of the incremental energy use and the growth 

in peak demands.  While it is important to give customers a price signal of the cost 

implications of consuming another kWh, we should not downplay the importance of the 

pricing associated with peak demands.  Taken to its extreme, marginal cost studies that 

minimize demand costs and reflect only flat energy costs would result in price signals 

that give no indication of the timing of their energy decisions.  This would result in a 

price signal that is the same whether the customer increased his usage in summer or 

winter, afternoon hours or at 3 A.M. in the morning. 

Q. DOES PACIFICORP PROVIDE ANY RECOGNITION OF HIGH LOAD AND 
LOW LOAD HOURS IN ITS COST STUDY ALLOCATION OF THE 
MARGINAL COST OF ENERGY? 

A. No.  The generation marginal energy cost is applied to all 8,760 hours of the year equally, 

thereby ignoring any time-of-day cost differentiation.  This gives no recognition to those 

customers who may be using energy in a more efficient manner, or during times of lower 

system cost.  

Q. IS PACIFICORP PROPOSING TO IMPLEMENT TIME-OF-DAY PRICING FOR 
LARGE GENERAL SERVICE CUSTOMERS? 

A. Yes.  Ironically, the Company proposes to differentiate Schedule 200 Supply Service 

energy charges into on-peak and off-peak prices.  PPL/1200, Griffith/11.  According to 

the Company, this differentiation is proposed to “reflect higher on-peak power prices.”  

However, the Company has made no effort in its marginal cost study to reflect the fact 

that on-peak generation costs are higher despite its proposal for time-of-day pricing.  In 
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fact, just the opposite is reflected in the marginal cost study where over 70% of the 

generation costs are classified and allocated on the basis of a single marginal cost of 

energy across all hours of the year. 

II. RECONCILIATION OF MARGINAL COSTS 

Q. HOW DOES PACIFICORP RECONCILE TOTAL MARGINAL COSTS TO THE 
TARGET REVENUE REQUIREMENT? 

A. PacifiCorp reconciles the marginal costs of generation and transmission to the target 

revenue requirement on a functional basis that ignores the underlying energy and demand 

classifications.  In other words, PacifiCorp recognizes only a single generation function, 

not a generation energy function and a generation demand function.  Likewise, a single 

transmission function is used. 

Q. COULD THE FUNCTIONAL RECONCILIATION APPROACH BE IMPROVED 
IN THIS CASE IN ORDER TO PROVIDE A BETTER SIGNAL AS TO THE 
COST OF GENERATION AND TRANSMISSION? 

A. Yes.  I believe that the reconciliation process could be improved through the use of 

generation demand, generation energy, transmission demand and transmission energy 

functions.  This would result in an allocation of revenues to ensure fair treatment of the 

underlying functional costs. 

It is evident that in its last three filed cases, PacifiCorp’s energy component of 

generation marginal costs are shifting a larger portion of generation costs to larger, higher 

load factor customers.  No corresponding effort has been made by PacifiCorp, however, 

to improve the marginal study as to seasonality of prices, load patterns of usage, or to 

“reflect higher on-peak power prices.”  This marginal study treats all kWhs of energy 

alike, regardless of time of day, season, or costing impacts.   
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ICNU believes that the higher cost to serve customers using relatively more of 

their energy during on-peak, higher cost periods should be reflected in the marginal cost 

study.  As one step in that process, we recommend the reconciliation process be refined 

to better align the marginal costs to their functional energy and demand components. 

Q. HAVE YOU PREPARED A STUDY WHICH USES THIS REFINED 
RECONCILIATION METHOD? 

A. Yes.  Exhibit ICNU/303 shows the results of reconciling to generation and transmission 

energy and demand functions.  ICNU recommends that base rates be established for 

customer classes using this reconciliation approach.  For example, PacifiCorp reconciles 

the entire generation marginal cost of $552 million to the entire target generation revenue 

requirement of $510 million through the use of a single functional revenue requirement 

allocation factor.  Our recommendation would refine this allocation by reconciling the 

generation energy marginal cost of $394 million to the target generation energy-related 

revenue requirement of $259 million, and the generation demand marginal cost of $157 

million to the generation demand-related revenue requirement of $251 million. 

Q. WHY WOULD THIS RECONCILIATION BE AN IMPROVEMENT OVER THE 
CURRENT PRACTICE? 

A. When the Commission first started using marginal costs as one of the principal factors for 

spreading revenue requirement among customer classes in 1974, marginal costs were 

reconciled so that each customer class paid an equal percentage of marginal costs.  In 

1996, this process was refined by switching to equal percentages of marginal cost by 

function.  In adopting this switch the Commission noted: 

This new approach will improve our historical efforts to allocate cost 
responsibility to customer classes in ways that lead to more efficient price 
signals for customers and efficient use of electrical service.  It will also 
improve fairness in our rates by ensuring that the costs of one function 
(e.g., distribution) do not affect the allocation of the costs of another 
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function (e.g., generation).  Finally, adopting this stipulation will provide 
us valuable information when we consider whether and how electric 
service should be provided on an unbundled basis.   

Re Investigation of Methods Estimating Marginal Costs of Servie for Electric Utilities, 

Docket No. UM 827, Order No. 98-374 (Sept. 11, 1998). 
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Likewise, adopting this refinement in the functional reconciliation will improve 

cost responsibility to customer classes and will better reflect the results of the Revised 

Protocol jurisdictional study.  It will improve fairness in the rates by ensuring that classes 

with high load factors are not penalized, or conversely that classes with poor load factors 

will be allocated an appropriate level of generation demand costs. 

Q. PLEASE EXPLAIN HOW YOUR PROPOSALS WOULD IMPACT THE 
UNBUNDLED REVENUE REQUIREMENT ALLOCATION BY RATE 
SCHEDULE. 

A. The following table compares PacifiCorp’s unbundled revenue requirement allocation 

(PPL/409, Taylor/1; PPL/1202, Griffith/1) to ICNU’s unbundled revenue requirement 

allocations: 

 
Increase in Revenues to Meet 

Unbundled Revenue Requirement Allocation 
  

PacifiCorp 
 

ICNU 
Residential: 
     Schedule 4 
 

 
10.41% 

 
11.22% 

Commercial & Industrial: 
     Schedule 23 
     Schedule 28 
     Schedule 30 
     Schedule 48 
     Schedule 41 
 

 
25.36% 
2.99% 
9.55% 
21.64% 
18.27% 

 
27.41% 
3.00% 
9.79% 
18.51% 
18.93% 

Lighting 
 

-2.78% -9.29% 

Total 
 

12.48% 12.57% 
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III. RATE SPREAD AND RATE DESIGN 1 
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Q. HOW HAS PACIFICORP PROPOSED TO ALLOCATE AND RECOVER ANY 
REVENUE INCREASE RESULTING FROM THIS PROCEEDING? 

A. PacifiCorp allocates the increase in base rates based on the results of its functionalized 

class cost of service study.  Net rates are then developed to include the effect of riders for 

several adjustment schedules.  For the proposed riders, presently effective Schedule 94, 

Deferred Accounting Adjustment, will have expired, and Proposed Schedule 95, 

Miscellaneous Deferred Accounts Credit, will be implemented.  Furthermore, changes 

will be made to the Rate Mitigation Adjustment (“RMA”) Schedule 299. 

Q. DO YOU AGREE WITH THE COMPANY’S RATE SPREAD OBJECTIVES IN 
THIS CASE? 

A. Yes.  The Company proposes to implement a rate spread where none of the major rate 

schedules will see an overall net rate increase greater than approximately 1.5 times the 

overall average net.  I agree with this overall objective, as well as the Company’s 

proposal to set the RMA to zero for both residential and Schedule 47/48 customers.  

However, our recommendation would start from functionalized revenue requirements by 

class according to the method employed in ICNU/303. 

Q. HAVE YOU DEVELOPED A SPECIFIC RECOMMENDATON FOR THE 
SPREAD OF ANY REVENUE INCREASE? 

A. Yes.  For comparison purposes, ICNU/304 presents my recommendation using the same 

dollar amount increase that PacifiCorp has requested.  I present this strictly for 

comparison purposes, and it should not be interpreted as a recommendation that 

PacifiCorp is entitled to receive the amount of increase that it has requested. 
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Q. HOW DOES YOUR RECOMMENDED RATE SPREAD DIFFER FROM 
PACIFICORP’S? 
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A. Both PacifiCorp’s and my recommendation show that the Residential class should 

receive increases greater than the system average.  In addition, both PacifiCorp’s and my 

recommendation show that lighting should receive increases roughly half of the system 

average.  We both show that Schedule 23 and 41 should be capped at roughly 150% of 

the system average.  Schedules 28 and 30 would receive increases of roughly 27% of the 

system average under my recommendation, in comparison to PacifiCorp’s 

recommendation for increases of 18% of system average.  For Schedule 48, my 

recommendation results in an increase of 78% of system average compared to 

PacifiCorp’s proposal for 119% of system average.  The following table compares the 

relative net rate increases under PacifiCorp’s and ICNU’s proposals: 

 
Proposed Relative Net Rate Increases 

  
PacifiCorp 

 
ICNU 

Residential: 
     Schedule 4 

 
1.25 

 

 
1.37 

Commercial & Industrial: 
     Schedule 23 
     Schedule 28 
     Schedule 30 
     Schedule 48 
     Schedule 41 

 
1.48 
0.15 
0.19 
1.19 
1.48 

 

 
1.48 
0.27 
0.28 
0.78 
1.48 

 
Lighting 0.51 

 
0.52 

Total 
 

1.00 1.00 
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Q. DO YOU AGREE WITH THE COMPANY’S ORIGINAL PROPOSED RATE 
DESIGN FOR SCHEDULE 48T? 
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A. No.  PacifiCorp originally filed proposed rates that recovered only the substation costs in 

the On-Peak Demand Charge, and the non-FERC transmission in the Facilities Charges.  

Exhibit ICNU/305, which is an excerpt of PacifiCorp’s response to ICNU data request 

(“DR”) No. 6.2, shows PacifiCorp’s revision of its proposals so that both non-FERC 

transmission and substation costs are recovered through the On-Peak Demand charge.  

We agree with this revision. 

Q. DO YOU SUPPORT PACIFICORP’S PROPOSAL FOR TIME-OF-DAY 
PRICING FOR SCHEDULE 48? 

A. No.  The proposed time-of-day pricing for Schedule 200 service to large power customers 

should be rejected.  As explained earlier, since the underlying marginal cost study has no 

recognition for differentiating energy costs by time of use, this pricing proposal is simply 

a rate design strategy to boost revenues for energy sold to large power users during on-

peak times.  Customers who shift usage to off-peak times, however, will see no benefit in 

subsequent revenue allocation since the Company’s cost study makes no distinction 

between on-peak and off-peak energy usage. 

Q. UPON WHAT BASIS DOES PACIFICORP MAKE ITS TIME-OF-DAY PRICING 
PROPOSAL? 

A. None.  PacifiCorp simply designed the on-peak and off-peak prices to recover, in part, 

the proposed revenue requirement for Schedule 48.  In fact, as explained in the response 

to KWUA DR No. 1.20, which is provided as Exhibit ICNU/306, there are no documents 

for the proposed pricing differential: 

No documents were derived or prepared to support the selection of the 
proposed energy differential of 3 mills per kWh.  Three mills was selected 
to provide some incentive for Consumers to switch their loads from on-
peak to off-peak, while having a mild impact on those Consumers who 
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might not be able to change their consumption patterns and switch loads 
from on-peak to off-peak. 

Q. DOES THIS CONCLUDE YOUR DIRECT TESTIMONY? 

A. Yes. 
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A. Kathryn E. Iverson, 17244 W. Cordova Court, Surprise, Arizona 85387. 

Q. PLEASE STATE YOUR OCCUPATION. 

A. I am a consultant in the field of public utility regulation with Brubaker & Associates, 

Inc., energy, economic and regulatory consultants. 

Q. PLEASE SUMMARIZE YOUR EDUCATIONAL BACKGROUND AND WORK 
EXPERIENCE. 

A. In 1980 I received a Bachelors of Science Degree in Agricultural Sciences from Colorado 

State University, and in 1983, I received a Masters of Science Degree in Economics from 

Colorado State University. 

In March of 1984, I accepted a position as Rate Analyst with the consulting firm 

Browne, Bortz and Coddington in Denver, Colorado.  My duties included evaluation of 

proposed utility projects, benefit-cost analysis of resource decisions, cost of service 

studies and rate design, and analyses of transmission and substation equipment purchases. 

In February 1986, I accepted a position with Applied Economics Group, where I 

was responsible for utility economic analysis including cogeneration projects, computer 

modeling of power requirements for an industrial pumping facility, and revenue impacts 

associated with various proposed utility tariffs.  In January of 1989, I was promoted to 

the position of Vice President.  In this position, I assumed the additional responsibilities 

of project leader on projects, including the analysis of alternative cost recovery methods, 

pricing, rate design and DSM adjustment clauses, and representation of a group of 

industrial customers on the Conservation and Least Cost Planning Advisory Committee 

to Montana Power Company. 
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In March 1992, I accepted a position with ERG International Consultants, Inc., of 

Golden, Colorado as Senior Utility Economist.  While at ERG, I was responsible for the 

cost-effectiveness analysis of demand-side programs for Western Area Power 

Administration customers.  I also assisted in the development of a reference manual on 

the process of Integrated Resource Planning including integration of supply and demand 

resource, public participation, implementation of the resource plan and elements of 

writing a plan.  I lectured and provided instructional materials on the key concept of life-

cycle costing seminars held to provide resource planners and utility decision-makers with 

a background and basic understanding of the fundamental techniques of economic 

analysis.  My work also included the evaluation of a marginal cost of service study, 

assessment of avoided cost rates, and computer modeling relating engineering simulation 

models to weather-normalized loads of schools in California. 

In November of 1994, I accepted a position with Drazen-Brubaker & Associates, 

Inc.  In April, 1995 the firm of Brubaker & Associates, Inc. was formed.  It includes most 

of the former DBA principals and Staff.  Since joining this firm, I have performed 

various analyses of integrated resource plans, examination of cost of service studies and 

rate design, fuel cost recovery proceedings, as well as estimates of transition costs and 

restructuring plans. 

Q. HAVE YOU EVER TESTIFIED BEFORE A REGULATORY BODY? 

A. Yes.  I have testified before the regulatory commissions in Colorado, Georgia, Idaho, 

Michigan, Montana, Texas and Wyoming. 



PACIFIC POWER & LIGHT COMPANY
Generation and Transmission Revenue Requirements

As Filed by PacifiCorp

Ln Description Generation Transmission

1 Total Revenue Requirement 524,544,979$     68,036,871$ 

Energy-Related Expenses
2   SE Expenses 143,146,050$     825,681$      
3   SSECT Expenses 25,936,056$       
4   SSECH Expenses 11,694,994$       
5 180,777,100$     825,681$      

6 Remaining Amount 343,767,879$     67,211,190$ 
7   x 25% 85,941,970$       16,802,798$ 

8 Energy-Related 266,719,070$     51% 17,628,479$ 26%
9 Demand-Related 257,825,909$     49% 50,408,393$ 74%
10 Total 524,544,979$     100% 68,036,871$ 100%

Source:
(1):  Exhibit PPL/409, Target Functional Revenue Requirement
(2) - (4):  Exhibit PPL/801, Page 2.10, lines 545, 557, 560; Page 2.11, line 644
(6):  (1) - (5)
(7):  (6) x 25%
(8):  (5) + (7)
(9):  (1) - (8)
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TEL (503) 241-7242 ● FAX (503) 241-8160 ● mail@dvclaw.com
Suite 400

333 S.W. Taylor
Portland, OR 97204

May 9, 2005

Via Electronic and US Mail

Public Utility Commission
Attn: Filing Center
550 Capitol St. NE #215
P.O. Box 2148
Salem OR 97308-2148

Re: In the Matter of PACIFIC POWER & LIGHT Request for a
General Rate Increase in the Company's Oregon Annual Revenues
Docket No. UE 170

Dear Filing Center:

Enclosed please find the following items for filing in the above-referenced
proceeding on behalf of the Industrial Customers of Northwest Utilities:

- five (5) copies of the Confidential Direct Testimony of Randall Falkenberg,
with confidential information in separate envelopes (these copies are unbound
to allow for easy integration of the separately provided confidential pages);

- two (2) copies of the Redacted Direct Testimony of Randall Falkenberg;

- five (5) copies of the Direct Testimony of James Selecky; and

- five (5) copies of the Direct Testimony of Kathryn Iverson.

Thank you for your assistance.

Sincerely,

/s/ Christian Griffen
Christian W. Griffen

Enclosures
cc: Service List



PAGE 1 – CERTIFICATE OF SERVICE

CERTIFICATE OF SERVICE

I HEREBY CERTIFY that I have this day served the foregoing Testimonies of

Randall Falkenberg, James Selecky and Kathryn Iverson on behalf of the Industrial Customers of

Northwest Utilities upon the parties on the service list by causing the same to be mailed, postage-

prepaid, through the U.S. Mail. Only those parties who executed the Protective Order are

receiving confidential versions of Mr. Falkenberg’s testimony.

Dated at Portland, Oregon, this 9th day of May, 2005.

/s/ Christian Griffen
Christian W. Griffen

RATES & REGULATORY AFFAIRS
PORTLAND GENERAL ELECTRIC
RATES & REGULATORY AFFAIRS
121 SW SALMON STREET, 1WTC0702
PORTLAND OR 97204
pge.opuc.filings@pgn.com

JIM ABRAHAMSON -- CONFIDENTIAL
COMMUNITY ACTION DIRECTORS OF OREGON
4035 12TH ST CUTOFF SE STE 110
SALEM OR 97302
jim@cado-oregon.org

EDWARD BARTELL
KLAMATH OFF-PROJECT WATER USERS INC
30474 SPRAGUE RIVER ROAD
SPRAGUE RIVER OR 97639

KURT J BOEHM -- CONFIDENTIAL
BOEHM KURTZ & LOWRY
36 E SEVENTH ST - STE 1510
CINCINNATI OH 45202
kboehm@bkllawfirm.com

LISA BROWN
WATERWATCH OF OREGON
213 SW ASH ST STE 208
PORTLAND OR 97204
lisa@waterwatch.org

LOWREY R BROWN -- CONFIDENTIAL
CITIZENS' UTILITY BOARD OF OREGON
610 SW BROADWAY, SUITE 308
PORTLAND OR 97205
lowrey@oregoncub.org

PHIL CARVER
OREGON DEPARTMENT OF ENERGY
625 MARION ST NE STE 1
SALEM OR 97301-3742
philip.h.carver@state.or.us

JOAN COTE -- CONFIDENTIAL
OREGON ENERGY COORDINATORS ASSOCIATION
2585 STATE ST NE
SALEM OR 97301
cotej@mwvcaa.org

JASON EISDORFER -- CONFIDENTIAL
CITIZENS' UTILITY BOARD OF OREGON
610 SW BROADWAY STE 308
PORTLAND OR 97205
jason@oregoncub.org

JOHN DEVOE
WATERWATCH OF OREGON
213 SW ASH STREET, SUITE 208
PORTLAND OR 97204
john@waterwatch.org
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EDWARD A FINKLEA -- CONFIDENTIAL
CABLE HUSTON BENEDICT HAAGENSEN &
LLOYD LLP
1001 SW 5TH, SUITE 2000
PORTLAND OR 97204
efinklea@chbh.com

DAVID HATTON -- CONFIDENTIAL
DEPARTMENT OF JUSTICE
REGULATED UTILITY & BUSINESS SECTION
1162 COURT ST NE
SALEM OR 97301-4096
david.hatton@state.or.us

JUDY JOHNSON -- CONFIDENTIAL
PUBLIC UTILITY COMMISSION
PO BOX 2148
SALEM OR 97308-2148
judy.johnson@state.or.us

JASON W JONES
DEPARTMENT OF JUSTICE
REGULATED UTILITY & BUSINESS SECTION
1162 COURT ST NE
SALEM OR 97301-4096
jason.w.jones@state.or.us

DAN KEPPEN
KLAMATH WATER USERS ASSOCIATION
2455 PATTERSON STREET, SUITE 3
KLAMATH FALLS OR 97603

MICHAEL L KURTZ -- CONFIDENTIAL
BOEHM, KURTZ & LOWRY
36 E 7TH ST STE 1510
CINCINNATI OH 45202-4454
mkurtz@bkllawfirm.com

KATHERINE A MCDOWELL
STOEL RIVES LLP
900 SW FIFTH AVE STE 1600
PORTLAND OR 97204-1268
kamcdowell@stoel.com

MATTHEW W PERKINS
DAVISON VAN CLEVE PC
333 SW TAYLOR, STE 400
PORTLAND OR 97204
mwp@dvclaw.com

JANET L PREWITT
DEPARTMENT OF JUSTICE
1162 COURT ST NE
SALEM OR 97301-4096
janet.prewitt@doj.state.or.us

GLEN H SPAIN
PACIFIC COAST FEDERATION OF FISHERMEN'S
ASSOC
PO BOX 11170
EUGENE OR 97440-3370
fish1ifr@aol.com

DOUGLAS C TINGEY
PORTLAND GENERAL ELECTRIC
121 SW SALMON 1WTC13
PORTLAND OR 97204
doug.tingey@pgn.com

ROBERT VALDEZ
PO BOX 2148
SALEM OR 97308-2148
bob.valdez@state.or.us

PAUL M WRIGLEY
PACIFIC POWER & LIGHT
825 NE MULTNOMAH STE 800
PORTLAND OR 97232
paul.wrigley@pacificorp.com
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