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PGE 2013 IRP Report Executive Summary

I. Executive Summary
Process

The public phase of this IRP started in the spring of 2013, as the competitive bidding
process for new resources identified in the last IRP was drawing to a close. The IRP was
launched after completion of the new energy and capacity requests for proposals (RFPS)
process in order to incorporate the selected resources into the supply/demand assessment
and portfolio analysis for this plan.

Between April and November 2013, PGE conducted four public meetings, three technical
workshops, and provided responses to over forty parking lot questions from our
stakeholders. Public meeting and technical workshop materials are available online at
www.portlandgeneral.com/IRP. All meetings and workshops were well attended and
stakeholders provided valuable comments and feedback throughout the process.

Pursuant to OPUC IRP Guidelines, PGE circulated a Draft IRP on November 22, 2013,
for stakeholder review. On January 22" PGE received joint comments from the
Renewable Northwest Project (RNP), Citizen’s Utility Board (CUB), Northwest Energy
Coalition (NWEC), and Natural Resources Defense Council (NRDC), and separate
comments from OPUC Staff. We do not believe the comments received to date note any
significant criticisms or deficiencies, or suggest that PGE should provide major new
analysis for the final IRP prior to filing with the OPUC.

As a commitment arising out of the last IRP with regard to the Boardman 2020 plan, PGE
also conducted a multi-meeting process with certain stakeholders and a consultant (E3) to
develop low-carbon portfolio alternatives to evaluate in this IRP. Chapter 1 - IRP
Process provides an overview of this work. The low-carbon portfolios were evaluated
alongside other candidate portfolios developed by PGE or suggested by stakeholders
during the public meetings and technical workshops. In addition to the low-carbon
portfolio development process, PGE completed or refreshed the following studies:

e As required by Order No. 12-013, we developed a study of PGE’s
requirements for, and supply of, dynamic capacity through the next two RPS
compliance periods (2015 and 2020). This study was vetted in a stakeholder
technical workshop and is included as Chapter 5 - Flexible Capacity Needs.

e We retained Black and Veatch (B&V) to evaluate current commercial
generating and storage options, with their associated performance
characteristics, engineering lives, brownfield construction costs, and operating
costs. The generic plant cost and performance characteristics from this study
serve as the basis for our resource assessment in Chapter 8 - Supply-side
Options.

e We updated the 2011 wind integration study to include the new resources
from the recently completed energy and capacity RFP process, and used a
2018 baseline year, among several other updates and modeling enhancements.
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The results are incorporated in the resource costs for prospective wind
generation. This study again employed a Technical Review Committee, was
vetted in a stakeholder technical workshop, and is summarized in
Chapter 8 - Supply-side Options.

e We contracted with Definitive Insights to update a customer preferences
survey and quantitative analysis. We also shared the results of the study in a
public meeting to provide decision context regarding resource preferences and
cost expectations of our residential, commercial, and industrial customers.
The study results are presented in Appendix H.

e We engaged a consultant with statistical expertise to provide stochastic PGE
load and wind data sets for use in our reliability study. Portfolio reliability
inputs and results are presented in Chapter 9 - Modeling Methodology and
Chapter 10 - Modeling Results, respectively.

Resource Need

Figure 1 and Figure 2 display PGE’s load-resource balance on an annual average energy
basis and a winter capacity basis by year, including the new energy and capacity projects
acquired through the competitive bidding process concluded in 2013. PGE’s load-
resource balance in this IRP relies on the most recently available information as of
February 2014, reflecting our December 2013 load forecast and February 2014 expected
resource portfolio. Figure 1 assumes a long-term (2014-2033) annual average load
growth rate of 1.3% per year. Figure 2 assumes a peak winter load based on normal
weather (i.e., 1-in-2 weather), plus a planning reserve margin calculated as 6% of load,
plus 5% of PGE hydro generation and 7% of PGE thermal generation. More detailed
discussion about the load forecast and forecast sensitivities to both loads and resources is
found in Chapter 3 - Resource Requirements.
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Figure 1: PGE’s projected annual average energy load-resource balance
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For the current IRP Action Plan horizon (through 2017), our projected annual average
energy supply-demand position, as displayed in Figure 1 above, can be characterized as
generally balanced, to slightly surplus, until 2019, at which point growing deficits
emerge. Results above assume normal hydro conditions. Poor hydro conditions could
reduce available supply by as much as 100 MWa in any given year through 2017.
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Figure 2: PGE’s projected winter (January) capacity needs
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For winter capacity, as displayed in Figure 2 above, we are largely balanced through
2018 with respect to our projected 1-in-2 winter peak demand. Growing deficits emerge
post-2018 due to contract expirations and load growth.

Given these projections, no major new resource actions are warranted in the current IRP
Action Plan horizon.

In the intermediate-term (five to eight years hence) PGE will need to implement resource
actions to meet the growing 2020 RPS requirements and to replace energy from the
Boardman coal plant, which is scheduled to cease coal-fired operations in 2020.
Additional energy and capacity actions may also be required to offset expiring contracts,
potentially decreasing availability of market supply, and to integrate higher levels of
variable energy resources (e.g., wind). These actions will be identified in a future IRP.

Portfolio Analytical Approach

PGE’s planning horizon for this IRP is 20 years, from 2014 through 2033. We simulate
the expected cost of different portfolios by:

e Accounting for projected fixed cost of existing resources;

e Modeling the life-cycle fixed cost of new resources and computing a real
levelized, fixed revenue requirement;
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e Dispatching existing and new resources in AURORAxmp, an electric
portfolio economic dispatch model widely used in the Pacific Northwest; and,

e Adding fixed and variable costs and computing the net present value of
revenue requirement (NPVRR) of each portfolio from 2014 to 2033.

PGE’s Action Plan horizon is consistent with OPUC Guideline 4n, which requires: “an
action plan with resource activities the utility intends to undertake over the next two to
four years to acquire the identified resources.” The context for this guideline is that such
actions will be in accord with a preferred portfolio which is part of the 20-year planning
horizon. This means our IRP Action Plan is primarily focused on major activities we will
undertake by 2017. Appendix A outlines the relevant OPUC IRP Guidelines and how
PGE addresses them.

PGE developed 18 candidate portfolios and tested them against 36 potential future
environments (“Futures”). Most portfolios have a common amount of ETO-forecasted
Energy Efficiency (EE) and maintain physical compliance with the Oregon Renewable
Portfolio Standard (RPS). In addition, all portfolios acquire our targeted amounts of
Dispatchable Standby Generation (DSG) and Demand Response (DR). Finally, most
portfolios add peaking resources to reach a common resource adequacy target. To meet
remaining future energy needs, portfolios then test different mixes of renewables
(dominated by wind in most cases) and base load gas units. The futures are used to test
for several key uncertainties, such as higher and lower carbon compliance costs, higher
and lower gas prices, higher and lower plant construction costs, higher and lower market
power prices, etc. These trial portfolios and Futures are described in detail in
Chapter 9 - Modeling Methodology.

The process of developing candidate portfolios and assessing their performance across
the futures is a lengthy one. Given the time required to complete this process and the fact
that our proposed Action Plan does not include major new resources, the candidate
portfolios and related analytical results reflect our projected load-resource balance as of
circulation of the Draft IRP in November 2013.

We designated the future with the most likely set of input assumptions as the “Reference
Case”. All candidate portfolios were tested under Reference Case assumptions and
35 sets of alternative Futures. We then compared reference case costs with costs in the
alternative futures for each portfolio to assess variability and severity of potential adverse
outcomes. This approach enables us to measure the expected cost (based on the
Reference Case set of assumptions) against cost risk (the potential for cost outcomes that
are higher, based on the alternative Futures, than the expected case). Further description
of the Reference Case assumptions and the risk metrics is found in Chapter 9 - Modeling
Methodology.

Preferred Portfolio

Figure 3 presents a cost summary by portfolio for Reference Case assumptions, along
with the range of cost outcomes for each combination of portfolios and futures. We refer
to these combinations as “Scenarios”.
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Figure 3: Candidate portfolio cost distribution
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Figure 3 visually shows that a few portfolios outperform the others with respect to
exhibiting lower costs under reference case assumptions, and demonstrating an increased
potential for low cost outcomes and reduced exposure to high cost outcomes. Driven by
low forecast gas prices, portfolios that include highly efficient natural gas-fired
generation along with cost effective energy efficiency (EE) and renewable resources to
meet RPS requirements, continue to outperform other candidate portfolios. In addition,
our analysis per IRP Guideline 8 (trigger point analysis) illustrates the point that, under
most circumstances, portfolios with higher penetration levels of renewable resources
(beyond RPS requirements) remain more expensive compared to new base load gas
generation from a combined cycle combustion turbine (CCCT).

When considering overall cost, risk, and reliability performance, the top three performing
candidate portfolios are: Baseload Gas/RPS only, Diversified Baseload Gas/Wind, and
Natural Gas. The top three portfolios perform similarly and each could be considered a
viable candidate for a preferred portfolio. Each of these three candidate portfolios follow
the above described model of combining EE, base load natural gas plants, new
renewables to meet RPS requirements, and natural gas peaking units to provide capacity.
These top portfolios differ in the timing of base load gas resource additions, as well as the
amount of natural gas peaking units and new renewables. Of these, we recommend
Baseload Gas/RPS only as the preferred portfolio, as it performs best with regard to
expected cost, and achieves similarly favorable risk and reliability performance when
compared to the other two candidates. At the same time, we reiterate that we are not
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recommending any new major supply-side resource additions as part of our proposed IRP
Action Plan. Therefore, the top performing portfolios from this IRP (along with other
candidate resource combinations) will be re-examined for Action Plan selection in the
next IRP. Further detail regarding the composition of candidate portfolios can be found
in Chapter 9 - Modeling Methodology and Appendix B. More information regarding
candidate portfolio cost, risk, and reliability performance is available in
Chapter 10 - Modeling Results.

PGE’s Proposed Action Plan

Because no major resources are needed in the current Action Plan time horizon, the
conclusions above have no effect on resource selection at this time and will be revisited
with updated load and price forecasts, policy assumptions and model results in the next
IRP. Our proposed IRP Action Plan thus consists of demand side activities that are
currently underway: increased Energy Efficiency (EE), additional Demand Response
(DR), and new Dispatchable Standby Generation (DSG).

In addition, we propose several enabling study and research actions to help inform the
next IRP. These recommended study and research actions were developed in
collaboration with PGE stakeholders at our recent public meetings. Following is PGE’s
proposed Action Plan, which is categorized by supply-side actions, demand-side actions,
enabling studies, and transmission:

1. Supply-side Actions: Retain legacy hydro resources, if available and
economic:

a. Major Resources: PGE requests no new major resource additions in
this IRP.

b. Hydro Contract Renewals: PGE has expiring legacy hydro contracts.
We propose renewal, or partial renewal of these contracts, if they can
be renewed cost-effectively for our customers. As we discuss in
Chapter 2 - PGE Resources, this is a proposal for an alternative
acquisition method under Guideline 2a of the Commission’s
Competitive Bidding Guidelines (Order No. 06-446).

c. DSG: an additional 23 MW by 2017 (for a total of 116 MW).

2. Demand-side Actions: Continue demand-side procurement:
a. EE: ETO cost effective deployment of Energy Efficiency: 124 MWa
(158 MW) by 2017.
b. DR: an additional 25 MW (total DR of 45 MW) by 2017.

3. Enabling Studies: Perform research to inform the next IRP regarding:
a. Best practices review of load forecast methodology;
b. Assessment of emerging EE in conjunction with the ETO;
c. Assessment of the potential for distributed generation in PGE’s service
area (focus on solar photovoltaic);
d. Continuation of the Boardman biomass technical & economic viability
project;
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4.

e. Assessment and development of operational flexibility: continue to
assess potential regional Energy Imbalance Market and other
operational and market solutions to enhance dynamic dispatch
capabilities;

f. Evaluation of new analytical tools for optimizing the flexible resource
mix to integrate load and variable resources; and,

g. Assessment of longer-term gas supply options to hedge price volatility.

Transmission: Various regional and national changes that affected the
transmission market in the Northwest (both demand and supply availability)
led us to make significant modifications to our proposed Cascade Crossing
Transmission Project over time, and ultimately resulted in our decision to
terminate the project. We have determined that, under current conditions, the
best alternative for meeting the transmission requirements for remote
resources and market access over the current planning horizon is to retain
and/or acquire service under BPA’s OATT.

We provide more discussion about our proposed Action Plan in Chapter 12 - PGE
Proposed Action Plan.

2013 IRP Content

PGE’s IRP covers the following topics:

1.

Chapter 1 reviews the public process that supported the IRP. It also focuses
on compliance with OPUC IRP Guidelines for resource planning and other
relevant Orders. In addition, this chapter provides detail regarding the low-
carbon portfolio study discussed above.

Chapter 2 describes our existing resources and contracts, resource additions
and expirations since our last IRP, and resources currently being implemented
as a result of our recent energy and capacity RFPs. This chapter also
addresses expiration dates for existing resources, where applicable.

Chapter 3 provides PGE’s forecast load growth (both energy and
winter/summer capacity), and presents PGE’s resulting outlook for resource
needs when netting resources against customer energy and peak demand
requirements.

Chapter 4 is devoted to demand-side alternatives to meet the resource needs
demonstrated in Chapter 3. This includes both Energy Efficiency and
Demand Response. An update to the PGE’s evaluation of the potential for
Conservation Voltage Reduction is included.

Chapter 5 details our study of PGE’s flexible resource supply of and demand
requirements.
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6. Chapter 6 focuses primarily on the forecast cost for gas and coal fuel supply,
including transportation costs.

7. Chapter 7 is devoted to environmental compliance and risks. It outlines
PGE’s Climate Principles, reviews our adherence to OPUC IRP Guideline 8
requirements, and assesses the uncertainty associated with greenhouse gas
emissions compliance costs.

8. Chapter 8 provides an assessment of supply-side energy, capacity, and storage
resource alternatives, with their associated performance characteristics, and
estimated capital and operating costs. This includes both renewable and
fossil-fuel options.

9. Chapter 9 combines the elements of the prior chapters and discusses our
“portfolios” and “futures” modeling and evaluation framework. The chapter
also discusses how we have addressed the various risks and uncertainties
identified in the OPUC IRP Guidelines.

10. Chapter 10 provides portfolio results and the insights we gained from the
portfolio modeling.

11. Chapter 11 provides an overview of PGE’s transmission portfolio, future
requirements, and strategy.

12. Chapter 12 describes PGE’s proposed Action Plan in further detail.
Major Elements of PGE’s Next IRP

We believe that this IRP provides a robust assessment of PGE’s projected future resource
needs, as well as the expected cost and risks of alternatives for meeting those needs.
While the current IRP Action Plan does not include any major new resource additions,
growing RPS requirements, plant retirements, and contract expirations are anticipated to
result in significant future supply deficits that will need to be examined in subsequent
resource plans. As a result, we expect PGE’s next IRP to address increased 2020 RPS
requirements, options for replacing output from the Boardman coal plant, and other
potential energy and capacity needs. We anticipate launching the process for the next
IRP in late 2014 or early 2015 with an expected OPUC filing in 2016.
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1. IRP Process

Our planning is guided by orders issued by the Public Utility Commission of Oregon
(OPUC). The primary goal of the Integrated Resource Plan is to identify a resource
action plan that provides the best combination of expected cost and associated risks and
uncertainties for the utility and our customers. We do this by evaluating the performance
of a variety of candidate portfolios of new and existing supply- and demand-side
resources under varying potential future conditions. Cost and risk analysis is conducted
over a planning horizon of at least 20 years. Throughout the IRP process we share with
customers, regulators and other stakeholders the results of our research, analysis and
findings with respect to anticipated resource requirements and alternatives for serving our
customers’ future electricity needs. The next sections briefly discuss the regulatory
requirements and public dialogue that have helped shape this IRP.

Chapter Highlights

» The primary goal of the IRP, as defined in OPUC Order No. 07-002
governing utility planning, is the selection of a portfolio of resources
with the best combination of expected costs and associated risks and
uncertainties for the utility and its customers.

» PGE actively seeks input from customers, OPUC staff and other
stakeholders throughout the IRP process.

» PGE hosted four public meetings to discuss with stakeholders our
future energy needs, modeling assumptions and methodology, and
analytical results.

» PGE hosted three additional public workshops each with a technical
focus to address portfolio composition, wind integration costs, and
flexible capacity needs.

» PGE also participates in a number of regional forums and work groups

that inform and influence our planning.

11
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Regulatory Requirements

Order No. 07-002: IRP Guidelines

In January 2007, the OPUC issued Order No. 07-002 adopting updated IRP Guidelines.
The Commission stated that the primary goal of the IRP remains the selection of a
portfolio of resources with the best combination of expected costs and associated risks
and uncertainties for the utility and its customers. This IRP meets the requirements of
Order No. 07-002, while at the same time addressing the changing power supply and
policy environment that we face. Specifically, our IRP incorporates:

e Energy efficiency provided by the Energy Trust of Oregon (ETO).

e All system load in our energy and peak demand forecasts, except for
customers expected to opt-out of PGE service on a long-term basis (five-year
opt-outs).

e An evaluation of all supply-side resource options, including distributed
generation and resources not yet commercially available, but which are
expected to be available in the near future.

e Risk analysis, both on a stochastic (i.e., analysis incorporating random
fluctuations in inputs that mimic historical actuals) and on a scenario basis.

We provide a detailed description of how we comply with the provisions of Order
No. 07-002 in Appendix A. We further include several other modeling sensitivities
beyond those required in Order No. 07-002 (see Chapter 10 - Modeling Results).

The following metrics are used to describe portfolio cost and risk:

e Net present value of revenue requirement (NPVRR) and associated risk for
each candidate resource portfolio, including both variability of costs and the
severity of adverse outcomes. The compositions of our candidate portfolios
are provided in Appendix B, while the detailed results of our portfolio
analysis are presented in Appendix C.

e Reliability measures, including loss of load probability, expected unserved
energy, and TailVVar90 of expected unserved energy.

e Stochastic as well as long-term scenarios.

e A wide range of possible future CO, compliance costs.

Order No. 10-457: PGE’s 2009 IRP

We filed our last IRP in November 2009 and an associated Addendum in April 2010.
The Commission issued Order No. 10-457 on November 23, 2010, acknowledging PGE’s
2009 IRP. PGE filed annual updates in November 2011 and 2012. On October 3, 2013,
the Commission issued Order No. 13-359 authorizing PGE to extend the due date for its
next IRP to March 30, 2014.
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In Order No. 10-457, the Commission required PGE to include a number of items in
subsequent IRP Updates and in this IRP. A list of these items and where they have been
addressed follows:

e An updated benefit-cost analysis of Cascade Crossing Transmission Project
(CCTP): the economic analysis was updated in our 2011 IRP Update. We
provide an update herein for CCTP in Chapter 11 - Transmission.

e A Demand Response analysis: an extensive demand response update was
provided in our 2011 IRP Update. In 2012 we provided a further update on
the status of demand response procurement. Chapter 4 - Demand-side
Options contains our latest analysis and projections for demand response.

e A Conservation Voltage Reduction (CVR) analysis: while PGE was not
required to address CVR in our IRP Updates, we did provide our plan for
CVR evaluation in the 2011 IRP Update. The information was refreshed in
2012, and we address it again here in Chapter 4 - Demand-side Options.

e A wind integration study: PGE provided a wind integration study in the 2011
IRP Update. We have updated the study for our 2013 IRP; we discuss the
updated study in Chapter 8 - Supply-side Options and include it as
Appendix D.

e Evaluation of Renewable Energy Credits (REC) strategy: the OPUC required
PGE to evaluate methods of meeting Oregon’s Renewable Portfolio Standards
(RPS) requirements, including the use of unbundled versus bundled RECs.
PGE’s 2011 IRP Update contained a detailed analysis examining different
approaches to meeting the state requirements. Our current approach to
meeting the RPS standards is included in Chapter 7 - Environmental
Considerations.

Order No. 12-013 — Guideline 14: Flexible Capacity

In Order No. 12-013 the Commission adopted a guideline addressing the need for flexible
capacity. That order came in Docket No. UM 1461, titled “Investigation into Rate
Structure for Electric Vehicle Charging.” OPUC Staff recognized that electric vehicles
(EV) could potentially be used as flexible peaking resources going forward. As such the
guideline calls for utilities to forecast both the need and supply of flexible capacity, and
treat EVs as any other flexible capacity resource for analytical purposes.

We discuss the flexible capacity need and supply in Chapter 5 - Flexible Capacity Needs.
EVs are discussed in further detail in Chapter 3 - Resource Requirements.

1.2 Public Process

We started the public phase of this IRP in spring 2013, as the competitive bidding
(request for proposals or RFP) process for new energy and capacity supply, identified in
the 2009 IRP, was drawing to a close. This IRP was launched at the close of the RFP

13



PGE 2013 IRP Report I. IRP Process

14

process as it was necessary to incorporate the new resource additions to better inform this
resource plan.

Between April and October 2013, PGE conducted four public meetings, three technical
workshops, and provided responses to over forty submitted questions from public
meeting and workshop participants. All meetings and workshops were well attended by
stakeholders and the IRP has benefitted from their feedback.

Pursuant to OPUC IRP Guidelines, PGE circulated a Draft IRP on November 22, 2013,
for stakeholder review. On January 22nd, PGE received joint comments from the
Renewable Northwest Project (RNP), Citizen’s Utility Board (CUB), Northwest Energy
Coalition (NWEC), and Natural Resources Defense Council (NRDC), and separate
comments from OPUC Staff. We do not believe that the comments received to date note
any significant criticisms or deficiencies or suggest that PGE should provide major new
analysis for the final IRP prior to filing with the OPUC.

Participants in our public meetings included representatives from the following
organizations:

Bonneville Environmental Foundation

Citizens’ Utility Board (CUB)

City of Portland

Energy Trust of Oregon (ETO)

General Electric Company (GE)

Industrial Customers of Northwest Utilities (ICNU)
Natural Resources Defense Council (NRDC)

NW Energy Coalition (NWEC)

NW Natural

Northwest Power and Conservation Council (NWPCC)
Oregon Department of Energy (ODOE)

Oregon Environmental Council (OEC)

Oregon Public Utility Commission (OPUC)

Pacific Environmental Advocacy Center
Renewable Northwest Project (RNP)

Sierra Club

Williams Northwest Pipeline

The public meetings and technical workshops included discussion on some of the
following fundamental building blocks:

Load-resource balance (future energy and capacity requirements)
Fuel market fundamentals and forecasts (natural gas and coal)
Transmission and natural gas transportation considerations
Flexible capacity needs

Energy and capacity resource options

Demand-side resources

Supply-side generation resources
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e Boardman emissions controls

e Federal and state policy developments, including potential climate change
legislation and proposed EPA rules for greenhouse gasses

e Modeling approach and IRP risk metrics

See Appendix E for a detailed description of topics covered throughout our public
process.

To facilitate ease of communication with interested parties PGE published all IRP
presentation materials from the public meetings on our website. These materials may be
accessed at www.portlandgeneral.com/irp. In addition, PGE will post the 2013 IRP
Report and accompanying technical appendices on its website, once filed with the OPUC.

1.3 Low-Carbon Portfolio Process

In 2010, as part of the 2009 IRP process and deliberations respecting the Boardman 2020
Plan, PGE made a commitment to a group of stakeholders to work cooperatively to
develop and evaluate low-carbon portfolio alternatives for this IRP. To meet that
commitment, PGE conducted a multi-meeting process with the stakeholder group and an
energy and environment-focused consulting firm.

Stakeholders in this process included CUB, RNP, NWEC, OEC, and Angus Duncan
(collectively, the Group). In selecting a consultant to assist in developing low carbon
portfolios, the Group and PGE jointly developed a Scope of Work document and
conducted a competitive bidding process in which both the Group and PGE identified
potential qualified consulting firms that were invited to bid. Appendix F provides a copy
of the competitive bidding Statement of Purpose for the joint work on low carbon
portfolio options. We received four responses to the solicitation. All bids received were
reviewed both by the Group and by PGE. The bid selection criteria focused on the
background and ability of the consultant to provide the identified deliverables. The
Group recommended the firm Energy and Environmental Economics, Inc. (E3), a
California-based firm with Pacific Northwest region-specific experience and a good
match of backgrounds and similar work products for other utilities. PGE supported this
choice.

An initial meeting of E3, the Group and PGE was held in Portland. Subsequent meetings
were held by phone conference. All parties had equal access to E3. E3 initially sent
several detailed requests to PGE regarding our portfolio, resource types and CO,
intensity, and plant planned retirement dates, in order to calculate the ongoing baseline
CO; footprint for PGE.

! In several areas, information and assumptions presented in the workshops, which began in April 2013, were
subsequently revised. The material contained in this document takes precedence over all previously published

material.
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While the Commission requires IRPs to focus on planning for the next 20 years, with
Action Plan items for the next two to four years, the purpose of this exercise was to look
specifically at longer-term carbon reduction goals (to 2050) and to examine potential
portfolio actions that would put PGE’s portfolio on a CO, reduction glide-path toward
those goals. Since our IRP modeling extends to 2033 (20-year planning horizon), we
established a 2033 interim modeling target. This interim modeling target was established
by linearly interpolating between a 2020 target of 2005 actual PGE CO, emissions less
15% and a 2050 target at 2005 emissions less 80%.

E3 developed a supply curve of potential actions to reduce portfolio carbon emissions. In
addition to actions already being undertaken by PGE (e.g., aggressive acquisition of EE,
RPS implementation with new renewable resources, and cessation of coal operations at
Boardman), the options they identified fell into three categories:

e Identification of emerging EE opportunities for inclusion in resource planning.
Because it is difficult to identify future potential EE technologies, the ETO EE
forecast declines materially after 2017. While it is plausible that additional
EE will be available post-2017 beyond the levels that we have included in our
planning, it is difficult to project both quantity and cost, since the future
technologies/measures are not yet identified. PGE, and the ETO, have
discussed jointly pursuing a study for the next IRP to explore the emerging EE
sector, subject to Commission approval, as part of the Action Plan for this
IRP.

e Use of renewable resources beyond RPS requirements. In this region,
planning for renewables has focused on wind, primarily because it has been
the predominant economically competitive renewable resource. However, the
economics of PV solar are improving. Therefore, PGE proposed an Action
Plan item to examine the further potential for distributed generation/solar.

e Elimination of Colstrip as part of the PGE portfolio by 2030. However, we
note that, PGE as a 20% owner has limited discretion and influence regarding
the continued operation of this mine-mouth coal plant.

As a result of the E3 work, we have included additional low-carbon candidate portfolios
that incorporate higher levels of EE (beyond ETO targets) and add renewable resources
(modeled as wind) in excess of the 2025 RPS requirement.

E3 presented their findings in the first PGE public meeting for this IRP. Appendix F
provides a copy of E3’s final report, which also served as the basis for their presentation
at the public meeting (the report is in a PowerPoint format). Appendix F also provides a
set of joint “Priority Recommendations” from the Group and serves, in part, as
inspiration for some of the low-carbon candidate portfolios evaluated in this IRP, as well
as some of the proposed Action Plan study and research items to help inform subsequent
resource plans.



PGE 2013 IRP Report I. IRP Process

1.4 Other Studies to Inform IRP

In addition to the low-carbon portfolio alternatives process, PGE undertook or refreshed
the following studies:

e In accordance with Order No. 12-013, we developed a study of PGE’s
dynamic capacity needs through the next two RPS compliance periods (2015
and 2020). This study was vetted in a technical workshop and is included as
Chapter 5 - Flexible Capacity Needs in this document.

e We engaged Black and Veatch (B&V) to help assess current commercial
generating and storage technologies, including their associated performance
characteristics, engineering lives, brownfield construction costs, and operating
costs. The estimates serve as the basis for our generic resource assessment in
Chapter 8 - Supply-side Options. The B&V reports are included as
Appendix G.

e We updated the 2011 wind integration study to include new resource additions
from the recent RFP processes. The revised study targets a 2018 baseline
year, among several other updates and modeling enhancements. The results
are incorporated in the resource cost for prospective wind resources. This
study again employed a Technical Review Committee, was vetted in a
technical workshop, and is discussed in Chapter 8 - Supply-side Options and
presented in Appendix D in this document.

e We contracted with market research firm, Definitive Insights to update a
customer resource preferences study (previously conducted in 2008). The
results were shared in a public meeting to provide context regarding the
perspectives of residential, commercial, and industrial customers with respect
to energy supply resource options. The updated study indicates that customer
attitudes have not changed significantly since 2008. Generally customers rank
EE and renewables as preferred choices, but not to the exclusion of
maintaining a diversified, low-cost energy supply. The study results are
presented in Appendix H.

e We engaged a consultant with statistical expertise to provide stochastic PGE
load and wind data sets for use in our reliability studies. Portfolio reliability
results are presented in Chapter 10 - Modeling Results.

e In accordance with Order No. 10-457, PGE “consider[ed] conservation
voltage reduction (CVR) for inclusion in its best cost/risk portfolio and
identify in its action plan steps it will take to achieve any targeted savings”
(see OPUC Order No. 10-457 at 22). Our CVR research and pilot initiative is
discussed fully in Chapter 4 - Demand-side Options.

1.5 Participation in Regional Planning

PGE also participates in a number of regional forums that inform our planning process.
We believe that it is important for the Company to be aware of and help guide and shape
regional initiatives and industry groups that address resource planning and utility
operations. By doing so, we are better able to identify and influence emerging issues and
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policy developments that could either favorably or adversely impact future portfolio
choices. These include:

e Northwest Power and Conservation Council

o Generating Resources Advisory Committee (GRAC)

o Resource Adequacy Advisory Committee (RAAC)

o SAAC (System Analysis Advisory Committee)

o Conservation Resources Advisory Committee (CRAC)
Transmission Expansion Planning Policy Subcommittee (TEPPC)
Transmission Issues Policy Steering Committee
BPA Collaborative
WSPP (formerly the Western Systems Power Pool)

Northern Tier Transmission Group (NTTG)

Transmission Coordination Work Group (TCWG)

Oregon Global Warming Commission

Northwest Wind Integration Action Plan

Western Electricity Coordinating Council (WECC) Variable Generation
Subcommittee

American Wind Energy Association (AWEA) Utility Work Group

Utility Variable-Generation Integration Group (UVIG)

Oregon Wave Energy Trust (OWET)

Energy Trust Renewable Advisory Council

Energy Trust Conservation Advisory Council

Northwest Energy Efficiency Alliance Regional Portfolio Advisory Council
Pacific Northwest Utilities Conference Committee (PNUCC),

Western Energy Institute (WEI)

Northwest Pipeline Shipper Advisory Board

Small Modular Reactor Interest Group (hosted by Energy Northwest)

Solar Electric Power Association (SEPA)

Western Export Group (WEG)

18
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2. PGE Resources

2. PGE Resources

PGE’s existing resources represent a diverse combination of hydroelectric, wind, solar,
natural gas- and coal-fired generation, and long-term contracts for energy and capacity.

We also buy and sell power in the wholesale market to balance our portfolio and reduce
costs. PGE’s power supply portfolio in 2014? includes annual average energy availability

(by fuel type) of approximately:

11% non-hydro renewables (predominantly wind)
22% PGE-owned and mid-Columbia hydro generation
29% natural gas-fired generation

32% coal-fired generation, and,

6% long-term contracts.

>

Chapter Highlights

PGE’s current owned generating resources include five thermal plants
(natural gas- and coal-fired), seven hydroelectric plants, and the Biglow
Canyon wind facility with total combined generating availability of
1,564 MWa. In addition, we have 436 MWa of long-term contracts.
PGE recently completed two RFPs for additional energy and capacity
resources. New resources under construction include the Port
Westward 2 flexible gas plant, the Carty base load gas plant, and the
Tucannon River wind farm. The Energy and Capacity RFP also
resulted in two seasonal peaking contracts.

These new power plants and seasonal contracts will provide
approximately 462 MWa of energy capability on an annual basis, along
with 784 MW of peaking capacity to PGE’s portfolio.

Through the end of 2017, some existing contracts expire, totaling
143 MWa of energy and 370 MW of capacity.

2 This breakdown is based on our owned and contracted resources alone; it does not incorporate market purchases or

energy efficiency.
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2.1 PGE Today

PGE serves approximately 835,000 customers in 52 cities. We are Oregon's largest
utility. Our service territory attracts major employers in diverse industries, such as high
technology and health care. Historically PGE has experienced annual load growth above
the national average. However, with the U.S. and Oregon in a continued post-recession
slow economic recovery, we have tempered our future growth projections. Further
discussion on load projections is found in Chapter 3 - Resource Requirements.

PGE’s 2014 power supply portfolio includes a diverse mix of owned hydro, wind, natural
gas, coal, and solar resources currently capable of providing 1,564 average mega-watts
(MWa) of energy on an annual basis and 2,419 megawatts (MW) of winter peaking
capacity. We also rely on long-term power contracts for 436 MWa of energy and
832 MW of capacity. Dispatchable stand-by generation (DSG) and demand response
resources (DR) provide 125 MW of customer enabled capacity. In total these resources
provide 2,000 MWa of energy and 3,376 MW of capacity in 2014.% In addition, ongoing
EE provides a material reduction to customer energy requirements.

2.2 Actions Taken Since the 2009 IRP

By 2016, PGE will complete the supply-side actions described in our 2009 IRP Action
Plan (as acknowledged in Order No. 10-457). Port Westward 2 is targeted to be online
the first quarter of 2015 and Carty is projected to be online mid-2016 to fill our flexible
capacity and base load energy requirements. The Tucannon River wind project has an
online target of the first-half of 2015, to maintain physical compliance with the 2015
Oregon Renewable Portfolio Standard (RPS). We have also entered into seasonal
capacity contracts to meet seasonal peak load requirements. These additions will add
462 MWa and 784 MW of energy and capacity respectively to our power supply.

The following provides additional information regarding the new power plants:

e Port Westward 2 is an approximately 220 MW natural gas-fired reciprocating
engine power plant that will provide both wind and load following capability
(as well as energy, peak capacity, and other ancillary services). The plant
configuration is modular with twelve, roughly 18 MW generators that can be
dispatched separately or in combination. Construction began in May 2013
adjacent to the existent Port Westward and Beaver plants in Columbia County.
It is expected to be online in the first quarter of 2015.

e Carty is a 440 MW (inclusive of duct-firing) base load combined cycle
combustion turbine (CCCT) facility to be built adjacent to the Boardman
plant. The plant will include a highly efficient Mitsubishi Heavy Industries
(MHI) G-class combustion turbine. It is expected to be online in mid-2016
and will provide around 360 MWa of energy capability, enough to serve about
300,000 residential customers.

® For energy: 1,564 + 436 = 2,000. For capacity: 2,419 + 832 + 125 = 3,376.
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e The Tucannon River project is a wind farm with 116 Siemens wind turbine
generators (2.3 MW each) with a total nameplate capacity of 267 MW. The
project is located near Dayton, Washington. The plant’s 36.8% expected
capacity factor results in a projected plant output of 98 MWa. The project
will be complete in the first-half of 2015.

e We have entered into two contracts which provide 100 MW of seasonal
capacity to meet on-peak load requirements. These contracts commence in
2014 and expire at the conclusion of the winter 2019 season. Additional
seasonal amounts originally contemplated are no longer necessary due
primarily to lower than forecast cost of service load and associated seasonal
peak demand (Chapter 3 - Resource Requirements discusses changes to our
load forecast since the 2009 IRP.)

Beyond these major new resources, PGE has also contracted to purchase the output of
various smaller operating solar and Qualifying Facility (QF) projects since the 2009 IRP,
as set forth in the existing resources sections below. These new contracts currently total
approximately 38 MW in nameplate capacity.’

On the customer side, PGE has continued to be active in developing new distributed
generation and DR resources. Since filing the 2009 IRP, PGE has acquired additional
DSG. As of year-end 2013, PGE had approximately 93 MW of DSG usable capacity
available, which is expected to grow to 116 MW by 2017.

PGE has sought additional DR capability through various programs, including Schedule
77 curtailment contracts, time-of-use pricing, and a residential direct load-control pilot.
In particular, we have contracted with a third-party aggregator to acquire commercial
customer automated demand response (ADR). The new ADR program was launched this
year and implemented load reduction events with the first two participating customers
that exceeded performance expectations. We target the addition of 45 MW of DR by
2017. We discuss DR programs in more detail in Chapter 4 - Demand-side Options.

Between 2014 and 2017, PGE will potentially lose approximately 143 MWa of energy
resources, as existing contracts expire. We will seek to renew some of these resources, if
economic and available. However, we cannot rely on uncertain renewals for planning
purposes. Over the same period, we will also potentially lose approximately 370 MW of
winter capacity due to contract expirations.

Figure 2-1 shows PGE’s 2014 energy resource mix on an annual average availability
basis. Figure 2-2 shows PGE’s 2017 energy resource mix on an annual average
availability basis after the new supply actions and resource expirations discussed above.

* These resources’ combined contribution to meeting system peak demand is much less than 38 MW, as most of
them are wind or solar.
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Figure 2-1: PGE 2014 average annual energy resource mix (availability)
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Figure 2-2: PGE 2017 average annual energy resource mix after resource additions and expirations
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2.3 Thermal Plants

PGE currently has an ownership interest in five thermal resources — three natural gas-
fired and two coal-fired plants — with combined January peak capability of 1,939 MW in
2014. Supply of fuel to thermal plants is discussed in Chapter 6 - Fuels.

Port Westward

Port Westward reached commercial operation in June 2007. The combined-cycle
combustion turbine (CCCT) plant, located in Clatskanie, Oregon, is among the most
efficient natural-gas-fired generators of its type in the Northwest. The plant supplies
approximately 414 MW of capacity in January (based on expected ambient temperature),
including almost 394 MW base load plus 20 MW of duct firing, with a heat rate of
approximately 6,800 Btu/kWh (Higher Heating Value, or HHV). Average annual energy
capability is approximately 349 MWa.

Beaver

Beaver is a CCCT facility located in Clatskanie, Oregon. The plant was placed into
service in 1976. Beaver has a peak January capacity of 509 MW. The six combustion
turbines (CTs) are dual fuel, operating on either natural gas or No. 2 diesel fuel oil via
on-site tank storage. These CTs can be operated in simple cycle or in combined cycle by
feeding heated gases from six vertical flow heat recovery steam generators to a single
steam turbine. A separate simple cycle unit (Beaver 8), added to the site in 2001, has a
January peaking capacity of 21 MW. As Beaver is usually used for peaking and firming
purposes, its annual average economically-dispatched energy is assumed to be negligible
for energy planning in this IRP.

While Beaver has a relatively high heat rate of 9,260 Btu/kWh in combined cycle, it has
been increasingly dispatched due to low gas prices and high market prices during the
summer, and to offset differences between forecast and actual wind energy production. It
is an increasingly valuable resource for supply reliability, particularly during peak load
conditions as we lose legacy hydro contracts. In addition, Beaver provides back-up
capacity for firming variable energy resources (VERs) such as wind and solar. Going
forward, Beaver will continue to be critical to the portfolio as we lose additional hydro
and increase penetration of VERs in our portfolio. Thus, we are committed to a
maintenance program that assures continued reliable and safe operations of this plant.

Coyote Springs |

Coyote Springs | (Coyote) is a gas-fired CCCT facility located in Boardman, Oregon. It
has been in service since 1995. Originally, Coyote had a January capacity of 245 MW
and forecasted average annual energy availability of 209 MWa, including 2 MW of duct-
firing capacity. In 2011, PGE upgraded the plant to improve its heat rate and capacity.
Coyote now provides January capacity of 260 MW and an average annual energy of
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232 MWa. This plant also provides an efficient combined cycle heat rate of
approximately 7,100 Btu/kwh.

Boardman

Boardman is a 575 MW pulverized coal plant located in Boardman, Oregon. It went into
service in 1980. Coal for Boardman is transported by rail from Powder River Basin coal
mines. PGE is the operator of the plant, and has an 80% ownership interest, equal to
460 MW share of the plant. Forecasted average annual energy availability for PGE’s
share of the plant is 383 MWa. In the November 2010, the OPUC acknowledged PGE’s
2009 IRP Action Plan, which called for the cessation of coal-fired operations at
Boardman by year-end 2020.

Updates to Boardman Co-ownership

Idaho Power Company and Power Resources Cooperative (PRC) each own 10% of the
Boardman plant. In 1985, PGE conveyed 15% of its share of the Boardman plant to
Bank of America Leasing (BAL) as part of a leveraged lease arrangement. The lease and
associated agreements relating to the transaction expired on December 31, 2013, at which
time BAL transferred the assets back to PGE pursuant to the terms of the 1985
agreements. Under the transfer, PGE assumed all of the rights and obligations associated
with the 15% ownership interest, resulting in our 80% ownership interest noted above.
We have incorporated the additional 15% Boardman output from the BAL ownership
transfer in our updated load-resource balance. The related transmission is discussed in
Chapter 11 - Transmission, Section 11.1.

PRC is interested in selling its share of the Boardman plant to PGE. PGE is interested in
acquiring the 10% share (approximately 57 MW), as long as the acquisition is beneficial
for our customers. PGE and PRC are currently negotiating a project sale agreement and
related agreements for the sale and purchase of the PRC interest. Under these
agreements:

e PGE would acquire all of PRC’s rights and obligations relating to the 10%
ownership share of the plant. These include generation, operations and
maintenance, and decommissioning liabilities.

e PRC would assign to PGE a long-term power purchase agreement under
which PRC currently sells its share of the plant output to the Turlock
Irrigation District (TID). The PPA expires December 31, 2018.

e The parties would financially settle an existing power purchase agreement
between PRC and PGE for delivery during the period 2019-2020 pursuant to
which PRC is obligated to sell and deliver to PGE’s system, and PGE is
obligated to purchase the output from PRC’s 10% share of the plant.

We expect to execute definitive agreements with PRC in March 2014 and to close
December 31, 2014, subject to certain conditions-precedent, including approval by the
Oregon Public Utility Commission. This transaction does not affect our projected load-
resource balance, given the existing power purchase agreements that PRC has with TID
(through 2018) and PGE (2019-2020) for its share of the Boardman plant output. For this
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reason, we do not believe this transaction is appropriate to include in the IRP Action
Plan. The PRC agreement is included for approval in PGE’s current general rate case for
the 2015 test year.

Colstrip

Colstrip Units 3 and 4 are coal-fired units located in Colstrip, Montana. The plants went
into service in 1984 and 1986, respectively. The Colstrip plant is operated and managed
by PPL Montana. PGE owns 20% of Units 3 and 4, representing 296 MW of capacity as
of July 2013. Colstrip is a mine-mouth facility, with coal transported by conveyor belt
directly from the on-site mine to the plant. Forecasted annual average energy availability
for PGE’s share of Colstrip Units 3 and 4 is 256 MWa.

Activities to Increase Fossil Fuel Generation Performance

PGE has performed a number of upgrades to our thermal generation plants throughout
their operating history. Table 2-1 below summarizes upgrades to our thermal resources
completed since 2009.

PGE works closely with our Original Equipment Manufacturers (OEM) to evaluate the
ongoing performance of our thermal generation plants. GE monitors the performance of
our Coyote Springs CT plant, while Mitsubishi monitors the operations of our Port
Westward CT plant. Through their evaluation of operational data, they can not only
detect deterioration of plant efficiency, they are able to make recommendations to
improve efficiency.

In 2011, GE retrofit our Coyote Springs combustion turbine to bring its performance and
output up to the 7FA fleet standards. As Coyote’s CT was one of the first manufactured
in the 7FA fleet, there were modifications adopted in later fleet units that would benefit
Coyote Springs’ efficiency and output. Beyond improved efficiency, the modifications to
our Coyote Springs plant also allow us to lower the unit’s minimum operating output
level (turn-down) during off-peak hours and increase load change ramp rates.

In addition, we are currently using a monitoring software application called GE-
SmartSignal to monitor our Boardman coal plant, and Beaver and Port Westward gas
plants operations. SmartSignal’s main function is to detect degradation in equipment
performance. This enables PGE to make necessary repairs or equipment replacements
prior to failure. We are also working with the SmartSignal platform to develop
operational output algorithms to improve plant performance.

Similarly, we are also evaluating alternatives to increase the operating flexibility of our
fossil-fuel plants. Adding Automatic Generation Control (AGC) to some of our thermal
plants would allow these plants to provide regulation and other ancillary services;
however, incremental operations and maintenance (O&M) costs may arise from operating
thermal plants more dynamically than in the past. While these modifications typically
will not increase generation output or energy conversion efficiency, they may improve
overall system performance and cost by helping to meet growing flexibility demands as
we add increasing levels of variable energy resources.
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Table 2-1: PGE plant efficiency upgrades since 2009

Plant Plant
Output |Heat Rate
Year Project Description (MW) |(Btu/KWh)
2010 |Beaver - Replace bypass stack dampers 2.50
2010 |Coyote Springs - Preheat ammonia injection line 0.35
2011 |Coyote - Upgrade CT 28.12] (258)
Total Output Improvement 30.97

2.4 Hydro

PGE owns and operates three hydroelectric projects consisting of seven plants:

e Pelton-Round Butte Hydro Project: Two-thirds shares in two plants located
on the Deschutes River near Madras, Oregon. PGE’s shares of Pelton and
Round Butte are 73 MW and 225 MW respectively.> These plants provide
combined expected energy production of 110 MWa. The Confederated Tribes
of the Warm Springs Reservation (Tribes) own the remaining one-third shares
of Pelton-Round Butte.

e Clackamas River Hydro Project: Four plants located on the Clackamas
River: Oak Grove (33 MW), North Fork (43 MW), Faraday (43 MW) and
River Mill (23 MW). These plants provide expected energy production of
77 MWa.

e Willamette Falls Hydro Project: Sullivan (16 MW), located on the
Willamette River at Willamette Falls. Expected Sullivan energy production is
14 MWa.

The Pelton-Round Butte project is the only PGE-owned hydro resource that provides
reservoir storage flexibility. The other projects are limited in their ability to store water
and shape energy, and are generally operated as run-of-the-river projects. At the usable
capacity numbers listed above, these hydro resources account for approximately 14% of
PGE's 2014 generation capacity. In addition to energy production, these resources
(particularly Pelton-Round Butte) provide peaking and load-following capabilities. A
portion of PGE's hydro capacity is also used to meet required spinning and supplemental
(operating) reserve requirements, which are necessary for responding to system
contingencies.

In March 2007, Pelton-Round Butte was certified by the Low Impact Hydropower
Institute (LIHI), making it the second-largest hydro project in the U.S. to receive the
designation. The LIHI distinction allows 50 MWa of the power generated at Pelton-
Round Butte to qualify under the Oregon RPS.

> The figures in this section refer to usable capacity (i.e., the maximum generation maintainable for four hours).
® The Tribes also own the Pelton Regulating Dam (Re-reg Dam) associated with Pelton-Round Butte, which has
usable capacity of 10 MW and expected energy of 10 MWa.
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Hydro Relicensing

PGE's hydro plants operate under long-term (30- to 50-year) licenses issued by the
Federal Energy Regulatory Commission (FERC). FERC issued a new 50-year license for
Pelton-Round Butte Hydro Project on June 21, 2005, and a new 30-year license for
Willamette Falls, which covers our Sullivan plant, on December 8, 2005. A new license
for the Clackamas River Hydro Projects (the Oak Grove, North Fork, Faraday, and River
Mill plants) was issued on December 21, 2010. The new license is for a 45-year term.
Relicensing is cost-effective, as the costs of relicensing are substantially lower than
procurement of other resource alternatives.

2.5 Non-hydro Renewable Resources
Biglow Canyon

Completed in three phases in 2007, 2009, and 2010, the Biglow Canyon Wind plant
located in the lower Columbia River Gorge near Wasco, Oregon has a total generating
capacity of 450 MW. Based on an expected capacity factor of approximately 31.8%,
annual average energy production is estimated at 143 MWa. The project is
interconnected to a 230 kV transmission line and substation that terminates at BPA's John
Day 500 kV substation. Under the agreement between PGE and BPA for the

interconnection of Biglow I-111, BPA absorbs intra-hour fluctuations in accordance with
applicable tariff terms and conditions, and PGE receives the hourly scheduled energy
from BPA.

Klondike 11

Effective December 1, 2005, PGE began taking delivery of the entire output of the
75 MW Kilondike Il Wind Farm located in Sherman County, Oregon under a power
purchase agreement (PPA) with PPM Energy, Inc. (now Iberdrola Renewables). The
expected output from this facility is 26 MWa on an annual basis. In accordance with the
terms of the PPA, Iberdrola provides energy firming and shaping services for the output
of Klondike Il. This contract runs through November of 2035.

Vansycle Ridge

PGE entered into a PPA in 1997 with ESI Vansycle Partners to purchase the output of the
25 MW Vansycle Ridge Wind Farm located north of Pendleton along the
Washington/Oregon border. Expected output is 8 MWa. The PPA expires in 2027.
Firming and shaping is provided by BPA.

ProLogis and ODOT Solar Projects

PGE developed three customer-sited photovoltaic (PV) solar projects in our service
territory between 2008 and 2010. The 88 kW AC Oregon Department of Transportation
(ODOT) demonstration project is owned by PGE. PGE is the managing member of
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LLCs that own projects on ten ProLogis rooftops, totaling approximately 3 MW AC, the
outputs of which are sold to PGE under Qualifying Facility contracts. PGE receives
Renewable Energy Credits (RECs) from the ODOT and ProLogis projects.

Bellevue and Yamhill Solar

In 2010, PGE signed contracts with enXco to purchase the power from the Bellevue and
Yamhill Solar Facilities. The former is a 1.4 MW AC ground-mounted fixed-tilt solar
PV plant near Amity, Oregon. The latter isa 1 MW AC ground-mounted fixed-tilt solar
PV plant in Yamhill County, Oregon. The contracts terms are 25 years and their output is
Oregon RPS-qualified.

Baldock Solar

In 2012, PGE completed a sale-leaseback transaction with Bank of America Leasing and
Capital (BALC) for the Baldock solar project. PGE leases the solar project from BALC,
receiving the energy output and a portion of the RECs. The Baldock project is an
approximately 1.5 MW AC ground-mounted fixed-tilt solar PV plant near Aurora,
Oregon.

Outback Solar

PGE signed a contract with Outback Solar, LLC in 2012 to purchase the output of a
5 MW AC ground-mounted tracking solar PV plant located in Lake County, Oregon.
The contract term is 25 years and the output is Oregon RPS-qualified.

Customer-owned Distributed Generation

PGE’s support to customers who self-supply a portion of their electrical needs
(predominantly through PV solar arrays) is discussed in Chapter 8 - Supply-side Options,
Section 8.4.

2.6 Other Contracts
Hydro System Contracts

PGE has contracts for specified project shares of the hydro facilities on the Mid-
Columbia identified below. We receive percentage shares of the output in exchange for
paying a proportional amount of the plants’ costs.’

e Wells: PGE has a contract with Douglas County PUD at the Wells
hydroelectric project on the middle section of the Columbia River (Mid-C) for
147 MW of capacity and 85 MWa of energy under normal water conditions.

" The term “capacity” as used in this section means usable peaking capacity and energy is measured under average
water conditions.
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This contract expires at the end of August 2018. For IRP purposes, we
currently assume no further energy or capacity from Wells post-2018.

e Grant County PUD Settlement Agreement: In 2001, PGE reached a new
agreement with Grant County PUD for the purchase of a share of the energy
output of the Priest Rapids and Wanapum hydro projects, also on the Mid-C.
PGE’s share of these projects (as of 2013) provides approximately 143 MW of
capacity and 87 MWa of energy under normal water conditions. This
agreement runs through spring of 2052.

e NextEra: In 2011, PGE entered into a four year purchase of dynamic capacity
capability from NextEra Energy Power Marketing LLC beginning
January 1, 2012. PGE receives 3% of both the Rocky Reach and Rock Island
plants for a total of 58 MW (30 MWa) under normal water conditions. This
contract expires in 2015.

Pelton-Round Butte Agreement

In 2000, PGE reached an agreement with the Tribes in which they became a one-third
owner of the Pelton-Round Butte project (Pelton-Round Butte or PRB). The Tribes’
share of the output is 149 MW of capacity and 55 MWa of annual energy at normal water
conditions. The Tribes also own 100% of the generation from the associated Re-
regulation Dam (Re-reg Dam), which has 10 MW of capacity and 10 MWa of annual
energy.® Under the Ownership and Operation Agreement (OOA), reached in 2002, each
year PGE purchases the full output of the Tribes’ share of PRB (currently 33.33%) and
all of the net output of Re-reg Dam. Under the OOA, the Tribes have the right to sell
their one-third share of the output of PRB and the net output of Re-reg Dam to a third
party, provided that the Tribes give notice to PGE by April 1 of the prior year. Once the
Tribes provide notice to exercise their right to sell, the Tribes no longer have an
obligation to sell their share to PGE and PGE no longer has an obligation to purchase.
Warm Springs Power and Water Enterprises (WSPWE), the entity that manages the
Tribes’ shares and interest in PRB and the Re-reg Dam, informed PGE of their intention
to explore their rights to sell their share of the output beginning in 2015 via an auction
process. PGE and WSPWE further agreed, while WSPWE evaluated the auction option,
to begin discussing the potential for a long-term agreement under which PGE could
continue to receive the output the Tribes currently sell to PGE under the OOA.

PGE and WSPWE recently agreed in principle to a contract structure under which PGE
will continue to receive the output from the Tribes’ share of the PRB project and all
output from the Re-reg Dam for a 10-year period beginning in 2015. During this time
period, the Tribes will forego their rights to sell their share of the PRB and Re-reg Dam
output to a third party. Given the likelihood of completing this transaction with the
Tribes, we have included the 10-year PRB/Re-reg Dam contract in our updated load-
resource balance.

® The Re-reg Dam’s capacity value is substantially less than its nameplate rating, given its function to smooth out
flows from the overall “Pelton-Round Butte + Re-reg Dam” complex.
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In 2022, the Tribes gain another one-sixth share of the plant, reducing PGE’s ownership
interest to slightly more than 50%.

Portland Hydro

PGE has a contract with the City of Portland to purchase the output of the Portland Hydro
Project, located on the Bull Run River. The contract runs through August 2017 and
provides 10 MWa of energy and 36 MW of capacity.

Canadian Entitlement Allocation

This agreement relates to the Columbia River hydro projects. Columbia River storage
reservoirs located in Canada are operated to increase the overall value of the Columbia
River hydro system. However, these benefits are shared with Canada. The original
agreement ended in 2003, but an extension agreement is effective until 2024. This
agreement currently costs approximately $3 million per year.

Wells Settlement Agreement

Under this agreement with Douglas County PUD, which runs through August, 2018, we
purchase approximately 18 MWa of non-firm energy in 2014, falling to 13 MWa by
2018.

Capacity Exchange Contracts

PGE has two long-term hydro-based exchange agreements that provide daily/weekly
storage and capacity. Under the agreements we receive energy and capacity during peak
hours and return the energy during off-peak hours:

e Spokane Energy (formerly Washington Water Power): 150 MW contract
extends through 2016.
e Eugene Water and Electric Board: 10 MW contract expires mid-2014.

TransAlta

We executed a 10-year, 100 MW (93 MWa) fixed price PPA with TransAlta as an action
item pursuant to our 2002 IRP Final Action Plan. The agreement extends through
September 2016.

Iberdrola

PGE has both winter (Dec-Feb) and summer (Jul-Sept) Seasonal Capacity Contracts with
Iberdrola Renewables. These contracts are for 100 MW each and go into effect in July of
2014 and run through February of 2019.
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PaTu Wind

PGE entered into the PaTu Wind Farm power purchase agreement in 2010 for a term of
20 years. The contract is for the purchase of wind power from PaTu Wind Farm, LLC,
located in Sherman County, Oregon. PaTu has a nameplate capacity of approximately
9 MW and is a Qualifying Facility (QF) under the Public Utility Regulatory Policy Act of
1978 (PURPA) agreement.

Coffin Butte

PGE signed a contract with Power Resources Cooperative (PRC) to purchase QF power
from PRC’s existing Coffin Butte landfill gas plant beginning October 2012 for a term of
15 years. The Coffin Butte plant has a nameplate capacity of approximately 5.7 MW.
The agreement is a PURPA contract.

Green Lane Energy

PGE signed a contract with Green Lane Energy, Inc. in 2012 to purchase QF power from
a plant located in Lane County, Oregon. The plant produces renewable energy by a
digestive and fermenting process that extracts biogas from regionally sourced grass straw
and food/beverage residues. The term of this PURPA contract is 20 years and the
nameplate capacity is 1.6 MW.

Covanta Marion

PGE purchases the output of the Covanta Marion municipal solid waste burning facility
located in Brooks, Oregon, under a PURPA contract. This contract began in 1984 and
will expire at the end of June 2014. This agreement provides 16 MW of capacity and
approximately 10 MWa of energy.
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Other QF Contracts

In addition to the four QFs discussed above, PGE receives output from approximately
20 other QF projects for approximately 12 MW of nameplate capacity and 6 MWa of
energy. Technologies include wind, solar, hydro, and biogas.

PGE has contracts for the output from an additional 28 MW and 9 MWa in new QF
projects between late 2014 and late 2016. These include Fremont Solar (8 MW, expected
online late 2014), Bear Creek Butte (10 MW, wind, expected online late 2015), and West
Butte (10 MW, wind, expected online late 2016). Fremont Solar will be located in
Christmas Valley in Lake County. Bear Creek Butte and West Butte will be located in
Crook County.

In addition to the Covanta Marion contract ending in 2014, a 5 MW QF contract (5 MWa
expected energy) will expire in late 2015.

Expiring Contracts

PGE has a number of contracts that expire, or are being modified. These reductions total
about 293 MWa of energy and 776 MW in capacity by year-end 2024. Expiring
resources are listed along with their annualized energy and capacity in Table 2-2.

Table 2-2: Expiring resources with annualized energy and capacity

Contract Expiration %&3\% C?&%S')ty
Covanta Marion (Ogden Martin) 2014 10 16
EWEB capacity 2014 NA 10
NextEra 2015 30 58
TransAlta 2016 93 100
WWP Capacity 2016 NA 150
Portland Hydro Project 2017 10 36
Douglas County (Wells) 2018 85 147
Bi-Seasonal Capacity 2019 NA 100
Warm Springs Tribes' Share of Pelton-Round Butte 2024 65 159
Total 293 776

During the action plan time period (2015-2017), PGE will seek to renew some of its
expiring legacy hydro contracts. Because these are renewals of existing contracts, PGE
does not believe that an RFP is required under the Commission’s Competitive Bidding
Guidelines. However, if the Commission disagrees with PGE’s conclusion, PGE
proposes an alternative acquisition method for these resources in this IRP pursuant to
Guideline 2b of the Commission’s Competitive Bidding Guidelines (Order No. 06-446).
Under Guideline 2b, a utility is not required to issue an RFP if an acknowledged IRP
provides for an alternative acquisition method for a Major Resource.
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As an alternative acquisition method, PGE proposes the renewal of legacy hydro
contracts that are cost-effective for customers, without issuing an RFP. This method is
warranted because of the unique nature of these resources. Hydro resources are carbon-
free and offer operating flexibility that other types of generation can’t supply as
effectively. In addition, these types of resources are not being built anymore, rendering
them scarce. Further, these projects are either largely or completely depreciated,
reducing the forward-going costs to both the owners and potential off-takers. For these
reasons, we do not believe an RFP would be fruitful and, in fact, we believe the time
required to conduct an RFP would in all likelihood jeopardize our ability to renew these
low cost, flexible, and carbon-free resources — a result that is not in the best interest of
PGE, our customers, or the environment.

Table 2-3 summarizes the contracts and resources remaining in our portfolio in 2017.

Table 2-3: Contracts and resources remaining in PGE’s portfolio in 2017

: Ener Januar
In-g«;rt\élce PotengtJi)zlall Capacit{/
(MWa) (MW)

Type Plants
Coal Boardman 1980 383 460
Coal Colstrip 1985 256 296
Gas Beaver 1976 N/A 509
Gas Beaver 8 2001 N/A 21
Gas Port Westward 2007 349 394
Gas Port Westward 2 2015 N/A 230
Gas Coyote Springs 1995 232 260
Gas Carty 2016 364 441
Wind Biglow Canyon | 2008 40 6
Wind Biglow Canyon I 2010 55 8
Wind Biglow Canyon llI 2011 49 8
Wind Tucannon River 2015 98 13
Hydro Oak Grove 1924 23 33
Hydro North Fork 1958 23 43
Hydro Faraday 1907 19 43
Hydro River Mill 1911 12 23
Hydro Sullivan 1895 14 16
Hydro Round Butte 1964 77 225
Hydro Pelton 1957 34 73

Total PGE-Owned 2,026 3,104

33



PGE 2013 IRP Report

2. PGE Resources

34

. Ener Januar
In—SD(;rt\élce Poten%i);l Capacit{/
(MWa) (MW)
Type Contracts

Hydro Wells 101 147
Hydro Grant PUD 87 143
Hydro Tribes’ Share of Pelton/R. Butte 65 159
Hydro Portland Hydro Project 7 36
Hydro Canadian Entitlement Extension -10 -20
Wind PPM Klondike Il 26 19
Wind Vansycle Ridge 8 1
QF Small QF Contracts 16 9
Renewable | Small Renewable Contracts 5 1
Capacity Dispatchable Standby Generation 0 116
Capacity Demand Response 0 45
Capacity Bi-Seasonal Capacity 0 100
Total Contracts 306 756
Total Resources 2,332 3,860
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3. Resource Requirements

PGE’s planned and existing resources are sufficient to meet our customers’ expected
future energy and capacity requirements over the action plan horizon.

Consistent with past IRPs, we evaluate peaking needs by calculating the difference
between our forecast annual one-hour maximum load, based on normal (1-in-2) weather
conditions, inclusive of approximately 6% operating and 6% contingency reserves, and
the energy production capability of our resources.

In addition to evaluating our future load-resource balance and resulting resource
requirements, this chapter also provides an assessment of regional resource adequacy and
its impact on PGE.

Chapter Highlights

» Our reference case load forecast shows long-term energy demand
growth rates of 1.3% annually in the long-term, with peak demand
growing 1.0% in winter, 1.3% in summer.

» We do not plan long-term resources for five-year opt-out customers.

» We propose to maintain a minimum peak reserve margin of 12%,
which includes a 6% contingency reserve margin and the required

approximately 6% operating reserve margin.
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3.1 Demand

In this chapter, PGE’s resource need analysis uses a December 2013 long-term system
load forecast.” For IRP purposes, we identify annual energy needs under our reference
case (i.e., most likely case) load growth, and high-load and low-load sensitivity forecasts
based on standard deviations from the reference case.

Five years after the “Great Recession” of 2008-2009, its effect continues to be manifest
in a slower than anticipated economic recovery and associated energy demand growth.
The pace at which the economy is returning to historically normal employment rates,
business growth and economic activity has been slower than expected and well below
prior economic recoveries. PGE’s low load growth is also driven in part by curtailments
or closures among paper and solar manufacturing customers.

Nevertheless, the long-term outlook for future economic, population and load growth in
Oregon and PGE’s service territory is positive. Oregon employment and population
growth is expected to outpace the national average; while PGE’s urban service territory
exceeds the Oregon state average. In the short-term (2014 to 2018), PGE’s load growth
reflects the expected improved pace of economic growth in Oregon, as forecast by the
Oregon State Office of Economic Analysis. It also reflects expansions currently
underway among certain high tech customers, as well as various changes expected from
other large customers.

PGE’s annual energy forecast is developed assuming normal weather conditions, based
on 15-year average weather conditions.”® Figure 3-1 displays annual load and peak
winter and summer demand under our reference case forecast from 2014 through 2033.
Energy load growth averages 1.3% per year over the 2014-2033 period. Due to the
2008-2009 global recession,*! along with ongoing robust energy efficiency savings, we
do not expect aggregate demand to return to pre-recession levels until 2016.

Similarly, our peak demand growth rate forecast for this IRP is lower than forecast in the
2009 IRP. However,, summer peak demand for 2014 through 2033 grows at a somewhat
faster rate than winter peak demand (1.3% vs. 1.0%), gradually moving us closer to
becoming a dual peaking utility, under normal weather conditions, by the first half of
next decade. Annual peak demand is represented using 1-in-2, or expected (normal)
weather conditions, meaning that there is a 1-in-2 or 50% probability that the actual peak
load will exceed the forecasted peak load during the stated time frame.

% PGE based its reference case load forecast on the Oregon Office of Economic Analysis September 2013 Economic
Forecast and Global Insight’s August 2013 U.S. Economic Forecast and actual energy deliveries through July 2013.
19 Average weather conditions between 1998 and 2012 are used for the current energy forecast.

1 It is important to recognize that load forecasts are influenced, especially in the near-term years, by the position of
the base year (2013 in the case of this IRP) with respect to the current economic cycle and industry conditions
among large customers. For example, we expect higher than average growth rates in years immediately following a
recession. We also expect higher than average growth rates in years in which large customers open plants.
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Figure 3-1: Reference case demand forecast by class: 2014 to 2034
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While PGE has historically been winter peaking, summer demand has been growing
faster than winter demand as a result of increasing cooling systems penetration and
decreasing residential electric space and water heat penetration. However, the summer
energy growth trend is now also being tempered by an approaching saturation of
residential air conditioning.

Despite the approaching dual seasonal peaking, PGE expects winter energy consumption
to continue to exceed summer energy deliveries because winter heating and lighting
needs are more sustained than summer periods of cooling, resulting in materially more
heating days than cooling days. Currently, the difference between average January load
and average August load is about 330 MWa. The corresponding difference in January
peak demand vs. August peak demand is around 50 MW under normal weather
conditions. However, deviations in temperature can cause the system peak to occur in the
summer. PGE experienced an annual system peak in the summer for the first time in
2002 and has since experienced four additional summer peak years.

Energy Demand Forecast Methodology

PGE’s load forecast is a 20-year forecast of customers and expected energy deliveries.
The core retail energy delivery (load) model and the forecast process are regression-based
equations which predict energy deliveries for 25 customer groups. These load forecast
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models estimate energy deliveries to their respective customer groups as a function of
historic weather, forecasted employment (which drives customer growth), and group-
specific economic drivers. PGE re-estimates the load regression equations at least once
per year to incorporate recent delivery and economic data into the forecast.

For this forecast we used data from 1985 through July 2013 for the residential equations
and data from 1990 through July 2013 for the commercial and industrial equations. A
limitation of the NAICS- (North America Industry Classification System) based Oregon
employment data dictated the latter choice since this data was not available prior to 1990.

PGE relies primarily on three sources of economic information for our forecast drivers:
1. U.S. economic forecasts are obtained from IHS Global Insight.

2. Oregon State economic and unemployment forecasts are obtained from the
Oregon Office of Economic Analysis (OEA). The Oregon OEA develops the
Oregon Economic and Revenue Forecast, which includes the state
unemployment forecast, on a quarterly basis.

3. California employment forecasts are provided by the California Employment
Development Department (EDD). California employment forecasts are
included in PGE’s customer forecast models to proxy the “push-and-pull”
economic forces driving Oregon’s net in-migration. As Oregon becomes
more attractive, primarily from an employment perspective, in-migration to
the state increases, with a large share of in-migration originating in California.

Each forecast update uses the most recent forecasts available from these three sources in
tandem with the coefficients from the load regression models to develop the retail energy
forecast. In addition, customers who are large energy users provide us with specific
operation information, direct inputs, and, if available, forecasted energy use. PGE uses
this customer information along with company and industry data from third-party sources
to augment the regression model forecast. A significant proportion of our load
fluctuations can be attributed to revised expectations for a few major customers.

Historically, there were brief periods (anywhere from one to five years) during which
demand for electricity in PGE-served areas declined due to boundary changes, business
cycles, or departures of large customers from the system. However, overall demand has
always rebounded and grown over time based on macroeconomic and fundamental
drivers. We expect this trend to continue in the future.

We expect that the following trends will continue and will, over time, alter the
composition and characteristics of various customer sectors:

e Residential Sector: Slower growth in the residential sector (in part due to
declining space and water heat penetration) will continue. This sector’s share
of load fell from 43% to 40% between 1985 and 2013. Higher air
conditioning penetration combined with declining heating penetration will
alter diurnal and seasonal load shapes. While residential energy growth has
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been higher in recent years due to increasing use of air conditioners, the load
forecast reflects the assumption of residential summer load growth returning
to the annual average by 2019 due to the saturation of air conditioning in the
residential sector. Residential energy deliveries are forecasted to grow at an
annual average rate of 0.7% over the 20-year horizon, before new incremental
energy efficiency. By 2020, residential share of deliveries will decline to 37%
due largely to faster relative growth rates in the commercial and industrial
sectors.

e Commercial Sector: Faster growth in the commercial sector, which is
dominated by cooling load, will continue in the forecast period. This sector’s
share of load grew from 34% to 39% between 1985 and 2013 and is projected
to remain close to 40% of all deliveries through 2020. Commercial sector
energy is forecasted to grow at an annual average rate of 1.7% before new
incremental energy efficiency.

e Industrial Sector: Industrial sector energy demand is characterized by load
volatility and uncertainty, which will increase as industrial customers react
more quickly to changing market conditions and business cycles. Our
20 largest industrial customers account for nearly three-quarters of industrial
load. Current forecasts show a continued trend toward greater concentration
of industrial loads to a few large industrial customers and their suppliers.
Their business decisions can cause overall load to deviate significantly from
forecast. Industrial energy deliveries are forecasted to grow at an annual
average rate of 2.6% over the 20-year horizon, prior to incremental energy
efficiency. Due to this relatively faster growth rate compared to other sectors
the forecast projects industrial share of deliveries to grow from 20% in 2013
up to 23% by 2020 and 25% by 2034.

e Street Lighting: The street light energy forecast assumes no growth in long-
term energy deliveries, which reflects an ongoing conversion to LED-based
lamps, which offsets any growth due to new street lamps.

In addition to the use of third-party forecast drivers, PGE also compares our long-term
load forecasts to those of similar peer-utilities and other independent sources. Long-run
demand growth forecasts ranged from 1.4% to 2.0% for peer utilities in the Pacific
Northwest, with the lower end of the range representing either utilities that serve
constrained urban cores or utilities that are largely rural. PGE’s service territory
comprises a metro area with additional area for growth and should fall within the middle
to higher-end of this range. Global Insight and the EIA forecasts of future U.S. electricity
demand range from 0.8% to 1.5%. Peer utilities tend to publish gross demand forecasts,
while the U.S. forecasts, specifically the EIA’s forecast, are net of energy efficiency.

Key Assumptions and Drivers
The following are the key assumptions and trends supporting our forecast:

e Weather: (temperature) is the largest factor affecting customer electricity
demand in the residential and commercial sectors. Industrial loads tend to be
less weather sensitive. PGE uses a rolling 15-year average weather
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assumption to produce the forecast and for the weather-normalization of
actual deliveries.™

e Economic Outlook: PGE loads are highly correlated to Portland-metro region
and Oregon state forecasts of net in-migration and economic activity. The
economy, demographic trends such as in-migration and life expectancy, and a
business environment that favors future growth, all indicate expected future
load growth in PGE’s service territory.

o Real GDP Growth: The current IHS Global Insight economic forecasts
project real GDP increasing at 3% through 2020 before reverting to a
longer-term average of 2.6%.'

o Oregon non-farm payroll (employment) growth is a fundamental
economic driver. The OEA forecast projects a 1.4% average annual
growth rate over the next ten years, with growth over 2% in the very
near-term, slowing to 1% to reflect slower statewide population
growth.

e Population Forecast: Oregon’s position as a magnet state and the general
trend of Western states growing faster than the U.S. national average is
expected to continue. The OEA currently forecasts population growth of
1.4% in PGE’s seven-county region and 1.2% state-wide.

e Industrial Customer Trends: Large industrial customer expansions and new
manufacturing facilities are based on the best known information and
expectations for the customers and their industries.

o A key driver of future industrial loads is growth in the high-technology
sector, particularly led by semiconductor manufacturing. This trend is
magnified by the phenomenon of “agglomeration economies”—the
tendency for industry sectors to attract similar firms and labor talent.

o The 2013 forecast reflects current construction on customer
expansions and planned future projects, particularly among high tech
customers.

o IHS Global Insight forecasts that Oregon will outpace the national
average with respect to manufacturing employment and industrial-
sector based growth in the coming decade.

Load Growth Scenarios

The Commission’s IRP Guideline 4b as set forth in Order No. 07-002 requires an
analysis of high- and low-load growth scenarios in addition to stochastic load risk
analysis, with an explanation of major assumptions. We address stochastic load risk
analysis in Chapter 9 - Modeling Methodology.

In addition to a reference case forecast, PGE projects high and low long-term growth
cases as summarized in Table 3-1. Monthly energy demand by sector is individually
forecasted to grow at the mean (average) rate, with the high and low growth cases
constructed using plus one standard error for the high case and minus one standard error

12 The 2013 IRP load forecast is based on the 15-year average weather observed from 1998 through 2012.
B3 IHS Global Insight Long-Term Forecast 30-Year June 2013.
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for the low case.”* They do not reflect specific changes to assumptions for customer
usage patterns or consumption rates or shifts in aggregate demand due to fundamental
pattern changes (e.g., sustained out-migration, rebound in space heat penetration or
renaissance of certain industries).

Rather, these high and low cases essentially serve as demand boundaries, or “jaws”, and
are sufficiently large to incorporate a mid-term departure from the reference forecast
caused by business cycle and/or macroeconomic fluctuations or other long-term trends or
technologies that may affect future load growth. However, brief excursions outside the
boundaries could still occur in the short-run due to large shocks to the economy.

Table 3-1: PGE demand forecast by case (2015)

Demand Energy Winter Capacity Summer Capacity
Forecast G th G th G th
Case row row row
AR Rate LAY Rate L Rate
Base 2,367 1.3% 3,523 1.0% 3,450 1.3%
High 2,386 1.9% 3,550 1.7% 3,475 1.9%
Low 2,347 0.5% 3,496 0.3% 3,425 0.7%
High (+2) 2,405 2.6% 3,577 2.4% 3,501 2.6%
Low (-2) 2,328 -0.3% 3,469 -0.6% 3,399 -0.1%

Peak Demand Forecast Methodology

PGE develops the peak demand forecast using a coincident peak load factor method.
Load factors for each customer class are estimated for each month and then applied to the
monthly energy forecast to forecast the monthly peak. Monthly load factors are defined
as the ratio of the month’s energy (MWa) to the highest one-hour demand (MW) during
the month (e.g., the monthly peak). All else equal, peak demand moves in the opposite
direction of temperature during the heating season (winter) and in the same direction as
temperature during the cooling season (summer). The more extreme the temperature
relative to normal during the peak day, the lower (or “worse”) the resulting load factor.

The December 2013 load forecast updated the load factors used to develop the peak load
forecast to incorporate more recent data. The most significant result of the update was an
upward revision of the January load factor, which reduced the January peak by
approximately 250 MW. The more recent data reflect the relatively lower electric space
heating penetration. In addition, more recent data reflect the growing share of load in

Y Two additional growth scenarios are developed using plus and minus two standard deviations.
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customer classes with very stable load factors across months. These trends tend to
improve winter month load factors. While winter season load factors are increasing for
the reasons described above, the summer cooling season has seen decreasing load factors
due to higher central air conditioning penetration. The August peak increased about
50 MW compared to earlier forecasts.

PGE’s Cost of Service Load

Under Oregon law, PGE must offer our cost-of-service (COS) rates to all customers.
COS rates are PGE's regulated, cost-based tariffs, as approved by the OPUC in PGE's
general rate case and annual update tariff filings. We must offer to all non-residential
customers the choice of leaving COS rates and electing either:

1. PGE’s daily or monthly index rates (i.e., variable price options or VPO), or

2. A regligtered Energy Services Supplier (ESS) as a supplier for one or five
years.

Customer load eligible for the five-year ESS option is limited to an aggregate cap of
300 MWa per Schedule 483, 485 and 489 of PGE’s electric tariff. Past experience
suggests that some of the one-year (and previously three-year) opt-out customers may
default back to PGE’s rates over time. Five-year opt-out customers must complete the
five-year opt-out election before becoming eligible to elect COS rates and must also
provide a two-year notice to PGE before returning. Based on this extended term and
reduced return flexibility, we assume that these customers have made a longer-term
decision to leave PGE’s COS rate plans and, consequently, we do not plan for their long-
term power supply needs. IRP Guideline 9 of Order No. 07-002 requires our energy
load-resource balance to exclude customer loads that are effectively committed to service
by an alternative electricity supplier (i.e., the five-year opt-out customers). Nonetheless,
according to Oregon law and related OPUC rules, PGE also remains the provider of last
resort for all customers in our system.

As of October 2013, PGE has approximately 273 MWa of load on non-COS tariffs
(roughly 12% of retail load).

Starting from a base of 30 MWa in the 2009 IRP, five-year opt-out load is currently
forecasted at 179 MWa for 2014 (of which about 11 MWa was in this year’s election).
Our updated estimate for 2016 is 181 MWa. The unpredictability of customer opt-out
elections increases the overall uncertainty with regard to customer demand projections
and resource planning.

Figure 3-2 shows a detailed break-out of non-COS customers by year and by duration of
election. The 1-year opt-out window occurs in November, so for 2014 we have assumed
the same one-year opt-out customer load as in 2013.

15 A three-year opt-out option is also available; however, no customers are currently electing that option.
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Figure 3-2: Non Cost-of-Service customer load by duration of election
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Due to the obligation to serve as provider of last resort for all electric consumers in our
service territory, we propose to meet any emergency capacity needs they may have in the
short-term market. We do not propose to acquire long-term capacity resources to meet
the potential demand from five-year opt-out customers. As a result, we make an
adjustment to our capacity load-resource balance to remove this demand, as we did with
the corresponding energy.

When PGE’s 2014 five-year cost of service opt-out election window closed on September
30, 2013, there was an incremental increase of five-year opt-out load of approximately
11 MWa. The associated demand is approximately 21 MW, due to a seasonal-peaking
customer. Figure 3-3 shows PGE’s historic energy usage levels for customers who opt
out of COS service.
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Figure 3-3: PGE Cost of Service opt-out election
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In summary, PGE is faced with two sources of load uncertainty with regard to five-year
opt-out eligible customers. The first uncertainty is that we do not know from year-to-
year if additional customer load will choose to opt-out. For the sake of maintaining a
conservative approach to resource adequacy, we assume no future customer opt-outs.

The second uncertainty is the need to be the provider of last resort to customers who have
opted-out in the event supply from their ESS is interrupted. We choose to address this
risk via market purchases whereby the affected customers would pay market prices.

3.2 Load-Resource Balance

PGE’s Energy Load-Resource Balance

Energy load-resource balance in this IRP refers to the difference between the expected
energy capability of PGE’s resources (generating plants, contracts, and EE) and the
expected annual average load under normal hydro and weather conditions.*® This load-
resource balance relies on the most recently available information as of February 2014,
reflecting our December 2013 load forecast and February 2014 expected resource
portfolio. Because the Beaver and Port Westward Il plants are intended primarily for

18 In our load-resource balance (LRB) analysis, both for energy and for capacity, our load is before all reductions
due to post-2013 EE. We then include EE as part of our resource portfolio.
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peaking and flexibility, their generation capabilities are not included. Using this
adequacy metric suggests that when we are in supply/demand balance on an annual
average basis, committed PGE resources will be “short” to load requirements for about
half the hours of the year and “long” for the remaining hours. A primary function of
PGE’s Power Operations group is to make purchases and sales to balance resources to
meet customer demand for all hours.

As noted in Chapter 2 - PGE Resources, our share of Boardman is now approximately
90 MW (70 MWa) larger. We also have reached an agreement in principle to extend our
current rights to the output of the Tribes’ share of Pelton and Round Butte and related Re-
reg Dam hydroelectric projects. This agreement provides 65 MWa of expected energy
and 159 MW of capacity for a ten-year term (2015-2024). We reflect these resources, as
well as the December load forecast in our load-resource balance and other related tables
and figures.

Figure 3-4 shows a projection of PGE’s portfolio after all resource additions from the
2012 RFPs have been implemented. The figure reveals a relatively flat position through
2020, with a projected surplus of 23 MWa in 2018 and small deficits thereafter. The
deficit then becomes more pronounced, because we will no longer operate Boardman as a
coal facility. Figure 3-4 is provided in tabular format in Appendix K.

For IRP planning purposes, we assume continued operation of all PGE’s owned plants
(with the exception of Boardman) throughout the planning horizon (2033).

Figure 3-4: PGE’s projected annual average energy load-resource balance
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PGE’s Capacity Load-Resource Balance

A given resource’s capacity value for our IRP metric is the amount of sustained
electricity the facility is capable of producing in a given hour on demand (i.e., when
called for). As discussed in Section 3.3 below, we evaluate peaking needs by comparing
the January one-hour maximum load inclusive of approximately 12% reserves (composed
of 6% required operating reserves and 6% planning or contingency reserves), calculated
on a 1-in-2 or normal weather basis, to the capability of our resources and contracts
(including customer dispatchable standby generation and demand response).

The capabilities of our resources are reported at their summer (August) and winter
(January) one-hour peak operating capacities, with the exception of hydro resources, for
which we use a sustained four-hour generating capability measure. We report both the
winter and the summer peak loads to show the offsetting effects of two factors. Summer
peak needs are lower, although they are growing faster than winter needs and are
gradually moving us to a dual-peaking utility. However, summer capacity capabilities for
thermal resources are also lower. These factors combine to make our projected winter
and summer capacity needs approximately the same. Figure 3-5 and Figure 3-6 show
PGE’s projected capacity needs for winter and summer, respectively, with a breakdown
by resource type. Figure 3-5 shows small winter surpluses in both 2017 and 2018, with
growing deficits thereafter. Figure 3-6 shows a small summer surplus in 2017, a small
deficit in 2018, and larger deficits thereafter.’” The growing post-2018 deficits in both
winter and summer are the result of load growth and contract expirations, both reaching
approximately 300 MW in 2020. These deficits are shown after all resource additions
from the 2012 RFPs are implemented. They also recognize the additional 15% share of
Boardman beginning in 2014, the agreement in principle to extend PGE’s rights to the
output of the Tribes’ share of Pelton and Round Butte and related Re-reg Dam
hydroelectric projects beginning in 2015, and the December 2013 load forecast. Figure
3-5 and Figure 3-6 are provided in tabular format in Appendix K.

" The large 2016 summer capacity surplus is due simply to timing; Carty will have just become operational, but the
TransAlta and Spokane Energy contracts will not expire until later in the year.
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Figure 3-5: PGE’s projected winter (January) capacity needs
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Figure 3-6: PGE’s projected summer (August) capacity needs
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3.3 Reserve Margins and Contingencies

The level of reserves we include in planning for capacity is important for maintaining
supply reliability. We plan for approximately 12% reserves, comprising 6% for
contingencies and an approximately 6% operating reserve margin. The operating reserve
margin is required by Western Electricity Coordinating Council (WECC) reliability
standards and is intended to maintain supply stability and power quality during
unexpected real-time disruptions within the operating hour (i.e., must be compensated for
within one hour). Examples of disruptions include plants unexpectedly going off-line
and unanticipated load increases. The contingency reserve covers two types of events:
1) extreme weather events and resulting load excursions (i.e., loads going above those
associated with average, or “l1-in-2,” weather); and 2) unplanned generator and
transmission outages (either full or partial) extending beyond the time to be covered by
operating reserves.

In Chapter 11 - Transmission, Section 11.2, we discuss the new WECC standard for
operating reserves approved by FERC on November 21, 2013 (FERC Order No. 789).
The new standard became effective January 28, 2014, and FERC will begin enforcing
compliance on October 1, 2014. The updated reliability standard changes the
methodology from a calculation of a percentage of generation to serve load to the sum of
3% of load plus 3% of net generation. This update has an immaterial effect on PGE’s
capacity load-resource balance, and, given the timing of the FERC decision, was not
incorporated into our IRP analysis. PGE intends to incorporate the new methodology in
our next IRP.

For 2015, our projected winter reserves target is approximately 370 MW, comprising
170 MW for operating requirements and 200 MW for contingencies. The summer
reserves target is approximately 5% lower. To assess the sufficiency of these targets for
weather-caused load excursions, Figure 3-7 shows the increases in our peak load
requirement as we move from our “1-in-2” (50% probability that loads will exceed this
amount) standard to more extreme possibilities — “1-in-3” (33% probability), “1-in-5”
(20% probability), and finally “1-in-10” (10% probability). The 10%, or once every ten
years, winter peak requirement is approximately 350 MW greater than our “1-in-2”
planning standard. Our reserves approximately align with this contingency. In
Chapter 9 - Modeling Methodology, we discuss our assessment of how much market
power would be readily available to meet contingencies. We conclude that 300 MW
would be available in the market to meet our winter peak through 2018 (200 MW
thereafter). We thus expect to meet contingency events with a mixture of committed
(PGE owned and contract) resources and market purchases.
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Figure 3-7: Impact of temperature on peak loads: incremental peak load from normal to 1-in-10
weather
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Boardman currently provides our single largest plant-related exposure. Our 80% share
has winter capacity of approximately 460 MW. Our 370 MW winter reserve standard
covers most of the Boardman contingency. However, were we to simultaneously
experience a “1-in-10” weather event and an unplanned plant outage, our reserves would
be insufficient to meet customer demand. PGE will likely revisit the adequacy of our
current standard in the next IRP.

3.4 Regional Reliability Outlook

While PGE planning metrics provide a high degree of reliability in our power supply, it is
also important to understand regional supply and demand fundamentals.*® The Northwest
Power and Conservation Council (NWPCC) performs this analysis for the region. In
Council document 2012-12, the NWPCC updated an earlier study on adequacy for the
region. The earlier assessment found that by 2015 the region could face adequacy
concerns. Specifically, the report found “relying only on existing resources and targeted
energy efficiency savings would result in a 5% likelihood of a shortfall...” The updated

'8 This section addresses regional power supply without consideration of potential transmission availability. Please
refer to Chapter 11 - Transmission, for a discussion of regional transmission availability.
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assessment raised the probability of facing a 6.6% shortfall by 2017. The report found
that this probability could be reduced to the 5% threshold by adding 350 MW of
dispatchable generation, or lowering annual load by 300 MWa. The Council’s
assessment did not include PGE’s Carty and Port Westward 2 plants, which add more
than 650 MW. Expected regional loads have also decreased since the 6.6% calculation.
However, other factors, including the availability of imports from California, have also
changed, and could offset the Northwest plant additions and load decrease. The Council
currently expects to complete a new study in May of this year.

3.5 Plug-in Electric Vehicles

Plug-in Electric Vehicles (EVs) have been attracting the interest of customers, regulators,
and other state and local officials. On both the local and national levels, PGE has been
playing a leadership role in a number of areas related to EV technology. In addition to
reducing tailpipe emissions and customers’ transportation fuel costs, the “smarts” that are
built into the cars and their charging systems offer the promise of integration with smart
grid technology. In the shorter term, benefits could include smarter charging, with timed,
controlled or renewable-integrated recharging of EV batteries. In the longer term,
assuming the mass adoption of electric vehicles, EV batteries could potentially become a
resource for vehicle-to-home or vehicle-to-grid power.

Federal, state and local policies have been adopted to encourage EV use, and tax credits
support the purchase of electric vehicles and the installation of EV charging equipment.

The OPUC is also interested in the potential impact of EVs. A new IRP Guideline and
new tariff offerings were added as a result of the investigation conducted in Docket
No. UM 1461. The guideline calls for analyzing the potential vehicle-to-grid use of EV
batteries on par with other flexible capacity resources. Chapter 5 - Flexible Capacity
Needs examines our supply of and demand for flexible capacity resources.

PGE is participating in the EV Project, a federally funded pilot project to facilitate the
development and deployment of EV charging stations, with monitoring technology,
throughout our service territory. In addition, Nissan partnered with PGE and the State of
Oregon to introduce zero-emission vehicles in the State in 2010. Since then, a number of
vehicle manufacturers have made their electric cars and trucks available to Oregonians.
In 2010 there were three, but today a dozen different vehicles are available here.

Currently PGE has Schedule 344 - Oregon Electric Vehicle Highway Pilot Rider. The
rider is an optional, supplemental service to Electric Vehicle Service Equipment
Providers (EVSE Provider) served under PGE rate Schedules 32 and 38. The rider
supports the Oregon portion of the West Coast Electric Highway Initiative. Under the
rider, PGE will assist any publicly funded EVSE Provider in finding suitable sites for and
installing up to 20 publicly available DC quick charging stations in conjunction with up
to 40 Level Il charging stations along the Interstate 5 and Interstate 205 corridors and
related arterials within PGE’s service territory.
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Under the terms of the rider, PGE will meter the EV charging stations and, once installed,
will provide the electricity to the EVSE Provider. EVSE Providers will own and operate
the charging stations. During the term of this pilot, the Company’s objectives are
threefold: 1) study the impact of EV charging on the grid infrastructure, 2) learn more
about location and siting costs of DC quick chargers and implications for the Company’s
business processes, and 3) gain information to support outreach and education to
customers about EVs and charging. This pilot will terminate on December 31, 2013.*°

At this point in time PGE does not believe mass deployment of EVs will occur in the
near-term, as shown in Figure 3-8 below. Even under a high-growth scenario EV usage
would be less than 30 MWa in 2025. Significant growth is eventually expected, just not
until later years.

Figure 3-8: PGE’s projected electric vehicle penetration

90
80
70

60

(1]
= —— oW scenario
b=

= Med scenario

30 - High scenario
20
10

2010 2015 2020 2025 2030 2035
Year

PGE will continue to closely monitor the development and deployment of EVs and EV
charging systems and maintain a leadership role in facilitating EV adoption and charging
station installation by customers.

9 PGE is in the process of requesting an extension of the pilot through 2015.
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4. Demand-side Options

PGE continues to pursue demand-side options, including energy efficiency (EE)
identified by the Energy Trust of Oregon (ETO), and emerging demand response (DR)
options. This chapter provides current information on the status of both EE and various
DR efforts.

Chapter Highlights

» The ETO is funded with the goal of acquiring all cost-effective EE over
time.
» PGE’s Firm DR programs are on track to become valuable demand-
side capacity resources:
o  Curtailment tariff — 20 MW by 2015
o Automated demand response pilot — 25 MW by 2016.
» Residential direct load control has the potential to become a significant
DR resource, if appliance and technology market transformation in the
Pacific Northwest is achieved in the future.

» PGE continues to develop Non-firm DR programs:
o Critical peak pricing pilots will position PGE for major

implementation when technologies support scalability
» PGE is testing Conservation Voltage Reduction at two substations.
Upon completion of technical tests, we will perform a cost-benefit

analysis and report the results in an IRP Update.
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4.1 Demand-side Energy Resources

Energy Efficiency

Oregon Senate Bill 1149, enacted in 1999, instituted a 3% public purpose charge (PPC)
to collect funds associated with activities mandated for the benefit of the general public.
These activities include energy conservation, market transformation, new renewable
energy resources and low-income weatherization. The bill consolidated funding for
energy efficiency (EE) at the state level by directing a portion of the funds collected from
utility customers to several agencies charged with responsibility for running EE
programs, primarily the Energy Trust of Oregon (ETO). Of the total PPC, approximately
78.4% is directed towards conservation/EE activities. Additionally, Oregon’s Renewable
Energy Act (SB 838), enacted in 2007, authorizes PGE to set aside additional funds to
invest in conservation when doing so is more cost-effective than supply alternatives for
customers. Through SB 838, PGE began collecting an additional 1.25% in public
purpose charges in June 2008 to help acquire additional cost-effective EE. Due to
existing cost-effective EE opportunities, the funding level has since increased with a
projected amount of approximately $50 million, or about 3.3% for applicable customers.

Since 2002, PGE has actively worked with the Energy Trust of Oregon (ETO) to
implement energy efficiency measures. Going forward, the joint ETO/PGE goal is to
provide sufficient funding to acquire all available cost-effective EE within our service
area. The cost-effective limit enables consideration of all measures that are, at most,
equal in cost to an avoided electric generation resource, with appropriate adjustments to
reflect additional value that EE brings, such as avoided capacity and emissions. The
following provides the amounts of EE the ETO expects to acquire and details how that
projection was developed.

ETO Targets

For this IRP, ETO has developed two different projections:

e Reference case deployment: This is the amount of EE that the ETO can
confidently project acquiring in the next 20 years based on currently available
and cost-effective measures. Total cumulative EE by 2032 is 361 MWa (at
the meter), with a deployment close to 30 MWa per year in the shorter term,
declining to 14 MWa per year in the longer term, as illustrated in Figure 4-1.
This is the cost-effective, achievable energy efficiency over the 20-year
planning horizon of PGE’s IRP. This is our reference case assumption.

e All deployable EE: This includes all EE that can be acquired in the next
20 years, regardless of any economic or cost-effectiveness screening. Total
accumulated EE by 2032 rises to 479 MWa. This target will be used in the
portfolio analysis to test the cost/risk trade off of pursuing more EE than
currently paid for by PGE’s customers. Pursuit of this higher EE acquisition
level would also require an increase in funding.
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Figure 4-1: PGE’s EE deployment 2013-2032
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Note that EE acquisitions (and associated costs) fall rapidly after 2016. The post-2016
reduction reflects continuation of existing programs with declining EE opportunities (due
to previous implementation of energy efficiency measures). However, it is expected that
new opportunities will become cost-effective (e.g., LED lighting) such that it is likely
that future EE acquisition will exceed what is currently projected.

PGE worked closely with ETO planners, providing our load growth assumptions based
on PGE’s load forecast as of March 2013 and any other information required, like cost of
capital and avoided cost inputs. The following summarizes the process used by the ETO
to develop a PGE-specific EE estimate:

1. Estimate of the known technical potential EE for PGE, PacifiCorp, NW
Natural and Cascade Natural Gas. This study was first performed by Stellar
Processes in 2002 and is updated every two years.

2. Identify the achievable potential for non-lost opportunity measures for PGE.
These are conservation measures that can be acquired at any time, as opposed
to those that can be procured under specific conditions or at a specific time
(such as insulation in buildings under construction).
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3. Screen the achievable potential for cost-effectiveness using the total resource
cost (TRC) test. This ranks measures by comparing the net present value of
the benefits of EE with the total costs. Benefits include:

a. Annual kWh savings * avoided cost; and,
b. Quantifiable non-energy benefits, such as water savings from low-flow
showerheads.

4. Develop the achievable resource supply curve and select those measures
whose cost is lower than PGE’s adjusted avoided cost. Figure 4-2 reveals that
most of the achievable potential is below avoided cost and therefore included
in the reference case EE deployment.

Figure 4-2: Achievable EE resource supply curve for PGE
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The resulting estimate of 361 MWa by 2032 is the reference case assumption in our
analysis.

In our IRP modeling, as a partial proxy for an E3-inspired lower carbon case, we
included a portfolio which procures all achievable EE to compare its cost and risk
performance to the reference EE deployment. Costs were computed by using the total
resource cost (TRC) estimate provided by ETO with a cost adder of 20% to take into
account administrative and delivery costs. Table 4-1 shows the detailed annual EE
procurement, the utility cost and the TRC for the two EE deployment cases modeled:
reference and all achievable EE.
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Table 4-1: Energy efficiency projections

Cost Effective EE All Achievable

E(r;(fetregry ity Rez(;tt?rlce E(r;(:tregry 5 Re-l;%tt?rlce
losses) o Cost losses) iz Cost

(MWa) | $ million $ million (MwWa) | $ million $ million
2013 33.7 $79.5 $82.8 33.7 $79.5 $118.6
2014 34.0 $79.7 $82.6 34.0 $79.7 $118.4
2015 31.6 $77.1 $79.1 31.6 $77.1 $129.9
2016 254 $62.7 $64.9 29.0 $71.5 $124.0
2017 21.8 $54.2 $56.2 26.6 $66.2 $118.3
2018 19.7 $49.5 $51.3 24.6 $61.9 $113.8
2019 17.5 $44.2 $46.2 23.9 $60.8 $115.4
2020 15.6 $40.0 $42.2 24.1 $61.8 $122.1
2021 14.9 $38.4 $40.4 22.9 $59.3 $119.4
2022 13.7 $35.8 $37.8 22.5 $58.9 $115.3
2023 135 $35.6 $37.2 22.1 $58.5 $111.2
2024 13.3 $35.4 $36.6 22.1 $59.1 $111.2
2025 13.3 $35.7 $36.6 22.1 $59.6 $111.2
2026 13.3 $36.1 $36.6 211 $57.6 $105.9
2027 13.3 $36.4 $36.6 211 $58.1 $105.8
2028 13.3 $36.8 $36.6 20.1 $55.7 $103.4
2029 13.3 $37.2 $36.6 20.1 $56.3 $103.4
2030 13.3 $37.5 $36.6 20.1 $56.8 $103.4
2031 13.0 $37.0 $36.0 18.4 $52.8 $99.4
2032 13.0 $37.4 $36.0 18.4 $53.4 $99.4

Total 2013-2032 | 360.6 $926.2 $948.7 478.5 | $1,244.6 $2,249.2

Administrative and delivery costs adder 20%
Total cumulative EE invc_estment $1.138.5 $2.699.1
w/ admin costs

In the near term, the portfolio with all achievable EE is not materially different in total

MWa savings from the reference case, while investments are significantly higher. In
order to capture all the achievable savings, the ETO would have to pursue a different
measure mix to acquire savings that otherwise would become lost opportunities for
measures that are currently not cost effective. Examples of the more costly lost
opportunity measures for commercial deployment are high efficiency air conditioners,
direct/indirect evaporative cooling units, and windows. New and replacement residential
measures in this category include heat recovery ventilation and solar water heating.
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4.2 Demand Response Potential Study

Study Summary

In 2012, the Brattle Group conducted an updated study of demand response potential in
PGE’s service territory. The updated study provided significantly more detail relative to
the 2009 study including: appliance saturation, DR potential for over 50 customer
segments, updated avoided costs, customer price elasticity estimates, and DR
participation assumptions. The results of that study are available at
www.portlandgeneral.com/irp.

Although the Brattle study evaluated DR potential based on several criteria such as
technical potential, maximum achievable potential, and current trends, PGE’s primary
goal for the study was to identify the potential for our automated demand response
(ADR) pilot. We provided the Brattle Group study update to the bidders to help inform
them of ADR potential among relevant PGE customers. For the IRP, we continue to
focus on the specific characteristics of the programs that we believe provide the best DR
potential.

Specifically, PGE is targeting DR programs that provide firm, cost-effective capacity that
address the conditions specific to PGE’s service territory. In contrast to much of the U.S.
where demand response has been significant, PGE lacks the following pre-conditions that
have led to DR success in those jurisdictions:

Significant multi-month 24-hour air conditioning load,;

Significant irrigation load;

Significant price differentials between peak and off-peak periods;

High overall rates leading to the ability to provide larger incentives;
Greater customer experience with and acceptability of time-varying rates.

Where traditional DR has been solely about maintaining reliability during very infrequent
peaking events or generation outage events (so-called DR 1.0), PGE is seeking DR which
is also fast-acting and flexible (so-called DR 2.0), and preferably automated. PGE is
implementing DR programs with strict specifications to meet both types of needs. These
specifications limit the amount of DR potential, but create programs with greater
certainty during curtailment events.

Given this DR context for PGE, we view direct load control as the best alternative for
future DR potential. We also consider firm and fast-responding programs as more
valuable. We describe these in more detail in the following sections.


http://www.portlandgeneral.com/irp
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4.3 Firm Demand Response Programs
Introduction

PGE currently has two firm demand response programs in operation: the curtailment
tariff, Schedule 77 for our large non-residential customers (able to reduce demand by
201 kW), and the ADR pilot for non-residential customers. Schedule 77 has been in
effect since July, 2009, and the ADR pilot became operational in August 2013. These
programs represent PGE’s achievable firm demand response potential for the next five
years.

Looking forward, we foresee the transformation of the appliance market providing the
greatest potential for direct load control in the residential sector as major household
appliances are produced with standardized and programmable communication interfaces.

Program Assessment

To evaluate DR programs and determine cost-effectiveness, PGE compares the levelized
cost of the program against that of a LMS100 simple-cycle combustion turbine (SCCT).
Due to operational constraints, however, a DR program may not have the same reliability
or operational value as a SCCT. Examples of operational constraints on DR programs
include:

The number of events that can be called per year

The timing and duration of those events

The extent to which the load reduction is not automated

The firmness/reliability of the response

The amount of advanced notification that must be given to the participants.

To reflect the impact of the relevant operational constraints, PGE derates the cost of the
SCCT as compared to the DR resource. The deration factors will vary by DR option,
depending on its performance characteristics, and will allow for appropriate
comparability between resources (a similar approach is discussed below with respect to
critical peak pricing). Additional benefits that PGE considers include portfolio diversity,
environmental impact, program expandability, etc.

Finally, we present our findings to other interested parties, including low-income
agencies, and the Commission to vet the analyses. We strive for consensus, and receive
regulatory approval before proceeding with deployment. To the extent that a program
has an energy efficiency element, PGE would coordinate with the Energy Trust of
Oregon to maximize the achievable benefits. Through this process, PGE endeavors to
identify and implement the best programs and service options for our customers.
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Curtailment Tariff

PGE currently has 16 MW participating and available for curtailment in its Schedule 77,
Firm Load Reduction Program. As reported previously, the tariff is callable up to
48 hours per year and PGE is on track to achieve the targeted 20 MW by 2015 as listed in
Table 4-2. This past August, PGE transitioned Schedule 77 from a pilot to a program.

Automated Demand Response

In the last IRP update (page 17), PGE noted that its original ADR pilot had been
terminated in early 2012 because PGE’s ADR contractor “experienced financial
difficulties and was unable to meet the terms of its agreement”. PGE subsequently issued
a Request for Qualifications in August 2012 and then issued a new RFP on
October 16, 2012, to establish a new ADR pilot program. Since that time, PGE
completed the RFP process, selected an ADR provider and received Commission
approval to implement a new ADR pilot. During the Commission proceedings (UE 272
and UM 1514), PGE demonstrated that the ADR program cost less than the non-derated
cost of an LMS100 SCCT unit. Because of our expedited efforts, PGE and its selected
provider, EnerNOC, Inc., began operations in August 2013.

The new ADR pilot has two phases. The first phase runs through June 2015. This will
allow three operating seasons to be evaluated for performance and cost effectiveness,
with evaluation completion by April 2015. If the evaluation is favorable, the second
phase will run through 2016, which will allow a second opportunity to review the
subsequent two operating seasons and the pilot as a whole. This evaluation will be
completed by April 2016. If the second evaluation is favorable, PGE will submit the
ADR program as an ongoing capacity resource in our 2017 Annual Power Cost Update
(Schedule 125) and Power Cost Adjustment Mechanism (Schedule 126) similar to other
power cost and capacity items.

As of November 14, PGE has enrolled nine customers. It is projected these customers
may achieve roughly 3 MW of demand reduction, subject to validation this winter after
equipment installation. We project that ADR will ramp up to 25 MW over the course of
the pilot and be available for curtailment during both summer and winter seasons.
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Table 4-2: Firm demand response acquisitions by 2018

Curtailment Automated Demand Total Demand
Tariff Response Response
% Trare
Year MW SUer e MW
2012 Actual 16 0 0 16
2013 17 0.5 3 20
2014 19 6 9 28
2015 20 12 15 35
2016 20 18 21 41
2017 20 25 25 45
2018 20 25 25 45

*The summer season is July—September; the winter season is December—February.
Water Heater Direct Load Control Pilot — Salem Smart Grid Project

As reported in PGE’s November 2011 IRP update, we have an operating Water Heater
Direct Load Control (DLC) Pilot that is part of the Salem Smart Grid Project. This pilot
is unique in that it tests responses to a mock regional pricing signal. It is, however,
limited to less than 100 participants; it is not associated with “smart” appliances (i.e., the
water heaters were retro-fitted with communication devices); and it is not scalable
beyond the Salem demonstration project. The pilot is projected to run through 2014.

Smart Water Heater Direct Load Control Pilot

PGE’s 2011 IRP update also described a very small pilot that would test a plug-in
communication device in five “smart” electric water heaters with which PGE would test
DLC. PGE is currently refining the communication interface’s technologies to achieve
consistent and reliable signals to the water heater.

The ability to develop residential DLC is contingent on the speed of appliance market
transformation.  Ultimately, PGE believes appliance market transformation has the
potential to create the greatest DR capacity among residential customers due to its ease of
use by customers with either direct load control or with dynamic pricing.

Other appliances, in addition to water heaters, could provide demand response through
DLC. These could include heating, ventilation, and air conditioning systems (HVAC
systems) via thermostats, electric spas, and electric vehicle chargers. If customers had
one of the above primary appliances, secondary appliances such as dryers, dishwashers,
refrigerators, or stand-alone freezers could provide additional DR. The secondary
appliances only become cost effective in a market where DLC on “market-transformed”
primary appliances is relatively mature and common place. This might easily be 10 years
after the first program success at scale.
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Although significant progress has been made in establishing a standard interface?® or
socket for “smart” appliances, two difficult tasks still remain:

e Incorporate the socket on appliances so that consumers region- or nation-wide
can automatically replace old/obsolete appliances with “smart” appliances
e Establish standard communication protocols.

Once the socket is adopted, the normal replacement cycle and new construction will
allow an increasing share of water heaters to become DR- compatible. As that occurs,
PGE will be able to implement a direct load control program that can expand with the
growing resource.

For forecasting purposes, PGE has estimated a proxy water heater direct load control
program to represent all potential residential direct load control resources. All potential
residential load control appliances have similar success considerations (i.e., need for
communication and hardware standards, establishment of market penetration, etc.). This
estimate is based on projections of water heater saturation (assuming the hurdles
described above are overcome) and that, with time, existing appliances are replaced by
“smart” appliances. Because the average life of a residential water heater is 12 years,
over 15 years will be required from the time waters heaters are first mass produced with
the new sockets until most vintage water heaters are replaced. Based on these
assumptions and those listed below, PGE’s estimate for the proxy resource is provided in
Table 4-3.

Table 4-3: Proxy resource —water heater direct load control program

Year MW
2015 0.0
2016 0.0
2017 0.0
2018 0.1
2019 0.3
2020 1.4
2021 3.6
2022 7.5
2023 12.7
2024 20.0
2025 28.3
2026 36.7
2027 449
2028 51.9
2029 58.6
2030 64.9

20 National standard, ANSI/CEA 2045, created for this was released in December 2012.
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Major assumptions for this proxy program are as follows:

e We expect it to be an opt-in program;

e By 2016, many new water heaters are sold with a standard communication
socket;

e By 2020, 95% of all new water heaters are sold with the socket;

e By 2030, 89% of all installed electric heaters have the standard
communication socket;

e By 2021 50% of electric water heater sales are assumed to be of the heat
pump type and by 2030, this will be 65%;

e The average avoided peak demand is 0.6 kW for resistance water heaters and
0.3 KW for heat pump water heaters; and

e Program adoption rates are 4% in 2020, 34% in 2025, and 50% in 2030.

PGE can only estimate when the DR potential from appliance market transformation
might be fully attainable. In the interim, we can prepare ourselves with direct load
control and dynamic pricing pilots until the applicable technologies and communication
and hardware standards provide scalability.

PGE is also exploring ways to support the Northwest Energy Efficiency Alliance and the
Northwest Power and Conservation Council in order to encourage manufacturers to
incorporate the sockets into their products for regional distribution.

PGE expects that, in time: 1) a standard appliance socket will be adopted, 2) a standard
communication protocol will be developed, and 3) direct load control through “smart”
residential devices (appliances, thermostats, etc.) will provide a significant DR resource.
While there may be considerable DR potential by 2020, the development and timing of
fully integrated “smart” appliance technologies for scalable programs will most likely
limit this capacity to a later date. As a result, PGE has estimated an alternative based on
the proxy resource (Table 4-3) and believes this represents the more likely firm DR
potential for residential customers in PGE’s service territory.

4.4 Non-Firm Demand Response Programs
Critical Peak Pricing (CPP) Pilot

PGE concluded its CPP pilot for residential customers, Schedule 12, in October 2013, as
authorized by the OPUC. To complete the CPP pilot, PGE will submit a detailed
evaluation to Commission Staff in March 2014. While the final analysis is pending, the
initial evaluation (submitted to Commission Staff on March 29, 2013) provides
meaningful insights for future CPP efforts. Major aspects of the third-party evaluation®!
include the following:

e The pilot realized measureable load reductions for the comparable event days.

2! prepared by KEMA, Inc.
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e The pilot experienced attrition its first year of operation, with the number of
participants dropping from approximately 1,000 customers to approximately
610. The primary reasons that customers dropped out of the pilot were:

o The failure to save money;
o Difficulty in being able to shift/reduce load; and
o Discomfort and inconvenience.

e Surveys showed overall customer satisfaction was approximately

65% following the first two operating seasons.

The report also provided a cost/benefit analysis of developing a fully scalable CPP
program. Based on an analysis by PGE’s information technology (IT) department, we
estimated that the cost to develop a fully scalable CPP program, based on PGE’s current
system, is approximately $6.1 million. The primary requirements for these costs are:

e Configure PGE’s current customer information system (CIS) and automate
numerous processes for enrollment, customer communications, event
dispatch, meter configuration, etc. that are currently manual during the pilot
period.

e Redesign PGE’s meter data consolidator (MDC) in order to address the
additional data storage and processing capacity needed for a large increase in
15-minute interval data.

To estimate the net benefits of a fully scalable CPP program, we used a cost/benefit
model previously employed in Docket No. UE 189. The model used updated cost
information and benefits as estimated from: 1) the KEMA study; and 2) the avoided cost
of a least-cost, supply-side resource.?> We also assumed participation levels of 1.5%,
5.0%, and 10.0%, by the fifth year of the program.

The analysis results in a net present value (NPV) cost for CPP over a 20-year program
life for each assumed participation level. These results are due to the estimated costs
associated with the existing CIS and MDC. However, PGE is developing new CIS and
MDC systems as a component of PGE’s 2020 Vision program.”® Because, the new CIS
and MDC systems will be much more robust and ready to accommodate the necessary
level of interval data and more complex pricing structures, the cost to implement a CPP
program after 2017 will be significantly less than with the current systems.
Consequently, PGE believes implementing a fully scalable CPP program is best
accomplished after 2017. Nonetheless, we think there is significant benefit to
establishing a follow-up CPP pilot to better position ourselves for a future large-scale
effort. In order to achieve the maximum benefit from a potential second CPP pilot we
propose to undertake these preparatory steps:

%2 Because CPP represents a non-firm resource with day-ahead notice, it delivers less benefit than a firm resource
that can respond within 10 minutes. Consequently, PGE derated the avoided capacity cost of the supply-side
resource by 50%.

% See PGE Exhibits 600 and 900 in PGE’s UE 262 general rate case filing for more details on these major
initiatives.
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e Pursue customer education as part of our strategic pricing roadmap to see
what impact it plays on enrollment, retention and performance in our next
pilot.

e Identify CPP and time-of-use requirements for new systems and programs.

e Continue to monitor DR programs and results from other utilities.

e Develop an education program to better inform customers regarding the
purpose of, and how to effectively participate in, dynamic pricing options and
DR programs.

e Evaluate and propose additional pilot alternatives that could help PGE
develop a CPP program.

e Continue to implement PGE’s Customer Engagement Transformation
program in which we will replace the current CIS and MDC. This will create
the platforms on which a more cost-effective, fully scalable CPP program can
be developed along with the other benefits discussed in PGE Exhibit 900 in
Docket No. UE 262.

Time-of-Day Pricing

Time-of-Day (ToD) pricing currently applies to PGE’s Schedule 89 and Schedule 85
customers. This means that ToD pricing is available for all non-residential customers
with monthly demand greater than 201 kW. As of January 2014, with Commission
approval of UE 262 pricing, ToD pricing will also extend to Schedule 83 customers (i.e.,
non-residential customers with demand greater than 31 kW per month).

Energy Tracker®V

PGE released its Energy Tracker™ program in December 2011. This is an energy
information tool that utilizes the interval data from PGE’s Advanced Metering
Infrastructure system. It provides customers with energy use information that can help
identify reduction and peak shifting strategies that customers may find useful to
implement.

More recently, PGE is preparing a Phase 2 release of the Energy Tracker™™ program,
targeted for 2014. Along with a more customer-friendly look and feel, Phase 2 will
provide more valuable information to customers in the form of optional alerts related to
energy usage and projected billing amounts. With Phase 2 information, customers will
be able to see their bill-to-date information along with a projected bill based on their
current usage. Additionally, customers will be able to sign up for alerts that will notify
them via email and/or text of: 1) current bill information; and 2) if they are projected to
exceed preset thresholds. Because these are the two most commonly requested alerts by
customers, we expect them to be used extensively.
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4.5 Conservation Voltage Reduction (CVR)

As described in our 2012 IRP update, PGE is following the plan described below to meet
OPUC requirements related to the potential of distribution system efficiency savings via
conservation voltage reduction (CVR). The OPUC required PGE to “consider(ing)
conservation voltage reduction (CVR) for inclusion in its best cost/risk portfolio and
identify in its action plan steps it will take to achieve any targeted savings” (see OPUC
Order No. 10-457 at 22).

PGE recently completed a feasibility study to assess the technical potential for CVR
savings. Within the feasibility study, the following were considered:

e Selection of the substations Denny and Hogan South, which are representative
of PGE’s urban substations primarily serving residential loads.

e Use of third-party power flow modeling software, known as CYMDIST, for
the evaluation of power flows under four load profiles: Heavy Winter (i.e., the
single highest winter load hour), Light Winter (i.e., the average on-peak
winter hour), Heavy Summer, and Light Summer.

e Consideration of customer composition (i.e., commercial, industrial, and
residential) served by those substations.

e Consideration of load characteristics (i.e., constant impedance, constant
power, and constant current) served by those substations.

e Evaluation of system changes necessary to implement CVR.

Preliminary study results indicate that peak load reductions are possible, particularly in
the winter. Potential savings will vary based on existing substation equipment, feeder
layout, and customer end use mix.

In July, CVR was successfully implemented at the Hogan South substation. Hardware
installation, including an upgraded transformer load tap controller and distribution
capacitor banks was completed at the Denny substation in October 2013.

The potential for CVR benefits will be evaluated for both constant CVR implementation
(kWh) and for peak demand shaving (kW). The intent of PGE’s two substation pilot is to
identify and quantify the energy and demand savings that may be available through CVR.

With results from the pilot project, PGE will summarize the study results for both
substations by:

e Reporting cost estimates for equipment needed to implement CVR.

e Reporting benefits in avoided kilowatt hours and reduced kilowatts of peak
demand.

e Performing cost/benefit economic analysis to move from technical potential to
cost-effective potential.
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PGE’s CVR pilot/study plan has the following milestones:

Substation Selection Methodology Complete
CYMDIST Study Methodology Complete
Verify CYMDIST Model Accuracy Complete
Perform CYMDIST Studies Complete
Determine Pilot Project Scope Complete
Implement Pilot Project at first substation Complete
Implement Pilot Project at second substation Complete
Pilot Project Complete 06/30/2014
Report Project Results & Recommendations 10/31/2014

Based on field performance at the two substations over the course of a full year, the final
step will be to assess the potential net benefit of system-wide implementation.

4.6 Future DR Actions

Over the next three years (to 2016), PGE intends to take the following actions to further
develop DR:

Continue to implement the curtailment tariff to achieve the target 20 MW of
capacity by 2015.

Continue to develop and ramp up the ADR pilot to achieve 25 MW by 2017,
and complete interim program evaluations in 2015 and 2016.

Develop an education program and new dynamic pricing pilot (for instance
the potential CPP pilot discussed above) in advance of the deployment of new
CIS and MDC systems.

Refine the smart water heater direct load control pilot. This will allow PGE to
better position ourselves for the eventual introduction of scalable
technologies.

Continue to evaluate demand and energy savings associated with the two
substation CVR pilot and then perform cost/benefit analysis.
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5. Flexible Capacity Needs

This chapter examines PGE’s supply and demand balance for flexible capacity. We
further assess the ability of PGE’s resources to respond quickly to changes in load and
variation in wind energy production. Our analyses focus on 2015 and 2020, years in
which the Oregon Renewable Portfolio Standard (RPS) increases. We provide separate
analyses for the second quarter (Q2) and for the other three quarters (Q1, 3, & 4), as
certain supply restrictions specifically affect Q2.

Chapter Highlights

» With the addition of new resources from our recent energy and
capacity RFP, PGE’s flexible resources will be able to meet 2015
demands for rapid generation increases to cover combined decreases in
wind resource output and unexpected load increases.

» PGE’s current and planned flexible resources are insufficient to meet
2020 demands for rapid generation increases to cover combined
decreases in wind output, coupled with unexpected load increases.

» PGE’s portfolio has little downward flexibility in both 2015 and 2020
(i.e., very restricted ability to quickly decrease generation to cover

increases in wind output, combined with unexpected load decreases).
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5.1 Introduction

PGE needs flexible resources to follow the output of variable energy resources (VERS),
which are currently primarily wind generation. With completion of the Tucannon River
(TR) wind facility, PGE will own and operate 717 megawatts (MW) of nameplate
capacity wind generation.”* The output of these resources varies unpredictably over short
time intervals, making it necessary for PGE to either use its own resources to offset the
wind output variations, or to purchase integration services from other providers
(e.g., BPA). PGE (or the firming provider) must have resources which can rapidly
increase energy production when wind output decreases or rapidly decrease energy
production when wind output increases. Oregon Public Utility Commission (OPUC)
Order No. 12-013 requires utilities to include in their IRPs a forecast of flexible capacity
demand requirements and supply capability. As noted above, PGE expects to have a
large wind generation increase in 2015 due to the addition of TR and again in 2020 to
meet increasing Oregon RPS requirements. Both the 2015 and 2020 views also include
Port Westward 2 (PW 2), the flexible resource selected in our recent energy and capacity
Request for Proposals (RFP).

PGE’s approach to assessing supply and demand for flexible capacity draws on work
done by Michael Schilmoeller at the Northwest Planning and Conservation Council
(Council).?? We met twice with Dr. Schilmoeller to discuss our approach. We also
attended the Council’s Flexibility Metric Round-Table on May 2, 2013, at which several
researchers presented their current work on this issue. As this is a new area of research
and analysis, additional methods and insights are likely to develop over the next several
years.

5.2 Demand for Flexible Capacity in 2015 (Q1, 3, & 4)

This section includes a general discussion of demand requirements for flexible capacity,
followed by detailed discussion of projected operating conditions for Quarters 1, 3, and 4.
We then examine Q2 conditions separately because the supply of flexible resources is
particularly constrained during that period.

Currently wholesale power markets in the Pacific Northwest (PNW) do not function at a
granularity of less than one hour. Therefore, if PGE does not purchase wind integration
services from another entity, within any one-hour period it must be able to offset
variances between forecast and actual VER production with its own flexible resources.
PGE must also absorb the differences between forecast and actual load within the hour.

To calculate the maximum flexibility demands resulting from fluctuation in PGE’s loads
and VER output over any interval up to one hour, we started with load and wind data
from the years 2004, 2005, and 2006. The load data are simply observations of PGE’s

24 450 MW from Phases 1, 2, and 3 of Biglow Canyon, and 267 MW from TR.
% Dr. Schilmoeller provides a detailed description and discussion of his approach in a paper, “Imbalance Reserves:
Supply, Demand, and Sufficiency.”
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actual system load at one-minute intervals. The wind data sets are synthetically
developed. Specifically, the wind data are derived by running National Renewable
Energy Laboratory (NREL) one-minute actual wind speed observations at Biglow
Canyon (Biglow) and TR for the 2004-2006 period through power curves for the current
Biglow turbines and the turbines to be utilized at the TR site.?® For the 2015 view, we
scaled the load data to be consistent with our 2015 load forecast. The wind data did not
require scaling, as the addition of TR almost exactly meets the 2015 RPS requirement.

For analytic purposes, it is convenient to think about flexible capacity demand
requirements in terms of changes to “load net of wind” (i.e. deviations in PGE electric
load minus unplanned changes to the output of wind generation). Increases in “load net
of wind” require the ability to rapidly ramp up energy production, while decreases in
“load net of wind” require the ability to rapidly ramp down non-wind generation, or to
“feather” (i.e., decrease) wind output. The first situation is both a reliability and
economic concern. The second condition is solely an economic concern.

From the data described above, we calculated “load net of wind” for every one-minute
interval in the three-year data set. For example, in the 2015 analysis, the “load net of
wind” observation based on the one-minute period beginning at 8:33 and ending at
8:34 a.m. on July 23, 2005 is the actual historical PGE load for that minute (scaled by a
factor, [forecast 2015 load] / [actual 2005 load]), minus the sum of the “synthetic”
Biglow and TR output data for that same minute. Given three years of data and the
one-minute level of granularity, our data set consists of approximately 1.6 million
observations,?’ of which 1.2 million are associated with Quarters 1, 3, & 4.

From the one-minute “load net of wind” observations, we then calculated all changes
from one minute to the next. Generation resources that can ramp up or down within one
minute are required to offset the “load net of wind” minute-to-minute changes. For
example, the one-minute change associated with 8:34 a.m. on July 23, 2005, is the
8:34 a.m. “load net of wind,” minus 8:33 “load net of wind.” From this set of all possible
one-minute up or down ramping demands from our three-year data set associated with
Q1, 3, & 4, we selected the highest and lowest observations as the one-minute up and
down ramp requirements for Q1, 3, & 4 of 2015. The highest observation represents the
maximum amount by which PGE resources would have to increase output within one
minute to continue meeting customer energy demand. The lowest observation represents
the maximum amount by which PGE resources would have to decrease output within one
minute to avoid over-production.

In a similar way, we calculated all two-minute changes in “load net of wind,” with the
highest and lowest observations selected as the two-minute up and down ramp
requirements for Q1, 3, & 4 of 2015. The highest observation represents the maximum
amount by which PGE resources would have to increase output within two minutes to
continue meeting customer energy demand. The lowest observation represents the

% For the 2020 view, we also include similar data for “Site X,” a potential future wind resource location in the
Columbia Gorge.

% Three years, multiplied by 8,760 hours per year (8,784 in 2004), then multiplied by 60 minutes per hour, results in
approximately 1,578,000 data points.
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maximum amount by which PGE resources would have to decrease output within two
minutes to avoid over-production. We repeated this procedure for increasing time
intervals to determine 2015 Q1, 3, & 4 up and down ramp requirements by minute
through a one-hour time frame. These requirements over any interval through one hour
form a demand curve for up and down ramping from PGE’s flexible resources.?® Figure
5-1 below illustrates PGE’s 2015 Q1, 3, & 4 demands for generation flexibility for
periods up to one hour. Due to the confidential nature of the data, we do not include
exact MW quantity figures in this chapter.

Figure 5-1: 2015 Q1, 3, & 4 ramping demand curves
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Figure 5-1 also includes percentile information. For example, the blue dotted “Ramp Up
99th” line represents the 99th percentile of the data set for any time interval. If the
observation for ten minutes were 50 MW, then 99% of all 2015 Q1, 3, & 4 ten-minute
ramp requirements (based on the 2004-2006 data sets) would be less than 50 MW. The
red dotted “Ramp Down 1st” line provides the same information from a down ramp

%8 Note that there is no “contiguous” requirement. The maximum 4-minute up ramp requirement for 2015 might be
associated with data from the four-minute period ending at 4:34 p.m. on a particular day in 2005, whereas the
maximum 5-minute requirement for 2015 might be associated with data from the five-minute period ending at 8:37
a.m. on a particular day in 2004. In other words, the “curve” simply reflects the “worst possible one minute event,”
the “worst possible two minute event,” .... the “worst possible one-hour event,” regardless of the times within the
three-year data set with which they are associated.
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perspective. “Ramp Up 95th” and “Ramp Down 5th” lines provide similar information
on the highest and lowest 5% of all up and down ramp requirements. The solid red and
blue lines show the “Ramp Up Max” and “Ramp Down Max” requirement, which form
our flexibility demand curve. These lines represent more extreme conditions (i.e.,
substantially higher than the “Ramp Up 99th” and substantially lower than the “Ramp
Down 1st” lines). This makes sense from two perspectives: First, our Q1, 3, & 4 data set
has almost 1.2 million observations (i.e., the highest 1% of all observations includes
approximately 12,000 observations). These most extreme of the 12,000 maximum
observations are likely to vary substantially from the 99th percentile observation.
Second, we know that in practice extreme, unexpected variations in combined wind
generation and load do occur, albeit infrequently.

5.3 Supply of Flexible Capacity in 2015

In Q1, 3, & 4 of 2015, PGE will have several resources with the flexibility to help meet
up and down ramp needs. These include contracts for output shares from certain dams on
the middle section of the Columbia River (Mid-C), PGE’s own Pelton-Round Butte
hydro facilities (P/RB), dispatchable stand-by generation (DSG),?® duct firing at PGE’s
Port Westward plant, PW 2,% Beaver in simple-cycle mode,** and automated demand
response (ADR).%

Some of these flexible resources, hydro in particular, can ramp up or down very
quickly.*®* DSG can ramp up quickly, but generally cannot ramp down, as it is usually
not running for routine energy needs due to its relatively high dispatch cost.3* PW 2,
chosen specifically as a dual-purpose resource to help meet PGE’s peak load needs and to
provide year-round flexibility at a moderate operating cost, will have rapid up and down
ramp capability. However, for this flexibility analysis, we assume that PW 2 is not
normally running at the start of an event based on the plant’s expected economic
dispatch. Therefore, we assume PW 2 can provide its nameplate capacity for up ramp,
but no contribution to down ramp. Similarly, it is usually uneconomic to run Beaver for
base load energy purposes. Therefore, it is modeled to provide full output in up ramp,
but no capability for down ramp. Finally, ADR, at its current state of development, will
only be able to provide up ramp. In addition, ADR, like some other resources, can
provide up ramp only after a delay.*®

 Diesel-fueled resources at customer sites distributed throughout PGE’s service territory.

%0 PGE’s new natural gas-fired reciprocating engines, expected to be online by 2015.

%! Beaver can also be run in combined cycle mode.

%2 \We expect to have 15 MW of ADR in place by 2015, and 25 MW by 2020.

¥ We assume that hydro resources are running at their average output levels at the start of an event requiring a
flexible response. Then they can ramp up (to their maximum output levels) by an amount equal to their maximum
minus their average levels. They can ramp down (to zero) by an amount equal to their average output levels.

% There is also a contractual limitation on how frequently PGE can call on DSG.

% For ADR, the delay is due to host/customer notification requirements. For other resources, the delay is due to
plant operating characteristics — no output for a time as the plant warms up, then a ramp up to maximum output.
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The up ramp supply curve is built by “turning on” all up ramp capable resources and
moving them up to their maximum output levels as soon as possible (based on operating
characteristics). During the first minute, several resources can increase output. A few
are already at their maximum output levels by the end of the first minute, meaning that
they cannot further increase output during the second minute. Other resources reach their
maximum output levels after various short time intervals. Finally, a third group of
resources have up ramp capability, but only after delays (i.e., their output levels are zero
for several minutes, after which they begin to up ramp to their maximum output levels).
The overall up ramp supply curve has kinks at points in time when individual resources
meet their maximum output levels and a flat zone for a short period after most resources
have reached their maximum output levels, but before the delayed response resources
have started ramping up. The light green line in Figure 5-2 shows how much PGE’s up
ramp resources as a group can increase output over any time interval — one minute, two
minutes,.., up to one hour during Q1, 3, & 4 of 2015. This is effectively the up ramp
supply curve, or what PGE’s ramping resources can provide to meet the potential up
ramp demands shown in Figure 5-1.

The 2015 Q1, 3 & 4 down ramp supply curve is simpler, as we assume that all resources
except hydro are at zero output levels at the start of an event requiring flexible generation
response, and therefore cannot provide down ramp. Additionally, different hydro
resources have different down ramps, but they can all decrease output to assumed
minimum levels within a short time period. The down ramp supply curve then flattens
out, as shown in the green line in Figure 5-2. As with the demand curves in Figure 5-1,
we do not include the confidential figures on the vertical axis.
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Figure 5-2: 2015 Q1, 3, & 4 ramping supply curves
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In addition to the individual resource operational characteristics discussed above, the up
and down ramp supply curves include a number of adjustments because we must also
account for certain hour-to-hour forecast errors and reserve margin requirements. In this
study, we specifically limit the availability of our flexible resources to meet intra-hour
“load net of wind” deviations for the following operating/system requirements:

e Contingency reserves of 7% and 5% required for thermal and other generation
resources.*
o 3.5% (thermal) and 2.5% (other — e.g. wind and hydro) spinning

reserves.

o 3.5% (thermal) and 2.5% (other — e.g. wind and hydro) non-spinning
reserves.

e Hour-to-hour load forecast error (assumed at 2.5% of load based on historical

data).
e Hour-to-hour wind forecast error (difference between actual wind over an
hour and the “half hour ahead forecast™, calculated from our data set).

However, this study does not take regulation requirements into account. We also do not
include forced outages at generation plants.

% proposed changes to these requirements would not significantly affect our analysis.
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5.4 Adequacy of Flexible Capacity in 2015 (Q1, 3, & 4)

Figure 5-3 superimposes the ramping supply curves of Figure 5-2 on the ramping demand
curves of Figure 5-1. Two conclusions then stand out in Figure 5-3. First, within a one-
hour period in 2015, PGE could likely meet any up ramp requirement with its own
resources. The light green supply curve is above the blue demand curve for events of any
time duration up to one hour. Second, PGE could not meet down ramp requirements with
its own resources. The worst case (red Ramp Down Max) demand curve in Figure 5-3 is
greater than the green supply curve for events of any time duration.

Figure 5-3: 2015 Q1, 3, & 4 ramping supply and demand curves
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On the up ramp side, the addition of 267 MW of wind generation at TR increases the
demand for up ramp capability, but the addition of a new flexible resource, PW 2,
provides an offsetting increase in supply which is sufficient to cover “load net of wind”

demand events for durations of up to one hour.*’

3" Wind power outputs from Biglow and TR are only moderately correlated, making our overall wind output
steadier, and cheaper to self-integrate, than “two Biglows” or “two TRs.” However, the flexibility study focuses on
extreme events, and the data from 2004-2006 indicate that there are time intervals during which either both Biglow
and TR produce at near maximum output levels or both produce at near zero levels. Load, also part of the “load net
wind” observations, is slightly negatively correlated with either of the wind regimes. However, the data also
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As noted above, the down ramp side is more problematic in 2015. However, a
decomposition of the down ramp demand curve into load and wind changes indicates that
rapid increases in wind output make up most of the down ramp demand.® Therefore, a
possible response would be to feather (or essentially shut off) the wind resources and
meet the remaining requirement with PGE’s down ramp capable resources. The
remaining down ramp requirement is due to negative load changes, and the data indicates
that, in most circumstances, PGE’s flexible resources can provide an adequate response.
This solution is costly, however, due to the lost energy value and production tax credits
associated with the curtailed wind generation.

5.5 Flexibility Supply, Demand, and Adequacy in 2015 (Q2)

The above assessment regarding PGE’s flexible capacity supply and demand is relevant
for all quarters in 2015 except Q2. Q2 requires a separate analysis because our Mid-C
resources are more constrained in that quarter due to spring run-off and fish passage
constraints.

The 2015 Q2 flexibility supply curve differs from the 2015 Q1, 3 &, 4 supply curve
developed above in two respects. First, the up ramp supply curve shifts down with the
removal of Mid-C flexibility. Second, the down ramp supply curve shifts up, also due to
removal of Mid-C flexibility. In fact, after forecast error and other adjustments, PGE has
essentially zero down ramp capability in Q2.

The 2015 Q2 flexibility demand curve differs from its Q1, 3, & 4 counterparts discussed
above in that it consists only of extreme events associated with time intervals within Q2
of the years 2004-2006. The Q2 up ramp demand curve is somewhat lower than its Q1,
3, & 4 counterparts. Extreme up ramp demand values from the Q2 data set are lower
than the extreme values from the Q1, 3, & 4 dataset.

Figure 5-4 shows 2015 Q2 supply and demand curves for flexible capacity. Supply and
demand for up ramp have shifted down (compared to the Q1, 3, & 4 results) by
approximately the same amount. (Compare Figure 5-3 and Figure 5-4) Therefore, the
overall conclusions reached above for Q1, 3, & 4 also hold for Q2. In Q2 of 2015, we
would be able to respond to extreme up ramp demand events for durations of up to one
hour with our flexible resources.

indicate that there are extreme events, during which both Biglow and TR produce at maximum levels and load

decreases substantially (or during which both Biglow and TR produce no output and load increases substantially).

% This is particularly true for events of less than 30-minute duration.
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Figure 5-4: 2015 Q2 supply and demand curves for flexible capacity
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On the down ramp side, PGE’s lack of down ramp capability is more pronounced in Q2
than in Q1, 3, & 4. As noted above, the red demand curve does not shift significantly,
but the green supply curve shifts up considerably with removal of the Mid-C hydro down
ramp capability. This results in an inability to cover even the load decrease component of
extreme Q2 demand events, although the wind increase component could still be
addressed by wind generation curtailment. Again, there would be cost impacts associated
with a wind curtailment approach to addressing down ramp needs.

5.6 Flexible Supply, Demand, and Adequacy in 2020 (Q1, 3, & 4)

Our analytical approach for 2020 is the same as for 2015. However, some of the input
assumptions change between 2015 and 2020.

On the demand side, “load net of wind” observations and related calculations include
2004-2006 load data scaled up to expected 2020 load. As a proxy for additional wind to
meet a 2020 physical RPS requirement, the analysis also includes wind data from a
475 MW nameplate “Site X (a site in the Columbia River Gorge for which we have
NREL data for the 2004-2006 period). Wind observations for 2020 are then the sum of
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output data for Biglow, TR, and “Site X.” The addition of increased load and “Site X
results in more extreme ramp demands in 2020. In other words, the 2020 up ramp
demand curves are higher than their 2015 counterparts and the 2020 down ramp demand
curves are lower than their 2015 counterparts.

On the supply side, we project ADR to increase by 10 MW between 2015 and 2020.
Duct firing at the Carty plant will also be available. However, Mid-C contracts expiring
between 2015 and 2020 will significantly decrease PGE’s Q1, 3, & 4 ramping capability,
both up and down. The combined result of these changes is decreased Q1, 3, & 4 ramp
capability, both up and down.

Figure 5-5 shows PGE’s demand for and supply of flexibility in Q1, 3, & 4 of 2020. On
the up ramp side, PGE’s flexible resources would not be able to meet potential Q1, 3, & 4
demands for periods of more than approximately 40 minutes. At this point, our resources
have reached their ramp up maximum capability; however, the demand needs. On the
down ramp side, PGE’s flexible resources are very limited. As previously noted, wind
can be feathered, but this is expensive. In addition, PGE’s resources would not be able to
cover even the load decrease component (aside from wind generation changes) of the
most extreme 60-minute Q1, 3, & 4 events implied by the data set.
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Figure 5-5: 2020 Q1, 3, & 4 supply and demand for flexibility

2020 Ramping Supply and Demand (Quarters 1, 3, and 4)

Ramp Up Max
====Ramp Up 99th

_________ = = Ramp Up 95th

- -
- =
- = -

/ -==-"Z -——-—-—" = = Ramp Down 5th

= ===Ramp down 1st

_______________ Ramp Down Max
-

-
-
-
-

Ave Absolute Ramp

Supply Curve Up

e Supply Curve Down

5.7 Flexible Supply, Demand, and Adequacy in 2020 (Q2)

Figure 5-6 provides the Q2 2020 look at flexible resource supply and demand. As
discussed above, the Mid-C resource cannot reliably supply either up or down ramp
during Q2. Compared to the 2020 Q1, 3, & 4 supply look shown in Figure 5-5, the
2020 Q2 up ramp supply curve shifts down with the removal of Mid-C capability. Loss
of Mid-C capability also shifts the down ramp supply curve up enough to almost
eliminate all down ramp capability. For down ramp demand, the red down ramp demand
curves in Figure 5-5 and Figure 5-6 are similar, although Q2 extremes are somewhat
greater than their Q1, 3, & 4 counterparts for intervals of 15 minutes or longer. For up
ramp demand, the blue demand curve for Q1, 3, & 4 is somewhat greater than its Q2
counterpart for all time intervals.

On the up ramp side, the downward shifts in Q2 supply and demand curves (with respect
to their Q1, 3, & 4 counterparts) are off-setting. Therefore, as in Q1, 3, & 4, PGE’s
flexible resources could only cover potential Q2 up ramp demands of up to
approximately 40 minutes. Additional flexible resources would be needed to meet
possible up ramp requirements of longer duration. On the down ramp side, loss of Mid-C
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capability in Q2 simply makes an already challenging Q1, 3, & 4 situation worse. In
2020, PGE’s Q2 down ramp capability is essentially zero.

Figure 5-6: 2020 Q2 supply and demand for flexibility

2020 Ramping Supply and Demand (Q2)

Ramp Up Max
====Ramp Up 99th

= = Ramp Up 95th
= = Ramp Down 5th
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Supply Curve Up
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5.8 Summary and Conclusions

Our study results indicate that in 2015, PGE’s flexible resource supply will be able to
meet potential “load net of wind” up ramp requirements for durations of up to one hour.
Expected portfolio changes through 2015, namely the addition of TR (increases up ramp
demand) and PW 2 (increases up ramp supply), are largely offsetting. However, absent
the addition of new flexible capacity resources, PGE would not be able to meet potential
within hour “load net of wind” up ramp events by 2020. New potential wind generation
additions to meet the 2020 RPS requirements, combined with expected load growth, will
increase our flexible resource demand, while overall supply will decrease during that
time due to reduced hydro availability.

On the down ramp side, PGE would not be able to meet all potential “load net of wind”
events as soon as 2015. By 2020, this condition worsens, with PGE’s resources
providing only very limited down ramp capability in Q1, 3, & 4, and virtually none in
Q2. As discussed earlier, deficits in up ramp capability pose a potential reliability risk,
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while down ramp supply deficits are largely an economic risk due to the ability to curtail
wind generation.

We did not modify Figures 5-2 through 5-6 to reflect the agreement in principle with the
Tribes for their share of Pelton and Round Butte output, as the impact is largely known
without resorting to refreshing the analysis.>* However, the increased ramping capability
from the Tribes’ share is modest relative to the ramping needs identified in this
chapter. On the down ramp side, we still would not be able to meet all potential “load net
of wind” events as soon as 2015. On the up ramp side, we still would not be able to meet
potential within hour “load net of wind” events by 2020.

In this IRP Action Plan we are not proposing any new resource additions to address
future flexible capacity needs. However, our analysis suggests that by 2020 expected
demand for intra-hour flexibility will exceed supply, resulting in deficits for both up ramp
and down ramp capability. We expect to further address our flexible resource
requirements, along with other future energy and capacity needs and options for meeting
those needs, in the next IRP Action Plan.

% The associated Re-reg Dam (wholly owned by the Tribes) does not provide ramping capability.
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6. Fuels

This section addresses fuel supply/demand fundamentals and drivers, fuel price
forecasting methodology, fuel portfolio composition and requirements, and the strategy
for fueling PGE’s natural gas- and coal-fired generating units. We also address the role
of hedging.

Our approach to projecting fuel prices is to first develop a reference case forecast based
on near-term market indicators and longer-term fundamentals developed by third-party,
expert sources. For this IRP, we used independent research and price forecasts from
Wood Mackenzie Limited (Wood Mackenzie) for natural gas pricing and the U.S. Energy
Information Administration (EIA) for coal pricing. Along with reference case prices, we
also utilize high- and low-price sensitivities.

Our least-cost strategy for natural gas procurement is to buy physical and use financial
instruments to hedge price risk via a layered five-year strategy. We holistically manage
natural gas supply, transportation, storage, and plant dispatch because this portfolio
approach minimizes overall costs.

Chapter Highlights

» We expect natural gas prices to increase moderately over the planning
horizon, with a reference case forecast levelized price over the planning
horizon of $4.76/MMBtu.

» However, shocks to supply and demand are possible; shale oil
developments will impact supply and LNG exports will impact demand.
Nonetheless, the high- and low-price gas forecasts vary by roughly only
$1 both up and down.

» We will meet the fuel requirements of our new gas plants, Port Westward 2
and Carty, by a combination of increased firm transportation and increased
storage capability.

» We expect coal prices to increase very moderately over the planning

horizon. Shocks to either coal supply or demand are less likely.
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6.1 Natural Gas Price Forecast

Overview

Natural gas and coal prices are important inputs to the AURORAXxmp model as they are
the major drivers of the wholesale electricity prices and the economic performance of
power plants in the Western Electric Coordinating Council (WECC) area. All PGE
candidate portfolios of future resources include new gas-fired plants to varying degrees.
Thus, when assessing portfolios of new resource alternatives, natural gas prices are a
primary focus.

Our reference case natural gas forecast, as used in the portfolio analysis for this IRP, is
derived from marketfrice indications through 2016 and the Wood Mackenzie long-term
fundamental forecast®® starting in 2019 and going through 2031. We transition from the
market price curve to Wood Mackenzie’s long-term forecast by linearly interpolating for
two years (2017 and 2018). To develop western market prices, we input the long-term
Henry Hub price forecast and apply basis differentials for Sumas, AECO, and other
WECC gas supply trading hubs.** Wood Mackenzie’s forecast horizon is to 2031; after
2031 we escalate at inflation.

We chose Wood Mackenzie because they are well-respected, experienced in their fields
of expertise, and they provide unbiased and transparent assumptions. In addition to the
reference case forecast, they also provide high and low case forecasts. We use these
alternative forecasts in our scenario analysis to assess the economic risks associated with
different portfolio options.

Wood Mackenzie provides bi-annual updates of its long-term fundamentals forecast. The
most recent forecast update available for use in our IRP analysis was issued in May 2013.
In this assessment, Wood Mackenzie projects modest long-term natural gas price
increases from current levels of approximately $3.50 per million British Thermal Units
(MMBtu). The reference case real levelized price for the period from 2014 to 2033 is
$4.76/MMBtu (in 2013 dollars).

Figure 6-1 shows our reference case, high, and low forecasts for the average of Sumas
and AECO hub prices over the IRP analysis period based on the most recent Wood
Mackenzie forecast at the time we performed our portfolio analysis.

0 Wood Mackenzie. North America Gas Long-Term View: Spring 2013.

! Sumas and AECO are the two primary Pacific Northwest natural gas trading hubs from which we fuel our plants.
Hub deltas are calculated as annual percentage differences from Henry Hub prices. Other WECC gas hubs modeled
in AURORAXxmp include Malin, Opal, and Stanfield, among others.
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Figure 6-1: IRP long-term forecast — average of Sumas and AECO hub prices
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Drivers behind recent price increases from the 2012 bottom of $2.00/MMBtu and the
modest projected future increases include:

Current and projected gas demand growth: Low natural gas prices are
causing increased displacement of electric generation from less efficient coal
plants in the power industry. Gas is also a feedstock for industrial processes
and manufacturing, including the chemical and fertilizer industries, which are
making a comeback in the U.S. Finally, increased Canadian and U.S. exports
via liquefied natural gas (LNG) are projected later this decade.

Carbon Regulation: Assumed implementation of federal carbon regulation in
the 2020s, resulting in accelerating displacement of coal by gas.

Continued expansion of shale gas supply: Shale gas development is
projected to more than offset a decline in conventional gas production.
During the next 10 years, overall U.S. gas supply is expected to increase from
65 billion cubic feet per day (bcfd) to 85 bcfd, with much of the increase
occurring in areas linked to the Pacific Northwest via shale gas expansion in
western Canada. Expected 2031 domestic supply is projected at 102 bcfd.

Wood Mackenzie updated its forecast in December 2013 and substantially confirmed its
prior outlook on gas prices and supply. Specifically, long-term prices were revised
downward by $0.40/MMBtu to $4.36/MMBtu (2013$ real levelized 2014-2033). Figure
6-2, Figure 6-3, and Figure 6-4 below compare our Final IRP reference, high and low gas
price forecasts with those used in the portfolio analysis
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Figure 6-2: IRP and Fall 2013 reference gas forecasts — average of Sumas and AECO hub prices
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Figure 6-3: IRP and Fall 2013 high gas forecasts — average of Sumas and AECO hub prices
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Figure 6-4: IRP and Fall 2013 low gas forecasts — average of Sumas and AECO hub prices
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Wood Mackenzie did not identify specific factors behind this slight drop in the price
forecast, except for the ongoing success of fracking in keeping gas supply costs down and
recovering an increasing amount of hydrocarbons. The section below details the
fundamentals behind Wood Mackenzie’s long-term models, which, again, are
substantially the same for the two forecasts.

As the new gas forecast does not materially change the fundamental outlook on gas
supply and prices, and because PGE is not proposing any new long-term resource in this
IRP, we did not update our portfolio analysis with the new gas prices. Doing so would be
inconsequential for our strategic choices and proposed Action Plan for this IRP.

Natural Gas Forecast Fundamentals

Since PGE’s 2009 IRP, shale gas innovations have changed domestic gas industry
fundamentals. Abundant current and expected future supply is now the defining feature
of the U.S. gas industry.

Ammonia and methanol plants, along with a general resurgence of the manufacturing
sector, are expected to increase domestic gas demand. However, gas demand in the
power sector, the main source of the demand growth over the past 10 years, is projected
by Wood Mackenzie to grow only modestly because of:
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e Low electric demand growth projections (around 1% annually nationally), in
substantial part due to expectations of further gains in residential and
commercial energy efficiency;

e Proliferation of renewable resource standards in many states; and,

e Short-term opportunities to take advantage of relatively lower national coal
costs (coal demand is contracting because of various emissions regulations).

Wood Mackenzie expects significant LNG exports to begin late this decade. Dozens of
LNG export terminals have been proposed to the Federal Energy Regulatory Commission
(FERC), a few have been approved and one, Sabine Pass, is already under construction.
However, LNG exports will not be a major element in the U.S. supply/demand balance
until well into the 2020s.

Longer-term (2020s and beyond), carbon policy and maturing transport markets will
sustain gas demand, but Wood Mackenzie’s assessment is that supply will likely be more
than adequate to absorb increased demand. Therefore, price spikes are less likely.

However, Wood Mackenzie identifies the following uncertainties:

e Project commitments: Development timelines and capacities of LNG
terminals might fall short of expectations and consequently depress gas
demand. In this case, gas prices would be closer to the low-price scenario in
Figure 6-1, especially during the next 10 years.

e U.S. Gross Domestic Product (GDP) and policy: Stronger GDP growth, or a
rebound in energy intensity, would push gas demand up. Increased carbon
emissions could push regional and federal carbon legislation forward more
quickly or aggressively, increasing electric fuel switching from coal to gas. In
these cases, gas prices would be closer to the high-price scenario in Figure
6-1.

e Investment in coal mine capacity: Uncertainty with regard to future
environmental regulation, particularly for carbon, is making mining
companies hesitant to invest in new capacity. Without further investments,
coal might become less price-competitive with gas. This could exert some
upward pressure on gas prices.

e Progress in extraction methods: A modest price increase is sufficient to
incent producers to increase drilling. Increased drilling also sometimes leads
to cost reductions through technological improvements. These factors might
result in an even higher supply of low-cost gas, maintaining prices in the
$4.00/MMBtu range, even with expanding exports.

Wood Mackenzie’s assessment is that price dampening factors are likely to dominate the
supply/demand dynamics of natural gas price fundamentals, at least over the next decade.
Longer-term (beginning in the late 2020s), exports and electric fuel switching could
greatly increase and lead to strong upward pressure on gas prices, resulting in the need to
develop more expensive shale gas fields to meet export demand.
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Gas Transportation Cost

PGE has gas pipeline transportation contracts for existing and planned power plants (see
Section 6.2 for more detail). For generic new gas-fired plants in our candidate portfolios,
it is not practical to forecast the cost of gas transportation without knowledge of the plant
location, in-service timing, and supply options.

In our modeling of new gas-fired plants located in the Pacific Northwest, we based fixed
gas transport costs on current 2013 rates of $0.41 per dekatherm (Dth) on Northwest
Pipeline (NW Pipeline) and $0.47/Dth on Gas Transmission Northwest (GTN, a unit of
TransCanada Pipelines Limited). We then assumed escalation at inflation starting in
2014. We feel this is a reasonable proxy for any future transportation requirements to
meet gas-fired plant fuel needs.

NW Pipeline and GTN comprise the primary system for long-haul natural gas
transmission from the Canadian and Rocky Mountain supply basins to Pacific Northwest
gas-fired plants. NW Pipeline’s system extends from the Canadian Border (at Sumas,
Washington, which also connects with the Spectra Pipeline) to the Rockies region. This
pipeline interconnects with the Kelso-Beaver (K-B) Pipeline and serves or will serve our
Port Westward (PW), Beaver, and Port Westward 2 (PW 2) plants. GTN’s system
extends from the Canadian Border (Kingsgate, Idaho) to Malin, Oregon. This pipeline
serves or will serve our Coyote Springs (Coyote) and Carty plants.

6.2 Gas Acquisition, Transportation, and Storage Strategy
Introduction

This section begins with an overview of our gas plants, pipelines, and storage facility.
We then look at physical gas supply, as well as associated price hedging. Next, we
discuss transportation and storage, including how these are important parts of our
portfolio approach to managing gas resources. Finally, we consider possible
developments which could impact our strategy in the future.

Overview

With the addition of the PW 2 and Carty power plants, PGE’s natural gas-fired
generation portfolio totals roughly 1,900 MW of nameplate capacity, representing a
mixture of base load resources and flexible peaking supply. With gas-fired power plants
representing such a significant proportion of our resource portfolio, managing the effects
of natural gas prices and supply are key elements of PGE’s overall strategy to supply
reliable power at reasonable prices.

Figure 6-5 shows the locations of our current (PW, Beaver, and Coyote) and future
(PW 2 and Carty) gas-fired resources. The figure also shows the locations of transport
pipelines and storage facilities. We holistically manage transportation, storage, and plant
dispatch as components of a portfolio.
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Figure 6-5: Gas-fired plants, pipelines, and storage

Spectra B.C Pipeline

Huntingdon/Sumas

Willlams
(Northwest Pipeline Corp.)

We currently acquire and deliver natural gas to the PW, Beaver,*? and Coyote plants.

For the PW/Beaver site, NW Pipeline provides gas transportation services from Sumas,
Washington. The K-B Pipeline provides the final link from the main NW Pipeline to
these plants. We have a contract for use of Northwest Natural Gas Company’s (NW
Natural) Mist Storage Facility, which also connects to the PW/Beaver site. For Coyote,
GTN provides gas transportation services from Alberta, Canada.

PW 2, which is located adjacent to PW, is expected to be completed in the first quarter of
2015. The current Mist storage contract expires in 2017. To replace the Mist agreement
and provide for PW 2’s fueling needs, we have entered into a Precedent Agreement with
NW Natural for firm storage at NW Natural’s North Mist Expansion project, located
north of the Mist Storage Facility. The North Mist Expansion agreement will provide
PGE approximately twice the storage volume we currently have at Mist.

2 We do not include Beaver 8 in this strategy because it is small (24 MW of nameplate capacity). The gas
transportation and storage strategy discussed for the PW-Beaver Complex can also serve the needs of Beaver 8 when
necessary.
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We expect to complete Carty in mid-2016. To supply Carty with gas, we have signed a
Precedent Agreement with GTN for construction of and service on the Carty Lateral line.
We have also secured firm gas transportation on the main GTN line.

Supply

Our general gas procurement strategy is to use financial instruments to hedge price risk
and then purchase physical gas at index. This is a least cost approach to achieving two
important goals with respect to fueling our natural gas plants:

1. Reliable physical supply, and
2. Price risk mitigation.

PGE uses market instruments such as financial swaps to hedge gas price exposure. This
allows us to fix the price of gas without buying the physical commodity until it is
required. Over time, the overall gas market has transitioned from long-term physical
purchases to a combination of shorter-term physical purchases (at index)* and financial
instruments to lock in prices over longer periods of time. Specifically, PGE’s Mid-Term
Strategy employs a layering approach to gas price hedging. Under this approach, the
price customers pay for gas expected to be used in a particular year is determined by the
aggregate financial transactions made for that year during the preceding five-year period.
We provide a detailed discussion of PGE’s natural gas and wholesale electricity hedging
strategy below in Section 6.4.

Physical gas supply contracts for winter, summer, and annual delivery periods trade in a
liquid wholesale market. We transact in this market to secure physical gas at the AECO
and Sumas trading hubs. In addition to seasonal and annual purchases, we use day-ahead
purchases, off-system sales, and storage to balance our portfolio. In making unit
commitment and dispatch decisions with respect to our gas-fired plants, we compare
market electric and gas prices, operating the plants when the market price for electricity
is greater than the cost of purchasing gas and burning the fuel to produce power. This
economic dispatch approach, enhanced by transportation and storage flexibility, reduces
our overall power supply costs.

* Under an index contract, the price paid is the market price for gas at the time of delivery.
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Transport and Storage

PW 2 and Carty will add to our firm transportation and storage requirements as shown in
Table 6-1. In addition, our Mist storage contract expires in 2017.

Table 6-1: Port Westward 2 and Carty fueling requirements

Port Westward 2 Carty
Size (MW) 220 440
Gas Demand (Dth/day) 45,000 75,000
Pipeline/Storage NW Pipeline/Mist GTN

To meet Carty’s requirements, we have secured firm transmission rights for

75,000 Dth/day on the GTN pipeline.

In addition, we have signed a Precedent

Agreement with GTN for the Carty Lateral line and are participating in Nova Gas
Transmission Limited’s (NGTL) open season.”* To meet PW 2’s requirements, in
addition to existing requirements for PW and Beaver, we have a two-part strategy. First,
we will retain our current NW Pipeline transmission rights. Second, under our Precedent
Agreement with NW Natural, we will replace Mist storage with expanded capabilities at
the new North Mist Expansion facility. Table 6-2 lists these expanded capabilities.

Table 6-2: North Mist Expansion storage rights

Contract Provision

Size/Scope

Total Capacity

2.54 billion cubic feet

Withdrawal Rights

120,000 Dth/day

Injection Rights

56,000 Dth/day

Flexibility

No notice service

The combination of North Mist Expansion storage and firm transportation rights on NW
Pipeline will meet the combined fueling needs of Beaver, PW, and PW 2

(225,000 Dth/day).

Ongoing and Future Developments

Much of the future shale gas production is expected to come from Canadian sources,
more than half of which are located in the Western Canadian Sedimentary Basin
(WCSB). PGE will be able to access this WCSB gas through the Spectra and

*“ The full gas transportation path for Carty includes NGTL, Foothills Pipeline System (Foothills), GTN, and the
Carty Lateral, in that order. We are confident that NGTL will meet our open season request. Foothills has available
capacity. Then, as discussed above, we have already secured firm transmission rights with GTN and signed the
Precedent Agreement with GTN for the Carty Lateral.
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TransCanada Pipelines. Furthermore, increases in shale gas production in the Marcellus
region (Northeast U.S.) will displace Canadian exports which have historically supplied
that region. These shifts will likely impact flow patterns and result in additional gas
supplies in Pacific Northwest markets.

Two possible expansion projects could impact PGE in the future. First, NW Pipeline is
considering the Evergreen Expansion, which would increase capacity from Sumas
southward along the I-5 corridor. Second, NW Natural is evaluating interest in the Cross
Cascades Pipeline, which would run between Madras and Molalla.*> Both projects
depend on firm customer commitments and would not be completed until 2017 or 2018 at
the earliest. Given the high level of uncertainty with regard to the execution of these
projects, we are monitoring developments at this time.

The combination of rapidly evolving gas supply and uncertainty about the pace and
extent of economic expansion, oil prices, electric demand and fuel switching, emissions
regulations, and other factors make future gas prices uncertain. While most predict
relatively low and stable gas prices over the long-run, short-term variations will likely
occur. Our Mid-Term Strategy’s layering approach addresses these uncertainties,
working to reduce year-to-year customer rate impacts associated with natural gas fuel
costs.

We have also considered longer-term procurement of physical gas supply as a means of
minimizing price risk for customers. However, structures under which PGE would
acquire long-term supplies of physical gas are currently unattractive. Our concerns about
these structures include significant risk premiums built into the pricing, as well as
collateral issues associated with long-term purchase commitments.

Compared to firm pipeline transportation, storage provides much more fueling flexibility
for gas-fired resources that will be increasingly used to follow wind and other variable
energy resources. Storage at North Mist Expansion will allow PGE to maximize the
capabilities of PW 2 to follow rapid changes in wind production and customer electricity
demand. We are not aware of any other new storage facilities under development in the
region; however, various entities have begun to study potential new gas storage
development sites, as well as the more general topic of gas-electric interdependence.

The Western Gas-Electric Regional Assessment Task Force under the Western Interstate
Energy Board has recently selected Energy and Environmental Economics (E3) to
perform a study of the existing and likely future gas-electric infrastructure in the western
U.S. The study is also tasked with identifying problems and possible solutions.
Specifically, the study should “drill down on short (intra-day, volatile week) time periods
to assess gas deliverability during big gas-fired generation ramps such as rapid and
significant changes in wind and solar variable generation.” The study should be
completed in the summer of 2014. In addition, the Northwest Gas Association and the
Pacific Northwest Utilities Conference Committee (PNUCC) have done joint work on
“natural gas and electric convergence,” summarizing the current Northwest infrastructure

*® The project previously included other potential partners and was known as the Palomar Pipeline.
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as a starting point. We will continue to monitor these and other research efforts regarding
natural gas plant fueling.

6.3 Coal Price Forecast, Supply, and Market Conditions

Coal Price Forecasts

PGE’s approach to developing coal price forecasts is similar to that used for natural gas.
We rely on current contracts for coal delivered to Boardman through 2014. We then use
the EIA Annual Energy Outlook 2013 (AEO) from 2015 forward.

We also add transportation costs to the commodity price forecast for Boardman coal.
Transportation can amount to approximately two-thirds of the total costs for a rail
delivered coal plant like Boardman. We base rail delivery costs on PGE contracts
through 2017. After 2017, we rely on an outside consultant’s forecast of coal
transportation costs and potential surcharges.

The resulting forecasts for the period 2014-2033 are shown in Figure 6-6.

Figure 6-6: Powder River Basin 8,400 Btu/lb. delivered coal, nominal $/short ton

—+—Reference $49.35 Real Levelized 2013%
—=—High $66.87 Real Levelized 2013%
Low $40.87 Real Levelized 2013%

$/Short Ton
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We simulated high and low coal price futures for all coal prices in this IRP (PGE’s plants
and regional generic coal prices) to capture the uncertainty around coal price forecasts.
The high and low price futures are estimated using the projected annual percentage
difference between base case and high and low case coal commodity forecasts in the
EIA’s AEO. We apply that difference to the annual price of the reference case coal for
each modeled coal source.
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For Colstrip, a mine mouth plant, we use estimated plant coal commodity costs for
2014-2017. For modeling purposes, projections of coal prices for 2018 and beyond apply
an escalation factor based on average increases since 2010.° The projected coal
commaodity costs for Colstrip are provided in Figure 6-7.

Figure 6-7: Colstrip commaodity cost of 8,500 Btu/lb. coal, nominal $/short ton

——Reference $25.53 Real Levelized 2013%
—=—High $38.11 Real Levelized 2013%
- Low $17.35 Real Levelized 2013% /
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For other WECC coal price forecasts used in AURORAxmp, we use updated delivered
coal prices from the EIA’s Electric Power Monthly February 2013 Table 4.10a and apply
an escalation factor based on the average escalation of delivered coal prices for the

Pacific Northwest (inclusive of rail costs).

Coal Supply

Production in the Southern Powder River Basin has grown strongly in recent years. This
basin now represents almost 40% of U.S. coal production on a tonnage basis and is
expected to increase to roughly 50% by the end of our long-term planning horizon.

Market Conditions

The 2013 EIA AEO projects modest increases (1.4% annually) in mine mouth prices.
This reflects the expectation of:

e Modest increases in production costs associated with moving to reserves that
are more costly to mine; and,

*® The current contract for coal supply expires at year-end 2019. Colstrip’s co-owners have commenced discussions
with the mine owner for renewing the agreement, but at this point future cost and term details have yet to be

determined.
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e Technological improvement that partially offsets the movement to higher cost
reserves.

U.S. coal production is still overwhelmingly influenced by domestic demand, but in the
longer-term, exports will play an increasing role. EIA projects a contraction of U.S. coal
production until 2016, when export terminals will open up new markets and increase
overall demand, stimulating additional domestic supply.

On the demand side, domestic consumption has been depressed by formidable
competition from natural gas (gas prices plummeted to $2/MMBtu in 2012), expansion of
state renewable resource requirements, and stricter environmental regulations (mercury,
regional haze, acid gas, etc.). In the mid-term, greenhouse gas emission regulations may
prevent new coal plant additions and promote early retirements of less efficient units.
Starting in 2016, however, EIA projects coal production increases averaging 0.6% per
year through 2040. This increase is the result of growing exports and increased use in the
electricity sector, as electricity demand grows and natural gas prices rise.

The EIA reference case does not anticipate significant shocks to either demand or supply.

6.4 Natural Gas and Wholesale Electric Market Hedging

Electric utilities face two primary energy market exposures that can be hedged: natural
gas and wholesale electricity. The former is generally a driver to the latter, since natural
gas plants frequently are the marginal resource in regional resource dispatch stacks. In
contrast, there is no liquid coal market to lean on for hedging; instead, coal is primarily
hedged through long-term purchase agreements.

PGE’s current portfolio of generation assets is “short” to the customers’ demand it serves
(the generation from our owned and contracted resources is not sufficient to meet our
annual average load). The additions of the Tucannon River wind farm, and the Carty and
Port Westward 2 gas-fired plants, enable PGE to more closely meet our customers’
average electricity demand. Because the Carty and Port Westward 2 plants will meet
more of the electricity need through the consumption of natural gas, these resource
additions shift PGE’s short electricity position to a short gas position.

In developing a hedging strategy, PGE differentiates commaodity risk exposure into two
primary types of risks:

1. Exposure to price movements (referred to as price risk); and,

2. Exposure to the procurement of actual physical gas or wholesale market
electricity (referred to as physical risk).

Different contractual instruments can be used to hedge one risk vs. the other. In addition,
some products can simultaneously hedge both.
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Price risk can be hedged through the use of financial products called futures or fixed-for-
float swaps. As part of the market-wide implementation of the Dodd-Frank reporting
rules, PGE is transitioning from executing primarily financial fixed-for-float swaps to
using futures. These financial products allow PGE to pay a known fixed price associated
with a future commodity transaction.

Physical risk exposure can be effectively hedged using either a fixed physical or index
physical transaction with a counterparty. These contracts both procure physical energy.
Fixed physical contracts have the advantage of hedging both price and physical risk
exposures, while index physical products only procure for the energy (the risk of future
price movements still exists).

Hedging Strategy

PGE considers its risk exposures to coal, natural gas, and wholesale electricity prices in
aggregate. As stated above, the hedging strategy for coal is handled primarily through
long-term contracts. For PGE, price risk and physical risk are therefore concentrated
around natural gas and wholesale electricity. PGE further divides this risk into three
windows of time:

1. Long-term risk;
2. Mid-term risk; and,
3. Near-term risk.

PGE defines long-term risk as risk beyond five years. The wholesale market for natural
gas and electricity does not offer liquidly traded products to effectively hedge this risk.
Further, risks associated with this timeframe include much more than commodity risk.
Beyond the five-year planning horizon, PGE would also need to consider its portfolio risk
exposures to regulatory, legislative, and technological changes to name a few. Therefore,
in accordance with the Public Utility Commission of Oregon (OPUC) IRP Guidelines,
PGE discusses these risks and recommends actions to mitigate them within the IRP
process. A commodities-only hedging program would not be an effective tool for this
window of risk.

Mid-term risk is defined as risks beyond 24 months but less than 5 years. The goal for
PGE’s mid-term hedging program is to address price volatility. In order to reduce our
customers’ exposure to Wholesale commodity markets, the mid-term hedging program
layers in purchases over time. Each purchase is made using financial instruments that fix
a small portion of customers’ prices at a known cost for a portion of either the gas or
electricity need. These small and mostly systematic purchases allow for a closer match
of customer prices and the commodities’ forward markets over time. In a market with
rising prices, layering purchases will yield lower costs to customers when compared to a
portfolio that was not hedged at all. While in an environment of declining wholesale
market prices, layering purchases over time will not yield as low a price as an un-hedged
portfolio. Ultimately, success of this strategy is not to be judged by the absolute price
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delivered to customers, but rather its success hinges on the predictability and stability of
PGE’s customers’ prices.

Near-term risk is defined as risk within a 24-month window. PGE relies primarily on the
wholesale market for both natural gas and electricity to hedge this risk. Within this
window of time, PGE may find itself buying from or selling into the commodities
markets depending on the expected economic dispatch of the generation portfolio. This
24-month window is also the most liquid, with a wholesale market that offers annual,
quarterly, and monthly products that more closely match PGE’s risk exposures. This
procurement window, therefore, allows for shaping of the supply portfolio to better match
its needs. Ultimately, PGE submits its portfolio for OPUC and intervener review within
the Annual Power Cost Update procedure (Schedule 125).

Natural Gas Hedging

PGE employs a number of hedging strategies for natural gas supply:

e PGE layers-in contracts of differing durations of up to five years in advance of
our need for a portion of expected future fueling requirements. As we get
closer to our fueling need, purchases are increased to ensure that we have
acquired contracts to meet our expected requirements roughly one year in
advance. This deliberate layering or time diversification avoids over exposure
to a single price and adverse market conditions.

e PGE employs fuel storage as a cost-effective means of providing seasonal
reliability and price hedging.

e To improve longer-term price and supply stability, we are also exploring
opportunities for gas-in-the-ground reserves, but have not executed any such
transactions. Such contracts are priced at a premium and require collateral.
However, given the historically low gas prices, our Action Plan calls for
further exploration of the potential merits of long-term gas supply (including
storage and reserves).

All natural gas hedging transactions are subject to strict corporate governance
requirements with regard to credit, collateral, contract limits, transaction authorizations,
etc.

Wholesale Electricity Hedging

Spot market electricity prices can be unusually volatile for the following reasons:

e Unlike most commaodities, including natural gas, electricity cannot be stored
directly.

e Demand for electricity is in real time.

e Generally, there is no real time consumer price feedback for electricity
demand.

e Electricity prices are particularly vulnerable to shocks, such as extreme
weather, generating plant outages, and transmission congestion.
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e Natural-gas fired plants tend to be the marginal resource much of the time,
where the gas commodity is the dominant cost component and is itself
volatile.

The factors that contribute to spot electricity price volatility can also make it difficult to
hedge. PGE thus believes that the most effective supply and price hedge is to reduce our
reliance on spot and short-term purchases of market electricity. PGE’s goal when
designing candidate portfolios in this IRP is to be essentially flat to our annual average
load by 2017 and each year thereafter. We say “essentially” because we do recommend
continuing to supply up to 100 MWa of energy in any given year, and 300 MW of
capacity (declining to 200 MW in 2019), from short-term markets as a hedge against load
variability. Such energy resources can be a combination of energy efficiency, owned
“base load” generating resources such as wind and natural gas, PPAs, forward term
purchases of one year or longer duration, and fixed price contracts to buy and sell
electricity seasonally.

For periods of higher winter and summer demand, where our resources are insufficient,
we recommend a combination of demand-side and supply-side measures to meet the one-
hour annual peak. Such measures include energy efficiency, demand response,
dispatchable standby generation, flexible natural gas generation, and seasonal contracts to
buy electricity.

In addition, as a mid-term strategy, PGE enters into financial fixed-for-floating wholesale
electricity swaps of durations up to five years to balance our portfolio to load and further
reduce exposure to wholesale price volatility. As with natural gas, such hedge
transactions are also subject to strict corporate governance requirements with regard to
credit, collateral, contract limits, transaction authorizations, etc.

Cost and Limitations of Hedging

Hedging is basically a form of insurance to reduce the risk of physical supply disruption
or to provide improved price stability. As such, over the long-run, this risk reduction
comes via a somewhat higher cost or premium. The premium is composed primarily of
transaction costs and a liquidity premium, which typically increases with duration, for
locking-in a fixed price. Financial price hedging can reduce the severity of unwanted
price outcomes, but it does so at the cost of also foregoing potentially favorable price
changes.

The Role of Hedging in the IRP

Not surprisingly, markets for natural gas and spot electricity (both physical and financial)
become less robust and less liquid as the duration of a transaction increases. Ten years is
currently the longest transaction term available, however, liquidity diminishes rapidly
once terms extend beyond two years from the current point. Of the two, financial
hedging instruments are typically available in longer durations than their physical
counterparts. Hedging is thus primarily an operational and tactical tool. By contrast, the
IRP is primarily a strategic planning tool to aid in long-term resource portfolio decisions.
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When making an IRP resource decision with up to a 35-year life, hedging tactics play a
less prominent role in the decision. For instance, we cannot hedge against a future in
which natural gas prices are substantially higher over the long-run than what we had
assumed at the time of the resource acquisition decision. Thus, in this example, hedging
can reduce the variability of prices, but not the overall level of the prices themselves. For
this reason, we do not attempt to employ market hedging instruments in our IRP analysis.

Consideration of hedging reinforces the importance of developing a portfolio that limits
exposure to events and price movements that can cause large and adverse changes in
value. Hedging is a set of strategies employed to reduce exposure to adverse outcomes,
such as price movements. One of the most common forms of hedging with respect to
portfolio construction and management is asset diversification. From the stand-point of
an electric utility, this can be accomplished by increasing the number and type of
resources (both technology and fuel types) used to serve customer demand. By
diversifying its portfolio of energy and capacity resources, a utility is less likely to
experience large, adverse changes in the cost to produce and deliver electricity to its
customers over time.

The Use of Hedging in PGE Modeling

PGE’s primary portfolio cost modeling tool, AURORAXmp, is an hourly production cost
model that dispatches resources and establishes electricity prices based on marginal costs.
Since no long-term markets or forecasts exist for the price or availability of market
hedging instruments for electricity or fuels, it is not possible to include these in the long-
term production cost model. However, PGE’s IRP modeling does explicitly consider the
value of hedging with physical resources through varying the composition of our
candidate portfolios, and examining relative cost and reliability performance. This is
accomplished primarily in two ways:

1. First, by constructing incremental portfolios that are “pure plays”, and
deliberately relying on relatively high levels of a single resource type, and
then comparing its performance on cost and supply (reliability) risk against
portfolios that are more diversified. The diversified portfolios are intrinsically
better hedged by reducing exposure to single risks. By constructing portfolios
with divergent resource compositions and assessing their price and reliability
performance we gain insights into the value of hedging through
diversification.

2. The second way that we are able to test the value of hedging is by
constructing a “market portfolio” that relies heavily on short-term electricity
purchases. The cost variability and supply reliability of this portfolio can then
be evaluated against portfolios that have long-term assets that “fix” a portion
of the price of electricity produced. In this way an electric generator (wind
farm, gas plant, etc.) or other long-term resource can be viewed as an electric
market hedge. The degree of hedge (or risk mitigation) is a function of the
proportion of the cost of electricity from the resource that is fixed (and thus
not exposed to market price changes), versus the proportion of total cost that
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is variable and influenced by energy market prices. For example, a wind
turbine has a high proportion of fixed costs (investment and fixed operating
costs) and virtually no variable costs that are directly influenced by electricity
and fuel prices, and thus provides considerable hedge value against energy
market price changes. By contrast, a significant portion of the total electricity
cost from a natural gas plant is determined by variable fuel costs, and thus the
gas plant provides only a partial mitigation against energy market price risk.
The hedge value of acquiring a long-term physical resource can be assessed
through comparing the price variability and supply reliability performance of
the incremental portfolio dominated by short-term electric market purchases
against that of the portfolios which include more long-term resources. This is
one of the elements we assess via our risk assessment approach and risk
metrics explained in Chapter 9 - Modeling Methodology.
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7. Environmental Considerations

One of the biggest challenges we face is to reliably meet the energy needs of our
customers at a reasonable cost, while being good stewards of the environment. At the
same time, the political and public policy climate related to future energy and
environmental issues continues to evolve. Consequently, the potential for increased
environmental regulations and shifts in energy policy add a significant element of
uncertainty to resource planning.

This section outlines PGE’s CO; reduction principles and the environmental compliance
assumptions used in our analysis. It also assesses uncertainties related to potential
environmental regulation and policy developments, and discusses our progress in meeting
Oregon’s Renewable Portfolio Standard (RPS). The assumptions described here are used
in determining the real levelized costs of the generation resources outlined in
Chapter 8 - Supply-side Options and Chapter 9 - Modeling Methodology.

Chapter Highlights

» PGE supports carbon regulation that is national in scope and that
applies equally to all sectors of the economy.

» Energy efficiency, renewables, and cessation of coal operations at
Boardman greatly reduce PGE’s CO, “footprint” over time.

» All of our portfolios comply with Oregon’s RPS.

» The real levelized costs for new gas and IGCC coal generating plants
include estimates for offset payments to the Climate Trust per OEFSC
rules.

» We model a carbon dioxide (CO,) compliance cost in our reference
case of $17.61 per short ton (real levelized 2013$). The CO, cost
starts at $16 per short ton in 2023 (escalating at 8% a year).

» We also model five alternate CO, compliance scenarios in our
portfolio analysis: no carbon cost, $17.48, $35, $16, and $136 per

short ton with different start dates and varying growth rates.
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7.1 Sustainable Actions for CO2 Reduction

Sustainability Context

PGE believes responsible protection of the environment should be compatible with cost-
effective business practices. Further, a corporate policy that ensures that we are
sustainably addressing environmental issues is in the best long-term interest of our
customers, shareholders, and the communities we serve.

Subsequent sections in this chapter discuss actions we’ve already taken, and future
actions we’ve committed to take which will further reduce PGE’s CO, emissions. We
also discuss the impact of these past and future actions on PGE’s carbon footprint.

Principles for Addressing CO, Emissions

We believe that it is prudent to take reasonable steps to reduce greenhouse gas emissions
and mitigate potential environmental impacts as the public policy and political leadership
at the regional, national, and international levels grapple with how to implement carbon
reduction regulation, while minimizing economic disruption.

PGE will be guided by the following principles for sustainably reducing our
CO, footprint:

e Continue PGE’s mandate to provide customers with reliable and affordable
electric power while adhering to OPUC IRP principles of least cost/least risk
resource planning.

e Continue to support acquisition of all cost-effective EE within our service area
through the Energy Trust of Oregon (ETO).

e Support federal action to achieve carbon emissions reductions equitably
across all sectors of the economy.

e Continue to support public policies that seek out lower-impact resources while
striving to increase generating portfolio diversity.

e Continue to advocate for tax policy and incentives that help mitigate the cost
to utility customers for energy efficiency and renewable power.

e Continue to collaborate with regulators and stakeholders to ensure we have
sustainable regulatory and statutory structures that will help deliver on these
principles.

7.2 PGE Activities in Support of a Sustainable, Diversified Future

An ongoing objective for PGE is to undertake cost-effective actions that are
environmentally responsible, while retaining supply diversity. The following activities,
some of which are discussed further in other sections of this or other chapters,
demonstrate the commitment of PGE and our customers to meet growing energy needs at
a reasonable cost while being good stewards of the environment:
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1. With the addition of the Tucannon River wind farm, PGE will have
approximately 817 MW of wind capacity in its portfolio.

2. According to AWEA, as of the end of 2012, PGE with 450 MW of owned
wind, ranks 4™ in that category (utility ownership). For 10Us, PGE ranks 14"
for total wind on system, when including ownership and PPAs.

3. PGE has contracts with several parties for solar PV projects. PGE also
provides support for residential customers with solar through the Solar
Payment Option program, and other net metering options.

4. PGE took a lead position in the addition to the SB 838 (2007) legislation
allowing for additional funding for EE. This has led to an expansion in ETO
EE activities to the maximum achievable at the prescribed cost-effectiveness
limits. In many instances, the EE acquired would otherwise have become a
lost opportunity. The investment in EE also provides a beneficial impact to
PGE’s load factor by having a 50% greater impact on winter demand
compared to average annual reductions.

5. PGE’s customers lead the nation with respect to participation in the utility’s
voluntary renewable power options. Since 2009, PGE has been ranked
number one in the nation by the U.S. Department of Energy’s National
Renewable Energy Laboratory (NREL) for the number of renewable energy
customers participating.”” And in 2012, PGE’s voluntary programs sold more
renewable energy than any other voluntary utility program in the U.S.*®

6. PGE has always sought out the potential for efficiency upgrades to its thermal
and hydro plants, resulting today in these plants producing over 150 MW
more output than at original design for no additional fuel consumption.

7. PGE’s 2009 IRP called for the cessation of coal operation at its Boardman
facility at the end of 2020. PGE continues to examine the feasibility of using
the Boardman facility for biomass conversion.

8. PGE, following the lead of the Governor’s office, has been a utility leader in
helping attract solar manufacturing facilities to this area. We also worked
with the State of Oregon to develop the nation’s first solar highway project.*®

9. PGE is a leading utility in efforts to build an initial electric vehicle public
recharging infrastructure, which has in turn attracted interest by the vehicle
manufacturing industry to use Portland as a test base for plug-in electric
vehicles.

" U.S. Department of Energy, Top Ten Utility Green Power Programs,
http://apps3.eere.energy.gov/greenpower/resources/tables/topten.shtml (last visited Sept. 13, 2013).

*® portland General Electric, DOE ranks PGE No. 1 in U.S. for sales of renewable energy,
http://www.portlandgeneral.com/our_company/news_issues/news/06_05 2013 doe_ranks pge no 1 _in_u_s_for.as
px (last visited Sept. 13, 2013).

%% See Chapter 2 - PGE Resources, Section 2.5, for more detail on this project.
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10. During 2013 and 2014, PGE is converting cobra-head style high-pressure
sodium street lights to LED lighting. By the end of 2014, PGE will have
converted approximately 25,000 fixtures. The LED lights use 60-70% less
energy, last four times longer, and improve nighttime visibility. The LED
components are recyclable.

7.3 Results of PGE’s Carbon Reduction Actions

In this section, we focus on the results, both historical and projected, of PGE’s carbon
reduction actions over the 2000-2025 period. Our actual CO, emissions in 2000 were
9.9 million (short) tons. Had we simply met load growth with combined-cycle
combustion turbine (CCCT) generation or undifferentiated wholesale power market
purchases, our projected emissions for 2025 would be roughly 13.4 million tons.
However, based on actions we have already implemented and new actions we plan to
execute in the future, we now project 2025 portfolio emissions of only 7.8 million tons.

Three primary actions account for most of the large reductions in projected emissions
(difference between the 13.4 and 7.8 million tons in 2025). First, energy efficiency (EE)
measures have reduced the need for new greenhouse gas-emitting generation. The
carbon reduction effect of these EE measures is shown in green in Figure 7-1. We use
actual historical figures through 2012 and Energy Trust of Oregon (ETO) projections
going forward. Second, rather than meeting all new load net of EE with gas-fired
generation; we have acquired additional renewable energy resources, primarily wind.
Figure 7-1 includes in red our Biglow Canyon (currently operating) and Tucannon River
(under construction) wind facilities, as well as renewable generation contracts (primarily
wind). This figure also includes additional future renewables which will be needed to
meet 2020 and 2025 Oregon RPS. The third major action which will contribute to a
major reduction in carbon emissions is planned cessation of coal-fired generation at
Boardman at the end of 2020. Figure 7-1 shows in orange the carbon reduction effect of
substituting “market mix” power (roughly equivalent to a CCCT) for Boardman coal
generation beginning in 2021.

Our projected 2025 CO, emissions of 7.8 million tons are 20% lower than our actual year
2000 CO, emissions of 9.9 million tons. They are also 41% lower than the 13.4 million
ton level which would otherwise occur absent continued EE, new renewable resources
and the planned cessation of coal operations at Boardman.
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Figure 7-1: PGE carbon profile over time
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Whereas Figure 7-1 considers absolute CO, emissions, Figure 7-2 considers these
emissions relative to customer demand, which increases over time. Specifically, Figure
7-2 measures carbon intensity by CO, output divided by load.*® The “normalizing for
load” approach shows a 37% decrease in carbon intensity over the period 2000-2025. In
year 2000, we emitted 0.46 tons of CO, for every MWh served, while in 2025 we project

much lower emissions intensity of 0.29 tons per MWh.

%0 Load in Figure 7-2 is the load associated with a “meet load growth with CCCT projection; do not acquire EE or

renewable resources and do not cease coal operations at Boardman” scenario.
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Figure 7-2: PGE carbon intensity over time
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Figure 7-1 and Figure 7-2 show that, over time, EE, renewables, and cessation of coal
operations at Boardman combine to substantially reduce PGE’s carbon footprint. These
figures are similar to those at the end of Chapter 10 - Modeling Results, Section 10.3.>

7.4 Renewable Portfolio Standard

On June 6, 2007, Oregon adopted a Renewable Portfolio Standard (RPS), codified at
ORS chapter 469A. The Oregon RPS requires that 25% of our retail energy be served by
qualifying renewable resources by 2025, with interim targets of 5% by 2011, 15% by
2015, and 20% by 2020. Qualifying resources include generating facilities placed into
operation on or after January 1, 1995, and their incremental improvements.

> Specifically, Figure 7-1 and Figure 7-2 reflect essentially the same strategy as our “Baseload Gas/RPS only”
portfolio described in Chapter 9 - Modeling Methodology. Therefore, they show generally the same results as do
the figures at the end of Chapter 10 - Modeling Results, Section 10.3, for the “Baseload Gas/RPS only” portfolio.
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Quialifying resources include:

e Wind

e Solar photovoltaic and solar thermal

e Wave, tidal, and ocean thermal

Geothermal

Certain types of biomass

Biogas from organic sources such as anaerobic digesters and landfill gas

New hydro facilities not located in federally protected areas or on wild and

scenic rivers, and incremental hydro upgrades

e Up to 50 MWa per year of energy generated from certified low-impact
hydroelectric facilities

The legislation further provides that Tradable Renewable Energy Credits, commonly
known as Renewable Energy Credits (RECs) or Green Tags may be used to fulfill the
RPS targets, if independently verified and tracked. Bundled RECs must physically reside
within the U.S. portion of the WECC. For unbundled RECs, the facility that generates
the qualifying electricity must be located within the geographic boundary of the WECC.
RECs obtained by utilities through voluntary green power programs do not apply toward
meeting the RPS compliance targets.

The legislation allows a REC to be carried forward or "banked" and used to meet RPS
requirements in a future compliance year other than in the calendar year it was generated,
with specific limitations. RECs are tracked via the Western Renewable Energy
Generation Information System (WREGIS). According to Oregon Administrative Rule
330-160-0030(1), the banking of RECs begins January 1, 2007. Unbundled RECs may
be used to meet a maximum of 20% of a utility’s annual REC requirement. Under
ORS 469A.180, an electric company may also use alternative compliance payments to
meet the RPS requirements.

The Oregon RPS requires that each electric company and each ESS must file a
compliance report annually and that each electric company must file an implementation
plan at least once every two years.

Under ORS 469A.100, an electric company is not required to comply with the RPS to the
extent that the incremental cost of compliance would exceed 4% of its revenue
requirement in a compliance year. The cost cap is met by applying the incremental cost
of development of a renewable resource over an equivalent nonrenewable resource. If
subject utilities fail to meet the compliance target for reasons other than reaching the cost
cap, then they may be subject to a penalty imposed and determined by the OPUC. All
prudently incurred costs associated with RPS compliance are recoverable under the RPS
legislation, including those associated with transmission and development.

%2 The incremental levelized cost difference between nonrenewable and renewable resource choices is applied
evenly towards the cost cap throughout the life of the project.
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OPUC Docket AR 518

AR 518 was a rulemaking docket which addressed detailed implementation of the RPS.

Phase | of the rulemaking focused on the new renewable energy portion of the public
purpose charge. Phase Il of the rulemaking addressed RECs that may be used to meet the
RPS.

Phase 111 of the rulemaking addressed estimating the annual revenue requirement and the
incremental cost of compliance, the timing of updated information on costs, a general
outline for the bi-annual implementation plan, a general outline for the annual
compliance reports, and a general outline for compliance standards and alternative
compliance payment rates and use of such funds. The rules were adopted by the
Commission on August 3, 2009, Order No. 09-299.

After adoption of the rules, there were further discussions among parties as to how to
calculate the incremental cost of compliance for purposes of the 4% test. OPUC docket
UM 1616 resulted in a draft stipulation among all parties that provides additional
specifications on how to compute the cost of renewable and proxy resources. If adopted,
the new specifications should not result in material changes to cost calculations.

Solar Photovoltaic Capacity Standard

The Solar Photovoltaic Capacity Standard is a legislative mandate that by
January 1, 2020, PGE must own or contract to purchase 10.9 MW of solar photovoltaic
capacity. Individual solar systems must be between 500 kW and 5 MW in size. Such
systems are RPS-qualified. PGE is on track to meet the standard. Systems to comply
with this standard include the Bellevue, Yamhill, Baldock, and Outback projects
described in Chapter 2 - PGE Resources, Section 2.5.

Status of PGE’s RPS Compliance

In our 2009 IRP, we targeted 122 MWa of new renewables to achieve physical resource
compliance with Oregon RPS requirements in 2015. Due to the continued economic
slowdown resulting in reduced load and additional customer opt-outs being served by an
Energy Service Supplier, this forecast was lowered to approximately 101 MWa for our
2012 Renewable Resource RFP.

As discussed in Chapter 2 - PGE Resources, our Renewable RFP resulted in acquisition
of the Tucannon River Wind Farm, a 267 MW project with a capacity factor of
approximately 36.8%, which equals roughly 98 MWa on an annual basis. This resource
is expected to be in-service the first-half of 2015 and will allow us to meet the projected
2015 RPS requirement (on an annualized basis). Table 7-1 below provides and
assessment of our current and future RPS resources and requirements.
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Table 7-1: RPS resources and requirements

2015 2020 2025
Calculate Renewable Resource Requirement:
PGE retail bus bar load 2,435 2,707 2,964
Remove incremental EE (69) (184) (259)
Remove Schedule 483 5-yr. load (181) (186) (186)
A) Net PGE load (MWa) 2,185 2,338 2,520
Renewable resources target load % 15% 20% 25%
B) Renewable Resources Requirement 328 468 631
Existing renewable resources at bus bar:
Biglow Canyon 143 143 143
Tucannon River* 57 98 98
Klondike I 26 26 26
Vansycle Ridge 8 8 8
Pelton-Round Butte LIHI Certification** 50 50 50
Solar*** 10 11 11
Post-1995 Hydro Upgrades 12 12 12
C) Total Qualifying Renewable Resources 307 349 349
Compliance positions:
D) Excess/(Deficit) RECs (C less B) (21) (119) (282)
E) % load served by RPS renewables (C divided by A) 14.0% 14.9% 13.8%

*Tucannon River Wind Farm is assumed online by June 2015

** 50 MWa is annual useable LIHI RECs
***ncludes RECs from assorted solar projects, PGE's Solar Payment Option, and ETO funded
projects

Impact of the RPS on PGE’s Future Resource Mix

To remain in physical compliance with the RPS, PGE will need to acquire additional
renewable resources by 2020 and 2025. The 2020 renewable gap is approximately
119 MWa, growing to 282 MWa by 2025 (see Figure 7-3) below. These gaps account for
about 58% of our new resource need in 2020 and 36% of the need in 2025.
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Figure 7-3: PGE total resource needs and needs for physical RPS compliance in 2020 and 2025
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Our latest wind project has a projected capacity factor of approximately 36.8%.
However, for modeling purposes, we meet our future renewable needs with additional
wind projects our projected regional average capacity factor of 32.5%.% This implies
adding approximately 360 MWs of nameplate capacity in 2020 and another 500 MWs by
2025 (about 860 MWs in total). While here we use wind as a proxy for meeting ongoing
RPS requirements, we believe a growing proportion of future new renewables will come
from other sources, including: solar PV, with the possibility of biomass, geothermal, or
(in time) wave energy projects.

7.5 Greenhouse Gas Regulation
OEFSC Rules — The Climate Trust Offset Payment

In 1997, the Oregon legislature gave the Oregon Energy Facility Siting Council (OEFSC)
authority to set CO, emission standards for new energy facilities. Under Division 24 of

%% See Chapter 8 - Supply-side Options.
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the OEFSC rules, at OAR 345-024-0500 et. seq., there are specific standards for base
load gas plants, non-base load (peaking) power plants and non-generating energy
facilities that emit CO,. See Table 7-2.

Table 7-2: Standard emissions for base load gas plants as set by OEFSC under Division 24,
OAR 345-024-0500

Plant Type Emission

Base load gas plants 0.675 Ib. CO,/kWh

Non-base load gas plants 0.675 Ib. CO,/kWh
Non-generating facilities 0.504 Ib. CO,/horsepower-hour

The standard for base load plants currently applies only to natural gas-fired plants. The
standards for non-base load plants and non-generating facilities apply to all fuels.**

At their discretion, applicants for site certificates can propose CO, offset projects that
they or a third party will manage, or the applicant can financially settle the obligation via
payment to The Climate Trust, which has been designated as a qualified organization by
the OEFSC. Under the monetary alternative, the site certificate holder is responsible for
two types of payments: 1) offset funds per short ton of excess CO, emissions; and
2) selection and contracting funds. The real levelized costs for new gas generating plants
and new IGCC and SCPC plants shown in Chapter 8 - Supply-side Options include
estimates for these payments to the Climate Trust. In the event of a federal carbon tax, or
an Oregon emissions standard, the Oregon Legislature could repeal the current OEFSC
rules. However, for modeling purposes, we have assumed they would continue.

Federal, State and Regional Legislation

PGE has supported federal legislation addressing global climate change. Over the years,
we have engaged in the development of climate policy at the local, state, regional and
federal level. We continue to believe that regulation of greenhouse gas emissions is best
done at the federal level in order to minimize cost shifts between states and regions, and
to facilitate more cost effective emissions reductions.

In Congress, PGE supported a federal framework for addressing carbon emissions under
the American Clean Energy and Security Act of 2009, commonly referred to as the
“Waxman-Markey” cap and trade bill. Although that legislation passed the House of
Representatives, it did not advance in the Senate. Similar legislative proposals initiated
out of the Senate failed to pass before the 111" Congress adjourned. Since then, no
comprehensive climate legislation has been considered on the floor of either chamber.
Given the current political environment, it appears unlikely in the near term that climate
legislation will be adopted by Congress and signed into law.

> Examples of non-generating facilities include certain pipelines and synfuel plants converting coal or oil to gas.
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At the regional level, the Western Climate Initiative (WCI) effort has also stalled in
recent years. Among U.S. states, only California adopted the cap and trade design
suggested by the WCI. Oregon failed to adopt enabling legislation in 2009 to implement
the WCI cap and trade and has not returned to the issue. The effect on PGE of
California’s climate actions includes reporting emissions on sales of energy into the state.
We also must acquire carbon credits to off-set emissions associated with power sold to
California.

In Oregon, the legislature has adopted a number of policies addressing greenhouse gas
emissions in the State. In 2009, an emissions performance standard was adopted
(SB101), setting a limit on new investments in base load generation sources and
prohibiting emissions from those sources that exceed 1,100 Ibs. CO,/MWh. That policy
was amended in 2013 to: 1) ensure the standard applies to in-state and out of state
facilities, 2) remove the ability to lower the threshold, and 3) give the OPUC the ability to
recommend voiding the policy in light of federal laws and regulations.

Oregon continues to investigate ways to achieve greater greenhouse gas reductions,
passing SB 306 (2013) which requires a study of a state-only, economy-wide carbon tax.
The study is scheduled to be submitted to the legislature in November 2014.

Another area of continued policy focus is energy efficiency. Oregon’s Governor adopted
a 10-year energy plan in 2013 that included the goal of meeting all electric load growth in
the state with energy efficiency. The 2013 legislature also adopted additional energy
efficiency standards for appliances.

EPA Regulation of Greenhouse Gases from the Power Sector

While Congress has been less active on climate policy in recent years, the Obama
Administration has continued to make the issue a priority through administrative action —
in particular through the Environmental Protection Agency (EPA). In Massachusetts v.
EPA, 549 US 497 (2007), the Supreme Court held that greenhouse gases fall within the
definition of pollutants under the Clean Air Act, providing the EPA with clear legal
authority to promulgate regulations on greenhouse gas emissions. EPA moved forward
with a finding that greenhouse gas emissions from motor vehicles endanger public health
and welfare, triggering the Clean Air Act’s Prevention of Significant Deterioration (PSD)
program and the Title V operating permit programs for other sources of greenhouse gases
beyond the transportation sector, including power plants. The PSD and Title V permit
requirements became effective for large stationary sources on January 2, 2011.

Under the new source review (NSR) requirements of the PSD program, stationary
sources of “pollutants subject to regulation” are required to obtain permits if they are new
sources or existing sources that have undergone “major modifications”. A major
modification of an existing source is defined as a physical change or a change in the
method of operation that results in a significant increase of emissions. New sources or
existing sources that undergo major modifications are required to obtain PSD permits and
demonstrate the use of “Best Available Control Technology” (BACT). BACT
determinations are made on a case-by-case basis subject to EPA guidance. In 2010, EPA
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issued BACT guidance for greenhouse gases, which focused on using the most energy
efficient technology available as opposed to requiring changing fuel types or installing
pollution control technologies.

Title V operating permits contain air emissions control requirements that apply to a
facility, such as national emissions standards for hazardous air pollutants, new source
performance standards, or best available control technologies required by a PSD permit.
In general, since there are currently no such air emission control requirements, existing
facilities with GHG emissions greater than 25,000 tons per year that already have
operating permits would not need to immediately revise them. At the end of a five-year
period when the operating permit must be renewed, these facilities would be required to
include estimates of their GHG emissions in their permit applications. Facilities may use
the same data reported to EPA under its reporting rules.

In late2010, EPA announced its intent to establish greenhouse gas New Source
Performance Standards (NSPS) for coal- and natural gas-fired power plants. Under
Section 111(b) of the Clean Air Act, EPA establishes emission performance standards for
new and modified sources. Under Section 111(d) of the Clean Air Act, EPA sets forth
guidelines for existing sources, which are subject to state implementation. With respect
to new and modified sources, EPA initially proposed requiring new coal or natural gas-
fired facilities to meet an emission rate standard of no more than 1000 pounds of
CO2/MWh. EPA has since announced that it will revise that proposal before it becomes
final. For reference, our Port Westward plant’s 2012 emissions were approximately
830 Ibs./MWh. We expect Carty to be somewhat more efficient and have emissions of
approximately 810 Ibs./MWh.

In June 2013, the President proposed a “Climate Action Plan,” which instructed the EPA
to carry out the NSPS rulemakings. Specifically, the President ordered EPA to issue its
revised NSPS proposal for new facilities no later than September 2013, with a final rule
to follow “in a timely fashion” after considering public comments. With respect to
existing plants, the President directed EPA to issue proposed guidance by June 2014,
final guidance by June 2015, and a requirement that states submit to EPA their respective
implementation plans no later than June 30, 2016. In carrying out these regulations, EPA
is to “develop approaches that allow the use of market-based instruments, performance
standards, and other regulatory flexibilities.”

There are many questions about how EPA will implement NSPS, in particular as it relates
to existing sources. 111(d) has been little used by the agency, making it difficult to rely
on past precedents to predict outcomes of the rulemaking process. While some legal
experts would argue that EPA is limited to a strict focus on existing generation efficiency
improvements at a given facility, others would suggest that EPA could take a more
expansive approach such as setting statewide caps on greenhouse gas emissions or
encouraging investments in energy efficiency or renewables as alternative compliance
approaches. In any case, states have wide authority to implement the program based on
the guidelines EPA develops, provided the state plan is as least as protective.
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On September 20, 2013, EPA proposed a reworked rule restricting greenhouse gas
emissions for new fossil-fueled power plants, including different limits for gas- and coal-
fired generation. It sets a common standard of 1,000 Ibs./MWh for all new fossil
generation. Gas combustion turbines using less than 850 MMBtu/hour would have a
higher limit of 1,100 Ibs./MWHh. This standard does not apply to plants already under
construction but even if it did, Carty would meet this strict standard. Port Westward 2
would not be regulated under the proposed rule, but would also meet the standard if
applied. All new plants included in the candidate portfolios in this IRP are expected to
meet the proposed EPA standards, or, in the case of simple cycle “peaking” units, are not
expected to meet the definition of an electric generating unit under the proposed rule.
Appendix | contains a Pacific Northwest Utilities Conference Committee (PNUCC) letter
to the PNUCC Power and Natural Gas Planning Task Force regarding impacts to regional
resources which confirms our conclusions above.

Carbon Costs in IRP Analysis

Guideline 8 of the Commission’s IRP Guidelines requires us to construct a base-case
scenario to reflect what we believe to be the most likely regulatory compliance future for
CO,, nitrogen oxides, sulfur oxides and mercury emissions. Consistent with the
guideline, we have modeled a range of CO, costs based on externally available estimates.
We believe a cost for CO, emissions is likely in the future, although not until sometime
after 2020.

As mentioned above, Congress has not considered comprehensive CO; legislation in
recent years, leaving no current federal guidance on timing or amount for an emissions
compliance regime. We therefore adopted, for our reference case CO, compliance, the
assumption that Wood Mackenzie applies in its long-term scenario study for natural gas.
This approach provides carbon assumptions consistent with the natural gas price forecast,
and therefore provides uniformity among major modeling assumptions in the IRP.

Our IRP reference case charges all CO,-emitting electric power plants in the WECC with
a carbon cost based on the plant’s CO, emissions rate. For portfolio modeling in our
reference case, we use the Wood Mackenzie assumption of $16 per short ton (nominal $),
starting in 2023, escalating at 8% a year going forward.

Wood Mackenzie describes the rationale behind the timing and magnitude of a carbon tax
as follows: “We continue to assume formative policy is unlikely until the early 2020s
given the current political and economic environment. Furthermore, such efforts will
necessarily balance a host of issues including cost containment and the overall impact to
individual consumers and the economy as a whole. Understanding that the issues of
GHG emissions and global climate change are here to stay for the foreseeable future,
along with the current political and economic environment, Wood Mackenzie now
assumes federal carbon policy in their Base Case outlook will not take effect until 2023.
When enacted, such policy is expected to include a ceiling mechanism for carbon prices
at levels that would mitigate economy-wide impacts emanating from the potential for a
sharp increase in retail electricity prices. While this does not assume or model specific
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legislation, the assumed pricing level is not significantly different than price containment
reserves that have been outlined in prior Congressional proposals.”

All carbon compliance cases in this IRP model existing regulation in California, Alberta
and British Columbia. We simulate the California cap and trade program by imposing a
tax equal to the allowance floor price to all generation in California and all imports to
California. This is equal to $9.10 per short ton in 2013, growing to $14.55 by 2020.
After that, we escalate the tax at inflation until 2023, when the assumed Federal tax is
imposed for all States. We model a tax of C$15 per metric ton in Alberta and C$30 per
metric ton in British Columbia. Neither Canadian province escalates the tax.

In addition to the reference case assumption, we simulated several compliance scenarios
ranging from the present CO, regulatory level to the highest cost compliance case as
developed by Synapse Energy Economics Inc.,>® defining a reasonable range of CO,
price estimates for use in utilities’ IRPs. They are shown in Figure 7-4 and described
below.

Figure 7-4: Carbon dioxide price scenarios
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Overall, we simulated six different potential compliance scenarios described below. Our
simulations are performed for the IRP planning period of 2014-2033, but we also show

% Synapse Energy Economics Inc., 2012 Carbon Dioxide Price Forecast October 4, 2012. Rachel Wilson, Patrick
Luckow, Bruce Biewald, Frank Ackerman, and Ezra Hausman.
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projected prices in 2050, as this year is often cited as a target year in studies on global
climate change:

1. Our reference case is described above. It assumes a CO; price of $16 per
short ton starting in 2023, escalating at 8% a year after that. By 2050 this
trend would lead to a tax of $132 per short ton.

2. The no carbon future assumes no federal tax;

3. The Synapse low future assumes a federal tax of $17.48 per short ton starting
in 2020 escalating at approximately 7% a year. By 2050 this trend would lead
to a tax of $107 per short ton. This forecast represents a scenario in which
Congress begins regulation of greenhouse gas emissions slowly — for
example, by including a modest emissions cap, a safety valve price, or
significant offset flexibility.

4. Low CO, future assumes a tax of $16 per short ton starting in 2023 escalating
at 5% a year on average after that. By 2050 this trend would lead to a tax of
$62 per short ton. This is reflective of the low-end estimate of the social cost
of carbon (SCC) of the Interagency Working Group on Social Cost of Carbon,
United States Government.

5. The Synapse high future assumes a tax of $35 per short ton starting in 2020
escalating at 10% a year on average through 2033. Escalation is 5% a year
thereafter, resulting in a 2050 tax of $247 per short ton. This case pursues
aggressive emissions reduction targets; greater restrictions on the use of
offsets (nationally or internationally); restricted availability or high cost of
technology alternatives such as nuclear, biomass and carbon capture and
sequestration; or higher baseline emissions. This future is a reasonable proxy
for the high-end of the SCC.

6. Trigger point CO,, this assumes a tax of $136 per short ton starting in 2023
escalating at 8% a year on average after that (or 150 $/short ton real levelized
from 2023 to 2033 in 2013%). This is a future generated in compliance with
the Commission’s IRP Guideline 8 which mandates utilities to identify the
CO2 “turning point” which would trigger the selection of a portfolio of
resources that is substantially different from the preferred portfolio.

In response to a request by our stakeholders, we compared our futures to the May 2013
estimate of social costs of carbon updated by the Interagency Working Group (IWG) on
Social Cost of Carbon, United States Government.®® They range between $11 and
$60 per short ton now and escalate up to $53-$200 per short ton by 2050 (Figure 7-5).
The agency does not propose a specific policy for CO, reductions. Most likely a

% Interagency Working Group on Social Cost of Carbon, United States Government. Technical Support Document:
-Technical Update of the Social Cost of Carbon for Regulatory Impact Analysis - Under Executive Order 12866.
May 2013.

http://www.whitehouse.gov/sites/default/files/omb/inforeg/social_cost of carbon_for ria 2013 update.pdf
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combination of investments in energy efficiency, technology standards, renewable
portfolio standards, and carbon taxation regimes would all have to be implemented.

PGE’s current portfolio strategy incorporates many of these policies to reduce our carbon
footprint:

e Pursuit of all cost effective energy efficiency achievable in our territory;

e Physical compliance to the Oregon RPS as a renewable resource requirement
floor in all of our trial portfolios;

e Adoption of EPA and Oregon Energy Facility Siting Council CO, emission
standards for new energy facilities; and,

e Use of a CO;, cost in our IRP reference case assumptions for assessing new
electric generation resource options.

Figure 7-5 shows how much of the total social cost estimated by the IWG is modeled in
our IRP as a carbon tax. Our reference case assumes that such a tax does not need to
exceed the minimum levels of the estimated costs (i.e., other policies are sufficient to cut
most of the emissions) while the Synapse high cost future assumes increased reliance on
a tax to avoid assumed social costs.

Figure 7-5: Total social cost estimated by the IWG as modeled in PGE's IRP as a carbon tax
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On October 28, 2013, the Governors of California, Oregon, and Washington, and the
Premier of British Columbia signed the Pacific Coast Action Plan on Climate and Energy
(Pacific Coast Plan). Under this agreement, the four jurisdictions will work together on
broadly coordinated actions to reduce greenhouse gas emissions. Although the
agreement does not impose legally binding obligations, it includes 14 sections which set
broad goals across multiple sectors, including transportation, energy efficiency, and
electricity production. The agreement also aims for consistency with national policy
goals, along with as much consistency across the four jurisdictions as is practicable.

One of the goals of the Pacific Coast Plan is accounting for the costs of carbon pollution.
The Plan states that Oregon will build on existing programs to price carbon emissions and
set a mid-range (sometime in the 2030’s) emission reduction target. Our IRP is
consistent with this goal. Our six carbon price futures encompass a broad range of
outcomes which are consistent with potential outcomes under the Plan. We analyze the
performance of all portfolios, including those with larger energy efficiency and
renewable components, under these six carbon price futures.>

7.6 Sulfur Dioxide, Nitrogen Oxide and Particulates

All existing PGE thermal plants are currently in compliance with emissions standards for
sulfur oxides (SOy), nitrogen oxides (NOy), and airborne particulates. In IRP, when
modeling new plants, we impose costs based on the adoption of the best available control
technology (BACT) standard. Thus, the compliance costs are embedded in the overall
capital costs for new resources. Table 7-3 summarizes our modeling assumptions for
SOy, NOy, and particulates, as well as CO; for new plants.

%" See Chapter 9 - Modeling Methodology and Chapter 10 - Modeling Results for our modeling structure and results.
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Table 7-3: Control technology and relative costs modeling assumptions in IRP

Base Case Emissions Adders

To Investment
Cost (for new

To Variable Cost (adders to all thermal plants)

thermal plants)

Description Description Coe il Annual_
(%) Date Escalation Sensitivities
a) No carbon
adder
b) $16 per short
ton starting in 2020
escalating at 5% a
year on average
after that
c) $17.48 per short
ton starting in 2020
Offset payment Various $16 per escalating at
co, to Climate estimates of short 2023 8% approximately 7%
Trust per future federal ton a year
OEFSC rules legislation
d) $35 per short
ton starting in 2020
escalating at 10%
a year on average
after that
e) $136 per short
ton starting in 2023
escalating at 8% a
year on average
after that
Cost of BACT*
Particulate mclqded n NA - - - NA
generic capital
cost assumption
Cost of BACT*
NOX included in NA . . . NA
generic capital
cost assumption
SO 2011
Cost of BACT? 2 Market
included in allowanC(_es $2 per . guotes
SO, . . cost per Title short ongoing ) NA
generic capital fth i Assume
cost assumption Vo the on escalation
Clean Air Act ) .
at inflation
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In addition, for our existing and planned thermal plants, we project the following
investments summarized in Table 7-4 for ongoing compliance with projected
environmental standards.

Table 7-4: Major planned environmental investments, $ Millions

PGE Projected PGE Cost ($ million)
share 2013- | 2016- | 2021- | 2026- Notes
2015 2020 2025 2033

Boardman 80% 15.0 - - - SQZ C.OHUOI’ Dry Sorbent

Injection
73 Potential CCR by 2018;
Colstrip 3 and 4 20% 2.5 9 5 - | 0-152 | Pond lining by 2020;
' potential SCR by 2027

Cooling tower fill

Beaver 1-7 100% 3.0 - - - | replacement and upgrade to
CEMS unit

Beaver 8 100% i i i i No_e_nwronmental retrofits
anticipated

Port Westward 100% 15 - - - | Replace SCR catalyst

Port Westward 2 100% i i i i No_e_nwronmental retrofits
anticipated

Carty 100% i i i _ | No _e_nwronmental retrofits
anticipated

: Replace catalytic reducer
0, - - -
Coyote Springs 100% 0.6 (SCR)
Total 22.6 1.8 - 0-40

7.7 Compliance with Guideline 8 (Order No. 08-339)

Guideline 8 requires that our portfolio planning reflect the most likely regulatory
compliance future for CO,, nitrogen oxides (NOy), sulfur oxides (SOx) and mercury
emissions. In addition, the guideline directs that “the utility should include, if material,
sensitivity analyses on a range of reasonably possible regulatory futures for nitrogen
oxides, sulfur oxides, and mercury to further inform the preferred portfolio selection.” In
Section 7.3 we discussed how our planning reflects a likely range of CO, compliance cost
scenarios. As discussed above, PGE’s emissions levels of NOy, SOy and particulates do
not have a material impact on our resource decisions because new resources enter service
compliant with emissions requirements, while our existing thermal resources are
compliant with reasonably predictable compliance futures. This extends to mercury and
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air toxics (MATS) as well. As such, we did not conduct sensitivity analyses on these
emissions.

New Resources

For new resources, as mentioned above, fossil fuel plants are assumed to be constructed
to BACT standards (including all associated costs); hence, they enter service compliant
with the current emissions requirements. Natural-gas-fueled plants have only small
amounts of NOy and SO emissions and are not regulated by mercury rules. Furthermore,
PGE does not propose a new traditional pulverized-coal plant in any of its candidate
portfolios. All PGE portfolios for new resources thus reflect the most likely regulatory
compliance futures for federal emissions requirements for CO,, SOy, NOy, and mercury.

Existing Resources

All plants are currently in compliance with applicable rules. Table 7-4 above shows
upcoming requirements for existing PGE resources to remain in compliance with all
current federal requirements.

Gas Plants

With regard to PGE’s existing and planned resources, as stated above, our natural-gas-
fired plants have only small amounts of NOx and SOy emissions that are within air
emissions requirements and are not regulated by MATS rules.

Colstrip 3&4

PGE’s has a 20% ownership interest in Colstrip Units 3 & 4. These plants were built
approximately ten years after Colstrip Units 1 & 2 and five years after Boardman was
placed in service. Units 3 & 4 use low-sulfur coal and scrubbers to reduce sulfur dioxide
emissions below the limits set by Phases One and Two of the Clean Air Act. PGE and
the plant co-owners recently installed low-NOy burners and new mercury controls such
that the units will remain in air emissions compliance until approximately mid-next
decade.

At that point in time, the ongoing “reasonable progress” improvement requirement for
U.S. EPA Regional Haze Regulations and guidelines for Best Available Retrofit
Technology (i.e., RH BART) could trigger the need for a selective catalytic reduction
(SCR) system retrofit by 2027.°® Because this potential requirement is over a decade
away, an analysis or decision regarding the economics of a potential SCR retrofit is
premature for this IRP.

A proposed revision to the coal combustion residual (CCR) rule will have a small cost
impact to Colstrip 3&4. The expected compliance date for CCR is 2018. The expected

*% No additional equipment or costs are required immediately for the MATS rule or the EPA Regional Haze Federal
Implementation Plan (FIP). However, the Reasonable Progress requirement of the Regional Haze Rule will likely
require addition of selective catalytic reduction (SCR) systems for each unit by 2027.
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cost impact will depend on whether the CCRs are designated as non-hazardous or
hazardous.

Boardman

In the 2009 IRP Action Plan, we proposed an emissions control and operating plan for the
Boardman plant to comply with both the federal Regional Haze Best Available Retrofit
Technology requirements (RH BART) and the Oregon Utility Mercury Rule
standards. This plan was referred to as the Boardman 2020 plan. The Boardman 2020
plan includes the installation of emissions abating technologies for NOx, SO,, and
mercury, and the early cessation of coal operations at Boardman in 2020.

We are now well on our way to implementing the Boardman 2020 Plan. In 2011 and
2012 we installed 32 low NOy burners and 12 over-fire air ports to meet NO limits. In
2011, we also installed an activated carbon injection system to reduce mercury emissions.
All the modifications are currently operational and meeting the targeted limits.

In 2013, PGE installed a dry sorbent injection (DSI) system to deliver a chemical reagent
called trona into the exhaust gas stream and reduce SO, emissions. The DSI system
consists of a trona train off-loading station, four storage silos, and redundant milling and
delivery systems. The system was successfully commissioned and tested, and has been in
operation since September 2013. PGE will use the remaining time until the 2014
emissions compliance deadline to refine operations for the most efficient use of activated
carbon injection and trona injection systems while still meeting targeted SO, reductions.

Implementation of the Boardman 2020 Plan allows the plant to remain fully compliant
with state and federal emissions requirements. Finally, we continue to plan for the
orderly cessation of coal-fired operations at the plant at the end of 2020.
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8. Supply-side Options

This chapter provides background information on the various electric generating
resources we consider in this IRP for meeting PGE’s future capacity and energy needs.
We examine renewable, thermal, and distributed generation options. For each option we
discuss the criteria for evaluation and selection, present the resource options and

associated attributes, and describe the technologies.

In addition, we describe our data

sources, assumptions for costs, anticipated advances in technology, and areas of
uncertainty. The results of our resource modeling are presented in Chapter 10 - Modeling
Results. The supply-side section concludes with a discussion of emerging technologies,
followed by a discussion of alternatives to utility ownership.

>

Chapter Highlights

We include in our analysis those supply-side alternatives that are
currently available or are expected to become available to meet PGE's
resource needs.

We describe the reference case capital and operating costs and
underlying assumptions for all resources included in our portfolio
analysis.

These include natural gas-fired combined-cycle combustion turbines,
and reciprocating engines, and utility-scale renewables (biomass,
geothermal, solar, and wind).

We also describe the supply-side alternatives available in the region
including nuclear and coal-fired generation.

We review developing technologies such as battery storage, pumped
storage, and hydrokinetics for inclusion in future IRPs.

We conclude with an update on PGE's involvement in efforts to

establish a regional Energy Imbalance Market
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8.1 Renewable Resource Options

Wind

Utilities currently rely on wind generation projects to meet a major portion of Oregon’s
renewable portfolio standard (RPS) requirements. As technological advances continue,
turbines, towers, rotors, and total project size have all increased over the last few years.
The typical size for a new utility scale wind project is between 100 and 400 MW. The
typical turbine size is 1.5 MW to 3 MW. Increased scale and technology enhancements
are improving both wind project efficiency and economics. As a result, geographically
advantaged wind sites that have higher wind speeds and lower interconnection costs can
be cost-competitive for energy production (with the production tax credit or “PTC”),
compared to fossil-fueled generation alternatives. However, these variable energy
resources (VERS) do not provide the same level of capacity or ancillary services benefits
as dispatchable thermal generators, and therefore must be combined with other resources
to achieve the same level of system reliability. The current PTC benefit for qualified
projects is approximately $23/MWh (nominal, indexed to inflation). Given this
substantial economic benefit, the PTC remains critical to the competitiveness of wind for
the Pacific Northwest.

In addition, wind turbine manufactures have developed machines that take better
advantage of lower wind speed sites. Tower heights are being extended from 80 meters
up to 120 meters. Longer blades with updated airfoil shapes are also being installed to
capture available energy at these low wind speed sites.

We evaluated wind performance based on capacity factors provided by Black & Veatch
(B&V) for two regions: 1) Oregon/Washington, and 2) Montana/Wyoming. A
representative site in the Oregon/Washington region has an average wind speed for
80 meter hub height turbines of between 6.0 and 6.5 meters per second (m/s). A
representative site in the Montana/Wyoming region has an average wind speed of 8.0 to
9.0 m/s at the same hub height. Correspondingly, Oregon/Washington region wind has
an estimated capacity factor of 31-35%, whereas Montana/\Wyoming region sites have an
estimated capacity factor of 39-41%.

For modeling purposes, we use a capacity factor of 32.5% for Oregon/Washington region
wind, based on the estimates provided by B&V and validated by the average capacity
factor of the Pacific Northwest wind projects bid into PGE’s recent renewables request
for proposals (RFP). The Montana wind estimated capacity factor of 39% is based on
information provided by B&V.

A number of wind turbine suppliers opened new manufacturing plants in North America;
however, demand for wind turbines and related components decreased significantly in
2012 due to uncertainty regarding the extension of the PTC. Turbine costs are expected
to increase with general inflation, in part due to increases in commodity costs for steel,
oil and related materials. While there may be periods where market pressure causes
short-term fluctuations in capital costs, the overall cost outlook for wind turbines and
major components is steady. We discuss cost trends further in Section 8.4 below.
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Transmission availability and integration costs are major hurdles to development of new
wind plants. The most viable Pacific Northwest wind sites are on the east side of the
Cascades. Montana offers significant wind resource opportunities; however, construction
of new transmission lines to move the power to large load centers in Washington and
Oregon would add significant costs to these resources.

PGE Wind Integration Study — Phase 4

In 2007, given projections for a significant increase in wind generating resources,
Portland General Electric (PGE) began efforts to forecast costs associated with self-
integration of wind generation. These efforts entailed developing detailed (hourly) data
and optimization modeling of PGE’s system using mixed integer programming. This
Wind Integration Study was intended as the initial phase of an ongoing process to
estimate wind integration costs and refine the associated model.

In October 2009, PGE began Phase 2 of its Wind Integration Study and contracted for
additional support from EnerNex (a leading resource for electric power research, plus
engineering and consulting services, to government, utilities, industry, and private
institutions), which provided input data and guidance for Phase 1. A significant driver of
Phase 2 was the expectation that the price for wind integration services, as currently
provided by the Bonneville Power Administration (BPA), would increase significantly as
growing wind capacity in the Pacific Northwest would exceed the potential of BPA’s
finite supply of wind-following resources in the future. In addition, PGE believes that
BPA’s variable energy services rate and subsequent generation imbalance charges
represent only a portion of the total cost to integrate wind, as calculated in the Phase 2
study.

PGE conducted a Phase 3 internal study to inform the decision for the BPA FY 2014-
2015 election period for wind integration services. The result of the study was a PGE
election to contract with BPA to provide regulation, load following and imbalance
(30 minute persistence forecast for a 60 minute schedule) services for Biglow Canyon for
the term of the 2014-2015 election period.

A significant goal for Phase 4 of the Wind Integration Study was to include additional
refinements (some of the enhancements were suggested in the “Next Steps” section of
Phase 2) for estimating PGE’s costs for self-integration of its wind resources and to
determine the sensitivity of wind integration costs to gas price variability. As in the
Phase 2 Wind Integration Study presented in our last IRP, the Phase 4 effort included
seeking input, deliverables, and feedback from a Technical Review Committee (TRC)
and other external consultants. Since launching Phase 4, we have reprogrammed and
refined the wind integration model, updated the analysis and results, and also held a
public technical workshop to discuss progress and modeling details. The workshop was
attended by staff from the Oregon Public Utility Commission (OPUC), the Oregon
Department of Energy (ODOE) and other interested parties that have participated in
PGE’s 2013 Integrated Resource Planning proceeding (OPUC Docket No. LC 56). In
addition to this public review, the Phase 4 data and methodology have been carefully
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evaluated by the TRC, which provided valuable insight and information associated with
wind integration modeling.

The Phase 4 model employs mixed integer programming implemented using the General
Algebraic Modeling System (GAMS) programming and a Gurobi Optimizer. GAMS is a
high-level modeling system for mathematical programming and optimization that we used to
program/compile the objective function and operating constraint equations. The Gurobi
Optimizer is a state-of-the-art solver used to solve the resulting constrained optimization
problem. The Phase 4 model incorporates the improvements made in Phase 2, including:

e Three-stage scheduling optimization with separate Day-Ahead, Hour-Ahead,
and Within-Hour calculations;
e Refined estimates of PGE’s reserve requirements.

The additional model improvements incorporated in Phase 4 include:

e Separate increasing (“INC”) and decreasing (“DEC”) reserve requirement
formulations for regulation, load following and imbalance reserves;

e Gas supply constraints limiting gas plant fuel usage to the Day-Ahead
nomination levels +/- drafting and packing limits on the pipeline;

e Ability to economically feather wind resources; and

e Implementation of the dynamic transfer constraint to allow for limited intra-
hour dynamic capacity provision for Boardman, Coyote and Carty.

The results of the study indicate that PGE’s estimated self-integration costs (in 2018$) is
$3.99 per MWh (in the reference gas price case). In the high gas price case, our estimate
is $4.24 per MWh, and in the low gas price case it is $3.57 per MWh. These prices fall
within the range calculated by other utilities in the region.

It is important to note that PGE’s estimated self-integration costs are exclusive of the
necessary investment required in software automation tools, generation control systems,
communications/IT infrastructure, and the potential need for personnel additions to
manage the self-integration of variable energy resources. In addition, the wind
integration cost estimates do not include any incremental operations and maintenance
(O&M) costs arising from operating plants more dynamically than in the past. Specific
model assumptions are detailed in Appendix D, but, in short, reflect a potential 2018 state
in which PGE would integrate almost 717 MW of wind using existing PGE resources,
and new resources acquired in the 2012 RFPs. As the supply of variable energy
resources and the associated demand for flexible balancing resources increases over time,
subsequent phases of the Wind Integration Study will assess the effects of these changes.
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Solar Photovoltaic

Solar power is a small, but growing component of the PGE renewable resource mix.
Solar generation is more predictable and more available during summer load hours than
wind. In addition, for distributed solar projects, there are no transmission constraints.

Technical Options

Photovoltaic (PV) systems convert sunlight directly into electricity. There are three main
types of commercially available PV technologies to date: crystalline Silicon (c-Si)
modules, thin-film modules, and concentrating PV systems (CPV). The most widely
used technology is c-Si, which is also the technology with the longest operational history,
dating back more than 30 years. The amount of power produced by PV modules depends
on the technology used and the intensity of the solar radiation incident on the material.

Thin-film modules are typically suited for applications where overall weight is a primary
constraint, such as large-scale rooftop installations.

According to B&V, CPV systems require regions with high insolation (with high solar
resource and clear skies) to be cost effective. These regions tend to be arid and desert-
like, such as the southwestern United States. They are an unattractive system for the
Portland area and for Oregon in general. Relatively few commercial CPV installations
currently exist worldwide.

Solar PV’s Fit to PGE Load

When looking at the value solar PV brings in offsetting PGE load, refer to Figure 8-1 and
Figure 8-2, which show PGE’s typical weekday daily load shape in winter and summer
seasons along with the coincident solar insolation, measured in watt-hours per square
meter, in the Portland area.
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Figure 8-1: PGE load vs. Portland solar capability (winter)
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In the winter, solar provides relatively low overall energy and is not a good match to our
peak load requirements. PGE is expected to remain a winter peaking utility throughout
the planning horizon. Not surprisingly, in the summer, energy generation is much higher,
but still doesn’t match peak load hours.

PV located in central or southeast Oregon would provide materially higher annual
capacity factors due to higher insolation values, but the overall production profile
discrepancy between solar energy and peak loads remains.

It is still an open question as to whether a sunnier, but remote location for solar PV is
economically superior or inferior to distributed PV in the Portland area. Table 8-1 below
captures the relative advantages of each.

Table 8-1: Distributed vs. central solar PV comparative advantages

Distributed Utility-scale

Attribute Portland Area SE Oregon

Higher insolation \

Axis tracking

Counts toward RPS

Control of maintenance

2 | 2| 2| <

Economies of scale

Avoided line losses

Avoided transmission

Reduced site cost (rooftops)

< | 2| 2| &

Geographic diversity

In a later section addressing distributed generation options, we discuss the emerging
potential for residential and commercial customers to install solar PV on-site.

Utility-scale solar PV modeling in the IRP

We model utility-scale PV systems for portfolio analysis in this IRP (distributed solar PV
is addressed in Section 8.3) based on information provided by B&V. The utility-scale PV
system is assumed to be a fixed tilt 10 MW AC system. Relevant assumptions employed
in the development of performance and cost parameters for the 10 MW utility-scale solar
PV system include the following:

e The PV system model was developed with PVsyst software version 5.60.

PVsyst is an industry standard modeling tool for PV systems developed by the
University of Geneva in Switzerland.
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e The specific commercial equipment selected for the purposes of conceptual
design, system modeling, and cost estimates is representative of Tier-1
manufacturers. The remaining balance of systems equipment and materials
were assumed to be typical for this type of project.

e The solar resource data selected was the TMY2> data set from the National
Renewable Energy Laboratory (NREL) for the Bend/Redmond, OR area.

e The annual capacity factor is 22 percent.

We include integration costs of $0.25/kW-month in 2014$ escalating at inflation. This
cost is reflective of the Variable Energy Resource Balancing Service for solar resources
tariff rate initially proposed by BPA in the latest rate cycle, which is the most recent
estimate available at the time of our resource modeling. PGE has not conducted a
separate integration cost study for solar, as the quantity of solar generation in our
portfolio is currently small and not expected to reach significant levels for this IRP cycle.

Biomass

Direct biomass combustion power plants in operation today use the same steam Rankine
cycle that was introduced commercially roughly 100 years ago.®® When burning
biomass, pressurized steam is generated in a boiler and then expanded through a turbine
to produce electricity. Prior to its combustion in the boiler, the biomass fuel may require
processing (e.g., grinding, drying) to improve the physical and chemical properties of the
feedstock. Advanced technologies, such as integrated biomass gasification combined
cycle and biomass torrefaction® or pyrolysis, are under development but have not
achieved widespread commercial operation at utility scales.

Although wood is the most common biomass fuel, other biomass fuels include
agricultural residues such as bagasse (sugar cane residues), dried manure and sewage
sludge, black liquor from pulp mills, and dedicated fuel crops such as fast growing
grasses and eucalyptus.

Biomass plants usually have a capacity of less than 50 MW because of the dispersed
nature of the feedstock and the large quantities of fuel required. As a result of the smaller
scale of the plants and lower heating values of the fuels (as compared to fossil fuels),
biomass plants are less efficient than modern fossil fuel plants. Also, because of added
transportation costs, biomass is generally more expensive than conventional fossil fuels
on a $/MMBtu basis.

* TMY?2 data sets are typical meteorological year sets for the years 1961-1990.

% The Rankine cycle is the fundamental operating cycle of all power plants where an operating fluid is continuously
evaporated and condensed (e.g. water is pumped in to a boiler where heat from a burning fuel boils the water to
make steam to turn a turbine to make electricity; the used steam is condensed back to water and pumped back to the
boiler).

® Torrefaction is a roasting process (often applied to biomass) in an airless environment at about 540°F, which
removes moisture and volatile substances to create a harder fuel that is easier to store, move, crush, and burn in a
power plant.
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Biomass projects that collect thinning from forests to reduce the risk of forest fires are
increasingly seen as a way to restore a positive balance to forest ecosystems while
avoiding uncontrolled and expensive forest fires.

Biomass may be viewed as a near carbon-neutral power generation fuel. While carbon
dioxide (CO,) is emitted during biomass combustion, a nearly equal amount of CO; is
absorbed from the atmosphere during the biomass growth phase. The CO, re-absorption
time will be potentially longer when fueling with woody biomass (e.g., forest thinning).
Furthermore, biomass fuels contain low levels of sulfur compared to coal and, therefore,
produce less sulfur dioxide (SO;); biomass fuels may also contain relatively lower
amounts of toxic metals, such as mercury, cadmium, and lead.

Biomass combustion facilities typically require technologies to control emissions of
nitrogen oxides (NOy), particulate matter (PM), and carbon monoxide (CO) to meet state
and or federal regulatory requirements.

We modeled performance and cost parameters for a biomass facility employing a
Bubbling Fluidized Bed (BFB) boiler, with a net generation output of 25 MW. Relevant
assumptions employed in the development of performance and cost parameters for the
25 MW biomass energy facility include the following:

e The primary fuel for the biomass facility is assumed to be woody biomass,
with an average moisture content of 40% and an as-received heating value of
5,100 Btu/lb. (HHV).

e Plant average annual capacity factor of 85%.

e Cost estimate includes a wood fuel yard sufficiently sized to store 30 days of
woody biomass fuel.

e Air quality control equipment includes Selective Non-Catalytic Reduction
(SNCR) systems for NOx control, sorbent injection for acid gas control, and a
fabric filter for particulate matter (PM) control.

Boardman Biomass Pilot Project

PGE is continuing its research effort to assess the technical and economic viability of
biomass fuel conversion at the Boardman plant subsequent to the discontinuation of coal-
fired operations in 2020. We have been working with EB Clean Energy and others on the
delivery, installation, and commissioning of a small torrefaction demonstration unit at
Boardman. Torrefaction is a form of pyrolysis which converts biomass feedstock into a
“bio-char” to be used as combustion fuel for the plant.

The torrefaction equipment is expected to be commissioned by the end of Q1 2014. The
production of torrefied bio-fuel will commence immediately thereafter. PGE plans to
complete the planned mill and co-firing tests (burning a mix of coal and bio-fuel) in
Q2 2014, followed by a 100% torrefied bio-fuel test burn in Q2 2015. Importantly, the
mill testing is the first indicator that provides information on the properties of the
torrefied biomass.
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This testing plan will allow us to assess the ability of existing equipment to pulverize and
combust the bio-fuel, along with any operational impacts to balance-of-plant systems,
and will provide emissions performance data for biomass.

It is contemplated that Boardman biomass would operate as a base load, seasonal
operation when market prices and customer demand are typically highest. The plant
could also provide capacity and energy, if needed, during the balance of the year. PGE is
continuing to assess nearby fuel supply options, including dedicated biomass crops and
existing sources of agricultural and forestry residue.

Biomass at Boardman would help meet the growing future Oregon RPS requirement and
provide diversity within our renewable resource portfolio. In addition, biomass at
Boardman would provide a unique source of dispatchable, base load renewable energy
and also provide peak capacity value. Should testing confirm technical feasibility, the
next key steps will focus on identifying sufficient cost-effective biomass fuel sources,
and assessing the overall project economic and risk mitigation value of Boardman
biomass as compared to other renewable resource alternatives.

Geothermal

Geothermal power is produced by using steam or a secondary working fluid in a Rankine
cycle to produce electricity.

The most commonly used power generation technologies are direct steam (or dry steam),
single-flash, dual-flash, and binary systems. In addition, efforts are underway to develop
“enhanced geothermal” projects. The choice of technology is driven primarily by the
temperature and quality of the steam/liquid extracted from the geothermal resource area.
Considering the temperatures associated with geothermal resource areas located in
Oregon, it is anticipated that geothermal developments would utilize either binary
geothermal systems or enhanced geothermal systems, as described below:

e Binary: Binary cycle systems are employed for development of liquid-
dominated geothermal reservoirs that do not have temperatures sufficiently
high enough to flash steam (i.e., less than 350°F or 177°C). In a binary
system, a secondary fluid is employed to capture thermal energy of the brine
and operate within a Rankine cycle. Additional details regarding binary
geothermal systems are discussed below.

e Enhanced geothermal (or “hot dry rock™): For geologic formations with high
temperatures but without the necessary subsurface fluids or permeability, fluid
may be injected to develop geothermal resources. Typically, the geologic
structure must be hydraulically fractured to achieve a functional geothermal
resource. ~ While enhanced geothermal projects are currently being
demonstrated around the world (including the Newberry Volcano EGS
demonstration near Bend, Oregon), this technology is not yet considered
commercial.
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Three geothermal projects bid into PGE’s recent Renewables RFP. Two of these projects
were binary cycle systems. The third did not specify, but, based on the site temperature,
it would also have likely been a binary system. About 90% of systems currently being
developed in the U.S. are binary. For these reasons, we chose to model the binary
geothermal technology option. Further, based on the typical size of potential Oregon
resources, we chose to model the performance and cost parameters for a 20 MW (net)
facility.

Binary plants may be especially advantageous for low brine temperatures (i.e., less than
about 350°F or 177°C) or for brines with high dissolved gases or high corrosion or
scaling potential. Dry cooling is typically used with a binary plant to avoid the necessity
for make-up water required for a wet cooling system. Dry cooling systems generally add
5 to 10% to the cost of the power plant compared to wet cooling systems.

Total estimated potential geothermal generation in the state of Oregon is approximately
830 MW (including Newberry Crater).%? Greater potential exists in southern Idaho and
northern Nevada. ldaho possibly has twice the potential as Oregon, and Nevada has
potentially thousands of MWs waiting to be developed. However, PGE currently faces
significant transmission challenges in moving energy produced in either Idaho or Nevada
to PGE’s service territory.

Challenges to developing geothermal generation include permitting (as many of the best
resources are on federally-managed lands), and the risk that test wells will not produce
economic energy (dry-hole risk).

Commercial-scale geothermal energy appears to be a limited generation alternative for
PGE. Current subsidies under the federal PTC and from the Energy Trust of Oregon
(ETO)®® may make some projects more cost-competitive, if transmission is accessible.
Actual project costs can vary significantly, based on the hydrothermal reservoir quality
and location relative to transmission.

8.2 Thermal Resource Options

Natural Gas Generating Resources

Natural gas-fired generation is one of the fastest growing sources of electric supply in the
U.S., increasing from under 20% of national electricity production in 2005 to roughly
30% by 2012.°* Much of this growth stems from the abundance and relative low cost of
natural gas fuel supplies (on a $/Btu basis), as well as displacement of older, less efficient
coal-fired generation.

%2 Source: Western Renewable Energy Zones. “Phase 1 Report”. June 2009.

% See http://www.energytrust.org/geothermal/index.html for more information on ETO subsidies available for
geothermal projects.

% E1A Short Term Energy Outlook, November 2013.
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Combined Cycle Combustion Turbines (CCCT)

Combustion turbines (CT) have been used by PGE since the mid-1970s to provide energy
to our customers. CTs can be fueled, based on design, via a variety of hydrocarbon
sources, but natural gas is the intended fuel we consider in IRP. They can be run in
simple cycle, or in combined cycle, in which the waste heat in the exhaust gas is used to
produce steam in a heat recovery steam generator (HRSG). The steam from the HRSG is
used to drive a conventional steam turbine to generate additional electricity.

Improvements in CT technology, such as forced cooling of the combustion parts, have
resulted in increased efficiency. CCCTs can also be equipped with duct firing to provide
added generation capacity in the steam turbine (but with somewhat reduced overall
efficiency). Duct firing consists of injecting and burning additional gas in the
combustion turbine exhaust ductwork to boost the temperature of the exhaust gases going
to the HRSG. The increase in exhaust temperature will produce more steam in the HRSG
resulting in additional energy production from the steam turbine.

Natural Gas Capacity Resources

One of the most recent examples of technological advances in simple cycle combustion
turbine (SCCT) machines is the General Electric LMS100PA (LMS100). The LMS100
is an intercooled aero derivative CT with two compressor sections and three turbine
sections. Based on information provided by B&V, key attributes of the LMS100 include
the following:

High full- and part-load efficiency;

Minimal performance impact during hot-day conditions;

High availability;

50 MW/min ramp rate;

10 minutes to full power;®®

Ability to cycle on and off without material impact of maintenance costs or
schedule;

e Natural gas interface pressure requirement of 850 psig; and,

e Dual fuel capability.

An additional SCCT offered by GE is their heavy frame 7FA. These units are available
in a rapid start (76% of full-power in 10 minutes), simple cycle configuration — with
turndown to 49% of base load.

Reciprocating engines (e.g., Wartsila and Jenbacher) are another means of meeting
capacity, load following and variable generation resource integration needs. These
internal combustion, piston-driven machines are designed to burn natural gas (or other
fuels).

% PGE information indicates that full power may be reached in approximately 6 minutes.
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Wartsila offers a standard, pre-engineered six-engine configuration for the 18V50SG and
the 18V50DF, sometimes referred to as a “6-Pack”. The 6-Pack configuration has a net
generation output of approximately 100 MW and ties the six engines to a single bus and
step-up transformer. This configuration provides economies of scale associated with the
balance of plant systems (e.g., step-up transformer and associated switchgear) and
reduced engineering costs. Key attributes of the Wartsila 18V50SG include the
following:

e High full- and part-load efficiency;

e Minimal performance impact during hot-day conditions;

10 minutes to full power;®®

Minimal power plant footprint;

Low starting electrical load demand,

Ability to cycle on and off without material impact of maintenance costs or
schedule;

e Natural gas interface pressure requirement of 75 psig; and,
e Not dual fuel capable (the 18VV50DF model can operate on liquid fuels).

The Wartsila engines have a max output of approximately 18.3 MW each. They can be
run independently, as well as in combinations at the same or different power levels. This
provides an advantage over a GE LMS100, in that a flatter, more efficient heat rate can
be maintained over a broader power range.

Next Generation Nuclear

Existing U.S. nuclear power plants have been largely custom-built — a one-at-a-time
process that caused delays in approval and construction along with the potential for large
cost overruns. Today, with several standard designs already approved by the U.S.
Nuclear Regulatory Commission (NRC), builders of nuclear power plants assert that they
are much better able to manage costs and maintain quality control for new projects.

New nuclear plant designs feature passive safety systems such as gravity-fed water
supplies to cool a reactor core during an emergency to prevent overheating. The
simplified designs, with fewer pumps, valves, and piping, have reduced both risk and
cost. Large, standardized modules are expected to be built off-site and then delivered and
assembled at the plant. The We