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I. Introduction 

Q. Please state your name and position with Portland General Electric.  1 

A. My name is James J. Piro.  I am the Executive Vice President, Finance, Chief Financial 2 

Officer and Treasurer at Portland General Electric (PGE).  My qualifications appear in PGE 3 

Exhibit 100, Section VI. 4 

  My name is Robert Tamlyn.  I am the Director of PGE’s Tax Department.  My 5 

qualifications appear in Section VI of our testimony. 6 

Q. What is the purpose of your testimony? 7 

A. Our testimony rebuts Mr. Jubb’s claims as the City of Portland’s witness in their Exhibit 8 

100.   9 

Q. Could you summarize your rebuttal testimony? 10 

A. Yes.  Our testimony addresses the following issues:  1) the impact of Senate Bill 408 (SB 11 

408) on utility tax planning, 2) deemed PGE limited liability company (LLC) conversion, 12 

and 3) “ratepayer” credits for taxes paid to Enron.  First, our testimony describes PGE’s 13 

incentives to engage in prudent and practical tax planning.  Section II demonstrates that Mr. 14 

Jubb is incorrect when he suggests SB 408 changed utility tax-planning incentives, and 15 

refutes the suggestion that the law requires a wholesale revision of standard accounting 16 

practices.  COP/100, Jubb 4-5, 10-11.  It points out Mr. Jubb’s significant misunderstanding 17 

of SB 408 that underlies his improper suggestion that the Public Utility Commission of 18 

Oregon (Commission) order refunds to customers for deferred income taxes that 19 

accumulated prior to the passage of SB 408.   20 

  Section III of our testimony demonstrates a number of reasons why it would have been 21 

imprudent and not feasible for PGE to have undertaken the LLC conversion scheme 22 
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proposed by Mr. Jubb.  Specifically, Section IV shows how Mr. Jubb’s proposal would not 1 

necessarily have saved customers any money and could have subjected PGE to substantial 2 

interest and tax penalties.  Finally, Section V notes that Mr. Jubb provides no legal basis for 3 

his claim that the Commission should authorize credits to customers for payments PGE 4 

made to Enron based on the Tax Allocation Agreement between the companies.  5 
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II. Senate Bill 408 

Q. What is SB 408?  1 

A. SB 408 is a law that changes the way income taxes are treated for ratemaking purposes, in 2 

that taxes are now subject to an annual automatic adjustment clause and an annual true-up.  3 

In simplest terms, SB 408 attempts to compare income taxes collected from customers and 4 

taxes actually paid to units of government.  To the extent that PGE collects more/less in 5 

taxes from customers than the corporation or holding company (properly attributed) pays to 6 

the government, this law requires the utility to put into place an automatic adjustment clause 7 

to refund/collect this amount to/from customers.   8 

Q. Are there final rules currently in place to implement this new legislation?  9 

A. No.  PGE has participated for more than a year in AR 499, the docket in which those rules 10 

are being developed.  The public comment period in AR 499 has ended, and PGE is 11 

currently awaiting a final order issuing the permanent rules.  At this time, a number of 12 

significant questions remain about how SB 408 will work and what its effect will be on the 13 

way taxes are treated in the ratemaking process.   14 

Q. Is Mr. Jubb correct in claiming that SB 408 changed PGE’s incentives to engage in 15 

prudent and practical tax planning? 16 

A. No.  It is difficult to follow Mr. Jubb’s assertions with regard to SB 408.  On one hand, he 17 

suggests that prior to SB 408, utilities had an incentive to avoid income taxes because the 18 

money the company saved would flow through to the company in the form of additional 19 

income.  Yet on the other hand, he argues that PGE did not engage in prudent tax planning 20 

in the past, even when it had a financial incentive to do so.   21 
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Q. Can you explain what PGE’s actual incentives are to engage in prudent and practical 1 

tax planning?  2 

A. Yes.  SB 408 did not change PGE’s basic incentive with regard to tax planning.  Like all 3 

businesses, PGE seeks to minimize, within the boundaries of all applicable rules and 4 

regulations, our income tax expense in order to lower customer prices, obey regulations, and 5 

make prudent business decisions.   6 

Q. Can you provide examples of how PGE has worked in the past to engage in prudent 7 

tax planning with the sole purpose of lowering customer prices?  8 

A. Yes.  An example is PGE’s effort to qualify for the tax credits associated with the 9 

Independent Spent Fuel Storage Installation (ISFSI) at the Trojan Nuclear Plant.  PGE 10 

sought these credits on an independent basis with the sole purpose of returning the value of 11 

the credits to its customers.  See Docket UM 1186.  Also, PGE is in the initial stages of 12 

developing a wind power electric generation facility, which may qualify for significant tax 13 

credits.  PGE is currently lobbying for an extension of the renewable electricity production 14 

tax credit, the benefits of which will reduce the cost of this project for customers.   15 

Q. Does SB 408 create an incentive to “game the system” as Mr. Jubb suggests? 16 

A. No.  Mr. Jubb asserts that due to SB 408, PGE may now have an incentive to “game the 17 

system” by creating more taxable income in one year and rolling corresponding deductions 18 

to a subsequent year.  Mr. Jubb’s reasoning is not logical.  Increasing taxable income in one 19 

year will cause PGE to pay more in taxes that year, even if it refunds less to customers under 20 

SB 408 rules.  According to Mr. Jubb’s logic, PGE has an incentive to pay more money to 21 

the government to avoid paying money to customers—this makes no sense.  PGE has no 22 

incentive to act in this manner.  Moreover, by shifting a deduction from one year to the next, 23 
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PGE loses the time-value of those dollars for a year, and only postpones the corresponding 1 

payment to customers to the following year.  In short, an incentive to “game the system” 2 

does not exist because no benefit accrues to PGE in doing so.  Besides, tax rules prevent the 3 

type of activity Mr. Jubb suggests.  For example, Internal Revenue Code §451 addresses the 4 

year income is reported and §461 addresses the year in which tax deductions may be 5 

claimed.  The suggestion that PGE would violate tax law in order to “game” the SB 408 6 

system is unfounded.  7 

Q. How does Mr. Jubb propose to resolve the incentive problem he believes has been 8 

created by SB 408? 9 

A. Mr. Jubb proposes that PGE, and only PGE to the best of our knowledge, file a regular 10 

report on tax planning with the Commission “as part of the true up those ‘prudent and 11 

practical’ tax-planning techniques it has employed to reasonably avoid paying income 12 

taxes.”  (COP/100 Jubb 5/ lines 6-7)  Without any explanation, Mr. Jubb asserts that these 13 

reports will “help avoid erratic swings.”  Id.  14 

Q. Do you believe a report to the Commission, as Mr. Jubb suggests, would resolve the 15 

purported incentive problem Mr. Jubb believes exists? 16 

A. No.  First, as stated above, we disagree with Mr. Jubb’s conclusion that PGE lacks an 17 

incentive to engage in prudent tax planning.  Second, SB 408 already requires PGE to file an 18 

annual tax report with the Commission on October 15 of each year.  The contents of that tax 19 

report were discussed in the AR 499 proceedings.  If Mr. Jubb believes SB 408 creates 20 

mixed incentives for utilities that could be resolved by requiring an annual report on tax 21 

planning, he should have raised that issue during the AR 499 discussions, to which the City 22 

of Portland was a party.  This issue is not properly raised in this rate proceeding.  Third, we 23 
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question why Mr. Jubb has made this proposal only with regard to PGE.  If the COP is 1 

concerned about SB 408, it should be making its recommendations with regard to all 2 

utilities.  And finally, we note that Mr. Jubb has provided no evidence to suggest that such a 3 

filing is necessary.  Mr. Jubb has not provided any evidence that PGE has failed in the past 4 

to engage in prudent and practical tax planning, or would fail to do so in the future.   5 
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III. Deemed LLC Conversion 

Q. Can you briefly explain what Mr. Jubb’s LLC conversion scheme would have entailed?  1 

A. Mr. Jubb refers to a circular transaction in which PGE would begin as a corporation and for 2 

tax purposes end as a corporation.  This “LLC conversion” would have been undertaken for 3 

the sole purpose of avoiding taxes.   4 

  In Mr. Jubb’s scheme, PGE would first have been liquidated as a corporation, and 5 

become a “disregarded entity” for tax purposes, with assets held by Enron.  At a minimum, 6 

this liquidation step would have required:   7 

• approval by the Federal Bankruptcy Court;  8 

• agreement by preferred shareholders to redeem all shares in PGE; and 9 

• legal review of PGE’s existing contracts and debt instruments, particularly power 10 

sales agreements and PGE’s indenture, to ensure they permitted liquidation and 11 

reincorporation in a different form.   12 

  Enron would then have elected to have the former PGE treated as an LLC (“PGE 13 

LLC”), and would have distributed ownership shares in the new PGE LLC to creditors.  At 14 

various times, PGE would likely have had to obtain approval from a number of bodies, 15 

including Enron, the Enron Creditors’ Committee, the IRS, the Commission, the Federal 16 

Energy Regulatory Commission, the Nuclear Regulatory Commission, the Oregon Energy 17 

Facility Siting Council, and possibly others.  18 

  Mr. Jubb asserts that this scheme would have ultimately allowed PGE LLC to step-up 19 

the basis in its assets to fair market value for tax purposes, but apparently not for ratemaking 20 

purposes, inflating the tax depreciation deductions on those same assets.  After all of these 21 
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steps, PGE LLC would essentially have been reincorporated for tax purposes and subject to 1 

regular corporate income taxes.   2 

Q. Did the City of Portland (COP) propose a conversion to an LLC in the 3 

UF 4218/UM 1206 proceedings? 4 

A. No.  Mr. Jubb states in his testimony he proposed the LLC scheme in March 2006 – after the 5 

Commission had issued its order in UF 4218/UM 1206 and less than 30 days before the 6 

scheduled distribution of PGE stock.   7 

Q. Do you agree with Mr. Jubb that an LLC conversion scheme would have been a 8 

prudent and practical tax measure PGE might have undertaken, and that such a 9 

measure would have resulted in credits to customers?  10 

A. We strongly disagree with Mr. Jubb’s conclusions, for a number of reasons.  First, after 11 

considering significant errors in Mr. Jubb’s financial calculations, we believe that an LLC 12 

conversion may generate little, if any, net savings for customers.  Second, we believe 13 

engaging in an LLC conversion scheme for no business purpose other than to avoid income 14 

tax payments would have violated the step-transaction and economic substance doctrines, 15 

which would potentially leave PGE and its customers subject to penalties, accrued back 16 

taxes and interest.  Finally, we believe Mr. Jubb ignored a number of significant issues that 17 

would have made it imprudent and impractical for PGE to have attempted to undertake the 18 

type of transaction Mr. Jubb describes.  19 

 

A. Financial Impact of LLC Conversion Scheme 

Q. Do you agree with Mr. Jubb’s conclusion that an LLC conversion scheme would yield 20 

$50 million in tax savings for PGE’s customers?  21 
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A. No.  In fact, based on a number of significant errors in Mr. Jubb’s calculations, we cannot be 1 

certain that an LLC conversion would have resulted in any tax savings for customers. 2 

Q. Can you describe the errors Mr. Jubb made in calculating the financial impact of an 3 

LLC conversion scheme?  4 

A. First, Mr. Jubb bases his fair market value on the initial trading price of PGE stock as of the 5 

April 3, 2006, distribution date.  However, as we understand Mr. Jubb’s LLC conversion 6 

scheme, PGE LLC membership shares would not be registered at the time of distribution.  7 

However, we are advised by counsel that PGE shares must be registered before distribution. 8 

If Mr. Jubb were correct, the membership shares could have been subject to significant 9 

discount in comparison to the PGE common stock.  Hence, Mr. Jubb’s $1.7 billion step-up is 10 

likely well overstated.  11 

  Mr. Jubb makes another glaring error in his analysis when he states that PGE’s “tax 12 

basis book value” (sic) is “approximately zero” (COP/100, Jubb/8).  It is unclear from where 13 

Mr. Jubb derived this zero amount and he provides no explanation.  Actually, PGE's tax 14 

basis in plant is approximately $1.2 billion.  Its tax basis of net assets is approximately $500 15 

million.  Mr. Jubb also fails to account for the financial impact to customers that would 16 

result from the loss of accumulated deferred taxes.   17 

Q. Do PGE’s customers benefit from accelerated depreciation and deferred taxes?  18 

A. Yes.  If there were no accelerated depreciation, PGE customers would have customer prices 19 

set on a “normal” tax depreciation basis.  With accelerated depreciation, customer prices are 20 

set on a “normal” tax depreciation basis but, in addition, customers receive a deduction from 21 

rate base for the deferred tax balance.  This deduction from rate base currently reduces 22 

customer prices for PGE customers by approximately $25 million per year.   23 
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Q. What would have happened to PGE’s existing deferred taxes if it had undertaken an 1 

LLC conversion? 2 

A. We believe PGE’s existing deferred tax liabilities may have been eliminated if it had 3 

undertaken an LLC conversion, resulting in significant harm to PGE’s customers.  This is 4 

one of the primary reasons we believe it would not have been prudent for PGE to have 5 

undertaken an LLC conversion.  6 

Q. How would PGE customers be harmed by the elimination of PGE’s existing deferred 7 

tax liabilities? 8 

A. If PGE’s existing deferred tax liabilities were eliminated, the deduction from rate base 9 

would also be eliminated, which would increase PGE’s rate base by about $200 million.  10 

Mr. Jubb neglects to mention that this increase to rate base would increase customer prices 11 

by approximately $25 million per year.  This oversight plus his errors when calculating the 12 

potential step-up could eliminate the entirety of the savings that Mr. Jubb claims. 13 

Q. Does Mr. Jubb address this loss of deferred tax liabilities to offset rate base in his 14 

testimony? 15 

A. Not directly.  He does state that the increase in asset rate base would be treated as an 16 

“acquisition premium” (COP/100, Jubb/9) and cites the Scottish Power acquisition of 17 

PacifiCorp and Enron purchase of PGE.  Since the transaction he proposes is not an 18 

acquisition, we do not see the relevance of these citations.  He lists no other LLC 19 

conversions as support for his conclusion.  20 

Q. Mr. Jubb has indicated that if his LLC conversion scheme were undertaken, the PGE 21 

tax rate would be zero (COP/100, page 10, lines 6 and 7).  Is this accurate? 22 
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A. No.  Mr. Jubb stated that PGE LLC would be reincorporated for tax purposes under his 1 

scheme, and therefore would be subject to regular corporate income taxes.  He provides no 2 

evidence or computations to support this statement. 3 

Q. What other concerns do you have about Mr. Jubb’s calculation? 4 

A. Mr. Jubb calculates fair market value by looking at the stock value at the date of 5 

distribution, and assigning 100% of this value to depreciable assets.  This is a gross 6 

oversimplification.  An extensive, detailed allocation would have to be made and value 7 

assigned to all of PGE’s assets, many of which would not be subject to depreciation (land, 8 

software, etc.).  Also, Mr. Jubb has failed to consider the administrative and legal costs for 9 

doing an LLC conversion and tax reincorporation, as well as any real estate or transfer taxes.  10 

These additional costs would only make the scheme more costly for PGE’s customers. 11 

 

B. Violation of Tax Judicial Doctrines 

Q. Can you explain the law or judicial doctrine that prohibits corporations from engaging 12 

in “step-transactions” with the sole purpose of avoiding tax liabilities?  13 

A. Yes.  The step transaction doctrine is a judicial doctrine that the IRS has successfully used to 14 

thwart attempts by taxpayers to “game the system” by using a series of steps to accomplish 15 

indirectly what they could not do directly.  The IRS typically demonstrates to the courts that 16 

by collapsing a series of steps, the true goal of the taxpayer is uncovered-receiving a tax 17 

benefit that the taxpayer could not have achieved by following the substance, rather than the 18 

formality, of the law. 19 

Q. Mr. Jubb states that a separate business purpose is not required for a liquidation 20 

under IRC §332.  Does this statement fully address this issue? 21 
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A. No.  While it is true that a separate business purpose may not be necessary for a liquidation 1 

under §332, the fact that a transaction is solely motivated by tax avoidance is a relevant 2 

factor in applying the step transaction/substance over form doctrines.  Mr. Jubb describes his 3 

strategy as either a simple “check-the-box” or a “check and sell” strategy.  Actually, the 4 

scheme he proposes is much more complicated, as we previously described.  The LLC 5 

conversion he proposes includes: liquidation, followed by a “check-the-box” election, 6 

followed by a distribution of LLC shares, followed by the tax reincorporation of PGE.  PGE 7 

would start out as a corporation and after all the dust settles again be taxed as a corporation, 8 

all for the sole purpose of creating a larger depreciation tax deduction.  Mr. Jubb admits that 9 

this entire transaction (even though broken out in a series of steps) is motivated solely to 10 

avoid income taxes.  It is unreasonable to assume the IRS would not apply the step 11 

transaction or substance-over-form doctrines, which may subject PGE to payment of back 12 

taxes, interest and penalties. 13 

Q. Did Mr. Jubb provide any evidence of a similar LLC conversion transaction reviewed 14 

and approved by the IRS?  15 

A. No.  16 

Q. Can the Commission rely on the case of General Motors and General Motors 17 

Acceptance Corporation (GMAC), as cited by Mr. Jubb, as evidence that the IRS 18 

would approve of an LLC conversion for the sole purpose of tax avoidance? 19 

A. No, we do not believe it would be prudent or practical to rely on this transaction in such a 20 

manner.  Notably, we have seen no evidence that the IRS has even reviewed this transaction 21 

because it has not closed yet.  In addition, after reviewing the sales agreement in question, 22 

we found that General Motors is not selling a 100% interest to the buyer.  General Motors 23 
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will retain a significant interest in the firm, therefore the LLC conversion does retain a 1 

business purpose, and Mr. Jubb’s proposal does not. 2 

 

C. Other Issues 

Q. Could PGE have changed the corporate status without the consent of its parent 3 

corporation? 4 

A. No.  Enron, as the parent corporation, would have had ultimate approval of any change in 5 

corporate status. Mr. Jubb spends a portion of his testimony explaining how, in hindsight, 6 

this could have been accomplished using net operating losses at Enron (COP/100, Jubb/7).  7 

Mr. Jubb provides no evidence that Enron’s net operating losses are or were available to 8 

offset the tax liability generated by this scheme or if Enron would donate them at no cost.  9 

Mr. Jubb appears to assume that Enron and its creditors would have been neutral to this 10 

transaction because of the existence of net operating losses.  This is an undocumented 11 

assumption; in fact, no one knows at this point whether Enron will utilize some or all of its 12 

existing net operating losses. 13 

Q. Would approval by the Enron Creditor Committee have been easy to secure?  14 

A. We find it highly unlikely that the creditors would have approved an LLC conversion.  If the 15 

membership shares were not registered, the LLC conversion scheme would have subjected 16 

creditors to diminished value because they would have traded in a less liquid market than 17 

PGE common stock.  If immediately listed on a stock exchange, PGE LLC would be taxed 18 

as a corporation per Section 7704 and the IRS would not have allowed any step-up in value.  19 

The Enron Board is duty bound to obtain maximum economic recovery for the benefit of the 20 

creditors.  They would certainly view this LLC scheme in that light.   21 
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Q. Can you explain the issue you raised surrounding the elimination of preferred stock?  1 

A. This is an issue Mr. Jubb does not address at all, but is a prerequisite to completion of the 2 

LLC conversion.  PGE currently has outstanding shares of preferred stock.  These shares 3 

would have to be eliminated, that is, bought back from their holders (redeemed), before the 4 

LLC conversion could take place.  PGE has only limited rights to redeem the preferred 5 

stock.  Beyond those rights PGE cannot force preferred shareholders to sell their stock, nor 6 

do we know how Mr. Jubb envisioned  PGE would raise the capital necessary to accomplish 7 

this task.  If the preferred shareholders did not agree to sell their stock, the LLC conversion 8 

could not have taken place.  9 

Q. Are there other procedural issues Mr. Jubb’s LLC conversion strategy overlooks? 10 

A. Although Mr. Jubb does not specifically address it, we can find no specific time period in 11 

which Enron or PGE would have reasonably considered the time-consuming and risky 12 

scheme proffered by Mr. Jubb.  Immediately after Enron declared bankruptcy, it became 13 

engaged in a massive legal proceeding to develop a bankruptcy plan.  During, and even prior 14 

to, this entire period, Enron was also seeking a buyer for PGE.  Enron would have been 15 

unlikely to approve any transaction as unusual and risky as the one proffered by Mr. Jubb 16 

while it was earnestly seeking a buyer for one of its only financially secure subsidiaries.  17 

  It would also have been imprudent for either Enron or PGE to have incurred the 18 

substantial legal costs that would have been involved in determining if the proposed 19 

transaction was even feasible.  As noted above, attorneys would have had to review all of 20 

PGE’s outstanding contracts to determine if they would allow liquidation of the company.  21 

A similar review would have had to have been undertaken with regard to PGE’s first 22 

mortgage bonds.  Tax experts would have had to provide expert opinions as to whether the 23 
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IRS could approve such a transaction, and the potential liability that would accrue to PGE 1 

customers if the IRS found PGE in violation of the step-transaction or economic substance 2 

doctrines. 3 

Q. Mr. Tamlyn, if you had been tax director of PGE throughout the time period after 4 

Enron’s bankruptcy and prior to the stock distribution, would you have recommended 5 

that PGE undertake an LLC conversion?  6 

A. Absolutely not.  The risks related to the loss of deferred taxes and the potential for IRS 7 

penalties would have been unacceptable, particularly given all of the difficulties described 8 

above related to approvals from Enron and various governmental bodies and the significant 9 

and likely unrecoverable financial costs.  Given the upheaval faced by both PGE and Enron 10 

during this time period, it would have been imprudent for the Company to have exposed 11 

itself to greater risk and regulatory disapproval.  For all these reasons, I would not have 12 

recommended that PGE undertake an LLC Conversion.  13 

Q. Mr. Piro, you were Chief Finanicial Officer for PGE throughout the time period 14 

described above.  If Mr. Tamlyn had presented the concept of the LLC conversion to 15 

you, would you have recommended the action to PGE’s Board of Directors?  16 

A. No.  It was my job during that time period to ensure the financial health and stability of 17 

PGE, and to ensure that PGE could continue its core function of delivering safe and reliable 18 

power to its customers during the Enron bankruptcy.  Given all of the concerns mentioned 19 

by Mr. Tamlyn, I would not have considered the LLC conversion as a prudent course of 20 

action, and I would not have recommended that PGE expend potentially millions of dollars 21 

to pursue such a scheme. 22 
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IV. Adjusting Deferred Tax Liabilities 

Q. What is your opinion of Mr. Jubb’s recommendation to return deferred taxes to 1 

customers as they become current? 2 

A. Such a measure would clearly violate IRS normalization requirements and would therefore 3 

cost customers approximately $25 million per year by elimination of the rate base offset for 4 

deferred income taxes as explained earlier.  We describe this issue in some detail in Section 5 

III above.  6 

Q. Is Mr. Jubb correct when he contends that SB 408 effectively puts PGE on a “cash 7 

method for ratemaking” and continued accounting for deferred taxes would result in 8 

double charging customers? 9 

A. No.  Mr. Jubb errs when he states that SB 408 effectively puts PGE on a “cash method for 10 

ratemaking.” COP 100, Jubb/10.  SB 408 encompasses both current and deferred taxes. 11 

There is no “double charge.” Mr. Jubb implies that PGE would charge customers again in 12 

current taxes when the deferred taxes are due.  Mr. Jubb is incorrect.  Under cost-of-service 13 

ratemaking, as well as the SB 408 true-up, customers are charged just once, in the year that 14 

income taxes are reported in the utility’s results of operations report. 15 
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V. Taxes Paid to Enron 

Q.  Do you agree with Mr. Jubb’s recommendation with regard to prior income tax 1 

payments made in good faith to Enron? 2 

A. No.  Mr. Jubb contends that PGE did not file its tax agreements with the Commission as 3 

required by his interpretation of ORS 757.495.  PGE respectfully disagrees.  This matter 4 

currently is pending as a matter of law in Docket UM 1262.  PGE informed the Commission 5 

on an annual basis of payments to Enron for taxes in its Affiliated Interest Filing.  The 6 

Commission should ignore the recommendation.  7 
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VI. Qualifications 

Q. Mr. Tamlyn, would you please review your qualifications? 1 

A. I am a graduate of Portland State University receiving a bachelors degree in political science 2 

in 1974.  I also have a Masters of Taxation degree from Portland State University, received 3 

in 1996 and have been a certified public accountant since 1979.  I am a member of the 4 

American Institute of CPAs as well as the Oregon Society of CPAs and a director for the 5 

Portland chapter of Tax Executives Institute. 6 

  I  worked for the Portland Oregon based CPA firm of Fellner & Kuhn, PC from 1976 to 7 

1987, advising clients on various accounting and tax matters.  Subsequent to that I worked in 8 

various tax capacities at PacifiCorp, NERCO, PacifiCorp Financial Services and Standard 9 

Insurance Company. 10 

  I have been the tax director at PGE from March 2005 until the present time.   11 

Q. Mr. Piro, Mr. Tamlyn, does this conclude your testimony? 12 

A. Yes.  13 
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I. Introduction 

Q. Please state your name and position at PGE. 1 

A. My name is Pamela G. Lesh and my position is Vice-President, Regulatory Affairs and 2 

Strategic Planning.  I am responsible for all aspects of regulatory affairs and for overall 3 

strategic planning at PGE.  My qualifications previously appeared in PGE Exhibit 100. 4 

Q. What is the purpose of your testimony? 5 

A. The purpose of my testimony is to respond to the positions various parties take with respect 6 

to the net variable power cost (NVPC) regulatory framework PGE proposed in PGE Exhibit 7 

400. 8 

Q. How is your testimony organized? 9 

A. My rebuttal testimony has four sections after this introduction.  Here, I briefly address why 10 

PGE proposed a comprehensive NVPC regulatory framework in this general rate case and 11 

the positions that parties take on that framework. 12 

  In Section II, I discuss the topic central to the disagreement about a regulatory 13 

framework for PGE’s NVPC:  risk.  The relevant risk is “the risk that forecasted cost of 14 

service will not be the same as actual cost of service” (cost of service risk).  I explain how 15 

the concept of “expected value power costs” relates to this risk.  With the relevant risk 16 

articulated, I then explain why PGE’s proposed regulatory framework meets the objectives 17 

of sound regulatory policy more so than the frameworks the parties propose.   18 

  Section III discusses the effect of the Annual Update Tariff on cost of service risk and 19 

responds to the arguments the parties offer against including an annual re-forecast of NVPC 20 

in the NVPC regulatory framework. 21 



UE 180 – UE 181 – UE 184 / PGE /1800 
Lesh / 2 

 

UE 180 – UE 181 – UE 184 RATE CASE – REBUTTAL TESTIMONY 
 

  In Section IV, I review the effect of the Annual Variance Tariff on cost of service risk 1 

and respond to the parties’ arguments against PGE’s proposed NVPC regulatory framework 2 

and for their alternatives, as the case may be.  This section answers: 3 

• Why the Variance Tariff does not need, and should not have, a deadband 4 

• Why the Variance Tariff is revenue neutral under a logical understanding of this 5 

term and need not meet the unsupported meaning some of the parties would 6 

give it 7 

• Why the Commission should adopt PGE’s proposed earnings test rather than 8 

the one suggested in Order No. 05-1261 and promoted by the parties in this 9 

docket  10 

  In Section V, I respond to various other arguments advanced or positions taken by the 11 

parties regarding our proposed NVPC regulatory framework. 12 

Q. Why did PGE present a comprehensive power cost framework in this docket? 13 

A. We believe this is the right time and the right forum for the parties, and the Commission, to 14 

address all of the aspects of this complicated issue.  Through circumstance, not design, the 15 

parties and the Commission have addressed these issues in piecemeal fashion over the last 16 

six years.  Unusual fact situations, truncated proceedings, and frequent surprises have 17 

characterized the exploration.  CUB expresses extreme frustration with this, complaining 18 

that “PGE’s unrealistic pursuit of its dream power cost adjustment has cost the Commission, 19 

Staff, and the parties a considerable amount of time, resources, and angst.”  CUB also 20 

asserts that we “have wrapped ourselves in a blanket of intentional ignorance in order to 21 

pursue [our] vision of the perfect power cost adjustment.”  (CUB/200, Jenks-Brown/20).  22 
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We would be less than honest if we claimed that we felt no such frustration; the charge of 1 

“ignorance” does not merit a response. 2 

Q. Do you agree with ICNU that this docket was a “compliance filing” with Order No. 3 

05-1261?  (ICNU/103, Falkenberg/26) 4 

A. No.  The nature of Docket UE 165 and Order No. 05-1261 did not bind PGE to making a 5 

“compliance filing” in this or any other docket. 6 

  In Docket UE 165, filed May 2004, PGE proposed a Hydro Generation Adjustment 7 

(HGA).  Grounded in the fact that it is impossible to forecast the amount of hydro generation 8 

PGE will receive in any given year, the HGA mechanism would have included actual hydro 9 

generation in PGE’s cost of service rates on an actual basis, valuing generation both above 10 

and below that assumed at a market price.  In March 2005, we reached a settlement with 11 

Staff, agreeing to put in place – for two years only – a mechanism called the System 12 

Dispatch – Power Cost Adjustment Mechanism (SD-PCAM).  This mechanism did not 13 

resemble PGE’s HGA and PGE made a number of compromises in agreeing to try it 14 

experimentally.  CUB and ICNU opposed the stipulation.  The testimony subsequent to the 15 

stipulation addressed only the reasonableness of the stipulation. 16 

  On December 21, 2005, the Commission issued Order No. 05-1261, rejecting the 17 

stipulation.  The Commission kept the docket open, however, “in the event that PGE wishes 18 

to submit to the Commission a hydro-related PCA that meets the design criteria” that the 19 

Order describes.  Order No. 05-1261 at page 14 (emphasis added).  By letter dated February 20 

9, 2006, we advised the Commission that PGE had already been working with the parties on 21 

power cost adjustment (PCA) issues and that we would file a proposal in the general rate 22 

case filing planned for just one month later.  We said: 23 
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 “We presently plan to include the results of our exploration with the working 
group in the general rate case that PGE intends to file this year.  . . .  [W]e are 
optimistic that the rate case record will contain a full exploration of the 
Commission’s UE 165 guidelines and other issues that have arisen since the 
record closed in UE 165.  For example, we expect that parties will address the 
differences between the earnings test the Commission suggested for UE 165 and 
the test used for other mechanisms, such as purchased gas adjustments, and for 
various deferrals in the past.  In the context of a general rate case, the record can 
also include the cost of capital effects of an earnings test that may systematically 
(because of the asymmetric nature of NVPC variances) affect a utility’s 
opportunity to earn its authorized return on common equity.  We also expect that 
parties will explore in greater depth the notion of ‘revenue neutrality,’ which 
surfaced in UE 165 and appears in the Commission’s guidelines but we believe 
is an incomplete concept at this point.” 

 

  We also expressed our concern that Docket UE 165, did not “explore all of [the 1 

interrelated] issues in part because of its limited nature and in part because of the settlement 2 

and resulting focus in the proceeding on the terms of that settlement.”  We believed these 3 

“limitations affected the nature of the record presented to the Commission in providing 4 

guidance on changes that would make the SD-PCAM acceptable.” 5 

  We have done exactly as we said PGE would.  We did not continue on a path of 6 

developing either a hydro-related PCA mechanism or a variant of the SD-PCAM because we 7 

believe a comprehensive approach is superior to a limited approach.  It is disconcerting that 8 

CUB would label our proposal of a different regulatory framework in this docket “brazen.”  9 

The term suggests a rigidity to regulation, a foreclosure of alternatives and a denial of 10 

respectful disagreement1 that I do not recognize from past experience with the regulatory 11 

process. 12 

Q. Is a general rate case the right forum to explore the issues involved in creating a NVPC 13 

regulatory framework? 14 
                                                 
1 CUB’s testimony ridicules PGE and our proposed NVPC regulatory framework, using terms such as “brazen”, 
“twisted in its knickers,” “misguided,” “unrealistic,” “intentional ignorance.”  We believe such terms have no place 
in regulatory proceedings. 
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A. Yes.  As we explained in our February letter to the Commission following Order No. 1 

05-1261: 2 

 “[A general rate case] forum can best accommodate the range of issues 
implicated by setting cost of service rates for net variable power costs 
(NVPC), which span from the modeling choices used to develop a base 
forecast of NVPC to the cost of capital implications of the risk allocations 
the Commission makes in its treatment of variances between forecast and 
actual NVPC.” 

 

  In short, only in a general rate case could all parties – including PGE – present, and the 3 

Commission decide, the issues of forecasting NVPC, reconciling NVPC, and cost of capital 4 

in an integrated fashion.  Our proposed NVPC regulatory framework is much closer than the 5 

Commission modified SD-PCAM would have been, to the types of regulatory frameworks 6 

in place for the utilities likely to be considered “comparable” by parties assessing our cost of 7 

capital.  In addition to all of the reasons we gave for our NVPC framework in direct 8 

testimony (PGE Exhibit 400), it seems more logical to start this integrated look from a 9 

position similar to our comparable utilities. 10 

Q. What positions do the parties take regarding PGE’s proposed NVPC regulatory 11 

framework? 12 

A. All of the parties oppose our framework; Staff and CUB present alternatives.  Staff/800, 13 

Galbraith/12; CUB/200, Jenks-Brown/12; ICNU/103, Falkenberg/3. 14 

  Under Staff’s proposal, the Commission would adopt a NVPC forecast only in a general 15 

rate case, regardless how frequently or infrequently that occurred.  (Staff/800, 16 

Galbraith/15-16).  The Commission would also include in PGE’s prices any amount by 17 

which, during a given year, actual NVPC were lower or higher than this general rate case 18 

forecast but only 90% of such amounts that exceed 150 basis points of the required return on 19 
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common equity (ROE) set by the Commission during the general rate case.  Staff includes 1 

the earnings test first invented in Order No. 05-1261, under which PGE would not adjust 2 

rates for actual costs less than forecasted unless we had already earned more than 100 basis 3 

points above our allowed ROE or for actual costs more than forecasted unless we had 4 

already earned less than 100 basis points below our allowed ROE. 5 

  Under CUB’s NVPC regulatory framework, the Commission would adopt a NVPC 6 

forecast only in a general rate case, as with Staff’s method.  (CUB/200, Jenks-Brown/15).  7 

The inclusion of the difference between actual NVPC and the forecasted NVPC varies under 8 

CUB’s proposal, depending on whether the actual NVPC were lower or higher than the 9 

forecast.  For higher actual NVPC, rates would include 50% of any difference between 10 

about $38 million and $61 million (using the UE 115 rate base and cost of capital), and 90% 11 

of any difference greater than that.  For lower actual NVPC, rates would include 50% of any 12 

difference between about $19 million and $30 million and 90% of any difference greater 13 

than that. 14 

Q. In general, how do the parties support their positions and proposals? 15 

A. The parties assert that PGE’s proposed NVPC framework shifts risk from PGE to customers.  16 

Citing a variety of proceedings, the parties argue that PGE must “bear” this risk, using the 17 

terms normal, unusual, extraordinary, expected, and stochastic, sometimes in terms of events 18 

and sometimes in terms of PGE’s financial results. See, e.g., Staff/800, Galbraith/9; 19 

CUB/200, Jenks-Brown/21; ICNU/103, Falkenberg/48.  The parties also argue that the 20 

proposal violates Commission precedent.  See, e.g., CUB/200, Jenks-Brown/16; Staff/800, 21 

Galbraith/9; ICNU/103, Falkenberg/27.  These terms, and the deadbands and other 22 
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regulatory framework features for which the parties use the terms as support, are simply 1 

judgments, based on largely unarticulated views of “what ratemaking is supposed to be.”   2 

Q. Do the parties identify or attempt to articulate the nature of the risk they believe 3 

PGE’s proposed NVPC regulatory framework shifts? 4 

A. No.  It is for this reason that I include Section II in this testimony.  The relevant risk is that 5 

the cost of service prices charged for PGE’s on-demand retail electricity service will not 6 

reflect actual cost of service.  Both customers and PGE bear the cost of service risk.  I show 7 

that PGE’s NVPC regulatory framework reduces this risk, rather than shifts it.  In contrast, 8 

two of the adjustments to our 2007 NVPC forecast that the parties support (extrinsic value 9 

and ancillary services revenue) would shift some of this cost of service risk from customers 10 

to PGE.  See PGE/1900, Section IV.  11 

Q. Do parties define or provide any analytical content for the event distinctions:  normal, 12 

unusual, or extraordinary? 13 

A. No. 14 

Q. Do you agree that PGE’s proposed NVPC framework violates Commission precedent? 15 

A. No.  I address the relevance of prior decisions by this Commission, and relevant decisions 16 

from other Commissions, in Section IV. 17 
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II. Risk 

Q. How is the issue of risk central to the parties’ disagreement over a NVPC regulatory 1 

framework for PGE? 2 

A. The parties ground their positions opposing PGE’s NVPC regulatory framework and/or 3 

proposing alternative approaches on the belief that regularly updating the NVPC forecast 4 

and reflecting actual NVPC in the cost of service prices charged to customers for on-demand 5 

retail electricity service will “shift risk” to customers.  See, e.g., Staff/800, Galbraith/9 6 

(“PGE has historically borne power cost risk and should retain a significant portion of this 7 

risk.”); CUB/200, Jenks-Brown/5 (“power cost variations are a normal and accepted part of 8 

forecasted ratemaking, and . . . a utility is expected to manage them and is allowed to benefit 9 

from them.”); ICNU/103, Falkenberg/27 (“utility shareholders must bear some amount of 10 

normal power cost variation between rate cases.”).  Indeed, CUB charges that PGE has an 11 

“unrealistic desire – even expectation – for annual dollar-for-dollar recovery of power 12 

costs.”  (CUB/200, Jenks-Brown/12). 13 

Q. Do the parties identify or explain what risk PGE’s NVPC regulatory framework would 14 

shift? 15 

A. No.  The parties never explain what the risk is that PGE’s proposed NVPC regulatory 16 

framework allegedly shifts. 17 

 

A. Cost of Service Risk 

Q. What risk does a Commission address when it develops the overall, and component, 18 

regulatory frameworks for setting cost of service prices? 19 
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A. The risk that a Commission must address when it uses test year ratemaking as part of its 1 

regulatory framework for a utility such as PGE is the risk that a utility’s prices – and what 2 

customers pay for on-demand retail electricity services – will not reflect that utility’s cost of 3 

service.2  A close connection between price and cost of service is a critical component of the 4 

regulatory bargain for both sides.  Oregon’s statutory framework is quite specific about the 5 

importance of cost: the Legislature has directed electric utilities to offer all of their 6 

customers a “regulated, cost-of-service rate option” (ORS 757.603(1)(a)) and stated that 7 

“[r]ates are fair and reasonable . . . if the rates provide adequate revenue both for operating 8 

expenses of the public utility . . . and for capital costs of the utility . . .” (ORS 756.040(1)).   9 

  For convenience, I will call this risk “cost of service risk.”  Both utility customers and 10 

utilities bear this risk.  Utilities bear the risk that the test year rates, and revenues collected 11 

through them, are too low for the costs incurred in providing on-demand retail electric 12 

service.  Customers bear the risk that the test year rates, and the bills they produce, are too 13 

high for the costs a utility incurs in providing the service.  14 

  Virtually every expense for which the Commission adopts a forecast in establishing that 15 

test year presents this risk to a utility and to its customers, regardless whether the 16 

Commission is basing the forecast on a future year or a historical year adjusted for known 17 

and measurable changes.  The size of this total risk for a given cost of service component, 18 

regardless how it is allocated, depends on how accurately one can forecast it and the utility’s 19 

ability to control it.  These interrelate: typically, the greater control a utility has over a given 20 

                                                 
2 CUB appears to believe that the only way that the Commission can set prices is on a test year and, indeed, a future 
test year.  See CUB/200, Jenks-Brown/3.  Nothing in Oregon’s statutes states this and all evidence is to the contrary, 
as the Commission has and uses many tools, some statutory and some not, that include in a utility’s cost of service 
prices elements that are not from a future test year. 
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cost of service component, the less forecasting uncertainty and vice versa.3  The total size of 1 

the risk is the range between the lowest actual amount and the highest actual amount that 2 

cost of service component could be during the period the prices are in effect.  3 

  An example helps illustrate cost of service risk in terms of forecast uncertainty and 4 

utility control.  Employee business expense is at one end of the spectrum.  Forecast 5 

uncertainty is low.  Barring highly unusual circumstances, the next year’s expense is likely 6 

to be close to the prior year, adjusted for inflation/deflation, on the basic types of expense.  7 

Similarly, the utility’s degree of control is high, again except for inflation/deflation effects.  8 

Aiding the degree of control is the number of decisions within this category and the 9 

relatively small size of each.  Authorize this business trip or not?  Approve this use of 10 

outside expertise on a given matter or not?  For a significant number of the decisions, it may 11 

be possible to postpone the expense for some period without much consequence.  To greater 12 

or lesser degrees, many costs within non-power operations and maintenance expense have 13 

these characteristics.  The size of the cost of service risk is quite small, even several years 14 

after the Commission adopts the point forecast.4 15 

  Analyzing NVPC in terms of forecasting uncertainty and control shows a marked 16 

difference.  Forecasting uncertainty can be high, although this will vary from utility to utility 17 

depending on its resources.  The uncertainty includes both costs within the year the 18 

Commission has used for test year rate setting and in subsequent years.  Control, generally, 19 

                                                 
3 Depreciation and amortization would be the exceptions.  Forecasting these costs is quite certain: the depreciation 
number flows directly from applying the last-approved depreciation study to PGE’s current investments and 
amortizations from whatever orders set the amount and rate applied to it.  On the other hand, the utility exercises 
virtually no control over these costs, other than the incremental control of depreciation associated with new 
investment. 
4 Rate design can play a role in affecting cost of service risk, particularly over time.  Historically, Commissions have 
designed most of a utility’s costs into variable rates.  For the fixed costs, that means that load directly affects the cost 
of service risk.  For many years, as customer loads grew roughly at the same pace as the fixed costs, this regulatory 
framework helped minimize cost of service risk. 
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is low.  The decisions that will affect whether actual cost is higher or lower involve large 1 

expenditure amounts and many are in reaction to matters outside the utility’s control.  2 

Postponing expenditures is usually not an option because that would threaten reliable 3 

service.   4 

Q. Does Staff agree that both customers and utilities have cost of service risk? 5 

A. Yes, it appears so.  On deposition, Staff witness Maury Galbraith answered the question as 6 

follows.   7 

 Q. Is it your view that it is only the company that is at risk with respect to 8 

variations from expected power costs and the impact of those variations? 9 

 A. No, that’s not my view. 10 

 Q. Would the customers also have a similar risk? 11 

 A. Yes, customers have a similar risk. (Galbraith Deposition, PGE Exhibit 12 

1801 pages 3-4). 13 

Q. How does a Commission’s overall, and component, regulatory frameworks relate to the 14 

size of cost of service risk? 15 

A. If a utility can control a given element of cost of service and/or forecasting uncertainty is 16 

low, the Commission need not construct a regulatory framework to lessen the already small 17 

size of the risk.  If the cost of service risk is high, however, a Commission’s overall and 18 

component regulatory frameworks can reduce the overall size of the risk by bringing actual 19 

costs, in addition to forecasted costs, into the ratemaking process.  Use of actual costs, such 20 

as through PCA and purchased gas cost adjustment (PGA) mechanisms, directly reduces the 21 

size of the risk, regardless of the allocation of that risk between a utility and its customers. 22 
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Q. Do the parties agree that PGE’s NVPC present forecasting uncertainty and that PGE 1 

does not control these costs? 2 

A. Generally, yes.  CUB states, for example, that: “PGE does not specifically control hydro 3 

conditions; neither does the Company specifically control loads, market prices, or weather…  4 

PGE is not expected to control nature or the market.”  (CUB/200, Jenks-Brown/16-17).  On 5 

deposition, Staff expressed a similar view regarding PGE’s control in the following 6 

exchange: 7 

 Q. Could you tell me which of the factors that drive variation of power cost PGE 8 

has control over? 9 

 A. I’m not sure it has complete control over – over any of the factors that drive 10 

variations of power costs.  If it did, I assume there would be no variations. 11 

 Q. Well, does it control load? 12 

 A. Not completely. 13 

 Q. Does it control weather? 14 

 A. No. 15 

 Q. Does it control market price? 16 

 A. No. (Galbraith Deposition, PGE Exhibit 1801 pages 13-14). 17 

 ICNU stated: “There is ample reason to believe that prices will deviate from the forecast as 18 

events unfold.  However, it is impossible to determine exactly what market prices will 19 

materialize.”  (ICNU/103, Falkenberg/4). 20 

Q. Does the Commission have a direct role in allocating cost of service risk? 21 

A. Yes.  A Commission allocates cost of service risk – for a given test period – through how it 22 

sets the forecast: the point on the spectrum of all of the results the cost could actually be in 23 
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that year.  If that forecast is set such that the probability and size of higher or lower actual 1 

costs is even, then customers and the utility have an even share of the risk.  If the baseline 2 

forecast biases this result in any way, then the bias allocates the risk between customers and 3 

the utility. 4 

  For example, assume a NVPC forecast of $200 million presented even odds of 5 

outcomes higher or lower by $30 million.  In other words, customers’ risk of outcomes less 6 

than $200 million, down to the $170 million lower end of the range, matched the utility’s 7 

risk of outcomes over $200 million up to the $230 million upper end of the range.  If the 8 

Commission arbitrarily reduced the NVPC forecast by $20 million, then the Commission 9 

would have shifted to the utility a potential $20 million loss that customers otherwise would 10 

have faced.  In other words, for outcomes between $180 million and $200 million, the utility 11 

would now bear the cost of service risk, in addition to the cost of service risk it bore for 12 

outcomes over $200 million. 13 

Q. Can reducing cost of service risk change the allocation of the risk? 14 

A. Reducing cost of service risk re-allocates that risk only if the Commission does not allocate 15 

the risk evenly to begin with or brings actual costs unevenly into the ratemaking process.  16 

Using the uneven allocation example I gave above, including actual costs in the regulatory 17 

framework could partially or totally “undo” the uneven allocation achieved by the forecast.  18 

Similarly, if a regulatory framework brings only actual costs lower than the forecast (such as 19 

the IT True-up in the Docket UE 115 stipulation) or costs higher than the forecast (such as a 20 

one-time deferral of excess power costs) into ratemaking, the risk allocation would change, 21 

at least for that instance.  Staff explained this part of the concept of cost of service risk well 22 

on deposition: 23 
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 Q. And can you explain to me how a PCA mechanism could bias the expected 1 

level of power cost recovery in your words? 2 

 A. A one-sided PCA mechanism that only provided recovery for higher power 3 

costs and didn’t provide refunds for lower power costs, that type of one-sided 4 

mechanism would bias the overall expected level of recovery. 5 

 . . . 6 

 If the mechanism only triggered when costs increased and didn’t trigger when 7 

costs decreased, even assuming there was an equal likelihood of the cost 8 

increases and cost decreases, you’d get, you’d get a different expected recovery 9 

than you would if you just set power cost on normalized rate-making principles.  10 

(Galbraith Deposition, PGE Exhibit 1801 pages 1-2). 11 

Q. Does Staff believe that a PCA mechanism re-allocates as well as reduces risk? 12 

A. It is not clear.  The following exchange during deposition appears to acknowledge that a 13 

PCA mechanism reduces risk for both customers and the utility but indicates that the 14 

reduction for each comes at the expense of the other.  In other words, the PCA mechanism 15 

shifts the utility’s allocation of the cost of service risk to customers and shifts the customers’ 16 

allocation to the utility: 17 

 Q. In the first sentence again after page 9, after you say “the amount of risk 18 

reduction,” then you add, “or conversely earnings stability.”  Is that meant to 19 

refer to earnings stability with respect to both customers and the utility, or just 20 

one of the two? 21 

 A. The important thing to remember here is is that in – a PCA mechanism 22 

allocates risk between shareholders and customers.  And so the use of the phrase 23 
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“risk reduction” here is pointing out that a risk reduction for shareholders is a – 1 

is a risk increase for customers.  And so I phrased the first sentence here from the 2 

perspective of a risk reduction for shareholders, or conversely, an improvement in 3 

their – in the stability of shareholder earnings.  There is a flip side to that first – 4 

that first sentence, which would be: from the customer perspective.”  (Galbraith 5 

Deposition, PGE Exhibit 1801, page 4). 6 

 Even if one accepts the view that shifting occurs, when it is done, the risk is still reduced for 7 

both.  If the Commission’s allocation of cost of service risk was even to begin with, the risk 8 

reduction is even for both. 9 

Q. Does Staff contradict the conclusions you have drawn from these explanations, 10 

however? 11 

A. Yes.  Also during deposition, Staff stated that: 12 

 Q.  And, therefore, does the absence of a deadband and a 90-10 sharing as 13 

proposed by PGE shift all of the customers’ power cost risk to PGE in the same 14 

way you’ve said that it shifts all of PGE’s power cost risk to the customers? 15 

 A. Well, the shifting needs to be compared to some baseline level of risk 16 

allocation.  The baseline level of risk allocation, or the traditional level of risk 17 

allocation, is that between rate cases the utility bears the – both the higher costs 18 

and the lower costs.  And so compared to that baseline, PGE’s proposal shifts risk 19 

to customers.  (Galbraith Deposition, PGE Exhibit 1801, pages 11-12).  20 

 One can reconcile this only by concluding that, even though customers bear cost of service 21 

risk and a PCA mechanism could allocate that risk to PGE, this cannot happen now because 22 
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the Commission “shifted” that risk to PGE some time ago.  Thus, a PCA mechanism reduces 1 

risk as I explained, but only because it is presumed that PGE bears customers’ risk currently. 2 

Q. Does this make sense? 3 

A. No.  PGE does not “bear” – in the sense of potential loss – customers’ risk that actual cost of 4 

service will be lower than forecasted cost of service.  The Commission cannot shift it to us.  5 

The Commission can decide that the cost of service risk is not large for either customers or 6 

the utility and, thus not address it.  But the Commission cannot have us bear customers’ loss 7 

potential.   8 

 

B. Expected Value Power Cost and Cost of Service Risk 

Q. Can the concept of “expected value power cost” tell us something about the size of the 9 

NVPC cost of service risk? 10 

A. Yes.  As ICNU stated: “Stochastic models would provide more insight into both the 11 

expected value and the distribution of power cost forecasts.” 12 

Q. Would you please review, briefly, what “expected value power cost” is? 13 

A. PGE testified in Docket UE 165 that:  “Expected value power cost is a method of 14 

forecasting power cost that simulates a spectrum of alternative states for relevant variables 15 

to develop a central power cost estimate.  By contrast, the current methodology employed by 16 

MONET is “deterministic,” taking into account only one estimate of the relevant variables.”  17 

Further, “to rigorously forecast expected value power cost under uncertainty, we would 18 

stochastically vary all uncertain variables, with appropriate correlations or fundamental 19 

economic relationships.  . . .  One technique would be to use random draws in a Monte Carlo 20 

approach.  To do this adequately is a large task, and we do not currently have the modeling 21 
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capability to do so.”  Exhibit 1802 includes the relevant sections of this Docket UE 165 1 

testimony.   2 

Q. Did PGE engage a consulting firm to work on expected value power costs? 3 

A. Yes.  We agreed to do this as part of our stipulation with Staff in Docket UE 165 and, even 4 

though the Commission rejected the stipulation, we fulfilled our commitment and retained 5 

PA Consulting Group (PA) for the work.  The report we received is included as PGE Exhibit 6 

1803.  PGE sent a cover letter, along with distribution of the PA report, to parties to the UE 7 

165 docket.  This letter noted a number of issues related to the PA report.  PGE Exhibit 1804 8 

is a copy of the cover letter, dated July 18, which PGE included with distribution of the PA 9 

report. 10 

  We initially asked that PA develop a “cost simulation model” meeting the requirements 11 

we identified in our testimony on this issue in Docket UE 165.  PA found that “an important 12 

factor limiting the precision of any probabilistic cost simulation is the availability of data 13 

describing the distributions and dependencies of its uncertain inputs.”  PGE Exhibit 1803 at 14 

page 1-1.  Nonetheless, PA produced a limited prototype model on our request.    15 

 A 1000-iteration run of the PA cost simulation model produced a “descriptive model”.   16 

The range of outcomes from the distribution of all of the inputs, and the interrelationship of 17 

those inputs, was $350 million around a “mean” of $650 million.  Thus, for PGE and our 18 

customers, the size of the cost of service risk associated with NVPC can be very large.   19 

Q. Does the PA simulation model tell us something about how the current NVPC 20 

regulatory framework allocates the cost of service risk? 21 

A. Yes.  The results showed a significantly skewed distribution, with a standard deviation of 22 

$55 million.  PA indicated its belief that the standard deviation is likely understated.  In 23 
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addition, the difference between the base case value and the “expected value” was a positive 1 

$10 million.  This suggests, were one to attempt to use the descriptive model for ratemaking, 2 

that the test year NVPC forecast should be $10 million higher than MONET indicates.  The 3 

conclusion corroborates our belief that the MONET point forecast likely does not evenly 4 

allocate NVPC risk but is lower than a probabilistic determination would indicate. 5 

 
C. Is There A Risk Involved Other Than Cost of Service Risk? 

Q. If adoption of a PCA mechanism does not shift cost of service risk between utilities and 6 

customers, is there another way to understand the parties’ assertions regarding risk? 7 

A. Perhaps.  The parties’ assertions may reflect a view of the on-demand retail electricity 8 

service that PGE must offer our customers different from PGE’s view.  We understand that 9 

product to be “cost of service” retail electricity, consistent with the Legislature’s 10 

requirements adopted in 2001.  The parties’ positions imply what I will call a “no true-up” 11 

product: The Commission sets prices for PGE’s electricity service only in a general rate 12 

case, PGE must provide all of the service requested, whenever requested, at that price unless 13 

extraordinary circumstances (akin to “force majeure” in the commercial setting) occur.  If 14 

extraordinary circumstances occur, PGE may recover some of the cost of the power it has 15 

actually used to provide this retail service (assuming it demonstrates prudence) but only 16 

after it has absorbed enough to ensure that, for that year, its investors do not recover the 17 

return on equity the Commission last found that they required.  See, e.g., ICNU/103, 18 

Falkenberg/45; CUB/200, Jenks-Brown/17.  This is a product that may be available from 19 

power marketers or brokers operating in the wholesale market or providing retail electricity 20 

service outside of regulation at market-based prices.  It is not the cost of service-priced, 21 
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on-demand retail electricity service Oregon obligates PGE to offer to anyone located within 1 

our service territory. 2 

Q. Didn’t PGE suggest, in 2000, that retail customers valued this type of “no true-up” 3 

(unless the extraordinary occurs) retail electricity service? 4 

A. Yes.  ICNU cites the testimony we presented in the summer of 2000 in Docket UE 113.  5 

(ICNU/103, Falkenberg/45).  When PGE prepared that testimony, we believed that some of 6 

our customers – particularly those that had worked so hard to achieve passage of Oregon’s 7 

electric restructuring law – valued electricity prices not subject to any after-the-fact 8 

adjustment, which is a characteristic of market-based prices.  We said in UE 113 that: “Until 9 

our customers have a choice of products, we would prefer not to require all to choose an 10 

electricity product that does not include price finality as a feature.”  (UE 113, PGE/100, 11 

Pollock-Lesh /13).  In 2001, the Oregon Legislature enacted what became ORS 757.603: the 12 

statute under which PGE must offer cost-of-service priced electric service to all customers.  13 

Following the Legislature’s change in the law, we developed an electricity product by which 14 

at least our highest consumption customers can obtain retail electricity service not subject to 15 

any true-up: Schedule 483.  What is significant about Schedule 483 is that it de-links the 16 

customer who chooses it from cost of service entirely.  As I explain below, combining cost 17 

of service pricing with a “no true-up” on-demand retail electricity service is inconsistent and 18 

arbitrary. 19 

Q. Do you agree with ICNU that PGE’s proposed NVPC framework violates the concept 20 

of “price finality?” 21 

A. No.  The cost of service price the Commission sets, from time to time, for our on-demand 22 

retail electricity service, is the price customers taking this service pay.  It is final until 23 
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changed by future Commission action.  Whether the Commission has included within that 1 

price actual cost or revenues from some prior period, or used an historical or a future test 2 

year, does not make the price less final.   3 

Q. How is combining cost of service pricing with a “no true-up” view of on-demand retail 4 

electricity service inconsistent? 5 

A. Cost of service pricing is inconsistent with a “no true-up” view for two reasons.  First, such 6 

a view has little to do with the resources we actually have for the cost of service product we 7 

provide retail customers.  Second, it separates arbitrarily for ratemaking purposes the 8 

relatively certain fixed costs included in a test year at actual, embedded, historical amounts 9 

and the uncertain variable costs, included in cost of service under this view only on a 10 

forecast basis that may vary hugely from actual cost.    11 

  Again, perhaps the ICNU testimony sets up most clearly our first issue with a “no 12 

true-up” view of on-demand retail electricity service.  ICNU claims that PGE can 13 

“undertake prudent risk management strategies to manage its power cost risk” (ICNU/103, 14 

Falkenberg/33) and suggests that PGE’s “real problems” are its: “load forecast uncertainty, a 15 

resource deficit resulting in a need for the Company to contract for substantial amounts of 16 

energy on the wholesale market, a heavy reliance on gas-fired generation, and reliance on 17 

hydro generation.”  Id. at pages 30-31.  ICNU urges PGE to “address the causes of its 18 

problems.”  Id.  With different resources, we could much more easily offer on-demand retail 19 

electricity service with “no true-up” or inclusion of actual NVPC within the regulated price.  20 

It would be still easier to do this if we did not offer service on-demand but, in fact, offered 21 

products similar to those available on the wholesale market, such as take-or-pay, on- and 22 

off-peak blocks of power.   23 
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  Even if we wanted to “address the causes of our problems,” however, we have little 1 

independent ability to adjust our resource portfolio, particularly long-term resources.  If we 2 

own those resources, we cannot sell them without OPUC approval.  The last time we 3 

proposed to sell a long-term resource, the Commission resoundingly denied that application.  4 

(OPUC Order No. 00-111).  If we have contracts, we cannot breach those contracts and must 5 

wait until their expiration.  Although we can, and do, routinely replace our short-term 6 

contractual purchases as contracts expire, our goal is to add long-term resources only after 7 

an IRP process in which all interested persons participate.   8 

  Our inability to adjust much of our resource portfolio contributes to our second issue 9 

with a “no true-up” view of our retail electricity service.  The parties’ positions attempt to 10 

separate the characteristics of various resources that result in uncertain actual variable costs 11 

from the certain actual fixed costs of the resources.  The parties support without question 12 

including the actual fixed costs of our resource portfolio, such as the low-cost contract with 13 

Chelan County for a percentage of the capability of the Rocky Reach hydro plant, in test 14 

year cost of service at its historical cost.  The parties do not support, however, including the 15 

actual variable costs associated with that contract, which result from both the MWhrs 16 

produced by the plant and also the value or costs of producing more or less than the average 17 

assumed for creating a test year forecast.  Our Boardman plant is another example.  The 18 

depreciated investment in this plant is just $150 million and the test year forecast reflects 19 

this actual amount.  But the parties do not want cost of service prices to reflect the actual 20 

variable cost of Boardman, whether the result of its production and its significantly 21 

lower-than-market variable cost is more or less than the forecast NVPC. 22 
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  A holistic and internally consistent view of PGE’s resource portfolio would not separate 1 

the fixed costs from the variable costs.  The Commission should not recognize such an 2 

artificial separation in considering the best regulatory framework for PGE.  This is why our 3 

opening testimony carefully reviewed how our proposals related to both the fixed and 4 

variable costs of PGE’s resource portfolio.  The parties address only the variable costs, as if 5 

those are somehow separable.  Our cost of service resources create the cost of service risk 6 

the Commission must address through a regulatory framework.  A regulatory framework 7 

that uses an embedded cost-based view for fixed costs but imposes market-based view for 8 

variable costs is untenable. 9 

 

D. Cost of Service Risk and Regulatory Frameworks 

Q. How would you describe PGE’s current NVPC regulatory framework in terms of cost 10 

of service risk as you articulated it above? 11 

A. The Commission has allocated the cost of service risk for NVPC as well as current 12 

forecasting tools permit.  We believe that the resulting point forecast is probably lower than 13 

the point at which the size of the range would be evenly split, for a given year, between 14 

customers and PGE.  The annual update of the NVPC forecast through the RVM helps 15 

constrain the size of the cost of service risk range by ensuring that the forecast at least 16 

reflects the cost of power and fuel we have actually purchased.  Other than this, the current 17 

NVPC regulatory framework does not reduce the cost of service risk: PGE and customers 18 

both bear a large risk.   19 

Q. How would you describe PGE’s proposed NVPC regulatory framework in terms of this 20 

risk? 21 
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A. Our proposed NVPC regulatory framework does not change the allocation of cost of service 1 

risk for NVPC; we propose to continue using the same tools to create a forecast of NVPC.  2 

The Annual Update maintains the role the RVM had in terms of constraining the size of the 3 

risk’s range.  Regarding the size of cost of service risk, however, our framework 4 

significantly reduces this risk by bringing a significant amount – 90% – of actual NVPC into 5 

the ratemaking process. 6 

Q. How do the frameworks the parties propose affect customers’ and PGE’s cost of 7 

service risk? 8 

A. Removing the Annual Update does not change the allocation of NVPC cost of service risk 9 

for the year the forecast relates to but increases the size of the risk in subsequent years.  It 10 

raises a significant probability of unpredictably changing the allocation of risk in those later 11 

years because no one has attempted to incorporate recent information.  Moreover, as 12 

discussed in PGE Exhibit 1900, Section IV, Staff and ICNU propose adjustments to the 13 

forecast that further remove it from an even allocation of probabilities of outcomes.  The 14 

deadbands and earnings tests included in the Staff and CUB proposed frameworks 15 

significantly lessen the reduction to cost of service risk that customers and PGE would 16 

otherwise experience from adding a PCA mechanism to the NVPC regulatory framework. 17 

Q. Won’t NVPC cost of service risk “balance out over time,” making it unnecessary for 18 

the Commission to adopt a regulatory framework that reduces the risk? 19 

A. No, no one has offered – nor could they create – any evidence on which the Commission 20 

could rely to conclude that NVPC cost of service risk will balance out over time.  ICNU 21 

makes the bold assertion that: “power cost variances tend to cancel out over time” 22 

(ICNU/103, Falkenberg/30) but points to nothing other than a chart PGE prepared to 23 
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demonstrate that year to year variances can be large.  See PGE/400 Lesh-Niman/34.  CUB 1 

draws a similar conclusion from this chart, adding that PGE enjoyed “a net of over $100 2 

million in power cost variations over the period.”  (CUB/200, Jenks-Brown/4-5).  CUB’s 3 

second conclusion has no basis because the chart does not reflect NVPC forecasts used by 4 

the Commission for ratemaking over the period.  Only since 2002 has the Commission 5 

adopted an annual NVPC forecast.  For all of the years on the chart prior to 2002, we 6 

reconstructed a NVPC forecast for illustrative purposes, but these amounts have nothing to 7 

do with the NVPC forecast used in test year ratemaking. 8 

  These 13 years tell the parties and the Commission nothing about the preceding years 9 

or, of greater importance, the years yet to come.  If the parties believe that it is possible to 10 

demonstrate, with some confidence, that the NVPC cost of service risk will balance out over 11 

the next five years, ten years, or even 20 years, we would greatly appreciate seeing such 12 

analysis. 13 

Q. Doesn’t the use of 69 water years in forecasting test year NVPC mean that at least 14 

hydro production ups and downs will balance out over time? 15 

A. No.  Setting aside for a moment the interaction of hydro production with other NVPC input 16 

variables, all that the 69 water years tell us is the size of the cost of service risk associated 17 

with hydro production.  In other words, we know – with some confidence – both the least 18 

and the most amount of hydro production we might experience in a given year and, for that 19 

year, what this likely is worth valued at a certain market price.  No one can claim that 20 

outcomes outside this range of data are impossible but they are unlikely. 21 

  The 69 years tell us far less about the frequency with which any given water year will 22 

occur.  While we know the frequency of each within the 69-year series, that is a relatively 23 
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small data set for statistical purposes.  Moving further into the realm of pure speculation 1 

would be any conclusion from the data set about the pattern with which various water years 2 

might appear.  Will the pattern of the last 69 years exactly repeat in the future?  From what 3 

year forward?  The answers anyone might give to such questions would be meaningless. 4 

  What if the pattern of the next 20 years was 10 “above average” years in a row and then 5 

ten “below average” years in a row?  These balance out over time (again assuming nothing 6 

else about how hydro production interacts with changes) but does ignoring this variation 7 

make sense for customers or for the utility?  Would it achieve inter-generational equity 8 

among customers?  Could PGE maintain financial health during the latter ten years?  Would 9 

customers be pleased with the results of the first ten years?      10 

Q. Assuming PGE could develop the data set and capability to perform expected value 11 

power cost modeling, would that provide the Commission confidence that higher and 12 

lower NVPC would “balance out” over time? 13 

A. No, not at all.  Here’s what one could conclude from the prototype model PA created and 14 

ran.  If: 15 

• over the next 1000 times (say annually) that the Commission engaged in ratemaking 16 

using a NVPC forecast based on this model, and 17 

• none of the inputs, the inputs’ distributions, or the relationships among the inputs 18 

changed, 19 

 Then one would expect that the actual NVPC annual outcomes higher and lower than the 20 

average over the 1000 times would balance out.   21 

  The “ifs” are absurd.  This is why PA cautions against using expected value power cost 22 

modeling in what they call a “prescriptive” manner; i.e., once and for all. 23 



UE 180 – UE 181 – UE 184 / PGE /1800 
Lesh / 26 

 

UE 180 – UE 181 – UE 184 RATE CASE – REBUTTAL TESTIMONY 
 

Q. With respect to NVPC cost of service risk, do you agree with Staff that the degree of 1 

company control over the cost of service elements in question is irrelevant (Staff/800, 2 

Galbraith/11)? 3 

A. No, the amount of control a utility has is highly relevant to cost of service risk and whether 4 

the Commission should consider reducing the risk – to customers and the utility – through a 5 

regulatory framework.  The amount of control a utility can exercise over an element of cost 6 

of service affects the size (range of uncertainty) of the risk that actual cost of service will 7 

depart from forecasted cost of service, the likelihood that this will happen, and a utility’s 8 

ability to minimize the effect of the uncertainty if it manifests itself.   9 

Q. Is an Local Distribution Company’s (LDC’s) lack of control of the cost of purchased 10 

gas the major reason for the regulatory framework the Commission has adopted for 11 

Oregon’s LDCs? 12 

A. Yes.  The Commission explained, in 1989, that this regulatory framework (at the time, an 13 

annual forecast of purchased gas costs and inclusion of 80% of the difference between actual 14 

and forecasted costs in cost of service prices) was appropriate for cost of service changes 15 

that a “utility incurs on a continuous basis and over which it has little control.”  Docket No. 16 

UG 73, Order No. 89-1040 (Aug. 4, 1989).   17 

  The parties argue that LDCs and purchased gas costs are different because, in CUB’s 18 

words, “a gas utility is simply a price-taker on the gas market (and the Commission allows 19 

the gas utility to pass that price through, barring imprudence).”  (CUB/200, 20 

Jenks-Brown/11).  The distinction overly minimizes the decisions an LDC makes.  LDCs 21 

must decide when to purchase gas and how much to purchase.  If an LDC has storage assets, 22 

it must decide how best to use that storage.  As a given year unfolds, an LDC must respond 23 
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to imbalances between the gas it has and the gas its customers are consuming, using a 1 

combination of market purchases, sales and storage decisions.  Similarly, this view overly 2 

emphasizes the decisions an electric utility can make to “manage” its NVPC. 3 

Q. What can an electric utility do to manage NVPC? 4 

A. A utility can manage generation dispatch, power and fuels procurement, power operations, 5 

and risk management as an integrated business.  See UE 149, Exhibit 200, generally pages 6 

3-8 which is included as PGE Exhibit 1805.   7 

  Our ability to manage NVPC mitigates the range of cost of service risk but not to a very 8 

great extent.  Again, this conclusion can differ among utilities and for one utility over time.  9 

If, for example, a utility had some hydro generation – as we do – but also had a significant 10 

excess of low variable cost generation and the NVPC forecast did not assume that the utility 11 

sold all available MWhrs at a market price, that low-variable cost generation would be 12 

available should the “average” hydro production not appear.  To some extent, this example 13 

describes PGE at the end of the 1980s and early 1990s, before Trojan’s closure and before 14 

adoption of NVPC forecasting techniques and a model that essentially sells every MWhr of 15 

energy available in the test year at a market price.   16 

  Now, the primary tool we have to “manage” NVPC is to displace or run our natural-gas 17 

fired generating plants depending on market prices and our load-resource balance.  Thus, 18 

under circumstances such as lower-than-average hydro production, we might be able to run 19 

Beaver for the product of the market price of natural gas and Beaver’s heat rate at slightly 20 

less than we could purchase power on the market.  The “savings” are quite small.  In any 21 

case, it is the market price of gas and electricity that control these decisions just as they do 22 

for an LDC and PGE is a price taker in these markets for both purchases and sales.   23 
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  The prototype model PA prepared that I discussed above includes within its results all 1 

of our ability to “manage” NVPC.  The size of cost of service risk and standard deviation 2 

remain large – many times larger than the cost of service risk for any other element of our 3 

cost of service. 4 

Q. Do the parties’ positions on a NVPC regulatory framework all rely on the assumption 5 

that PGE has a significant ability to manage NVPC? 6 

A. Yes.  Staff claims that PGE “does have considerable ability to manage its power costs.”    7 

ICNU says that “PGE . . . can undertake prudent risk management strategies to manage its 8 

power cost risks.”  (ICNU/103, Falkenberg/33).  To be fair, however, much of what ICNU 9 

suggests are strategies available at an additional cost.  See, e.g., Id at page 32.  As indicated 10 

above, maintaining excess low variable cost generating capability to replace a temporary 11 

lack of other such low variable cost generating capability assumed available in the NVPC 12 

forecast would reduce the range of NVPC cost of service risk.  It does so primarily, 13 

however, by creating unavoidable fixed costs.  CUB’s opinion on PGE’s ability to manage 14 

NVPC is perhaps the most extreme.  CUB asserts that: “If an electric utility performs well 15 

between rate cases, it can keep the benefit of the low costs; if the utility performs poorly, its 16 

financial performance will suffer accordingly.”  (CUB/200, Jenks-Brown/11).  Outcomes 17 

within the range of cost of service risk have little to do with our performance or 18 

management ability. 19 

Q. Do PGE’s management decisions regarding generating plant maintenance and capital 20 

additions affect NVPC cost of service risk? 21 

A. Yes, to some extent.  Presumably sound maintenance practices and capital investment to add 22 

redundancy or forestall potential problems reduces the likelihood of forced outages and vice 23 
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versa.  To this extent, an electric utility does differ from an LDC.  Again, however, these 1 

management decisions affect only the edges of the cost of service risk associated with 2 

NVPC.  A utility can only “make” a generating plant so reliable and there is a trade-off 3 

between the amount spent in O&M and capital additions and the value gained in increased 4 

availability.   5 

Q. Does PGE’s proposed NVPC regulatory framework recognize and incorporate what 6 

ability PGE has to “manage” NVPC?  7 

A. Yes.  The 90-10 sharing of actual NVPC that we propose aligns the interests of PGE and our 8 

customers as we make the decisions that work around the margins of the events driving 9 

actual NVPC in any given year.  Staff and CUB also incorporate this feature, albeit after the 10 

significant deadbands they propose.  In addition, we expect any extended forced outage 11 

would prompt a review of PGE’s prudence with respect to maintenance and capital 12 

decisions. 13 

 
E. Risk Reduction Outcomes for PGE and Customers 

Q. You explained above that PGE’s proposed NVPC regulatory framework reduces cost 14 

of service risk for PGE.  Would PGE’s cost of capital reflect the reduction in cost of 15 

service risk? 16 

A. Theoretically, yes.  If PGE’s present authorized cost of capital reflected our portion of the 17 

total NVPC cost of service risk, then Commission action to reduce that risk would reduce 18 

our cost of capital, all else being equal.  The “if” is important, however.  If the cost of capital 19 

the Commission would authorize does not reflect any adjustment for the NVPC cost of 20 

service risk PGE would bear without our proposed regulatory framework, then no reduction 21 

is warranted.  22 
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Q. Do the Commission orders indicate, and the parties suggest, a connection between cost 1 

of capital and the regulatory framework for NVPC? 2 

A. Yes.  For example, in Order No. 05-1261, the Commission stated that “adoption of the 3 

two-part mechanism outlined here may well shift risks to customers that they have not borne 4 

under the sporadic use of deferrals and PCAs in the past.  If so, we will consider the reduced 5 

risk for the company in setting ROE in the future.”  CUB’s testimony asserts that:  “If the 6 

Company would like a regulatory framework that eliminates uncertainty and risk, then its 7 

return on equity should be adjusted to that of Treasury bills, about 5%.”  (CUB/200, 8 

Jenks-Brown/7).   9 

  It is interesting to note that the parties’ view of the effect of a NVPC regulatory 10 

framework on cost of capital appears only to work one way: frameworks that bring rates 11 

closer to actual cost of service reduce cost of capital while frameworks that allow significant 12 

variations between assumed, forecast test year NVPC and actual NVPC do not increase cost 13 

of capital.  This seems unlikely, and the parties present no such evidence. 14 

Q. Do many of the utilities the parties use as “comparable” for purposes of cost of capital 15 

analysis have NVPC regulatory frameworks similar to what PGE proposes? 16 

A. Yes.  Section III of PGE Exhibit 2000 discusses Staff’s inclusion of utilities that have PCAs 17 

in its sample.  PGE Exhibit 2000 concludes that PGE’s cost of capital, including required 18 

return on equity, is higher without our proposed regulatory framework. 19 

Q. Would reducing PGE’s NVPC cost of service risk benefit customers? 20 

A. Yes, it could.  Leaving this risk with PGE will raise the fixed costs of new investment in the 21 

system.  These costs, once incurred, are not avoidable.  Incurring higher fixed costs to avoid 22 
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periodic NVPC outcomes in which actual NVPC exceeded forecast NVPC seems like a poor 1 

bargain.   2 

Q. Does reducing cost of service risk for customers have any benefits? 3 

A. Yes.  Reducing cost of service risk for customers has at least two benefits consistent with 4 

sound regulatory policy.  First, reducing this risk means that, on a relatively current basis, 5 

cost of service prices will more closely reflect cost of service.  The resulting price signal will 6 

enable better consumption decisions.  Second, reducing this risk also improves 7 

inter-generational equity among customers because we have no idea how the outcomes of 8 

actual NVPC will array themselves around the forecast NVPC.  Customers could, for 10 9 

years, experience the risk of actual NVPC lower than those forecasted only to have this flip 10 

in the following 10 years.  Over 20 years, the customer base is likely to undergo significant 11 

change.  12 

Q. Have the parties demonstrated that not reducing this cost of service risk, or reducing it 13 

only partly by applying a deadband, will produce benefits for customers? 14 

A. No.  No party has attempted such a demonstration.  I address the unsupported reasoning the 15 

parties provide in Section IV. A. 16 

Q. What conclusions do you reach in this section of your testimony? 17 

A. My conclusions include: 18 

• The Commission must set policies that fairly allocate cost of service risk between 19 

customers and utility investors and should set policies to reduce cost of service risk 20 

when necessary to minimize a utility’s cost of capital and improve price signals to 21 

customers. 22 
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• Expected value power costs are not an appropriate basis for rate making, but 1 

preliminary studies indicate that expected power costs are greater than the MONET 2 

forecast. 3 

• “No true-up” is not consistent with cost of service rate making. 4 

• PGE’s proposed NVPC regulatory framework reduces NVPC cost of service risk 5 

relative to other parties’ proposals. 6 

• The Commission’s cost of capital and NVPC regulatory frameworks must be 7 

consistent. 8 
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III. The Annual Update Tariff 

Q. How does PGE’s Annual Update tariff relate to cost of service risk? 1 

A. The Annual Update tariff affects cost of service risk in two ways.  First, by annually 2 

updating costs that can be certain – such as those associated with actual fuel, power and 3 

transportation contracts – it reduces the size of the cost of service risk.  Second, the Annual 4 

Update tariff helps the Commission maintain the allocation of NVPC cost of service risk it 5 

has chosen.  As I explained in Section II, setting the forecast is what allocates the risk of 6 

variance from cost of service between a utility and its customers.  The older a test year 7 

forecast, the greater the odds that the risk allocation becomes uneven.  This is not a 8 

significant concern for many components of non-NVPC O&M, which tend to change 9 

gradually.  For NVPC at 50% of PGE’s revenue requirement, however, allowing the forecast 10 

to become out of date is a significant concern. 11 

Q. Can you illustrate this? 12 

A. Yes.  Suppose that in year one, our forecasted NVPC was $800 million and that this evenly 13 

split the risks that the actual NVPC would be higher or lower.  Then, in year two, our 14 

forecasted NVPC falls to $700 million but we make no change because no process requires 15 

it.  Because the NVPC forecast upon which the Commission set our cost of service rates 16 

now exceeds the new NVPC forecast baseline, the regulatory framework has shifted risk to 17 

customers.   18 

Q. Does your Variance Tariff mitigate this? 19 

A. Yes.  Updating actual power and fuel contracts annually lessens the size of the cost of 20 

service risk.  However, it does not totally eliminate the risk resulting from allowing the 21 

forecast to become out of date.   22 



UE 180 – UE 181 – UE 184 / PGE /1800 
Lesh / 34 

 

UE 180 – UE 181 – UE 184 RATE CASE – REBUTTAL TESTIMONY 
 

Q. What positions do the parties take on the Annual Update Tariff? 1 

A. Staff opposes the Annual Update Tariff because Staff believes that year-to-year NVPC 2 

forecasts do not exhibit enough change – up or down – to warrant continuing the annual 3 

update begun in 2001 with the RVM. (Staff/800, Galbraith/14).  ICNU opposes it.  4 

(ICNU/103, Falkenberg/3).   CUB also opposes it and also suggests modifications if the 5 

Commission nonetheless adopts it.  See CUB/200, Jenks-Brown/13-14.   6 

Q. Do you agree with Staff’s conclusion that year-to-year NVPC forecasts do not exhibit 7 

much change? 8 

A. No.  The graph below shows PGE’s forecasted annual net variable power costs for the 9 

1993-2005 period, consistent with the data used to construct the graph of power cost 10 

variances on page 34 of PGE Exhibit 400.   11 

Figure 1 12 
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 The data make it clear that NVPC forecasts can vary greatly from year to year.  The 13 

cumulative increase from 1998 to 2002 was almost $600 million, and the decrease from 14 

2002 to 2003 was more than $350 million. 15 
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Q. Did Staff support their conclusion that PGE’s annual forecasted NVPC did not exhibit 1 

“the highly dynamic year-to-year change that would necessitate an Annual Update 2 

Mechanism?” (Staff/800, Galbraith/13). 3 

A. No.  On deposition, Staff explained: 4 

 Q. What percent changes from year to year in these time series would be 5 

necessary before you declared those changes dynamic? 6 

 A. I didn’t have a particular percentage change from year to year in mind when I 7 

wrote – when I made that statement. 8 

 Q. What percent changes would be highly dynamic? 9 

 A. I didn’t make that determination either. 10 

 Q. Did you actually calculate the percent changes in those time series? 11 

 A. No.  (Galbraith Deposition, PGE Exhibit 1801, pages 15-16).   12 

Q. Did any party rebut that using an Annual Update Tariff will better match costs and 13 

prices? 14 

A. No.  15 

Q. Do you agree with Staff that “the benefits of a prospective automatic adjustment clause 16 

[do not] outweigh its regulatory burdens”?  (Staff/800, Galbraith/14). 17 

A. No.   18 

Q. Are you amenable to a different review schedule for the Annual Update to address 19 

CUB’s concerns and to providing the notice they request regarding shifts in the 20 

forward curve? 21 
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A. Yes.  We are open to the Commission adopting whatever review process for these 1 

adjustments the Commission deems necessary.  And we are happy to provide CUB the 2 

information they are seeking regarding any curve shift. 3 

Q. What is your response to ICNU’s suggestion that, if the Commission approves the 4 

Annual Update Tariff, PGE should include within the update any increases in plant 5 

capacity created by new investment, such as has occurred recently for both the 6 

Boardman and Colstrip coal plants? (ICNU/103, Falkenberg/48).   7 

A. ICNU’s argument is that, in general, the level of capital additions assumed in a test year 8 

forecast will cover capital additions that increase plant capacity.  ICNU presents no analysis 9 

showing this to be the case.  This may be correct for some capacity increases, but not for 10 

others that involve significant projects.  We still are willing to work with the parties to 11 

devise a method of allocating the benefits and burdens of significant plant upgrades before a 12 

general rate case that updates rate base for these investments.  See PGE Exhibit 400 at page 13 

29.  14 
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IV. The Annual Variance Tariff 

A. The Annual Variance Tariff Does Not Need A Deadband 

1. Deadbands and Cost of Service Risk 1 

Q. How does the inclusion of a deadband in a PCA mechanism relate to the cost of service 2 

risk you discussed in Section II? 3 

A. As explained above, a deadband reverses some (depending on the size of the deadband) of 4 

the reduction in the cost of service risk that a PCA mechanism otherwise would accomplish.   5 

Q. Did you address in Section II the parties’ arguments that designing a PCA mechanism 6 

without a deadband would shift risk from PGE to customers? 7 

A. Yes. 8 

Q. What arguments that the parties raise regarding a deadband remain? 9 

A. The parties primarily argue that Commission precedent requires that any PCA mechanism 10 

for PGE include a deadband.  As I discuss below, the Oregon decisions cited are not on 11 

point with the possible exception of Docket UE 165.  With respect to Order No. 05-1261, we 12 

ask that the Commission consider the role of a deadband anew, given that the PCA 13 

mechanism we are proposing differs significantly from the temporary, stipulated, SD-PCAM 14 

before it in that docket and given all of the evidence in this case. 15 

  Moreover, other Oregon decisions relating both to PGE and to LDCs support a 16 

conclusion that a PCA mechanism need not contain a deadband.  With respect to 17 

non-Oregon cost of service electric utilities, no party has rebutted the conclusions in our 18 

opening testimony that: 19 
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• The use of regulatory tools that allow frequent re-setting of cost of service prices for 1 

power cost components, outside of a general rate case, is common among other states; 2 

and 3 

• The use of regulatory tools that adjust rates for differences between forecasted power 4 

cost components and actual power costs incurred is common in other states. 5 

  The parties variously argue that their approach is “traditional” (Staff/800, Galbraith/15) 6 

and that PGE’s is “absurd” or “unrealistic” (CUB/200, Jenks-Brown/6 and 12).  Most states, 7 

apparently, do not follow this tradition or view taking action to reduce cost of service risk as 8 

absurd or unrealistic.   9 

  Because understanding where the current “deadband” came from is instructive in 10 

understanding the state of Oregon precedent and guidance and the practice of other states, I 11 

address that first below, followed by PGE’s rebuttal to the parties’ argument concerning 12 

precedent.    13 

2. Deadbands and Analysis 14 

Q. The touchstone for the parties is a 250 basis point deadband.  (See Staff/800, 15 

Galbraith/16; CUB/200, Jenks-Brown/21).  Where does this come from? 16 

A. Staff explained the derivation of the 250 basis point deadband on deposition in the following 17 

exchanges: 18 

 Q. What are extreme fluctuations in NVPC? 19 

 A. Well, in past testimony – and you see some of that testimony referenced at the 20 

end of that paragraph – Staff has argued that an extreme fluctuation in net 21 

variable power costs would be roughly equivalent to 250 basis points of net 22 

variable power costs [corrected later to 250 basis points of return on equity]. 23 
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  1 

  At the same time, in those previous proceedings, Staff has indicated that this is 2 

a matter of judgment, and that it would be important to look at the distribution of 3 

net variable power costs to determine that. 4 

 . . . 5 

 Q. Tell me what – how the concept of an extreme fluctuation in NVPC has any 6 

relationship at all to 250 basis points of return on equity? 7 

 A. Well, in – the 250 basis points of return-on-equity standard I think was first 8 

put forward in docket UM 995 by Staff.  And it represented an opinion that that 9 

was the level of variation in costs that a utility would be willing to absorb without 10 

coming to the Commission and filing a rate case. 11 

 . . . 12 

 Q. Now, doesn’t that prior testimony of yours focus, really, on the impact of cost 13 

changes on the utility, not whether fluctuations in NVPC are extreme or not? 14 

 A. I think it’s a combined focus.  I think the two things, to a certain extent, go 15 

hand in hand.  That – in other words, that if there was an NVPC fluctuation that 16 

resulted in – or that was the equivalent to 250 basis points of ROE, that it would 17 

be both an extreme fluctuation and be at the point where it was starting to cause 18 

financial impact. 19 

 . . . 20 

 Q. Would extreme – would your view of what constitutes an extreme fluctuation 21 

change, depending upon the size of the utility? 22 
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 A. My view of what an extreme fluctuation is depends on the distribution of a 1 

utility’s net variable power cost.  . . . Staff has been interested in trying to develop 2 

that distribution of power costs and look at that distribution of power costs; we 3 

haven’t focused solely on the 250-basis-point standard. 4 

 . . . 5 

 Q. So if you haven’t done [stochastic power modeling], how would you know that 6 

that distribution had any relationship to, quote, extreme fluctuations? 7 

 A. I’m simply saying that conceptually that’s how you would, would look to 8 

determine what level of power cost deviation represented an extreme fluctuation 9 

in NVPC. 10 

 Q. Would it be true, then, that without stochastic power cost modeling we 11 

wouldn’t be able to answer that question. 12 

 A. No, not necessarily. 13 

 Q. How would we answer that question, without stochastic modeling? 14 

 A Using judgment, as was done in docket UM 995, and using the 250 basis 15 

points of ROE standard.  (Galbraith Deposition, PGE Exhibit 1801, pages 4-10). 16 

Q. How did Staff arrive at the 150 basis point deadband used in the NVPC regulatory 17 

framework it proposes in this case? 18 

A. Staff reasoned that the ongoing nature of the PCA mechanism “allowed an opportunity to 19 

use a narrower deadband” and that eliminating the Annual Update tariff shifted some risk to 20 

PGE that Staff could recognize with a smaller deadband.  (Staff/800, Galbraith/16). 21 

Q. Given this, what is your understanding of where the deadband concept came from? 22 
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A. Staff developed what it now calls the 250-basis-point-standard in the context of a one-time 1 

request by a utility to defer costs.  It was a matter of judgment at that time, based on Staff’s 2 

view of the deferral action as a substitute for an interim rate case.  Neither Staff, nor any 3 

other party, evaluated then or since, the appropriateness of applying this “standard” to a 4 

reduction in cost of service risk for customers and utilities.  Although Staff did consider the 5 

ongoing nature of a PCA mechanism in reducing the deadband, the deadband concept 6 

remains grounded in assumptions regarding when the utility, or presumably the Commission 7 

on behalf of customers, would seek interim rate changes.  Neither Staff, nor any other party, 8 

evaluated whether any reduction in the ongoing cost of service risk of NVPC for customers 9 

should be limited by the amount the utility has an opportunity to earn on its entire 10 

investment: distribution, transmission, and generation.   11 

Q. Does the deadband have anything to do with the distribution of actual NVPC outcomes 12 

around a point NVPC forecast, whether done using PGE’s MONET model or on an 13 

“expected value” basis? 14 

A. No. 15 

Q. Would using a distribution of actual NVPC outcomes derived through stochastic 16 

analysis support applying a deadband to ensure customers and the utility continue to 17 

bear cost of service risk? 18 

A. No, I do not believe so.  As I discussed above, the distribution from the model tells us 19 

nothing about the order in which those results might appear.  Let’s assume for a moment that 20 

all parties had confidence in the PA prototype stochastic model presented in PGE Exhibit 21 

1803 and that the results of running that model for 2007 included a standard deviation of 22 

$55 million.  The standard deviation means that about 2/3 of actual NVPC outcomes will be 23 
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within $55 million more of the forecast average.  Thus, some might consider this “normal.”  1 

Let’s also assume that the Commission adopts Staff’s PCA mechanism.  For the first five 2 

years in a row, actual NVPC are less than the forecast by the standard deviation.  Customers 3 

have experienced over $275 million (using the UE 115 calculation for simplicity) of the 4 

NVPC cost of service risk they bear.  The relevant question is not whether that is “normal” 5 

but whether it is a result that the Commission believes is consistent with its delegation of 6 

authority from the Legislature and sound regulatory policy. 7 

Q. Does using a deadband increase the need for the Commission fairly to allocate the 8 

NVPC risk through how its sets the NVPC forecast? 9 

A. Yes.  To the extent that the regulatory framework reduces NVPC cost of service risk, it also 10 

reduces the importance of a precise allocation of the cost of service risk.  Thus, our proposed 11 

regulatory framework leaves untouched the bias against PGE created by MONET’s 12 

deterministic modeling of forecast NVPC because, with the 90-10 sharing, the data and 13 

modeling difficulties of creating an expected value NVPC far outweigh the gain.  This trade-14 

off is different with the deadbands that Staff or CUB propose, however.  If the Commission 15 

adopts either of these proposals, based on what we know now, which we concede is not 16 

much, it should increase the NVPC forecast by some amount. 17 

Q. Does CUB provide any analytical support for the asymmetric deadband its proposed 18 

PCA mechanism uses? 19 

A. No.  CUB reasons only that including actual NVPC in ratemaking should occur sooner if 20 

those actual NVPC are less than the forecast NVPC than if they are higher because this will 21 

produce “revenue neutrality.”  I address revenue neutrality below.  CUB does not show that 22 

its formula works. 23 
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3. Deadband “Precedent” 1 

Q. What “precedents” do the parties cite for their position that any NVPC regulatory 2 

framework for PGE must include a deadband based on PGE’s earnings opportunity 3 

for its entire distribution, transmission and generation investment? 4 

A. The parties generally cite: UM 995, UM 1071, and UE 165.  See, e.g., CUB/200, 5 

Jenks-Brown/16.  Some cite UM 1008/1009 as well but should not because the parties here 6 

all signed that stipulated result and agreed that it would not serve as precedent.  In this 7 

docket, Staff and CUB add UE 137 to the list of “precedent.”  Id.; Staff/800, Galbraith/10. 8 

Q. Do you consider UM 995 as precedent requiring that any automatic adjustment clause 9 

for a retail energy utility have a deadband? 10 

A. No.  UM 995 concerned a deferral, not an indefinite automatic adjustment clause.  See Order 11 

No. 01-420 at page 28.   We understand that order as a decision to grant a one-time deferral 12 

in an “extraordinary situation.”  The Commission balanced interests pursuant to ORS 13 

756.040, as it must do whether the matter is a general rate case, a limited rate case, or some 14 

other proceeding affecting utilities and customers, and concluded: “We prefer Staff’s 15 

mechanism to PacifiCorp’s, however.  PacifiCorp’s model is structurally similar to Staff’s 16 

but is more generous to the company.  Staff’s is more generous to ratepayers.  We find that 17 

Staff’s model balances the interests of the company and ratepayers in a more appropriate 18 

way.”  This decision does not discuss, let alone decide, how the Commission would 19 

structure an automatic adjustment to reflect in cost of service rates actual power costs on an 20 

ongoing basis.  21 

Q. Did the outcome of UM 1071 require that PGE include a deadband in your Variance 22 

Tariff? 23 
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A. No.  Again, as with UM 995, this was a deferral docket.  As the Commission explained in 1 

Order No. 05-1261, the standard for recovery is stricter with a one-time deferral because 2 

there is no guarantee that the effects of offsetting events will be reflected in customer rates.  3 

Order No. 05-1261 at 9.  ICNU’s argument overlooks this distinction.  ICNU/103, 4 

Falkenberg/27.   5 

Q. Do any of the parties cite UM 445? 6 

A. No.  This 1991 matter is a deferral order and, thus, we do not consider it precedent any more 7 

than UM 995, UM 1071, or UM 1187.  Nonetheless, it is notable that the parties exclude it 8 

because it contains what is, to our knowledge, the Commission’s first decision 9 

distinguishing between “normal” and “extraordinary” costs for purposes of a utility deferral. 10 

  In UM 445, the Commission approved the deferral of 90% of the replacement costs 11 

(calculated on a comprehensive PCA-basis) stating that "the assignment of 10% of costs to 12 

PGE investors will create a financial incentive for PGE to minimize costs during the Trojan 13 

outage period, and: 14 

 PGE would not customarily be compensated for "normal" variation in Trojan 
performance as they would affect power costs.  Therefore, we suggest that 
assignment of 10% of power costs to PGE investors will generally reflect 
normal variation in plant operation.  That is, PGE investors would assume the 
customary risk of "normal" variations in Trojan operations, which ratemaking 
actions would reflect the "extraordinary" variation occasioned by the steam 
generator problems." 

  15 
 UM 445, Order No. 91-1781, Appendix A at 6.  16 

Q. How does Staff use UE 137 as precedent for a deadband? 17 

A. Staff states that: “The lack of precedent for a deadband in an indefinite automatic adjustment 18 

mechanism is not a credible objection.  In Docket No. UE 137, PGE included a deadband … 19 

in its proposal for an indefinite PCA mechanism.”  (Staff/800, Galbraith/10).  First, we 20 
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doubt that our actions or proposals establish “precedent” as that term is usually understood.  1 

Second, Staff neglects to provide the whole story about that docket. 2 

  In that docket, filed May 2002, PGE proposed some modifications to the one-year PCA 3 

approved on stipulation by the Commission in UE 115.  This proposal included the 4 

deadband approach of the prior stipulated PCA, along with other important features of that 5 

stipulated mechanism, including an energy revenue adjustment.  Staff’s testimony does not 6 

explain, however, that PGE withdrew the UE 137 filing because: 7 

  “PGE testified in UE-137 that we should collectively decide in advance how the 
risks and consequences of severe changes in net variable power costs should be 
shared between PGE and our customers.  We still believe that.  However, we do 
not believe that a decision reasonably acceptable to all parties is likely in UE-137.  
Our customers cannot accept PGE’s proposal.  PGE cannot accept Staff’s 
proposal.  PGE therefore believes that no PCA is preferable.” (PGE Exhibit 1806)  

 
  Moreover, Staff does not acknowledge any change in circumstances between 2002 and 8 

2007.  In 2002, Sumas gas prices for 2003 were $3.59/mmbtu and projections were 9 

$2.69/mmbtu to $3.79/mmbtu over the 2003-2013 period (all figures nominal).  In 2007, 10 

Sumas nominal gas prices are $8.56/mmbtu and the projections we are using in our current 11 

Integrated Resource Plan process range from $8.43/mmbtu in 2007, down to $5.21/mmbtu 12 

in 2012, then back up to $9.44/mmbtu in 2026 (all figures nominal).  High gas prices 13 

increase the size of the NVPC cost of service risk by making unexpected output from our 14 

resources more valuable and unexpected loss of output more costly.  Even if we once 15 

believed a deadband feasible under a PCA that included energy revenues, the consequences 16 

are higher for both PGE and our customers and we do not consider this earlier position 17 

“precedent” to be used as “evidence” against our current proposal.   18 

Q. CUB cites UE 143 as precedent for a deadband (CUB/200, Brown-Jenks/16).  Do you 19 

agree? 20 
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A. No.  Docket UE 143 relates to the 15-month PCA the Commission approved on stipulation 1 

in UE 115.  This stipulation is not "precedent" or "evidence" for the same reason as UE 137, 2 

they both relate to a stipulation which included other salient features, such as an energy 3 

revenue adjustment. 4 

Q. Do you agree that Order No. 05-1261 requires that any tariff PGE might propose to 5 

address the differences between actual and assumed NVPC must include a deadband? 6 

A. No, we do not, for two reasons.  First, the Order states: “The inclusion of a deadband around 7 

expected power costs is a reasonable way to identify whether an event is unusual.”  Order 8 

No. 05-1261 at 9 (emphasis added).  The parties imply that “a reasonable way” actually 9 

reads “the only reasonable way.”  That is not what the Order says. 10 

  Second, the Order describes a deadband around expected power costs.  PGE did not 11 

have then (for 2005 and 2006, the years to which the stipulated SD-PCAM would have 12 

applied) and does not have now (for 2007) a forecast of NVPC that is “expected” as I 13 

described that concept in Section II.  This design criterion appears to apply only when the 14 

Commission has used expected power costs for forecasting test year NVPC. 15 

  With regard to our second point, we note that Order No. 05-1261 repeats the 16 

Commission’s conclusion from Docket UM 1071 that “hydro availability” is a “stochastic 17 

risk.”  Id. at page 8.  We did not agree with that conclusion then and do not agree with it 18 

now to the extent that it implies that our NVPC forecast for any given year reflects and 19 

averages all possible combinations of hydro production and resultant power costs.  Even if 20 

one believed that the 69 years of actual river flow information modeled into 69 outcomes of 21 

hydro production expressed all possible annual hydro production outcomes and the exact 22 

distribution with which they would occur over the next 69-year period, that would tell one 23 
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little about the range or distribution of NVPC outcomes one could expect.  These outcomes 1 

will depend on all of the other variables, including load, the operation or PGE’s other 2 

resources, market power prices and market fuel prices. 3 

  When we objected in Docket UM 1071 that no evidence supported  the Commission’s 4 

conclusion regarding the “stochastic” nature of hydro production in the test year 5 

assumptions used to establish rates, the Commission chided us for not seeking an 6 

evidentiary hearing in that docket.  This docket is an evidentiary proceeding and we renew 7 

our objection to the factual conclusion that the test year assumptions used by the 8 

Commission to set our rates express hydro production “stochastically.”  The PA report is the 9 

closest to a stochastic representation of expected value power costs, including treatment of 10 

hydro production as stochastic.  Further, saying something is a “stochastic risk” when it has 11 

not been modeled stochastically does not tell us anything about the size or frequency of the 12 

risk or who bears it. 13 

Q. Is there any other Oregon guidance on the issue of using a regulatory framework to 14 

reduce cost of service risk for costs that are significant and volatile? 15 

A. Yes.  From 1979 to 1989, PGE’s regulatory framework included a comprehensive power 16 

cost adjustment clause under which PGE produced a new forecast of NVPC every quarter 17 

and shared variances between those forecasts and actual costs with customers on an 80-20 18 

basis.  See Order No. 79-830.   We do not understand the basis for the claim in ICNU’s 19 

testimony that “other than the UE 115, the Commission has never approved a 20 

comprehensive PCA for PGE.”  (ICNU/103, Falkenberg/40).   21 

  Oregon has also, for many years, used a regulatory framework very similar to what we 22 

are proposing to include actual purchased gas costs in LDC cost of service prices.  As 23 
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explained in our opening testimony (PGE/400 Lesh-Niman/39-40) PGE’s NVPC are very 1 

similar to the gas costs of Oregon’s LDCs – particularly Northwest Natural Gas Company 2 

(NNG).  For example, using NNG’s last test year in Docket No. UG 152 with this docket, 3 

NNG’s cost of purchased gas was 57% of its overall revenue requirement compared to the 4 

50% of revenue requirement comprised of NVPC for PGE.  Although NNG has no 5 

production rate base, only about one-third of PGE’s rate base is production-related. 6 

  It is particularly useful that the purchased gas cost adjustment clauses (PGAs) are 7 

ongoing mechanisms, rather than the recent deferrals to which the parties point as 8 

indications of “normal.”   9 

Q. Do the parties address your belief that PGAs provide useful information for designing 10 

a power cost regulatory framework for PGE? 11 

A. Only CUB responds, arguing that “unlike a gas utility, an electric utility’s rate base includes 12 

far more than its distribution plant.  An electric utility’s distribution system represents only a 13 

portion of the company’s rate base, which also includes expensive generating plants . . . 14 

[and] an electric utility is paid a profit on its generating plants.”  (CUB/200, 15 

Jenks-Brown/10).  CUB also argues that electric utilities are different because “while a gas 16 

utility is simply a price-taker on the gas market (and the Commission allows the gas utility 17 

to pass that price through, barring imprudence), electric utilities have the responsibility and 18 

the opportunity to optimize resource decisions.  The inexactitude of cost recovery is an 19 

integral part of the regulatory incentive . . . “  Id. at page 11.   20 

Q. Do you agree with CUB’s application of these distinctions? 21 

A. No.  First, with respect to generation rate base and our profit opportunity, we note that all of 22 

the deadbands and sharing tiers used or proposed recently reflect the electric utility’s entire 23 
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rate base, not just generation.  Neither the parties nor the Commission have addressed why 1 

an electric utility’s earnings opportunity related to distribution rate base should be at risk to 2 

its power supply function if a gas utility’s is not at risk to its gas supply function.   3 

  Second, to the extent CUB’s conclusion relies on the fact that generating plants are 4 

“expensive,” CUB does not quantify this or show how it relates to PGE’s generation.  Of 5 

course, a significant portion of our resources are contractual and, thus, earn no return and 6 

several of these are the resources that create the greatest risk of assumed costs that do not 7 

match actual costs.  For the remainder, another significant portion are at least half way 8 

through their useful lives, with depreciated original cost plant balances that are difficult to 9 

consider “expensive.”  Perhaps the distinction CUB offers made sense in the 1980s, when 10 

recently rate-based generating plants produced significant returns and cost-based power and 11 

fuel prices were low.  It does not support punitive regulatory frameworks for electric utilities 12 

now, under today’s actual circumstances.   13 

  I addressed in Section II CUB’s belief that electric utilities bear the risk of operating 14 

cost outcomes that are less than optimal and that PGE’s proposed Variance Tariff aligns 15 

customer and utility interests with respect to operational decisions.  CUB presents no 16 

evidence that a 90-10 sharing does not adequately do this.  The PGAs also use sharing to 17 

align utility and customer interests with respect to the variance component of the 18 

mechanisms.  As we noted in PGE Exhibit 400, the variance in operating cost outcomes 19 

typically is much smaller for LDCs than electric utilities because LDCs do not have resource 20 

stacks with supplies having little to no variable cost (hydro and coal generation) as 21 

compared to the market.  (PGE/400, Lesh-Niman/38-40).  22 
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Q. Exploring further the point that the parties’ deadbands apply to PGE’s entire 1 

investment base, while CUB argues that the difference between PGE and LDCs is 2 

PGE’s earnings on its generation rate base, what is PGE’s earnings opportunity on its 3 

various resources? 4 

A. PGE’s total 2007 unbundled generation rate base, including Port Westward, is $774.8 5 

million.  Even at PGE’s filed cost of capital5, the amount of generation earnings power that 6 

we would expect from test year ratemaking is approximately $46.6 million6.  The generation 7 

earnings power is detailed in Table 1 below: 8 

Table 1 

Plant Earnings Power 

Boardman $8.9 million 

Colstrip $6.4 million 

Beaver/Coyote $9.7 million 

PGE Owned Hydro $5.9 million 

Port Westward $15.7 million 

Total $46.6 million 

Q. How does this earnings capability compare to the deadbands that Staff and CUB 9 

propose? 10 

A. The total generation earnings power shown in Table 1 is on an after-tax basis.  The 11 

comparable pre-tax amount is approximately $77 million.  On a pre-tax basis, Staff and 12 

CUB’s deadbands for actual power costs in excess of forecasted are approximately $22 13 

million and $38 million, respectively, or 29% and 49% of pre-tax generation earnings 14 

power, respectively. 15 

Q. Does Senate Bill 408 change this analysis? 16 

                                                 
5 PGE filed for 10.75% Return on Equity and a 55.96% Equity share in the capital structure.  Staff, CUB, and ICNU 
all support a lower ROE and Equity share in the capital structure. 
6 At Staff’s supported ROE of 9.30% and 48.5% Equity share in the capital structure, the earnings power of PGE’s 
generation rate base would fall to $34.9 million ($774.8 million * 48.5% * 9.30%) 
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A. Yes.  As I discuss in Section V, the tax true-up of SB 408 changes this analysis.  Under SB 1 

408, for Staff and CUB’s deadbands to have the same effect on PGE, they would have to be 2 

reduced from $22 million and $38 million, to $15 million and $25 million.  CUB seems to 3 

understand this SB 408 effect.  (CUB/200 Jenks-Brown/23).  Staff does not mention it.  4 

Absent recognition of SB 408’s effects, the Staff deadband of $22 million is comparable to 5 

the after-tax generation earnings power of approximately $47 million.  Unless the 6 

Commission considers SB 408 in deciding on a NVPC regulatory framework for PGE, a 7 

deadband the size Staff proposes would take almost half of PGE’s total earnings capability 8 

for generation investment.   9 

Q. Can you provide an example that relates the earnings power of PGE’s assets to the 10 

NVPC cost of service risk PGE bears without a PCA mechanism? 11 

A. Yes.  Exhibit 1917 shows that an unexpected outage of only 18 days duration would entirely 12 

absorb the earnings power of the Boardman asset ($8.9 million).  Similarly, an unexpected 13 

outage of only 15 days at Colstrip would entirely absorb its earnings power ($6.4 million).  14 

These examples assume market power prices of approximately $68/MWh, consistent with 15 

PGE’s most recent MONET update in this proceeding.    16 

Q. Would these examples be even more dramatic for PGE-owned hydro and the Mid-C 17 

contracts? 18 

A. Yes.  The variable cost of these resources is even less than that of Colstrip and Boardman.  19 

And, of course, the Mid-C contracts have no earnings potential at all. 20 

Q. Are these examples based on the entire return to shareholders, or simply on the 21 

“premium” above the cost of debt that shareholders require to absorb earnings 22 

fluctuations? 23 
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A. These examples are based on the entire return, or 10.75%, in PGE’s March filing in this 1 

docket.  The debt rate that is consistent with this 10.75% equity return is 6.83%, meaning 2 

that difference, 3.92%, is the “premium” that shareholders require over a debt return to 3 

accept the risks of holding equity rather than debt.  Using the risk premium, rather than the 4 

entire return, would further emphasize the fact that the NVPC cost of service risk PGE’s 5 

shareholders bear is large relative to their investment.  For example, a Boardman outage of 6 

only seven days would entirely absorb the associated risk premium that shareholders receive 7 

for that plant. 8 

4. Other States’ NVPC Regulatory Frameworks 9 

Q. Do the regulatory frameworks other states have adopted for electric utility power costs 10 

provide guidance for deciding how Oregon should address the NVPC cost of service 11 

risk of PGE’s system? 12 

A. Yes, we believe so.  That is why we asked NERA to produce the report presented as PGE 13 

Exhibit 401. 14 

Q. Did the parties address this report? 15 

A. Only ICNU.  See ICNU/103, Falkenberg/38 – 39 and 44-45.  CUB and Staff make no 16 

comment on what other states consider to be “normal” risk that an electric utility should 17 

bear. 18 

  ICNU’s comments note that Idaho and Arizona have both adopted power cost 19 

regulatory frameworks that base prices on actual power costs with a 90-10 sharing of the 20 

difference between the assumed and actual power costs.  Id. at page 38.   ICNU asserts, 21 

however, that Colorado’s sharing percentages also come with a deadband.   Id.  However, 22 

they provide no support for this assertion.  Attached as Exhibit 1807 are the relevant pages 23 



UE 180 – UE 181 – UE 184 / PGE /1800 
Lesh / 53 

 

UE 180 – UE 181 – UE 184 RATE CASE – REBUTTAL TESTIMONY 
 

excerpted from the Colorado Public Utility Commission order.  They clearly demonstrate 1 

that the mechanism has no deadband, only sharing tiers designed to ensure that the variance 2 

between assumed and actual power costs the utility absorbed was no more than $11.25 3 

million, and total variance amounts in excess of $30 million are 100% allocated to 4 

customers. 5 

  The ICNU testimony argues that the stipulated automatic power cost adjustment clause 6 

that the Washington Utilities and Transportation Commission (WUTC) recently adopted for 7 

Avista included a deadband, as does the one currently in place for Puget Sound Energy 8 

(PSE) (although the ICNU testimony does not explain other features of the mechanism, 9 

including the three-year total cap on losses to PSE of $40 million).  Id. at page 39.  10 

Washington is but one of the numerous states covered by the NERA report.  We do not 11 

disagree that the WUTC has approved stipulated mechanisms that include a deadband.  This 12 

is by no means a majority view, however.  See PGE Exhibit 400 at pages 40-44.   13 

Q. Does ICNU suggest that the Avista mechanism’s deadband can be understood as a 14 

percentage of NVPC, rather than the “normal” risk a utility should bear, expressed as 15 

a certain number of basis points of its net income opportunity? 16 

A. Yes, surprisingly.  Of all the ways that the parties and the Commission have discussed the 17 

use of a deadband, a percentage of the affected cost has never been one.  In reality, Avista’s 18 

situation is much closer to PGE’s with respect to the factors the parties usually suggest 19 

pertain to a deadband.   20 

  To look at this comparably, we combined Avista’s Oregon and Idaho operations (Idaho 21 

bases Avista’s prices on actual power costs with a 90-10 sharing of the variance between 22 

assumed and actual) and scaled the numbers to PGE’s rate base and capital structure.  23 
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Assuming one thought that “normal” risk should apply to an electric utility’s entire rate 1 

base, not just production, and PGE’s filed capital structure, the comparable numbers for 2 

PGE would be a deadband of $9.4 million and 50-50 sharing of an additional $14.2 million.  3 

This is before adjusting for the effects of the SB 408 tax true-up of course.  Doing so would 4 

make the deadband $5.7 million and the 50-50 sharing an additional $8.6 million.  Using 5 

only production rate base as the relevant factor in assessing “normal,” the deadband and 6 

50-50 sharing tier would be $4.6 million and $6.9 million, after adjusting for the tax true-up 7 

of SB 408.7 8 

  The ICNU testimony provides no evidence for the assertion about the amortization 9 

period for fuel-cost recovery in Georgia, so it was not possible to verify.  Nonetheless, 10 

whether Georgia sets retail electric prices on actual power costs recovered over three months 11 

or longer periods as necessary, for purposes of this case, the important comparison is that 12 

Georgia sets electric prices based on actual power costs, not assumed power costs.  13 

(ICNU/103, Falkenberg/44).   14 

  Last, ICNU notes yet a further example of the appropriateness of setting retail electric 15 

prices for cost of service utilities based on actual power costs:  traditionally-regulated 16 

utilities in Texas.  Id.  That the NERA study overlooked these utilities is less important than 17 

adding them to the overwhelming majority of traditional cost of service electric utilities 18 

regulated in such a fashion. 19 

 
B. Revenue Neutrality 

Q. Is the Order No. 05-1261 design criterion regarding revenue neutrality entirely clear? 20 

                                                 
7 The details of these calculations are contained in the work papers to PGE Exhibit 1900. 
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A. No.  Staff has discussed this criterion in terms of requiring that a PCA mechanism not bias 1 

the overall expected level of recovery.  CUB has applied this criterion in terms of attempting 2 

to achieve a match of collections and credits through an asymmetric deadband that includes 3 

actual NVPC costs in cost of service prices sooner if those actual NVPC are lower than 4 

forecasted than if the actual NVPC are higher than forecasted. 5 

Q. What is your understanding of this criterion and does PGE’s proposed NVPC 6 

regulatory framework satisfy this? 7 

A. Our understanding of the revenue neutrality design criterion is that the Commission will 8 

allocate NVPC cost of service risk as neutrally as possible (given the tools available and 9 

acceptable for forecasting purposes) and that any PCA mechanism accompanying the 10 

forecast should not change this allocation.  As I explained in Section III, the Annual Update 11 

tariff helps ensure that the Commission’s allocation of NVPC cost of service risk is as 12 

neutral as possible by including within the forecast actual information relating to the coming 13 

year, such as actual fuel, power and transmission contracts.  PGE’s proposed Variance Tariff 14 

does not change the allocation of risk resulting from the NVPC forecast because it includes 15 

actual NVPC in cost of service prices on an even basis whether those actual costs are lower 16 

or higher than the forecast. 17 

Q. Did Staff address revenue neutrality explicitly in presenting its proposed PCA 18 

mechanism? 19 

A. No.  One could infer, however, that Staff’s understanding is similar to ours because Staff’s 20 

proposed PCA mechanism also includes actual NVPC in cost of service prices on an even 21 

basis, albeit after application of an even deadband around the forecast NVPC. 22 
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Q. Is the interpretation of the revenue neutrality criterion expressed by CUB and 1 

reflected in CUB’s asymmetric deadband feasible? 2 

A. No.  It is not feasible either on an “actual” basis or on an expected basis. 3 

  On an actual basis, no one can know whether collections under a PCA mechanism will 4 

“match” credits until, at some future point, one looks back to check.  Given the randomness 5 

of the variables – particularly precipitation – that affect PGE’s NVPC, it is nonsensical to 6 

speculate let alone require that such equality occur over any particular past period one might 7 

choose – five years, ten years, or longer.  8 

  The situation does not improve if one attempts this on an “expected” basis.  I have 9 

already discussed the limitations of “expected value power cost modeling.”  Theoretically, if 10 

PGE were able to forecast NVPC on an “expected value” basis, this forecast would evenly 11 

share, for that forecast, the probability that actual NVPC would be higher or lower.  The 12 

variance for that year would be what the variance would be; it is impossible to predict 13 

whether it would be a collection or refund.  If nothing changed – not one input (fuel prices, 14 

plant availability, load, etc.) in the following year, PGE would create another forecast NVPC 15 

on an “expected value” basis and this forecast also would evenly share, for that forecast, the 16 

probability that actual NVPC would be higher or lower.  The variance for that year also 17 

would be a collection or refund.  If this continued for enough years – and no one has any 18 

idea how many years that would be but, typically, a “stochastic analysis” uses at least 1000 19 

“games” of playing the interrelationships against each other – one could expect the amounts 20 

collected to equal the amounts refunded.  This is unrealistic because the inputs always 21 

change, year to year and some years, dramatically. 22 
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Q. Is CUB suggesting that customers should not have to experience the actual “costs” that 1 

may result from some of PGE’s resources because those costs may exceed the 2 

“benefits” the resources are capable of producing? 3 

A. Perhaps.   As I discussed in Section II, the parties at times imply a desire to separate the 4 

historic fixed costs of PGE”s resources from the variable costs of power those resources 5 

produce.  Our Mid-C contracts have very low fixed costs and we are delighted to have them.  6 

But the power those contracts enable us to obtain is variable and, thus, the cost associated 7 

with the portion of PGE’s resource portfolio those contracts provide is variable as well.  The 8 

total cost is what the total cost is.  Excusing customers from that total cost on the basis that it 9 

is uncertain is poor regulatory policy and poor economics. 10 

Q. Did CUB attempt to demonstrate that its proposed PCA mechanism would satisfy its 11 

interpretation of the revenue neutrality design criterion? 12 

A. No. 13 

 
C. Earnings Test 

Q. What earnings test did the Commission indicate it considered as a design criterion for 14 

the SD-PCAM it considered in Order No. 05-1261? 15 

A. The Commission explained this criterion as follows: if PGE’s actual NVPC were lower than 16 

the forecasted test year NVPC used to set cost of service prices, PGE would refund the 17 

difference to customers only to the extent that making such a refund would lower PGE’s 18 

earnings for the year to 100 basis points above the return on common equity last authorized 19 

by the Commission.  Conversely, if PGE’s actual NVPC were higher than the forecasted test 20 

year NVPC used to set cost of service prices, PGE would collect the difference from 21 

customers only to the extent that making such a collection would bring PGE’s earnings for 22 
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the year to 100 basis points below the return on common equity last authorized by the 1 

Commission. 2 

Q. How does this design criterion affect the allocation of risk between PGE and 3 

customers? 4 

A. It doesn’t.  As we explained above, it is the baseline forecasted NVPC that allocates the risk 5 

that forecasted cost of service will vary from actual cost of service.   6 

Q. What does this design criterion accomplish in terms of risk? 7 

A. It restores some of the risk that a power cost adjustment mechanism otherwise would reduce.  8 

In other words, it decreases the probability for both our customers and PGE that our cost of 9 

service prices for on-demand retail electric service will reflect actual cost of service.   10 

Q. Do Staff and CUB’s proposed power cost adjustment mechanisms use this “earnings 11 

test” from Order No. 05-1261? 12 

A. Yes.  Both parties apply this.  See Staff/800, Galbraith/15 and CUB/200, Jenks-Brown/22. 13 

Q. Does either party reply to the concerns you raised regarding this earnings test in PGE 14 

Exhibit 400? 15 

A. Only Staff responds to our concerns and then only by suggesting that, because this is a 16 

general rate case, the Commission will consider all risk allocations in deciding the case.  17 

(Staff/800, Galbraith/17-18). 18 

Q. Does Staff’s reply testimony on cost of capital indicate recognition of the effects of this 19 

earnings test? 20 

A. No. 21 
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Q. Is this earnings test consistent with the regulatory framework the Commission applies 1 

to the risk that actual cost of natural gas will vary from the forecasted cost of natural 2 

gas for LDCs and their customers? 3 

A. No.  The Commission’s regulatory framework for LDCs significantly reduces the risk to the 4 

utilities and their customers of gaps between forecasted and actual purchased gas cost by 5 

requiring an updated forecast every year and adjusting this for the actual incurred cost 6 

after-the-fact, with sharing percentages that vary among the LDCs.  In that regulatory 7 

framework, the Commission applies an earnings test to the utility’s overall results to ensure 8 

that the handling of this cost of service element does not result in overall earnings that are 9 

unreasonable.  What is “unreasonable” varies from between 200 and 300 basis points above 10 

the utility’s authorized return on common equity8.  11 

Q. Has any party articulated a reason why electricity customers and electric utilities 12 

should bear greater risk of cost of service variances than gas customers and gas 13 

utilities? 14 

A. No. 15 

Q. What is PGE’s position regarding this design criterion from Order No. 05-1261? 16 

A. We urge the Commission to discard this design criterion and adopt the earnings test we 17 

proposed for the Variance and Annual Update tariff regulatory framework.  This earnings 18 

                                                 
8 OAR 860-022-0070 allows gas utilities to forgo an earnings test for PGA amounts if shareholders absorb at least 
33% of gas cost changes.  In recent years, Northwest Natural and Cascade have elected to absorb 33% and hence 
they have not been subject to an earnings test.  Should Northwest Natural elect to absorb less than 33% of gas cost 
variation, the earnings test sharing mechanism would be based on Order 99-272 which called for a 300 basis point 
band above the authorized ROE before customer sharing of “excess” earnings.  Cascade’s earnings sharing 
mechanism would only begin with an ROE that is greater than 710 basis points above the risk free rate (See Order 
98-543).   Avista’s customers currently absorb 90% of gas cost changes and hence the company is subject to an 
earnings test.  The earnings test sharing mechanism would only begin with an ROE greater than 200 basis points 
above the authorized ROE prior to customer sharing (See Order 05-1053).     
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test will ensure that the entire regulatory framework used by the Commission, including that 1 

for NVPC, does not result in unreasonable earnings. 2 
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V. Variance Tariff Design Issues 

Q. To what Variance Tariff design issues will this section of your testimony respond? 1 

A. In this section, I address issues the parties raise regarding treatment, application of the 2 

mechanism to direct access customers, the process and content of review, and alleged 3 

incentives.  I also address SB 408.  PGE Exhibit 1900, Section II addressed the alternative 4 

proposals for how any PCA mechanism should handle load variations. 5 

 
A. Direct Access Customers 

Q. What position do the parties take on whether the Variance Tariff should apply to those 6 

customers that are using one of the temporary direct access options (as opposed to the 7 

long-term schedule 483 opt-out)? 8 

A. Staff recommends that the Commission exclude all direct access customers from the 9 

Variance Tariff or similar mechanism, reasoning that to do otherwise would deny these 10 

customers the benefit of disconnecting their annual energy expense from regulated 11 

cost-of-service ratemaking.  (Staff/800, Galbraith/18).   12 

Q. Do you agree? 13 

A. No, but we acknowledge that it is a matter of judgment.  The difficulty is that these 14 

customers have only partly disconnected themselves from cost-of-service ratemaking; they 15 

receive from cost-of-service customers a transition credit representing the “value” of the 16 

direct access customer’s “share” of PGE’s resources.  We set that “value” in the same 17 

manner as we forecast test year NVPC – with many assumptions.  In essence, these 18 

temporary direct access and market-based rate customers shift their risk that actual NVPC 19 

will be less than the forecasted NVPC to the remaining cost-of-service customers. 20 

Q. Is there a practical problem with Staff’s recommendation? 21 
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A. Yes, because these customers can switch back-and-forth between cost of service and the 1 

direct access/market-based rate options every year.  Thus, PGE could not simply charge 2 

these customers the cost-of-service rate – which, at any time, may include the net of credits 3 

and charges under the Variance Tariff – in any particular year that the customers choose cost 4 

of service.  We will need to associate a Variance Tariff charge or credit with a vintage year 5 

of cost-of-service use and track which customers receive what vintage.  We also will need to 6 

pro-rate somehow for customers that choose a partial year of direct access service under the 7 

new quarterly option.  This could get particularly complicated if the Commission decided to 8 

spread the credits or charges of a given year over multiple years.  Creating the systems and 9 

quality control to do this will be neither easy, cheap, nor foolproof.  At a minimum, we can 10 

expect that billing errors will occur. 11 

 
B. Scope and Timing of Review 

Q. Did PGE propose a process for Commission review of calculations under the Variance 12 

Tariff? 13 

A. Yes, we did.  We proposed to make a filing in June that would include the work papers that 14 

provide for the variance amount, an earnings test, and proposed rate adjustments to be 15 

effective at the beginning of the next calendar year9.  That filing would initiate a 16 

Commission process that would include the ability of parties to raise prudence issues that 17 

impacted the variance calculation. 18 

Q. Does ICNU challenge the time period proposed for this process as insufficient to 19 

explore the prudence of PGE’s actions or check for accounting inaccuracy? 20 

A. Yes.  (ICNU/103, Falkenberg/42-43).   21 

                                                 
9 See PGE/400, Lesh-Niman/50-51 and PGE/1302, Kuns-Cody/95. 
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Q. Is PGE amenable to any period the Commission finds necessary to provide parties 1 

adequate time to review and contest, if necessary, PGE’s filings? 2 

A. Yes.   3 

Q. Is PGE also willing to accept rules or filing requirements that enable parties easily to 4 

verify PGE’s accounting entries? 5 

A. Yes.  ICNU charges that we may engage in “gaming” accounting entries.  ICNU/103, 6 

Falkenberg/43.  Because ICNU’s witness provides no examples of this, by PGE or any other 7 

utility, we are unsure exactly what he is referring to.  If ICNU has suggestions for rules or 8 

filing requirements that would assist parties in reviewing PGE’s filings under the tariff, 9 

however, we are certainly willing to consider them. 10 

Q. Do you agree with ICNU that the Variance Tariff would shift the burden to parties to 11 

show that PGE was imprudent? 12 

A. No.  The burden of proof remains with PGE.  Whether the process will be as familiar to 13 

parties as challenging PGE’s prudence in a general rate case, we do not know.  We disagree, 14 

however, with any suggestion that a regulatory framework must consume very little time. 15 

Q. Does CUB’s testimony suggest that PGE was unclear with respect to the prudence 16 

review you envision will occur under the Variance Tariff? 17 

A. Yes.  CUB asks:  “Is the Company proposing that its actions that would be captured by this 18 

mechanism be subject to a prudence review, or is the Company suggesting we should simply 19 

assume the Company’s actions to be prudent?”  (CUB/200, Jenks-Brown/19).  Our proposal 20 

is that the parties be free to challenge any aspect of the matters covered by the Variance 21 

Tariff.  Indeed, parties would probably be free to do so even if it was not our proposal.  22 

Moreover, we indicated that, in particular, parties may want to focus on decisions or actions 23 
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PGE may have made prior to the year in question that the parties believe may have affected 1 

actual NVPC during that year.  (PGE/400, Lesh-Niman/51).  With respect to operational 2 

decisions during the year, we do believe that the sharing component of the Variance Tariff 3 

should give parties some comfort that we are unlikely to have acted against our financial 4 

interests.  We did not mean to imply any limit to parties’ review. 5 

 
C. Effect of the Variance Tariff on PGE’s “Incentives” 

Q. Does ICNU express concern that the Variance Tariff may weaken PGE’s incentives to 6 

acquire least-cost resources or act prudently and efficiently? 7 

A. Yes.  See ICNU/103, Falkenberg/34-36.  ICNU suggests that PGE will: 8 

• Purchase wholesale energy rather than increasing or even retaining investment in 9 

generation 10 

• Minimize capital investment in existing generation and transmission 11 

• Choose resources whose costs are eligible for recovery through the Variance Tariff, 12 

even if those are not least cost 13 

• Fail to challenge an unfavorable coal contract or sue a supplier over a contract default 14 

• Fail to maintain adequate coal inventories 15 

• Fail to maintain generating plants 16 

• Be insensitive to the cost of power 17 

Q. Does ICNU provide any examples or evidence in support of these alleged ill effects? 18 

A. No.  These all are presented solely as matters of the witness’ opinion. 19 

Q. Do you believe that the concerns of ICNU’s witness are well-founded? 20 

A. No.  None of them are well-founded.  21 
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  The concerns least well-founded are those relating to the effect of the Variance Tariff 1 

on the future resources we might choose.  ICNU has the incentives exactly reversed: without 2 

a reasonable NVPC regulatory framework, PGE’s incentive is to obtain resources whose 3 

price is as close as possible to market, such as annual forward contracts.  These minimize 4 

the size and likelihood of significant variances from forecasted costs.  The least attractive 5 

resources are our vintage Mid-C hydro contracts and our coal generating plants.  Even a new 6 

wind generating facility is unattractive under a regulatory framework that does not minimize 7 

the risk that forecasted NVPC will vary from actual NVPC.  Moreover, PGE’s future 8 

resource actions are the subject of intense review through the IRP process, in which ICNU 9 

participates.  We are unlikely to take any long-term resource action that does not go through 10 

this process. 11 

  Most would marvel at the claim that a power cost adjustment causes a utility to avoid 12 

investment in new or existing generation or transmission.  The concern usually is that we 13 

have too many incentives for investment, not that a given regulatory scheme creates too few.   14 

  Almost equally unlikely is the claim that we will somehow choose resources that are 15 

eligible for recovery under the Variance Tariff but avoid resources that would require a 16 

general rate case for inclusion in our cost of service prices.  We note, first, that the Annual 17 

Update component of our proposed regulatory framework mitigates this concern because 18 

only new owned generating plants would require a general rate case.  If an acknowledged 19 

IRP Action Plan includes resources that are not eligible for the Variance Tariff, then we will 20 

surely file a new rate case in time to recover the costs of these acknowledged resources, 21 

including owned generation.  The lead time involved in the latter makes this relatively easy 22 

to do.  Second, ICNU discounts the sharing component of our Variance Tariff.  Whatever 23 
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short-term risk we take in an attempt to achieve the lowest possible NVPC, we will share in 1 

the result of that risk with customers.   2 

  The sharing feature also addresses the remaining alleged disincentives.  We are unlikely 3 

to want to bear 10% of the effects of poor decisions around adequate coal inventories, plant 4 

maintenance, overall power costs, or NVPC-related litigation.   5 

 
D. SB 408 Effects 

Q. Does the Commission’s interim order in Docket No. AR 499 cause you concern about 6 

the Variance Tariff as you proposed it? 7 

A. Yes, this Order preliminarily adopts the interpretation of SB 408 under which the income tax 8 

true-up includes differences caused solely because a utility incurred a different cost of 9 

service for on-demand retail electricity service than it forecasted during a test year used to 10 

set prices.  As we highlighted for the Commission in Docket No. AR 499, the effect of 11 

interpreting SB 408 in this way is: 12 

  When, in the course of fulfilling its obligation to serve, a utility incurs 
fewer expenses than the Commission assumed it would incur when it established 
rates for the utility’s services, the automatic adjustment clause under SB 408 
will surcharge customers and increase the utility’s earnings on these utility 
services for the year in question. 

 
  When, in the course of fulfilling its obligation to serve, a utility incurs 

more expenses than the Commission assumed it would incur when it established 
rates for the utility’s services, the automatic adjustment clause under SB 408 
will require the utility to make a refund to customers and decrease the utility’s 
earnings on these utility services for the year in question. (PGE Reply 
Comments on Straw Proposals, filed May 19, 2006). 

 
  In our opinion, this interpretation makes adoption of the Variance Tariff as we proposed 13 

it even more critical but does call into question the 90-10 sharing component.  If actual 14 

NVPC are less than forecasted NVPC, we will return 90% of the difference to customers but 15 
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customers will owe us the tax effects of the 10% we keep.  Conversely, if actual NVPC are 1 

higher than forecasted, we will recover 90% of the difference from customers but will owe 2 

customers the tax effects of the 10% we absorbed.  We are unsure if the Commission should 3 

adjust the sharing percentages to minimize this effect but we wanted to note it. 4 

Q. Is it clearer that the Commission must make adjustments for SB 408 if it adopts either 5 

the Staff or CUB proposal? 6 

A. Yes.  CUB acknowledges this, which we appreciate.  (CUB/200, Jenks-Brown/23).   7 

Q. What is the effect of SB 408 on the risk you discussed in Section I? 8 

A. SB 408 increases the risk that utilities and customers already shared that the forecast used to 9 

set cost of service rates would, in actuality, be different than the actual cost of service 10 

incurred.   11 

Q. Does this conclude your testimony? 12 

A. Yes. 13 
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List of Exhibits 

 

PGE Exhibit  Description 

1801   Referenced Galbraith Deposition Pages 
 
1802   Referenced Testimony from UE 165, PGE/300, Niman-Tinker/17-32 

 
1803    PA Consulting Report 
 
1804   UE 165 PGE Cover Letter for PA Consulting Report 
 
1805   Referenced Testimony from UE 149, PGE/200, Lobdell/3-8 

 
1806   PGE Letter withdrawing UE 137 Filing 
 
1807   Referenced Pages from C03-0670 (Colorado) 
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I. Introduction 

Q. Please state your name and positions with Portland General Electric. 1 

A.  My name is Jay Tinker.  I am a Project Manager in the Regulatory Affairs 2 

department.  My qualifications previously appeared in PGE Exhibit 200. 3 

  My name is Stephen Schue.  I am a Senior Analyst in the Regulatory Affairs 4 

department.  My qualifications previously appeared in PGE Exhibit 300. 5 

  My name is Ted Drennan.  I am a Business Analyst in the Regulatory Affairs 6 

department.  My qualifications appear at the end of this testimony. 7 

Q. What is the purpose of your testimony? 8 

A. The purpose of our testimony is to respond to the positions various parties take with 9 

respect to PGE’s net variable power cost (NVPC) forecast for 2007 and to show the 10 

results had any one of PGE’s Variance Tariff, or CUB or ICNU’s power cost 11 

adjustment (PCA) mechanisms been in place from 2002 through 2005.  We also 12 

address the alternatives presented for handling load variations with a PCA 13 

mechanism. 14 

Q. How does your testimony relate to the Resource Valuation Mechanism (RVM) 15 

settlement signed by Staff, CUB and ICNU? 16 

A. PGE, OPUC Staff, ICNU, and CUB have entered into a stipulation regarding PGE’s 17 

NVPC forecast for the 2007 RVM for January 1, 2007 until rates from the general 18 

rate case are effective.  As stated above, the purpose of this testimony is to discuss 19 

the parties’ NVPC regulatory frameworks and their proposed adjustments to PGE’s 20 

NVPC forecast in the general rate case. 21 

Q. What are your primary conclusions regarding the parties’ proposals? 22 



UE 180 – UE 181 – UE 184 / PGE / 1900 
Tinker – Schue – Drennan / 2 

 

UE 180 – UE 181 – UE 184 RATE CASE – REBUTTAL TESTIMONY 

A. The Commission should: 1 

• Not adopt the proposed adjustments for extrinsic value due to their 2 

one-sided nature. 3 

• Calculate forced outage rates for PGE’s coal plants consistent with the 4 

long-standing four-year rolling average methodology. 5 

Q. How is your testimony organized? 6 

A. In addition to this Introduction, our testimony has seven sections. 7 

  Section II presents the results of a simple application of PGE’s, Staff’s and 8 

CUB’s proposed power cost adjustment mechanisms to the years 2002 through 2005.  9 

Although too short a period to demonstrate the full range of outcomes likely under 10 

the various proposals, it is instructive. 11 

  Section III addresses Staff’s proposal that the Commission order us to develop 12 

and implement expected value NVPC forecasting.  In this section, we rebut various 13 

parties’ suggestions that, because PGE uses stochastic analysis in selecting the least 14 

cost mix of resources with which to serve customers, the Commission should use 15 

stochastic analysis techniques to choose a point forecast of NVPC for purposes of 16 

setting rates on a test year basis. 17 

  In Section IV we respond to various adjustments parties propose related to 18 

PGE’s forecasted NVPC for 2007, including: 19 

• Extrinsic value of certain PGE owned and contractual resources 20 

• Forced outage rates for Boardman and Colstrip 21 

• Ancillary Services 22 

• Coal Losses 23 
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• Addition of Port Westward in the NVPC forecast 1 

  Section V addresses CUB’s concern that PGE has not made an adequate 2 

showing of Port Westward’s prudence because our filing did not include a status 3 

report on all of the items in the acknowledged 2002 IRP Action Plan. 4 

  In Section VI, we address an issue regarding our Beaver 8 resource that has 5 

arisen because it is unlikely that the Commission will issue an order in Docket 6 

UM 1066 prior to the effective date of rates set in this proceeding.  7 

  In Section VII, we address an issue regarding the development of rate making 8 

margin and effective tax rate for purposes of the AR 499 tax true-up. 9 
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II. Application of Proposed Mechanisms 

Q. What do you cover in this Section of your testimony? 1 

A. In this Section, we apply PGE’s Variance Tariff, and the PCA mechanisms proposed 2 

by Staff and CUB to a sample period.  We also discuss the implications of various 3 

proposals for the treatment of load variations. 4 

 
A. Application of Variance Tariff and Other PCA proposals to Sample Period 

Q. Did you apply the Variance Tariff and the PCA mechanisms proposed by Staff 5 

and CUB to some sample years? 6 

A. Yes. 7 

Q. Which years did you use? 8 

A. We used 2002 through 2005. 9 

Q. Why have you only presented these years? 10 

A. For these years, we have a Commission-approved forecasted NVPC, set in our RVM 11 

proceedings.  For years prior to 2002, we did not have this except for the 1995 and 12 

1996 test years.   13 

Q. Do you have a caveat about these years? 14 

A. Yes.  During each of these years, hydro power production in the NW was less than 15 

the historic average.  Because of the significance of hydro production to PGE’s 16 

actual NVPC, the resulting actual NVPC outcomes are higher in three of the four 17 

years than the forecasted NVPC. 18 

Q. Why didn’t you use the data that you used for the chart you presented in PGE 19 

Exhibit 400 which shows the historic variance between forecasted and actual 20 

NVPC since 1993? 21 
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A. Because of the regulatory framework in place in the 1990s, we did not have 1 

Commission-approved forecasted NVPC for most of these years; we have them only 2 

for the UE 88 test period – 1995 and 1996.  We had to construct forecasted NVPC 3 

for many of the years in this chart, using simplifying assumptions.  It is illustrative 4 

only, as ICNU’s testimony recognizes (ICNU/103, Falkenberg/30).   5 

Q. Have you performed an analysis of Staff’s and CUB’s proposed mechanisms? 6 

A. Yes.  We calculated the variance amounts by comparing actual and forecast unit net 7 

variable power costs for the period.  We adjusted actual and forecast net variable 8 

power costs consistent with PGE’s proposed Schedule 126.  For PGE’s proposed 9 

Variance Tariff (VT), we multiplied the difference between actual and forecast unit 10 

net variable power costs by actual load to determine the variance.  For Staff’s 11 

proposed PCA mechanism, we multiplied the unit cost difference by forecast loads1 12 

consistent with Staff’s suggested approach.  Finally, since CUB did not provide a 13 

detailed approach to calculating variance amounts, we assume that the CUB 14 

mechanism would also use Staff’s proposed methodology.2  We then applied the 15 

PGE, Staff and CUB proposed sharing mechanisms to the variance amounts, 16 

including any earnings test, to determine the results. 17 

Q. What does your application of the mechanisms proposed by Staff, CUB, and 18 

PGE to the years 2002 through 2005 generally show? 19 

                                                 
1 See Staff/800, Galbraith/15. 
2 On CUB/200, Jenks-Brown/20-21 CUB seems to indicate a preference for a broad (or as they say 
“encompassing”) mechanism rather than a more narrowly defined mechanism such as a hydro-only PCA.  
Both PGE’s and Staff’s proposed variance formulas are broadly based with the distinction that unit cost 
differences in PGE’s proposal are multiplied by actual load while in Staff’s proposed mechanism they are 
multiplied by forecast load.  For simplicity, we analyzed the PCA results of CUB’s proposed sharing bands 
and earnings test based on Staff’s proposed variance formula. 
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A. We looked at this two ways:  with and without an Annual Update.  For the latter, we 1 

assumed that the NVPC forecast established in Docket No. UE 115 remained in 2 

place for all four years.  Under this assumption, the figure below illustrates the 3 

results of the three mechanisms over the sample period.   4 

Figure 1 

Collections/Refunds Without Annual Updates
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  For the four-year period, the Staff and CUB proposals would have resulted in 5 

net refunds of $270 million and $258 million respectively, whereas the PGE proposal 6 

would have resulted in higher net refunds of $298 million.  Savings retained by 7 

shareholders under the Staff and CUB proposals would have been $159 million and 8 

$171 million respectively, whereas the PGE proposal would have allocated only $58 9 

million to shareholders. 10 

  If we assume annual updates, namely PGE’s RVM filings for 2003-2005, the 11 

results change significantly, as shown in the figure below.   12 
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Figure 2 

Collections/Refunds With Annual Updates
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  For the four-year period, the Staff and CUB proposals would have resulted in 1 

net collections by PGE of $72 million and $57 million respectively, whereas the 2 

PGE proposal would have resulted in higher net collections of $137 million.  Under 3 

the Staff and CUB proposals, shareholders would have absorbed $97 million and 4 

$112 million respectively, whereas the PGE proposal would have resulted in 5 

shareholders absorbing $15 million.  6 

  These general results demonstrate that annual updates make a significant 7 

difference, given the magnitude of year-to-year changes in gas and electric prices 8 

and other factors which influence power costs.  9 

Q. What were the specific results of CUB’s proposed PCA? 10 

A. In the case of annual updates, for the years 2003 through 2005 CUB’s proposed PCA 11 

would have resulted in outcomes within CUB’s proposed deadband ($38 million for 12 

actuals greater than forecasted, $19 million for actuals less than forecasted).  This 13 

occurs in spite of the fact that PGE’s regulated ROE for two of the three years was 14 

significantly below PGE’s authorized level of 10.5%.  In the case of no annual 15 
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updates, CUB’s proposed PCA would have resulted in substantial refunds in the 1 

years 2003-2005, as actual power costs decreased from the levels set in UE 115. 2 

Q. What were the specific results of Staff’s proposed PCA? 3 

A. In the case of annual updates, Staff’s proposed mechanism would have triggered in 4 

three of the four years.  However, the amounts deferred for recovery in 2002 and 5 

2004 are small relative to the variance in power costs that occurred during the year.  6 

In the case of no annual updates, Staff’s proposed PCA would have resulted in 7 

substantial refunds in the years 2003-2005, as actual power costs decreased from the 8 

levels set in UE 115.  The 2004 refund is larger under Staff’s proposal than under 9 

CUB’s, given Staff’s smaller deadband. 10 

Q. What were the specific results of PGE’s Variance Tariff? 11 

A. PGE’s VT mechanism would apply in all years because PGE does not propose a 12 

deadband.  In the case of annual updates, PGE’s proposed mechanism would have 13 

brought PGE’s regulated ROE closer to the authorized level than either Staff’s or 14 

CUB’s proposed mechanism.  In the case of no annual updates, PGE’s mechanism 15 

would still trigger in all years, given that PGE does not propose a deadband.  No 16 

deadband results in larger refunds to customers over the 2003-2005 period than do 17 

the CUB and Staff proposals.   18 

Q. Doesn’t this mean that PGE’s proposed VT would effectively guarantee that 19 

PGE would earn its authorized ROE? 20 

A. No.  PGE can still face substantial shortfalls in earnings.  In 2005, for example, even 21 

with PGE’s VT, our earned ROE would have been approximately 200 basis points 22 
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below the authorized earnings level because of other risks that we bear as well as the 1 

sharing that occurs under our formula. 2 

Q. Do you have any comments about the proposed earnings test of CUB and Staff? 3 

A. Yes.  Both Staff and CUB suggest an earnings test first described in the 4 

Commission’s UE 165 Order, which involves an additional earnings deadband of 5 

100 basis points below or above the authorized ROE.  In the backcast scenarios (with 6 

annual updates), the earnings test was only triggered in one scenario (2002 under 7 

Staff’s proposed mechanism).  Given the substantial power cost variance deadbands 8 

supported by both parties, an additional earnings test deadband seems unlikely to act 9 

as a constraint in most circumstances.  This is because PGE’s power cost volatility is 10 

large relative to any discretionary operations and maintenance costs savings that we 11 

might obtain or outcomes of other uncertainties.  12 

Q. Did Staff consider SB 408 in their PCA proposal? 13 

A. No (Galbraith Deposition, PGE Exhibit 1801, page 13).  This is inconsistent with the 14 

Commission’s determination in Order No. 06-400 in which the Commission states 15 

(on page 9) “In response, we will consider the tax effects when evaluating issues in 16 

other dockets, such as power cost adjustment mechanisms.”  17 

Q. Did Staff consider effects of their proposal on PGE’s cost of capital? 18 

A. While stating there were discussions between the witnesses, Staff admitted they did 19 

not know what effect their proposal would have on PGE’s cost of capital (Galbraith 20 

Deposition, PGE Exhibit 1801, page 17).  They also admit that neither the existence, 21 

nor type, of PCA that a utility has was a factor in determining Staff’s discounted 22 

cash flow (DCF) sample (Morgan Deposition, PGE Exhibit 1901, pages 1-2). 23 
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Q. Have you prepared an Exhibit containing the detailed results of your 1 

application of the various parties’ mechanisms to the 2002-2005 period?   2 

A. Yes.  PGE Exhibit 1902 provides these details. 3 

 
B. Treatment of Load Variations 

Q. Is the basic formulation of PGE’s proposed Variance Tariff similar to the 4 

power cost adjustment proposed by Staff? 5 

A. Yes.  Both determine the difference between unit (per kWh) actual NVPC and 6 

forecast NVPC.  Multiplying the per kWh difference by load determines the power 7 

cost variance to which any deadband or sharing applies. 8 

  The difference between the two proposals is the load.  PGE recommends use of 9 

the actual load experienced while Staff recommends use of the normalized loads 10 

used in the NVPC forecast.  For most years, the difference is generally small but we 11 

have experienced significant deviations such as in 2002. 12 

Q. What is the basis for PGE’s recommended treatment? 13 

A. As discussed in PGE/400 pages 35 & 36, our proposal aligns actual NVPC with 14 

revenues.  In other words, total actual NVPC equals the amount collected through 15 

rates (the forecast unit NVPC times load) plus the power cost variance. 16 

Q. Have you developed a set of examples that demonstrate this fact? 17 

A. Yes.  Page 1 of Exhibit 1903 demonstrates how PGE’s mechanism would operate 18 

under a series of hypothetical events.  For purposes of simplicity, we have assumed a 19 

utility with a load of 20,000,000 MWh and a unit NVPC of $40/MWh.  This yields a 20 

total NVPC of $800,000,000.  The example shows the effect on PCA Revenue 21 
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(without any deadband or sharing) and revenue from the NVPC portion of energy 1 

rates of the following events: 2 

• Actual loads are +5% and -5% of forecast 3 

• Actual NVPC are +10% and -10% of forecast 4 

• The four combinations of the above cases. 5 

  We show the results of the example with the price of market power both above 6 

forecast unit NVPC at $60 per MWh and below forecast unit NVPC at $30 per 7 

MWh.  In each case, the change in total NVPC is equal to the sum of the PCA 8 

Revenue plus the change in revenue from the NVPC portion of energy rates. 9 

Q. Why does Staff recommend using the normalized loads used to set rates? 10 

A. Staff indicates that this recommendation “maintains the traditional allocation of load 11 

risk” and that “[t]his formula accounts for the offsetting impacts of load variation on 12 

fixed cost recovery and NVPC” (Staff/800, Galbraith/15-16). 13 

Q. Will Staff’s recommendation achieve this goal? 14 

A. Under very specific circumstances it might but, in general, no. 15 

Q. Have you prepared a set of examples that demonstrates this fact? 16 

A. Yes.  Page 2 of Exhibit 1903 provides this demonstration.  It is similar to page 1 but 17 

uses Staff’s formulation. 18 

  As demonstrated in this example, if PGE meets a load increase by power 19 

purchased or generated at a cost greater than the unit NVPC, the overall change in 20 

revenue (PCA plus NVPC in rates) is less than the overall change in NVPC.  This 21 

could be considered consistent with Staff’s concept that the non-NVPC portion of 22 

the revenue increase due to increased load will help cover any such shortfall.  23 
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However, if there is a load decrease, the decrease in revenue exceeds the decrease in 1 

NVPC, thus exacerbating the revenue lost from the non-NVPC portion of the rate. 2 

  The opposite occurs when the cost of incremental power is less than the forecast 3 

unit NVPC.  In the load increase case, PGE would receive increased PCA revenue in 4 

addition to the additional non-NVPC revenue.  When there are changes in both loads 5 

and underlying NVPC, the difference between the overall NVPC and the change in 6 

NVPC related revenues can be substantial and counterintuitive. 7 

Q. Does ICNU propose a different formulation? 8 

A. Yes, ICNU’s testimony proposes that we calculate the power cost variance as the 9 

difference between actual and forecast total NVPC adjusted for load variations at the 10 

forecast market prices used to establish rates. 11 

Q. Do you support ICNU’s proposal? 12 

A. No.  ICNU’s proposal does not align actual NVPC with NVPC-related revenues.  13 

Page 3 of Exhibit 1903 illustrates this point, showing that there are significant 14 

differences when load varies from forecast. 15 

Q. What is your recommendation regarding how the Variance Tariff, or any other 16 

PCA mechanism, should adjust for the effects of load differences on the 17 

comparison of forecasted NVPC to actual NVPC? 18 

A. PGE continues to recommend that the Commission adopt our proposal to remove 19 

these load differences from the reconciliation by multiplying the load change by the 20 

change in unit power costs.  It provides a reasonable result under a wide range of 21 

circumstances.  It also leaves with the utility the risk that non-NVPC revenues will 22 

not cover non-NVPC costs. 23 
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III. Expected Value Power Costs 

Q. Does Staff recommend that the Commission require PGE to begin developing 1 

test year NVPC forecasts on an “expected value” basis? 2 

A. Yes.  See Staff/800, Galbraith/19; Staff/200, Wordley/5-6.  Indirectly, ICNU also 3 

encourages this, concluding that it “would be inequitable for the Commission to 4 

allow resource selections to be made on the basis of extrinsic value modeling, but not 5 

to reflect the extrinsic value benefits in setting rates” (ICNU/103, Falkenberg/10-11). 6 

Q. Do you agree with Staff’s recommendation? 7 

A. No. 8 

Q. Has PGE done additional work on the issue of expected value power cost 9 

modeling? 10 

A. Yes, through a consulting firm called “PA Consulting Group.”  Pages 16-18 of PGE 11 

Exhibit 1800 provide details on this modeling and PGE Exhibit 1803 is a copy of the 12 

resulting report.   13 

Q. Please summarize what the PA Consulting Group did. 14 

A. The introduction of the report states that: 15 

 PA Consulting Group has been retained by Portland General Electric to 
define a “cost simulation model.”  The basic simulation model would 
simulate the net variable power cost over a period of time subject to 
certain assumptions about loads, market prices, hedges in place and 
hydro conditions.  That model could then be run over a large sample of 
potential realizations of those assumptions in order to estimate the 
statistical properties of the distribution of net variable power costs.  
(Report Introduction, Page 1-1). 

 
Q. What are the important conclusions of this report for purposes of the 16 

Commission’s consideration of Staff’s recommendation? 17 
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A. As stated in Section II of PGE Exhibit 1800, this report draws several important 1 

conclusions, including: 2 

• The distribution of uncertainty data is critical to estimating expected 3 

value.  If one intends to use the model to produce a “once and for all” 4 

number, what the authors call a “prescriptive” use, then one must invest 5 

considerable effort in estimating the underlying values.  On the other 6 

hand, if one intends to use the model to understand the likely size of the 7 

difference between forecasted and actual, and make frequent adjustments 8 

based on that outcome, what the authors call “descriptive” use, then one 9 

can invest less in the underlying values.  The “Black-Scholes” formula 10 

used to value stock options is a “descriptive” use because brokers value 11 

the options every day, observing the reaction to the previous day’s trading, 12 

and adjust both the model’s parameters and their portfolios.  Thus, the 13 

exposure to pricing errors is controllable (pages 3-14 to 3-15). 14 

• A 1000-iteration run of the cost simulation model PA produced (a 15 

“descriptive model”) showed a significantly skewed distribution, with a 16 

standard deviation of $55 million and a higher peak and fatter tails than 17 

one would expect in a normal distribution.  PA indicated its belief that the 18 

standard deviation is likely understated.  In addition, the difference 19 

between the base case value and the “expected value” was a positive $10 20 

million.  This suggests, were one to attempt to use the descriptive model 21 

for ratemaking, that the test year NVPC forecast should be $10 million 22 

higher than MONET indicates.  23 
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Q. Are there limitations to the PA report? 1 

A. Yes.  The report notes on pages 9-46 that “[t]he precision afforded by a descriptive 2 

model such as this is not fine enough to permit one to estimate a ‘risk adder’ but we 3 

can say that there is significant variability in the costs.”  PGE sent a cover letter 4 

along with distribution of the PA report to parties to the UE 165 docket.  This letter 5 

noted a number of issues related to the PA report.  PGE Exhibit 1804 is a copy of the 6 

cover letter, dated July 18. 7 

Q. Does the report suggest, however, that the reductions (ranging from $12.4 8 

million to $14.5 million) to the test year NVPC forecast for the “extrinsic value” 9 

of a few of PGE’s resources represent an incomplete picture of the cost of 10 

PGE’s resource portfolio? 11 

A. Yes.  The report found that, when considering most factors which can cause power 12 

cost variations, rather than simply the extrinsic value of some resources, it appears 13 

that, on average, a MONET projection understates expected power costs.   14 

Q. Did Staff perform any stochastic modeling of their own? 15 

A. No.  Staff admits they performed no such analysis in this case, or any other case  16 

(Galbraith Deposition, PGE Exhibit 1801, page 9).  Staff further admits they do not 17 

have the tools necessary for such an analysis (Wordley Deposition, PGE Exhibit 18 

1904, page 4). 19 

Q. Are there factors that Staff failed to consider in proposing an adjustment for 20 

extrinsic value? 21 

A. Yes.  Staff suggests stochastic modeling should consider the “uncertainty and 22 

interaction associated with system load, electricity and natural gas market prices, 23 
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hydroelectric generation and thermal unit availability…” (Staff/200, Wordley/2).  1 

Yet, Staff’s analysis consisted of looking solely at a subset of PGE’s thermal 2 

resources and capacity contracts. 3 

Q. Did Staff consider the extrinsic value customers receive from their ability to 4 

take as much or as little electricity from PGE at any time? 5 

A. No.  Staff recognizes there is a value associated with customers’ optionality 6 

(Wordley Deposition, PGE Exhibit 1904, page 5).  Staff however failed to consider 7 

this. 8 

Q. Is Staff’s extrinsic value adjustment an appropriate substitute for stochastic 9 

modeling? 10 

A. No.  As mentioned above Staff failed to consider all of the necessary factors.  Staff 11 

admits they have “no idea” if their adjustment matches with the value one would get 12 

with stochastic modeling (Wordley Deposition, PGE Exhibit 1904, pages 6-7).   13 

Q. If the MONET projections systematically overstated power costs, what would 14 

you expect a review of the difference between test year forecasted NVPC and 15 

actual NVPC to show? 16 

A. We would expect such a review to show that PGE’s actual NVPC are systematically 17 

less than forecasted NVPC.  However, Table 1 below shows that this is not the case.  18 

In three out of the four years from 2002-2005, actual NVPC were greater than 19 

forecasted (and the one year when actuals were less occurred when actual loads were 20 

substantially below forecast).  The data in Table 1 are consistent with those used to 21 

construct the graph on page 34 of PGE Exhibit 400.  22 
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Table 1 
Power Cost Variations ($Million) 

 
Year Forecast Actual Difference 

2002 810 760 (50) 

2003 453 613 160 

2004 450 538 88 

2005 491 539 48 

Q. Do the parties suggest that the Commission should order PGE to engage in test 1 

year NVPC forecasting on a stochastic, expected value basis because that is the 2 

type of analysis PGE performs in the IRP process? 3 

A. Yes.  Staff states that “[i]t is inconsistent to use sophisticated risk modeling when 4 

making IRP decisions, only to revert to deterministic point-estimate modeling when 5 

making ratemaking decisions” (Staff/200, Wordley/8).  However, Staff makes no 6 

suggestions on how to model power costs stochastically.  Staff does not know the 7 

time period for modeling (Wordley Deposition, Pages 5-7), and does not possess the 8 

statistical modeling tools to use in ratemaking (Wordley Deposition, Page 14, Line 9 

2).  Staff is not aware of any Commission that has used statistical modeling to set test 10 

year power costs (Wordley Deposition, PGE Exhibit 1904, page 7). 11 

Q. Why does PGE use stochastic modeling in its IRP analysis, but not in its 12 

modeling for rate setting purposes? 13 

A. First, we want to be clear that stochastic modeling is just one of the analytical 14 

approaches we use during the IRP process.  IRP analysis concerns the content of a 15 

resource portfolio, asking the question which resources, when added to the ones 16 

already existing, produce the best outcomes under conditions of uncertainty for 17 

certain key variables?  Based on these results, PGE makes selections among types of 18 
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resources.  At this selection point, the goal is the lowest possible cost of service for 1 

future on-demand retail electricity customers.  The resulting numbers are not the 2 

baseline for any allocation of the risk of the uncertain outcomes.  3 

  As explained in Exhibit 1800, the test year NVPC forecast is the basis of 4 

allocating uncertain outcomes between PGE and customers.  Ideally, it does so 5 

evenly.  The PA report would indicate it does not, but the error is against PGE, not 6 

customers.  Using stochastic modeling for prescriptive purposes would require 7 

prohibitive precision in all of the parameters; using it descriptively and indicatively 8 

in the IRP process does not.  We disagree with Staff that our application is in any 9 

way inconsistent. 10 

Q. If PGE does not perform stochastic modeling for rate setting purposes, doesn’t 11 

this imply that customers don’t receive the value of PGE’s resources? 12 

A. No.  Customers receive the intrinsic value of these resources.  As the Commission 13 

resets our cost of service prices, customers receive the benefit of changed 14 

expectations about plant operations when market conditions change.  For example, in 15 

the UE 115 rate case, we expected substantial output from the Beaver plant due to 16 

market conditions.  As that forward expectation changed with subsequent RVMs, 17 

customers received the benefit that came from ramping down Beaver’s expected 18 

operation.  Customers also receive value through the hourly shaping factors that PGE 19 

applies to forward curve-based power prices within MONET.  We discuss this at 20 

length in Section IV, Part A.   21 

  Updates of the test year NVPC forecast, through the Annual Update Tariff we 22 

have proposed, ensure that customers receive this intrinsic value.  Adopting the 23 
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Variance Tariff, in addition, provides customers with any residual “extrinsic value” 1 

PGE is able to achieve in a given year, subject to the 90-10 sharing formula that 2 

encourages PGE to seek opportunities to realize this value.   3 

Q. Are there other reasons why stochastic modeling is appropriate for resource 4 

acquisition decisions, but not for rate setting? 5 

A. Yes.  In considering a resource acquisition, we can stress test our uncertainty 6 

modeling to see the extent to which a resource choice is dependent upon the 7 

uncertainty modeling assumptions being made.  This option doesn't exist in 8 

forecasting power costs for rate setting purposes because resources are given and 9 

only one expected value power cost outcome will be used as the basis for setting 10 

rates.  Again, this relates to the fundamental decision(s) that are made in resource 11 

acquisition, i.e., whether a particular resource will be acquired or not.  In contrast, 12 

rate setting is ultimately about setting a point forecast, given a set of existing 13 

resources.  Confidence that can be derived through modeling uncertainty in resource 14 

acquisition decisions is not easily transferred to the rate setting process. 15 



UE 180 – UE 181 – UE 184 / PGE / 1900 
Tinker – Schue – Drennan / 20 

 

UE 180 – UE 181 – UE 184 RATE CASE – REBUTTAL TESTIMONY 

IV. 2007 NVPC Forecast Issues 

Q. To what issues raised by the parties do you respond in this Section? 1 

A. We respond to adjustments parties propose that reduce our 2007 test year NVPC 2 

forecast for the “extrinsic value” of certain of PGE’s resources (part A), a new 3 

methodology for calculating an assumed forced outage rate for PGE’s coal 4 

generating plants (part B), and assumed revenues from the wholesale sale of 5 

ancillary services (part C).  We indicate our agreement with Staff’s removal of the 6 

coal losses we assumed in connection with the rail transportation of coal to 7 

Boardman (part D).  We also address CUB’s concern regarding how we propose to 8 

model test year NVPC for two different periods: before our Port Westward plant 9 

enters service and after it does so (part E).  We offer concluding comments regarding 10 

these proposed 2007 test year NVPC forecast adjustments and the related issue of 11 

our Variance Tariff (part F). 12 

 
A. Extrinsic Value 

Q. What conclusions does the discussion in this Part of your testimony support? 13 

A. In this Part of our testimony, we provide analysis leading to the following 14 

conclusions: 15 

• Other parties’ proposals inappropriately focus only on factors which might 16 

reduce actual power costs, ignoring factors which might increase actual 17 

power costs.  This leads to parties’ conclusions that the MONET forecast 18 

should be reduced, whereas a more comprehensive analysis leads to the 19 

opposite conclusion.   20 
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• Staff bases its proposal largely on the inappropriate use of one single 1 

figure from an analysis used to rank capacity bids in an IRP process.  The 2 

analysis was neither intended nor appropriate for ratemaking, as 3 

demonstrated by empirical evidence to date.   4 

• ICNU bases its proposal on an incorrect application of its theoretical 5 

framework, thereby greatly overstating the results.  The MONET forecast 6 

already credits customers with most of the benefits suggested by a 7 

corrected version of ICNU’s approach. 8 

• CUB and ICNU fail to recognize that the purpose of capacity resources is 9 

to meet extreme customer load requirements of short duration.  These 10 

parties’ focus on “making money from dispatch benefits” ignores the role 11 

of these resources in providing reliable “on-demand” service to customers.  12 

Q. What is the basis of the reductions to the NVPC forecast that the parties 13 

proposed for extrinsic value? 14 

A. The parties believe that certain of the owned and contractual resources that PGE has 15 

in our power supply portfolio to provide on-demand retail electric service have 16 

“value” that PGE can realize, year after year on an ongoing basis and, thus, that 17 

ought to reduce our NVPC forecast.  These resources (depending on the proposing 18 

party) are: Port Westward, Beaver, Coyote, two capacity contracts, one low-heat rate 19 

gas tolling agreement, and the customer-owned distributed stand-by generation for 20 

which PGE has limited contractual operation rights.  The theory is that, under some 21 

gas and power market conditions, PGE can run these resources more than the NVPC 22 

forecast indicated they would run and earn the margin between the cost of gas and 23 
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the price of power.  Our NVPC forecast does not reflect this because it models only a 1 

point electric power market and gas market price per hour along with, we note, a 2 

point forecast of retail load and all other resource operations for that hour. 3 

  Based on applying this theory to a set of the resources indicated above, Staff 4 

ultimately recommends a 2007 NVPC forecast decrease of $12.4 million (Staff/200, 5 

Wordley/1).  Using a slightly different set of resources, ICNU recommends a 6 

decrease of $14.5 million (ICNU/103, Falkenberbg/3, Table 1).  CUB does not 7 

specify a dollar figure, but states that “PGE’s Monet model fails to recognize the 8 

extrinsic value of capacity resources, such as gas-fired generation plants and capacity 9 

contracts” (CUB/100, Jenks-Brown/10).  CUB states further that the Commission 10 

could either reduce fixed costs associated with certain resources in the revenue 11 

requirement or “adopt an adjustment to account for the extrinsic value of PGE’s 12 

capacity resources” (CUB/100, Jenks-Brown/12). 13 

Q. Do you agree that the Commission ought to reduce the test year forecast of 14 

PGE’s NVPC on the assumption that PGE can operate these specific resources 15 

more frequently than the model indicates? 16 

A. No, for several reasons.  First, the parties ignore that PGE serves retail customers and 17 

that retail customers’ demand for power will rise significantly above forecast on 18 

occasion, particularly during extreme weather events.  The parties also ignore that 19 

any one or more of PGE’s resources can experience difficulties at any time 20 

necessitating a substitution of one resource for the other.  It is for these contingencies 21 

that PGE, along with every other retail electric utility, has capacity resources in 22 

addition to energy resources.  In the “test year” course of events – essentially what 23 
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we model to produce a forecast of NVPC – capacity resources may not “run.”  They 1 

are available for events that we anticipate but cannot precisely forecast.  The parties’ 2 

adjustments “sell” this capacity to the market.  If it is sold to the market, it is not 3 

available to serve retail load. 4 

  Second, even apart from the issue of serving retail customers, these 5 

recommendations are all one-sided.  They only consider factors that might, in some 6 

years, result in actual net variable power costs lower than those forecasted by 7 

MONET.  PGE’s power cost projection for the 2007 test year will be based on a 8 

November 2006 MONET forecast, using baseline values for many parameters and 9 

forward gas and electric curves at the time we make the run.  We know that actual 10 

plant operations, as well as purchases and sales, will differ from the MONET 11 

forecast in many ways.  Some of these differences will tend to decrease power costs; 12 

some will tend to increase power costs.  Although the ability to produce more power 13 

from PGE’s resources than shown in MONET might be expected to decrease power 14 

costs, there are many ways in which actual experience will tend to increase power 15 

costs over those in the MONET forecast.   16 

  Probably the most important factor that will, on average, tend to increase power 17 

costs over the MONET projection is the inverse relationship between power prices 18 

and hydro production.  Low hydro production puts upward pressure on power prices, 19 

whereas high hydro production puts downward pressure on these prices.  This means 20 

that the cost to replace shortfalls in low hydro years is greater than the value of  the 21 

“extra” power production in high hydro years, or that the inverse relationship 22 

between power prices and hydro production will tend to, on average, increase power 23 
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costs over the MONET projection.  This effect was described in PGE’s UE 165 1 

testimony, which we include as Exhibit 1802. 2 

Q. Do any of the parties appear to recognize the one-sided nature of this proposed 3 

adjustment? 4 

A. Yes.  The ICNU testimony explains that there is no extrinsic value for coal or hydro 5 

generation because these resources offer “no expected savings” (ICNU/103, 6 

Falkenberg/8).  These low-variable cost resources expose PGE to significant risk that 7 

the assumed cost of service will be less than the actual cost of service.  High-variable 8 

cost resources expose customers to the flip-side: that the actual cost of service will 9 

be less than the assumed cost of service.  The parties propose an adjustment only to 10 

further lower customers’ risk, but do not propose an adjustment for the other risks 11 

that PGE bears. 12 

  Less directly, Staff does indicate agreement that many of the variables affecting 13 

NVPC correlate with each other.  Staff explains: 14 

 It is likely that some level of correlation exists, for example, between 
loads and power prices, between hydro conditions and power prices, and 
between gas prices and power prices.  By not capturing these correlations 
between variables, Monet is not accurately portraying the real world of 
power operations.  (Staff/200, Wordley/5). 

 
  We agree that one could estimate extrinsic value only, if at all, by evaluating the 15 

complete picture of all of PGE’s resources and the relationships that they have to 16 

market variables (gas and electricity prices) as well as the interaction of those 17 

variables with PGE loads.  As we explained in Section III, however, such an attempt 18 

would be fraught with difficulty and unlikely to produce a “better” test year NVPC 19 
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forecast than we presently use, in the sense that it would be closer to the following 1 

period’s actual NVPC. 2 

Q. Can you provide a simple example that demonstrates how evaluating the 3 

extrinsic value of a thermal resource in isolation of other effects can produce 4 

misleading results? 5 

A. Yes.  We start with the following assumptions about a forecast for the test period 6 

used to set rates:   7 

 Average Retail Tariff Rate   7.85 cents/kwh 
 Expected Beaver January Output   0 
 Beaver Capacity    500 MW 
 Beaver Heat Rate    9.500 mmbtu/MWh 
 Expected January Sumas Gas Price  $9.80/mmbtu 
 Expected January Market Clearing HR  7.500 mmbtu/MWh 
 

Q. Are these assumptions realistic? 8 

A. Yes.  PGE’s average retail rate is between 7.5 and 8.0 cents/kWh.  Our initial filing 9 

in this docket included parameters very similar to those assumed in the example. 10 

Q. Please continue with your example. 11 

A. Assume that in January the region experiences a 48-hour storm which results in the 12 

following actual parameters during this period: 13 

 Length of Storm   48 hours 
 Energy Demand Above Forecast  24,000 MWh (500 aMW * 48 hours) 
 Avg Sumas Spot Price   $12.00/mmbtu 
 Avg Mid-C Spot Price   $144.00/MWh 
 Avg. Market Clearing HR  12.000 mmbtu/MWh 

 
  Because Beaver is more efficient that the average market clearing heat rate (9.5 14 

vs 12.0 market clearing rate), PGE operates Beaver at capacity (500 MW) during the 15 

storm and meets all of the additional demand placed on the system due to the storm.   16 

Q. Isn’t this an example of an event which would create the extrinsic value for 17 

Beaver that Staff and other parties discussed in their testimony? 18 
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A. Yes.  The forecast used to set rates assumed that Beaver would produce no output 1 

and circumstances actually resulted in the plant producing energy that has value.  2 

This additional value (in $000) can be calculated as follows:3 3 

 Value of Beaver Generation $3,456  (500 MW*48 hours*$144.00/MWh) 
 Cost of Beaver Generation  $2,736 (500 MW*48hours*9.50mmbtu/MW*12.00/mmbtu)  
 Beaver Margin    $720 Extrinsic Value 
 
  Thus, Beaver produces margins of about $0.72 million that were not reflected in 4 

rates.   5 

Q. Doesn’t this mean that the storm has resulted in PGE earning $0.72 million 6 

more than presumed in rates? 7 

A. No.  The margin represents the amount by which the operation of Beaver reduced 8 

PGE’s costs relative to a circumstance in which PGE would have met the additional 9 

load through market purchases.  Alternatively stated, it is the additional margins that 10 

would have been earned if PGE sold the output to customers at market based rates 11 

rather than cost of service tariff rates.  The impact of the storm on PGE’s financial 12 

results can be calculated as follows:  13 

 Additional Retail Revenue  $1,884 (500 MW * 48 hours * 7.85 cents/kWh) 
 Additional Fuel Costs  $2,736 (From Above) 
 PGE Gross Margin  $(852) Loss 
 
  Thus, when viewed through an inappropriately narrow lens, the plants have 14 

produced value.  However, a more complete view results in a different conclusion.  15 

Stochastic modeling of PGE’s power costs must take this broad perspective or it runs 16 

the risk of developing erroneous conclusions. 17 

Q. Have you prepared an Exhibit that includes your example calculations? 18 

A. Yes.  These calculations are in PGE Exhibit 1905. 19 
                                                 
3 For simplicity, we ignore gas transportation, variable O&M, and Beaver’s ramping constraints.  In reality, 
all of these costs would reduce extrinsic value. 
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Q. The example focused on Beaver’s ability to reduce costs.  Is this the only 1 

purpose of capacity resources? 2 

A. No.  The most important purpose of capacity resources is to meet the obligation to 3 

serve customer loads under all conditions.  We discuss the role of capacity resources 4 

in more detail at the end of this part of our testimony. 5 

Q. Have you evaluated the specific extrinsic value calculations Staff and ICNU 6 

make? 7 

A. Yes. 8 

Q. Please summarize Staff’s calculations. 9 

A. Staff recommends extrinsic value adjustments for five of PGE’s resources: 10 

Super-Peak Capacity Contract; Morgan-Stanley Tolling Agreement; Beaver; Coyote; 11 

Dispatchable Stand-By Generators.  Staff discusses three alternatives, which would 12 

result in the following overall extrinsic value adjustments: 13 

• Alternative 1:  $13.991 million 14 

• Alternative 2:  $12.353 million 15 

• Alternative 3:  $5.759 million (Staff/200, Wordley/12).   16 

  All three alternatives include the same recommendations for the Super-Peak 17 

Contract, the Morgan-Stanley Tolling Agreement, and PGE’s dispatchable stand-by 18 

generators.  Specifically, Staff recommends the following extrinsic value 19 

adjustments for these resources: 20 

• Super-Peak Contract:   $1.304 million 21 

• Morgan-Stanley Tolling Agreement: $0.125 million 22 

• Dispatchable Stand-By Generators: $0.188 million 23 
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Q. What is the basis of Staff’s adjustment to the Super-Peak Contract? 1 

A. Staff made its calculation on information included in PGE’s confidential response to 2 

Staff Data Request No. 040 in LC 33, PGE’s most recent Integrated Resource 3 

Planning (IRP) docket.  That response included the modeling results PGE used to 4 

evaluate capacity bids in our 2003 Request for Proposals (RFP).  This modeling 5 

included a per MWh measure of extrinsic value, which Staff then used to calculate 6 

its annual adjustment in this docket.  Specifically, the adjustment of approximately 7 

$1.3 million is the product of the number of hours in a contract season (December, 8 

January, and February), the size of the contract (100 MW), and the per MWh 9 

measure of extrinsic value. 10 

Q. Do you agree with Staff’s analytical approach? 11 

A. No.  Staff’s approach has two significant shortcomings.  First, PGE used the RFP 12 

modeling to rank competing bids, not to make revenue requirement forecasts.  The 13 

RFP analysis focused on relative, rather than absolute, scores.  Staff makes the error 14 

of using the Super-Peak extrinsic value score as a forecast.  It was not a forecast.  15 

Second, Staff does not use more recent information.  In its direct testimony, ICNU 16 

states that the Super-Peak contract has only dispatched 12 hours (during its first 17 

winter contract season) (ICNU/103, Falkenberg/19).  Using this information, Staff’s 18 

recommendation is only consistent with per-MWh margins greater than $1000 19 

during the hours of contract dispatch (100 MW x 12 hours x $1080/MWh = $1.3 20 

million).  Margins were never close to $1000 per MWh during the first winter 21 

season, nor are they expected to be so during January, November, and December of 22 
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the 2007 test year.  In addition, we do not know of any forecast for any year that 1 

suggests $1,000/MWh margins.   2 

Q. What is the basis of Staff’s adjustments for the Morgan-Stanley Tolling 3 

Agreement and PGE’s Dispatchable Stand-By Generators?   4 

A. Staff calculates these adjustments by multiplying the size of the resource, the number 5 

of hours it is available but not shown as dispatching in a particular MONET test year 6 

NVPC forecast (and an assumed capacity factor for the Stand-By Generators), and 7 

per MWh extrinsic or option value figures.   8 

Q. Do you agree with this approach? 9 

A. No.  The per MWh extrinsic value figures are roughly extrapolated from the RFP 10 

modeling results for the Cold-Snap, Super-Peak, and two other short-listed capacity 11 

contracts.  Thus, these figures suffer from the problems we discussed in the context 12 

of the Super-Peak Contract above, as well as the fact that they are the product of an 13 

additional extrapolation step.  In addition, the Dispatchable Stand-By Generators are 14 

generally limited by contract to 400 hours per year, which is less than the availability 15 

assumed in Staff’s analysis.  16 

Q. What is the basis of Staff’s adjustments for Beaver and Coyote? 17 

A. Staff’s preferred approach (Alternative II) starts with the differences between the 18 

hours these plants ran in 2001 and the hours they are dispatched by MONET in the 19 

2007 test year.  The plants ran more in 2001 than they are forecasted to run in 2007.  20 

Specifically, the differences between Staff’s 2001 historical figures and the 2007 21 

figures forecasted by the MONET run submitted in PGE’s March filing are 378 22 
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MWa for Beaver and 117 MWa for Coyote.  Staff provides no basis for using 2001, 1 

in the middle of the West Coast energy crisis, as its base for its calculation. 2 

  Staff multiplies these hours (converted to MWh) by a per MWh extrinsic value 3 

figure that Staff derived by averaging the RFP extrinsic value measures for the 4 

Cold-Snap and Super-Peak Contracts, $3/MWh.  Staff adds $1/MWh for Coyote, and 5 

subtracts $1/MWh for Beaver, because Coyote’s heat rate is lower.  The resulting 6 

adjustments are then $4.1 million and $6.6 million for Coyote and Beaver 7 

respectively.  8 

Q. Is it analytically sound to extrapolate the RFP extrinsic value figure for 9 

application to Coyote and Beaver? 10 

A. No.  Staff uses a “base” per MWh figure taken from the RFP evaluation process for 11 

the Super-Peak Contract.  For purposes of ranking RFP capacity bids, PGE evaluated 12 

the Super-Peak Contract over the winter period in which it is in effect.  This type of 13 

analysis would yield a significantly lower result if it were applied to a contract in 14 

effect for the entire year, because the contract has more value per hour in the winter 15 

period than the average value per hour across an entire year.  Staff uses a “proxy 16 

base” from the winter only Super-Peak Contract, even though Coyote and Beaver are 17 

available across the entire year. 18 

Q. Does Staff offer alternative approaches? 19 

A. Yes; however, these are only based on different assumptions regarding the hours 20 

Beaver and Coyote supposedly are available to produce “extrinsic value.”  Under 21 

Alternative I, Staff bases the adjustments on the hours these plants are available, but 22 

not dispatched, by MONET in the 2007 test year – 445 MWa for Beaver and 131 23 
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MWa for Coyote.  Alternative I is incomplete, in that it does not consider planned 1 

maintenance outages.  Under Alternative III, Staff bases the adjustments on the 2 

differences between the average hours these plants ran during the last 10 years and 3 

the hours they are dispatched by MONET in the 2007 test year – 136 MWa for 4 

Beaver and 50 MWa for Coyote. 5 

  These alternative assumptions change Staff’s results significantly.  Alternative I 6 

results in adjustments of $4.6 million and $7.8 million for Coyote and Beaver, 7 

respectively, whereas under Alternative III these adjustments are $1.8 million and 8 

$2.4 million.  Total adjustments for Coyote and Beaver under the three alternatives 9 

are then:   10 

• Alternative I:  $12.4 million   11 

• Alternative II:  $10.7 million 12 

• Alternative III:  $  4.2 million 13 

Q. Please summarize ICNU’s extrinsic value calculations. 14 

A. ICNU calculates extrinsic value for only the Beaver, Coyote, and Port Westward 15 

plants, and for the Super-Peak and Cold-Snap Contracts.  These adjustments sum to 16 

approximately $14.5 million, $11.4 million for the PGE-owned plants and $3.1 17 

million for the contracts.  18 

  For the plants, ICNU witness Falkenberg explains that he “used historical 19 

spreads for Mid-Columbia market electric and gas prices based on Intercontinental 20 

Exchange (ICE) day-ahead prices for the period June 2002 to June 2006.  Spreads 21 

are computed for each resource using its specific heat rate.  From these data, we 22 

developed monthly adjusted spread distributions taking the mean value of the spread 23 
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from the gas and power prices used in Monet.  We then computed the probability 1 

(and savings) from off-loading units as well as from making additional sales” 2 

(ICNU/103, Falkenberg/8). 3 

Q. Did ICNU correctly apply this approach? 4 

A. No.  The ICNU witness incorrectly applied the analytical framework he constructed 5 

and failed to include planned and forced outages. 6 

Q. Have you performed an analysis to correctly implement ICNU’s approach? 7 

A. Yes.  PGE Exhibit 1906-C includes this analysis.  A comparison of the results listed 8 

on Table 1 of ICNU/103 and the corrected results of the same approach are as 9 

follows (figures are $): 10 

               
Table 2 

Summary of ICNU Table 1 Extrinsic Value   
          
   HLH  LLH  Total   
Coyote  2,234,872  1,754,327  3,989,199   
Beaver 1-7  1,447,624  72,118  1,519,742   
Port W  2,956,964  2,932,330   5,889,295   
Total  6,639,460  4,758,775  11,398,236   
               
        
               

Table 3 
Summary of Corrected Extrinsic Value 

          
   HLH  LLH  Total   
Coyote  606,230  494,483  1,100,713   
Beaver 1-7  311,197  10,813  322,010   
Port W  1,008,325  488,341   1,483,906   
Total  1,925,753  993,636  2,906,629   
               
        

  ICNU claims $11.4 million as an extrinsic value that should reduce PGE’s test 11 

year forecast of NVPC.  However, correct application of ICNU’s methodology leads 12 

to a much smaller number: $2.9 million. 13 
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Q. Has PGE prepared an exhibit that explains ICNU’s incorrect application of its 1 

basic framework? 2 

A. Yes.  PGE Exhibit 1907 provides two examples that demonstrate the errors in 3 

ICNU’s application of its approach – one for cases in which spreads based on 4 

monthly forward curves are positive, and one for cases in which these spreads are 5 

negative.   6 

Q. What is the major conceptual problem with ICNU’s approach? 7 

A. ICNU implicitly assumes that MONET simply uses monthly on- and off-peak 8 

spreads from the forward curves, i.e., that MONET does not incorporate variation in 9 

spreads across the hours of a given monthly on- or off-peak period.  This is incorrect. 10 

Q. How does MONET reflect hourly price variability? 11 

A. The MONET modeling uses historical hourly price information.  To develop hourly 12 

prices, we begin with typical price profiles for winter, summer, and off-season, for 13 

weekdays, Saturdays, and Sundays.  Because we model on-peak prices as 14 

independent from off-peak prices in a given month, we review price transitions from 15 

on-peak to off-peak hours to make sure they are appropriate.  We also examine 16 

hourly prices for a typical weekday, Saturday, and Sunday for each month in the 17 

forecast period to make sure the prices are consistent between hours (e.g., Sunday 18 

prices lower than Saturday prices on-peak, for example).   19 

Q. What is one way to identify this conceptual problem in ICNU’s approach? 20 

A. One way to identify the problem is to compare the overall dispatch value of Coyote, 21 

Beaver, and Port Westward credited to customers in the MONET run ICNU uses in 22 

its analysis and the overall margins implied by ICNU’s approach, after the 23 
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corrections discussed above.  The former is available from the MONET hourly 1 

diagnostic report, and the latter is calculated in PGE Exhibit 1908-C.  Variable gas 2 

transportation and O&M costs are both handled in such a way as to make the two 3 

figures comparable.  PGE Exhibit 1908-C then compares the two results. 4 

Q. What are the summary results from PGE Exhibit 1908-C? 5 

A. Summary results (figures are $): 6 

Table 4 
Value of Coyote, Beaver, and PW Under ICNU Methodology 

      
 Coyote Beaver PW  Total  

Base Margins: 
 

6,150,054 0 10,470,268  16,620,321 
Extrinsic Value: 1,100,713 322,010 1,483,906  2,906,629 
Total Value:  7,250,766 322,010 11,954,174  19,526,950 
      
      

Table 5 
Value of Coyote, Beaver, and PW in March MONET Run 

      
 Coyote Beaver PW  Total 

Value of Output: 65,816,608 0         92,330,450  158,147,058 
Cost of Output: 59,700,135 0 79,733,219  139,433,354 
Net Value: 6,116,473 0 12,597,231  18,713,703 
    
    

  The MONET run credits customers with $18.7 million for the test year (with 7 

Port Westward available from March through December) and ICNU’s methodology 8 

implies credits to customers of $19.5 million.  This suggests that MONET already 9 

credits customers with most of the “extrinsic value” calculated with ICNU’s 10 

approach.   11 

Q. Does MONET include constraints that ICNU’s analysis does not which decrease 12 

the ability to dispatch or stop dispatching PGE’s gas-fired plants? 13 
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A. Yes.  MONET includes ramping constraints and minimum “up” times for these 1 

plants.  This decreases MONET’s ability to take advantage of a theoretical ability to 2 

turn these plants on or off hour-to-hour, and is more consistent with actual 3 

possibilities for plant operation.  Thus, even the $0.8 million of additional value in 4 

ICNU’s approach compared with MONET is subject to doubt because it reflects 5 

unrealistic, physically impossible, operational flexibility.   6 

Q. What are some overall limits on the modeling results discussed above? 7 

A. All of the results are based on particular data sets and modeling approaches.  For 8 

example, ICNU bases its analysis on June 2002 to June 2006 ICE data and a 9 

MONET run using February 23, 2006 forward gas and electric curves.  Changes in 10 

data sets, as well as changes in modeling approaches, lead to large changes in results.  11 

Q. What is the basis for ICNU’s Super-Peak and Cold-Snap Contract-related 12 

adjustments? 13 

A. Rather than extrapolate from PGE’s RFP analysis as Staff did, ICNU performed its 14 

own extrinsic value analyses of the Super-Peak and Cold-Snap Contracts.  These 15 

analyses indicated no extrinsic value for either contract.  Disregarding this, ICNU 16 

then relies on PGE’s RFP evaluation figure to calculate a $1.4 million adjustment for 17 

the Super-Peak contract reasoning that, because PGE performed this analysis, our 18 

“decision to sign the Super Peak contract was largely based on consideration of 19 

extrinsic value” (ICNU/103, Falkenberg/10).  Because PGE’s RFP evaluation of the 20 

Cold-Snap Contract included an extrinsic value measure of zero, ICNU recommends 21 

that the Commission exclude the entire fixed cost of this capacity contract, 22 

approximately $1.7 million, because “absent consideration of extrinsic value, these 23 
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contracts add nothing but a ‘dead weight’ cost, with no offsetting benefits for 1 

ratepayers” (ICNU/103, Falkenberg/19). 2 

Q. Do you agree with these forecast adjustments? 3 

A. No, for two reasons.  First, ICNU selectively uses its own calculations.  ICNU’s own 4 

extrinsic value calculation for the Super-Peak Contract is zero, but the ICNU witness 5 

nonetheless recommends reducing test year NVPC by approximately $1.4 million.  6 

ICNU uses its own extrinsic value calculations for PGE’s owned gas-fired resources, 7 

however.   8 

  Second, ICNU appears to suggest that a utility providing on-demand retail 9 

electric service does not require capacity resources.  The Super-Peak and Cold-Snap 10 

contracts are part of PGE’s Commission-acknowledged 2002 IRP Final Action Plan 11 

(Order No. 04-375).  We selected these capacity resources through PGE’s 2003 RFP 12 

process.  These resources are necessary to meet extreme situations of short duration.  13 

PGE did not, and does not, expect them to dispatch frequently.  PGE explained the 14 

purpose of capacity resources and of the Super-Peak and Cold-Snap Contracts in 15 

particular, in its responses to ICNU Data Request Nos. 125 and 126.  The non-16 

confidential portions of these responses are included as Exhibit 1909.  ICNU implies 17 

that the Super-Peak and Cold-Snap Contracts are somehow “excess,” or not needed, 18 

and therefore their fixed costs should not be included in customer rates.  PGE’s 19 

responses to ICNU Data Request Nos. 158-161 make clear that during the July 21-20 

24, 2006, period, PGE did not have excess capacity resources.  In particular, PGE’s 21 

responses to ICNU Data Request Nos. 160-161 demonstrate that PGE has the 22 

appropriate quantity of summer capacity resources.  These responses are included as 23 
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Exhibit 1910.  PGE’s capacity needs are approximately 450 MW greater in the 1 

winter than in the summer.  The sizes of PGE’s winter capacity resources, the Super-2 

Peak and Cold-Snap Contracts, sum to 400 MW, and roughly fill the winter-summer 3 

capacity differential.   4 

Q. Does CUB also appear to believe that a utility providing on-demand retail 5 

electric service may not have capacity resources? 6 

A. Yes.  CUB states that: “Only non-normalized events dispatch these capacity 7 

contracts.  Non-normalized costs and benefits are the utility’s to absorb.”  CUB also 8 

argues that the capacity resources only “generate sales revenue for the benefit of the 9 

Company.”  We disagree with this position for the same reasons we explained above.  10 

Moreover, CUB’s statements imply that the Super-Peak and Cold-Snap Contracts 11 

dispatch frequently, to the benefit of shareholders.  As mentioned above, the 12 

Cold-Snap Contract has never dispatched and the Super-Peak Contract has 13 

dispatched only 12 hours to date.  Finally, CUB confuses revenues with margins.  14 

Any “gains” made by the contracts would be the difference between revenues and 15 

costs, not simply revenues. 16 

 
B. Forced Outage Rates 

Q. What summary conclusions do you reach in this Part of your testimony? 17 

A. Our discussion in this Part of the testimony supports the following conclusions: 18 

• PGE’s overall plant performances compare favorably with national 19 

averages, as demonstrated by NERC effective availability factor (EAF) 20 

data.  While the NERC data are useful for general comparisons, they are 21 

not appropriate for ratemaking. 22 
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• Other parties’ recommendations, such as the exclusion of Colstrip’s forced 1 

outage rate for a single year, are opportunistic and simply aimed at 2 

lowering the test year NVPC forecast. 3 

• The Commission should consider all potential ramifications of any change 4 

in policy on the treatment of outages in ratemaking. 5 

Q. Do PGE’s plants perform at acceptable levels? 6 

A. Yes.  Several parties have suggested our plants perform at unacceptable levels.  They 7 

show this through selective use of NERC data.  A look at NERC’s Equivalent 8 

Availability Factor (EAF) does not support parties’ conclusions. 9 

Q. What is the NERC EAF, and how do PGE’s plants compare? 10 

A. EAF is essentially the total hours a unit is available (less any deratings) divided by 11 

the total period hours.  The EAF takes into consideration both forced and 12 

maintenance outages.   13 

  ICNU and Staff use NERC forced outage rates for comparison of PGE’s coal 14 

units with a national average.  A more reasonable comparison examines the EAF as 15 

there may be issues with reporting NERC data, as we discuss further below.  Using 16 

the same NERC data and peer groups as ICNU and Staff, it is obvious that PGE’s 17 

plants perform at reasonable levels.  Table 6 below compares the NERC EAF data 18 

with actual plant performance.  The comparison below demonstrates that while Staff 19 

and ICNU claim that PGE’s plants show slightly higher forced outage rates, these are 20 

offset by lower planned maintenance outages. 21 
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Table 6 
EAF Comparisons 

      
Coal Plants 400-599MW Four-Year Average 2004 2003 2002 2001 
Boardman EAF 83.83% 70.98% 88.20% 84.83% 91.32% 
NERC EAF 83.74% 84.89% 84.17% 83.12% 82.77% 
      
Coal Plants 600-799MW Four-Year Average 2004 2003 2002 2001 
Colstrip EAF 84.14% 92.48% 83.33% 83.80% 76.95% 
NERC EAF 84.16% 83.62% 85.74% 84.06% 83.20% 
      

Q. Why is it inappropriate to compare NERC and PGE plant EAFs based on a 1 

single year? 2 

A. For any individual year, the EAF of a single plant could reflect one-time events, such 3 

as a major upgrade that requires an extensive maintenance outage.  Evaluating EAFs 4 

over a multiple-year period helps smooth such one-time events.  5 

Q. What is the basis for the plant forced outage rates assumed in PGE’s 2007 test 6 

year NVPC forecast? 7 

A. The MONET forecast of test year NVPC assumes plant forced outages based on 8 

four-year rolling averages for each specific thermal plant.  For the 2007 test year, 9 

this is the weighted average of outages during the years 2002, 2003, 2004, and 2005.  10 

The methodology uses a July 31, 1984, OPUC Staff Memorandum (Staff/102, 11 

Galbraith/1-21).  It is relatively straightforward to implement, and parties have more 12 

than 20 years of experience working with it. 13 

Q. Did PGE include the entire time that Boardman experienced a forced outage in 14 

2005 in this average? 15 

A. Yes, we did.  As all are well aware, however, PGE has requested a deferral of the 16 

replacement power costs we incurred for a part of this time: the days from November 17 
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18 to December 31.  We explained in Docket No. 1234 that we are willing either to 1 

include these outage days in the rolling four-year average or to have the Commission 2 

address them in the deferral docket (UM 1234 PGE/100 Lesh/6-7 l. 21-8).  We are 3 

not seeking both. 4 

Q. Does Staff have a recommendation for Colstrip’s forced outage rate if test year 5 

NVPC forecasting continues to use the traditional four-year rolling average 6 

methodology? 7 

A. Yes.  Staff recommends that the calculation of Colstrip’s four-year average not 8 

include data from 2002 because “Colstrip is impacted by particularly poor unit 9 

performance in 2002” and “this methodology inappropriately gives too much weight 10 

to this extreme outage event” (Staff/100, Galbraith/13). 11 

Q. Do you agree with Staff’s recommendation? 12 

A. No.  PGE has included Colstrip’s 2002 performance in three prior test year 13 

forecasting proceedings: the 2004, 2005, and 2006 RVM dockets.  Neither Staff, nor 14 

any other party, recommended this adjustment.  Nothing about the 2002 data has 15 

changed and Staff offers no reason for its change in position.   16 

Q. Have parties previously suggested such an adjustment for Pacificorp’s portion 17 

of Colstrip? 18 

A. We are unaware of any such recommendations.  We have reviewed the Staff, ICNU, 19 

and CUB testimony presented in UE 179, as well as the stipulation, and find no such 20 

suggestion.  Further, in ICNU’s response to PGE Data Request No. 015, included as 21 

Exhibit 1911, they state:  “ICNU did not make a specific recommendation regarding 22 

Colstrip’s forced outage rate in UE 179.” 23 



UE 180 – UE 181 – UE 184 / PGE / 1900 
Tinker – Schue – Drennan / 41 

 

UE 180 – UE 181 – UE 184 RATE CASE – REBUTTAL TESTIMONY 

Q. Do the parties suggest that the Commission depart from the methodology it has 1 

used for forecasting test year NVPC since 1984? 2 

A. Yes, Staff and ICNU do.  Staff suggests an alternative approach only for PGE’s coal 3 

generating plants: Colstrip and Boardman.  ICNU adds Coyote Springs to this list.  4 

All of PGE’s remaining generating facilities would continue under the old 5 

methodology.  Staff recommends that the Commission use North American Electric 6 

Reliability Council (NERC) “peer” group averages to forecast forced outage rates, 7 

with the peers based on plants of comparable size and fuel type (Staff/100, 8 

Galbraith/11-14).  Staff explains that “the average annual performance of a peer 9 

group of units [will] be less volatile than the performance of an individual unit” 10 

(Staff/100, Galbraith/10).  ICNU recommends use of these same data, but handled 11 

“stochastically” (ICNU/103, Falkenberg/2).  ICNU’s reasoning is that “[u]se of the 12 

four-year average has a possible unintended consequence of making utilities less 13 

sensitive to plant reliability, as it provides additional revenues when reliability is bad 14 

and reduces revenues when reliability is good” (ICNU/103, Falkenberg/2). 15 

Q. Does Staff provide any demonstration that basing forecasted forced outage 16 

rates for Colstrip and Boardman on the NERC data will be less volatile than 17 

using the four-year average methodology? 18 

A. No. 19 

Q. Does ICNU provide any evidence in support of the “possible unintended 20 

consequence” of lowered utility concern about plant reliability? 21 

A. No.  Moreover, ICNU apparently does not realize that a forced outage lowers net 22 

income in the year it occurs, as the utility replaces the power at prevailing market 23 
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prices.  While inclusion of outages in test year assumptions for four years after 1 

occurrence may provide an opportunity to recover some losses, full cost recovery is 2 

far from certain.  The utility also typically incurs higher O&M costs, working to 3 

repair whatever has caused the outage.   4 

Q. Does ICNU offer any examples of utilities showing lower concern for plant 5 

reliability because their prices reflect, one way or another, historical forced 6 

outage rates they experience for their generating plants? 7 

A. No. 8 

Q. Do either Staff or ICNU make any demonstration that using NERC data, 9 

stochastically or not, will produce test year forced outage rate assumptions that 10 

are more accurate than the rolling four-year average methodology? 11 

A. No.  They provide no such demonstration either for 2007 or for any particular series 12 

of years.  13 

Q. Is there a clear best way to select peer groups from within the NERC data? 14 

A. No.  There are many ways to parse the NERC data, not simply by size and fuel type.   15 

Q. How do Staff and ICNU select peer groups? 16 

A. They both use NERC data that is classified only by size of plant and fuel type, e.g., 17 

600-799 MW and coal for Colstrip.   18 

Q. Does NERC recommend using data in this way? 19 

A. No.  NERC itself offers a benchmarking service, and in its material criticizes the 20 

approach Staff and ICNU chose.  PGE Exhibit 1912 is a copy of NERC material on 21 

its benchmarking service.  It states that  22 

 “many benchmarking programs have assumed that for fossil steam units, 
fuel type and size ranges are the proper selection criteria.  We have 
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found from our extensive benchmarking studies that fuel types and 
especially the arbitrary size ranges (100-199 MW, 200-299 MW, etc.) 
are relatively much less statistically significant than other design and 
operational characteristics such as criticality, duty cycle, vintage, 
pressurized/balanced draft, etc.  Because each individual unit is unique, 
our process ensures that the optimal peer group is selected; balancing the 
need for similarity in design and operations with the need for a large 
enough sample size for statistical validity.  Without this objective 
analysis to find the optimal peer select criteria any conclusions drawn 
from the comparisons could very well be invalid and misleading.”   

 
  Ironically, Staff cites this document (Staff/100, Gaalbraith/18, footnote 5) but 1 

disregards NERC’s advice in choosing peer groups. 2 

Q. Are there other potential issues with the use of NERC data? 3 

A. Yes.  Utilities report to NERC voluntarily; nothing requires this reporting.  Also, 4 

data reporting may not be consistent across all utilities.  For example, one plant’s 5 

forced outage may be another plant’s maintenance outage.   6 

Q. Did Staff recognize this potential issue? 7 

A. Yes.  Staff recognized this (Staff/100, Galbraith /11-12) and suggests adjusting 8 

NERC forced outage rates.   9 

Q. Please explain. 10 

A. PGE adjusts forced outages as reported by the individual generating plants to 11 

included forced maintenance outages.  That is, the plant may report an outage as a 12 

maintenance outage if the plant was able to delay the outage for a short period of 13 

time.  However this outage is properly classified as a forced outage, and reflected as 14 

such in our RVM filings.   15 

  Staff’s solution to the forced/maintenance outage issue with NERC data is to 16 

apply an adjustment equal to the percentage difference between PGE’s forced outage 17 

rate as reported by the plant and that used for RVM filings.  This adjustment is 7.26 18 
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percent and 7.69 percent for Boardman and Colstrip respectively.  The major 1 

problem with Staff’s solution is the reliance on the untested assumption that other 2 

utilities have the same correlation between forced outages and forced maintenance 3 

outages as reported to NERC. 4 

Q. Has Staff used NERC data in the past? 5 

A. Yes.  In the 1984 memo NERC data was incorporated only when there was 6 

insufficient plant data.  Further, the analysis focused on vintage, in addition to 7 

capacity and fuel type.   8 

Q. Do you agree with ICNU’s assertion that the NERC data provide an “objective, 9 

verifiable means of estimating power costs?” (ICNU/103, Falkenberg/15). 10 

A. No.  As we noted above, reporting is voluntary and even Staff recognizes that 11 

reporting utilities may not do so using consistent definitions.  While NERC data may 12 

be fine for general comparisons, it is not appropriate for ratemaking purposes.  13 

Q. What adjustments to 2007 test year forecasted NVPC do Staff and ICNU 14 

propose based on this change in methodology? 15 

A. Staff recommends reducing PGE’s 2007 test year forecasted NVPC by $12.847 16 

million.  ICNU recommends a reduction of $7.175 million. 17 

Q. Could you verify the calculations ICNU made to produce the suggested 18 

reduction to the 2007 test year NVPC forecast? 19 

A. No.  The capacities of Boardman and Colstrip shown in ICNU’s analysis were 20 

incorrect, listed as 383 and 294.8 when actual capacities are 380.25 and 293.6 21 

respectively for the 2007 test year.  Also, we could not verify the NERC forced 22 
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outage rates that ICNU listed for Coyote.  Table 7 below shows the NERC values for 1 

all Combined Cycle plants – a copy of the NERC data is included as Exhibit 1913.   2 

 
Table 7 

NERC vs ICNU Forced Outage Comparison 
Combined Cycle - all MW Sizes 

 
 2003 2002 2001 2000 1999 
ICNU 4.55% 3.38% 2.65% 2.51% 4.33% 
NERC 4.55% 3.47% 3.27% 3.62% 5.20% 

 
  After correcting these errors, ICNU’s adjustment falls $1.5 million from $7.175 3 

million to $5.673 million.   4 

Q. Are there other issues with ICNU’s outage adjustments? 5 

A. Yes.  For their outboard adjustment ICNU used NERC EAF distribution data for 6 

both Boardman and Colstrip (ICNU/103, Falkenberg/14-17) .   7 

  Although ICNU’s adjustment lowers PGE’s cost recovery in the current 8 

situation, this would not be true under certain assumptions.  In fact, ICNU’s 9 

adjustment methodology indicates premium payments by customers to PGE when 10 

PGE’s EAF exceeds the NERC average.   11 

  Further, ICNU’s adjustment methodology could disincent plant upgrades.  Any 12 

plant upgrade requiring the shutdown of the plant will lower the plant’s EAF.  This 13 

in turn leads to a penalty for the utility as the EAF may fall below a national average.  14 

Q. Do you agree with Staff’s and ICNU’s recommended methodology change from 15 

the four-year rolling average to NERC data, the reasons offered, or the 16 

proposed reductions to the 2007 test year NVPC forecast? 17 

A. No.  The recommendation and proposed reductions appear opportunistic and the 18 

reasons are unsupported by anything other than opinion.  Further, they fail to provide 19 
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a compelling rationale for changing an approach the Commission has used for more 1 

than twenty years. 2 

 
C. Ancillary Services 

Q. Does Staff propose to reduce PGE’s 2007 test year NVPC forecast for revenues 3 

it assumes PGE can earn by selling ancillary services? 4 

A. Yes.  PGE began selling these services to the California ISO in June 2005.  Staff 5 

proposes to assume that, on an ongoing basis, PGE can earn $1.65 million in revenue 6 

for these services, calculating the annual amount by extrapolation from the amount 7 

PGE had earned through April 2006.   8 

Q. Are there problems with Staff’s adjustment? 9 

A. Yes.  As PGE noted in its response to Staff Data Request No. 307, “there is 10 

considerable risk around making a revenue projection for the test year.”  This is 11 

because we have limited experience to date and revenues have varied substantially 12 

from month to month, from less than $5,000 to more than $400,000.  In addition, 13 

sales of ancillary services hinder the ability of PGE to optimally dispatch hydro 14 

resources, effectively shifting hydro production from peak to off-peak periods. 15 

Q. Would Staff’s proposal need adjustment to be consistent with more recent data? 16 

A. Yes.  Staff based its proposal on PGE’s response to Staff Data Request No. 307, 17 

which included revenue data through April 2006.  It did not include revenue data for 18 

more recent months, and it did not include associated costs, namely grid 19 

management charges imposed by the California ISO impose.  Net sales revenues for 20 

the 12-month period ending July 2006 were $1.38 million.   21 

Q. What do you conclude from the data? 22 
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A. During our limited experience these net revenues have varied considerably.  The 1 

correct approach to handle this uncertainty would be through a comprehensive 2 

variance tariff, such as the one proposed by PGE in Exhibit 400. 3 

 
D. Coal Losses 

Q. Does Staff contest the increase to the test year NVPC forecast that PGE 4 

recommended based on coal losses in transit? 5 

A. Yes.  Staff recommends that the Commission not accept this forecast increase.   6 

Q. Did PGE update its study with more recent data? 7 

A. Yes. 8 

Q. What were the results of the update? 9 

A. More recent data indicate much lower coal losses. 10 

Q. Given the updated results, does PGE agree with Staff’s position? 11 

A. Yes.   12 

 
E. Reflecting Port Westward in NVPC Forecasts 

Q. When does PGE currently expect that Port Westward will begin commercial 13 

service? 14 

A. We expect the plant to come on-line on March 1, 2007. 15 

Q. How do you propose that the Commission reflect Port Westward in PGE’s cost 16 

of service rates given this on-line date? 17 

A. We propose that, when Port Westward enters service, the Commission add Port 18 

Westward’s fixed costs as determined in Docket No. UE 184 to the 2007 test year 19 

cost of service it will have already approved in Docket No. UE 180, and replace the 20 
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2007 test year NVPC forecast produced without Port Westward and included in the 1 

Docket No. UE 180 prices with the lower 2007 NVPC test year forecast produced 2 

with the plant shown available as of March 1, 2007.  We will produce both forecasts 3 

in November 2006, per the RVM schedule.  On November 2, 2006, PGE will make a 4 

filing that locks down all data inputs except forward price curves.  This will be 5 

followed by a final RVM filing on November 9, 2006.   6 

Q. What are CUB’s concerns about the interface between the 2007 test year NVPC 7 

forecast used for Docket UE 180 prices and the 2007 test year NVPC used for 8 

Docket UE 184 and effective with Port Westward’s commercial operation? 9 

A. CUB expresses concern that the Docket No. UE 180 2007 test year NVPC forecast 10 

has a “phantom open position” for the months of March through December because 11 

it shows market purchases for that period rather than Port Westward operation 12 

(CUB/100 Jenks-Brown/7-10).  Retail prices would not reflect the cost-of-service 13 

NVPC “benefit” of Port Westward until the plant begins commercial operation.  14 

CUB believes that this handling of the NVPC test year forecast might allow PGE to 15 

recover more than the forecasted NVPC, on an expected basis, or increase risk to 16 

customers.   17 

Q. Will PGE’s proposed method of handling Port Westward’s effects on NVPC 18 

allow PGE to recover more than expected, forecasted NVPC? 19 

A. No.  Work papers 191-193 to PGE Exhibit 200 demonstrate that PGE should recover 20 

(on a forecast basis, not an actual basis) exactly our 2007 forecasted NVPC power 21 

costs expected over the entire 12-month test year.  Our proposed method spreads the 22 

effects of the “phantom open position” over all twelve months of the test period, and 23 
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“concentrates” the NVPC benefits of Port Westward over the ten-month 1 

March-December period when Port Westward is expected to be in operation.  On a 2 

12-month basis, the NVPC benefits of Port Westward exactly compensate for the 3 

“phantom open position.”  Risk does not change.   4 

Q. Have you prepared a numerical example to demonstrate that PGE’s structure 5 

neither allows PGE to recover more than the 2007 test year forecasted NVPC, 6 

on an expected basis, nor increases risk for customers? 7 

A. Yes.  PGE Exhibit 1914 contains such an example.  This exhibit also includes a 8 

discussion of the results inherent in Work papers 191-193 of PGE Exhibit 200. 9 

Q. Does this structure result in large differences between January-February rates 10 

and those in March-December? 11 

A. No.  In PGE’s original filing in this docket, the January-February rates would be 12 

approximately 0.06 cents per kWh higher than March-December rates.  (This is 13 

equal to the annualized Port Westward dispatch benefits, divided by loads at the 14 

customer meter, i.e., $11,798,000 / 19,601,562 MWh = $0.60/MWh, or 0.06 cents 15 

per kWh.)  With respect to risk shifting between the January-February and 16 

March-December periods, a $1/MWh change in the electric forward curve would 17 

translate into a shift of approximately $230,000 in PGE’s original filing, i.e., 18 

collections would increase by that amount during the January-February period, but 19 

decrease by that amount during the March-December period.  (In the initial filing, 20 

Port Westward dispatches 158 MWa, or 1,384,080 MWh.  The January-February 21 

“phantom open position” is then approximately one sixth of this, or 230,000 MWh.  22 

Then a $/MWh change results in a shift of $230,000 between periods.)  PGE Exhibit 23 
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1914 discusses these potential shifts, which are very small in relation to overall net 1 

variable power costs of approximately $850 million. 2 

Q. Do you support CUB’s proposal (CUB/200 Jenks-Brown/9-10) to include Port 3 

Westward in the 2007 NVPC forecast that affects cost of service prices before 4 

Port Westward comes on line? 5 

A. No.  First, since Oregon law precludes including the cost of new system investments 6 

in rate base until these investments are “used and useful,” the dispatch benefits of 7 

such investments should not affect prices either.  Second, as a matter of regulatory 8 

policy, the Commission should not split the price effects of a new generating 9 

resource in this way.  It sends the wrong price signal to customers and requires that 10 

PGE assume the additional risk of a forecasted on-line date with respect to NVPC. 11 

Q. Does ICNU also criticize how PGE has included Port Westward in the 2007 12 

NVPC forecast? 13 

A. Yes.  ICNU is concerned that PGE has determined the annual NVPC reduction 14 

benefit associated with Port Westward incorrectly because we computed the ratio of 15 

the 10-month dispatch benefit to the 10-month load times the 12-month load but the 16 

dispatch benefit is not proportional to load (ICNU/103, Falkenberg/21-22).  ICNU 17 

believes that Port Westward dispatch benefits will generally be higher than their 18 

annual average during January and February and that PGE’s methodology overlooks 19 

this. 20 

Q. Is this criticism valid? 21 
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A. No.  PGE computed the Port Westward adjustment for rates that would be in effect 1 

only during the 10-month period from March through December of 2007.  January 2 

and February are not relevant. 3 

Q. Does a concern exist, however, with PGE’s methodology if the Commission does 4 

not approve the Annual Update Tariff or, by some other means, set cost of 5 

service prices based on a new NVPC forecast as of January 2008? 6 

A. Yes.  If rates were to be in effect beyond 2007, then power cost modeling would 7 

need to consider Port Westward’s dispatch in all months. 8 

Q. What would you recommend if this occurs? 9 

A. We recommend that the Commission have us produce a new MONET run that 10 

includes Port Westward through the entire year, replacing the MONET run used for 11 

the 2007 test year NVPC forecast.  This would pick up the January and February 12 

benefits directly. 13 

Q. Would ICNU’s suggested methodology also directly calculate the expected 14 

January and February Port Westward dispatch benefits? 15 

A. No.  ICNU recommends an outboard adjustment, which extrapolates Coyote results 16 

to Port Westward through a series of calculations.  In addition, ICNU uses the results 17 

of a Docket No. UE 181 RVM run to criticize PGE’s adjustment, which we prepared 18 

based on a Docket No. UE 180 (general rate case, or GRC) MONET run.  The RVM 19 

results are not the appropriate basis for an adjustment because the RVM does not 20 

include Port Westward at all, and the RVM and GRC runs are based on hourly power 21 

cost figures which differ by a 1.9% line loss factor, as discussed on Pages 53-54 of 22 
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PGE Exhibit 400.  Use of the higher power cost figures in the RVM run is a 1 

contributing factor to ICNU’s overstatement of Port Westward margins.   2 

 
F. Conclusion – Forecast Adjustments and Variance Tariff 

Q. Do you have a common observation on the three test year NVPC forecast 3 

reductions that parties propose (extrinsic value, forced outage rates and 4 

ancillary services)? 5 

A. Yes.  All three are examples of the uncertainty that permeates forecasting test year 6 

NVPC.  With respect to much of this forecast, we – collectively – simply do not 7 

know what will happen and so we make a series of assumptions.  The gap between 8 

these assumptions and reality is the risk both PGE and our customers share: that cost 9 

of service prices based on the NVPC forecast will be more or less than cost of 10 

service prices based on the actual costs.  Reducing the test year NVPC forecast by 11 

these assumed amounts, however, disproportionately affects PGE’s risk compared to 12 

customers.  All else being equal, lowering the forecast lowers customers’ risk: the 13 

probability of actual NVPC that are less than the forecast and the potential size of 14 

any such variance.  Conversely, lowering the forecasts increases PGE’s risk: the 15 

probability of actual NVPC that are higher than the forecast and the potential size of 16 

any such variance. 17 

Q. What do you believe is the best regulatory framework for addressing the 18 

uncertainty associated with extrinsic value and ancillary services? 19 

A. These two uncertainties reflect theoretical “value” residing within PGE’s resource 20 

portfolio that we may or may not be able to realize on an operational basis depending 21 

on numerous other variables not the least of which is the amount of electricity our 22 
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customers demand and when they demand it.  In other words, it is difficult to 1 

imagine PGE obtaining these benefits without experiencing other operating 2 

circumstances that cause actual NVPC to vary from forecasted NVPC.  In some 3 

years, we may receive none of this value.  In other years, we may achieve some but 4 

only because of circumstances that otherwise significantly increase our actual 5 

NVPC; that is, the benefits mitigate but do not eliminate the increase in NVPC.  6 

These are examples of the general principle that PGE’s exposure to higher NVPC 7 

than forecast is greater than its exposure to lesser NVPC than forecast.4  We believe 8 

the best regulatory framework to reflect the operational “value” of our resource 9 

portfolio in cost of service is our Variance Tariff.  Customers will receive 90% of the 10 

benefits of this value that we can achieve operationally; the 10% we receive is ample 11 

to ensure our interest in pursuing it.  Our Variance Tariff also includes other factors 12 

which can result in differences between forecasted and actual NVPC. 13 

  The power cost adjustment mechanisms Staff and CUB propose, on the other 14 

hand, would leave most of the initial shift of risk created by reducing the forecast 15 

NVPC by these uncertain amounts with PGE because of the large deadbands in these 16 

proposals.  ICNU’s position would leave with PGE all of the risk created by 17 

including these amounts in the forecast. 18 

Q. Do you believe that PGE’s proposed Variance Tariff also is the best response to 19 

the issue of what forced outage rate to assume for PGE’s thermal generating 20 

plants? 21 

                                                 
4 See pages 7-39 through 8-45 of PGE Exhibit 1803, which is a copy of a report from PA Consulting. 
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A. Yes, although for different reasons.  The rolling four-year average methodology 1 

already, roughly, mitigates the risk for customers and PGE that variances between 2 

assumed and actual forced outage rates will cause actual NVPC to be lower or 3 

higher, respectively, than forecasted.  If the forced outage rate in a given year is 4 

lower than assumed, customers will experience that actual result over the subsequent 5 

four years (lagged by a year) and vice versa for PGE.  The Variance Tariff, under 6 

these circumstances, simply increases the mitigation by removing some of the 7 

randomness associated with market prices varying significantly over any given 8 

four-year period. 9 

  If the Commission adopts the use of NERC data for forecasting assumed forced 10 

outage rates, however, it becomes more important to adopt PGE’s Variance Tariff 11 

because nothing now mitigates this risk for PGE or customers.  Although the 12 

methodology results in a lower forecasted NVPC in 2007, it could well result in a 13 

higher test year forecasted NVPC, increasing the risk to customers that actual NVPC 14 

will be lower than this forecast.  The Variance Tariff will reduce the risk the NERC 15 

methodology would create over the status quo. 16 
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V. Timing and Prudence of Port Westward 

Q. What concerns does CUB raise about the potential for a delay in Port 1 

Westward’s on-line date? 2 

A. CUB is concerned that the test year revenue requirement the Commission approves 3 

in Docket No. UE 180 may be stale by the time Port Westward comes on line if PGE 4 

experiences a delay in commercial operation (CUB/200, Jenks-Brown/29-30).  To 5 

address this concern, CUB recommends that the Commission impose three 6 

conditions: 7 

1. “The tariff associated with Port Westward is only valid within 30 days of 8 

March 1, 2007.”  (CUB/200, Jenks-Brown/30). 9 

2. “If Port Westward is not use[d] and useful within 30 days, the Company 10 

must reopen UE 180” and other parties “should be given a limited period 11 

of time to review the Company’s actual costs to determine whether there is 12 

new information that requires a reexamination of PGE costs…”  13 

(CUB/200, Jenks-Brown/30-31). 14 

3. “After six months, if Port Westward is not used and useful, the Company 15 

must file a new rate case in order to add the plant to rate base”  (CUB/200, 16 

Jenks-Brown/31). 17 

Q. Are these conditions reasonable? 18 

A. No.  It is highly unlikely that the test year revenue requirement will become stale 19 

within 30 days or even a few months.  Nonetheless, we acknowledge CUB’s concern 20 

and suggest that the Commission revise the first condition to allow three months 21 
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slippage before applying the second condition and that the Commission not require a 1 

new rate case unless the plant’s commercial operation is delayed beyond 2007.   2 

Q. CUB criticizes PGE for requesting inclusion of Port Westward in PGE’s cost of 3 

service prices without providing an update on PGE’s actions pursuant to the 4 

entire 2002 IRP Final Action Plan (CUB/200, Jenks-Brown/25-26).  Is this 5 

criticism valid? 6 

A. No.  PGE has consistently provided Final Action Plan updates to all parties to LC 33, 7 

the docket under which the Commission acknowledged PGE’s Final Action Plan.  8 

On March 23, 2006, PGE submitted an LC 33 compliance filing, which went to all 9 

parties in that docket, including CUB.  We include this filing as PGE Exhibit 1915.    10 

That update stated that: 11 

 PGE is pleased to report that it has achieved all of the energy and 
capacity resource targets in our acknowledged Final Action Plan except 
for an additional 38 MWa of wind energy, for which negotiations are 
proceeding.  

 
 The update also provided the following table: 12 
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Table 8 

Presented in PGE Final Action Plan Update March 23, 2006  
   

Energy Portfolio Actions 2002 IRP Action Plan Resource Acquired to Date 
 2007 MWa 2007 MW MWa MW 
Short-term Acquisitions1 125 125 125 125 
Plant Upgrades 41 50 36 41 
Other Operating Changes2 5 0 5 0 
Hydro Contract Extension3 14 116 14 116 
EE per the Energy Trust of Oregon4 55 79 34 49 
Fixed Price PPAs 135 150 132 150 
Wind (assumes capacity value = energy) 5 65 65 27 27 
Port Westward 350 375 360 382 
Total Energy Actions 790 960 733 890 
Additional Capacity Actions     
Dispatchable Standby Generation  30  45 
Port Westard Duct Firing  25  25 
Peak Tolling from Bids  400  400 
Fill-in Short-Term from the Market1  500  500 
Total Additional Capacity Actions  955  970 
     
1 Purchased as needed to balance resources to load.  
2 Represents PGE's expectation of ongoing operation of the Bull Run hydro project. 
3 2002 IRP Target included an additional 49 MWa of energy at market index price, which is included here 
in the 125 MWa of short-term acquisitions. Total energy from hydro contract extension is 63 MWa. 
4 ETO target of 55 MWa is for acquisitions through 12/31/2007; 34 MWa acquired is for 2004 and 2005. 
MW savings are estimates based on implied load factors.  
5 PGE is continuing negotiations with two wind bidders to acquire the remaining 38 MWa. 
 
Q. As of the March 23, 2006, update, what actions did PGE still need to take to 1 

meet the overall Final Action Plan requirements? 2 

A. PGE only had to complete its targeted acquisition of wind resources by acquiring an 3 

additional 38 MWa. 4 

Q. Has PGE now completed this acquisition? 5 

A. Yes.  PGE is in the process of developing the first phase of the Biglow Canyon Wind 6 

Farm in Sherman County, Oregon.  This first phase is 126 MW, or 47 MWa. 7 

Q. Has the Commission issued orders related to Biglow Canyon? 8 

A. Yes.  In Order No. 06-293, the Commission approved certain utility property sale 9 

and lien-related provisions related to Biglow Canyon, pursuant to ORS 757.480.  In 10 
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Order No. 06-419, the Commission issued a waiver to OAR 860-038-0080(1)(b) for 1 

Biglow Canyon. 2 

Q. Has PGE also met the additional conditions the Commission imposed in Order 3 

No. 04-375 acknowledging PGE’s Action Plan? 4 

A. Yes.  Pages 14-18 of PGE’s 2002 IRP Final Action Plan Update explain how PGE 5 

has met the conditions.  PGE filed the Update on March 23, 2006, and also 6 

distributed it to participants in its first 2006 IRP Public Meeting on April 12, 2006. 7 
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VI. Beaver 8 

Q. How much of the rate base and associated depreciation in PGE’s original filing 1 

in this docket were associated with the transfer of the Beaver 8 regulatory asset 2 

to rate base? 3 

A. In the March filing, we included a January 1, 2007, balance of approximately $7.0 4 

million, with depreciation based on the expected life of the plant.   5 

Q. What was the basis for this treatment? 6 

A. Pursuant to a 2004 stipulation between PGE, Staff, and CUB, the balance of the 7 

Beaver 8 regulatory asset was to go into rate base on the effective date of rates set in 8 

PGE’s next general rate case (i.e., this case), if the Commission has issued an order 9 

(in Docket UM 1066) allowing addition of new rate base assets on a cost basis by the 10 

time rates are to go into effect.   11 

Q. Has the Commission issued a UM 1066 order? 12 

A. No.   13 

Q. What will PGE do if the Commission has not issued a UM 1066 order by the 14 

time rates in this proceeding are to go into effect, or issues an order which does 15 

not allow the addition of new rate base assets on a cost basis? 16 

A. We will continue to collect the Beaver 8 regulatory asset through Tariff Schedule 17 

105.  We will also remove the corresponding amount from the test year rate base.  18 

Finally, we will remove the associated depreciation for the test year revenue 19 

requirement.  20 
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VII.  Rate Case Margin and Effective Tax Rate for AR 499/SB 408 

Q. How will the results of UE-180/UE-181/UE-184 be used to determine the tax 1 

true-up for AR 499 purposes? 2 

A. The Commission has determined (Order 06-400, pgs. 9-10) that the use of ratios for 3 

the net to gross revenues (i.e., margin) and effective tax rates as determined in 4 

ratemaking proceedings should be used to determine actual taxes collected for the 5 

AR 499 tax true-up. 6 

Q. Have you calculated these ratios? 7 

A. Yes, Exhibit 1916 provides the calculations based on PGE’s filed case adjusted for 8 

the O&M and Depreciation stipulations as well as the updated net variable power 9 

cost forecast filed in August.  The results, however, should be updated based on the 10 

final Commission Order(s) in this case. 11 

Q. What are the results of these calculations? 12 

A. Based on these results, the rate making margin and effective tax rate are 11.92% and 13 

39.23%, respectively. 14 

Q. Should these be the ratios that are used by the Commission to determine taxes 15 

in rates for the AR 499 true-up? 16 

A. No.  The Commission should consider the impact of disallowed costs in determining 17 

the effective tax rate and margin for AR 499 purposes.  To do otherwise would 18 

effectively allow customers to receive tax benefits from utility costs for which 19 

customers are not responsible.   20 

Q. Have you determined how these ratios should be adjusted? 21 
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A. Yes.  Exhibit 1916 also provides the adjusted margin and effective tax rate after 1 

taking disallowed costs into account. 2 

Q. Please describe the adjustments that were made? 3 

A. We adjusted for utility costs that were not included in PGE’s revenue requirement on 4 

the basis that the type of cost is subject to either limited, or no, cost recovery.  The 5 

adjustments include: 6 

• Adding SERP costs 7 

• Adding MDCP costs 8 

• Adding Category C advertising costs 9 

• Adding Category A advertising costs in excess of 1/8 of 1%, per the O&M 10 

stipulation between PGE, Staff, CUB, and ICNU. 11 

• Adding the disallowed portion of wage and salaries per application of the 12 

three-year wage model as agreed to in the O&M stipulation between PGE, 13 

Staff, CUB, and ICNU. 14 

• Adding the disallowed portion of incentive pay as agreed to in the O&M 15 

stipulation between PGE. Staff, CUB, and ICNU. 16 

• Adding the disallowed portion of corporate memberships and dues as 17 

agreed to in the O&M stipulation between PGE, Staff, CUB, and ICNU. 18 

 
Q. Could other adjustments have been made? 19 

A. Possibly.  For example, we did not include below-the-line costs such as state and 20 

federal lobbying expense.  However, it could be argued that, like disallowed utility 21 

costs, such expenses create tax benefits under AR 499 that would otherwise flow to 22 
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customers even though customers are not responsible for the underlying cost that 1 

creates those benefits. 2 

Q. What are the results of your proposed adjustments? 3 

A. PGE’s adjusted ratemaking margin and effective tax rate are 10.96% and 39.22%, 4 

respectively.   5 

Q. Do these figures require updating later in the process? 6 

A. Yes.  Just as the unadjusted figures would require an update for Commission 7 

Order(s) regarding the stipulations and contested issues that remain in this case, so 8 

too do the adjusted figures. 9 

Q. Is PGE suggesting that its revenue requirement be adjusted for these items? 10 

A. No.  PGE is not suggesting the Commission alter PGE’s revenue requirement for the 11 

effect of these disallowances.  Rather, we are requesting that the Commission 12 

recognize that certain utility costs will not be recovered in this proceeding, and 13 

therefore, to avoid giving customers tax benefits from such costs, the margin and 14 

effective tax rate ratios should be adjusted for purposes of future AR 499 tax true-up 15 

proceedings. 16 
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VIII. Qualifications 

Q. Mr. Drennan, please state your educational background and experience. 1 

A. I received a Bachelor of Science in Economics from the University of Wyoming in 2 

August 1995.  I also completed the coursework for a Master of Science in Regulatory 3 

Economics.  From 1999 to 2001, I worked for the Iowa Department of Justice – 4 

Office of Consumer Advocate, as a Utility Analyst.  While there I prepared and 5 

presented testimony to the Iowa Utilities Board in several utility-related dockets.  6 

Between 2001 to 2002 I worked for two energy consulting firms:  Energy Resource 7 

Consulting, based in Denver, as a Supervising Economist, and EES Consulting, 8 

based in Seattle, as a Senior Analyst.  In 2002, I joined PGE in the Rates and 9 

Regulatory Department.  My current position is a business analyst in the Regulatory 10 

Affairs department. 11 

Q. Does this conclude your testimony? 12 

A. Yes. 13 
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Application of Staff/CUB PCA Proposals to PGE
Based on UE 115, 2003, 2004 and 2005 RVMs
Dollars in $000s

UE-115 Rate Base 1,766,581   
UE-115 Equity Share 52.18%
UE-115 Marginal TR 39.33%
NTG Factor 1.648          
100 BP of ROE 15,194$      

CUB Mechanism:
Cumulative Variance: Higher Costs Lower Costs
Dead Band 37,984        250 BP (18,992)      125 BP
50/50 Sharing 60,775        150 BP more (30,387)      75 BP less
90/10 Beyond Beyond

Staff Mechanism:
Cumulative Variance: Higher Costs Lower Costs
Dead Band 22,791        150 BP (22,791)      150 BP
90/10 Sharing Beyond Beyond

2002 2003 2004 2005
Actual Unit NVPC 41.35           25.97         24.91         28.43         
Forecast Unit NVPC 35.64           24.19         25.14         26.44         
Difference 5.71             1.78           (0.23)         1.99           

Forecast Load (000 MWh - busbar) 19,574         16,096       15,457      16,294      
Actual Load (000 MWh - busbar) 16,507         16,286       16,189      16,437      

Earnings Test Adjusted ROE 5.69% 7.69% 11.67% 6.64%
UE-115 Less 100 BP 9.50% 9.50% 9.50% 9.50%
Potential Dollar Recovery Up to 9.50 57,879         27,501       N/A 43,454      
Potential Dollar Refund Down to 11.5 N/A N/A (2,583)       N/A

Staff Mechanism: Total Total
Variance (Unit NVPC(A) - Unit NVPC 111,745       28,649       (3,520)       32,370      Customer Shareholder
Deadband (22,791)        (22,791)      (22,791)     (22,791)     Collection Absorbed
Residual 88,954         5,859         Within DB 9,580         
Deferred Amount 80,059         5,273         -            8,622         
Max Recovery per Earnings 57,879         27,501       (2,583)       43,454      71,773      97,471         
Deferral Mitigated by Earnings Yes No No No
Regulated ROE after mechanism 9.50% 8.04% 11.67% 7.21%

CUB Mechanism (Assume Variance Calc As Staff):
Variance 111,745       28,649       (3,520)       32,370      
Deadband (37,984)        (37,984)      18,992      (37,984)     
Residual 73,761         Within DB Within DB Within DB
Amount subject to 50/50 22,791         -             -            -            
Amount subject to 90/10 50,970         -             -            
Deferred Amount 57,268         -             -            -            
Max Recovery per Earnings 57,879         27,501       (2,583)       43,454      57,268      111,976       
Deferral Mitigated by Earnings No No No No
Regulated ROE after mechanism 9.46% 7.69% 11.67% 6.64%

PGE Mechanism: 
Variance (Unit NVPC(A) - Unit NVPC 94,233$       28,988       (3,686)       32,655      
Deferral at 90% 84,809         26,089       (3,317)       29,389      136,971    15,219         
Earnings Before Deferral 5.69% 7.69% 11.67% 6.64%
Regulated ROE after mechanism 11.27% 9.41% 11.45% 8.57%
Earnings Cap/Floor 11.50% 11.50% 9.50% 11.50%
Deferral Mitigated by Earnings No No No No
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Application of Staff/CUB PCA Proposals to PGE
Based on UE 115 (Assume no RVMs)
Dollars in $000s

UE-115 Rate Base 1,766,581         
UE-115 Equity Share 52.18%
UE-115 Marginal TR 39.33%
NTG Factor 1.648                
100 BP of ROE 15,194$            

CUB Mechanism:
Cumulative Variance: Higher Costs Lower Costs
Dead Band 37,984              250 BP (18,992)     125 BP
50/50 Sharing 60,775              150 BP more (30,387)     75 BP less
90/10 Beyond Beyond

Staff Mechanism:
Cumulative Variance: Higher Costs Lower Costs
Dead Band 22,791              150 BP (22,791)     150 BP
90/10 Sharing Beyond Beyond

2002 2003 2004 2005
Actual Unit NVPC 41.35            25.97        24.91       28.43        
Forecast Unit NVPC 35.64            35.64        35.64       35.64        
Difference 5.71              (9.68)         (10.73)      (7.22)         

Forecast Load (000 MWh - busbar) 19,574          19,574      19,574     19,574      
Actual Load (000 MWh - busbar) 16,507          16,286      16,189     16,437      

Earnings Test Adjusted ROE 5.69% 19.06% 21.91% 15.07%
UE-115 Less 100 BP 9.50% 9.50% 9.50% 9.50%
Potential Dollar Recovery Up to 9.50% 57,879          N/A N/A N/A
Potential Dollar Refund Down to 11.50% N/A (114,920)   (158,228)  (54,300)     

Staff Mechanism: Total
Variance (Unit NVPC(A) - Unit NVPC(F)) 111,745        (189,422)   (210,015)  (141,237)   Customer Total
Deadband (22,791)         22,791      22,791     22,791      Collection Shareholder
Residual 88,954          (166,631)   (187,225)  (118,447)   (Refund) Absorbed
Deferred Amount 80,059          (149,968)   (168,502)  (106,602)   (269,569)  (159,361)    
Max Recovery per Earnings 57,879          N/A N/A N/A
Max Refund per Earnings N/A (114,920)   (158,228)  (54,300)     
Deferral Mitigated by Earnings Yes Yes Yes Yes
Regulated ROE after mechanism 9.50% 11.50% 11.50% 11.50%

CUB Mechanism (Assume Variance Calc As Staff):
Variance 111,745        (189,422)   (210,015)  (141,237)   
Deadband (37,984)         37,984      37,984     37,984      
Residual 73,761          (151,438)   (172,031)  (103,253)   
Amount subject to 50/50 (22,791)         22,791      22,791     22,791      
Amount subject to 90/10 50,970          (128,647)   (149,240)  (80,462)     
Deferred Amount 57,268          (127,178)   (145,712)  (83,811)     (257,663)  (171,267)    
Max Recovery per Earnings 57,879          N/A N/A N/A
Max Refund per Earnings N/A (114,920)   (158,228)  (54,300)     
Deferral Mitigated by Earnings No Yes No Yes
Regulated ROE after mechanism 9.46% 11.50% 12.32% 11.50%

PGE Mechanism: 
Variance (Unit NVPC(A) - Unit NVPC(F)) 94,233          (157,603)   (173,693)  (118,601)   
Deferral at 90% 84,809          (141,843)   (156,323)  (106,741)   (298,044)  (57,620)      
Max Recovery per Earnings 88,266          N/A N/A N/A
Max Refund per Earnings N/A (145,307)   (188,615)  (84,687)     
Deferral Mitigated by Earnings No No No Yes
Regulated ROE after mechanism 11.27% 9.73% 11.63% 9.50%

























Explanation of Error in ICNU Analysis -- Situation 1: Base Margin Positive 

$25/MWh

B
[+$300,000]

$10/MWh

A-1 A-2
[+$200,000] [+$200,000]

$0/MWh
C

-$5/MWh [-$100,000]

0 hours 200 hours 400 hours

Assume that:
  - The resource has a capacity of 100 MW.
  - There are 400 hours in an on-peak monthly period.
  - The base electric-gas spark spread from the monthly forward curves is $10/MWh.
  - Expected spark spreads average $10/MWh, but vary, being $25/MWh 
    during 200 hours, and -$5/MWh during the other 200 hours.

Case 1: Monthly forward curve basis:
  - Plant runs all 400 hours.
  - Margins for the monthly on-peak period are the sum of areas A-1 and A-2.
  - Margins can also be calculated as 400 hours x 100 MW x $10/MWh, or $400,000.

Case 2(a): Expected spark spreads, but no exercise of optionality:
  - Plant runs all 400 hours (even during hours when spark spread negative).
  - Margins increase during 200 hours in which spread is $25/MWh -- by area B.
  - Margins decrease during 200 hours in which spread is -$5/MWh -- by sum of
    area A-1 and absolute value of area C.
  - Overall margins remain at $400,000, as area B is equal to the sum of 
    area A-2 and the absolute value of area C.

Case 2(b): Expected spark spreads, and exercise of optionality:
  - Plant runs only during 200 hours during which spark spread is positive.
  - Company exercises option to not run the plant during the 200 hours when 
    spark spread is negative.
  - Margins increase during 200 hours in which spread is $25/MWh -- by area B
  - Margins decrease during 200 hours in which spread is -$5/MWh -- by area A-1.
  - Overall margins increase by $100,000, the difference between areas B and A-1,
    which is also equal to the absolute value of area C.  
  - Not running the plant when spread is -$5/MWh avoids a loss of area C.  
  - The absolute value of area C, or $100,000, is the option value.

ICNU approach:
  - ICNU calculates option value as the sum of area B and the absolute value of area C.
  - This approach overstates the option value by area B, or $300,000.  
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Explanation of Error in ICNU Analysis -- Situation 2: Base Margin Negative 

$10/MWh
B

$0/MWh [$+200,000]

A-1 A-2
[-$400,000] [-$400,000]

-$20/MWh

C
[-$600,000]

-$50/MWh

0 hours 200 hours 400 hours

Assume that:
  - The resource has a capacity of 100 MW.
  - There are 400 hours in an on-peak monthly period.
  - The base electric-gas spark spread from the monthly forward curves is -$20/MWh.
  - Expected spark spreads average -$20/MWh, but vary, being $10/MWh 
    during 200 hours, and -$50/MWh during the other 200 hours.

Case 1: Monthly forward curve basis:
  -- Plant does not run, because running would incur a loss of $800,000, or the sum
    of areas A-1 and A-2.

Case 2(a): Expected spark spreads, but no exercise of optionality:
  - Plant continues to not run.
  - Running all 400 hours would result in a loss of $800,000, or the sum of areas
    B, A-1, and C.  This is equal to the hypothetical loss mentioned in Case 1.

Case 2(b): Expected spark spreads, and exercise of optionality
  - Company exercises option to run the plant during the 200 hours during which
    spark spread is $10/MWh.
  - Company continues to not run the plant during the 200 hours during which 
    spark spread is negative.
  - Overall margins increase by area B, or $200,000.  
  - Area B, or $200,000, is the option value.   

ICNU approach:
  - ICNU calculates option value as the sum of area B and the absolute value of
    area C.
  - This approach overstates option value by the absolute value of area C, or $600,000.
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July 10, 2006 
 
 
TO:  S. Bradley Van Cleve 
  ICNU  
   
FROM: Patrick G. Hager 
  Manager, Regulatory Affairs 
 
 

PORTLAND GENERAL ELECTRIC  
UE 180 

PGE Response to ICNU Data Request 8.125 
Dated June 30, 2006 

Question No. 125 
 
Request: 

Please explain why PGE entered into the PPM Cold Snap and PPM Superpeak 
contracts. 

 
Response: 
 
Commission Order No. 04-375 acknowledged PGE’s 2002 IRP Final Action Plan.  Page 
13 of that order states that “acknowledged action items are: ………5. Acquire …….  400 
MW of tolling capability for peak purposes.”  To fulfill this action item to meet 
customers’ capacity and reliability requirements, PGE selected the two best bids from the 
set of short-listed capacity bids submitted in response to its 2003 Request for Proposals.  
PGE provided bid pricing information for short-listed capacity bids in a confidential 
attachment to its response to OPUC Data Request No. 039 in Docket LC-33.  Attachment 
125-A to this response is a copy of the information in the confidential LC-33 attachment.  
Attachment 125-A is confidential and subject to Protective Order No. 06-111.   
 
We selected the two largest sized bids shown in Attachment 125-A.  Their prices were 
substantially lower, making them the least expensive alternative for meeting customers’ 
capacity requirements.     
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July 17, 2006 
 
 
TO:  S. Bradley Van Cleve 
  ICNU  
   
FROM: Patrick G. Hager 
  Manager, Regulatory Affairs 
 
 

PORTLAND GENERAL ELECTRIC  
UE 180 

PGE Response to ICNU Data Request 8.126 
Dated June 30, 2006 

Question No. 126 
 
Request: 

When PGE initially considered the PPM Cold Snap and PPM Superpeak contracts, 
did it expect that the actual dispatch of these resources would be extremely rare?  
Please provide supporting documents. 

 
Response: 
 
The purpose of capacity resources is to meet extreme customer requirements of short 
duration.  These resources are needed to meet PGE’s obligation to provide reliable power 
to its customers.    Given the role of capacity resources, we did not expect the Cold Snap 
and Superpeak contracts to dispatch frequently.  See also PGE’s responses to ICNU Data 
Request Nos. 127 and 130.    
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August 11, 2006 
 
 
TO:  S. Bradley Van Cleve 
  ICNU  
   
FROM: Patrick G. Hager 
  Manager, Regulatory Affairs 
 
 

PORTLAND GENERAL ELECTRIC  
UE 180 

PGE Response to ICNU Data Request 14.161 
Dated July 28, 2006 

Question No. 161 
 
Request: 

Please describe whether PGE’s resources were sufficient to meet its peak load during the 
extreme heat experienced on July 21-23, 2006.  In addition, please describe all measures 
that PGE implemented to meet its load on those days.   
 
 
Response: 
 
No.  However, PGE’s maintained resources and purchases, including emergency purchases, were 
sufficient to meet all obligations through the July 21-24 period.  Although its installed capacity 
is not sufficient to meet peak demands, either in the summer or the winter, PGE prepares to meet 
extreme requirements through a combination of installed capacity, market purchases, and 
capacity contracts.   
 
During the July 21-24 period, PGE also relied on the following: 
 

• Dispatchable stand-by (diesel) generators 
• Demand response (buy-back) program 
• Draft of Timothy Lake  
• License relief at the Deschutes River Project (Pelton and Round Butte facilities), which 

allowed additional generation during certain high-demand hours  
 
Finally, on July 24, PGE declared a system emergency (NERC Alert 2) for hours 12 through 20.  
This resulted in the Bonneville Power Administration making additional resources available for 
purchase by PGE.  A combination of both load- and resource-related events led up to PGE’s 
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system emergency declaration.  Loads, both on PGE’s system and in the West in general, were 
higher than anticipated, and several plant failures occurred, including one at Colstrip Unit 3.    
 
In its response to ICNU Data Request No. 160, PGE included hourly load (including deliveries 
on behalf of ESSs) data for the July 21-24 period.  Attachment 161-A provides hourly 
information for the same period, but from the perspective of the firm obligations that PGE was 
required to meet.  These data differ from those in the No. 160 response in two ways – they do not 
include power scheduled by ESSs, but they do include reserve and regulation requirements.  The 
net effect is an increase, i.e. the data in Attachment 161-A are greater than those in Attachment 
159-A (which includes data responding to Request No. 160).   
 
In summary, PGE meets its obligations, but does not maintain “extra” capacity resources.  PGE 
was able to obtain resources to meet its obligations in every hour during the July 21-24 period.  
However, as noted above, it was necessary to declare a system emergency during a portion of 
July 24.   
 
Attachment 161-A is confidential and subject to Protective Order No. 06-111.  It is provided 
under separate cover. 
 
 
 
 
 

g:\ratecase\opuc\dockets\ue-180\dr-in\icnu - pge\dr_161.doc 
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August 11, 2006 
 
 
TO:  S. Bradley Van Cleve 
  ICNU  
   
FROM: Patrick G. Hager 
  Manager, Regulatory Affairs 
 
 

PORTLAND GENERAL ELECTRIC  
UE 180 

PGE Response to ICNU Data Request 14.162 
Dated July 28, 2006 

Question No. 162 
 
Request: 
 
Please discuss whether PGE believes that it has sufficient peaking resources on its system 
to meet the type of loads experienced July 21-23, 2006.   
 
 
Response: 
 
The quantity of PGE’s peaking resources is consistent with the Commission-acknowledged 
(Order No. 04-375) Final Action Plan related to PGE’s 2002 Integrated Resource Plan.  These 
resources are sufficient to meet PGE’s normal obligations, but are not excess.  PGE relies on 
market purchases to ensure adequate supply during extreme peak days and hours, as well as in 
response to events such as low hydro availability or generation unit outages.  As noted in PGE’s 
response to ICNU Data Request No. 161, PGE was able to meet its obligations in every hour 
during the July 21-24 period, but it was necessary to declare a system emergency for a nine-hour 
period on July 24.    
 
PGE has more capacity resources available in the winter.  PGE’s Attachment 159-A indicates 
that the top hour of expected 2007 winter load is approximately 450 MW higher than the top 
hour of expected 2007 summer load.  This difference between expected winter and summer 
peaking requirements is approximately equal to the 400 MW combined capabilities of the 
Super-Peak and Cold-Snap winter capacity contracts.    
 
 
 

g:\ratecase\opuc\dockets\ue-180\dr-in\icnu - pge\dr_162.doc 
 



UE – 180 – UE 181 – UE 184 / PGE Exhibit / 1911 
Tinker – Schue – Drennan / 1 

 
 

BEFORE THE OREGON PUBLIC UTILITY COMMISSION 

DOCKET NO.  UE 180 

ICNU’S RESPONSE TO PGE’S DATA REQUEST NO. 015 

SEPTEMBER 6, 2006 

Data Request No. 015: 

What was ICNU’s recommendation regarding Colstrip’s forced outage 
rate in UE 179? 

Response to Data Request No. 015: 

ICNU objects to this request on the basis that it is not relevant and not 
likely to lead to the discovery of admissible evidence.  Notwithstanding this objection, 
ICNU responds as follows. 

ICNU did not make a specific recommendation regarding Colstrip’s 
forced outage rate in UE 179.  ICNU proposed a prudence adjustment that was applicable 
to all PacifiCorp plants. 
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I. Introduction 1 
 
Q. Please state your names and positions. 2 

A. My name is Patrick G. Hager.  I am the Manager of Regulatory Affairs at PGE.  I am 3 

responsible for analyzing PGE’s cost of capital, including its Required Return on Equity.   4 

  My name is William J. Valach.  Until the Fall of 2005, I was the Manager of Finance 5 

and Assistant Treasurer for PGE.  I am now the Director of Investor Relations for PGE.  I 6 

am responsible for managing the relationships and communications with PGE’s 7 

shareholders and the investing public.   8 

  Our qualifications are in our direct testimony, PGE Exhibit 1100, Section VII. 9 

Q. What is the purpose of your testimony? 10 

A. Our rebuttal testimony addresses the following items: 11 

• We update our cost of capital estimates for long-term debt, common equity, and 12 

preferred stock. 13 

• We explain why Staff witness Conway's proposed adjustment to the Company's 14 

embedded long-term debt costs should be rejected. 15 

• We raise concerns regarding the analysis performed by Staff witnesses Morgan 16 

and Conway regarding PGE’s cost of capital, including the methods they use, 17 

the errors in their analyses, and the general overall results that their 18 

recommendations will have upon PGE’s finances in 2007 and beyond. 19 

• We rebut their arguments regarding our cost of capital analyses, showing that 20 

our methods, while not perfect, provide better guidance for the Commission 21 

than does Staff’s single method. 22 
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• We briefly respond to the cost of capital testimony submitted by Industrial 1 

Customers of Northwest Utilities – Citizens' Utility Board ("ICNU-CUB") 2 

witness Gorman. 3 

Q. How is your testimony organized? 4 

A. There are two sets of testimony, ours and Dr. Zepp’s.  Our testimony concentrates on 5 

updating our cost of capital analysis and correcting/rebutting many of Staff’s analyses.  Dr. 6 

Zepp demonstrates various other DCF and Risk Premium methods that can be used to 7 

address many of Staff’s concerns and provide the Commission with a more complete record 8 

upon which to determine PGE's cost of equity capital. 9 

Q. What conclusions do you reach in your testimony? 10 

A. First, we accept Staff’s recommendation regarding preferred stock and remove it from our 11 

capital structure.   12 

  Second, we demonstrate that Staff’s analysis regarding the “Enron bankruptcy effect” 13 

ignores the significant deterioration and volatility of the financial and wholesale energy 14 

markets during the 2001-2003 period and its significant effect on utility credit ratings.  15 

Considering the impact of these effects minimizes the Enron bankruptcy effect, if any, on 16 

PGE’s embedded cost of long-term debt. 17 

  Finally, we find that, although we disagree with Staff’s Discounted Cash Flow (DCF) 18 

sample and methodology, if we correct the errors in Staff’s analysis and use stock prices 19 

over a realistic period, instead of one day, Staff’s estimated range would be 8.38% to 20 

10.23% (PGE Exhibit 2013), which is closer to our range.  We also address Staff’s concerns 21 

regarding the Risk Positioning model and find that Staff’s “demonstration” using random 22 

numbers is incorrect and show mathematically that our model specification is correct. 23 
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II. Updated Cost of Capital Estimates 

Q. Have your cost of capital estimates changed since your initial analysis? 1 

A. Yes.  As discussed in our supplemental cost of debt testimony (PGE Exhibit 1400) our 2 

revised cost of debt has increased from 6.69% to 6.83%.  We do not make any further 3 

adjustments in our rebuttal testimony.  We removed PGE’s Preferred Stock from our cost of 4 

capital estimate because it matures midway during the year and it is a very small part of 5 

PGE’s capital structure.  Finally, our range for PGE’s Required Return on Equity (RROE) 6 

changed slightly but our estimate for PGE’s RROE remains at 10.75%.  As indicated in our 7 

direct testimony, this 10.75% RROE assumes adoption of the NVPC regulatory framework 8 

proposed by Ms. Lesh and Mr. Niman (Exhibit 400).  PGE Exhibit 2001, and reproduced in 9 

Table 1, below provides our updated 2007 cost of capital estimate for PGE. 10 

Table 1 

PGE’s Weighted Cost Of Capital 

(Test Year 2007) 

Component Average 
Outstanding 

($000) 

Percent 
of 

Capital 

Cost Weighted 
Cost 

Long-term Debt $997,280 43.88% 6.826% 3.00% 

Preferred Stock - - - - 

Common Equity $1,275,487 56.12% 10.75% 6.03% 

Total $2,272,767 100.00%  9.03% 

     

 We discuss our updates for PGE’s RROE and capital structure below. 11 

 

A. PGE’s Updated Required Return on Equity 

Q. How did you update your estimate for PGE’s Required Return on Equity (RROE)? 12 
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A. We performed the same Discounted Cash Flow (DCF) and Risk Positioning analyses that we 1 

did for our direct testimony, except that we used information and data through August 31, 2 

2006.  In other words, we checked each of our DCF and Risk Positioning samples for 3 

consistency, using the criteria we set forth in our direct testimony.  We then updated our 4 

forecasts as appropriate, developed a range for each of the three samples, and then an overall 5 

range.  Given the overall range, we then determined whether PGE was more or less risky 6 

than the overall sample and, using our expert judgment, developed a point estimate for 7 

revenue requirement purposes. 8 

Q. Did your samples change significantly from your initial analyses? 9 

A. No.  For our DCF analysis, a few companies are no longer part of our sample because they 10 

did not meet one or more of our criteria.  For example, Constellation Energy, FPL Group, 11 

and WPS are in merger discussions and are no longer included in our sample.  We also 12 

checked those companies that we had eliminated in our initial analysis to determine if any 13 

could now be included.  We have now included American Electric Power, CenterPoint 14 

Energy, TECO, TXU, Alliant, and Westar in our samples because their dividend reductions 15 

were more than three years ago.  PGE Exhibit 2024 shows our updated DCF sample 16 

companies. 17 

  For our Risk Positioning analysis, we reviewed our dataset per Staff’s suggestion and 18 

found that we needed to add one observation and remove another – PGE’s UE 115 and 19 

PacifiCorp’s UE 170 decisions.  We added the first observation to our almost 500 20 

observation point sample because the UE 115 authorized ROE decision was a contested 21 

One.  We removed the second observation because the authorized ROE in UE 170 was the 22 
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result of a stipulation and should not have been included.  We found that doing so did not 1 

change our results to any significant degree. 2 

Q. What is your updated range for PGE’s RROE? 3 

A. Our updated range remains 9.25% to 11.30%.  We base our overall range on a number of 4 

factors, including the ranges for our DCF and Risk Positioning analyses and our expert 5 

judgment, and note that the ranges did not change significantly since our initial filing.  6 

Table 2 below summarizes our results. 7 

Table 2 

Summary Results for PGE’s RROE 

   
Method Low High 
Multi-stage DCF - br+vs 8.20 10.10 
Multi-stage DCF – GDP 8.30 11.30 
   
Risk Positioning – 7-Year Treasuries 11.1 11.3 
Risk Positioning – Corporate Bonds 
 

10.8 10.9 

   
  Our detailed updated RROE estimates are PGE Exhibits 2002 and 2003.  The 8 

supporting documents are contained in our hardcopy and electronic work papers. 9 

Q. Did you adjust your RROE analyses based on the concerns expressed by Staff, ICNU, 10 

or CUB? 11 

A. We did evaluate the Staff and ICNU-CUB concerns regarding our analyses and performed 12 

some modified analyses to address them.  For the most part, we found that their concerns 13 

were either unfounded or the modified results were not significantly different from our 14 

initial analyses.  We discuss Staff’s and ICNU-CUB’s concerns in Sections IV, V and VI 15 

below.  We also note that Dr. Zepp also discusses Staff’s and ICNU-CUB’s concerns and 16 

provides DCF and Risk Premium analyses that address some of the issues raised by both 17 

parties. 18 
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Q. Have there been any recent events that would cause you to re-evaluate your RROE 1 

recommendation? 2 

A. Yes, there have been two events.  First, SB 408 rules are nearing completion so the impact 3 

on utilities in Oregon is somewhat clearer.  The Commission's Interim Order in AR 499 4 

(Order No. 06-400) agreed with the utilities that the effect of SB 408 and the associated 5 

rules would result in more volatility in earnings.  In that Order, the Commission 6 

acknowledged "the predicament of the utilities" on this point and indicated that it would 7 

consider these tax effects "when evaluating issues in other dockets, such as power cost 8 

adjustment mechanisms."  While acknowledging the "general concerns raised by the 9 

utilities," the Order states that any proposed solution to address the so-called "double 10 

whammy" situation "would be contrary to the intent of the legislature," and declined to 11 

remedy the issue.  The increased volatility in earnings – now acknowledged by the 12 

Commission in Order No. 06-400 – raises utilities’ risk and would lead us to move our point 13 

estimate closer to the top of our range, as no other utility in the U.S. (outside of Oregon and 14 

possibly Pennsylvania) bears this risk.  Moreover, unlike PacifiCorp – which has less 15 

exposure to this issue because nearly 70% of its operations are located outside of Oregon – 16 

PGE has no multi-jurisdictional diversity that would permit it to avoid the full impact of 17 

SB 408's negative implications.  As shown in PGE Exhibit 2007, PGE’s financial volatility 18 

is measured by standard deviations of EBIT and ROE is already higher than the average. 19 

  Second, a recent state Supreme Court decision regarding the availability of civil actions 20 

to overturn rates that were never stayed or even appealed, injected more uncertainty into 21 

final rate decisions by the OPUC, which would also increase the financial risk.  Again, given 22 
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this recent decision, we would move our point estimate even more towards the top of the 1 

range. 2 

 

B. PGE’s Updated Capital Structure 

Q. Did you adjust your forecast for PGE’s 2007 capital structure? 3 

A. Yes, but very slightly.  As we noted above, we removed the Preferred Stock from the 2007 4 

capital structure, lowering PGE’s 2007 capital structure by approximately $6.6 million and 5 

resulting in an overall cost of capital of 9.03%. 6 

 

C. Updated Recent Authorized ROEs 

Q. Have you updated your Exhibit regarding recently determined authorized ROEs? 7 

A. Yes.  PGE Exhibit 2005 provides additional authorized ROEs through June 2006.  Our 8 

initial exhibit (PGE Exhibit 1111) contained authorized ROEs through December 2005. 9 

Q. Have recently issued authorized ROEs been higher than Staff’s recommended 9.3% 10 

for PGE? 11 

A. Yes.  All of the 12 decisions since January 1, 2006, have been higher than 9.3%1.  Of the 12 12 

decisions, three were above 11%.  More than half were above 10.6% and only one was 13 

lower than 10.0%.  That instance was United Illuminating, a transmission and distribution 14 

only utility, which received a 9.75% authorized ROE decision in January. 15 

                                                 
1 One decision was a “black box” settlement and no inference regarding cost of capital is possible. 
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III. PGE’s Cost of Long-Term Debt 

Q. Have you updated your estimate for PGE’s expected $100 million issue in 2007? 1 

A. Yes.  Our estimated rate for our expected debt issue remains at 6.50%.  This estimate is 2 

based primarily on our discussions with investment bankers and maintaining our BBB+ 3 

rating.  Updating our analysis using publicly available information from Global Insight, our 4 

estimate would be 6.60%.  For convenience, we have reproduced PGE’s long-term debt 5 

exhibit as PGE Exhibit 2004.  Our estimate for PGE’s embedded cost of long-term debt in 6 

2007 remains at 6.826%. 7 

Q. Staff recommends 6.30% as PGE’s 2007 long-term cost of debt compared to PGE’s 8 

requested 6.826%.  Do you agree with Staff’s recommendation? 9 

A. No, for several reasons.  First, PGE’s long-term debt issuances since our last general rate 10 

case should be examined on a portfolio basis, not necessarily on an issuance by issuance 11 

basis.  Second, Staff adjusts six of PGE’s long-term debt issuances because they contend, 12 

without evidentiary foundation, that there was a significant “Enron bankruptcy effect” on 13 

PGE’s cost of long-term debt.  Third, Staff states, but does not further explain, that PGE 14 

made “judgment errors” (Staff Exhibit 1200, page 2, lines 21-22).  Fourth, Staff re-priced 15 

PGE’s forecasted 2007 $100 million debt issuance “to be consistent with current interest 16 

rates” (Staff Exhibit 1200, page 3, lines 1-2) rather than considering forecasted interest rates 17 

in 2007 when PGE will actually issue the debt.   18 

 

A. PGE’s Long-Term Debt Issuances Have Been Prudent 

Q. Staff examines each long-term debt issue to determine whether there was an Enron 19 

effect.  Is this the only way to determine if PGE’s long-term debt costs are prudent? 20 
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A. No.  Staff’s issue by issue review implies that PGE must “beat the market” when it issues 1 

debt, whether the market is defined as a comparison to PacifiCorp, Northwest Natural, or 2 

some other proxy.  This is unrealistic.  It would be extremely difficult to sort out each of the 3 

factors that affected PGE’s debt issuance cost.  For example, as we discussed in our direct 4 

testimony, during this time, the financial and wholesale energy markets for electric utilities 5 

were very volatile, which would increase financing costs.  In addition, utility bond issuances 6 

tend to be unique to the utility because each utility has different risks, which would cause 7 

different spreads over Treasuries.  Further, an issue may differ by size, term, call provisions, 8 

etc.  Thus, acquiring a robust sample would be very difficult, especially for such a limited 9 

time period.   10 

  A more appropriate overall consideration would be to consider the debt issuances on a 11 

portfolio level.  That is, since Fall 2001, one should analyze whether PGE’s incremental cost 12 

of debt has been above, equal to, or below the cost of debt for similarly rated electric 13 

utilities.  If Staff’s belief is correct that Enron had a negative effect on PGE’s cost of debt, 14 

PGE’s incremental cost of debt on a portfolio basis should be higher than the market. 15 

Q. Have you analyzed PGE’s incremental cost of debt on a portfolio basis? 16 

A. Yes, but only qualitatively by considering how PGE’s all-in cost of debt compared to market 17 

indices for similarly rated utilities. 18 

Q. Please explain your analysis. 19 

A. In our direct testimony, we provided a comparison of PGE’s long-term debt issuances since 20 

2001 to Moody’s and S&P’s Utility Indices.  Pages 88-91 of the work papers accompanying 21 

our direct testimony provide the numerical data used for the graphs in PGE Exhibit 1105.  22 
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We reproduce the relevant portions below in PGE Exhibit 2014 and compare the indices to 1 

PGE’s all-in cost for the six issues. 2 

Q. What did you find? 3 

A. As expected, we found that the cost of the six issuances between 2001 and 2003 was either 4 

close to the BBB/Baa index or below.  In fact, PGE’s debt issuance costs at times were 5 

lower than the A/Aa issuances.  Thus, on a portfolio basis, PGE’s incremental long-term 6 

debt costs have been below the market for similarly rated issues. 7 

Q. Staff argues that the reason why PGE’s bond rating fell was due to the Enron 8 

bankruptcy.  Do you agree? 9 

A. The Enron bankruptcy was a factor when Moody’s and S&P downgraded PGE’s secured 10 

long-term bonds in Fall 2001.  As we discuss below, the effect was primarily on short-term 11 

debt because PGE did not issue any long-term debt until October 2002, after we issued the 12 

“Golden Share” of preferred stock.  Other parties imply that the downgrade was entirely due 13 

to Enron’s bankruptcy, ignoring the financial and wholesale energy difficulties faced by 14 

electric utilities.  In addition, we note that during 2001 and 2002, there were 420 downgrade 15 

rating actions taken by the three major rating agencies.  The more appropriate question is 16 

whether PGE would have been able to maintain its debt ratings even if we were not part of 17 

Enron. 18 

Q. Would PGE have been able to maintain its bond rating? 19 

A. It is highly unlikely, given the difficult environment faced by electric utilities, especially 20 

those in the West.  PGE Exhibit 2010 is a January 2003 research report from S&P that 21 

discusses the major rating factors when S&P rated PGE BBB+.  S&P listed four strengths 22 
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and four weaknesses, none of which included the Enron bankruptcy.  The report states that 1 

"PGE is now rated primarily on its stand-alone credit quality." 2 

 
B. Staff “Corrections” Are Inappropriate 

1. Internal Rate of Return 3 

Q. What was Staff’s first “correction” to PGE’s calculation of long-term debt? 4 

A. Staff’s first correction was to recalculate the internal rate of return (IRR) for each of the debt 5 

issuances because the internal rate of return calculated by PGE was different than Staff’s.   6 

Q. Do you agree with this correction? 7 

A. Not really.  The methods used by Staff and by us are slightly different, but the IRR 8 

difference is insignificant.  Table 3 below shows Staff’s and PGE’s internal rate of returns 9 

for various long-term debt issues.  The differences between the IRR calculations are very 10 

small, approximately ½ basis point overall.  We don’t understand why Staff believed it was 11 

important to discuss. 12 

Table 3 

Internal Rate of Return Calculated by: 
Issue PGE Staff Difference 

MTN 9.31% 9.399% 9.3986% -0.0004 

Notes 7.875% 8.128% 8.1468% 0.0188 

PCB Boardman 98A  5.544% 5.5742% 0.0302 

PCB Colstrip 98A  5.336% 5.3278% -0.0082 

PCB Colstrip 98B  5.620% 5.6106% -0.0094 

PCB Trojan 85A  5.058% 4.9608% -0.0972 

PCB Trojan 85B  5.046% 4.9534% -0.0926 

PCB Trojan 90A  5.537% 5.5358% -0.0012 

PCB Trojan 90B  7.412% 7.4123% 0.0003 

PCB Coyote 96 Float 3.671% 3.6395% -0.0315 
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Q. What was Staff’s second correction? 1 

A. Staff’s second correction concerns PGE’s forecasted long-term debt issue in July 2007.  2 

Staff contends that the internal rate of return on the debt should be calculated using the 3 

end-of-year balance of $100 million rather than the average monthly balance of $54 million 4 

and that PGE should use a rate consistent with a 10-year maturity.  5 

Q. Do you agree with Staff’s corrections on the cost of debt for the $100 million issue? 6 

A. No.  The issuance costs are one-time fees that would be paid when the debt is issued, 7 

whether it is January or December.  Both Staff and PGE include these fees in the embedded 8 

cost of the issue through calculation of an IRR that includes the coupon payments, the 9 

issuance costs, and any call premium, if appropriate, from any long-term debt that was 10 

redeemed with this bond’s proceeds.  This embedded rate is then applied to the weighted 11 

average amount of the bond outstanding during the year.  For example, if the embedded rate 12 

is 7% and the $100 million bond is issued in July, then the weighted amount outstanding for 13 

the year would be calculated using zero for each month from January through June and $100 14 

million from July through December.  Assuming the bond is issued on July 1, the weighted 15 

amount outstanding would be $50 million.  What Staff did was to use the full amount ($100 16 

million), implying that the bond would be outstanding throughout 2007.  Indeed, we expect 17 

to issue the bond in July, not January, 2007, leading to a weighted average of $54 million.  18 

Staff’s “correction” is incorrect and inconsistent with how both Staff and PGE treat 19 

outstanding long-term debt. 20 

Q. What maturity does Staff assume for the 2007 $100 million issuance? 21 

A. Although Staff claims that they didn’t set a maturity on the 2007 $100 million issue, their 22 

calculation for the bond costs reveals that they assume a 10-year maturity on the debt. 23 
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Q. Do you agree with this maturity assumption? 1 

A. No.  As we stated in our direct testimony, PGE plans to issue 30-year debt, not 10-year.  We 2 

plan to issue 30-year debt because we want to stagger the maturity dates of our long-term 3 

debt and lengthen the average maturity of PGE’s debt to more closely match our assets’ 4 

lives.  By staggering the maturity dates, PGE makes strategic financing decisions to ensure 5 

significant amounts of debt do not become due at the same time.  This avoids potential 6 

refinancing liquidity problems, which could lead to higher interest costs.  Although Staff 7 

states that the “Commission is setting a price for incremental debt, not a maturity schedule” 8 

(Staff Exhibit 1200, page 6, lines 16-17), Staff is essentially setting a maturity schedule for 9 

future debt issuances through their use of 10-year debt costs.  And in doing so, Staff did not 10 

take into account PGE's need to stagger its maturity dates as part of an overall financing 11 

strategy (Conway Deposition, page 20). 12 

2. PGE 13.5% Redemption in 1988 13 

Q. Why does Staff contend that PGE should not recover its costs related to the 13.5% 14 

reacquired debt? 15 

A. Staff argues that PGE should not recover these costs for two main reasons.  First, “there is 16 

no reliable evidence that customers benefited from the early redemption of the debt 17 

securities.”  (Staff Exhibit 1200, page 4, lines 12-13).  Second, Commission policy is to not 18 

allow recovery of unamortized debt costs unless the costs are specifically tied to another 19 

debt issue. 20 

Q. Do you agree with Staff’s position? 21 

A. No.  Staff is asking for a cost-effectiveness study that we performed over 18 years ago.  We 22 

do not keep detailed financial analyses for such a historical period.  In spite of the 23 
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unavailability of the financial analysis, we did explain how the early redemption was cost 1 

effective.  In PGE’s Response to OPUC Data Request No. 190, we explained that “because 2 

the rate for debt issued has been less than 13.50% throughout the period since the 3 

redemption of this issue, this particular redemption is presumably cost effective.”  This 4 

demonstrates a clear benefit to customers from the early redemption of the debt.   5 

  In addition, PGE’s 1988 SEC Form 10-K provides additional information regarding the 6 

early redemption of the 13½% debt issuance.  PGE redeemed the $75 million 13½% FMBs 7 

in April 1988 with “short-term” borrowings.  PGE was able to avoid issuing new long-term 8 

bonds because of our strong cash flow, the liquidation of our investment in marketable 9 

securities, and issuing preferred stock.  We then used part of these funds to redeem the 10 

short-term debt.  Given this, it is hard to believe that the early redemption of the $75 million 11 

13½% was not cost effective. 12 

Q. PGE did not use the proceeds from a long-term debt issuance to redeem the $75 million 13 

13½% debt.  Should PGE still be able to recover the unamortized debt costs associated 14 

with the redeemed debt? 15 

A. Yes.  PGE should be allowed to recover all prudently incurred costs associated with its debt 16 

issuances and redemptions, including the 13½% issue.  At issue here is not whether PGE 17 

incurred the associated costs when we issued and redeemed debt.  We did.  Staff does not 18 

dispute this.  Staff argues that, because we did not issue long-term debt, we therefore should 19 

not be allowed to collect prudently incurred costs, even though customers benefit from our 20 

actions.  This is not reasonable and represents poor regulatory policy.  The logical result of 21 

this policy is that utilities will be less inclined to redeem debt when it is cost-effective to do 22 

so unless they are able to issue long-term debt at the same time.  It may be more 23 



UE 180 – UE 181 – UE 184 / PGE / 2000 
Hager – Valach / 15 

 

UE 180 – UE 181 – UE 184 RATE CASE - REBUTTAL 
 

cost-effective for the utility to redeem the long-term debt with cash on hand or with short-1 

term debt.  But, the utility will not be compensated for its previously incurred costs unless it 2 

issues additional long-term debt. 3 

 

C. PGE’s Cost of Debt Is Not Directly Related to Enron 

Q. Staff alleges that there was a negative and significant “Enron effect” on PGE’s cost of 4 

debt from 2001 through 2003.  Do you agree? 5 

A. No, not completely.  We agree that Enron’s bankruptcy did affect PGE’s ability to borrow in 6 

the markets, but any impact on access to capital was primarily limited to the Fall 2001 7 

through Summer 2002 period.  For example, as we noted in our direct testimony, PGE was 8 

able to place a 366-day debt issue at favorable rates in December 2001, which was when 9 

Enron Corp. filed for bankruptcy.  Although PGE’s access to the markets was limited during 10 

this period, after PGE issued the “Golden Share” of preferred stock in September 2002, its 11 

access to the markets returned to normal. 12 

Q. What evidence do you have that supports the “Enron effect” being limited primarily to 13 

the short-term debt market and to the Fall 2001 through Summer 2002 period. 14 

A. First, during Fall 2001, PGE had difficulty accessing the short-term debt market but we were 15 

able to place a 366-day debt issue, as noted above.  In June 2002, we decided to renew a 16 

revolver or credit line with several banks.  At that time, we were able to secure only a $72 17 

million revolver from three banks.  However, just one year later, our request for a $150 18 

million revolver was oversubscribed.  By May 2003, any Enron effect on PGE’s ability to 19 

raise capital in the short-term market had largely evaporated. 20 

Q. So, did any of the “Enron bankruptcy effect” carry over into PGE’s long-term bonds? 21 
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A. The evidence suggests not.  The effect would be very difficult to quantify because there 1 

were other factors that influenced the financial markets.  It is important to note that the 2 

financial and wholesale energy markets for electric utilities deteriorated significantly during 3 

the 2001-2003 period.  As we discussed in our direct testimony, the average S&P bond 4 

rating for electric utilities during this period declined from A- to BBB, in line with PGE’s 5 

downgrade2.  Given PGE’s exposure to the wholesale energy market, it is surprising that 6 

PGE’s bond rating did not fall even farther.   7 

  The difficult task here is to sort out the “Enron effect” from the financial and wholesale 8 

energy markets effects.  If the financial and wholesale markets had been normal, then one 9 

could conclude that most of the increased debt cost may have been due to Enron’s 10 

bankruptcy.  However, given the significant deterioration of the financial and wholesale 11 

energy markets, we would conclude that most of the effect was due to the markets and not 12 

Enron’s bankruptcy. 13 

Q. Doesn’t Staff adjust PGE’s issuance costs and coupon rates for long-term debt issued 14 

in 2002 and 2003 for an alleged “Enron effect”? 15 

A. Yes.  However, as we discuss below, Staff’s analysis does not consider the impact of the 16 

significant – and unrelated – deterioration of the financial and wholesale energy markets.  In 17 

addition, Staff does not properly adjust PGE’s cost of debt for bond insurance that PGE and 18 

other electric utilities bought.  Finally, Staff’s analysis inappropriately compares PGE to 19 

PacifiCorp and NW Natural, implying that these three companies somehow had the same 20 

                                                 
2  PGE Exhibit 1104 shows that the three major rating agencies took downgrade actions on 150 utilities in 2001, 279 
in 2002, and 216 in 2003.  Corresponding upgrade actions during this period were 57 in 2001, 19 in 2002 and 35 in 
2003. 
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level of risk and exposure to the financial and wholesale energy markets during the 2001 1 

through 2003 period. 2 

Q. What were the adjustments Staff made to PGE debt issuances in the 2002-2003 period? 3 

A. Table 4 below lists the proposed adjustments by Staff.  In general, Staff proposed 4 

adjustments to all six of PGE’s debt issuances from January 2002 through August 2003.   5 

Table 4 

Month/Year Issue Effective 
All-In 
Debt 
Rate 

Amount 
Issued 

($000’s) 

Proposed Adjustment(s) 

October 2002 FMB 8.125% 8.421% $150,000 (see FMBs 6.31% and 6.26%) 

October 2002 FMB 5.6675% 7.420% $100,000 Remove $12 million issuance cost 

April 2003 FMB 5.279% 6.434% $50,000 Remove $4 million issuance cost 

August 2003 FMB 5.625% 6.266% $50,000 Use PacifiCorp as proxy for PGE coupon rate 

August 2003 FMB 6.750% 7.220% $50,000 Use PacifiCorp as proxy for PGE coupon rate 

August 2003 FMB 6.875% 7.282% $50,000 Use PacifiCorp as proxy for PGE coupon rate 

April 2006 FMB 6.31% 6.704% $175,000 Remove $7.74 million call premium 

April 2006 FMB 6.26% 6.753% $100,000 Remove $5.16 million call premium 

     

 These adjustments lower PGE’s cost of debt from 6.826% to 6.30%.  The adjustments can 6 

be placed into three categories: 7 

• remove the issuance costs for two issues: the 5.6675% and 5.279% issuances 8 

issued October 2002 and April 2003; 9 

• remove the call premium resulting from the May 2006 refunding of the 8.125% 10 

series issued October 2002; and 11 

• lower the coupon rate on the August 2003 PGE issue, based on the difference 12 

between PacifiCorp’s S&P long-term debt rating (A-) and PGE’s rating 13 

(BBB+). 14 

 We discuss each of these proposed adjustments below. 15 
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1. FMB 5.6675% and 5.279% Issues (Ambac) 1 

Q. Please explain the Ambac securities. 2 

A. These two securities are two long-term bond issuances that are “insurance wrapped 3 

offerings” placed with Ambac.  As Staff described in their April 2002 memo (UF 4190, 4 

OPUC Order No. 02-477), 5 

 The [PGE] FMBs will be sold by private placement to Ambac Conduit 
Funding, LLC (Purchaser or Ambac).  The Company has indicated that the 
Purchaser is rated AAA.  Ambac will use the proceeds from the sale of its 
bonds to the public to finance the purchase of the Company’s FMBs.  
Ambac will share with the Company a portion of the difference between the 
interest rate on its bonds and the rate the Company pays for the FMBs. 

 
Q. What does “insurance wrapped” mean? 6 

A. “Insurance wrapped” bonds occur when insurance companies offer to guarantee payment of 7 

interest and principle if the underlying debtor fails to pay.  The insurance company, such as 8 

Ambac, offers to insure the bonds for a negotiated upfront fee or insurance cost.  The bonds 9 

are then marketed with a AAA guarantee behind the bonds, which lowers the interest rate 10 

because the bonds are sold on the insurer’s credit rating.  If the “all-in” costs of the bonds, 11 

taking into account the coupon rate and insurance costs, are lower than what would be 12 

available to the company issuing the bonds, the company will choose to utilize the insurance 13 

wrap. 14 

Q. Were PGE’s all-in costs for these two securities reasonable? 15 

A. Yes.  As noted in Table 4, the all-in costs for the two securities were approximately 7.4% 16 

and 6.4%, lower than what PGE would have been able to issue in the market by itself. 17 

Q. Should Staff agree that the all-in costs are reasonable for these two issues? 18 

A. Yes.  As Staff notes in their memo from UF 4190 (OPUC Order No. 02-477) regarding the 19 

second (5.279%) Ambac issue: 20 
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 “The rates and issuance expenses are within a reasonable range.  The 
interest rate spreads generally appear to be somewhat high, though given the 
financial pressures that the Company has faced since the Enron bankruptcy 
filing, such would be anticipated and are in line with recent Commission 
financing decisions.”  (emphasis added) 

 
 At the time that Staff wrote their memo, Staff agreed that the rates were reasonable and that 1 

the spreads were in line with recent Commission financing decisions. 2 

Q. What about the first (5.6675%) Ambac issue in October 2002? 3 

A. Staff’s recommendation for this issue (UF 4187, OPUC Order No. 02-292) stated: 4 

 “The issuance and underwriting costs appear reasonable, assuming that the 
final interest rate reflects the strong credit-worthiness that should be 
afforded Ambac, based on the AAA rating as represented by PGE.  Even 
though the final, all-in cost of debt may be ideally near the 7.5 to 8.0 percent 
range, there is concern that the all-in cost may be somewhat higher than 
those approved under recent Commission Orders for similar issues.”  
(emphasis added) 

 
 Staff agrees that the issuance and underwriting costs appear reasonable.  In addition, the 5 

actual all-in cost for this first Ambac issue was less than the expected range Staff thought 6 

was ideal.  And yet, Staff now says that the entire insurance/issuance cost should be 7 

removed.   8 

Q. Did Staff make other adjustments to the first Ambac issue? 9 

A. Yes.  Staff attempted to re-price the bonds based on spreads from a different period of time 10 

for a gas distribution company.  Such a re-pricing assumes that PGE could issue long-term 11 

debt at the same rates as NW Natural.  There are significant differences in the risk profiles 12 

of NW Natural and PGE, such as NW Natural's ability to recover nearly all energy cost 13 

variations through its PGA mechanism and the absence of a similar mechanism in the case 14 

of PGE.  Yet, Staff’s analysis assumes away all differences.  Further, Staff’s analysis uses 15 

the spreads from January 2003, assuming that these spreads were valid in October 2002.  16 



UE 180 – UE 181 – UE 184 / PGE / 2000 
Hager – Valach / 20 

 

UE 180 – UE 181 – UE 184 RATE CASE - REBUTTAL 
 

However, as shown in PGE Exhibit 1105, spreads for A and BBB rated electric utilities 1 

narrowed considerably between October 2002 and January 2003. 2 

Q. Staff also states that interest rates were stable at the time between the two issuances 3 

(i.e., October 2002 and April 2003).  Is this correct? 4 

A. No.  The initial Treasuries rates and the rates in April 2003 were fairly close; approximately 5 

5-10 basis points different.  However, long-term Treasuries rose in November 2002, fell, 6 

rose again in December, and then rose and fell through April 2003.  In addition, credit 7 

spreads for electric utilities were widest in October and had declined significantly by April 8 

2003, as shown in PGE Exhibit 1105. 9 

Q. Why is it important to consider both benchmark interest rates and spreads? 10 

A. These two components are what make up the coupon rate on a particular bond.  Although 11 

interest rates may have been “relatively stable” (Staff Exhibit 1200, page 16, line 12), credit 12 

spreads were not.  Coupon rates therefore would have been different over this time period 13 

due to the changes in the different industries and/or in the spreads. 14 

2. FMB 8.125% Call Premium 15 

Q. What adjustment did Staff make to the 8.125% October 2002 debt issue? 16 

A. Technically, Staff made no adjustment because PGE redeemed this issue in April 2006.  17 

However, Staff did adjust out the $13 million call premium associated with the early 18 

redemption, which would imply that PGE should have issued the 8.125% debt at only 19 

5.456% in October 2002, a very low rate. 20 

Q. Is Staff’s adjustment realistic? 21 

A. No.  Again, Staff has neglected to consider the significant deterioration of the financial and 22 

wholesale energy markets for electric utilities in 2002, as discussed more fully above.  As 23 
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we have shown in our direct testimony, the 8.125% issue was very close to or under the rate 1 

received by other Baa/BBB electric utilities.  Indeed, other PGE long-term debt issues were 2 

even below those issued by Aa/A utilities. 3 

3. August 2003 debt issues (5.625%, 6.750%, and 6.875%) 4 

Q. What adjustments did Staff make to the three August 2003 long-term debt issues? 5 

A. Staff adjusted PGE’s actual debt issues by 27½ basis points using a hypothetical comparison 6 

with PacifiCorp. 7 

Q. Is it appropriate for Staff to make an adjustment to PGE’s debt issuances based on a 8 

comparison of a PacifiCorp debt issuance?   9 

A. No.   10 

Q. Please explain. 11 

A. Staff adjusted these three PGE issuances based on the fact that PGE had issued debt one 12 

month prior to PacifiCorp at a higher cost.  This is an overly simplistic analysis for several 13 

reasons.  First, interest rates for both Baa and A rated bonds declined by approximately 18 14 

basis points from August 2003 to September 2003, as shown in PGE Exhibit 1105.  In 15 

particular, 10-year Treasuries fell from 4.45% in August 2003 to 3.96% in September 2003, 16 

or approximately 50 basis points.  Thus, according to Staff’s reasoning, one would expect 17 

the PacifiCorp bonds to carry an interest rate at least 50 basis points lower than PGE’s issue. 18 

  Second,  the difference in utility yields (all-in) between Baa and A rated bonds was still 19 

fairly volatile during the second half of 2003, increasing from the low teens to 30 basis 20 

points between June and August 2003.  Staff’s analysis did not take into account what effect 21 

the volatility might have on investors.   22 
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  Third, very simply, PacifiCorp is not PGE and PGE is not PacifiCorp.  Even if the two 1 

companies have the same bond rating, they will likely not have the same interest rate if they 2 

issue bonds a month apart.  Investors consider several factors, as we have noted in our direct 3 

testimony, which may make investment in one company preferable to the other.   4 

  Finally, Staff did not consider what, if any, expectations investors had that changed 5 

during the August and September 2003 time frame.  Clearly, the widening credit spread was 6 

caused by something. 7 

Q. Was there an error in Staff’s adjustment to the August debt issuances? 8 

A. Yes.  Even if we accept Staff’s simplistic analysis, their result, when corrected, is so small 9 

that it is insignificant.  When Staff calculated the difference between PGE and PacifiCorp’s 10 

coupon rates of 5.45 % and 5.625 %, they used 27½ basis points.  However, the difference is 11 

actually only 17½ basis points.  Seventeen basis points is far less than the change in 10-year 12 

Treasuries between August and September. 13 

 

C. Staff Mischaracterizes the ‘Enron Effect’ 

Q. What evidence does Staff attempt to provide that “PGE’s cost of capital and cost of 14 

debt was negatively affected by Enron issues”? 15 

A. Staff provides excerpts from several Commission orders in financing dockets from the 16 

period October 2001 through May 2003.  These orders show that PGE requested increased 17 

spreads and was having difficulties apparently due to both the deterioration of the financial 18 

and wholesale electric power markets and Enron’s bankruptcy.  However, Staff focuses only 19 

on the Enron bankruptcy as a cause for PGE’s financing difficulties and thus gives that 20 

factor exclusive weight in their analysis. 21 
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Q. What mischaracterizations did Staff make regarding the OPUC Orders and PGE’s 1 

SEC Form 10-K? 2 

A. First, although Staff cites several Commission orders, PGE did not issue long-term debt 3 

under any of these orders, with the exception of OPUC Order Nos. 02-477 and 02-292.  In 4 

addition, Staff quotes from the Appendix to Order No. 02-292 that we requested the 5 

financing through Ambac as an “interim solution.”  This is, however, Staff’s 6 

characterization of this transaction and does not appear in PGE’s application in UF 4187. 7 

  Second, Staff’s reference to PGE’s SEC Form 10-Ks is misplaced.  The excerpt from 8 

the 2002 10-K states “PGE has experienced higher interest rates for commercial paper and 9 

other short-term borrowings.” (Staff Exhibit 1200, page 14, lines 7-8) (emphasis added).  As 10 

we have already discussed, PGE did have difficulty with short-term debt financings, which 11 

eased over time.  Nevertheless, the fact remains that short-term debt is not included in 12 

PGE’s 2007 test year. 13 

 

D. The Ring Fencing Did Work 

Q. Didn’t the Commission establish a financial ring fence around PGE at the time of the 14 

Enron merger? 15 

A. Yes.  Several of the conditions in UM 814 were put in place to fence PGE off financially 16 

from Enron in the event that some financial disaster occurred at Enron.  These ring-fencing 17 

provisions were viewed favorably by the credit rating agencies and did insulate PGE from 18 

the financial effects of Enron’s bankruptcy.  In addition to the ring fencing, PGE issued a 19 

“Golden Share” that further insulated PGE from Enron. 20 
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1. Ring Fencing 1 

Q. Did Staff comment on the effectiveness of the ring-fencing mechanism? 2 

A. Yes.  Staff “concluded the ring fencing implemented by this Commission did not fully 3 

insulate PGE from the Enron situation.”  (Staff Exhibit 1200, page 15, lines 7-8).  As we 4 

have stated previously, we would agree with Staff in that Enron’s bankruptcy affected 5 

PGE’s ability to access the short-term market and conceivably may have had some effect on 6 

PGE’s ability to access the long-term debt market.  However, PGE was able to issue long-7 

term debt that was comparable in cost to other similarly rated electric utilities that issued 8 

comparable size debt at a similar time. 9 

Q. Has Staff previously commented on the ring fencing provisions? 10 

A. Yes.  Staff witness Conway made a presentation at the 2004 Society for Utility and 11 

Regulatory Financial Analysts meeting regarding Oregon’s ring fencing.  Interestingly, and 12 

in contrast to his statement mentioned above in this proceeding, Mr. Conway notes in his 13 

presentation slides that “Oregon has been recognized by rating agencies for successful ring-14 

fencing activities” (emphasis added).  He additionally quoted Standard & Poor’s discussion 15 

of credit enhancement that “[t]he two strongest means of insulation are through regulatory or 16 

legal barriers”  and further notes that “[a]ny action state regulators take that provides support 17 

for a utility and/or isolates it…from a parent company will be positive for credit.”  If Mr. 18 

Conway's 2004 presentation is to be believed, there is no basis for Staff's proposed 19 

adjustment in this proceeding.  Either the ring-fencing provisions were adequate, and PGE 20 

was insulated from the effects of the Enron bankruptcy (and, in turn, no higher financing 21 

costs were incurred), or they were not. 22 
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2. The Golden Share 1 

Q. Did PGE take any additional measures to insulate itself from the Enron bankruptcy? 2 

A. Yes.  OPUC Order No. 02-674 authorized the issuance of one share of preferred stock to a 3 

neutral third party, otherwise known as the “Golden Share.”  As discussed in PGE/1100, 4 

Hager-Valach pages 13-14: 5 

 The Golden Share is one share of special preferred stock.  It is held by an 
independent third party, not by PGE or by Enron.  The owner of the Golden 
Share must submit an affirmative vote for PGE to be able to file for 
voluntary bankruptcy.  Also, it provides additional protection to 
bondholders.  This mechanism was beneficial in allowing PGE to more 
easily obtain financing.  The Golden Share provided additional ring-fencing 
assurance to Standard and Poor’s and other rating agencies, helping to 
insulate PGE from the effects of Enron’s bankruptcy and to stabilize PGE’s 
credit ratings.  As a result of this and other factors, PGE was able to issue 
long-term debt at competitive rates.   

 

E. Conclusions on PGE’s Long-Term Debt 

Q. What conclusions do you have regarding PGE’s long-term cost of debt? 6 

A. We conclude that Staff’s “Enron Effect” was minimal, given the volatility of the financial 7 

and wholesale energy markets.  We also conclude that Staff’s corrections to PGE’s 8 

long-term debt are inappropriate. 9 
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IV. Overall Concerns Regarding Staff’s Cost of Capital Analysis 1 

Q. What are your overall concerns with Staff’s analysis regarding PGE’s cost of capital? 2 

A. Our discussion of Staff's cost of capital analysis covers two major areas: 3 

• First, Staff’s results are extreme when compared with recently determined 4 

ROEs from around the country and with the ROE decisions from the 5 

Commission. 6 

• Second, Staff’s ROE analysis relies on a single methodology – the DCF – and, 7 

in applying that methodology, Staff committed numerous errors in theory and 8 

application.  Our testimony discusses nine such errors. 9 

 

A. Staff’s Results Are Unreasonably Low 

Q. Why do you consider Staff’s cost of capital results to be unreasonably low? 10 

A. Staff’s cost of capital results can be shown to be unreasonably low for several reasons.  11 

First, they would fail to preserve PGE’s financial integrity.  Using Staff’s recommended 12 

capital structure, cost of debt, and required return on equity, we find that PGE’s financial 13 

ratios would be towards the bottom of Standard & Poor’s (S&P’s) benchmark guidelines for 14 

a “BBB+”-rated utility.  Second, Staff’s recommended 48.5% equity ratio removes 15 

significant flexibility from PGE’s financing options.  Further, in the event PGE suffers 16 

earnings losses or other financial setbacks, PGE would likely fall below the Commission’s 17 

required 48% equity ratio.  Third, Staff’s recommended required return on equity is lower 18 

than any of its recommendations in the last 18 months, although interest rates have, in 19 

general, been rising during the period.  Staff clearly failed to consider the return required by 20 



UE 180 – UE 181 – UE 184 / PGE / 2000 
Hager – Valach / 27 

 

UE 180 – UE 181 – UE 184 RATE CASE - REBUTTAL 
 

enterprises with corresponding risks, for Staff's recommended return would place PGE far 1 

below the ROEs found necessary for investors in the electric utility industry. 2 

1. Staff’s Recommendations Push PGE Closer to Non-Investment Grade 3 

Q. Did Staff calculate the effect of its recommendations on capital structure and ROE for 4 

PGE on PGE’s financial ratios? 5 

A. No. 6 

Q. Should they have calculated these ratios? 7 

A. Yes.  PGE calculated these ratios when it forecasted its 2007 test year and they were 8 

supplied as part of our work papers.  Normally, if there are small adjustments to the test 9 

year, one does not necessarily need to recalculate the ratios.  However, given the magnitude 10 

of Staff’s recommended reductions in PGE’s equity ratio and required ROE, it is necessary 11 

to recalculate the S&P ratios to determine if the recommendations allow PGE to maintain its 12 

financial integrity and ability to attract capital on reasonable terms. 13 

Q. Did Mr. Gorman recalculate PGE’s financial ratios using his recommendations? 14 

A. Yes, he did. 15 

Q. Why are PGE’s financial ratios important? 16 

A. Credit rating agencies use these financial ratios when performing their bond analyses.  For 17 

example, S&P uses its benchmark ratios as a basis to determine the bond ratings of 18 

companies.  If these ratios change significantly as a result of a regulatory decision, then S&P 19 

has reason to look at the new ratios and determine if there is a need to change a company’s 20 

bond rating. 21 

Q. Do credit rating agencies publish their benchmark financial ratios for utilities? 22 
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A. S&P is the only one of the three major credit rating agencies that publishes its financial ratio 1 

benchmarks.  Hence, our analysis focuses on the S&P guidelines even though we have 2 

discussed our financial ratios and numbers with all three of the credit rating agencies. 3 

Q. Could the capital structure and ROE recommended by Staff affect PGE’s bond rating? 4 

A. Conceivably, yes.  PGE’s business profile from S&P is “5.”  One of the benchmarks used is 5 

“Total Debt/Total Capital.”  For a “BBB”-rated utility, this should be between 50%-60% 6 

(Staff Exhibit 1003, page 128).  For an “A”-rated utility this ratio should be between 42%-7 

50%.  PGE is rated BBB+ by S&P which implies that its debt ratio should be between 50% 8 

and 53%. 9 

Q. What is Staff’s recommended capital structure? 10 

A. Staff recommends 48.50% equity and 51.50% debt.  This debt calculation, however, does 11 

not take account of the use of "debt equivalents," or imputed debt, by S&P in its analysis. 12 

Q. Does Staff consider imputed debt when recommending its capital structure for PGE? 13 

A. No.  In fact, Mr. Morgan states that he is not familiar with the fact that S&P requires a 14 

greater amount of equity on a company’s balance sheet to offset the effect of imputed debt 15 

(Morgan Deposition, p. 55, lines 5-9). 16 

Q. What is imputed debt? 17 

A. For electric utilities, imputed debt is primarily related to purchased power obligations.  The 18 

credit rating agencies calculate an additional amount of “imputed” debt that they then add to 19 

the company’s actual debt and recalculate the financial ratios.  The credit rating agencies 20 

consider these ratios when they evaluate a company’s bond rating. 21 

Q. What is the effect of imputed debt on the credit rating agencies' evaluation of PGE? 22 
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A. The amount of imputed debt from long-term purchased power contracts and operating leases 1 

in 2007 is projected to be approximately $250 million.  This adds approximately 5.6% of 2 

additional debt to PGE’s balance sheet.   3 

Q. Did you calculate the financial ratios using Staff’s recommendations? 4 

A. Yes.  We found that Staff’s recommendations, if adopted, would push PGE’s financial ratios 5 

to the edge of the BBB+ range and closer to a rating downgrade. 6 

Q. How did you determine that Staff’s recommendations would push PGE’s financial 7 

ratios closer to a downgrade? 8 

A. We updated our financial model to include Staff’s recommended required return on equity, 9 

cost of debt, and capital structure.  We also included the changes in expenses due to the 10 

stipulations regarding O&M/A&G and the depreciation study (UM 1233).  We then ran the 11 

financial model for 2007.  We also ran our financial model with our recommended cost of 12 

capital and included the two stipulations.  Our results are shown in PGE Exhibit 2015.  13 

Table 5 below reproduces the S&P financial ratios for both 2007 results as well as S&P’s 14 

benchmark guidelines for a “BBB”-rated utility with a business profile of “5”. 15 

Table 5 

S&P Financial Ratios Using Staff & PGE Recommendations 

(Before Imputed Debt) 

  2007 Forecast Using 

Ratio 
S&P 

Benchmark 
PGE CoC Staff CoC 

Total Debt/Total Capital 60%-50% 44.64% 45.72% 

FFO/Interest Coverage 2.8-3.8 4.70 4.31 

FFO/Average Total Debt 15.0-22.0 25.76 22.89 

    



UE 180 – UE 181 – UE 184 / PGE / 2000 
Hager – Valach / 30 

 

UE 180 – UE 181 – UE 184 RATE CASE - REBUTTAL 
 

 If we add the imputed debt to the capital structure, PGE’s debt ratio would be over 50% on 1 

an actuals basis.  If we use Staff’s recommended debt ratio of 51.5%, PGE would have a 2 

debt ratio of 57.1%, close to BBB- range. 3 

2. Staff’s Recommended Capital Structure Would Limit PGE’s Flexibility 4 

Q. Do you agree with Staff’s recommendation that PGE’s capital structure be set for 5 

ratemaking purposes at 48.5% common equity and 51.5% long-term debt? 6 

A. No.  If the Commission adopts Staff’s recommendation, then the Commission has told us 7 

that the appropriate capital structure is one with 48.5% common equity.  PGE would have a 8 

disincentive to maintain an equity ratio above this level.  If PGE did maintain its equity ratio 9 

above 48.5%, we would fail to recover the capital costs associated with a higher equity ratio.  10 

So, we would have an incentive to reduce our equity ratio to this level sooner rather than 11 

later. 12 

Q. Staff states that “if PGE employs less debt and more equity in its capital structure than 13 

the sample companies …, all else equal, PGE is a less risky investment than suggested 14 

by the model.”  Do you agree with Staff’s conclusion? 15 

A. Yes, all else being equal.  But Staff has dismissed the reasons why PGE is not a less risky 16 

investment.  As we discussed in our direct testimony, we believe we need to maintain the 17 

higher equity ratio for several reasons, including: 18 

 business reasons, which include that the equity will enable PGE to: 19 

• maintain its financial strength, flexibility, and adequate liquidity,  20 

• maintain reliable and economical access to the capital markets,  21 

• minimize the overall cost of capital to customers and shareholders, and  22 

• offset debt equivalence of purchased  power contracts. 23 
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 specific circumstances, which include that: 1 

• we must comply with Condition 5 of OPUC Order No. 05-1250, which requires 2 

PGE to maintain an equity capital ratio of at least 48%, and Condition 6(c) of 3 

the same Order, which requires PGE to maintain at least $40 million in 4 

additional equity beyond the 48% until 30 days after the tariffs for the next 5 

general rate case are approved. 6 

• PGE must be able to maintain liquidity for unexpected margin calls as 7 

wholesale prices fluctuate and for unresolved issues including litigation and SB 8 

408. 9 

• PGE has high capital expenditures associated with hydro relicensing, beginning 10 

in 2007 and increasing in the following years. 11 

• PGE is exploring new wind ownership or purchase in the near future and has 12 

proposed an AMI (advanced metering infrastructure) system. 13 

• PGE must be able to offer assurance to its equity and bond investors of 14 

sufficient cash flow, including sufficient equity to offset debt equivalence 15 

imputed by credit rating agencies. 16 

• The regulated capital structure does not include our current short-term debt or 17 

revolvers, which we have reduced since 2001. 18 

 To these we would add one more reason for our higher equity ratio:  PGE must be able to 19 

maintain an investment grade unsecured bond rating to cost effectively access wholesale 20 

energy markets. 21 

Q. Have any of these reasons or circumstances changed since the filing of direct 22 

testimony? 23 
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A. No.  In fact, the current status of SB 408 and the recent State Supreme Court ruling, as 1 

discussed above, provide further reasons for PGE to maintain a higher equity ratio. 2 

Q. Are there additional reasons that PGE is not a less risky investment? 3 

A. Yes, there are several.  First, PGE does not have a power cost adjustment (PCA) mechanism.  4 

As noted in our direct testimony, our recommended RROE assumes that the NVPC 5 

regulatory framework that Ms. Lesh and Mr. Niman proposed, which includes a PCA, will 6 

be adopted.  Without a PCA, PGE would indeed be more risky.  Second, PGE needs the 7 

additional equity to maintain its access to the short-term energy markets in the event that we 8 

must supply collateral for our purchases. 9 

Q. Do you agree with Staff’s statement that “[a]ssuming a capital structure that is 10 

different than the Company’s actual capital structure does not impact the ability of the 11 

Company to manage its capital structure?” 12 

A. No.  We would agree that the regulated capital structure will most likely be different from a 13 

company’s actual structure, given regulatory lag.  However, the capital structure determined 14 

by the Commission essentially tells the company what the Commission wants the 15 

company’s capital structure to be.  By imposing a 48.5% equity ratio, the Commission 16 

would be telling PGE that it would be prudent to allow its equity ratio to decline to this level 17 

because PGE will not be compensated for any amount above this level.  Such a decision 18 

would also signal to investors that the Commission will not compensate for the risks that 19 

PGE has identified and therefore, investors would be less likely to purchase securities from 20 

PGE.  Thus, Staff’s suggestion that PGE would not be harmed by such a low equity ratio is 21 

incorrect. 22 

Q. Does Staff’s recommended capital structure reduce PGE’s financing flexibility? 23 
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A. Yes.  If PGE reduces its equity ratio to Staff’s recommended level, then we would not be 1 

able to issue long-term debt with as much flexibility as we currently have.  In order to 2 

maintain the 48.5% equity ratio, we would essentially have to issue equal amounts of 3 

common stock and long-term debt.  Any common stock issuances above the 48.5% equity 4 

ratio would fail to be compensated at the required return.  If we issue just long-term debt, 5 

our equity ratio would fall below the required 48% threshold. 6 

3. Staff’s Recommended Required Return on Equity Is Extremely Low 7 

Q. Staff’s recommended RROE is 9.3%.  How does their recommendation compare to 8 

what investors have seen adopted during the last 18 months? 9 

A. Staff’s recommended RROE is significantly lower than any adopted authorized ROE by a 10 

state regulatory commission over the last 18 months, as shown in PGE Exhibit 2005. 11 

Q. What impact would Staff’s recommended RROE have upon investors? 12 

A. All else equal, investors would likely purchase securities of other electric utilities since they 13 

have higher authorized ROEs, especially given the significant 30-45 basis points minimum 14 

difference between Staff’s recommendation and those adopted elsewhere.  Thus, if PGE 15 

issued common stock, it would have to do so at a lower price than otherwise, causing it to 16 

issue more common stock and potentially pay increased dividends in order to maintain its 17 

relative attractiveness to investors. 18 

 

B. Staff’s ROE Analysis Is Narrow and Contains Numerous Errors in Theory and 

Application 

Q. What issues or concerns do you have with Staff’s ROE analysis? 19 

A. We have numerous issues with respect to Staff’s ROE analysis, including the following: 20 
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• Staff only uses one method, the DCF model, to evaluate PGE’s required ROE. 1 

• Staff made no reference to the standards of setting just and reasonable rates 2 

required by Hope, Bluefield, and ORS 756.040. 3 

• Staff did not follow their own criteria in the selection process for their sample 4 

group of companies. 5 

• After performing their DCF analysis on their sample group of companies, Staff 6 

failed to make any adjustments to reflect PGE-specific risks. 7 

• Staff considers only Oregon regulatory decisions and policy and does not 8 

attempt to evaluate its analysis alongside those used in other regulatory 9 

environments. 10 

• Staff's DCF analysis inappropriately relies upon a one-day spot price to 11 

calculate the dividend yield component. 12 

• Staff repeatedly refers to “evidence” that they relied on in their analysis but 13 

when asked to produce that evidence, Staff responded that in most cases the 14 

“evidence” consisted of either their judgment or their own expertise. 15 

• Staff failed to consider the capital structure requirements imposed by existing 16 

Commission orders. 17 

• Although Staff claimed to reject use of historical GDP growth rates in the DCF 18 

model, they consider historical growth rates in their analysis. 19 

• Staff incorrectly evaluates the impact of institutional ownership in their DCF 20 

analysis. 21 
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1. Use of One Method to Determine Cost of Equity 1 

Q. Staff uses only one method to calculate PGE’s required ROE.  Do other regulatory 2 

commissions use just a single method? 3 

A. No.  Most state commissions consider two or more methods.  PGE Exhibit 2011 is a 4 

summary of a 2001-2002 survey PGE performed regarding the various methods used by 5 

state regulatory commissions to determine required ROEs for companies within their 6 

jurisdiction4.  At that time, most regulatory commissions were using both a DCF model and 7 

a risk premium model, which would include CAPM.  Different commissions used different 8 

forms of the DCF and risk premium models, but the majority used more than one method to 9 

determine a company’s required ROE. 10 

Q. Is there a potential problem with using just one method to estimate required ROE? 11 

A. Yes.  As Dr. Roger Morin notes in his text, 12 

 “It is dangerous and inappropriate to rely on only one methodology in 
determining the cost of equity.  For instance, by relying solely on the DCF 
model at a time when the fundamental assumptions underlying the DCF 
model are tenuous, a regulatory body greatly limits its flexibility and 
increases the risk of authorizing unreasonable rates of return.  The results 
from one method are likely to contain a high degree of measurement error.  
The regulator’s hands should not be bound to one methodology of estimated 
equity costs, nor should the regulator ignore relevant evidence and back 
itself into a corner.” 

(Morin, Roger A., Regulatory Finance, Public Utilities Reports, Inc., 1994 page 28). 

 One should not rely solely on the results of one financial model.  Doing so ignores the real 13 

world and financial theory that has been formalized in risk premium models.  Dr. Zepp 14 

                                                 
4 PGE is in the process of updating the survey.  The survey is not complete but our results, as of August 31, are 
included in our work papers. 
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discusses this issue further in his rebuttal testimony, and offers additional methodologies for 1 

the Commission's consideration. 2 

Q. Are you suggesting that the fundamental assumptions underlying the DCF model may 3 

be “tenuous,” as referred to in Dr. Morin's book referenced above? 4 

A. No, we would not say the fundamental assumptions are necessarily "tenuous" given the 5 

circumstances of the current economic and financial environment.  These circumstances do 6 

suggest, however, that the DCF results should be corroborated with the results produced by 7 

other methodologies.  We have not performed an analysis on the DCF assumptions, but 8 

questions with the DCF model arise when (1) regulatory commissions are authorizing ROEs 9 

in a range (10%-11%) which exceeds the range produced by sole reliance on the DCF 10 

model, and (2) other methods yield a much higher result.  In other words, the difference 11 

between the DCF estimates and other methods is quite significant, and it would appear that 12 

other regulatory commissions have placed less emphasis on the DCF results. 13 

2. Standards of Hope, Bluefield, and ORS 756.040 14 

Q. The Oregon Public Utility Commission is charged with setting just and reasonable 15 

rates for utilities based on the standards set forth in Hope, Bluefield, and ORS 756.040.  16 

Were any of these standards addressed in Staff’s testimony or exhibits? 17 

A. No, at least not directly.  Nowhere in Staff testimony is there any reference to the 18 

Constitutional standards or the governing Oregon statute.  (Staff Exhibit 1003, page 34 19 

includes a quote from Bluefield, but the cited excerpt focuses on a very limited aspect of the 20 

constitutional requirement.) 21 

Q. What are the standards set forth under those three authorities? 22 
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A. Bluefield established the principle that a utility is entitled to earn a return comparable to that 1 

earned by companies with similar risks and uncertainties, generally referred to as the 2 

“comparable earnings” requirement (Bluefield Water Works & Improvement Company v. 3 

Public Service Commission of West Virginia, 262 U.S. 679, 1923).  In the Hope decision, the 4 

Supreme Court confirmed the principles established in Bluefield, and added “financial 5 

integrity” and “capital attraction” requirements (Federal Power Commission v. Hope 6 

Natural Gas Company, 320 U.S. 591, 1944).  From these two cases, three “tests” emerged to 7 

assess the reasonableness of allowed return: (1) the standard of capital attraction (2) the 8 

standard of comparable earnings and (3) allowance of the utility to maintain financial 9 

integrity.  Under the standards of Hope, “the return on equity must be commensurate with 10 

returns on investments in other enterprises having corresponding risks” (Id.).   11 

Q. What do these decisions imply regarding regulation? 12 

A. The regulatory principles from these decisions indicate that rates should be based on 13 

prudently incurred costs of service and those costs of service include a fair rate of return and 14 

recovery of investments made to provide regulated service.  The regulatory bargain between 15 

utilities and commissions depends on investors having a reasonable opportunity to earn a 16 

fair rate of return. 17 

Q. Has the State of Oregon provided any guidelines regarding cost of capital? 18 

A. Yes.  ORS 756.040 reflects the principles in the Hope and Bluefield decisions.  It states, in 19 

part: 20 

 The commission shall balance the interests of the utility investor and the 
consumer in establishing fair and reasonable rates.  Rates are fair and 
reasonable for the purposes of this subsection if the rates provide adequate 
revenue both for operating expenses of the public utility or 
telecommunications utility and for capital costs of the utility, with a return 
to the equity holder that is: 
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  a. Commensurate with the return on investments in other enterprises 
having corresponding risks; and 

  b. Sufficient to ensure confidence in the financial integrity of the utility, 
allowing the utility to maintain its credit and attract capital. 

 
Q. What are the implications on Staff’s recommended cost of equity for PGE by not 1 

considering these standards? 2 

A. Staff’s testimony contains no analysis which indicates how these requirements have been 3 

satisfied under Staff's recommendations.  Without this analysis, Staff cannot represent that 4 

its recommended cost of equity for PGE would allow PGE to have a reasonable opportunity 5 

to earn a fair rate of return based on a comparison of PGE to other companies having 6 

corresponding risks. 7 

3. Problems with the Selection Process for Staff's Sample Group of Companies  8 

Q. How did Staff select its PGE comparable sample? 9 

A. Staff claimed that they used a three-step process.  First, they excluded companies that have 10 

“a large amount of revenues, assets, or earnings focused on unregulated operations.”  11 

Second, they selected companies that were rated by S&P as BBB or higher.  Third, they 12 

used “final judgment pertaining to the anticipated future state of the companies’ business.” 13 

Q. Did Staff follow their own criteria during their selection process? 14 

A. No.  It appears that Staff included companies with large amounts of revenues from 15 

unregulated operations and they used bond ratings for the holding company instead of the 16 

appropriate utility operating company. 17 

  We asked Staff to define what “a large amount of revenues, assets, or earnings” meant.  18 

Staff’s response was that large “refers to an amount that would have limited a company’s 19 

usefulness as a proxy to apply to PGE’s rate-regulated property.”  In other words, Staff used 20 
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their judgment to determine what “large” meant.  We note that Staff included WPS 1 

Resources, which has 78% of its revenues from unregulated and other operations (Staff 2 

Exhibit 1003, page 111).  To us, this proportion of non-utility revenues would seem to 3 

warrant the exclusion of WPS Resources. 4 

  We examined the S&P bond ratings put forth by Staff for its 14-company sample.  We 5 

found that Empire District Electric was downgraded to BBB- May 17, 2006 and therefore, 6 

Empire District Electric should not be in the Staff sample. 7 

Q. Are there other problems with Staff’s sample selection process? 8 

A. Yes, there are several additional problems with Staff’s sample selection process. 9 

• As discussed in Dr. Zepp's testimony, Staff's sample selection process resulted 10 

in a sample group of companies that has a less riskier business profile than PGE 11 

(a business profile of 3.9 versus PGE's 5.0). 12 

• As discussed in Dr. Zepp's testimony, Staff's sample selection process resulted 13 

in a sample group of companies that has an average bond rating that is higher 14 

than PGE's ("A" versus PGE's "BBB+"). 15 

• As discussed in Dr. Zepp's testimony, Staff's sample selection process resulted 16 

in a sample group of companies that purchases only 35% of its power, versus 17 

PGE's 49% reliance on purchased power.  Staff did not consider the percentage 18 

of purchased power a company may have in developing their sample group of 19 

companies (Morgan Deposition, p. 35, lines 18-24).  The level of purchased 20 

power will indicate how "long" or "short" a utility may be, and thus the level of 21 

risk of variable power costs.  The greater reliance on purchased power and 22 

exposure to the wholesale energy market, the more risky a utility can be. 23 
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• As discussed in Dr. Zepp's testimony, Staff did not consider the impact of a 1 

utility cutting its dividend when they developed their sample group of 2 

companies (Morgan Deposition, p. 32, lines 1-6).  This is an important factor to 3 

consider in sample selection because dividend cuts can reduce the attractiveness 4 

of a utility and reduce its share price.  These two factors, a lower dividend and 5 

lower share price, when using the DCF model, result in lower growth rates. 6 

• Staff did not consider other commonly used financial filters such as earnings 7 

volatility, ROE volatility, and the stability of dividends or growth (See 8 

generally Morin pp. 201-230).  Staff did not consider earnings or dividend 9 

growth (OPUC Response to PGE Data Request No. 033).  By including 10 

companies that have negative earnings and/or dividend growth, Staff biases the 11 

growth average downward.  They assume that rational investors would purchase 12 

stock in companies whose growth is expected to be negative.  It is unreasonable 13 

for an investor to expect negative earnings growth in the long term.   14 

• Staff's sample group includes three utility companies that operate in deregulated 15 

environments, which essentially means they are transmission and distribution 16 

(or “poles and wires”) only companies and are not subject to purchase power 17 

and generation risk.  Staff did not consider the differing risk profiles of 18 

transmission and distribution only companies versus vertically integrated 19 

companies in developing their sample group (Morgan Deposition, p. 32, lines 20 

20-25).  These transmission and distribution companies tend to experience little, 21 

if any, power supply or purchased power risk.  Thus, they are inherently less 22 

risky and have lower required ROEs.  Including these companies as 23 
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comparables reduces the overall required ROE estimate.  In fact, Mr. Morgan 1 

acknowledged that “the risk profile is likely different” between a vertically 2 

integrated utility and a transmission and distribution only company (Morgan 3 

Deposition, p. 32, lines 23-24). 4 

Q. According to the above discussion, is Staff’s sample representative for PGE in terms of 5 

choosing companies that have commensurate risks? 6 

A. No.  From the points set out above, it is evident that Staff did not consider several risk 7 

factors when determining the sample for its analysis for the recommended ROE for PGE.   8 

Q. What are the implications of choosing a sample that does not consider risks 9 

commensurate with PGE in determining PGE’s ROE? 10 

A. This gives Staff an invalid starting point in its DCF analysis.  The error is compounded by 11 

Staff's failure, after performing a DCF calculation for their sample group of companies, to 12 

address PGE-specific risks, as discussed in the following section. 13 

4. Staff failed to make any adjustments to reflect PGE-specific risks following their DCF 14 

analysis of the sample group of companies. 15 

Q. Following Staff's DCF analysis of their sample group of companies, did they make any 16 

adjustment for PGE-specific risks that would not have been reflected in the analysis of 17 

the sample group? 18 

A. Staff’s testimony contains no such analysis.  In particular: 19 

• Staff did not consider whether it would be appropriate to take account of the 20 

fact that unlike many of the companies in Staff's sample group, PGE does not 21 

have a power cost recovery mechanism.  It is well accepted that having a power 22 

cost recovery mechanism reduces a company’s risk.  Staff included some 23 
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companies that have a PCA.  These are obviously not comparable to PGE since 1 

PGE does not currently have a PCA and, if PGE's proposed PCA mechanism is 2 

not approved in this proceeding, an upward adjustment would seem to be 3 

warranted to Staff's ROE recommendation. 4 

• Staff did not consider whether a different generation mix between companies 5 

can create large disparities in cost of equity analysis.  For example, a company 6 

with 84% coal generation, such as American Electric Power, has less risk than 7 

PGE, which has a high reliance on hydroelectric generation and purchased 8 

power, both of which can be volatile.  Given PGE's reliance on purchased 9 

power and hydro generation to a higher degree than Staff's sample group, an 10 

upward adjustment to ROE would seem to be warranted. 11 

• Staff did not make an adjustment for the increased risk associated with 12 

operating in Oregon’s regulatory and legal environment, such as consideration 13 

of the impacts of SB 408 (Morgan Deposition, p. 52).  As discussed below, 14 

Staff's analysis of this issue assumes, without foundation, that the regulatory 15 

environment is perceived as favorable. 16 

• Staff did not consider the risk Oregon utilities face in terms of financing 17 

construction of necessary generation and not collecting any costs related to such 18 

construction until the Commission deems the utility property used and useful 19 

(ORS 757.355).  Wisconsin, which includes Alliant Energy in Mr. Morgan’s 20 

sample, for example, allows utilities to file for pre-approval of a new generating 21 

facility, which would reduce regulatory risk. 22 
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• Staff did not consider the risk PGE faces with respect to operating within the 1 

City of Portland, where the City is claiming authority to set PGE's retail rates 2 

(PGE Exhibit 1100, page 41) and threatens from time to time to assert its 3 

condemnation authority over PGE property within Portland's city limits. 4 

Q. Why did Staff not address PGE specific risks in its analysis of PGE’s recommended 5 

ROE? 6 

A. Staff relies on Modern Portfolio Theory to justify its recommended ROE. 7 

Q. What is Modern Portfolio Theory? 8 

A. According to Staff, Modern Portfolio Theory “relates to an investment approach whereby 9 

investors construct a grouping of investments.  The proper portfolio would offer maximum 10 

expected returns for a given level of risk tolerance.  The theory assumes that investors like 11 

investment returns, but dislike the risk, or volatility associated with those returns.”  (Staff 12 

Exhibit 1003, page 31).  Staff continues the explanation stating “[investors] can reduce their 13 

overall exposure to each investment of ‘business specific’ risk that would affect them if they 14 

were not well diversified.”  (Id.).  Generally, this theory states that investors will choose 15 

different stocks to create a portfolio that will reduce the diversifiable, or company specific, 16 

risks.   17 

Q. Is this an appropriate theory to apply when estimating the required ROE for an 18 

individual utility for ratemaking purposes? 19 

A. No.  The Modern Portfolio Theory, as applied by Staff in this proceeding, would fail to 20 

produce an allowed ROE that meets the constitutional requirements of Hope and Bluefield, 21 

and the statutory standard of ORS 756.040.  Under Staff's application of the Modern 22 

Portfolio Theory, the risks associated with investing in PGE need not be compensated if 23 
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investors can simply diversify them away.  The effect is to disregard the clear Constitutional 1 

and statutory requirements that it is the risks of investing in PGE that must be compensated.  2 

The result is that PGE will be granted an inadequate return, and its investors will be 3 

punished to the extent these risks are not recognized and compensated. 4 

5. Staff considers only Oregon Regulation  5 

Q. Did Staff consider Oregon’s regulatory climate in their testimony? 6 

A. Yes.  Staff witness Morgan claims that the regulatory environment in Oregon is "favorable" 7 

in that "it responds quickly to changing market conditions that affect its regulated 8 

enterprises" (Staff Exhibit 1003, page 35).  However, when asked to substantiate the basis 9 

for this statement, Mr. Morgan did not supply any work papers or other documents to show 10 

that Oregon is rated favorably; he stated only that his belief is based on conversations that he 11 

has had with rating agencies.  As we note later, Regulatory Research Associates (RRA) 12 

recently downgraded Oregon from Average 1 to Average 2, citing the impact of SB 408 in 13 

particular (PGE Exhibit 2012). 14 

Q. Does Staff consider the regulatory environment or treatment of utilities in other 15 

jurisdictions? 16 

A. No.  Staff appears to focus solely on the policy and decisions of the Oregon Public Utility 17 

Commission. 18 

Q. Should Staff have considered regulatory climate when selecting their sample? 19 

A. Yes.  Investors consider regulatory climate as one of the factors in their decision.  Staff 20 

agrees that strong regulatory support is viewed favorably in the market; according to Staff 21 

Exhibit 1003, page 30: 22 
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 "The rating will last as long as rating agencies have confidence in the 
regulatory climate in which the Company operates." 

 
 Notwithstanding this acknowledgement of the importance of regulatory climate on the 1 

evaluation by investors, Staff did not consider either the regulatory climate in other 2 

jurisdictions or the recent downgrade in Oregon’s rating. 3 

Q. What would be the effect on investors if Oregon’s regulatory climate declines? 4 

A. All else equal, investors would prefer to purchase and own securities of utilities that operate 5 

in, and are regulated by other, more favorable regulatory jurisdictions.  Investors would 6 

expect companies in these jurisdictions to have less downward earnings volatility.  On this 7 

point, we refer to the authorities cited by Mr. Morgan on pages 35-36 of Staff Exhibit 1003. 8 

6. Staff’s use of spot prices in its DCF analysis 9 

Q. Staff uses one-day spot prices in its DCF analysis.  Does either PGE or ICNU-CUB use 10 

one-day spot prices? 11 

A. No.  Both Dr. Zepp and we use closing or spot prices measured over a period of time.  Mr. 12 

Gorman, for his part, averages the closing prices over a 13-week period, which is fairly 13 

common (ICNU-CUB Exhibit 300, page 17).  We all find that one-day spot prices are too 14 

volatile and/or inconsistent with other data that we use for estimating a utility’s required 15 

ROE. 16 

Q. Have recent daily stock prices for electric utilities been volatile? 17 

A. Yes.  This is readily apparent by comparing the two dates that Staff selected for its analyses 18 

for PacifiCorp (Docket UE 179) and PGE.  Staff used the same 14-company sample for both 19 

PacifiCorp and PGE in conducting their DCF analyses; the only difference was the time that 20 

elapsed between the date Staff used for its analysis in PacifiCorp (June 28) and the date used 21 
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by Staff for its analysis in this docket (August 8).  Between June 28th and August 8th, the 1 

stock prices of almost all the electric utilities in Staff’s sample rose as shown in PGE Exhibit 2 

2016.  Over this six-week period, individual electric utility stock prices rose anywhere from 3 

3.2% to 12.8%.  Indeed, during this period, individual stock prices varied from -1.8% to 4 

12.8%, from their closing prices on June 28.  Depending on which day Staff chose to 5 

perform their DCF analysis, their results for PGE would differ significantly from those for 6 

PacifiCorp, which would contradict their belief that both PGE and PacifiCorp have the same 7 

risk.  Indeed, the run up in stock prices contributed to their 20 basis points lower ROE 8 

recommendation for PGE than for PacifiCorp, using the same sample companies. 9 

Q. Staff uses one-day stock prices and once-a-quarter forecasts or estimates in their DCF 10 

model.  Is it appropriate to mix temporal data in this manner? 11 

A. No, for the reasons discussed in Dr. Zepp's testimony. 12 

Q. Why don’t the analyses performed by the Company and by Mr. Gorman suffer from 13 

the same deficiency as Staff’s? 14 

A. As we noted above, we use a time period, not a spot price, and this time period roughly 15 

matches the period over which investors' growth expectations are estimated.  We use the 16 

high, low, and close over a period of 3-6 months, Dr. Zepp uses high and low stock prices 17 

during the previous 3 months and Mr. Gorman averages his stock prices over a 13-week 18 

period. 19 

7. Staff’s “evidence” is really its judgment 20 

Q. Regarding your fourth concern, Staff makes several references in its testimony and 21 

exhibits to “evidence” upon which they relied in making their determination.  Did Staff 22 

provide such evidence? 23 
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A. No.  PGE asked several data requests of Staff requesting the evidence or literature upon 1 

which they stated that they relied.  In most cases, Staff’s reply was that they were either 2 

unaware of such evidence and therefore could not provide such evidence, or that the 3 

evidence consisted solely of Staff’s judgment.  PGE Exhibit 2023 provides several examples 4 

where Staff states in their testimony that they had evidence or supporting documentation 5 

when, in fact, they relied on their own judgment.  For example, Staff stated that there was “a 6 

lot of evidence” that risk premiums may be time varying.  However, when PGE asked Staff 7 

to produce this evidence, Staff responded that the evidence was “Mr. Morgan’s knowledge 8 

and was not based on contemporaneous analysis of the literature.” 9 

Q. Why is Staff’s substitution of their judgment for evidence or literature a concern? 10 

A. By portraying Staff's analysis in this manner, Staff created the misimpression that its 11 

analysis was supported by additional documentation or financial literature.  By citing 12 

evidence, Staff implies that there is third-party support for their statements or conclusions.  13 

In fact, though, Staff in many cases had no evidence and it was indeed Staff’s opinion, 14 

which is accorded less weight than if supported by the opinions or analyses of outside 15 

experts. 16 

8. Staff’s failure to consider Commission-imposed capital structure requirements  17 

Q. Did Staff consider Order No. 05-1250 from UF 4218/UM1206 regarding the 18 

distribution of PGE’s stock? 19 

A. No, it does not appear Staff considered this Order. 20 

Q. Did Staff consider Condition 5 of Order No. 05-1250 requiring PGE to maintain at 21 

least 48% equity until at least 60% of PGE stock has been distributed from the 22 

Disputed Claims Reserve? 23 
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A. No, it does not appear that Staff considered this or made an adjustment for this.   1 

Q. Are there other issues that Staff did not consider? 2 

A. Yes, as mentioned in our direct testimony (PGE Exhibit 1100, page 44), PGE must maintain 3 

a higher equity ratio for the reasons mentioned above as well as to support capital 4 

expenditures for projects such as wind development and hydro relicensing.  Another factor 5 

justifying a higher equity ratio is the maintenance of investment grade ratings on our 6 

unsecured debt in order to maintain our access to wholesale energy markets.  Also there are 7 

the possibilities of margin calls on power contracts, which becomes a higher possibility with 8 

fluctuating power prices or if PGE were to be downgraded.  We must be able to have 9 

sufficient liquidity to construct our capital projects as well as provide bond and equity 10 

holders sufficient confidence in our cash flow.   11 

  Finally, Hope, Bluefield, and ORS 756.040 require that a company be granted a 12 

sufficient overall return to enable it to maintain its financial integrity and attract capital on 13 

reasonable terms.  This standard is applicable as well in evaluating the recommended capital 14 

structure. 15 

  Given the above discussion of PGE’s need to maintain a higher equity ratio, Staff’s 16 

recommendation of 48.5% equity is insufficient. 17 

9. Staff’s use of historical GDP growth rates in its DCF analysis 18 

Q. Staff recommends against using historical GDP growth rate as a proxy for determining 19 

the terminal growth rate in the DCF model (Staff Exhibit 1000, page 17).  Does Staff 20 

consider any historical growth rates in its analysis? 21 
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A. Yes.  In fact, Staff states that “[c]onsistent with Staff’s past approach to the DCF method, I 1 

viewed past dividend growth” (Staff Exhibit 1000, page 9).  In addition, Staff analyzed 2 

historical book value growth and historical earnings per share. 3 

Q. What was Staff’s estimate of historical growth? 4 

A. Staff states that “[o]ver the past fifteen years, the comparable electric companies have 5 

achieved a median growth in book value, earnings per share, and dividends of less than 3.0 6 

percent” (Staff Exhibit 1000, page 13).  However, we could not reproduce their estimates.  7 

Staff did not provide the full fifteen years in their work papers and provided only 5- and 10-8 

year information in their testimony (Staff Exhibit 1000, pages 15-16). 9 

Q. Do Staff’s 5- and 10-year historic growth rate tables support Staff’s estimates? 10 

A. Yes.  The two tables show that the median historic growth rates were less than 3%.  11 

However, we were unable to reproduce the estimates for the 5- and 10-year historical growth 12 

rates in their tables.  Even if we accept the estimates in their two tables, we would be 13 

perplexed as to why an investor would choose to invest in utilities that have shown 14 

consistent negative growth, if the investor is using the historic growth rate for “guidance,” as 15 

Staff recommends.  Including such companies would suggest that the investor would 16 

inexplicably purchase companies that expect negative growth.  Finally, we note that the 5- 17 

and 10-year historical growth rates for individual companies range from -12.00% to 9.50%. 18 

10. Staff's incorrect evaluation of the impact of institutional ownership 19 

Q. Staff states that institutional investors make up the “lion’s share” of ownership in 20 

public utilities.  Do you agree that this type of ownership can create “stability” as Staff 21 

suggests? 22 
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A. No, we do not agree.  As Staff notes, the effect of such ownership depends on the type of 1 

institution that owns the shares.  While “pension” companies may be more stable on average 2 

than other investors, they, too, are pursuing total return.  Thus, if they perceive that PGE will 3 

not receive a fair return, they will sell their investment.  In addition, we wouldn’t say that 4 

mutual fund companies are necessarily more stable.  Mutual fund companies are not long-5 

run investors.  These funds must report annual returns to their owners and if a utility’s shares 6 

are not performing, the fund will sell the shares just as readily as any other investor.  In 7 

addition, “firms” include hedge funds and other highly volatile investment groups, which 8 

typically have a high turn over of their stock portfolios, tending to increase volatility. 9 

Q. Is PGE’s outstanding stock owned by “large institutional investors”? 10 

A. Yes.  Apart from the Disputed Claims Reserve for Enron creditors, we don’t know the 11 

specifics regarding each of the owners of PGE’s outstanding common stock.  However, we 12 

do know that the largest owner is Harbinger, a hedge fund, which owns approximately 7%.  13 

Harbinger’s investment in PGE has been discussed for many months among the OPUC, 14 

Harbinger, and other parties and is still unresolved.  Under ORS 757.511, an entity owning 15 

greater than 5% in a utility suggests an ability to exercise substantial influence over the 16 

utility, which seems inconsistent with Staff's observations that institutional ownership 17 

represents an attractive source of stability for a utility. 18 
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V. Specific Rebuttal to Staff’s Testimony 

Q. What specific areas do you rebut regarding Staff’s testimony? 1 

A. We rebut two areas.  First, we rebut Staff’s criticism regarding the arithmetic historical 2 

average.  Second, we rebut Staff’s analysis of our Risk Positioning model. 3 

 

A. Arithmetic vs. Geometric Averages 

Q. Staff criticizes your use of the historical arithmetic average instead of the geometric 4 

average as the appropriate method to use as a forecast.  Is the historical arithmetic 5 

average the appropriate method to use? 6 

A. Yes.  This is an ongoing debate and is not likely to be settled any time soon.  It is generally 7 

agreed that the geometric annual average provides the most useful measure of growth that 8 

occurred over a period in the past.  But that is not the issue here.  Basically, the important 9 

question is which average is the best estimate for the next period – the arithmetic or the 10 

geometric?  The geometric average considers the average return if you made your 11 

investment at the beginning of the historical period and if you held your investment for the 12 

entire period and if the returns were exactly the same in each and every year during the 13 

period.  If any one of these is not valid for your future investment, then the geometric 14 

average isn’t appropriate. 15 

  The arithmetic average considers the average of annual returns over the period and 16 

assumes that you hold your investment for one year.  In our case, we are trying to forecast 17 

the next period’s (i.e., next year) return.  In this case, the arithmetic average is the 18 

appropriate one because we are trying to estimate the average for one year, not for a much 19 

longer period. 20 
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 1 

B. Our Risk Positioning Model Is Correct 

1. Staff’s theoretical concerns are unfounded. 2 

Q. Staff has several “theoretical” criticisms regarding the Risk Positioning model.  Did 3 

you evaluate these concerns? 4 

A. Yes, we did.  We found that some of Staff’s concerns regarding our Risk Positioning model 5 

were without any basis.  However, where Staff suggested a modification to the model that 6 

we could readily perform, we did so and found that our results did not change significantly.  7 

Finally, regarding Staff’s example using a random number generator, we correct Staff’s 8 

error and find that their model generates an R2 of zero, or no correlation, as we would 9 

expect. 10 

The Risk Positioning model is common across jurisdictions and witnesses 11 

Q. Staff claims that your model is “unique” to you.  Is Staff correct? 12 

A. No.  The Risk Positioning model has been used in several jurisdictions, including FERC and 13 

Texas.  In addition, Dr. Zepp has participated in numerous electric and water utility cases in 14 

which he, consumer advocates, and/or other parties presented variations of the model.  15 

Finally, Dr. Hadaway, PacifiCorp’s witness in UE 179, presented a variant of our Risk 16 

Positioning model in his direct testimony, which Staff also called “unique.”  Thus, the Risk 17 

Positioning is not unique with respect to jurisdiction or to witness.  Staff is simply incorrect 18 

– the model has been used by several witnesses in several jurisdictions. 19 

Q. Are these Risk Positioning or Risk Premium models different? 20 
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A. Yes.  The models are different just as witnesses use different DCF models.  But, to say that 1 

the Risk Positioning model is “unique” to us is to say that the DCF model is “unique” to 2 

Staff.  Neither is true.  The model is not unique. 3 

Q. Staff further states that the Risk Positioning model has not been “subjected to peer-4 

review.”  Are they correct? 5 

A. As we discuss above, the model has been used in several jurisdictions and by several 6 

witnesses.  However, to our knowledge, the Risk Positioning model has not been submitted 7 

to a peer-reviewed journal for publication, if that is what Staff means by “peer-reviewed.” 8 

Q. Have Staff’s models been submitted for “peer-review”? 9 

A. No.  Although other forms of the DCF and Risk Premium models have been discussed and 10 

reviewed in the literature, neither Staff’s specific models, Mr. Gorman’s specific models, 11 

nor our specific models have been submitted for peer review. 12 

Q. Staff states that you use authorized ROEs as a surrogate for expected returns.  Is this 13 

correct? 14 

A. No.  The risk positioning model postulates that authorized ROE decisions by regulatory 15 

commissions are influenced by interest rates.  When interest rates are high, we would expect 16 

higher authorized returns, all else equal.  Conversely, if interest rates are low, we would 17 

expect lower authorized returns.  The model does not attempt to estimate expected returns, 18 

but rather what investors might expect from a commission for an authorized ROE.  The risk 19 

premium in this model is the premium investors would expect over 7-year Treasuries to 20 

compensate them (in the form of an authorized ROE) for the common equity risk. 21 

Q. Staff alleges that “published risk premium literature” use simple differences and do 22 

not rely on regression analysis.  Is this true? 23 
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A. We asked Staff to provide the evidence supporting this statement and Staff responded that 1 

the statement is based on their experience.  In other words, Staff has no support for their 2 

statement.  PGE’s model follows standard regression theory and practice. 3 

Q. Staff criticizes your model by stating that risk premiums may be time varying.  Is this 4 

true? 5 

A. They may or may not.  A simple internet search on Google or similar search engine would 6 

find numerous articles on the risk premium and whether it is constant over time.  The 7 

question is unsettled.  We recognize that the period we use in our regression analysis is 8 

approximately 20 years and that interest rates change significantly over this period.  9 

However, our model would capture the changes in risk premiums, albeit not perfectly. 10 

Q. Staff claims that your model is circular and quotes Dr. Morin to support their claim.  11 

Is your model circular? 12 

A. No.  First, the Risk Positioning model does not tell any commission what authorized ROE to 13 

grant any more than the DCF or CAPM or any other model tells the commissions.  The 14 

models provide guidance, they do not dictate.  Thus, all commissions could adopt the Risk 15 

Positioning model and still be able to “update ROE” and use current information. 16 

Q. Staff uses a quote from Dr. Morin’s book, Regulatory Finance – Utilities Cost of 17 

Capital to support their circularity claim.  Does the quote support Staff? 18 

A. No.  Staff has taken the quote out of context.  On page 395 of Dr. Morin’s text, he is 19 

discussing Comparative Earnings models.  Earlier in that section, Dr. Morin explains that 20 

the Comparable Earnings model or method “stems from a particular interpretation of the 21 

Hope language that states that returns are to be defined as book rates of return on equity 22 
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(ROE) of other comparable firms.”  Dr. Morin explains the risk comparability of companies 1 

that should be in the Comparable Earnings sample and he states: 2 

  “In defining a population of comparable-risk companies, care must be 
taken not to include other utilities in the sample, since the rate of return on 
other utilities depends on the allowed rate of return.  The book return on 
equity for regulated firms is not determined by competitive forces but 
instead reflects the past actions of regulatory commissions.  It would be 
hopelessly circular to set a fair return based on the past actions of other 
regulators, much like observing a series of duplicate images in multiple 
mirrors.  The rates of return earned by other regulated utilities may very 
well have been reasonable under historical conditions, but they are still 
subject to tests of reasonableness under current and prospective conditions.” 
(Morin, page 395) 

 
  In the section that Staff quotes, Dr. Morin is explaining his fifth criteria for sample 3 

selection when using the Comparable Earnings method.  He explains that the sample should 4 

include non-regulated industrials so as to avoid circularity problems.  Thus, Staff’s quote is 5 

valid only for Comparable Earnings models, which neither of us uses. 6 

Q. Staff states that because the model spans the period when “interest rates were the 7 

highest in history,” that the model would likely have a “lagging effect” and 8 

“demonstrate that the average ROE is lower” than what the regression analysis would 9 

indicate.  Do you agree? 10 

A. No.  Staff’s argument regarding high interest rate is specious.  We use data from 1983 11 

through the present, when interest rates were the highest, lowest, and somewhere 12 

in-between.  Nevertheless, to address Staff’s concerns regarding high inflation and interest 13 

rates, we re-estimated our Risk Positioning model using data beginning in 1990.  Our results 14 

are in PGE Exhibit 2019.  We found that our implied ROEs using data from 1990 through 15 

2005 were slightly higher than in our original analysis.  In other words, excluding the period 16 
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of high inflation and interest rates raises the implied ROEs.  Based on our analysis, we 1 

conclude that the Risk Positioning model is valid for the current financial environment. 2 

Q. Would the model have a “lagging effect”? 3 

A. We’re not sure what Staff means by that phrase.  The model does postulate that 4 

commissioners consider interest rates and we considered both 1-month and 7-month lags to 5 

reflect how recent the financial information might be in the commissions decisions.  Again, 6 

the model is intended to provide only guidance to the commission, and does not attempt to 7 

tell the commissions what authorized ROE must be granted. 8 

Q. Staff states that use of interest rates from the 1980s in the Risk Positioning model 9 

suggests that those interest rates will recur in the future.  Are they correct? 10 

A. No.  The model uses data from 1983 through the present and includes appropriate interest 11 

rates during that period.  The model does not, and cannot, forecast interest rates.  Staff has 12 

misunderstood the model. 13 

“Omitted variables” is a red herring. 14 

Q. Staff states that the Risk Positioning model does not consider other variables that “may 15 

be directly relevant.”   Are they correct? 16 

A. Perhaps.  The Risk Positioning model is very simple.  It postulates a relationship between 17 

interest rates and authorized ROEs.  Other variables such as leverage and overall rate base 18 

are not directly included in the model that uses interest rates (as measured by Treasuries).  19 

However, to some extent, we would expect that our Corporate Bond Risk Positioning model 20 

would include the leverage and overall rate base effects.  We note that our simple model 21 

includes the most important factor, interest rates, and that our results are quite good for a 22 



UE 180 – UE 181 – UE 184 / PGE / 2000 
Hager – Valach / 57 

 

UE 180 – UE 181 – UE 184 RATE CASE - REBUTTAL 
 

pooled-cross sectional regression.  Our model has the expected signs on our coefficients and 1 

significant t-statistics.  Finally, our model makes intuitive sense. 2 

Q. Staff states that you omitted the impact of the tax cut enacted in 2003 in the Risk 3 

Positioning model.  Should you have included such a variable? 4 

A. No.  Investors would have included the effect of the tax cut on dividends back in 2003 and 5 

possibly before.  In fact, a Lehman Brothers report provided in Staff Exhibit 1003, page 177 6 

published June 4, 2003 states they “believe the enacted dividend tax reduction is now fully 7 

incorporated into utility valuations.”  We agree with Staff that the tax cut might have 8 

affected required returns and this effect, if any, would already be included in our regression.  9 

However, Staff did not quantify how much of an impact this might have on common stock 10 

prices. 11 

2. The Risk Positioning Model is correctly specified. 12 

Q. Staff alleges that your risk premium model is misspecified.  Are they correct? 13 

A. By misspecified, we presume Staff is referring to omitted variables.  Our answer is no.  Staff 14 

is under the mistaken belief that any model should contain all possible explanatory factors.  15 

As Staff well knows, all models are misspecified, to some degree including the DCF model.  16 

The real question is how well does the model explain.  17 

  We agree that other factors affect a Commission’s determination of any ROE; we did 18 

not specify these and do not believe we need to based on the premise of our models.  Staff 19 

refers to capital structure, rate base disallowances, inflation rates (Staff Exhibit 1000, page 20 

23, lines 24-25), Ballot Measure 9, SB 408, a new wholesale power environment and hydro 21 

risks as possible missing relevant variables (Staff Exhibit 1100, page 21, line 22 in reference 22 

to Hager-Valach testimony).  However, as addressed above, we attempt to find the required 23 
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historically sustainable risk premium that an investor would expect, given the expected level 1 

of Treasuries and/or Corporate Bonds. 2 

Q. Staff claims that omitting variables creates bias.  Isn’t this a concern? 3 

A. Bias is a concern, but adding variables may create more bias by over specifying the model.  4 

The following excerpt sheds light on the omitted variable concern from the view of over-5 

specification.   6 

 “The only thing that can be said for certain is that unless we find ourselves 
in the precise situation described by textbooks, we cannot know the effect of 
including an additional relevant variable on the bias of a coefficient of 
interest. The addition may increase or decrease the bias, and we cannot 
know for sure which is the case in any particular situation” (The Phantom 
Menace: Omitted Variable Bias in Econometric Research, Kevin Clarke, 
2005). 

 
  Therefore, we must show prudence before adding variables to the model at random 7 

without a strong theoretical background for such an addition.  Staff’s suggestion to add 8 

several additional explanatory variables indicates a misunderstanding of the purpose and 9 

goals of our model. 10 

Q. Did Staff attempt to quantify the alleged bias in your Risk Positioning Model? 11 

A. No.  Staff’s argument is entirely theoretical.  They do not know if adding another factor 12 

would reduce or increase the bias. 13 

Q. Did Staff attempt to modify your Risk Positioning model by adding some of their 14 

suggested factors as explanatory variables? 15 

A. No.   16 

3. Staff’s Analysis Fails to Support Their Critique of the Company's Model. 17 

Q. Staff claims that because you have Treasuries on both sides of your equation, your 18 

reasoning is “circular” and the results fallacious.  Are Staff’s claims correct? 19 
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A. No.  Staff’s claims are incorrect and their analysis using random numbers actually 1 

demonstrates the opposite of what they were attempting to show. 2 

Q. Please explain the Risk Positioning model. 3 

A. We began with the simple theory that authorized ROEs are correlated to the interest rate.  In 4 

order to test this theory, we ran an Ordinary Least Squares (OLS) regression as follows: 5 

Authorized ROE = α + β*(Interest rate proxy)      (1) 6 

  The results (available in PGE Exhibit 2017) of this regression showed that β did not 7 

equal zero (i.e., a correlation did exist) and that the R2 value, a generally accepted measure 8 

of fit, was high. 9 

  However, the purpose of the model was to uncover the long-term or “steady-state” risk 10 

premium.  The risk premium is the amount in addition to a risk-free rate that investors would 11 

expect in a Commission decision regarding authorized ROE.  Therefore, we subtracted the 12 

interest rate proxy from both sides of the equation.  As in basic algebra, this maintains the 13 

fortitude of the equation. The result was: 14 

(AROE – Interest rate proxy) =  α + (β-1)*(Interest rate)     (2) 15 

 or simply 16 

Risk Premium = a + b*(Interest rate)        (3) 17 

  We note that in equation (3) above, b = (β-1).  This is consistent with the model’s 18 

findings, as shown in PGE Exhibit 2017 and in work papers. 19 

Q. So, does this mean that either form of the equation could be used to estimate the Risk 20 

Positioning model? 21 

A. Yes.  In theory, either form could be used.  We chose the form in equation (3) because it 22 

explicitly models the risk premium. 23 

Q. Have you estimated the other form, that in equation (1)? 24 
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A. Yes.  Our results show the expected change in the coefficients. 1 

Q. Didn’t Staff attempt to show that your model was fallacious by using random numbers 2 

instead of authorized ROEs and interest rates? 3 

A. Yes, Staff did produce such a model but the results show the opposite of what Staff 4 

concluded. 5 

Q. Please briefly explain Staff’s model. 6 

A. Staff regressed two random variables against one another, as well as the difference of two 7 

random variables on one of the random variables.  Their results in the second regression 8 

suggest a correlation and, therefore, they claim that this is evidence that PGE’s risk premium 9 

model is invalid.  Staff's results are shown in Staff Exhibit 1102. 10 

Q. What does Staff’s Exhibit 1102 show? 11 

A. Staff Exhibit 1102 purports to show that for the random model estimated using the form in 12 

equation (3) above, the results are “highly significant.”  In other words, the R2 and 13 

R2-adjusted are significantly above 0, in the range of .45 to .70.  However, using the other, 14 

equivalent form of the model in equation (1), the results are insignificant, the R2 and the 15 

R2-adjusted are close to or less than 0.  In other words, the results from Staff’s first form of 16 

the model, show no correlation between the random numbers, which is what we would 17 

expect.  Thus, Staff has demonstrated that using random numbers in the equation generates 18 

no correlation.  PGE Exhibit 2018 is a summary of the R2, showing zero correlation for 19 

Staff’s random number regression.  Our technical appendix demonstrates why the two forms 20 

of the equation are interchangeable and explains the different R2 in Staff’s models. 21 

Q. Does Staff’s model confirm your Risk Positioning model? 22 
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A. Yes.  As we discussed above, when we regressed our model using both equations, the end 1 

results were exactly the same, although the statistics were different.  As shown in PGE 2 

Exhibit 2017, our implied ROE is 11.336% for both equations.  Both sets of coefficients are 3 

significant.  This demonstrates not only that there is a correlation between authorized ROEs 4 

and interest rates, but that the risk premium form of the model is valid as well. 5 

4. Staff’s minor concerns are either irrelevant or easily resolved. 6 

Q. Staff states that they are “troubled” that you did not run “basic statistical tests” to 7 

check for common problems in cross-sectional and pooled analysis.  Should they be 8 

“troubled”? 9 

A. No.  Staff is under the mistaken belief that we have a full cross-sectional time series data set.  10 

We do not.  We have some cross-sectional data, but not for all the jurisdictions in any 11 

month.  We have some time series data, but not consistently for any jurisdiction.  Our data 12 

set is a pooled cross-sectional one, but only in the sense that it contains some cross-sectional 13 

data and some data over time. 14 

Q. Should you have performed the statistical tests for a cross-sectional analysis? 15 

A. No.  There is no logical grouping for the data.  We could have performed the appropriate 16 

tests for each month, but each month does not have enough data with which to either 17 

estimate the model or to perform the test. 18 

Q. Should you have performed the statistical tests for a time series analysis? 19 

A. No.  Again, there is no logical grouping for the data.  We could have performed such a test 20 

for each jurisdiction over time, but each jurisdiction only has a few data points with which 21 

we could estimate the model or perform the test.  In addition, these data points are not 22 
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consecutive over the months so the likelihood that there is correlation across the months is 1 

extremely low. 2 

Q. Staff is concerned that you were “unable to produce any analysis” to justify your use of 3 

a 1-month or 8-month lag.  Why were you unable to supply the analysis? 4 

A. We performed the analysis over 7 years ago.  We did not believe that we needed to update 5 

our analysis.  However, to address Staff’s concerns, we decided to update our analysis. 6 

Q. What analysis did you use to determine the appropriate lag(s)? 7 

A. We used the Akaike Information Criteria (AIC) and Schwarz/Bayesian Information Criteria 8 

(BIC) tests to determine the appropriate lag to use.  These tests use a balancing system to 9 

determine the appropriate number of variables for a model.  While a model with many 10 

variables will fit the data extremely well, it has little forecasting use.  Conversely, a model 11 

with almost no variables has easy forecasting ability but low accuracy.  AIC and BIC 12 

balance these two effects to maximize a model’s usefulness.  The measure is inverted: a 13 

lower AIC or BIC means a better result. 14 

Q. What were the results of this testing? 15 

A. The results for testing with a single variable were analogous to fitting using R2 or an 16 

adjusted R2.  Since there is only a single variable, the tests will “choose” the variable which 17 

best fits the data.  Here, a seven-month lag fit the data best, followed closely by an eight-18 

month lag.  The results coincide well with our existing theory.  We do note that while one-19 

month lag has the lowest R2, the difference between the one-month and the seven-month 20 

models is small. 21 

  We also tested for multiple lags, such as a combination of one-and seven-month lags.  22 

Using a multiple-lag model, the AIC and BIC results will differ from simply relying on R2. 23 
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However, the downside of models which rely on multiple lags is that for forecasting 1 

purposes one must either project all changes (likely by trending) or assume constancy. For 2 

our purposes, we adopted the model using lags between one and twelve months which 3 

minimized AIC and BIC. We then assumed constant rates on future corporate and treasury 4 

bonds in order to estimate ROE. This calculation is shown in our work papers. 5 

Q. Staff questions the accuracy of your entire data set because they found two 6 

observations out of nearly 500 that were incorrect.  Is this reasonable? 7 

A. No.  Staff admits that they only performed a “cursory” review of the data.  We don’t know if 8 

they reviewed any observations other than those for Oregon, although they certainly had the 9 

information to do so.  Nevertheless, as we noted above, we reviewed the authorized ROE 10 

decisions contained in our data set.  Like Staff, we found only two observations that required 11 

a correction:  the two found by Staff for Oregon. 12 

Q. Did your Risk Positioning analysis change when you corrected the two observations? 13 

A. Very slightly.  As shown in PGE Exhibit 2019, our estimates for the implied ROE changed 14 

at most by one basis point.  Correcting the two observations affected the statistics as well by 15 

a similar miniscule magnitude. 16 
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VI. Specific Rebuttal to Mr. Gorman’s Testimony 

Q. What is Mr. Gorman’s recommendation regarding PGE’s capital structure and return 1 

on equity? 2 

A. He recommends a 9.9% return on equity with a capital structure consisting of 50% common 3 

equity, 49.71% debt and 0.29% preferred stock.   4 

Q. Do you agree with Mr. Gorman’s recommendations? 5 

A. No.  Although his recommendation for PGE’s required return on equity is certainly higher 6 

than Staff’s recommendation, his RROE and equity ratio recommendations are too low for 7 

PGE’s current financial environment.  We also note that two of his three PGE-specific 8 

analyses yielded a required return on equity of 10.4%, far above Staff’s recommended 9.3%. 9 

 

A. Mr. Gorman's Recommended Capital Structure Should be Rejected 

Q. Mr. Gorman states that his recommended capital structure will lower the revenue 10 

requirement, meet S&P’s credit rating financial benchmarks for PGE’s current rating, 11 

and is more comparable to that of his comparable group.  Do you agree with his 12 

observations? 13 

A. Yes, in part.  Mr. Gorman’s recommended capital structure would lower the revenue 14 

requirement as would any capital structure that contained more debt than PGE’s 15 

recommended capital structure, at least in the short term.  We would also agree that Mr. 16 

Gorman’s recommended capital structure might be more comparable to his sample.  But, 17 

Mr. Gorman has not considered the specific circumstances that lead us to maintain our 18 

equity ratio into 2007. 19 
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Q. Which specific circumstances cause you to recommend maintaining PGE’s current 1 

equity ratio into 2007? 2 

A. We listed these circumstances in our direct testimony and summarized them above in 3 

Section IV.  Mr. Gorman does not believe that PGE needs to maintain an equity ratio higher 4 

than his comparable sample, implying that PGE does not have more risk.  This is incorrect.  5 

For example, PGE’s revenue requirement for 2007 is more than 50% net variable power 6 

costs.  In addition, PGE is required by Commission order to maintain at least 48% equity.  7 

And, finally, PGE must maintain its investment grade unsecured rating in order to maintain 8 

its access to wholesale energy markets, for unresolved litigation, and SB 408-related issues.  9 

Removing the amount of equity that Mr. Gorman suggests would remove the necessary 10 

flexibility that is afforded to PGE under its current equity ratio.  Indeed, at a 50% long-term 11 

debt ratio and a 6% debt imputation due to its purchased power, PGE’s debt ratio would 12 

reside at 52%, towards the lower end of the BBB+ S&P range. 13 

Q. Mr. Gorman states that the increase in PGE’s common equity balance “appears 14 

related to Enron’s ownership.”  Do you agree? 15 

A. No.  As we stated in our direct testimony, PGE was relieved of its obligation to pay 16 

dividends to Enron for a period of time, increasing our liquidity and our common equity and 17 

our ability to fund our capital expenditures.  However, PGE did pay a $150 million dividend 18 

to Enron in 2005.  PGE continued with its current common equity level because of the 19 

factors that we discussed in our direct testimony, such as the deterioration of the financial 20 

and wholesale energy markets for electric utilities.  Indeed, PGE’s earnings during the 21 

2001-2005 period were substantially below its authorized ROE. 22 
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Q. Mr. Gorman states that PGE customers “must be protected from any increase in costs 1 

associated with Enron’s ownership and bankruptcy.”  Was there an increase in debt or 2 

equity costs as a result of Enron? 3 

A. We discussed this in detail in Section III above.  In general, for the period during which 4 

Enron owned PGE, we believe the answer is “no.”  The OPUC required a financial ring-5 

fence around PGE to insulate PGE from Enron.  In addition, PGE was able to take 6 

advantage of Enron’s resources to reduce our costs. 7 

 

B. Mr. Gorman’s Sample Selection 

Q. Mr. Gorman lists six criteria that he used when he constructed his sample.  Do you 8 

agree with his sample selection process? 9 

A. We have no issues with Mr. Gorman’s sample selection process.  We do, however, disagree 10 

with his DCF point estimate of 9.5%.  We believe that a range, rather than a point estimate, 11 

would have been more appropriate, given PGE’s higher risk. 12 

Q. What was the range for Mr. Gorman’s comparable sample? 13 

A. The range was 7.38% to 12.58%, which includes the ranges we have for our DCF estimates. 14 

Q. Why do you believe a range would be more appropriate? 15 

A. No sample fully captures the risks associated with PGE.  That is, no sample can really 16 

represent all of PGE’s potential risks, growth, etc.  We believe the more appropriate method 17 

would be to develop a range, then develop a point estimate based on PGE’s unique 18 

characteristics compared to the sample. 19 

Q. Do you disagree with Mr. Gorman’s range? 20 

A. No. 21 
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Q. Mr. Gorman asserts that PGE did not provide any assessment of PGE’s risk in 1 

relationship to other utilities.  Is this correct? 2 

A. No.  Mr. Gorman is mistaken.  PGE Exhibit 1100, Sections III A and V discuss the business 3 

and regulatory risks which PGE faces.  These risks are described in those sections and 4 

support PGE’s need for a higher equity ratio.  In addition, we provided PGE Exhibit 1107, 5 

which lists different measures of risk for the companies in our three samples, including bond 6 

ratings, debt-to-total capital ratios, earnings-to-dividend ratios, average ROE, and the 7 

variance in ROE over the previous 5 years. 8 

Q. Mr. Gorman states that you referenced increases in short-term interest rates “in 9 

support of a higher return on equity.”  Is he correct? 10 

A. No.  As the question clearly states, our reference on page 17 of our direct testimony was to 11 

“financial issues facing utilities today,” not return on equity.  Mr. Gorman’s reference 12 

regarding our use of short-term interest rates as a justification for higher required return on 13 

equity is incorrect. 14 

Q. Mr. Gorman states that PGE witnesses have “simply failed to properly assess potential 15 

changes to return on equity through changes in the market interest rates.”  Do you 16 

agree with this statement? 17 

A. No.  First, we again note that his reference to our use of short-term interest rates is incorrect.  18 

Second, we did assess long-term, or market, interest rates in our direct testimony.  We noted 19 

that rising interest rates are a contributing risk to PGE and are one of the factors requiring a 20 

higher level of and a required return on common equity.   21 
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Q. Mr. Gorman states that the “determination of PGE’s cost of capital today should be 1 

based primarily on observable and verifiable actual current market costs.”  Do you 2 

agree? 3 

A. Yes, if we were trying to determine PGE’s cost of capital today.  However, we’re trying to 4 

determine PGE’s cost of capital for the 2007 test year, not 2006.   5 

Q. Mr. Gorman states that his DCF estimates are reasonable given today’s “low cost 6 

capital market.”  Do you agree with this? 7 

A. No.  As we noted above, we’re trying to estimate PGE’s cost of capital for 2007, not for 8 

2006.  Thus, we disagree that we should be using today’s costs to estimate 2007 costs.  We 9 

use Global Insight, a respected financial and economic forecasting group, for our 2007 10 

estimates.  We note that the August 2006 Global Insight issue projects the 2007 Aa public 11 

utility bond yields at 6.81%.  This is an increase of 33 basis points since December 2005. 12 

Q. Mr. Gorman suggests that PGE, in its DCF model, assumes high dividend yields in 13 

addition to “strong growth projections.”  Did you explicitly make these assumptions in 14 

your DCF model? 15 

A. No.  We did not “assume” high dividend yields in our DCF model.  Mr. Gorman is referring 16 

to “high dividend yields” for the utility industry in general based upon an assumption of 17 

high dividend payout ratios.  We did not calculate dividend yields for purposes of our DCF 18 

modeling.  So, whether the dividend yields for PGE’s sample companies are “high” is 19 

subjective.   20 

Q. Mr. Gorman states that PGE uses “high growth projections,” in reference to historical 21 

GDP growth, for its long term growth in its DCF model.  Why does PGE use historical 22 

GDP growth as one of its growth estimates in the DCF model? 23 
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A. We used three different types of growth in our DCF model, one of which was historical 1 

GDP growth and another was GDP trend growth.  Over the long-term, which is centuries 2 

long in the DCF model, one does not know whether GNP will continue at its historical 3 

growth rate or grow at the trend forecast.  We use both historical and trend to help establish 4 

our range. 5 

  Ibbotson Associates in its 2005 Yearbook, studied returns of large company stocks, 6 

small company stocks, long-term corporate bonds, long-term government, intermediate-term 7 

government, and U.S. Treasury Bills.  They reported both geometric and arithmetic means 8 

for the 1926 through 2004 period.  The average returns ranged from 7.25% to 8.53%.  The 9 

results of this study are provided as PGE Exhibit 2009.   10 

 
C. PGE’s Risk Premium/Positioning Models Yield Results Similar to Mr. Gorman’s 

Q. Mr. Gorman provides a risk premium analysis in the form of CAPM.  Do you accept 11 

his CAPM analysis? 12 

A. No.  Mr. Gorman did not statistically estimate PGE’s or any utility’s required ROE using a 13 

standard CAPM model but rather culled the relevant inputs from various sources and then 14 

plugged them into the CAPM equation.  Thus, there is no way to statistically verify that his 15 

results are appropriate.  Further, we do not want to re-litigate the CAPM discussion from 16 

UE 115 regarding Beta and CAPM.  However, we do note that our risk positioning model is 17 

statistically verifiable and that his results are somewhat lower than those we obtained but 18 

significantly higher than his DCF estimates, as were our risk positioning results. 19 

Q. Mr. Gorman asserts PGE’s risk positioning model should be rejected because you used 20 

seven-year Treasury bonds and your results imply a precision that is “flawed and 21 

unreliable.”  Do you agree? 22 
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A. No.  First, Mr. Gorman’s issue with 7-year Treasuries is that he considers them short term 1 

rather than long-term.  Interestingly, though, he uses 5-year Treasury yields to assess the 2 

“reasonableness” of his DCF growth analysis, which is a long-term equity analysis.  If 7-3 

year Treasuries are too short for a long-term equity analysis, 5-year Treasuries are definitely 4 

too short a term.  We did re-estimate our equations using 10-year Treasuries and found 5 

similar results. 6 

  Second, Mr. Gorman’s concern regarding the “precision” implied by the equation is 7 

misplaced.  We could make the same argument regarding his CAPM or even his DCF 8 

estimations – he implies a precision that is “flawed and unreliable.”  The point is that both 9 

models provide an estimate for PGE’s required return on equity, from which a range can be 10 

derived.   11 

Q. Did you estimate your Risk Positioning model using longer term Treasuries? 12 

A. Yes.  To address Mr. Gorman’s concerns that we should use longer-term Treasuries, we 13 

estimated implied ROEs using 10- and 30-year Treasuries.  Our implied ROEs fall by 14 

approximately 15 basis points using 10-year Treasuries and 40-45 basis points using 30-year 15 

Treasuries.  Thus, even using longer term Treasuries, our results are still in the 10.7%-11.2% 16 

range. 17 

Q. Mr. Gorman states that your “simplistic” regression analysis ignores the fundamental 18 

principle that if inflation expectations decline, interest rates and common equity 19 

required returns would also decline.  Do you agree? 20 

A. Yes.  There is a high correlation between interest rates and inflation expectations.  Thus, our 21 

risk positioning model includes Mr. Gorman’s fundamental principle. 22 

Q. Does this conclude your testimony? 23 
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A. Yes.1 
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List of Exhibits 

PGE Exhibit   Description 

 2001   PGE’s Updated Cost of Capital  

 2002   PGE’s Updated DCF Analysis 

 2003   PGE’s Updated Risk Premium Analysis 

 2004   PGE’s Updated Long-term Debt Analysis 

 2005   Recently Authorized ROEs through August 2006 

 2006   Different measures of risk 

 2007   Earning Volatility (Updated NERA study) 

 2008   Forecasted Value Line Equity Ratios 

 2009   Ibbotson 

 2010   January 2003 S&P Research Report on PGE 

 2011   Regulatory Commission Survey on Cost of Equity Estimation Methods 

 2012   RRA Regulatory Climate Survey 

 2013   Corrected Staff DCF and Long-Term Debt Estimates 

 2014   PGE Incremental Long-Term Debt Cost vs. Moody’s & S&P’s Averages 

 2015-C   (Confidential – Provided under separate cover)  S&P Ratios for 2007 
      using Staff and PGE Recommended Cost of Capital 

 2016   Utility Stock Prices from June 1, 2006 to August 25, 2006 

 2017   Equivalence of Risk Positioning Models 

 2018   Summary R2 statistics – Staff 

 2019   Risk Positioning Model - Variations 

 2020   Staff Responses to PGE Data Requests 

 2021   Pages from Deposition of Bryan Conway 

 2022   Pages from Deposition of Thomas Morgan 

 2023   Examples of Staff’s Evidence Being Their Judgement 

 2024   Updated PGE Samples 
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APPENDIX A 

Risk Positioning 

The purpose of this appendix is to offer a mathematical background to support our Risk 1 

Positioning model. 2 

Hypothesis testing and coefficients: 3 

Consider the model: 4 

[1]    Y = α + β*X + ε 5 

In order to test whether a correlation exists between Y and X, a “t-test” must be done testing the 6 

following set of hypotheses: 7 

Null  H0:  β = 0 8 

Alternative H1:  β ≠ 0 9 

 In order to reject the null hypothesis (and thus confirm a correlation), we must use the 10 

following test: 11 

 [2]   tstatistic=
β

β
 oferror  Standard

 12 

To reject the null hypothesis, the t-statistic must be greater than a value predetermined by the 13 

number of observations and explanatory variables and the percent confidence you choose.  Using 14 

a 95% confidence and given our large sample size, our t-statistic generally should be larger than 15 

1.96. 16 

Now consider subtracting X from both sides of equation [1].  Basic algebraic principles 17 

state that we can subtract equal values from both sides and maintain the equality.  Therefore 18 

equation one becomes: 19 

 [3]    Y – X = α + β*X + ε – X  20 
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Using factoring, this becomes: 1 

 [4]    Y – X = α + (β – 1)*X + ε 2 

Renaming the coefficient on X brings us to: 3 

 [5]    Y – X = α + b*X + ε 4 

This is the equation estimated in the Risk Positioning model.  Note that b = β -1, or b+1 = β. 5 

To test the significance of the explanatory variable in this model, we must still test 6 

whether β = 0.  Since β = b + 1, and we are seeking to test b, we must test the following: 7 

Null  Ho:  b = -1 8 

Alternative H1:  b ≠ -1 9 

The test for this is similar to before: 10 

 [6]     tstatistic
b

b
=

−−
 oferror  Standard

)1(  11 

Or simply:  12 

[7]    tstatistic
b

b
=

+
 oferror  Standard

1  13 

Now, note that b + 1 = β from above.  Also note that in generating equations [3] through [5], the 14 

equality is maintained and thus the standard error does not change.  Therefore, equation [7] can 15 

be rewritten as: 16 

 [8]    tstatistic=
β

β
 oferror  Standard

 17 

It is now clear that [8] is the same as [2].  Therefore, one can change the t-test and the two 18 

models will remain the same.   19 

Thus we verify our model specification. 20 

Coefficients and Linear Algebra 21 
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Consider the model: 1 

 [1]    Y = β*X + ε                footnote 6 2 

where Y is an n-column vector of observations on the dependent (endogenous) variable, X is an 3 

n-by-K observation matrix of rank K on the K independent (endogenous) variables, β is a 4 

parameter vector, and ε is a disturbance vector.   5 

The least-squares estimator of β is 6 

 [2]    b = (X’X)-1 X’ Y 7 

which is derived from minimizing the sum of squared residuals—also known as regression by 8 

ordinary least squares.   9 

Now consider the modification performed by PGE: 10 

[3]    Y – X = β*X + ε 11 

Here the estimator for β is, by definition: 12 

[4]    B = (X’X)-1 X’ ( Y – X )  footnote 7 13 

Algebra allows us to simplify this through distribution: 14 

[5]    B = (X’X)-1 X’ Y - (X’X)-1  (X’X) 15 

And further: 16 

[6]    B = ((X’X)-1 X’ Y) – 1 17 

Thus, it is clear: 18 

B = b – 1 19 

This conclusion is supported by empirical evidence.  This verifies that the two models 20 

differ by a coefficient value, and this value differs from model to model by one.   21 

                                                 
6 The simplification of this model which removes the constant term does not affect the outcome; it is merely 
done to shorten the algebra. 
7 Note that the estimator has nominally changed. 
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UE 180 – UE 181 – UE 184 RATE CASE - REBUTTAL 
 

See Griliches, Intriligator.  Handbook of Econometrics: Volume 1.  North-Holland 1 

Publishing Company, New York: 1983 2 

Concerns with R-square values: 3 

The r-square of the two models do not match.  How can you say the models are equivalent? 4 

Due to the manner in which R-square is calculated, there is a mismatch. 5 

R-square = 1 – ( Sum of Squared Residuals [RSS]) / (Total Sum of Squares [TSS]) 6 

Given that:  7 

Total Sum of Squares =  Estimated Sum of Squares [ESS] + RSS 8 

The R-square is, in fact: 9 

R-square = 1 –  RSS / (ESS + RSS) 10 

The difference between the two models lies in the ESS calculation.   11 

 ESS = Σ (yestimated – yaverage ) 2  12 

where  yestimated = α + β*X 13 

 However, ESS is biased due to the method we used.  As we showed earlier, the estimated β 14 

is off by one as compared between models.  Therefore the estimated y values are different and 15 

the ESS will differ between models.  Therefore, we need a different measure of fit. 16 

Akaike Information Criteria (AIC) is analogous to R-square when applied to single-17 

variable regressions, as seen earlier in testimony page $$.  Hence, we can use it as a reasonable 18 

proxy for fit. AIC is calculated as follows: 19 

 AIC = T * ln (RSS) + 2*K 20 

Where T is the number of observations and K is the number of explanatory variables. 21 

The following page demonstrates that, in fact, the two variants of the Risk Positioning 22 

model are equivalent from the AIC standpoint.   23 
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UE 180 – UE 181 – UE 184 RATE CASE - REBUTTAL 
 

It can also be seen in workpapers that the residual sum of squares for the two models are 1 

equal. 2 
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UE 180 – UE 181 – UE 184 RATE CASE - REBUTTAL 
 

Dependent Variable: Risk Premium 1 

 R-Square Selection Method 2 

Number of Observations Read                        574 3 

Number of Observations Used                        487 4 

Number of Observations with Missing Values          87 5 

Number in 6 
  Model      R-Square           AIC     Variable in Model 7 
       1          0.6099       -107.4135    Seven-year Treasuries lagged one month             8 
 9 

Dependent Variable: Allowed ROE  10 

 R-Square Selection Method 11 

Number of Observations Read                        574 12 

Number of Observations Used                        487 13 

Number of Observations with Missing Values          87 14 

Number in 15 
  Model      R-Square           AIC    Variables in Model 16 
      1           0.7073     -107.4135    Seven-year Treasuries lagged one month 17 

 18 
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Portland General Electric
Composite Cost of Capital

Test Year Based on 12 Months Ending 12/31/07

Weighted
Average Percent Average
Outstanding * Percent Cost Cost

Long Term Debt $997,280 43.88% 6.83% 3.00%

Preferred Stock $0 0.00% 0.00% 0.00%

Common Equity $1,275,487 56.12% 10.75% 6.03%

Composite Cost of Capital $2,272,767 100.00% 9.03%

* Represents the Average of the Month End Balances



Combined S&P, Moody's UE 170 Rebuttal PacifiCorp

Stock Price Stock Price Stock Price
2006 High Low Close High Low Close High Low Close

June 9.87% 10.11% 9.93% 8.73% 8.92% 8.78% 8.74% 8.97% 8.82%
July 9.84% 10.14% 9.89% 8.28% 8.55% 8.32% 8.40% 8.68% 8.45%
August 9.78% 9.99% 9.83% 8.18% 8.37% 8.21% 8.34% 8.55% 8.39%

PGE Multi-Stage DCF Estimates
Terminal Growth:  BR+VS

PGE Comparables
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Combined S&P, Moody's UE 170 Rebuttal PacifiCorp

Stock Price Stock Price Stock Price
2006 High Low Close High Low Close High Low Close

June 9.19% 9.47% 9.27% 8.58% 8.83% 8.65% 9.15% 9.43% 9.25%
July 8.99% 9.32% 9.05% 8.36% 8.69% 8.41% 9.00% 9.33% 9.05%
August 8.92% 9.17% 8.99% 8.32% 8.55% 8.36% 8.93% 9.17% 8.99%

PGE Multi-Stage DCF Estimates
Terminal Growth:  GDP Trend

PGE Comparables
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Combined S&P, Moody's UE 170 Rebuttal PacifiCorp

Stock Price Stock Price Stock Price
2006 High Low Close High Low Close High Low Close

June 11.00% 11.26% 11.06% 10.41% 10.65% 10.48% 10.96% 11.22% 11.05%
July 10.80% 11.12% 10.86% 10.21% 10.52% 10.25% 10.81% 11.12% 10.86%
August 10.74% 10.97% 10.80% 10.16% 10.39% 10.20% 10.74% 10.97% 10.80%

PGE Comparables

PGE Multi-Stage DCF Estimates
Terminal Growth:  GDP Historical
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Risk Positioning Method (Data through 7/06)
Using Global Insight  Forecast*

rate = 5.24

7yr Treasury yields 1983-2006 (1 month lag)
R-Square 0.6095

                               Parameter Estimates
 
Variable                     Estimate     Error    t Value    Pr > |t|

Intercept 8.44115 0.13584 62.14 <.0001 Implied ROE 2007:
yr71 -0.44494 0.01642 -27.11 <.0001 11.34966

rate = 5.24

7yr Treasury yields 1983-2006 (7 month lag)
R-Square 0.6458

                               Parameter Estimates
 
Variable                     Estimate     Error    t Value    Pr > |t|

Intercept 8.16943 0.12469 65.52 <.0001 Implied ROE 2007:
yr77 -0.42954 0.01461 -29.4 <.0001 11.15864
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Using August 2006 Interest Rates
rate = 4.83

7yr Treasury yields 1983-2006 (1 month lag)
R-Square 0.6095

                               Parameter Estimates
 
Variable                     Estimate     Error    t Value    Pr > |t|

Intercept 8.44115 0.13584 62.14 <.0001 Implied ROE 2007:
yr71 -0.44494 0.01642 -27.11 <.0001 11.12209

rate = 4.83

7yr Treasury yields 1983-2006 (7 month lag)
R-Square 0.6458

                               Parameter Estimates
 
Variable                     Estimate     Error    t Value    Pr > |t|

Intercept 8.16943 0.12469 65.52 <.0001 Implied ROE 2007:
yr77 -0.42954 0.01461 -29.4 <.0001 10.92475
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Using Corporate Bond Rates

PGE Estimate FMB Bond rate = 6.75
Moody's Baa Utility July 06 rate = 6.61

Corporate Bonds 1983-2006
R-Square 0.6315

                               Parameter Estimates
 
Variable                     Estimate     Error    t Value    Pr > |t|

Implied ROE 2007:
Intercept 6.43537 0.16851 38.19 <.0001 PGE 10.86965
debtcost -0.34307 0.01691 -20.28 <.0001 Moodys 10.77768

TOTAL ROE (average) = 11.03375

*Global Insight forecast is an average of 5 and 10-year projected rates for Jan. 2007
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               Cost of Long-Term Debt
December 31, 2007

Call Premium & Face
Issue Maturity Gross DD&E Unamort. DD&E Net Embedded Net to Face Amount Net Amount Weighted

Type Description Date Date Term Coupon Proceeds Issue Costs of Refunded Issue Proceeds Cost Gross Outstanding Outstanding Weight Rate
(A) (B) (C) (D) (E) (F) (G) (H) (I) (J) (K) (L) Rate (N) (O) (P) (Q)

[H-I-J] (M) [M*N] [N/Total] [P*L]

1 FMB 5.6675% Series 28-Oct-02 25-Oct-12 10 5.668% $100,000,000 $12,217,227 $0 $87,782,773 7.420% 87.783% $100,000,000 $87,782,773 10.018% 0.743%
2 FMB 5.279% Series 08-Apr-03 01-Apr-13 10 5.279% $50,000,000 $4,209,517 $0 $45,790,483 6.434% 91.581% $50,000,000 $45,790,483 5.009% 0.322%
3 FMB 5.625% Series 04-Aug-03 01-Aug-13 10 5.625% $50,000,000 $408,842 $1,946,809 $47,644,349 6.266% 95.289% $50,000,000 $47,644,349 5.009% 0.314%
4 FMB 6.750% Series 04-Aug-03 01-Aug-23 20 6.750% $50,000,000 $521,342 $1,946,809 $47,531,849 7.220% 95.064% $50,000,000 $47,531,849 5.009% 0.362%
5 FMB 6.875% Series 04-Aug-03 01-Aug-33 30 6.875% $50,000,000 $521,342 $1,946,809 $47,531,849 7.282% 95.064% $50,000,000 $47,531,849 5.009% 0.365%
6 Series MTN 9.31% Series 12-Aug-91 11-Aug-21 30 9.310% $20,000,000 $176,577 $0 $19,823,423 9.399% 99.117% $20,000,000 $19,823,423 2.004% 0.188%
7 FMB 6.31% Series 26-May-06 26-May-36 30 6.310% $175,000,000 $1,125,000 $7,740,000 20 $166,135,000 6.704% 94.934% $175,000,000 $166,135,000 17.531% 1.175%

7.5 FMB 6.26% Series 26-May-06 26-May-31 25 6.260% $100,000,000 $750,000 $5,160,000 20 $94,090,000 6.753% 94.090% $100,000,000 $94,090,000 10.018% 0.677%
8 FMB 6.5% Series 15-Jun-07 15-Jun-37 30 6.500% $54,166,667 $850,000 $0 19 $53,316,667 6.565% 98.431% $54,166,667 $53,316,667 5.426% 0.356%
9 Notes 7.875% Series 13-Mar-00 15-Mar-10 10 7.875% $149,250,000 $1,472,800 $1,266,000 17 $146,511,200 8.128% 98.165% $149,250,000 $146,511,200 14.952% 1.215%

10 PCB Brdmn 98A Fixed 28-May-98 01-May-33 35 5.200% $23,600,000 $85,850 $1,267,030 5,16,18 $22,247,120 5.544% 94.267% $23,600,000 $22,247,120 2.364% 0.131%
11 PCB Clstrp 98A Fixed 28-May-98 30-Apr-33 35 5.200% $97,800,000 $355,835 $1,617,373 6,16,18 $95,826,792 5.336% 97.982% $97,800,000 $95,826,792 9.797% 0.523%
12 PCB Colstrip 98B Fixed 28-May-98 30-Apr-33 35 5.450% $21,000,000 $76,420 $438,143 16,18 $20,485,437 5.620% 97.550% $21,000,000 $20,485,437 2.104% 0.118%
13 PCB Trojan 85A Fixed 01-Jul-98 01-Apr-10 25 4.800% $20,200,000 $218,352 $244,162 16 $19,737,486 5.058% 97.710% $20,200,000 $19,737,486 2.024% 0.102%
14 PCB Trojan 85B Fixed 01-Jul-98 01-Jun-10 25 4.800% $16,700,000 $180,519 $184,473 16 $16,335,008 5.046% 97.814% $16,700,000 $16,335,008 1.673% 0.084%
15 PCB Trojan 90A Fixed 01-Jul-98 01-Aug-14 16 5.250% $9,600,000 $103,771 $184,980 16 $9,311,249 5.537% 96.992% $9,600,000 $9,311,249 0.962% 0.053%
16 PCB Troj Ser 1990B-Fixed 15-Dec-90 15-Dec-14 24 7.125% $5,100,000 $163,234 $0 $4,936,766 7.412% 96.799% $5,100,000 $4,936,766 0.511% 0.038%
17 PCB Coyote 96 Float 01-Dec-96 01-Dec-31 35 Variable $5,800,000 $159,350 $0 $5,640,650 3.671% 97.253% $5,800,000 $5,640,650 0.581% 0.021%

Loss on Reacquired Debt $374,581 ($374,581)

Total Debt $998,216,667 $23,595,977 $24,317,169 $950,303,521 $998,216,667 $950,678,102 100.00% 6.789%

Cost of LT Debt
(includes loss from reacquired) 6.826%

Total Gain/Loss Annual
Losses on Reacquired Debt Reacquired Gross Proceeds to Amortize Expense

13.50% FMB Due 10/1/12 25-Apr-88 $75,000,000 $8,989,952 $374,581 
$374,581 
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FOOTNOTES

5 PCB Series Due 4/1/84-11 - PGE refunded its $25.45m Fixed Rate Port of Morrow PCB scheduled to expire serially from 1984-2011 with 26 year variable
rate PCB due 6/1/13. Unamortized debt expense and call premium totaled $1,395,954, which is being recovered over the life of the replacement PCB.

16 On 5/28/98, PGE re-marketed and extended the Boardman 88A (now Boardman 98A), the Colstrip 83A-D, the Colstrip 84 
(these issues combined to form Colstrip 98A), and the Colstrip 86 (now colstrip 98B).   The previous issue costs and premiums were  
amortized to 5/28/98 and included in the call premium column. The remarketing costs are included in the Issue Costs column. 
All of the above issues' coupon costs were fixed.  On 7/1/98, the Trojan variable rates were fixed, although not extended.

17 One time buydown event of $750,000 in July 2002.

18 Ledger # changed between 2000&2001 when interest rate swaped from floating to fixed.

19 $100 million planned issueance in June 2007.  The amount and weighted value is based on the average monthly balance over the 2007 calendar year.
Year End 2006 Jan-07 Feb-07 Mar-07 Apr-07 May-07 Jun-07 Jul-07 Aug-07 Sep-07 Oct-07 Nov-07 Dec-07 Average of Averages

$0 $0 $0 $0 $0 $0 $100,000,000 $100,000,000 $100,000,000 $100,000,000 $100,000,000 $100,000,000 $100,000,000
Average Monthly Balance $0 $0 $0 $0 $0 $50,000,000 $100,000,000 $100,000,000 $100,000,000 $100,000,000 $100,000,000 $100,000,000 $54,166,667

20 There was a $12.9 million call premium on the 8.125% redeemed issue.  This premium is rolled into the new debt and will be paid over the
period of the May 2006 issuances.  
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Date Decision State Company Name Authorized ROE State Auth PCA?
01/06/2005 South Carolina South Carolina Electric & Gas 10.70% Y
01/28/2005 Kansas Aquila Networks-WPK 10.50% Y
02/18/2005 Washington Puget Sound Energy 10.30% Y
02/25/2005 Utah PacifiCorp 10.50% N
03/10/2005 Missouri Empire District Electric 11.00% Y
03/24/2005 New York Consolidated Edison New York 10.30% N
03/29/2005 Vermont Central Vermont Public Service 10.00% N
03/31/2005 Texas Texas-New Mexico Power 10.25% Y
04/07/2005 Arizona Arizona Public Service 10.25% Y
05/18/2005 Louisiana Entergy Louisiana 10.25% Y
05/19/2005 Oregon Idaho Power 10.00% N
05/25/2005 New Jersey Jersey Central Power & Light* 9.75% N
05/25/2005 Georgia Savannah Electric & Power 10.75% Y
05/26/2005 New Jersey Atlantic City Electric* 9.75% N
06/08/2005 New Hampshire Public Service New Hampshire 9.62% N
07/19/2005 Wisconsin Wisconsin Power and Light 11.50% Y
08/05/2005 Texas Cap Rock Energy 11.75% Y
08/15/2005 Texas AEP Texas Central 10.13% Y
09/28/2005 Oregon PacifiCorp 10.00% N
12/12/2005 Wisconsin Madison Gas & Electric 11.00% Y
12/13/2005 Oklahoma OGE Energy 10.75% Y
12/16/2005 California San Diego Gas & Electric 10.70% Y
12/16/2005 California Pacific Gas & Electric 11.35% Y
12/16/2005 California Southern California Edison 11.60% Y
12/21/2005 Ohio Cincinnati Gas & Electric 10.29%
12/21/2005 Washington Avista 10.40% Y
12/22/2005 Wisconsin Wisconsin Public Service 11.00% Y
12/22/2005 Michigan Consumers Energy 11.15% Y
12/28/2005 Kansas Kansas Gas & Electric 10.00% Y
12/28/2005 Kansas Westar Energy 10.00% Y
12/30/2005 Massachusetts NSTAR* 10.50% N
01/05/2006 Wisconsin Northern States Power 11.00% Y
01/25/2006 Wisconsin Wisconsin Electric Power 11.20% Y
01/27/2006 Connecticut United Illuminating 9.75% N
02/03/2006 Colorado Public Service of Colorado 10.50% Y
03/03/2006 Minnesota Interstate Power and Light 10.39% Y
03/14/2006 Kentucky Kentucky Power 10.50% N
04/17/2006 Washington PacifiCorp 10.20% N
05/01/2006 Nevada Sierra Pacific Power 10.60%
05/12/2006 Idaho Idaho Power 8.1% overall return Y
05/17/2006 California Southern California Edison 11.60% Y
06/06/2006 Delaware Delmarva Power & Light 10.00%
06/27/2006 Michigan Upper Peninsula Power 10.75% Y

Average 10.54%

* Transmission and Distribution only utilities

Data comes from Regulatory Research Associates

Recent Authorized ROEs
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Gorman

Company Name Common Equity 2009-2011

AEE Ameren Corporation 53.00%
DTE Detroit Edison Co. 43.00%
EAS Energy East Corp. 45.00%
EDE Empire District Electric Co. 48.50%
FE FirstEnergy 55.50%
IDA IDACORP 50.50%
NI NISOURCE, Inc. 52.00%
OGE Oklahoma Gas & Electric Co. 54.00%
PNW Pinnacle West Capital Corp. 53.00%
POM Potomac Electric Power Co. 48.50%
PSD Puget Sound Energy 48.00%
XEL XCEL Energy Inc. 52.00%

Average 50.25%
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American Electric Power (AEP)

33.5

34

34.5

35

35.5

36

36.5

37

37.5

01-Jun-06 21-Jun-06 11-Jul-06 31-Jul-06 20-Aug-06

Closing Price

From UE 179 testimony (Morgan) to UE 180 testimony
Percent change from June 28th to August 6th: 7.824033 

Alliant Energy (LNT)

33

33.5

34

34.5

35

35.5

36

36.5

37

01-Jun-06 21-Jun-06 11-Jul-06 31-Jul-06 20-Aug-06

Closing Price

28-Jun-06

8-Aug-06

8-Aug-06

28-Jun-06

From UE 179 testimony (Morgan) to UE 180 testimony
Percent change from June 28th to August 6th: 7.174754 
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Consolidated Edison (ED)

43

43.5

44

44.5

45

45.5

46

46.5

47

47.5

01-Jun-06 21-Jun-06 11-Jul-06 31-Jul-06 20-Aug-06

Closing Price

28-Jun-06

From UE 179 testimony (Morgan) to UE 180 testimony
Percent change from June 28th to August 6th: 5.286041 

Empire District Electric (EDE)

20

20.5

21

21.5

22

22.5

23

23.5

01-Jun-06 21-Jun-06 11-Jul-06 31-Jul-06 20-Aug-06

Closing Price

From UE 179 testimony (Morgan) to UE 180 testimony
Percent change from June 28th to August 6th: 6.393363 

8-Aug-06

8-Aug-06

28-Jun-06
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Energy East (EAS)

23

23.5

24

24.5

25

25.5

01-Jun-06 21-Jun-06 11-Jul-06 31-Jul-06 20-Aug-06

Closing Price

28-Jun-06

From UE 179 testimony (Morgan) to UE 180 testimony
Percent change from June 28th to August 6th: 5.021097

IDACORP (IDA)

32

33

34

35

36

37

38

39

01-Jun-
06

11-Jun-
06

21-Jun-
06

01-Jul-
06

11-Jul-
06

21-Jul-
06

31-Jul-
06

10-Aug-
06

20-Aug-
06

Closing Price

From UE 179 testimony (Morgan) to UE 180 testimony
Percent change from June 28th to August 6th: 9.323040 

8-Aug-06

8-Aug-06
28-Jun-06
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MGE Energy (MGEE)

29

29.5

30

30.5

31

31.5

32

32.5

33

01-Jun-06 21-Jun-06 11-Jul-06 31-Jul-06 20-Aug-06

Closing Price

From UE 179 testimony (Morgan) to UE 180 testimony
Percent change from June 28th to August 6th: 4.691191  

NSTAR (NST)

27

28

29

30

31

32

33

01-Jun-06 21-Jun-06 11-Jul-06 31-Jul-06 20-Aug-06

Closing Price

From UE 179 testimony (Morgan) to UE 180 testimony
Percent change from June 28th to August 6th: 12.832329  

8-Aug-06

8-Aug-06

28-Jun-06

28-Jun-06
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OGE Energy (OGE)

30

31

32

33

34

35

36

37

38

39

01-Jun-06 21-Jun-06 11-Jul-06 31-Jul-06 20-Aug-06

Closing Price

From UE 179 testimony (Morgan) to UE 180 testimony
Percent change from June 28th to August 6th: 4.066706

Progress Energy (PGN)

41.5

42

42.5

43

43.5

44

44.5

01-Jun-06 21-Jun-06 11-Jul-06 31-Jul-06 20-Aug-06

Closing Price

From UE 179 testimony (Morgan) to UE 180 testimony
Percent change from June 28th to August 6th: 3.241836

8-Aug-06

8-Aug-06

28-Jun-06

28-Jun-06
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Southern Co. (SO)

31.5

32

32.5

33

33.5

34

34.5

01-Jun-06 21-Jun-06 11-Jul-06 31-Jul-06 20-Aug-06

Closing Price

From UE 179 testimony (Morgan) to UE 180 testimony
Percent change from June 28th to August 6th: 5.251572

Wisconsin Energy (WEC)

38.5

39

39.5

40

40.5

41

41.5

42

42.5

43

43.5

23-May-06 12-Jun-06 02-Jul-06 22-Jul-06 11-Aug-06 31-Aug-06

Closing Price

From UE 179 testimony (Morgan) to UE 180 testimony
Percent change from June 28th to August 6th: 5.483625

8-Aug-06

8-Aug-06

28-Jun-06

28-Jun-06
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WPS Resources (WPS)

47

48

49

50

51

52

53

01-Jun-
06

11-Jun-
06

21-Jun-
06

01-Jul-
06

11-Jul-
06

21-Jul-
06

31-Jul-
06

10-Aug-
06

20-Aug-
06

Closing Price

From UE 179 testimony (Morgan) to UE 180 testimony
Percent change from June 28th to August 6th: 4.401228

Xcel Energy (XEL)

18.5

19

19.5

20

20.5

21

21.5

01-Jun-06 21-Jun-06 11-Jul-06 31-Jul-06 20-Aug-06

Closing Price

From UE 179 testimony (Morgan) to UE 180 testimony
Percent change from June 28th to August 6th: 7.534247

8-Aug-06

8-Aug-06

28-Jun-06

28-Jun-06



Risk Positioning Method (Data through 12/05)
Example demonstrating equivalence of two models

First model:      AuthorizedROE = Intercept + (constant*7yrT-Bonds lag 1 month)
Bond rate for example = 5.22

7yr Treasury yields 1983-2005 (1 month lag)
R-Square 0.7057

                               Parameter Estimates
 
Variable                  Estimate     Error    t Value    Pr > |t|

Intercept 8.4471 0.1334 63.34 <.0001 Implied ROE 2007:
yr71 0.5534 0.0162 34.07 <.0001 11.336

ROE CALCULATION:
AROE  =  intercept  +  cons * 7yrBondEst

MRP  =  AROE  -  7yrBondEst
MRP  =  intercept  +  (cons-1) * 7yrBondEst

>> IMPLIEDROE  =  7yrBondEst  +  MRP <<
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Second model:      MRP = Intercept + (constant*7yrT-Bonds lag 1 month)
Bond rate for example = 5.22

7yr Treasury yields 1983-2005 (1 month lag)
R-Square 0.5063

                               Parameter Estimates
 
Variable                  Estimate     Error    t Value    Pr > |t|

Intercept 8.4471 0.1334 63.34 <.0001 Implied ROE 2007:
yr71 -0.4466 0.0162 -27.49 <.0001 11.336

ROE CALCULATION:
MRP  =  intercept  +  cons * 7yrBondEst

>> IMPLIEDROE  =  7yrBondEst  +  MRP <<
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MRP Authorized ROE 
Trial 1 0.560647266 0.001490877
Trial 2 0.670943384 0.027124441
Trial 3 0.532282999 -0.020322392
Trial 4 0.402422470 -0.023579290
Trial 5 0.470762799 -0.019422120
Trial 6 0.435921031 -0.013316265
Trial 7 0.531782120 -0.019654988
Trial 8 0.463624800 -0.012336638
Trial 9 0.573457859 -0.018458538
Trial 10 0.452993494 -0.020221065

Dependent Variable is
Adjusted R² When



Risk Positioning Method (Data through 12/05)
Using Global Insight  Forecast

rate = 5.22

7yr Treasury yields 1983-2005 (1 month lag)
R-Square 0.6095

                               Parameter Estimates
 
Variable                     Estimate     Error    t Value    Pr > |t|

Intercept 8.44787 0.13651 61.89 <.0001 Implied ROE 2007:
yr71 -0.4458 0.01648 -27.06 <.0001 11.341

rate = 5.22

7yr Treasury yields 1983-2005 (7 month lag)
R-Square 0.6458

                               Parameter Estimates
 
Variable                     Estimate     Error    t Value    Pr > |t|

Intercept 8.16655 0.12543 65.11 <.0001 Implied ROE 2007:
yr77 -0.4293 0.01468 -29.24 <.0001 11.1456
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Using January 2006 Interest Rates
rate = 4.60

7yr Treasury yields 1983-2005 (1 month lag)
R-Square 0.6095

                               Parameter Estimates
 
Variable                     Estimate     Error    t Value    Pr > |t|

Intercept 8.44787 0.13651 61.89 <.0001 Implied ROE 2007:
yr71 -0.4458 0.01648 -27.06 <.0001 10.9973

rate = 4.60

7yr Treasury yields 1983-2005 (7 month lag)
R-Square 0.6458

                               Parameter Estimates
 
Variable                     Estimate     Error    t Value    Pr > |t|

Intercept 8.16655 0.12543 65.11 <.0001 Implied ROE 2007:
yr77 -0.4293 0.01468 -29.24 <.0001 10.7918
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Using Corporate Bond Rates

PGE Estimate FMB Bond rate = 6.15
Moody's Baa Utility Nov 05 rate = 6.14

Corporate Bonds 1983-2005
R-Square 0.6315

                               Parameter Estimates
 
Variable                     Estimate     Error    t Value    Pr > |t|

Implied ROE 2007:
Intercept 6.44697 0.16874 38.21 <.0001 PGE 10.4809
debtcost -0.34408 0.01692 -20.33 <.0001 Moodys 10.4743

TOTAL ROE (average) = 10.8718
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YEARS 2001-2005 (to account for new wholesale power market conditions)

Risk Positioning Method (Data through 12/05)
Using Global Insight  Forecast

rate = 5.22
Obs = 53

7yr Treasury yields 2001-2005 (1 month lag)
R-Square 0.2371

                               Parameter Estimates
 
Variable                     Estimate     Error    t Value    Pr > |t|

Intercept 10.3593 0.91682 11.3 <.0001 Implied ROE 2007:
yr71 -0.847 0.22648 -3.74 0.0005 11.1581

rate = 5.22
Obs = 53

7yr Treasury yields 2001-2005 (7 month lag)
R-Square 0.2371

                               Parameter Estimates
 
Variable                     Estimate     Error    t Value    Pr > |t|

Intercept 9.43318 0.93233 10.12 <.0001 Implied ROE 2007:
yr77 -0.6251 0.22514 -2.78 0.008 11.3903
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YEARS 2001-2005 (to account for new wholesale power market conditions)

Using January 2006 Interest Rates
rate = 4.60
Obs = 53

7yr Treasury yields 2001-2005 (1 month lag)
R-Square 0.2371

                               Parameter Estimates
 
Variable                     Estimate     Error    t Value    Pr > |t|

Intercept 10.3593 0.91682 11.3 <.0001 Implied ROE 2007:
yr71 -0.847 0.22648 -3.74 0.0005 11.0632

rate = 4.60
Obs = 53

7yr Treasury yields 2001-2005 (7 month lag)
R-Square 0.6315

                               Parameter Estimates
 
Variable                     Estimate     Error    t Value    Pr > |t|

Intercept 9.43318 0.93223 10.12 <.0001 Implied ROE 2007:
yr77 -0.62508 0.22514 -2.78 0.008 11.1578
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YEARS 2001-2005 (to account for new wholesale power market conditions)

Using Corporate Bond Rates

PGE Estimate FMB Bond rate = 6.15
Moody's Baa Utility Nov 05 rate = 6.14 Obs = 53

Corporate Bonds 2001-2005
R-Square 0.6315

                               Parameter Estimates
 
Variable                     Estimate     Error    t Value    Pr > |t|

Implied ROE 2007:
Intercept 10.8307 0.73489 14.74 <.0001 PGE 10.9657
debtcost -0.9781 0.11138 -8.78 <.0001 Moodys 10.9655

TOTAL ROE (average) = 11.1168
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YEARS 1990-2005 (Removed high inflation 1980s as precaution)

Risk Positioning Method (Data through 12/05)
Using Global Insight  Forecast

rate = 5.22

7yr Treasury yields 1990-2005 (1 month lag)
R-Square 0.6095

                               Parameter Estimates
 
Variable                     Estimate     Error    t Value    Pr > |t|

Intercept 9.81497 0.209 46.96 <.0001 Implied ROE 2007:
yr71 -0.7116 0.03451 -20.62 <.0001 11.3206

rate = 5.22

7yr Treasury yields 1990-2005 (7 month lag)
R-Square 0.6458

                               Parameter Estimates
 
Variable                     Estimate     Error    t Value    Pr > |t|

Intercept 9.63996 0.19373 49.76 <.0001 Implied ROE 2007:
yr77 -0.6938 0.03075 -22.56 <.0001 11.2384
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YEARS 1990-2005 (Removed high inflation 1980s as precaution)

Using January 2006 Interest Rates
rate = 4.60

7yr Treasury yields 1990-2005 (1 month lag)
R-Square 0.6095

                               Parameter Estimates
 
Variable                     Estimate     Error    t Value    Pr > |t|

Intercept 9.81497 0.209 46.96 <.0001 Implied ROE 2007:
yr71 -0.7116 0.03451 -20.62 <.0001 11.1418

rate = 4.60

7yr Treasury yields 1990-2005 (7 month lag)
R-Square 0.6458

                               Parameter Estimates
 
Variable                     Estimate     Error    t Value    Pr > |t|

Intercept 9.63996 0.19373 49.76 <.0001 Implied ROE 2007:
yr77 -0.6938 0.03075 -22.56 <.0001 11.0486
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YEARS 1990-2005 (Removed high inflation 1980s as precaution)

Using Corporate Bond Rates

PGE Estimate FMB Bond rate = 6.15
Moody's Baa Utility Nov 05 rate = 6.14

Corporate Bonds 1990-2005
R-Square 0.6315

                               Parameter Estimates
 
Variable                     Estimate     Error    t Value    Pr > |t|

Implied ROE 2007:
Intercept 8.8532 0.30649 28.89 <.0001 PGE 10.9209
debtcost -0.6638 0.03782 -17.55 <.0001 Moodys 10.9175

TOTAL ROE (average) = 11.098

GRAND AVERAGE = 11.0288
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ADJUSTED DATA (removed high influence)

Risk Positioning Method (Data through 12/05)
Using Global Insight  Forecast

rate = 5.22

7yr Treasury yields 1983-2005 (1 month lag)
R-Square 0.6806

                               Parameter Estimates
 
Variable                  Estimate     Error    t Value    Pr > |t|

Intercept 8.3863 0.12 69.87 <.0001 Implied ROE 2007:
yr71 -0.4449 0.0145 -30.73 <.0001 11.284

rate = 5.22

7yr Treasury yields 1983-2005 (7 month lag)
R-Square 0.6949

                               Parameter Estimates
 
Variable                  Estimate     Error    t Value    Pr > |t|

Intercept 8.2 0.1177 69.66 <.0001 Implied ROE 2007:
yr717 -0.4387 0.0138 -31.76 <.0001 11.13
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ADJUSTED DATA
Using January 2006 Interest Rates

rate = 4.60

7yr Treasury yields 1983-2005 (1 month lag)
R-Square 0.6806

                               Parameter Estimates
 
Variable                  Estimate     Error    t Value    Pr > |t|

Intercept 8.3863 0.12 69.87 <.0001 Implied ROE 2007:
yr71 -0.4449 0.0145 -30.73 <.0001 10.94

rate = 4.60

7yr Treasury yields 1983-2005 (1 month lag)
R-Square 0.6949

                               Parameter Estimates
 
Variable                  Estimate     Error    t Value    Pr > |t|

Intercept 8.2 0.1177 69.66 <.0001 Implied ROE 2007:
debtcost -0.4387 0.0138 -31.76 <.0001 10.782
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ADJUSTED DATA
Using Corporate Bond Rates

PGE Estimate FMB Bond rate = 6.15
Moody's Baa Utility Nov 05 rate = 6.14

Corporate Bonds 1983-2005
R-Square 0.6315

                               Parameter Estimates
 
Variable                     Estimate     Error    t Value    Pr > |t|

Implied ROE 2007:
Intercept 6.5173 0.1557 41.87 <.0001 PGE 10.482
debtcost -0.3553 0.0157 -22.71 <.0001 Moodys 10.476

TOTAL ROE (average) = 10.849
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 1 RESIDUAL PLOT OF MODEL    RISKP = a + b*(7 year T bond lag 1 mo.) + residual

2  RESIDUAL PLOT OF MODEL    RISKP = a + b*(7 year T bond lag 7 mo.) + residual
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MODEL SPECIFIED USING MINIMIZED AIC
Note-- assumption made that rates will hold constant

Risk Positioning Method (Data through 12/05)
Using Global Insight  Forecast

rate = 5.22
*NOTE: AROE regressed instead of MRP due to specification

7yr Treasury yields 1983-2005
R-Square 0.7866 *

                               Parameter Estimates
 
Variable                     Estimate     Error    t Value    Pr > |t|

Intercept 7.9082 0.1216 65.02 <.0001 Implied ROE 2007:
yr71 0.1542 0.0567 2.72 0.0068 11.082
yr74 0.1372 0.0692 1.98 0.048
yr79 0.1506 0.0805 1.87 0.0621
yr711 -0.3213 0.1449 -2.22 0.027
yr712 0.4874 0.1153 4.23 <.0001

Using January 2006 Interest Rates
rate = 4.60

7yr Treasury yields 1983-2005 ROE AVERAGE = 10.89396
R-Square 0.7866 *

ROE AVERAGE from single variable models = 11.06891
                               Parameter Estimates *note this comparison removes corporate bonds
 Difference   of : 0.1749481
Variable                     Estimate     Error    t Value    Pr > |t|

Intercept 7.9082 0.1216 65.02 <.0001 Implied ROE 2007:
yr71 0.1542 0.0567 2.72 0.0068 10.705
yr74 0.1372 0.0692 1.98 0.048
yr79 0.1506 0.0805 1.87 0.0621
yr711 -0.3213 0.1449 -2.22 0.027
yr712 0.4874 0.1153 4.23 <.0001
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ADDING CPI AS PROXY FOR ECONOMIC ENVIRONMENT

Risk Positioning Method (Data through 12/05)
Using Global Insight  Forecast and CPI from St. Louis Fed

rate = 5.22
CPI = 203.2 (July 2006)

7yr Treasury yields 1983-2005 (1 month lag)
R-Square 0.6429

                               Parameter Estimates
 
Variable                  Estimate     Error    t Value    Pr > |t|

Intercept 12.238 0.5795 21.12 <.0001 Implied ROE 2007:
yr71 -0.6162 0.0297 -20.75 <.0001 10.539
CPI -0.0182 0.0027 -6.71 <.0001

7yr Treasury yields 1983-2005 (7 month lag)
R-Square 0.6556

                               Parameter Estimates
 
Variable                  Estimate     Error    t Value    Pr > |t|

Intercept 10.157 0.5967 17.02 <.0001 Implied ROE 2007:
yr77 -0.5209 0.0298 -17.48 <.0001 10.776
CPI -0.0093 0.0028 -3.35 0.0009
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ADDING CPI AS PROXY FOR ECONOMIC ENVIRONMENT

Using January 2006 interest rates  and CPI from St. Louis Fed
rate = 4.6
CPI = 203.2 (July 2006)

7yr Treasury yields 1983-2005 (1 month lag)
R-Square 0.6429

                               Parameter Estimates
 
Variable                  Estimate     Error    t Value    Pr > |t|

Intercept 12.238 0.5795 21.12 <.0001 Implied ROE 2007:
yr71 -0.6162 0.0297 -20.75 <.0001 10.301
CPI -0.0182 0.0027 -6.71 <.0001

7yr Treasury yields 1983-2005 (7 month lag)
R-Square 0.6556

                               Parameter Estimates
 
Variable                  Estimate     Error    t Value    Pr > |t|

Intercept 10.157 0.5967 17.02 <.0001 Implied ROE 2007:
yr77 -0.5209 0.0298 -17.48 <.0001 10.479
CPI -0.0093 0.0028 -3.35 0.0009
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ADDING CPI AS PROXY FOR ECONOMIC ENVIRONMENT

Using corporate bonds and CPI from St. Louis Fed
PGE Estimate FMB Bond rate = 6.15
Moody's Baa Utility Nov 05 rate = 6.14
CPI = 203.2 (July 2006)

Corporate Bonds 1983-2005
R-Square 0.6429

                               Parameter Estimates
 
Variable                  Estimate     Error    t Value    Pr > |t|

Intercept 8.7609 0.6857 12.78 <.0001 Implied ROE 2007:
yr71 -0.4482 0.0343 -13.07 <.0001 PGE 10.183
CPI -0.0097 0.0028 -3.48 0.0006 Moody's 10.178

TOTAL ROE (average): 10.409
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Different treasury bonds
Risk Positioning Method (Data through 12/05)
Using Global Insight  Forecast

rate = 5.22

10yr Treasury yields 1983-2005 (1 month lag)
R-Square 0.5824

                               Parameter Estimates
 
Variable                     Estimate     Error    t Value    Pr > |t|

Intercept 8.2361 0.1377 59.82 <.0001 Implied ROE 2007:
yr101 -0.4298 0.0165 -25.98 <.0001 11.213

rate = 5.22

10yr Treasury yields 1983-2005 (7 month lag)
R-Square 0.6187

                               Parameter Estimates
 
Variable                     Estimate     Error    t Value    Pr > |t|

Intercept 7.9886 0.1276 62.61 <.0001 Implied ROE 2007:
yr107 -0.4171 0.0149 -28.03 <.0001 11.031
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Using January 2006 Interest Rates
rate = 4.60

10yr Treasury yields 1983-2005 (1 month lag)
R-Square 0.5824

                               Parameter Estimates
 
Variable                     Estimate     Error    t Value    Pr > |t|

Intercept 8.23607 0.13768 59.82 <.0001 Implied ROE 2007:
yr101 -0.42975 0.01654 -25.98 <.0001 10.859

rate = 4.60

10yr Treasury yields 1983-2005 (7 month lag)
R-Square 0.6187

                               Parameter Estimates
 
Variable                     Estimate     Error    t Value    Pr > |t|

Intercept 7.9886 0.1276 62.61 <.0001 Implied ROE 2007:
yr107 -0.4171 0.0149 -28.03 <.0001 10.67
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Risk Positioning Method (Data through 12/05)
Using Global Insight  Forecast

rate = 5.22

30yr Treasury yields 1983-2002 (1 month lag) **30 year rates unavailable 2002-2005
R-Square 0.4798

                               Parameter Estimates
 
Variable                     Estimate     Error    t Value    Pr > |t|

Intercept 7.691 0.154 49.96 <.0001 Implied ROE 2007:
yr301 -0.3817 0.0181 -21.13 <.0001 10.919

rate = 5.22

30yr Treasury yields 1983-2002 (7 month lag) **30 year rates unavailable 2002-2005
R-Square 0.5133

                               Parameter Estimates
 
Variable                     Estimate     Error    t Value    Pr > |t|

Intercept 7.4265 0.1425 52.11 <.0001 Implied ROE 2007:
yr307 -0.3677 0.0163 -22.59 <.0001 10.727
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Using January 2006 Interest Rates
rate = 4.60

30yr Treasury yields 1983-2002 (1 month lag) **30 year rates unavailable 2002-2005
R-Square 0.4798

                               Parameter Estimates
 
Variable                     Estimate     Error    t Value    Pr > |t|

Intercept 7.691 0.154 49.96 <.0001 Implied ROE 2007:
yr301 -0.3817 0.0181 -21.13 <.0001 10.535

rate = 4.60

30yr Treasury yields 1983-2002 (7 month lag) **30 year rates unavailable 2002-2005
R-Square 0.5133

                               Parameter Estimates
 
Variable                     Estimate     Error    t Value    Pr > |t|

Intercept 7.4265 0.1425 52.11 <.0001 Implied ROE 2007:
yr307 -0.3677 0.0163 -22.59 <.0001 10.335
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PGE Exhibit 2023 

 

• Staff stated in Staff Exhibit 1000, page 24 that “there is a lot of evidence that risk 

premiums may be time-varying.”  Staff’s answer to the data request requesting such 

evidence was that it was “Mr. Morgan’s knowledge and was not based on 

contemporaneous analysis of the literature.”  (OPUC Response to PGE Data Request No. 

231). 

• Staff states at Staff Exhibit 1000, page 24 that he relies upon “published risk premium 

literature” to aid in his criticism of PGE’s risk premium model.  When asked for such 

“published literature,” Staff did not provide it and again asserted that their testimony was 

based on judgment (OPUC Response to Staff Data Request No.’s 38 and 23). 

• Staff states at Staff Exhibit 1003, page 35 that “Oregon has provided a favorable 

regulatory environment.”  When asked to provide the evidence for this statement, Staff 

stated that it “does not have the requested reports” and that “Staff is aware that S&P, 

Value Line and Regulatory Research Associates…considers Oregon’s regulatory 

treatment to be favorable (OPUC Response to PGE Data Request No. 42). 

• Staff states at Staff Exhibit 1003, page 4 that “…most analysts do not expect significant 

upward pressure.”  However, in response to PGE Data Request No. 053, when asked 

what is meant by “most analysts” and to provide evidence, Staff stated “Staff is referring 

to its perception of the current interest rate environment.” 

• Staff states at Staff Exhibit 1003, page 28 that “Although some published literature 

provides the arithmetic average, for ratemaking purposes, the compounded, or geometric 

average, return is the proper metric upon which to focus for cost of capital 
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determinations.”  In response to PGE Data Request No. 065, Staff stated that they are 

“not aware of specific published literature upon which the statement was based.” 

                                                                                                                                                             
1 OPUC Responses to PGE Data Requests are PGE Exhibit && 
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   Moody’s Index 

for: 

Above (Below) 

Month/Year Issue Effective 

All-In 

Debt 

Rate 

Aa Baa Aa Baa 

October 2002 FMB 8.125% 8.421% 7.07% 8.00% 135 42 

October 2002 FMB 5.6675% 7.420% 7.07% 8.00% 35 (58) 

April 2003 FMB 5.279% 6.434% 6.47% 6.94% (4) (51) 

August 2003 FMB 5.625% 6.266% 6.48% 7.08% (21) (81) 

August 2003 FMB 6.750% 7.220% 6.48% 7.08% 74 14 

August 2003 FMB 6.875% 7.282% 6.48% 7.08% 80 20 

       

 

 

       

   S&P’s Index 

for: 

Above (Below) 

Month/Year Issue Effective 

All-In 

Debt 

Rate 

A BBB A BBB 

October 2002 FMB 8.125% 8.421% 7.01% 8.62% 141 (20) 

October 2002 FMB 5.6675% 7.420% 7.01% 8.62% 41 (120) 

April 2003 FMB 5.279% 6.434% 5.71% 6.82% 72 (39) 

August 2003 FMB 5.625% 6.266% 6.06% 6.74% 21 (47) 

August 2003 FMB 6.750% 7.220% 6.06% 6.74% 116 48 

August 2003 FMB 6.875% 7.282% 6.06% 6.74% 122 54 

       

 



UE 180 - UE 181 - UE 184 / PGE Exhibit 2024
Hager - Valach / 1

S&P/Moody's Combined

Company Name Included / reason for exclusion

AYE Allegheny Energy No dividends paid since 12/31/2002
AEE Ameren Corporation Included
AEP American Electric Power Included
CEG Constellation Energy Group Merger in progress with FPL
CHG CH Energy Group Included
CNP CenterPoint Energy Included
CIN CINergy Corp. Completed merger with Duke Energy 4/3/2006
ED Consolidated Edison Included
DPL DPL Inc Dividend suspension within last three years (3/30/2004)
D Dominion Res Inc VA New Included
DTE DTE Energy Co. Included
DUK Duke Energy Corp Included
EAS Energy East Corp Included
EIX Edison Int'l Dividends suspended and reinstated within last three years
ETR Entergy Corp. Included; No data from 10/2005 - 1/2006
EXC Exelon Corp. Merger in progress with PSEG
FE FirstEnergy Corp. Included
FPL FPL Group Merger in progress with Constellation 
IDA Idacorp Dividend reduction within last three years (12/31/2003)
IPL Ipalco Enterprises Acquired by AES
NI Nisource Dividend reduction within last three years (12/31/2003)
OGE OGE Energy Corp Included
PCG PG&E Corp. Dividends suspended since March 2001; reinstated 6/30/2005
PEG Public Service Enterprise Group Merger in progress with Exelon
PNW Pinnacle West Capital Included
POM Potomac Electric Power Co Included
PPL PPL Corp. Included
PGN Progress Energy, Inc. Included
SO Southern Co. Included
TE TECO Energy Included
TXU TXU Corp. Included
XEL Xcel Energy Inc Included

Total Companies: 32 Included: 20
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Company Name Included / reason for exclusion

LNT Alliant Included
AVA Avista Included
CNL CLECO Included
DPL D P L Inc. Dividend suspension within last three years
IDA Idaho Power Co. Dividend reduction within last three years (12/31/2003)
NU Northeast Utilities Included
NOR Northwestern Corp. No longer followed by Value Line
OGE Oklahoma Gas & Electric Co. Included
POM Potomac Electric Power Co. Included
PNW Pinnacle West Capital Corp. Included
PSD Puget Sound Energy Included
UNS UniSource Energy Corp.(Tucson Electric Power Co.) Included
WR Western Resources Included
WEC Wisconsin Energy Corp. Included

Total Companies: 14 Included: 11

PGE Comparables
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Company Name Included / reason for exclusion

LNT Alliant Included
AEE Ameren Corporation Included
CHG CH Energy Included
CNL CLECO Included
ED Consolidated Edison Co. NY Inc. Included
EDE Empire District Electric Co. Included
EAS Energy East Corp. Included
ETR Entergy Corp Included; NOTE: No data for 10/2005 through 1/2006
EXC Exelon Corp. Merger in progress with PSEG
FPL F P L Group Inc. Merger in progress with Constellation 
MGEE MGE Energy Included
NST NSTAR Included
PGN Progress Energy Included
SCG Scana Corp Included
SO Southern Company Included
VVC Vectren Included
XEL Xcel Energy Inc. Included

Total Companies: 17 Included: 14

UE 170 Rebuttal Sample
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I. Introduction and Qualifications 

Q. Please state your name and address. 1 

A. My name is Thomas M. Zepp.  My business address is Utility Resources, Inc., Suite 250, 2 

1500 Liberty Street, S.E., Salem,  Oregon 97302. 3 

Q. What is your profession and background? 4 

A. I am an economist and Vice President of Utility Resources, Inc., a consulting firm.  I 5 

received my Ph.D. in Economics from the University of Florida.  Prior to jointly establishing 6 

our consulting firm in 1985, I was a consultant at Zinder Companies from 1982-1985 and a 7 

senior economist on the staff of the Oregon Public Utility Commissioner between 1976 and 8 

1982.  While on the Staff of the OPUC, I presented testimony on the cost of capital and 9 

other issues.  Prior to 1976, I taught econometrics, economics and business courses at the 10 

University of Florida, Central Michigan University and in the Joint Graduate Program at 11 

Armstrong State and Savannah State Colleges. 12 

  I have been deposed or testified on various topics before regulatory commissions, courts 13 

and legislative committees in twenty-two states, before two Canadian regulatory authorities 14 

and before four Federal agencies.  In addition to cost of capital studies, I have testified as to 15 

incremental costs of energy and telecommunications services, values of utility properties, 16 

and appropriate rate designs. 17 

Q. What cost of capital studies have you prepared before? 18 

A. I have submitted studies or testified on cost of capital and other financial issues before the 19 

Interstate Commerce Commission, Bonneville Power Administration, and courts or 20 

regulatory agencies in Alaska, Arizona, California, Hawaii, Idaho, Illinois, Kentucky, 21 

Montana, Nevada, New Mexico, Oregon, Tennessee, Utah, Washington and Wyoming. 22 
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  My studies and testimony have included consideration of the financial health and fair 1 

rates of return for General Telephone of the Northwest, Illinois Bell Telephone, Nevada Bell 2 

Telephone, Pacific Northwest Bell, US WEST, Anchorage Municipal Light & Power, 3 

Arizona Public Service Company, Commonwealth Edison, Idaho Power, Iowa-Illinois Gas 4 

and Electric, Pacific Power & Light, Portland General Electric, Puget Sound Power & Light, 5 

Cascade Natural Gas, Mountain Fuel Supply, Northern Illinois Gas, Northwest Natural Gas, 6 

Anchorage Water Utility, Anchorage Wastewater Utility, Arizona Water Company, Arizona 7 

American Water Company, California American Water Company, California Water Service, 8 

Chaparral City Water Company, Dominguez Water Company, Golden State Water 9 

Company, Hawaii American Water Company, Kentucky American Water Company, 10 

Mountain Water Company, New Mexico American Water Company, Oregon Water 11 

Company, Paradise Valley Water Company, Park Water Company, San Gabriel Valley 12 

Water Company, San Jose Water Company, Southern California Water Company, Suburban 13 

Water System, Tennessee American Water Company and Valencia Water Company.  I have 14 

also prepared estimates of the appropriate rates of return for a number of hospitals on behalf 15 

of the Washington State Hospital Commission and U.S. railroads.  16 

Q. Do you have other professional experience related to cost of capital issues? 17 

A. Yes.  My article, “Utility Stocks and the Size Effect - Revisited,” was published in the 18 

Quarterly Review of Economics and Finance, Vol. 43, Issue 3, Autumn 2003, pp. 578-582.  19 

Also, I published an article "Water Utilities and Risk," Water the Magazine of the National 20 

Association of Water Companies Vol. 40, No. 1 Winter 1999 and was an invited speaker on 21 

the topic of risk of water utilities at the 57th Annual Western Conference of Public Utility 22 

Commissioners in June 1998.  I presented a paper "Application of the Capital Asset Pricing 23 

Model in the Regulatory Setting" at the 47th Annual Southern Economic Association 24 
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Conference and published an article "On the Use of the CAPM in Public Utility Rate Cases: 1 

Comment," Financial Management Autumn 1978, pp. 52-56.  I have been a journal referee 2 

for the International Review of Economics and Finance and Financial Management.  While 3 

on the staff of the Oregon PUC, I also established a sample of over 500,000 observations of 4 

common stock returns and measures of risk and conducted a number of studies related to the 5 

use of various methods to estimate costs of equity for utilities.  I was invited to Stanford 6 

University to discuss that research. 7 
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II. Purpose and Summary of Testimony 

Q. What is the subject of your testimony in this proceeding? 1 

A. Portland General Electric Company (“PGE,” or “the Company”) asked me to review the 2 

Cost of Capital testimony of Thomas D. Morgan marked as Staff Exhibits 1000, 1002 and 3 

1003, dated August 14, 2006, and respond where I thought it was appropriate. 4 

Q. Have you prepared any tables to accompany your testimony? 5 

A. Yes.  I prepared and am sponsoring 10 exhibits. 6 

Q. Please summarize your testimony. 7 

A. I provide my testimony in three sections.  In section III, I present five observations about 8 

Mr. Morgan’s testimony to put his recommended ROE of 9.3% in perspective.  All of those 9 

observations indicate 9.3% is substantially below PGE’s cost of equity.   10 

  In section IV, I comment about Mr. Morgan’s DCF analyses.   11 

• I re-run his 40-year DCF analysis for his electric utilities sample with alternative 12 

assumptions Mr. Morgan said should be considered but he did not incorporate in 13 

his analyses, and find the internal rate of return for the DCF approach is 10.50%.  14 

• I show that DCF estimates for utilities in another industry support PGE’s 15 

requested ROE of 10.75%.   16 

• I point out that if the difference in market leverage relied upon by investors when 17 

they buy utility stocks and book equity relied upon by regulators is recognized 18 

when authorized ROEs are determined, PGE would require a higher ROE than is 19 

indicated by the DCF method.   20 

  In section V, I explain why studies I have done and decisions of another commission 21 

support reliance on the risk positioning approach adopted by PGE.  I also present two other 22 
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risk premium equity cost analyses for electric utilities which indicate PGE has a cost of 1 

equity in excess of its requested 10.75%.   2 

Q. What are your conclusions regarding PGE’s cost of equity? 3 

A. I conclude PGE’s requested ROE of 10.75% is very conservative and should be adopted. 4 
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III. Overview of Mr. Morgan’s Testimony 

Q. What rates of return on equity and capital structures have PGE and Mr. Morgan 1 

recommended? 2 

A. In PGE Exhibit 1100, filed March 15, 2006, Patrick Hager and William Valach 3 

recommended a rate of return on equity (“ROE”) of 10.75% with a capital structure 4 

containing 55.96% common equity, 0.29% preferred stock and 43.75% long-term debt be 5 

used to determine PGE’s revenue requirements in UE 180.  That proposal assumes the 6 

NVPC regulatory framework proposed by Ms. Lesh and Mr. Niman (PGE Exhibit 400) is 7 

adopted.   8 

  Mr. Morgan (Staff Exhibit 1000) recommends an ROE of 9.3% with a capital structure 9 

that includes 48.5% common equity and 51.50% long-term debt.  It is not clear whether this 10 

proposal considers at all the NVPC regulatory framework Staff supports in Staff Exhibit 11 

800. 12 

  As another point of reference, ICNU-CUB witness Gorman recommends an equity 13 

return of 9.9% and an equity ratio of 50.0%. 14 

Q. Do you have any general observations that put Mr. Morgan’s recommended ROE in 15 

perspective? 16 

A. Yes.  I have five general observations.   17 

• First, PGE is more risky than the sample of electric utilities Mr. Morgan chose to 18 

determine benchmark cost of equity estimates.  Mr. Morgan does not adjust 19 

upward his ROE estimates for his sample of electric utilities to account for PGE’s 20 

greater risk.   21 
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• Second, a 9.3% ROE recommendation is only 210 basis points higher than a 1 

consensus of analysts’ forecasts of investment grade (“Baa”) bond rates for the 2 

second quarter of 2007 (Blue Chip Financial Forecasts, August 2006).  When 3 

compared to past data, this is a very low premium above investment grade bond 4 

rates. 5 

• Third, since 2003 when the Public Utility Commission of Oregon 6 

(“Commission”) determined that an appropriate ROE for NW Natural in UG 152 7 

was 10.2%, interest rates and the costs of equity for all utilities have increased.   8 

• Fourth, Mr. Morgan’s recommendation is 180 and 150 basis points lower than 9 

averages of currently authorized and earned ROEs, respectively, for the sample of 10 

electric utilities that Mr. Morgan states recommends be used as guideline 11 

companies to determine a fair ROE for PGE.  12 

• Fifth, there is a wealth of information available to determine benchmark equity 13 

costs that Mr. Morgan has chosen to exclude from his analysis.  That information 14 

indicates PGE’s cost of equity is much higher than 9.3%. 15 

 

A. Rebuttal to Staff’s ROE Recommendation 

1. PGE is more risky than Staff’s sample companies 16 

Q. Is PGE more risky than the sample of electric utilities Mr. Morgan relies upon to 17 

determine PGE’s recommended ROE? 18 

A. Yes.  PGE Exhibit 2101 compares five different measures of risk for PGE to comparable 19 

measures of risk for Mr. Morgan’s sample of electric utilities.   20 
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  Standard & Poor’s Rating Services assigns “business profiles” to reflect the relative 1 

business risks of utilities.  These business profiles range between 1 for the least risky 2 

company to 10 for the most risky companies.  (See Staff/1003, Morgan 113).  Based on 3 

those S&P rankings of risk, PGE (with a business profile of 5) is more risky than the 4 

average utility in Mr. Morgan’s sample (with a business profile of 3.9).   5 

  PGE is also more risky than the Morgan sample based on considerations of bond ratings 6 

and percentages of purchased power.  The data provided in Staff Exhibit 1003, page 124 7 

report a bond rating for PGE of “BBB+” while the Morgan sample has a higher average 8 

bond rating of “A.”   9 

  PGE is also more risky than the Morgan sample because PGE’s percentage of 10 

purchased power of 49% is higher and thus PGE is more risky than the sample which has an 11 

average percentage of purchased power of 35%.  PGE is publicly traded but not followed by 12 

Value Line and thus there are no beta estimates or Safety Ranks to compare to Mr. Morgan’s 13 

sample.  14 

Q. Do you have similar concerns with respect to Mr. Morgan's use of his sample of 15 

electric companies to determine PGE's capital structure in this proceeding? 16 

A. Yes.  PGE discusses the fact that bond rating agencies impute debt to PGE because of its 17 

purchased power contracts.  During his deposition, Mr. Morgan acknowledged that S&P 18 

does indeed impute debt to companies with such purchased power contracts, but he was 19 

unwilling to incorporate that fact in his analysis of an appropriate capital structure for PGE.  20 

Instead, he went the other way and imputed a hypothetical capital structure to PGE for 21 

ratemaking which is even more leveraged. 22 

  I have a simple observation.  It is that based on the three available measures of risk, 23 

even though PGE has a “higher” equity ratio than the Morgan sample, it is more risky than 24 
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Mr. Morgan’s sample.  Even without consideration of imputed debt, with a business profile 1 

of 5, S&P has a higher (not lower) target equity ratio for PGE to obtain the same bond rating 2 

as an average utility in Mr. Morgan’s sample, with a business profile of 3.9.  The full story 3 

must recognize that PGE has imputed debt and higher than average business risks which 4 

should be offset with the risk-reducing benefit of lower leverage.  Mr. Morgan fails to adjust 5 

the guideline estimates of costs of equity he obtains for his sample to recognize PGE is more 6 

risky.  7 

Q. Does PGE have other risks not reflected in PGE Exhibit 2101? 8 

A. Yes.  In the testimony of Mr. Hager and Mr. Valach, PGE discusses a number of risks that 9 

are beyond the control of the Company and the Commission.  For example, added risk was 10 

imposed by the legislature when it passed SB 408.  In January, Regulatory Research 11 

Associates downgraded the regulatory environment in Oregon as a result of that legislation.  12 

When the Commission determines a fair ROE for PGE, the added risk of SB 408 and other 13 

company-specific risks discussed by PGE should be considered.   14 

2. Staff’s recommended ROE is extremely low 15 

Q. Why is Staff’s recommendation unreasonable? 16 

A. A 210 basis point risk premium above the cost of investment grade bonds is extremely small 17 

when compared to premiums found reasonable by this commission in past cases.  In 18 

UG 152, for example, the premium found reasonable by the Commission was 344 basis 19 

points above the average 2003 “Baa” rate of 6.76%.  Data in PGE Exhibit 2101 show PGE is 20 

more risky than NW Natural and thus the 344 basis point risk premium provides a 21 

conservative measure of the premium now required by PGE.  A 210 basis point risk 22 

premium is also very conservative when compared to risk premiums produced with various 23 

studies I discuss later in my testimony. 24 
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3. Interest rates are rising 1 

Q. Have costs of equity increased since 2003 when the Commission determined NW 2 

Natural required an ROE of 10.2%? 3 

A. Yes.  Interest rates and costs of equity have increased since the Commission determined NW 4 

Natural required an ROE of 10.2% in UG 152.  PGE Exhibit 2102 computes the indicated 5 

increase in the cost of 7-year Treasury security rates between July 2003 (when Staff 6 

prepared Surrebuttal testimony in UG 152) and November 2003 (when the Commission 7 

issued its order in UG 152) and August 29, 2006.  During the 2003 period indicated, the 8 

average monthly rates on 7-year Treasury securities ranged from 3.45% to 3.96%; thus, rates 9 

for 7-year Treasury securities have increased by 81 to 132 basis points since the 10.2% ROE 10 

was found reasonable for NW Natural.  11 

  PGE Exhibit 2102 also computes the indicated increase in the cost of equity.  PGE’s 12 

risk positioning model reported at PGE Exhibit 1110, page 1 reports equity costs will tend to 13 

increase by 55 (1-.4477) basis points to 57 (1-.4262) basis points for every 100 basis point 14 

increase in the rates on 7-year Treasury securities.  The PGE estimates are validated by a 15 

determination by the California PUC in multiple dockets that costs of equity for energy 16 

utilities increase by one-half to two-thirds of the change in a benchmark interest rate.  (Table 17 

3 of California PUC Decision 97-12-089 confirmed in California PUC Decision 02-11-027)  18 

PGE’s estimates are also in line with studies I have conducted in the past for gas utilities and 19 

water utilities and a study conducted by Oregon PUC Staff in Docket UT 85 that found risk 20 

premiums vary inversely with interest rates (See UT 85, Staff/3, January 20, 1989).  Based 21 

on the increases in 7-year Treasury security rates and the PGE study, the indicated increase 22 

in the cost of equity since the Commission determined a 10.2% ROE was reasonable for 23 

NW Natural falls in a range of 10.66% to 10.95%.  Based on the measures of risk reported in 24 
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PGE Exhibit 2101, NW Natural is less risky than Mr. Morgan’s sample of electric utilities 1 

and PGE, and thus a range of 10.66% to 10.95% is a conservative estimate of PGE’s current 2 

cost of equity.   3 

4. Mr. Morgan’s recommendation is lower than averages of currently authorized and 4 

earned ROEs for Mr. Morgan’s sample 5 

Q. Are earned and authorized ROEs for Mr. Morgan’s sample important information 6 

that should be considered in the determination of a fair ROE for PGE? 7 

A. Yes.  The U. S. Supreme Court’s decisions in the 1923 Bluefield Waterworks case and 1944 8 

Hope Natural Gas Company case, as well as ORS 756.040, set forth three standards for a 9 

fair ROE.1  In effect, the Oregon legislature and the U.S. Supreme Court require the 10 

Commission to determine rates and rate adjustment mechanisms for PGE that allow the 11 

Company to have a fair chance to earn its opportunity cost of capital, i.e., returns investors  12 

 could expect to earn if they invest in other enterprises of comparable risk.  Mr. Morgan 13 

contends that those “other enterprises of comparable risk” are the utilities in his sample of 14 

14 electric utilities.  If that is the appropriate benchmark, PGE should be authorized rates 15 

and rate adjustment mechanisms that allow it a reasonable opportunity to earn a return on 16 

equity as high as investors can expect will be earned by his sample companies.  If, as PGE 17 

Exhibit 2101 indicates, PGE is more risky than that sample, it should be authorized rates and 18 

rate adjustment mechanisms that give it an opportunity to earn an ROE higher than is 19 

expected to be earned by the sample.   20 

  The two obvious measures of the opportunity cost of equity that are available to 21 

investors are ROEs currently being earned and ROEs the utilities are authorized to earn.  If 22 

                                                 
1 Mr. Hager and Mr. Valach discuss these standards at UE 180/PGE Exhibit 1100 page/3-4.  These standards were 
confirmed in the 1989 Duquesne Light Co. v Barasch case. 
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regulators authorize rates and rate adjustment mechanisms that allow utilities a reasonable 1 

chance to earn their costs of equity, an average of earned ROEs for the sample as well as an 2 

average of authorized ROEs provide measures of that opportunity cost of equity.  PGE 3 

Exhibit 2103 provides a list of earned and authorized ROEs for the companies in Mr. 4 

Morgan’s sample.  In compiling this list I have used the smaller of ROEs reported by Value 5 

Line and AUS Utility Reports when the reported values differed.  In cases where Value Line 6 

reported authorized ROEs for several jurisdictions, I used the average of authorized ROEs 7 

determined by AUS in the August 2006 AUS Utility Reports.  Taking into account that PGE 8 

is more risky than companies in Mr. Morgan’s sample, the evidence in PGE Exhibit 2103 9 

indicates the opportunity cost of equity for investors in PGE stock is above the range of 10 

10.8% to 11.1%.  11 

Q. Does the evidence in PGE Exhibit 2103 depend upon what types of models were used to 12 

determine the ROEs or what assumptions were used to produce equity costs with those 13 

unknown models? 14 

A. No, it does not.  The evidence in PGE Exhibit 2103 provides a direct estimate of the 15 

opportunity cost of equity that the Oregon legislature and the U.S. Supreme Court have 16 

found should be considered in determining a fair rate of return on equity.  Ultimately, the 17 

test of a fair ROE is not whether the correct assumptions are used to determine equity costs 18 

with the DCF model or some type of risk premium model.  The ultimate test is whether the 19 

rates and rate adjustment mechanisms authorized for PGE by the Oregon Commission give 20 

PGE an opportunity to earn the rate of return investors could expect to earn if they invested 21 

in another utility of comparable risk.  PGE Exhibit 2103 provides conservative evidence 22 

about what that range of ROEs is for PGE. 23 
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Q. Does Mr. Morgan rely upon the type of information you report in PGE Exhibit 2103 or 1 

any other information about ROEs investors expect his sample companies to earn 2 

when he determined his recommended ROE for PGE? 3 

A. No, he does not.  He limits his analysis to equity costs determined with three versions of the 4 

DCF model. 5 

Q. What weight should the Commission give to the information in Exhibit 2103? 6 

A. The Commission should consider all useful information when it determines a fair ROE for 7 

PGE.  PGE Exhibit 2103 is a part of that information and should be given no less weight 8 

than equity costs determined with financial models such as the risk premium (or risk 9 

positioning) models and DCF models.  All models require assumptions, and differences in 10 

equity cost estimates result when analysts select different models and assumptions.  The 11 

information in PGE Exhibit 2103 is transparent and does not rely upon hidden assumptions.  12 

It requires only an assumption that the ROEs—be they authorized or earned—provide 13 

reasonable indications about ROEs investors expect those companies to earn in the future.  I 14 

do not recommend limiting the Commission’s inquiry to PGE Exhibit 2103 and recommend 15 

the DCF and risk premium approaches I present below also be considered.  But, PGE 16 

Exhibit 2103 provides important perspective.  If equity costs estimated with financial 17 

model(s) are significantly lower or higher than the ROEs tabulated in PGE Exhibit 2103, the 18 

Commission should question the assumptions that drive the results coming out of those 19 

models.  In my view, the information in PGE Exhibit 2103 raises serious questions about the 20 

usefulness of whatever models and assumptions Mr. Morgan has used to justify an ROE that 21 

is 150 to 180 basis points lower than the currently earned and authorized ROEs for utilities 22 

Mr. Morgan says are of risk comparable to PGE. 23 

5. Mr. Morgan did not use readily available information  24 
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Q. Did Mr. Morgan consider other factors in his analysis? 1 

A. There is a wealth of information that the Commission should consider when determining a 2 

fair ROE for PGE that Mr. Morgan has ignored.  That information includes:  1) DCF 3 

estimates for samples of other types of utilities, 2) the sensitivity of Mr. Morgan’s 40-year 4 

DCF model to different assumptions about growth Mr. Morgan says should be considered in 5 

a DCF analysis but he does not consider, 3) an analysis that explains why results of DCF 6 

models are expected to understate ROEs required in jurisdictions that rely on original cost 7 

rate bases, 4) the risk positioning models presented by PGE, and 5) two risk premium 8 

models I present in Section V. 9 
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IV. Response to Mr. Morgan’s DCF Estimates  

Q. At Staff Exhibit 1000, page 2, Mr. Morgan tells the Commission he has produced a 1 

table of ROE results that provide the Commission with information related to the 2 

upper and lower ends of a reasonable cost of equity estimate for PGE.  Do you agree? 3 

A. No, I do not.  As I will explain further below, I disagree because Mr. Morgan has excluded a 4 

large amount of useful information by relying solely on the DCF model for his sample of 14 5 

electric utilities to determine his equity cost estimates.  Also, if investors do rely on the DCF 6 

model, Mr. Morgan does not consider all of the assumptions investors might reasonably 7 

consider when they price electric utility stocks with such a model.  That said, I provide three 8 

primary responses to his DCF analyses. 9 

  First, I discuss growth rates that should be used in the determination of DCF equity cost 10 

estimates for electric utilities.  I note that Mr. Morgan has omitted a portion of sustainable 11 

growth and explain why analysts’ forecasts of growth may understate growth expected by 12 

investors.  I show analysts’ forecasts for utilities in another industry produce more 13 

reasonable equity cost estimates.  14 

  Second, I re-run Mr. Morgan’s 40-year DCF analysis for his electric utility sample with 15 

three changes.  Those changes are: 16 

a) When estimating sustainable growth, I include growth that results when common 17 

shares are sold at prices in excess of book value, called “sv” growth.  This 18 

component of sustainable growth was routinely included in DCF estimates by the 19 

Oregon Staff in past cases, but is excluded by Mr. Morgan; 20 

b) I rely upon—as Mr. Morgan says we should do—historical information to 21 

determine growth investors expect in the first stage of the model; and 22 
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c) Once the second stage is reached, I assume the retention ratio attained in the first 1 

stage continues and the expected ROE for the sample is 12.5%, the ROE Value 2 

Line projects for the electric utility industry.  This 12.5% is the ROE that Mr. 3 

Morgan says should be considered (Staff Exhibit 1000, page 13) but he did not 4 

consider in his analysis.  The 12.5% ROE is a forecasted return on year-end 5 

equity; in computing "br" growth (ROE times the company’s retention ratio), I 6 

adjust the growth rate estimate with the FERC formula to put the “r” in "br" 7 

growth on a mid-period basis.   8 

  Third, I address a general problem with DCF estimates, which several prestigious ROE 9 

analysts have argued means, that unadjusted DCF estimates understate the ROE required in 10 

regulatory jurisdictions that rely on original cost as the measure of rate base and capital 11 

structure for ratemaking. 12 

 

A. DCF Model 

1. General comments on the DCF model 13 

Q. Do you have any general comments about the DCF model? 14 

A. Yes.  Conceptually, investors use the valuation model in equation 1) to determine how much 15 

they are willing to pay for stocks: 16 

 (1) Pbuy = CF1/(1+d)  +  CF2/(1+d)2 + . . . +  CFn/(1+d)n, 17 

 where Pbuy is the price the investor would be willing to pay; CF1, CF2, . . . CFn are the cash 18 

flows the investor expects to receive in periods 1, 2, . . . n, respectively; and d is a risk 19 

adjusted discount rate, the opportunity cost of capital that the investor determines should be 20 

used to discount the cash flows.  Presumably, if the market price for the stock were less than 21 

Pbuy and the investor had the funds, he/she would buy the stock.  In his 1974 book, Myron 22 
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Gordon (M. J. Gordon, The Cost of Capital to a Public Utility, Michigan State University, 1 

East Lansing, Michigan, 1974) made a number of assumptions2 and adapted equation (1) to 2 

derive equity cost estimates with the DCF model.  After making assumptions about the 3 

pattern of future cash flows and market efficiency and rearranging terms, what was 4 

previously an input (the discount rate) in the determination of the value of a stock in 5 

equation (1) became the focus of the inquiry.  6 

Q. Why is this background important? 7 

A. It is important because it should be clear that all models—including the DCF model—are 8 

based on abstractions and simplifying assumptions.  With the risk positioning and risk 9 

premium approaches presented by PGE and by me, those assumptions are fairly straight 10 

forward but are not generally the same as the assumptions being made with whatever 11 

version of the DCF model is being used.  We do not know which assumptions best reflect 12 

investor motives when they buy and sell stocks; thus, it is important to look at more than one 13 

type of model.  Given concerns with determining the growth rates investors expect for 14 

electric utilities, it is appropriate to examine DCF estimates for other types of utilities as 15 

well as consider other types of models and the information in PGE Exhibit 2103. 16 

2. Mr. Morgan’s DCF analysis 17 

Q. At lines 8-14 of Staff Exhibit 1000, page 7, Mr. Morgan outlines the three types of 18 

growth rates he considered.  Do you have any comments about this testimony? 19 

A. Yes.  I address each of his categories of growth rates below.  I summarize my comments 20 

here. 21 

                                                 
2 Some of those assumptions are prices for stocks are efficient, investors have an infinite time horizon and investors 
are price takers and thus cannot affect stock prices.   
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  1. Analyst’s Forecasts.  I have examined analysts’ forecasts for electric utilities reported 1 

by Mr. Morgan (Staff Exhibit 1002, page 16) and Mr. Gorman (ICNU Exhibit 305, page 1) 2 

for their samples.  It appears these financial analysts are making conservative forecasts for at 3 

least three reasons.   4 

  2. Sustainable growth.  Below I explain that sustainable growth should be computed as 5 

the sum of growth from retained earnings (called "br" growth) and sales of stock above book 6 

value (called “sv” growth).  Oregon PUC Staff routinely included “sv” growth in cases in 7 

which I testified in the past, but Mr. Morgan has excluded (with no explanation) “sv” growth 8 

from his sustainable growth calculations.  Based on data in Mr. Morgan’s exhibits, “sv” 9 

growth for his sample is expected to be 0.47%.  In effect, Mr. Morgan has excluded almost 10 

50 basis points of growth from all of his estimates of sustainable growth.  Just fixing this 11 

obvious flaw would increase his recommended ROE from 9.3% to 9.8%. 12 

  3.  Historical Utility Growth rates.  Mr. Morgan recommends that past growth be 13 

considered by the Commission but he does not include estimates of such past growth in his 14 

DCF models.  I do.  Below, I modify his 40-year three-stage model and show that:  a) if 15 

investors relied upon past growth in earnings per share (“EPS”) when they formed their 16 

expectations of cash flows considered in equation (1); b) expected “sv” growth is included 17 

in the analysis; c) the First Stage is modified to be 10 years in length; d) growth of dividends 18 

per share (“DPS”) in the First Stage is the same as was assumed by Mr. Morgan; and e) 19 

investors expect to earn Value Line’s forecast of the future ROE of 12.5% instead of Mr. 20 

Morgan’s 12%, but all other assumptions made by Mr. Morgan are unchanged, the derived 21 

internal rate of return for Mr. Morgan’s 40-year DCF analysis increases to 10.50%. 22 

3. Analyst forecast growth estimates   23 

Q. Please turn to your comments about analysts’ forecasts of growth.   24 
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A. It is a difficult task to find a sample of electric utilities that does not have several companies 1 

that have cut dividends in the last 10 years, merged with other utilities, or had volatile 2 

earnings per share.  With such an unstable past, investors do not have a firm foundation to 3 

establish their predictions for the future.  Mr. Morgan’s sample of electric utilities is no 4 

exception.  During the last 10 years, five of the 14 utilities in Mr. Morgan’s sample cut 5 

dividends, one-half of the sample companies had earnings that were more volatile than the 6 

S&P 500 index, and three of those utilities were in mergers.  I expect this past volatile 7 

environment and uncertainties about future costs to generate power have had three impacts 8 

on analysts’ forecasts.   9 

  First, analysts appear to recognize the extremely volatile period this industry went 10 

through in the last 10 years and are justifiably cautious about forecasting realistic earnings 11 

per share growth rates.   12 

  Second, it may be that the financial analysts are generally pessimistic about prospects 13 

for the electric utility industry.   14 

  Third, a number of electric utilities have merged during the last 10 years and investors 15 

may expect more mergers in the future.  Such mergers provide economies of scale and 16 

synergies that enhance future cash flows to levels higher than would be expected from 17 

simple growth in EPS.  When investors use equation (1) to determine prices they are willing 18 

to pay for electric utilities’ stocks, they would include something in those future cash flows 19 

to reflect the probability of more mergers and higher cash flows than would be obtained by 20 

simply looking at EPS growth.  Analysts’ forecasts of EPS growth do not address such 21 

potential higher cash flows from such mergers.  If financial analysts are either cautious or 22 

pessimistic about the prospects for all electric utility companies—not just Mr. Morgan’s 23 

sample of companies—it is not unreasonable to expect analysts are not forecasting EPS 24 
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growth to be as rapid as investors expect.  In addition, if future mergers occur, as they have 1 

in the past, future cash flows will be enhanced and analysts’ forecasts of EPS growth will 2 

not capture all future cash flows investors anticipate when they price stocks.  3 

Q. Have you recently conducted a DCF analysis for utilities in another industry in which 4 

analysts do not appear to have such concerns?   5 

A. Yes.  In that DCF analysis, I adopted a sample of six water utilities that have at least 80% of 6 

their revenues from regulated water operations and have at least one analyst’s forecast of 7 

5-year EPS growth.3  The result of that analysis is provided in PGE Exhibit 2104.  8 

Combining average dividend yields for utilities in that sample with an average of analysts’ 9 

forecasts of growth provided by Zacks, First Call and the S&P Earnings Guide,  the 10 

indicated cost of equity made with analysts’ forecasts is 10.82%.  11 

Q. What do you conclude about the use of analysts’ forecasts of growth to determine 12 

equity costs for electric utilities? 13 

A. Given the very low ROE estimates made with analysts’ forecasts of growth for electric 14 

utilities, it appears that analysts are being cautious or pessimistic about companies in this 15 

industry and may not include other future cash flows expected by investors. 16 

4. Mr. Morgan did not include “sv” growth in his estimates 17 

Q. Your second point relates to Mr. Morgan’s estimates of sustainable growth.  Should 18 

Mr. Morgan include "sv" growth in his estimates of sustainable growth? 19 

A. Yes.  Myron Gordon is generally regarded as the “father” of the DCF model used in 20 

regulatory proceedings.  In Gordon’s model, sustainable growth is computed as the sum of 21 

expected growth from future retained earnings (“br” growth) and expected future growth 22 
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from sales of common stock above book value (called “sv” growth).  Mr. Morgan left out 1 

one of the components of sustainable growth. 2 

Q. Does the Federal Energy Regulatory Commission (FERC) include estimates of "sv" 3 

growth in estimates of sustainable growth? 4 

A. Yes.  FERC stated:  5 

“g” is the sustainable growth rate of DPS . . . [where] the sustainable 6 
growth rate is calculated by the following formula: g = br + sv, where “b” 7 
is the expected retention ratio, “r” is the expected earned return on 8 
common equity, “s” is the percent of common equity expected to be issued 9 
annually as new common stock, and “v” is the equity accretion rate.  10 
(Southern California Edison referring to note 37 to Connecticut Light and 11 
Power Co. 45 FERC P 61370 at page 62,161 n 13 (1988)). 12 

 
Q. In Oregon PUC cases in which you testified in the past, did the Oregon PUC Staff 13 

routinely include "sv" growth as part of its estimates of sustainable growth? 14 

A. Yes.  See, for example, Staff testimony in UG 132, Staff Exhibit 1600 dated July 2, 1999.   15 

Q. At Staff Exhibit 1000, page 1113, Mr. Morgan discusses sustainable growth.  Does he 16 

explain why he has excluded “sv” growth? 17 

A. No. 18 

Q. Did Mr. Morgan have the data to compute "sv" growth?   19 

A. Yes.  In Staff Exhibit 1002, page 11, Mr. Morgan provides estimates of past and projected 20 

increases in the number of shares for each of the companies in his sample.  His data can be 21 

used to estimate a forward-looking estimate of the increase in the average number of shares 22 

(“s”) of 1.1% per year for his sample.  Mr. Morgan also relies on a market to book ratio of 23 

1.73 in his 40-year DCF analysis.  Using that market to book ratio, the indicated estimate of 24 

“v” is .42 = (1- (Book value/Market value)) and the indicated missing component of 25 

                                                                                                                                                             
3 With these criteria, Pennichuck Corporation would also be included in the sample.  If it were included, based on 
available current data, the equity cost estimate would increase.  Pennichuck is, however, under threat of 
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sustainable growth is 0.47%.  In effect, by leaving out "sv" growth, Mr. Morgan has biased 1 

downward all of his estimates of sustainable growth by approximately 50 basis points. 2 

Q. Turning to your third point, at Staff Exhibit 1000, page 7, Mr. Morgan states he 3 

considered historical utility growth rates.  Were you able to determine how he 4 

incorporated historical utility growth rates in his analyses? 5 

A. No. 6 

Q. Have you revised Mr. Morgan’s 40-year DCF analysis to assume investors consider 7 

past historical growth in EPS to forecast future growth in EPS? 8 

A. Yes, I have.  I have made three changes to Mr. Morgan’s 40-year DCF analysis (Staff 9 

Exhibit 1002, page 6).  The primary change is I have assumed that marginal investors 10 

consider past growth in EPS during the last 10 years to forecast future EPS growth in the 11 

next 10 years.  At Staff Exhibit 1003 page 43, Mr. Morgan reports 40% to 60% of the shares 12 

of companies in his sample are owned by institutional investors.  These institutions may 13 

conduct their own analyses of future prospects for electric utilities and give little or no 14 

weight to analysts’ forecasts of future EPS growth reported by the financial press.  I do not, 15 

however, assume any change in DPS growth Mr. Morgan used to determine growth in his 16 

First Stage.   17 

  Second, I have included "sv" growth in the analysis.  Mr. Morgan did not include it.   18 

  Third, I have assumed investors expect electric utilities will earn an ROE of 12.5% 19 

during the second stage of the analysis.  This is Value Line’s forecast of the return on 20 

year-end equity that will be earned by the electric utilities industry during 2009-2011.  At 21 

Staff Exhibit 1003, page 96, Staff Exhibit 1003, page 97, and Staff Exhibit 1003, page 98, 22 

this Value Line forecast was reported but not used in Mr. Morgan’s analysis.  At Staff 23 

                                                                                                                                                             
condemnation by the City of Nashua and is not included. 
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Exhibit 1000, page 13, Mr. Morgan says it is reasonable to assume investors rely upon “the 1 

future expectations for the specific industry” in Stage 2 which is the 12.5% forecast reported 2 

by Value Line and used in my restatement of his 40-year analysis.  I have adjusted the "br" 3 

growth rates made with the 12.5% forecasted ROE with the FERC formula to put the ROE 4 

in "br" growth on a mid-period basis.  Mr. Morgan’s analysis in the first stage of his 40-year 5 

analysis is based on returns on average equity, and during his deposition, Mr. Morgan stated 6 

his 12% forecast for the Second Stage was also intended to be a return on average equity.  7 

Q. Do you have any other comments about the changes you made to restate Mr. Morgan’s 8 

40-year DCF analysis? 9 

A. Yes.  At numerous places, Mr. Morgan advises the Commission it should consider historic 10 

utility growth rates in a DCF analysis.  I revised the first stage of his 40-year DCF analysis 11 

by making the assumption that investors do rely on past growth in EPS and assume the same 12 

changes in EPS that occurred in the last 10 years will occur in the next 10 years.  I also 13 

revised the length of Stage 1 to accommodate that assumption.  I do not however, change 14 

Mr. Morgan’s assumption about growth in DPS in the First Stage.  I still assume, as does 15 

Mr. Morgan, that DPS will grow at 3% per year in the First Stage and adopt all of Mr. 16 

Morgan’s initial numbers for 2005 and 2006 for his sample.  17 

Q. Should the Commission include expected growth in book value from sales of stock 18 

above book value in a restatement of Mr. Morgan’s 40-year DCF analysis? 19 

A. Yes. 20 

Q. What are the results of your restatement of Staff Exhibit 1002, page 6? 21 

A. The results are reported in PGE Exhibit 2105.  With this change in the assumption about 22 

EPS growth expected by investors in the First Stage, the expected retention ratio increases to 23 

54.5% by 2015.  After 2015, consistent with Mr. Morgan’s approach, I assume the level of 24 
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the retention ratio is stable and maintained for the rest of the years in the analysis.  With 1 

these three changes, the indicated internal rate of return for the 40-year analysis for his 2 

electric utility sample is 10.50%. 3 

Q. Why does your analysis indicate Mr. Morgan’s sample has a required ROE that is so 4 

much higher than Mr. Morgan computed with his analysis?  5 

A. The primary reason is that my analysis computes the retention ratio for the second stage 6 

instead of assuming it will be 40%.  My first stage is 10 years long.  I have assumed that 7 

DPS will grow at the same rate that Mr. Morgan assumed will occur in his first stage, but I 8 

assume investors expect future EPS growth during the next 10 years will be the same as it 9 

was in the last 10 years.  With my assumption, EPS grows faster than DPS and the retention 10 

ratio increases to 54.5%.  My analysis also produces a higher ROE because I have included 11 

"sv" growth and have assumed investors expect his sample of electric utilities will earn the 12 

ROE Value Line projects will be earned in the future by the electric utility industry. 13 

Q. Are there any factors that make your analysis conservative? 14 

A. Yes.  To the extent that investors expect Mr. Morgan’s sample companies to benefit from 15 

future merger activity, I have understated the required ROE.  Cost-effective future mergers 16 

would cut costs due to synergies and economies of scale and thus would increase future cash 17 

flows.   18 

Q. You changed the length of the first stage.  What is the internal rate of return using the 19 

40-year DCF analysis if you ended the first stage in 2010 but assumed investors 20 

expected past growth in EPS during the most recent five year period will occur in the 21 

first stage? 22 

A. The analysis would produce an internal rate of return of 10.31%.  See PGE Exhibit 2106.  23 

The internal rate of return drops primarily because the Stage 2 retention ratio increases to 24 
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only 47.3% by 2010.  In effect, this sensitivity analysis shows that if investors expect EPS to 1 

be growing more rapidly than DPS in the First Stage, the internal rate of return will increase 2 

if the First Stage is assumed to be longer than 5 years.  3 

Q. What is the most important point of the analyses you have presented in PGE Exhibits 4 

2105 and 2106? 5 

A. The most important point is that if investors give weight to actual past earnings growth, 6 

investors may expect much higher growth in future cash flows than has been assumed by 7 

Mr. Morgan.  We do not know what cash flows investors expect to receive from electric 8 

utility stocks.  If they expect the pattern of past EPS to repeat itself in the future, the 9 

indicated cost of equity range of 10.31% to 10.50% is just slightly below PGE’s requested 10 

ROE of 10.75%.   11 

  At a minimum, this analysis shows the Commission Mr. Morgan has not provided a 12 

realistic “Range of Results” in his table at Staff Exhibit 1000, page 2.  At Staff Exhibit 1000, 13 

page 7, Mr. Morgan states that historical utility growth rates should be considered in a DCF 14 

analysis.  PGE Exhibits 2105 and 2106 consider such past growth and find that if investors 15 

give weight to actual past EPS growth for his sample of electric utilities, the appropriate 16 

“Range of Results” at Staff Exhibit 1000, page 2 should report an ROE range of 8.5% to 17 

10.5%.  Further, if other useful indicators of the cost of equity are considered, the range 18 

would include equity costs at and above 11.0%.  Contrary to Mr. Morgan’s testimony, an 19 

appropriate DCF range includes the equity cost requested by PGE.  20 

Q. Do you have any other concerns with the way Mr. Morgan applies the DCF model? 21 

A. Yes.  It is inappropriate to use spot prices to determine dividend yields for DCF estimates 22 

presented in regulatory proceedings for at least three reasons.  First, there are no estimates of 23 

“spot” growth rates to combine with the estimates of spot prices.  Value Line, for example, 24 
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updates its growth rate forecasts every three months.  Also, other investor services do not 1 

report daily updates of growth rate estimates.  And to the extent that historical data are relied 2 

upon to estimate future growth rates, little if any new historical data are provided on a daily 3 

basis.  The constraint on the quality of the equity cost estimate comes from the quality of the 4 

growth rate estimates, not easily measured dividends and prices.  Spot yields provide a false 5 

sense of accuracy and should not be used to estimate DCF equity costs in regulatory 6 

proceedings. 7 

  Second, spot prices and spot dividend yields create arbitrary cost of equity estimates.  A 8 

comparison of Mr. Morgan’s testimony in this case and in the PacifiCorp case shows the 9 

primary driver for the 20 basis point difference in recommended ROEs in these cases is a 10 

difference in spot prices used in the analyses.  Refer back to equation (1).  The prices 11 

investors are willing to pay for stocks in Mr. Morgan’s sample depend on expected cash 12 

flows and the discount rate being used to discount those cash flows.  If indeed one believes 13 

markets are efficient, it is likely that changes in growth of the expected cash flows—that we 14 

do not know about—led to the changes in spot prices.  If daily updates of the growth rates 15 

relied upon by investors buying and selling shares of stock are not available, daily updates 16 

of the prices simply produce arbitrary equity cost estimates.  Average dividend yields are not 17 

a perfect answer, but produce equity costs that are generally consistent with the quality of 18 

the growth rate estimates that are available.   19 

  Third, it takes a huge leap of faith to actually believe markets are as extremely efficient 20 

as one has to believe when using spot prices.  In my view it is nonsense to assume minute-21 

by-minute changes, even day-by-day changes, in prices fully reflect all available information 22 

about the stock, the economy, the U. S. stock market, international stock markets and all of 23 

the other information that may affect the value of utility stocks.  Use of average prices also 24 
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presumes market efficiency, but allows for a period in which all of the relevant information 1 

that supposedly is reflected in stock prices is actually recognized by investors. 2 

Q. Is there a general problem with DCF estimates of the cost of equity that Mr. Morgan 3 

does not address? 4 

A. Yes.  Lawrence Kolbe, the lead author of A. Lawrence Kolbe and James A Read, Jr. with 5 

George R. Hall, The Cost of Capital Estimating Rate of Return for Public Utilities, MIT 6 

Press, 1986 published an article in 2005 which addresses the mismatch of capital structure 7 

considered by investors when they buy utility stocks and the capital structure used in an 8 

original cost jurisdiction like Oregon.  (A. Lawrence Kolbe, Michael J. Vilbert and Bente 9 

Villadsen, “Business & Money – Measuring Return on Equity Correctly” 10 

www.fortnightly.com/pubs/4572.cfm, August 2005).  The argument is very simple and 11 

intuitive:  investors buy common stocks at market prices above book values and thus the 12 

equity ratio of concern to them is higher than the more leveraged equity ratio used by 13 

regulators to set rates.  For Mr. Morgan’s sample, the book equity ratio (used in ratemaking) 14 

is 49% (Staff Exhibit 1002, page 9) and the market to book ratio is 1.73.  (Staff Exhibit 15 

1002, page 6).  Based on simple arithmetic, these data imply the market capitalization ratios 16 

are 38% for debt and 62% for common equity (assuming no preferred stock and book costs 17 

of debt are the same as market values of debt to keep the analysis simple).  Kolbe, et. al. 18 

report that the financial literature now concludes the required after-tax ROR does not change 19 

with differences in leverage for a reasonable range of equity ratios.  Assuming a debt cost of 20 

7% and an equity cost derived from market data of 10.25%, we have the following:   21 

    Capitalization    Weighted 
    Ratio   Cost   Cost 
  Debt  38%     7.00%  2.78% 
  Equity  62%   10.25%  6.40% 
  Total        9.18% 
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 Kolbe, et. al. say the embedded cost of debt (I have assumed is 7%) should be used in this 1 

analysis.  2 

  When regulators set rates, the original cost of book equity is used in the capital structure 3 

for ratemaking and indicated cost of equity increases to “K”: 4 

     Capitalization    Weighted 
    Ratio   Cost   Cost 
  Debt  51%     7.00%  3.77% 
  Equity  49%       K   5.41% 
  Total        9.18% 
 

 Solving for K, the indicated cost of equity for ratemaking purposes is 11.0%, not 10.25%. 5 

  Kolbe, Vilbert and Villadsen conclude: 6 

Differences between the market-value capital structures of the sample 7 
companies and the capital structure used to set rates can be large.  If so, 8 
there will be equally large differences in the amount of financial risk—9 
hence, the costs of equity at the different capital structures.  Failure to take 10 
these differences into account is likely to lead to allowed rates of return on 11 
equity that are materially below the costs of equity that utility shareholders 12 
actually require.  (“Business & Money – Measuring Return on Equity 13 
Correctly” www.fortnightly.com/pubs/4572.cfm, August 2005, page 3)   14 

 
Q. Have you adjusted your DCF equity cost estimates to reflect this analysis? 15 

A. No, I have not.  I have presented it to explain why we should not be surprised if DCF models 16 

produce cost of equity estimates that are lower than equity costs indicated by other models, 17 

such as risk premium and risk positioning models.  This article is also another reason for the 18 

Commission to consider more than the limited information about PGE’s cost of equity that 19 

is suggested by Mr. Morgan’s application of the DCF model.  20 

Q. Do you have any responses to Mr. Morgan’s comments about analysts’ forecasts of 21 

growth in Staff Exhibit 1000 and Staff Exhibit 1003? 22 
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A. Yes.  At Staff Exhibit 1000, page 10 and in Staff Exhibit 1003, page 319 and page 323, 1 

Mr. Morgan suggests analysts may expect growth to be higher than sustainable growth, 2 

provides an article in which the author concluded analysts provided inflated forecasts, and 3 

provides another article that found actual growth rates had been lower, on average than 4 

growth expected by analysts.  I have three responses.  First, I have already explained several 5 

reasons analysts’ forecasts may understate—not overstate—growth expected by marginal 6 

investors buying and selling electric utility stocks.  I do not repeat that testimony.  Second, 7 

there is evidence that analysts’ short-term forecasts understate growth that actually occurs.  8 

And third, at least for utilities, long-term forecasts made by analysts understate future 9 

growth that has actually occurred.  10 

  With respect to the second point, contrary to Mr. Morgan’s suggestion, it is generally 11 

not true that analysts’ projected EPS growth rates overstate growth in the short term.  In an 12 

article posted 4/23/2004, USA Today stated more than half of the S&P 500 companies had 13 

reported earnings at that point in time and 78% of those companies beat analysts’ estimates.  14 

The article also pointed out that typically, 58% of companies beat forecasts.  If more than 15 

half of the companies typically beat earnings forecasts, a contention that analysts’ projected 16 

EPS growth exceed actual growth—at least in short-term forecasts—is not true. 17 

Q. What about the issue of bias in longer-term analysts' forecasts? 18 

A. In Oregon PUC Docket UG 132, I conducted a test of the quality of Value Line forecasts of 19 

future ROEs and found that Value Line analysts’ forecasts for utilities were actually lower 20 

than what the utilities earned in real terms.  My study compared Value Line forecasts of 21 

returns for a sample of eight gas distribution utilities to realized returns for the same sample 22 

of eight gas distribution utilities during the 21 year period 1977 to 1998.  I have reproduced 23 

the results of my study in PGE Exhibit 2107.  The original study and the testimony that 24 
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more completely explains that study are available to Mr. Morgan and the Commission in the 1 

OPUC files for UG 132.  Value Line states it takes forecasts of inflation into account when 2 

it makes forecasts of earnings and future ROEs.  In my study I took into account differences 3 

in Value Line’s forecasts of inflation and the inflation that subsequently occurred and thus 4 

compared real forecasts of returns with realized real returns.  I found that, after recognizing 5 

differences in actual and realized inflation, the average of Value Line forecasts of ROEs 6 

were 11 basis points lower than ROEs that were realized.  I agree that it is generally 7 

acknowledged that there are upward biases in Wall Street estimates of “buy,” “hold,” and 8 

“sell” recommendations when firms would make commissions from selling stocks to clients.  9 

This is a totally separate issue from bias in earnings growth estimates and should not be 10 

confused.  My study showed that, at least for utilities, the Value Line forecasts were not 11 

biased upward during a 21 year period. 12 
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V. Other Information and Other Models 

Q. Does Mr. Morgan offer any evidence other than his DCF model estimates of the cost of 1 

equity to support reducing PGE’s ROE to a level of 9.3%? 2 

A. Yes.  While he does not offer a risk premium model for electric utilities to support his ROE 3 

recommendation, at Staff Exhibit 1003, page 17 and other places Mr. Morgan presents 4 

results of studies that he asserts would support equity risk premiums that are lower today 5 

than in the past.  I do not agree with his contention for at least four reasons. 6 

  First, contrary to the studies he presents, Value Line forecasts of risk premiums for its 7 

Industrial Composite have increased since 1986.  See PGE Exhibit 2108.  The Value Line 8 

composite is currently a composite of data for 635 industrial, retail and transportation 9 

companies.  10 

  Second, the theoretical work of Gordon and Halpern (“Bond Share Yield Spreads Under 11 

Uncertain Inflation,” American Economic Review, 66:  4 (September-1976, pp. 559-565) 12 

explains why we should expect common stock risk premiums to vary inversely with 13 

inflation and interest rates.  It is generally recognized that as inflationary expectations 14 

increase, investors will demand higher long-term interest rates to offset lost purchasing 15 

power. 16 

  Third, the results of studies I have done over the years for all types of utilities show 17 

equity costs are expected to move in the same direction as interest rates, but by less.  Said 18 

another way, risk premiums vary inversely with interest rates.  The risk positioning study 19 

PGE presented in this case and at least one study I can recall that was conducted by the 20 

Oregon PUC Staff in the past (in Docket UT 85) also found risk premiums vary inversely 21 

with interest rates.  With lower interest rates and lower expected inflation, expected risk 22 

premiums increase, they don’t decrease.  23 
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  Fourth, Mr. Morgan refers to a 2002 paper by Roger Ibbotson and Peng Chen that he 1 

implies supports a current market risk premium that is lower than one based on an historical 2 

average of past returns.  In Chapter 5 of the 2006 Ibbotson Associates Valuation Edition of 3 

the SBBI Yearbook, Ibbotson Associates put the Ibbotson and Chen analysis in perspective.  4 

At page 97, they state that contrary to several recent studies of equity risk premiums that 5 

declare equity risk premiums to be very small, Ibbotson and Chen found the long-term 6 

supply side estimate of the long-horizon equity risk premium to be only slightly lower than 7 

the straight historical average.  At page 98, they also note that though some of the theories 8 

are compelling in an academic framework, most do little to prove the expected market risk 9 

premium based on historical data is too high.   10 

Q. What other types of information should the Commission consider when determining a 11 

reasonable ROE for PGE? 12 

A. I recommend the Commission consider the type of data in PGE Exhibit 2103 equity cost 13 

estimates for utilities in other industries and data provided by at least three other types’ 14 

models.  I have already explained why I recommend the Commission consider the data in 15 

PGE Exhibit 2103.  Both authorized and realized ROEs provide direct evidence about the 16 

opportunity cost of capital that should be the basis for PGE’s authorized ROE, under the 17 

standards of ORS 756.040 and applicable U. S. Supreme Court precedent.  I expect other 18 

representative samples of electric utilities would have similar averages of authorized and 19 

realized ROEs.  DCF estimates for utilities in other industries are also useful and provide 20 

valuable perspective.  I also recommend the Commission consider at least three types of 21 

models in addition to the DCF model.   22 

Q. What is the first type of model you recommend be considered? 23 
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A. The first type of model is the risk premium model that PGE calls the risk positioning model.  1 

In PGE’s analysis, they show authorized ROEs vary directly (and thus risk premiums vary 2 

indirectly) with both corporate bonds and Treasury security rates.  The California PUC 3 

found that when it considered DCF models, RP models, the capital asset pricing model and 4 

other information presented by numerous parties in its determinations of authorized ROEs 5 

for energy utilities, costs of equity increase (decrease) by one-half to two-thirds as much as 6 

increases (decreases) in benchmark equity cost estimates (California PUC Decision 7 

02-11-027, an interim opinion on rates of return on equity for PG&E, Southern California 8 

Edison, Sierra Pacific Power Company, and San Diego Gas & Electric Company).  PGE’s 9 

risk positioning analyses found the same relationship.  Mathematically, if risk premiums 10 

vary inversely with interest rates but the absolute value of the expected change in the risk 11 

premium is less than the change in interest rates, it also means equity costs move in the same 12 

direction as interest rates but by less.   13 

 I conducted similar analyses for natural gas distribution utilities and water utilities and 14 

also found costs of equity increase by one-half to two-thirds as much as the increases in 15 

interest rates.  The analyses presented by PGE are consistent with analyses I have done in 16 

the past and changes in interest rates and ROEs the California PUC observed occur during 17 

its annual updates of authorized ROEs for energy utilities.  It is my understanding that PGE 18 

is responding to Staff comments about their risk positioning analyses and thus I do not. 19 

Q. What is the second model you believe the Commission should consider? 20 

A. The second model is a risk premium model that adopts actual earned ROEs for utilities in 21 

Mr. Morgan’s sample as proxies for the costs of equity.  In conducting this risk premium 22 

analysis, I assume regulators attempt to provide utilities reasonable opportunities to earn 23 

their costs of equity.  If rates and rate adjustment mechanisms authorized by regulators give 24 



UE 180 – UE 181 – UE 184 / PGE / 2100 
Zepp / 34 

 

UE 180 – UE 181 – UE 184 RATE CASE – REBUTTAL TESTIMONY 

utilities a reasonable opportunity to earn their costs of equity, the average of such earned 1 

ROEs should provide an indication of the cost of equity.  In some years an individual utility 2 

will make less and in other years earn more than its cost of equity.  Also, in any given year, 3 

some utilities will make more and others will make less than their costs of equity.  As a 4 

result, a risk premium analysis based on averages of realized ROEs for Mr. Morgan’s 5 

sample should provide useful information for the Commission about the cost of equity for a 6 

typical utility in his  sample. 7 

  My analysis is reported in PGE Exhibit 2109.  The Department of Ratepayer Advocates 8 

of the California PUC (“DRA”) routinely uses this method to determine forward-looking 9 

equity costs.  See for example, Division of Ratepayer Advocates, Report of the Cost of 10 

Capital for San Jose Water, June 2006, Application 06-02-014, Table 2-7.  In that analysis, 11 

DRA adopted annual averages of actual realized ROEs for its sample of utilities as proxies 12 

for the costs of equity for the period 1996-2005, subtracted contemporaneous Treasury rates 13 

from those equity cost proxies to determine annual average risk premiums, then added the 14 

5-year and the 10-year averages of those risk premiums to forecasts of the respective 15 

Treasury rates to determine an equity cost range.  PGE Exhibit 2109 is the DRA analysis but 16 

with data for Mr. Morgan’s sample companies substituted for the sample data used by DRA.   17 

Q. What are the results of your analysis? 18 

A. The risk premium analysis in PGE Exhibit 2109 indicates the average cost of equity for Mr. 19 

Morgan’s sample is expected to be 11.0% in 2007.  Because PGE is more risky than Mr. 20 

Morgan’s sample, the analysis indicates PGE has an equity cost in excess of 11.0%.     21 

Q. At Staff Exhibit 1000, page 23, Mr. Morgan objects to PGE’s risk positioning model 22 

because authorized ROEs are only one component involved in setting revenue 23 

requirements.  How does the model you present in PGE Exhibit 2109 differ? 24 
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A. It differs in that the realized ROEs result from “all of the components” involved in setting 1 

the overall revenue requirement.  While I strongly disagree with the suggestion that relying 2 

upon authorized ROEs produces a flawed analysis, the analysis in PGE Exhibit 2109 is 3 

different than such an approach in that it considers the bottom line resulting from all of the 4 

components the various commissions considered when setting rates and rate adjustment 5 

mechanisms for those utilities.  6 

Q. What is the third risk premium model you believe the Commission should consider? 7 

A. There are various methods that can be used to determine the risk premium used in a risk 8 

premium analysis.  At Staff Exhibit 1003, page 48, Mr. Morgan points out that  9 

   K  =    [(P1 – P0)  +   D1] / P0, 10 

 where K is the holding period return for a year in which the initial price was P0,  P1 is the 11 

price at the end of the year and D1 is the dividend paid during the year.  I derived a third risk 12 

premium method with such annual market holding period returns, contemporaneous interest 13 

rates and the assumption that investors expect the future risk premium to be similar to the 14 

average risk premium in the past.  With this risk premium approach, the expected risk 15 

premium E(RP) is found as an average of realized annual risk premiums (Ki) over a 16 

relatively long period of time (n years).   17 

  E(RP)  = ∑(Ki)/n  + ∑ (Di)/n 18 

 In making this risk premium estimate, it is assumed that the average of differences between 19 

expected and realized return premiums, ∑(Di)/n, will approach zero if the time period is long 20 

enough.  The analysis also assumes the average risk premium in the past is the same as the 21 

risk premium expected in the future.  But, since “Baa” rates of 7.2% expected in 2007 are 22 

lower than the average of “Baa” rates of 8.0% during 1950 to 2004, the average future risk 23 
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premium is expected to be higher today than in the simple average based on past data.  Thus, 1 

this method provides a conservative indication of the cost of equity.  2 

  PGE Exhibit 2110 shows application of this method to data for Moody’s Electric Utility 3 

Common Stocks over the period 1950 to 2005.  When Mergent purchased Moody’s, it 4 

stopped updating this index.  Data for the period 2001 to 2005 are derived by constructing 5 

an index of electric utility returns from data for six utilities in Mr. Morgan’s sample and the 6 

original Moody’s sample.  Over this period, the average premium of returns for the Moody’s 7 

electric utilities was 3.55% higher than rates for “Baa” bonds.  With an expected “Baa” rate 8 

of 7.2% in 2007, the indicated benchmark cost of equity is 10.75%.   9 

Q. Does this complete your prefiled rebuttal testimony? 10 

A. Yes.  11 
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Comparison of Risk Factors for PGE, NW Natural
and Mr. Morgan's Electric Utilities Sample

Value Percentage 
S&P Value Line S&P of

Business Line Safety Bond Purchased
Profile_a/ Beta_b/ Rank_b/ Rating_c/ Power_b/

Mr. Morgan's Electric Utilty Sample
1 Alliant Energy 5 0.90 3 A- 33%
2 AEP 2 1.25 3 BBB na
3 Consol Edison 2 0.70 1 A 100%
4 Empire District 6 0.80 3 BBB+ 30%
5 Energy East Corp. 3 0.90 2 BBB+ 100%
6 IDACORP, Inc. 5 1.00 3 A- 22%
7 MGE Energy Inc. 4 0.70 1 AA- 37%
8 NSTAR 1 0.80 1 A+ na
9 OGE Energy 4 0.75 2 BBB+ 12%

10 Progress Energy 5 0.85 2 BBB 0%
11 Southern Co. 4 0.65 1 A 5%
12 Wisconsin Energy 5 0.80 2 A- 18%
13 WPS Resources 4 0.80 2 A+ 36%
14 Xcel Energy 5 0.90 2 A- 30%

Average 3.9 0.84 2.0 A- 35%

PGE 5 na na BBB+ 49%

NW Natural 1 0.75 1 AA- --

Sources and Notes:
a/ From Staff/1003 Morgan/119 to 124.  A business profile of 1 is the least risky.
b/ From Staff/ 1003  Morgan/56 to112.
d/ AUS Utilty Reports, August 2006, except PGE.  PGE as reported in Staff/1003 Morgan/124..

09/02/06
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Implied Cost of Equity Range for PGE Based on
NW Natural's Last Order and Changes in 7-Year Treasury Rates

Highest Lowest
Rate Rate

7-Year Treasury Rates at the time of UG152
for the period July 2003 to November 2003 3.96% 3.45%

Current 7-Year Treasury Rate (August 29, 2006) 4.77%

Increase in 7-year Treasury Rates 0.81% 1.32%

Apply results of the PGE RP Model to Estimate
the indicated increase in Required ROE 0.46% 0.75%

Indicated Conservative ROE Range for PGE 10.66% to 10.95%

09/02/2006
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Earned and Authorized ROEs for Utilities in
Mr. Morgan's Sample of Electric Utilities

Earned Authorized
ROE ROE

1 Alliant Energy 10.80% 11.09% _a/ VL
2 AEP 11.70% 11.09% _b/ VL-AUS
3 Consol Edison 10.00% 11.08% _b/ VL-AUS
4 Empire District 6.00% 11.00% _a/ VL
5 Energy East Corp. 9.30% 10.77% _b/ VL-AUS
6 IDACORP, Inc. 9.30% 10.25% _a/ VL
7 MGE Energy Inc. 10.30% 11.00% _c/ AUS
8 NSTAR 13.20% 10.50% _a/ VL
9 OGE Energy 12.60% 10.75% _a/ VL

10 Progress Energy 9.30% 12.42% _b/ VL-AUS
11 Southern Co. 14.40% 12.20% _c/ AUS
12 Wisconsin Energy 11.60% 11.20% _a/ VL
13 WPS Resources 13.10% 11.00% _a/ VL
14 Xcel Energy 9.40% 11.12% _b/ VL-AUS

Average 10.8% 11.1%

Notes and Sources
a/   Data reported by Value Line.  Lower than data reported by AUS Utility Reports.
b/  The lesser of ROEs reported by Value Line and AUS Utility Reports, August 2006.
c/   Data from AUS Utility Reports, August 2006.  Lower than data reported by Value Line.

09/02/2006
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DCF Estimate for Water Utilties Sample

Equity
Current Expected DCF Cost
Yield_a/ Growth_b/ Yield_c/ Estimate_d/

1 American States 2.50% 6.00% 2.66% 8.66%
2 Aqua America 2.12% 9.77% 2.32% 12.09%
3 Artesian Resources 3.18% 10.83% 3.52% 14.35%
4 California Water Service 3.20% 8.33% 3.46% 11.80%
5 Middlesex Water 3.72% 3.75% 3.86% 7.61%
6 York Water 2.62% 7.60% 2.82% 10.42%

7 Average 2.89% 7.71% 3.11% 10.82%

Notes and Sources:
a/ Average of dividend yields during June, July and August 2006.
b/ Average of growth rates reported by Zacks, First Call and S&P Earnings Guide 

reported on the Internet August 18, 2006.
c/ Current yield times (1 + growth rate).
d/ DCF yield plus growth.

09/02/06
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Restate Staff 40-Year DCF Analysis with Three Changes:   Adopt Value Line Forecast of Future Earned ROEs,
 Include VS Growth and Assume Investors Expect Future Pattern of EPS Growth to Match Past EPS Growth During First Stage 

[1] [2] [3] [4] [5a] [5b] [6] [7] [8] [9] [10] [11] [12]
Gain from Cash Flow

Year-end Retained Sales of Total From Cash Flow Total
Book Retention DPS EPS Earnings Stock Above Increment to Market Stock from Cash

Year Value Ratio growth growth per Share Book Value Book Value Price M/B ROE Transfer Dividends Flow

2005_a/ $20.13 $33.79 1.73 -$33.79 -$33.79
2006_a/ $20.98 0.343 $1.47 $2.24 $36.30 1.73 10.88% $1.47 $1.47
2007 $21.78 0.317 $1.51 $2.22 $0.70 $0.10 $0.80 $37.68 1.73 10.41% $1.51 $1.51
2008 $22.91 0.397 $1.56 $2.59 $1.03 $0.10 $1.13 $39.63 1.73 11.63% $1.56 $1.56

First 2009 $24.17 0.419 $1.61 $2.76 $1.16 $0.11 $1.27 $41.82 1.73 11.80% $1.61 $1.61
Stage 2010 $25.43 0.408 $1.65 $2.80 $1.14 $0.11 $1.25 $43.99 1.73 11.32% $1.65 $1.65

2011 $27.21 0.494 $1.70 $3.36 $1.66 $0.12 $1.78 $47.07 1.73 12.84% $1.70 $1.70
2012 $28.82 0.459 $1.75 $3.24 $1.49 $0.13 $1.61 $49.86 1.73 11.62% $1.75 $1.75
2013 $30.82 0.508 $1.81 $3.67 $1.86 $0.13 $2.00 $53.32 1.73 12.37% $1.81 $1.81
2014 $33.08 0.532 $1.86 $3.98 $2.12 $0.14 $2.26 $57.23 1.73 12.50% $1.86 $1.86
2015 $35.53 0.545 $1.92 $4.21 $2.30 $0.15 $2.45 $61.47 1.73 12.34% $1.92 $1.92
2016 $38.19 0.545 $2.02 $4.44 $2.50 $0.17 $2.67 $66.08 1.73 12.50% $2.02 $2.02
2017 $41.06 0.545 $2.17 $4.77 $2.69 $0.18 $2.87 $71.03 1.73 12.50% $2.17 $2.17
2018 $44.14 0.545 $2.34 $5.13 $2.89 $0.19 $3.08 $76.36 1.73 12.50% $2.34 $2.34
2019 $47.45 0.545 $2.51 $5.52 $3.11 $0.21 $3.31 $82.09 1.73 12.50% $2.51 $2.51
2020 $51.01 0.545 $2.70 $5.93 $3.34 $0.22 $3.56 $88.25 1.73 12.50% $2.70 $2.70
2021 $54.84 0.545 $2.90 $6.38 $3.59 $0.24 $3.83 $94.87 1.73 12.50% $2.90 $2.90
2022 $58.95 0.545 $3.12 $6.85 $3.86 $0.26 $4.11 $101.98 1.73 12.50% $3.12 $3.12
2023 $63.37 0.545 $3.35 $7.37 $4.15 $0.27 $4.42 $109.63 1.73 12.50% $3.35 $3.35

Second 2024 $68.13 0.545 $3.60 $7.92 $4.46 $0.29 $4.75 $117.86 1.73 12.50% $3.60 $3.60
Stage 2025 $73.24 0.545 $3.87 $8.52 $4.79 $0.32 $5.11 $126.70 1.73 12.50% $3.87 $3.87

2026 $78.73 0.545 $4.17 $9.15 $5.15 $0.34 $5.49 $136.20 1.73 12.50% $4.17 $4.17
2027 $84.64 0.545 $4.48 $9.84 $5.54 $0.37 $5.91 $146.42 1.73 12.50% $4.48 $4.48
2028 $90.99 0.545 $4.81 $10.58 $5.96 $0.39 $6.35 $157.41 1.73 12.50% $4.81 $4.81
2029 $97.81 0.545 $5.18 $11.37 $6.40 $0.42 $6.83 $169.21 1.73 12.50% $5.18 $5.18
2030 $105.15 0.545 $5.56 $12.23 $6.88 $0.45 $7.34 $181.91 1.73 12.50% $5.56 $5.56
2031 $113.04 0.545 $5.98 $13.14 $7.40 $0.49 $7.89 $195.55 1.73 12.50% $5.98 $5.98
2032 $121.52 0.545 $6.43 $14.13 $7.95 $0.53 $8.48 $210.22 1.73 12.50% $6.43 $6.43
2033 $130.63 0.545 $6.91 $15.19 $8.55 $0.57 $9.12 $225.99 1.73 12.50% $6.91 $6.91
2034 $140.43 0.545 $7.43 $16.33 $9.19 $0.61 $9.80 $242.95 1.73 12.50% $7.43 $7.43
2035 $150.97 0.545 $7.99 $17.55 $9.88 $0.65 $10.53 $261.17 1.73 12.50% $7.99 $7.99
2036 $162.29 0.545 $8.59 $18.87 $10.62 $0.70 $11.32 $280.76 1.73 12.50% $8.59 $8.59
2037 $174.46 0.545 $9.23 $20.29 $11.42 $0.75 $12.17 $301.82 1.73 12.50% $9.23 $9.23
2038 $187.55 0.545 $9.92 $21.81 $12.28 $0.81 $13.09 $324.46 1.73 12.50% $9.92 $9.92
2039 $201.62 0.545 $10.67 $23.44 $13.20 $0.87 $14.07 $348.80 1.73 12.50% $10.67 $10.67
2040 $216.75 0.545 $11.47 $25.20 $14.19 $0.94 $15.12 $374.97 1.73 12.50% $11.47 $11.47
2041 $233.00 0.545 $12.33 $27.09 $15.25 $1.01 $16.26 $403.10 1.73 12.50% $12.33 $12.33
2042 $250.48 0.545 $13.25 $29.13 $16.40 $1.08 $17.48 $433.34 1.73 12.50% $13.25 $13.25
2043 $269.27 0.545 $14.25 $31.31 $17.63 $1.16 $18.79 $465.84 1.73 12.50% $14.25 $14.25
2044 $289.47 0.545 $15.32 $33.66 $18.95 $1.25 $20.20 $500.79 1.73 12.50% $15.32 $15.32

3rd Stage 2045 $311.19 0.545 $16.46 $36.18 $20.37 $1.35 $21.72 $538.36 1.73 12.50% $538.36 $16.46 $554.82

Internal Rate of Return 10.50%
Notes and Sources for Each Column
a/ Initial values for 2005 and 2006 in all columns are from Staff/1002 Morgan/6.
[1] Book Value from prior year plus increment in colum [6].
[2] First stage values derived from estimated EPS and DPS.  Second stage assumes value from 2015 continues.
[3] First stage growth of 3% from Staff/1002 Morgan/6.  Values in Stage 2 are derived from EPS and Retention ratio.
[4] First stage assumes investors expect the same pattern of EPS growth in 2006-2015 as the average of changes in EPS realized by utilities in

Mr. Morgan's sample during 1996-2005.  Second stage EPS growth is computed by multiplying values in column [1] by column [9].
[5a] BR growth computed by subtracting DPS from EPS. Adjusted in Second Stage for 12.5% ROE being return on year-end equity.
[5b] SV growth is determined by multiplying estimated sv growth by beginning book value to be conservative.
[6] The sum of columns [5a] and [5b].
[7] Col [1] times col. [10].
[8] From Staff 1002 Morgan/6
[9] First stage ROE is derived.  Second stage ROE is the ROE forecasted by Value Line for the East (Staff/1003 Morgan/97),

the Central (Staff 1003 Morgan/98) and the West (Staff/1003 Morgan/96).
[10] Inputs are negative when stock is purchased and positive when it is sold.
[11] Column [3]
[12] Sum of columns 10 and 11.

########
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Mr. Morgan's DCF Analysis as Modififed with Assumptions for Rebuttal Table 9 but with First Stage Ending in 2010 

[1] [2] [3] [4] [5a] [5b] [6] [7] [8] [9] [10] [11] [12]
Gain from Cash Flow

Year-end Retained Sales of Total From Cash Flow Total
Book Retention DPS EPS Earnings Stock Above Increment to Market Stock from Cash

Year Value Ratio growth growth per Share Book Value Book Value Price M/B ROE Transfer Dividends Flow

2005_a/ $20.13 $33.79 1.73 -$33.79 -$33.79
2006_a/ $20.98 0.343 $1.47 $2.24 $36.30 1.73 10.88% $1.47 $1.47

First 2007 $22.00 0.378 $1.51 $2.43 $0.92 $0.10 $1.02 $38.06 1.73 11.38% $1.51 $1.51
Stage 2008 $23.19 0.412 $1.56 $2.65 $1.09 $0.10 $1.19 $40.12 1.73 11.78% $1.56 $1.56

2009 $24.58 0.443 $1.61 $2.88 $1.28 $0.11 $1.39 $42.52 1.73 12.13% $1.61 $1.61
2010 $26.17 0.473 $1.65 $3.14 $1.48 $0.11 $1.60 $45.28 1.73 12.42% $1.65 $1.65
2011 $27.89 0.473 $1.72 $3.27 $1.59 $0.12 $1.71 $48.25 1.73 12.50% $1.72 $1.72

6.55% 2012 $29.71 0.473 $1.84 $3.49 $1.70 $0.13 $1.83 $51.41 1.73 12.50% $1.84 $1.84
2013 $31.66 0.473 $1.96 $3.71 $1.81 $0.14 $1.95 $54.77 1.73 12.50% $1.96 $1.96
2014 $33.73 0.473 $2.09 $3.96 $1.93 $0.15 $2.07 $58.36 1.73 12.50% $2.09 $2.09
2015 $35.94 0.473 $2.22 $4.22 $2.05 $0.16 $2.21 $62.18 1.73 12.50% $2.22 $2.22

6.55% 2016 $38.29 0.473 $2.37 $4.49 $2.19 $0.17 $2.35 $66.25 1.73 12.50% $2.37 $2.37
2017 $40.80 0.473 $2.52 $4.79 $2.33 $0.18 $2.51 $70.59 1.73 12.50% $2.52 $2.52
2018 $43.47 0.473 $2.69 $5.10 $2.48 $0.19 $2.67 $75.21 1.73 12.50% $2.69 $2.69
2019 $46.32 0.473 $2.86 $5.43 $2.64 $0.20 $2.85 $80.13 1.73 12.50% $2.86 $2.86
2020 $49.35 0.473 $3.05 $5.79 $2.82 $0.22 $3.03 $85.38 1.73 12.50% $3.05 $3.05
2021 $52.59 0.473 $3.25 $6.17 $3.00 $0.23 $3.23 $90.97 1.73 12.50% $3.25 $3.25
2022 $56.03 0.473 $3.46 $6.57 $3.20 $0.24 $3.44 $96.93 1.73 12.50% $3.46 $3.46
2023 $59.70 0.473 $3.69 $7.00 $3.41 $0.26 $3.67 $103.28 1.73 12.50% $3.69 $3.69

Second 2024 $63.61 0.473 $3.93 $7.46 $3.63 $0.28 $3.91 $110.04 1.73 12.50% $3.93 $3.93
Stage 2025 $67.77 0.473 $4.19 $7.95 $3.87 $0.30 $4.16 $117.24 1.73 12.50% $4.19 $4.19

2026 $72.21 0.473 $4.46 $8.47 $4.12 $0.32 $4.44 $124.92 1.73 12.50% $4.46 $4.46
2027 $76.94 0.473 $4.76 $9.03 $4.39 $0.34 $4.73 $133.10 1.73 12.50% $4.76 $4.76
2028 $81.97 0.473 $5.07 $9.62 $4.68 $0.36 $5.04 $141.81 1.73 12.50% $5.07 $5.07
2029 $87.34 0.473 $5.40 $10.25 $4.99 $0.38 $5.37 $151.10 1.73 12.50% $5.40 $5.40
2030 $93.06 0.473 $5.75 $10.92 $5.31 $0.41 $5.72 $160.99 1.73 12.50% $5.75 $5.75
2031 $99.15 0.473 $6.13 $11.63 $5.66 $0.43 $6.09 $171.53 1.73 12.50% $6.13 $6.13
2032 $105.65 0.473 $6.53 $12.39 $6.03 $0.46 $6.49 $182.77 1.73 12.50% $6.53 $6.53
2033 $112.56 0.473 $6.96 $13.21 $6.43 $0.49 $6.92 $194.73 1.73 12.50% $6.96 $6.96
2034 $119.93 0.473 $7.41 $14.07 $6.85 $0.52 $7.37 $207.48 1.73 12.50% $7.41 $7.41
2035 $127.79 0.473 $7.90 $14.99 $7.30 $0.56 $7.85 $221.07 1.73 12.50% $7.90 $7.90
2036 $136.15 0.473 $8.42 $15.97 $7.77 $0.59 $8.37 $235.55 1.73 12.50% $8.42 $8.42
2037 $145.07 0.473 $8.97 $17.02 $8.28 $0.63 $8.92 $250.97 1.73 12.50% $8.97 $8.97
2038 $154.57 0.473 $9.56 $18.13 $8.82 $0.67 $9.50 $267.40 1.73 12.50% $9.56 $9.56
2039 $164.69 0.473 $10.18 $19.32 $9.40 $0.72 $10.12 $284.91 1.73 12.50% $10.18 $10.18
2040 $175.47 0.473 $10.85 $20.59 $10.02 $0.77 $10.78 $303.57 1.73 12.50% $10.85 $10.85
2041 $186.96 0.473 $11.56 $21.93 $10.67 $0.82 $11.49 $323.44 1.73 12.50% $11.56 $11.56
2042 $199.20 0.473 $12.32 $23.37 $11.37 $0.87 $12.24 $344.62 1.73 12.50% $12.32 $12.32
2043 $212.25 0.473 $13.12 $24.90 $12.12 $0.93 $13.04 $367.19 1.73 12.50% $13.12 $13.12
2044 $226.14 0.473 $13.98 $26.53 $12.91 $0.99 $13.90 $391.23 1.73 12.50% $13.98 $13.98

3rd Stage 2045 $240.95 0.473 $14.90 $28.27 $13.76 $1.05 $14.81 $416.85 1.73 12.50% $416.85 $14.90 $431.74

Internal Rate of Return 10.31%
Notes and Sources for Each Column
a/ Initial values for 2005 and 2006 in all columns are from Staff/1002 Morgan/6.
[1] Book Value from prior year plus increment in colum [6].
[2] First stage values derived from estimated EPS and DPS.  Second stage assumes value from 2010 continues.
[3] First stage growth of 3% from Staff/1002 Morgan/6.  Values in stage 2 are derived from EPS and Retention ratio.
[4] First stage assumes investors expect the same pattern of EPS growth in 2006-2010 as the average of changes in EPS realized by utilities in 

Mr. Morgan's sample during 2001-2005.  Second stage EPS growth is computed by multiplying values in column [1] by column [9].
[5a] BR growth computed by subtracting DPS from EPS. Adjusted in Second Stage for 12.5% ROE being return on year-end equity.
[5b] SV growth is determined by multiplying estimated sv growth by beginning book value to be conservative.
[6] The sum of columns [5a] and [5b].
[7] Col [1] times col. [10].
[8] From Staff 1002 Morgan/6
[9] First stage ROE is derived.  Second stage ROE is the ROE forecasted by Value Line for the East (Staff/1003 Morgan/97),

the Central (Staff 1003 Morgan/98) and the West (Staff/1003 Morgan/96).
[10] Inputs are negative when stock is purchased and positive when it is sold.
[11] Column [3]
[12] Sum of columns 10 and 11.
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Examination of Bias in Real and Nominal Value Line ROE Forecasts for 8 Natural Gas Utilities
1977 to 1998

Nominal Returns Inflation_c/ Real Returns
Average Difference Difference

Average Actual Between Difference Average Actual Between 
Date of Value Line Earned Forecasted Between Value Line Earned Forecasted

Value Line Forecasted ROE and Actual Forecasted Forecasted ROE and Actual
Issue ROE 4 Years Later Nominal Expected Actual and Actual ROE 4 Years Later Real

(1977-1994) (1981-1998) ROEs Inflation Inflation Inflation (1977-1994) (1981-1998) ROEs

1 Oct-77 13.00% 11.32% 1.68% 5.50% 9.70% -4.20% 7.50% 1.62% 5.88%
2 Jan-79 12.81% 11.91% 0.90% 5.50% 3.90% 1.60% 7.31% 8.01% -0.70%
3 Oct-80 14.13% 15.86% -1.73% 8.25% 3.70% 4.55% 5.88% 12.16% -6.28%
4 Oct-81 15.06% 13.81% 1.25% 7.50% 3.20% 4.30% 7.56% 10.61% -3.05%
5 Oct-82 14.00% 12.07% 1.93% 5.20% 2.60% 2.60% 8.80% 9.47% -0.67%
6 Oct-83 13.94% 12.28% 1.66% 5.00% 3.00% 2.00% 8.94% 9.28% -0.34%
7 Oct-84 15.13% 14.67% 0.46% 5.50% 3.70% 1.80% 9.63% 10.97% -1.34%
8 Oct-85 15.56% 13.12% 2.44% 4.50% 4.20% 0.30% 11.06% 8.92% 2.14%
9 Oct-86 13.63% 12.41% 1.21% 3.80% 4.40% -0.60% 9.83% 8.01% 1.81%
10 Oct-87 13.19% 11.62% 1.56% 4.50% 4.00% 0.50% 8.69% 7.62% 1.06%
11 Oct-88 13.13% 10.88% 2.24% 4.60% 2.70% 1.90% 8.53% 8.18% 0.34%
12 Oct-89 13.50% 12.58% 0.92% 4.60% 2.60% 2.00% 8.90% 9.98% -1.08%
13 Oct-90 14.00% 11.71% 2.29% 4.30% 2.30% 2.00% 9.70% 9.41% 0.29%
14 Oct-91 14.13% 11.34% 2.78% 3.70% 2.50% 1.20% 10.43% 8.84% 1.58%
15 Oct-92 14.38% 13.08% 1.29% 3.90% 2.10% 1.80% 10.48% 10.98% -0.51%
16 Dec-93 12.56% 12.62% -0.06% 2.40% 2.00% 0.40% 10.16% 10.62% -0.46%
17 Dec-94 12.19% 11.20% 0.99% 2.80% 1.30% 1.50% 9.39% 9.90% -0.51%

Average 13.78% 12.50% 1.28% 4.80% 3.41% 1.39% -0.11%

Notes and Source:
a/  Source of Study:  Testimony of T. Zepp in Oregon PUC Docket UG-132, Exhibit UG-132/NWN/5000.
b/  ROEs are annual averages for 8 natural gas distribution companies for each year. 
c/  Based on forecasted and realized values for the GNP deflator.
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Analysis of Equity Costs and Risk Premiums Based on DCF Analyses
of the Value Line Industrial Composite:  1986 to 2006

DCF Long-term Line to
Study Dividend Expected Equity Treasury Risk BR FERC
Date Yield Growth_b/ Cost Lag 1 Mnth Premium (Published) br

1 1/86 3.80% 8.85% 12.65% 9.54% 3.11% 8.50% 8.8%
2 2/87 3.00% 9.39% 12.39% 7.39% 5.00% 9.00% 9.39%
3 2/88 3.10% 9.93% 13.03% 8.83% 4.20% 9.50% 9.93%
4 7/88 3.50% 7.77% 11.27% 9.00% 2.27% 7.50% 7.77%
5 2/89 3.50% 7.77% 11.27% 8.93% 2.34% 7.50% 7.77%
6 2/90 3.20% 7.77% 10.97% 8.26% 2.71% 7.50% 7.77%
7 1/91 3.70% 9.93% 13.63% 8.24% 5.39% 9.50% 9.93%
8 2/92 2.80% 9.39% 12.19% 7.58% 4.61% 9.00% 9.39%
9 2/93 2.90% 8.31% 11.21% 7.34% 3.87% 8.00% 8.31%

10 2/94 3.00% 8.31% 11.31% 6.39% 4.92% 8.00% 8.31%
11 2/95 2.70% 9.93% 12.63% 7.97% 4.66% 9.50% 9.93%
12 3/96 2.70% 10.48% 13.18% 6.03% 7.15% 10.00% 10.48%
13 2/97 2.40% 12.13% 14.53% 6.91% 7.62% 11.50% 12.13%
14 1/98 1.50% 14.92% 16.42% 6.07% 10.35% 14.00% 14.92%
15 1/99 1.30% 16.05% 17.35% 5.36% 11.99% 15.00% 16.05%
16 2/00 0.80% 16.05% 16.85% 6.86% 9.99% 15.00% 16.05%
17 7/00 1.00% 14.92% 15.92% 6.28% 9.64% 14.00% 14.92%
18 2/01 1.20% 13.79% 14.99% 5.65% 9.34% 13.00% 13.79%
19 7/01 1.20% 12.13% 13.33% 5.82% 7.51% 11.50% 12.13%
20 1/02 1.20% 12.13% 13.33% 5.76% 7.57% 11.50% 12.13%
21 8/02 1.60% 12.68% 14.28% 5.51% 8.77% 12.00% 12.68%
22 1/03 1.60% 12.13% 13.73% 5.01% 8.72% 11.50% 12.13%
23 7/03 1.50% 11.57% 13.07% 4.34% 8.73% 11.00% 11.57%
24 3/04 1.60% 12.13% 13.73% 4.94% 8.79% 11.50% 12.13%
25 10/04 1.80% 11.57% 13.37% 4.89% 8.48% 11.00% 11.57%
26 4/05 1.90% 11.57% 13.47% 4.89% 8.58% 11.00% 11.57%
27 11/05 2.10% 12.68% 14.78% 4.74% 10.04% 12.00% 12.68%
28 5/06 2.10% 12.68% 14.78% 5.22% 9.56% 12.00% 12.7%

   Averages for: 
All years (1986-2006) 7.0%
Last 15 years (1992-2006) 8.1%
Last 10 years (1997-2006) 9.1%

Notes and Sources:
a/  Data obtained from Value Line's  studies of the Industrial Composite.  
b/  Projected growth from retained earnings restated with FERC formula.
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Risk Premium Analysis Method Used by Department of Ratepayer Advocates
of the California PUC_a/ but with Data for Mr. Morgan's Sample

Return Annual Averages Risk Premiums
on Long-term 10-Year Long-term 10-Year

Equity_b/ Treasury_c/ Treasury_c/ Treasury Treasury

1996 12.54% 6.70% 6.44% 5.84% 6.10%
1997 10.49% 6.61% 6.35% 3.88% 4.14%
1998 11.11% 5.58% 5.26% 5.53% 5.85%
1999 11.58% 5.87% 5.64% 5.71% 5.94%
2000 12.14% 5.94% 6.03% 6.20% 6.11%
2001 11.69% 5.49% 5.02% 6.20% 6.67%
2002 10.06% 5.42% 4.61% 4.64% 5.45%
2003 10.50% 5.05% 4.02% 5.45% 6.48%
2004 9.87% 5.12% 4.27% 4.75% 5.60%
2005 10.59% 4.56% 4.29% 6.03% 6.30%

10-Year Average Premium 5.42% 5.86%
  5-year Average Premium 5.41% 6.10%

Expected Treasury Rates for 2007_d/ 5.35% 5.20%

Projected Returns on Equity
10-Year Average 10.8% 11.1%
  5-Year Average 10.8% 11.3%

Overall Average 11.0%

Notes and Sources:
a/  See for example, Division of Ratepayer Advocates, CPUC, Report on the Cost of Capital for

San Jose Water, June 2006, A.06-02-014, Table 2-7.
b/  Average of Earned ROEs for the 14 Utilities and their predecessors in Mr. Morgan's Sample.

Data obtained from various editions of C.A. Turner (AUS) Utilities Reports, 1996-2005. 
c/ Source:  Table 2-7 in California DRA Cost of Capital Report in A.06-02-014.
d/ Average of Value Line's forecast, dated August 25, 2006 and the Blue Chip concenus  

forecast for Mid-2007 reported by Blue Chip in August 2006. 
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Risk Premium Analysis Based on Holding Period Returns for
Moody's Electric Utilities Sample as Updated,  1950 to 2005

Year-end Annual
Baa Corporate Price Average Index Dividend Total Risk

Bond Rate_a/ Index_b/ Dividend_b/ Gain/Loss Yield Return Premium
1950 3.20% $30.81
1951 3.61% $33.85 $1.88 9.87% 6.10% 15.97% 12.77%
1952 3.51% $37.85 $1.91 11.82% 5.64% 17.46% 13.85%
1953 3.74% $39.61 $2.01 4.65% 5.31% 9.96% 6.45%
1954 3.45% $47.56 $2.13 20.07% 5.38% 25.45% 21.71%
1955 3.62% $49.35 $2.21 3.76% 4.65% 8.41% 4.96%
1956 4.37% $48.96 $2.32 -0.79% 4.70% 3.91% 0.29%
1957 5.03% $50.30 $2.43 2.74% 4.96% 7.70% 3.33%
1958 4.85% $66.37 $2.50 31.95% 4.97% 36.92% 31.89%
1959 5.28% $65.77 $2.61 -0.90% 3.93% 3.03% -1.82%
1960 5.10% $76.82 $2.68 16.80% 4.07% 20.88% 15.60%
1961 5.10% $99.32 $2.81 29.29% 3.66% 32.95% 27.85%
1962 4.92% $96.49 $2.97 -2.85% 2.99% 0.14% -4.96%
1963 4.85% $102.31 $3.21 6.03% 3.33% 9.36% 4.44%
1964 4.81% $115.54 $3.43 12.93% 3.35% 16.28% 11.43%
1965 5.02% $114.86 $3.86 -0.59% 3.34% 2.75% -2.06%
1966 6.18% $105.99 $4.11 -7.72% 3.58% -4.14% -9.16%
1967 6.93% $98.19 $4.34 -7.36% 4.09% -3.26% -9.44%
1968 7.23% $104.04 $4.50 5.96% 4.58% 10.54% 3.61%
1969 8.65% $84.62 $4.61 -18.67% 4.43% -14.23% -21.46%
1970 9.12% $88.59 $4.70 4.69% 5.55% 10.25% 1.60%
1971 8.38% $85.56 $4.77 -3.42% 5.38% 1.96% -7.16%
1972 7.93% $83.61 $4.87 -2.28% 5.69% 3.41% -4.97%
1973 8.48% $60.87 $5.01 -27.20% 5.99% -21.21% -29.14%
1974 10.63% $41.17 $4.83 -32.36% 7.93% -24.43% -32.91%
1975 10.56% $55.66 $4.97 35.20% 12.07% 47.27% 36.64%
1976 9.12% $66.29 $5.18 19.10% 9.31% 28.40% 17.84%
1977 8.99% $68.19 $5.54 2.87% 8.36% 11.22% 2.10%
1978 9.94% $59.75 $5.81 -12.38% 8.52% -3.86% -12.85%
1979 12.06% $56.41 $6.22 -5.59% 10.41% 4.82% -5.12%
1980 14.64% $54.42 $6.58 -3.53% 11.66% 8.14% -3.92%
1981 16.55% $57.20 $6.99 5.11% 12.84% 17.95% 3.31%
1982 14.14% $70.26 $7.43 22.83% 12.99% 35.82% 19.27%
1983 13.75% $72.03 $7.87 2.52% 11.20% 13.72% -0.42%
1984 13.40% $80.16 $8.26 11.29% 11.47% 22.75% 9.00%
1985 11.58% $94.98 $8.61 18.49% 10.74% 29.23% 15.83%
1986 9.97% $113.66 $8.89 19.67% 9.36% 29.03% 17.45%
1987 11.29% $94.24 $9.12 -17.09% 8.02% -9.06% -19.03%
1988 10.65% $100.94 $8.87 7.11% 9.41% 16.52% 5.23%
1989 9.82% $122.52 $8.82 21.38% 8.74% 30.12% 19.47%
1990 10.43% $117.77 $8.79 -3.88% 7.17% 3.30% -6.52%
1991 9.26% $144.02 $8.95 22.29% 7.60% 29.89% 19.46%
1992 8.81% $141.06 $9.05 -2.06% 6.28% 4.23% -5.03%
1993 7.69% $146.70 $8.99 4.00% 6.37% 10.37% 1.56%
1994 9.10% $115.50 $8.96 -21.27% 6.11% -15.16% -22.85%
1995 7.49% $142.90 $9.02 23.72% 7.81% 31.53% 22.43%
1996 7.89% $136.00 $9.06 -4.83% 6.34% 1.51% -5.98%
1997 7.32% $155.73 $9.06 14.51% 6.66% 21.17% 13.28%
1998 7.23% $181.84 $7.83 16.77% 5.03% 21.79% 14.47%
1999 8.19% $137.30 $8.10 -24.49% 4.45% -20.04% -27.27%
2000 8.02% $227.09 $8.27 65.40% 6.02% 71.42% 63.23%
2001 8.05% $207.15 $8.37 -8.78% 3.68% -5.10% -13.12%
2002 7.45% $210.86 $8.46 1.79% 4.09% 5.88% -2.17%
2003 6.60% $201.14 $7.99 -4.61% 3.79% -0.82% -8.27%
2004 6.15% $231.21 $7.93 14.95% 3.94% 18.89% 12.29%
2005 6.32% $233.46 $8.11 0.98% 3.51% 4.48% -1.67%

Average 8.00% Average risk premium 3.55%
Expected Baa rate in 2007 7.20%
Indicated Cost of Equity 10.75%

Notes and Sources:
a/ Federal Reserve data.  Monthly rates for December of the indicated year.
b/ Mergent, Moody's 2001 Public Utility Manual with updates for 2001-2005.
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I. Introduction 

Q. Please state your names and positions. 1 

A. My name is Doug Kuns.  I am the Manager of the Pricing and Tariffs Department within the 2 

Rates and Regulatory Affairs Department.   3 

  My name is Marc Cody.  I am a Senior Analyst in the Pricing and Tariffs Department.  4 

Q. Have you previously filed testimony in this proceeding? 5 

A. Yes, our direct testimony and qualifications are provided in PGE Exhibit 1300. 6 

Q. What is the purpose of this rebuttal testimony? 7 

A. The purpose of this rebuttal testimony is to address the issues identified by the League of 8 

Oregon Cities (LOC), the City of Portland (COP), and the City of Gresham (COG), 9 

collectively referred to as the Cities.  We also address the pricing issues identified by ICNU 10 

regarding Schedule 76R, Economic Replacement Power.  We do not discuss the various 11 

marginal cost, ratespread, rate design, and other partial requirements issues raised by Staff, 12 

ICNU, CUB, and Fred Meyer because we believe that a settlement has been reached 13 

between PGE and these parties.  We also believe that the settlement is satisfactory to the 14 

City of Portland regarding their concerns about Schedule 75, Partial Requirements Service.  15 

Should this settlement for any reason not be finalized, PGE will have to file supplemental 16 

testimony on the issues identified by parties in their Opening Testimony. 17 
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II. Non-streetlighting Issues 

Q. Please summarize the non-streetlighting related modifications proposed by the Cities. 1 

A. The City of Portland in Exhibit COP/300 proposes that PGE revise Schedule 38 (a 2 

previously closed schedule) to be applicable to all customers whose demand is less than 3 

1,000 kW in order that they may experience on- and off-peak differentiated energy charges.  4 

Other non-streetlighting issues raised include service restoration priorities (by the Cities), 5 

and modifications to the Customer Impact Offset (CIO) proposed by COP and COG. 6 

Q. Please review PGE’s proposal regarding Schedule 38. 7 

A. Schedule 38 is an optional Large Non-residential Schedule that has been closed to new 8 

service since October 2001.  The Energy Charge is on- and off-peak differentiated, however 9 

these on- and off-peak hours do not conform to the standard of six days by sixteen hours on-10 

peak.  Instead, the on-peak hours are limited to thirteen hours per day Monday-Friday.  In 11 

this proceeding we proposed reopening this schedule to current Schedule 83 customers 12 

whose demand does not exceed 200 kW in order to mitigate the bill impacts of mid-size 13 

seasonal customers.  Specifically, we proposed reopening this schedule so that the majority 14 

of our seasonal customers who are currently on Schedule 83, many of whom operate for 15 

only a few months of the year, would not incur a Facilities Capacity Charge during the many 16 

months they do not consume energy.  Instead, we used the volumetric distribution charge of 17 

Schedule 38 to allow these customers to receive billing for service that is contemporaneous 18 

with actual energy consumption.  We chose the cutoff level of 200 kW so that the majority 19 

of seasonal customers would have the option of switching to Schedule 38.  We contemplated 20 

changing the unusual on- and off-peak differentiated energy charges to a flat energy charge, 21 
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but decided against this in order to not cause undue bill impacts to customers currently on 1 

Schedule 38. 2 

Q. Do other facets to Schedule 38 merit consideration? 3 

A. Yes.  Consistent with cost causation principles, we believe that all Large Non-residential 4 

customers should have distribution-related monthly charges at least partially based on 5 

demand and facilities charges.  However, we do make concessions and recover distribution 6 

costs on a volumetric basis for certain seasonal customer classes such as irrigators.  To 7 

extend these concessions to large customers whose demand may approach 1,000 kW would 8 

violate these cost causation principles.   9 

  Additionally, unless a current Schedule 83 customer has a very low annual load factor, 10 

the relatively high Schedule 38 volumetric distribution charges will result in a larger bill for 11 

most Schedule 83 customers.  Referencing PGE Exhibit 1303 page 1, proposed Schedule 38 12 

base rates are approximately 9.5 cents/kWh while proposed Schedule 83-S base rates are 13 

approximately 7.4 cents/kWh.  The decision to move from Schedule 83-S to Schedule 38 14 

based on “the potential economic benefits of shifting load from peak to off-peak periods” 15 

(See COP/300, page 5) for most customers will likely result in a higher monthly bill. 16 

Q. What do you recommend regarding the COP’s Schedule 38 proposal? 17 

A. We recommend that the Commission reject the COP’s Schedule 38 proposal to further 18 

expand eligibility because we believe that we have achieved a reasonable approach to 19 

mitigating bill impacts to the majority of our seasonal customers by reopening Schedule 38 20 

to customers whose demand does not exceed 200 kW.  The COP proposal to further expand 21 

the eligibility to customers whose demand approaches 1,000 kW would violate cost-22 
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causation principles.  Additionally, we question whether the COP understands the degree by 1 

which the Schedule 38 charges exceed Schedule 83 charges.   2 

Q. Please discuss the service restoration priority issue raised by COP, COG, and LOC 3 

(the Cities). 4 

A. The Cities propose that PGE modify its current service restoration policy (Rule C, section 8. 5 

pp. C-13 and C-14) in two ways.  The Cities first propose that PGE should list “Protecting 6 

Public Safety” as the top priority.  Second, the Cities propose that PGE maintain a specific 7 

list of “critical accounts” within each city that it serves and that a specific PGE 8 

representative be available to each individual city at all times.  According to the Cities, this 9 

PGE representative “should also have a current list and address of all critical service 10 

facilities including city staff names and cell phone numbers or pager numbers.”  See 11 

COP/COG/LOC/200, page 5.  12 

Q. What is PGE’s response to the Cities’ service restoration proposals. 13 

A. Because the Cities did not propose specific modifications to the Rule C language, it is 14 

difficult to determine what needs to be changed.  Within our current Rule C, we list “Protect 15 

Public Safety” as the top priority; hence we believe that our tariff needs no modification.  16 

Additionally, our Key Customer Account Managers currently provide the services that the 17 

Cities request.  Once again, we believe that we are already providing what the Cities request.  18 

Absent the Cities providing specific language changes within Rule C, and identifying 19 

specific lapses in our current service to cities, we conclude that no changes in our service 20 

restoration policy are necessary. 21 

Q. What do COP and COG recommend regarding the CIO? 22 
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A. COP and COG recommend that PGE reduce its proposed CIO from two times the average 1 

base rate increase to 1.5 times the average rate increase. 2 

Q. Do you agree with the CIO proposal of COP and COG? 3 

A. No.  While we believe that it is important to mitigate large rate increases to certain 4 

schedules, we believe that it is more important to gradually move schedules closer to cost of 5 

service over time.  Our CIO proposal accomplishes this better than the proposal of COP and 6 

COG. 7 
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III. Streetlighting Service 

Q. Please identify the streetlighting issues raised by the Cities. 1 

A. The Cities cite four streetlighting maintenance issues:  1) The overall streetlight O&M 2 

budget compared to the maintenance cost study estimate of streetlight maintenance derived 3 

from labor and facility specific estimates.  The Cities refer to this as the “budget true-up” 4 

issue; 2) Projected repair frequencies; 3) Labor productivity assumptions; 4) Repair crew 5 

dispatch assumptions.  The Cities also take issue with the following items not explicitly 6 

related to the Streetlight Maintenance Study:  1) Streetlight operating hours; 2) Metering of 7 

new Option C installations; 3) Customer-owned lights attached to PGE poles; and 4) 8 

Accounting and tracking of each individual streetlight circuit.  Through these issues, the 9 

Cities seek to change the cost-causation and cost allocations used to establish streetlight 10 

rates.  Below we discuss each of the items, commencing with the maintenance issues. 11 

 

A. Streetlight Maintenance 

Q. Before discussing each individual maintenance estimate item contained in the 12 

Streetlight Cost Study, would you please provide an overview of the Cities proposed 13 

overall level of adjustments to streetlight maintenance? 14 

A. Through their four proposed adjustments, the cities propose to reduce PGE’s test period 15 

maintenance costs for lighting services by $1.2 million, approximately 39%, to $1.9 million, 16 

a figure that is nearly 14% lower than the actual per light maintenance costs incurred in 17 

2002.  We base the $1.9 million resulting figure on the Cities Response to PGE Data 18 

Request No. 005, which is contained in the Pricing work papers.  Additionally, the Cities 19 

incorrectly claim that PGE is proposing to increase Schedule 91 maintenance costs by 20 
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78.9% or nearly 16% annually from 2002 to 2007.  They also incorrectly claim that 1 

Schedule 15 maintenance costs are proposed to increase by 100.7%, or 20% annually.  See 2 

COP/COG/LOC/200, page 5. 3 

Q. Could you please provide some perspective on the Cities proposed O&M reduction of 4 

$1.2 million for lighting services. 5 

A. Yes.  In its initial filing, PGE proposed total distribution O&M of $60.3 million, $3.1 6 

million of which was for lighting services.  Subsequent to this, PGE, OPUC Staff, CUB, 7 

ICNU, and Fred Meyer Stores reached a revenue requirement settlement that reduced 8 

distribution O&M by $1.6 million or approximately 2.7%.  The testimony supporting this 9 

stipulation was filed with the Commission August 28.  We believe that any adjustment to the 10 

proposed lighting O&M figure of $3.1 million should be commensurate with the stipulated 11 

reduction of 2.7%.  12 

Q. Please evaluate the Cities’ claim that maintenance costs for lighting services have 13 

increased by 80 to 100%. 14 

A. The Cities cite PGE work papers 208, and 213 through 214, which demonstrate the increase 15 

in maintenance charges for various lighting options since UE 115.  These figures, however, 16 

represent the amount of lighting services maintenance to which PGE and the Cities 17 

stipulated in UE 115, not the actual incurred maintenance.  The actual amount of incurred 18 

maintenance in 2002 was significantly higher than the amount to which PGE stipulated 19 

($2.15 million vs. $1.62 million). 20 

Q. Would you please provide a more accurate representation of the amount by which 21 

lighting services maintenance has changed?  22 
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A. Yes.  Table 1 below provides a more accurate picture of the amount by which actual lighting 1 

services maintenance has changed on a per unit year-to-year basis.  Commencing with actual 2 

2001 maintenance costs through 2005 plus estimates for 2006 and 2007, the table below 3 

demonstrates that the average per unit level of 2007 maintenance costs relative to 2001 has 4 

increased by 6.62% per year, nowhere near the annual levels claimed by the Cities in their 5 

testimony.  6 

Table 1 
Historical Lighting Maintenance Costs 

Year Maintenance Costs Area & Option A & 
B Lights 

Cost per light Annualized 
Growth Rate 

2001 $1,998,559 135,004 $14.80 

2002 $2,147,348 138,633 $15.49 4.63% 

2003 $2,461,817 141,363 $17.41 8.46% 

2004 $2,854,432 141,374 $20.19 10.90% 

2005 $2,497,166 142,075 $17.58 4.39% 

2006 $2,894,218 141,371 $20.47 6.70% 

2007 $3,086,178 141,891 $21.75 6.62% 

 

Q. Would you please provide recent inflation-adjusted annual per light figures and 7 

compare these figures to the test period per light maintenance figure? 8 

A. Table 2 below compares the inflation adjusted maintenance figures for the years 2003 9 

through 2005 to the 2007 test period on a per light basis.  We used the fully loaded 10 

bargaining unit wage changes to express the historical maintenance costs in 2007 dollars.  11 

Exhibit 2201 contains the specific inflation adjustments.  As Table 2 clearly shows, PGE’s 12 

projected 2007 lighting maintenance projection is within the norms of recent historical 13 

experience.  The projected 2007 per light cost of $21.75 is higher than that incurred in 2003 14 

and 2005, but is lower than that incurred in 2004.   15 
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Table 2 
 Inflation Adjusted Lighting Maintenance:  2003-2005 

Year Maintenance Cost 2007 
Dollars 

Area & Option A & B 
Lights 

Cost per Light 2007 
Dollars 

2003 $2,808,511 141,363 $19.87 

2004 $3,163,014 141,374 $22.37 

2005 $2,633,496 142,075 $18.54 

Three-year average $2,868,341 141,604 $20.26 

 

Q. What do the Cities assert about the first maintenance adjustment to the Streetlight 1 

Cost Study, referenced in their testimony as the “budget true-up” issue? 2 

A. The Cities mistakenly assert that PGE’s overall streetlight O&M budget appears to be a 3 

“’place-holder’, somewhat unrelated to projected maintenance expenses.”  See 4 

COP/COG/LOC/200, page 7.  Because the Streetlight Cost Study estimates of labor and 5 

facility specific maintenance costs produce a maintenance figure approximately 9% lower 6 

than the overall budget, the Cities advocate using the lower figure. 7 

Q. Do you agree with the assertions made by the Cities? 8 

A. No.  The overall streetlight O&M budget is not a “place-holder”, but is rather a detailed 9 

budget that provides documentation supporting year-to-year cost changes by cost element 10 

and activity.  This budget is in fact the target level of costs for streetlighting O&M.  We use 11 

the Streetlight Cost Study to estimate costs on a per unit functional basis in order to send 12 

customers the correct price signal - not the absolute level of price.  We compare these 13 

specific per unit cost estimates to the detailed budget and adjust the fixture specific costs to 14 

the budget on an equal percent basis; this process is the same we follow when we estimate 15 

functional marginal cost revenues and reconcile them to functional revenue requirement.   16 

Q. What do you conclude regarding the Cities “budget true-up” issue? 17 



UE 180 – UE 181 – UE 184 / PGE / 2200 
Kuns – Cody / 10 

 

UE 180 – UE 181 – UE 184 RATE CASE – REBUTTAL TESTIMONY 
 

A. We conclude that our method of projecting overall streetlight maintenance costs is 1 

appropriate because it results in the proper cost allocations, sends the correct price signal, 2 

and is superior to the Cities’ proposed methodology which ignores actual budgets. 3 

Q. What do the Cities recommend regarding the number of projected repair frequencies? 4 

A. The cities recommend that streetlight repair frequencies should be based upon the first six or 5 

seven months of 2006 for two cities, Portland and Gresham, as opposed to the PGE 6 

methodology that utilizes data for all cities for the three-year period 2002 through 2004.  7 

The Cities claim that this methodology is superior to PGE’s based on an assertion that the 8 

average age of PGE’s streetlight system has fallen due to recent replacement of aging 9 

components and new installations accommodating load growth.  They further assert that the 10 

streetlight system now has such a low average age that repair frequencies should fall by 40% 11 

from what they were only several years ago.   12 

Q. Do the Cities provide any evidence for their assertion that the age of PGE streetlight 13 

system has fallen? 14 

A. No, they provide no evidence that either the system has a lower average age or that such a 15 

system requires less maintenance.  They only provide the six or seven months of repair 16 

frequency data for Portland and Gresham. 17 

Q. How would the rate base amount and subsequently the investment revenue 18 

requirement portion of the Streetlight Cost Study be affected if PGE had replaced 19 

large portions of the streetlight system? 20 

A. We expect that the investment portion of the Streetlight revenue requirement would 21 

increase.  However, as pointed out in PGE work paper page 246, the investment portion for 22 
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lighting schedules has actually decreased by 16.6% with PGE-owned luminaire investment 1 

decreasing by 20.7%. 2 

Q. Please summarize the Labor Productivity issue. 3 

A. The Cities urge reducing all streetlight maintenance labor inputs to reflect improved labor 4 

productivity.  The Cities assert that, because PGE’s streetlighting maintenance study shows 5 

large labor productivity improvements in portions of its streetlight maintenance study, all 6 

labor assumptions should commensurately reflect these productivity improvements. 7 

Q. Do you agree with the Cities on this issue? 8 

A. No.  When PGE performs a Streetlight Cost Study it validates all previous inputs and 9 

estimates from prior cost Studies.  In this docket PGE incorporated specific maintenance 10 

labor estimates to reflect recently achieved productivity improvements.  Had PGE found 11 

increased productivity in the other labor inputs, corresponding adjustments would have been 12 

made to the Streetlight Cost Study.   13 

Q. Please summarize the Crew Dispatch Issue. 14 

A. Based on experience, PGE’s Streetlight Cost Study recognizes that unique crew 15 

configurations perform different types of streetlight maintenance functions.  In some cases 16 

three-person line crews perform the maintenance functions, while at other times dedicated 17 

lamp replacers or a single-person Eagle performs the maintenance.  All three of the crews 18 

have different labor rates and PGE bases the cost of the particular maintenance function on a 19 

weighted average of the three crews.  The Cities contend that PGE should include only the 20 

least cost crew (single-person Eagle) in the cost analysis.  The Cities further contend that 21 

using only the least cost crew “is analogous to assuming least-cost dispatch of PGE’s 22 

generators and market purchases to meet loads.”  See COP/COG/LOC/200, pages 12 and 13. 23 
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Q. Please evaluate the Cities’ contentions.  1 

A. The Cities appear either to misunderstand the nature of the tasks performed by the various 2 

types of crews, or believe that PGE has dedicated crews performing only streetlight 3 

maintenance.  In either case, they are mistaken.  A three-person line crew is responsible for 4 

all types of distribution maintenance, such as repairing or replacing line transformers or 5 

performing circuit maintenance.  These line crews will perform the streetlight maintenance 6 

functions as part of their general distribution maintenance functions if they are being 7 

dispatched to a particular area and other types of crews are not available.  The three-person 8 

line crew is the least-cost resource in these situations.  The same is true of the relampers; 9 

they are at a particular point in time and for certain specialized functions, the least-cost 10 

resource. 11 

  Should the Cities wish for PGE to hire more Eagle crews and dedicate them to perform 12 

streetlight maintenance, the total cost of streetlight maintenance would undoubtedly 13 

increase. 14 

 
B. Additional Streetlight Issues 

Q. Please summarize the Streetlight Operating Hours issue. 15 

A. The Cities contend that PGE should be required to reduce the annual hours of operation for 16 

streetlight luminaires from the current 4,150 to 3,995.  The 4,150 operating hours is based 17 

on an April 1984 agreement between PGE and the City of Portland.  This agreement was 18 

based on a study that utilized a base operating hours assumption of 4,200 hours with an 19 

allowance of 50 hours for outages.  The Cities further propose that the Commission order 20 

PGE and the City of Portland to enter into a joint two-year study that would presumably 21 

determine the actual operating hours.  The Cities base their operating hours arguments on:  22 
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1) a statement that the 1984 Study contemplated some manner of additional monitoring that 1 

has not taken place.  See COP/COG/LOC/200 page 13.  2) PacifiCorp’s 3,931 operating 2 

hours assumption for their Portland service territory; 3) the Cities calculation using data 3 

from the U.S. Naval Observatory, a manufacturers’ photocell specifications, and a textbook 4 

reference that specifies the relationship between latitude and on/off times for photocells.  5 

From these calculations the Cities propose to deduct 50 hours per year for outages, citing the 6 

1984 study whose conclusion they claim is no longer applicable. 7 

Q. Did you evaluate the Cities’ three arguments? 8 

A. Yes.  Regarding the 1984 study, the City of Portland during UE 1/UE 6, advocated using the 9 

Sigma Instruments, Inc. ten-year study.  As mentioned above, this study resulted in the 10 

4,150 street light burning hours that PGE has used for two decades.  Within the 4,150 hours 11 

result of this study was an assumption of 4,200 burning hours with a 50 hour reduction for 12 

outages.  The Cities wish to deduct these same 50 hours for outages, yet seemingly discredit 13 

all other portions of the study.   14 

  Regarding the argument that PGE should conform to PacifiCorp’s assumed operating 15 

hours, we could easily make a similar case for adopting Puget Sound Energy’s assumed 16 

operating hours of 4,200.  It is not sufficient to change the operating hours assumption 17 

simply because another utility uses a different assumption. 18 

  The Cities’ third argument may have some merit, but is incomplete.  As mentioned 19 

above, the Cities use data from the U.S. Naval Observatory that demonstrates that the 20 

Portland area annually experiences approximately 4,300 hours of darkness.  The Cities then 21 

adjust these hours of darkness downward based on an assumption that all streetlights go on 22 

22 minutes after sunset and 19 minutes before sunrise.  This assumption reduces the 23 
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operating hours from the approximate 4,300 to 4,045.  After this, the Cities further contend 1 

that another downward adjustment must occur, specifically the 50 hours for outages from 2 

the 1984 study to which both PGE and the City of Portland stipulated.  Again, it was this 3 

stipulated study that resulted in the current 4,150 operating hours.  Finally, the Cities admit 4 

in their response to PGE Data Request No. 002 that further adjustments may need to be 5 

made to their calculated figure of 4,045 based on Portland’s weather.  Unfortunately, the 6 

Cities do not specify what these “further adjustments” may be.  7 

Q. What other factors besides hours of darkness may contribute to streetlight operating 8 

hours? 9 

A. Factors that may increase the operating hours of streetlights include atmospheric conditions 10 

such as clouds, haze, and smog, photocell drift, nearby trees and “dayburners.”  Dayburners 11 

are especially important because PGE uses FAIL-ON photocontrols.  According to the 12 

Illuminating Engineering Society of North America (IESNA), most U.S. lighting 13 

installations also use FAIL-ON photocontrols.  In other words, failures are more likely to be 14 

dayburners rather than outages.  IESNA recommends that dayburners add between 25 to 75 15 

burning hours per year to a lighting system.  PGE Exhibit 2202-C is the professional IESNA 16 

paper that contains this dayburner recommendation.  We label this paper as confidential 17 

because of copyright concerns.  The Cities did not consider any of these factors in their 18 

analysis. 19 

Q. Have you conducted your own analysis of streetlight burning hours? 20 

A. Yes.  Starting with the sunrise and sunset tables for the 2007 test period and then with input 21 

from the IESNA document cited above and from data supplied by a photocell manufacturer, 22 
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we calculated a total of 4,176 annual burning hours.  Exhibit 2203 contains both the 1 

summary of the analysis and the supporting data from the photocell manufacturer. 2 

Q. Please specify how your analysis that resulted in the 4,176 burning hours differed from 3 

that of the Cities’. 4 

A. Generally, we started from the same data source as the Cities, the sunrise and sunset tables 5 

provided by the U.S. Naval Observatory.  However we used the 2007 tables rather than the 6 

2006 tables used by the Cities in order to be consistent with the 2007 test period.  We then 7 

used the Cities’ photocell specifications (turn-on to turn-off ratio of 1:1.5) at a latitude of 45 8 

degrees to determine the number of minutes after sunset and before sunrise that the specified 9 

photocell should turn on and off.  Dark to Light, Inc., one of PGE’s photocell suppliers 10 

provided us their specifications of turn-on at 18 minutes after sunset and turn-off at 16 11 

minutes before sunrise at a latitude of 45 degrees; this amounts to a difference of 7 minutes 12 

per day or about 43 hours per year from the Cities’ unsupported calculations.  We also note 13 

that page 12 of the IESNA document contained in Exhibit 2202-C supports these on/off 14 

values.  We then used the midpoint recommendation of IESNA and added 50 hours per year 15 

for dayburners.  In order to account for atmospheric conditions, we averaged the 16 

recommendations of IESNA (adding 5 minutes per cloudy day) and the midpoint of Dark to 17 

Light (adding 10 to 20 minutes per cloudy day) regarding per-day adjustments for cloudy 18 

days.  This resulted in an average adder of 10 minutes per cloudy day, which we then 19 

multiplied by the average number of cloudy days in Portland (222 according to the Western 20 

Regional Climate Center.)  All of our calculations and supporting documentation are 21 

contained in PGE Exhibits 2202-C and 2203.   22 

Q. What do you conclude regarding the Cities’ operating hours issue? 23 
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A. We conclude that the operating hours should be maintained at their current level of 4,150 1 

hours or perhaps increased to 4,176.  Our detailed calculations are supported by the analysis 2 

of both a photocell manufacturer and by lighting professionals.  The Cities, on the other 3 

hand provided no evidence to support their claim that lights go on 22 minutes after sunset 4 

and 19 minutes before sunrise.  When we asked them to provide their calculations for this 5 

assumption (COP/COG/LOC Response to PGE Data Request No. 002 attached as a portion 6 

of Exhibit 2203) they responded that they used a specific manufacturer’s photocell 7 

specifications and information contained in a 1961 article published in an engineering 8 

journal.  The Cities did not provide their calculations, nor did they provide the photocell 9 

specifications, nor the 1961 publication that formed the basis of their on/off assumptions.  10 

Furthermore, the Cities did not include in their analysis any factors that may increase the 11 

streetlight operating hours; they only included downward adjustments based on data from a 12 

study they ultimately disregard because of its conclusions, and from calculations which they 13 

have not provided. 14 

Q. What issues do the Cities raise regarding the proposal to meter new Option C 15 

installations and bill them under the provisions of Schedule 32? 16 

A. The Cities propose that PGE’s proposal to meter new Option C lighting installations be 17 

rejected and that the Cities be allowed to switch their lights from Option B to unmetered 18 

Option C service.  See COP/COG/LOC/200 page 14.  The Cities’ latter proposal would 19 

allow them to perform maintenance on customer-owned luminaires that are attached to PGE 20 

distribution poles, a practice that is not allowed under PGE’s current and proposed tariffs.   21 

  The Cities assert that PGE’s proposal to meter new Option C installations would cause 22 

problems for new large commercial and residential developments within the City of Portland 23 



UE 180 – UE 181 – UE 184 / PGE / 2200 
Kuns – Cody / 17 

 

UE 180 – UE 181 – UE 184 RATE CASE – REBUTTAL TESTIMONY 
 

because, according to the Cities, these new developments have requirements such that new 1 

lights “become Option C lights.”  See COP/COG/LOC/200 page 15.  The Cities also assert 2 

that due to the Schedule 32 customer charges, they would be forced to accept PGE-provided 3 

maintenance for smaller lighting installations (one to several lights).  The Cities further 4 

assert that PGE is attempting to “force the Cities to give up maintenance of streetlights” and 5 

that PGE is simultaneously attempting to overcharge for Option B maintenance, making this 6 

Option a “cash cow.”  See COP/COG/LOC/200, page 17.  7 

Q. Do you agree with the Cities’ assertions? 8 

A. No.  PGE has proposed to meter new Option C installations primarily because of the amount 9 

of energy diversion that occurs on Option C lighting installations.  According to field 10 

personnel, energy diversion from lighting installations occurs predominantly with Option C 11 

lighting installations.  Some examples are as follows: 12 

 1) We have experienced ongoing problems with one city that has added numerous 13 

Christmas lights and irrigation controllers to such a degree that they have 14 

repetitively caused faults in circuits.  PGE eventually had to replace and upgrade a 15 

circuit to match the load, a portion of which consisted of energy diversion. 16 

 2) One of the cities informed us that they caught a customer recharging his electric 17 

car from an Option C installation by adding a receptacle at the handhole. 18 

 3) Field personnel have discovered numerous instances where irrigation controllers 19 

have tapped into Option C circuits. 20 

 4) Field personnel have discovered Option C installations where additional lights 21 

have been installed after the original installation, yet these additions were not 22 

reported to PGE. 23 
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  In short, PGE would not be acting in a responsible manner with regard to all of its other 1 

800,000 other customers if it allowed this problematic situation to continue. 2 

Q. Why is it more difficult to discover energy diversion from an Option C installation as 3 

opposed to an Option A or B installation? 4 

A. Because PGE does not provide the maintenance for Option C installations, it frequently is 5 

unable to monitor Option C activity and, therefore does not discover the energy diversion 6 

until long after it occurs, if at all.  7 

Q. Are you aware of other utilities that have grandfathered pre-existing customer-owned 8 

lighting installations effectively requiring that new customer-owned lighting 9 

installations be metered? 10 

A. Yes.  Puget Sound Energy through its Schedule 54 has prohibited new unmetered customer-11 

owned streetlighting installations since June 1, 1999. 12 

Q. Please comment on the Cities’ assertions that PGE is somehow hindering the City of 13 

Portland in its requirements that large subdivisions or developments install “what 14 

become Option C lights.” 15 

A. Our proposal allows for the City of Portland to meet its requirements for large 16 

developments; we only propose that these new large Option C installations be metered. 17 

Q. Please comment on the Cities’ assertions that PGE is attempting to force the Cities to 18 

give up maintenance. 19 

A. Again, PGE is comfortable with the Cities performing maintenance on their lighting 20 

equipment installed on their poles; we only propose that new installations be metered.  With 21 

metered service, the Company does not have to track the number and the wattage of lights 22 
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installed.  The Cities are then free to utilize the Option C lighting installation for purposes 1 

other than lighting. 2 

Q. Please comment on the Cities’ assertions that PGE overcharges for option B 3 

maintenance and that this maintenance is a “cash cow.” 4 

A. This is perhaps the Cities’ most unsubstantiated assertion.  As we pointed out earlier in our 5 

testimony, PGE stipulated in UE 115 to a level of maintenance that was approximately 6 

$500,000 per year lower than that incurred.  The Cities have enjoyed a level of PGE 7 

maintenance that has been priced substantially below cost for the past five years.  In this 8 

proceeding we are attempting to recover our prospective costs for providing this service.  9 

We have clearly documented that our prospective maintenance costs are consistent with 10 

recently incurred annual maintenance costs. 11 

Q.  What do you recommend regarding the metering of new Option C installations? 12 

A.  We recommend that the Commission adopt our proposal to meter new Option C 13 

installations.  Our obligation to reduce energy diversion to the benefit of all of our customers 14 

far outweighs the concerns raised by the Cities.  15 

Q. Please summarize the issue of customer-owned lights attached to PGE poles. 16 

A. Currently PGE requires customer-owned and maintained lighting equipment (Option C) to 17 

be mounted on customer-owned poles.  PGE does allow customer-owned lighting fixtures to 18 

be mounted on PGE distribution poles at no cost to the customer, but requires that PGE 19 

perform the maintenance on these fixtures at a regulated rate (Option B).  By allowing 20 

customers to attach to PGE distribution poles at no cost, PGE provides an option that results 21 

in substantial capital cost savings to its streetlighting customers.  The Cities argue that “PGE 22 

should permit municipalities to install, maintain, transfer, or remove consumer-owned lights 23 
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mounted to PGE-owned distribution poles as long as the work is done by qualified 1 

personnel.”  See COP/COG/LOC/200, page 18.  The Cities further contend that their 2 

proposal is “a generally accepted practice among electric utilities.”   3 

Q. Is it “a generally accepted practice” to allow customer maintenance of customer-owned 4 

fixtures on utility distribution poles? 5 

A. No, because it is not necessarily “generally accepted practice” for electric utilities to allow 6 

streetlighting customers to mount customer-owned lighting fixtures on utility poles.  Many 7 

electric utilities that we are aware of draw clear distinctions between customer-owned and 8 

maintained fixtures and utility-owned and maintained fixtures.  These utilities assume the 9 

ownership and provide the maintenance for lighting fixtures attached to their distribution 10 

poles.  Conversely, these utilities require that the streetlighting customer provide their own 11 

pole for lighting fixtures they wish to own and maintain.  In this manner, the customer-12 

owned facilities are more effectively isolated from the utility-owned facilities.  13 

Q. Why should PGE retain maintenance responsibilities for lighting equipment attached 14 

to its poles? 15 

A. PGE is responsible for the overall performance level of its distribution system and is 16 

accountable to the Commission should its performance fall below specified levels.  17 

Additionally, PGE could incur large fines for substandard performance.  Because of this, 18 

PGE retains the maintenance functions for lighting fixtures mounted on its equipment.  We 19 

cannot guarantee the work of contractors with whom PGE has no enforceable contract.  20 

While it is true that PGE hires contract crews to perform maintenance functions, these 21 

contract crews are paid by PGE and are held to PGE safety and performance standards.  22 

Furthermore, these crews work under PGE supervision.   23 
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Q. What do you conclude regarding this issue? 1 

A. We conclude that our responsibility to provide reliable service to all of our customers in a 2 

manner that meets the service quality standards far outweigh the Cities’ desire to perform 3 

maintenance on their lighting facilities attached to PGE equipment. 4 

Q. Please describe the “Accounting” issue. 5 

A. The Cities ask the Commission to require PGE to individually identify all PGE circuits that 6 

support streetlights and bill those lights only for these individually identified circuits.  The 7 

Cities further contend, that because they do not understand the investment cost recovery 8 

factors and the depreciation study the Commission should require PGE to restate these 9 

factors and justify them. 10 

Q. Please comment on the streetlight circuit issue. 11 

A. The Cities suggest costly changes to PGE’s tracking of distribution system costs, and in its 12 

accounting system.  When PGE installs new distribution infrastructure that includes 13 

dedicated streetlight circuits, some of the costs are allocated to specific plant accounts based 14 

on historical experience.   15 

  This is the most effective means of building distribution infrastructure and allows PGE 16 

to more efficiently track plant in our accounting system.  PGE wants its distribution field 17 

personnel to concentrate on building distribution infrastructure, rather than on recording 18 

individual streetlight circuits that in monetary terms comprise less than 1% of distribution 19 

plant.   20 

  Regarding the billing for streetlight circuits, the same cost conscious arguments as 21 

above apply.  We charge all applicable customers the same amount for streetlight circuits; to 22 

do otherwise would require costly light-specific tracking and billing of over 130,000 23 
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streetlights.  To put the Cities’ arguments in perspective, it may be useful to consider how 1 

we bill our Schedule 7, Residential Service.  We do not charge residential customers more if 2 

their service lateral is fifteen feet longer than their neighbors’.  Instead, we set rates for all 3 

residential customers on a basis that does not individually track service lateral distances.  4 

This enables large cost efficiencies in billing and is an equitable approach to rate making.  If 5 

we attempted to bill our 700,000 residential customers based on their unique attributes such 6 

as length of service lateral, we would incur tremendous cost increases in both customer 7 

service and accounting. 8 

Q. Please comment on the investment cost recovery portion of the Accounting issue. 9 

A. We are somewhat confused regarding this issue.  The Cities claim that the book depreciation 10 

rates seem high to them, but they make no specific recommendations as to what the 11 

depreciation rates should be.  PGE’s Depreciation Study was filed in Docket No. UM 1233 12 

and the Cities had ample opportunity to participate in that docket. 13 
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IV. Partial Requirements 

Q. Please describe how ICNU proposes to change the partial requirements service 1 

provided under Schedule 76R, Economic Replacement Power Rider (ERP).   2 

A. ICNU has proposed the following three alternatives which would result in a new array of 3 

options for the Economic Replacement Power service:  1) Use the daily pricing options as 4 

proposed in Schedules 83/89; 2) Allow a 76R customer to receive service from an ESS in a 5 

manner similar to Schedule 576R; 3) Allow 76R customers to receive service under the 6 

provisions of Schedule 87, Experimental Real Time Pricing for their non-Baseline Demand 7 

load.  The three ICNU alternative ERP supply arrangements would replace the current and 8 

proposed Schedule 76 ERP supply arrangements. 9 

  ERP service is an optional service that allows partial requirements customers to 10 

purchase power from the Company when the customer’s on-site generation is otherwise 11 

available to serve the customer’s load.  ERP is thus an adjunct economic-based replacement 12 

power service to Schedule 75, Partial Requirements Service (which provides customers with 13 

a more traditional emergency standby service when the customer’s generation is not 14 

operational).   15 

Q. Describe the service provided by Schedule 76R, (ERP). 16 

A. Our proposed Schedule 76R retains the current service allowing partial requirements 17 

customers to have an option to request that the Company purchase replacement power on the 18 

customer’s behalf in lieu of operating on-site generation.  With the ERP option, the 19 

customer may make a request to the Company for ERP with only 90-minute notice when it 20 

determines that economic factors warrant shutting down their on-site load-serving 21 

generation.  The ERP request requires that the Company make an additional power purchase 22 
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to support the customer’s request.  The pricing is hourly Mid-C indexed prices and includes 1 

a mark-up as well as costs associated with wheeling and losses.  A settlement process 2 

handles any deviations between forecast and actual usage.   3 

Q. Does the Company support ICNU’s three alternative ERP supply options? 4 

A. No.  ICNU proposes to replace the current ERP service and add the new ERP pricing 5 

options, but does not explain many of the details about how the different options would 6 

function in practice.  ICNU simply states that we should offer more options “consistent with 7 

what is available in the market.”   8 

  ICNU does not explain how the specific proposals reflect market-available services that 9 

are useful and available for partial requirements customers’ supply decisions.  These 10 

services would typically require specific advance scheduling and pricing procedures and 11 

settlement processes.  None of these requirements and details are discussed by ICNU.  In 12 

addition, ICNU does not recognize that ERP is a customer-optional service provided by the 13 

Company as an additional service for partial requirements customers.  As such, we believe 14 

the service should meet customer needs in reasonable, administratively and operationally 15 

feasible manner.   16 

Q. Please explain your overall concerns with the ICNU’s proposed ERP options. 17 

A. We are concerned that the three new ERP options ICNU proposes are shotgun approaches to 18 

providing “marketing prices” to partial requirements customers.  We are, as already stated, 19 

concerned that none of the proposals presented include details to thoroughly consider the 20 

specific requirements on both the customer and the Company in making such an option 21 

available.  Indeed, it is not clear how the options could interact among themselves.   22 

Q. Please review ICNU’s proposed ERP options. 23 
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A. ICNUs’ first proposal is to use the Schedule 83 and 89 daily pricing option for pricing ERP.  1 

This pricing option is based on reported daily Mid-C indexed heavy load and light load 2 

hours which are known only after the trading window for day-ahead firm transactions is 3 

essentially closed.  This service does not provide advance price information sought by 4 

ICNU.  When Schedule 76 was originally developed with significant customer and Staff 5 

input, price certainty was an important consideration.  Finally, ERP is an entirely different 6 

type of service when compared to the Schedule 83 and 89 daily pricing option which 7 

supplies the on-going customers loads.  ERP supply is an on-demand request for additional 8 

power to replace on-site generation based on economics.  As such it potentially places PGE 9 

at significant risk for actually acquiring power at the index rate.  The current Schedule 76 10 

was developed with recognition of these risks. 11 

  ICNU also proposes to allow a Schedule 75 partial requirements customer to receive 12 

ERP service as a direct access customer.  PGE has proposed direct access tariff schedules 13 

that enable a partial requirements customer to receive service from an ESS that are 14 

consistent with the direct access options that we provide the majority of our eligible 15 

customers.  Specifically, if partial requirements customers expect that direct access service 16 

is beneficial, the combination of Schedule 575 and 576 provide the complete service 17 

package.  The split service option (Partial Requirements provided by PGE under Schedule 18 

75 and ERP provided by an ESS) is not fully developed by ICNU.  In the short time since 19 

we received ICNU’s testimony, we have not had an opportunity to fully consider all of the 20 

systems and operational ramifications of such a regime. 21 

  Finally, ICNU proposes to use the pricing structure in Schedule 87 to provide day-ahead 22 

pricing for ERP.  Schedule 87, Experimental Real-Time Pricing Service, is a limited 23 
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participation, experimental schedule intended to test the impact of real-time pricing on 1 

non-partial requirements loads.  The pilot schedule itself does not allow nor is it designed to 2 

accommodate ERP for a partial requirements customer.  Further, there is no day-ahead 3 

hourly market that we can use for RTP pilot price quote purposes, so we must synthesize 4 

hourly day-ahead prices by shaping the day-ahead Mid-C prices based on historical 5 

information.  Again, it places PGE at significant risk in order to allow the customer to 6 

trade-off self-generation costs and market costs  7 

Q. What is your conclusion regarding the ICNU proposal on Schedule 76R? 8 

A. ICNU has not shown that their proposed ERP options will result in both manageable and 9 

useful services that we should be required to provide.  Each of the proposed options is 10 

incomplete and leaves many operational details unknown.  We do not believe that the 11 

development of more pricing options that are not carefully evaluated for both costs and 12 

value is useful to the overall provision of service.  The Company is willing to continue with 13 

its current Schedule 76R service to partial requirements customers. 14 

Q. Does this complete your testimony? 15 

A. Yes. 16 
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per unit
O&M lights Cost

2001 $1,998,559 135,004 $14.80
2007 $3,086,178 141,891 $21.75

46.93%

6.62%

Percent Average
Year Amount Lights Per Unit Change Growth Growth

2001 $1,998,559 135,004 $14.80
2002 $2,147,348 138,633 $15.49 4.63% 4.63% 4.63%
2003 $2,461,817 141,363 $17.41 12.43% 17.64% 8.46%
2004 $2,854,432 141,374 $20.19 15.94% 36.39% 10.90%
2005 $2,497,166 142,075 $17.58 -12.95% 18.73% 4.39%
2006 $2,894,218 141,371 $20.47 16.48% 38.29% 6.70%
2007 $3,086,178 141,891 $21.75 6.24% 46.93% 6.62%



PORTLAND GENERAL ELECTRIC
Inflation Adjusted per Light Maintenance: 2002-2007

Current
Direct Labor 2002 Labor Loaded 2002 2007 Nominal 2007 Dollars Maintenance

Year Bargaining Index Loadings Index Index Maintenance Maintenance Lights per Light
2002 4.00% 100.00% 72.28% 172.28% 82.34% $2,147,348 $2,607,935 138,633 $18.81
2003 4.00% 104.00% 76.35% 183.40% 87.66% $2,461,817 $2,808,511 141,363 $19.87
2004 1.00% 105.04% 79.76% 188.82% 90.24% $2,854,432 $3,163,014 141,374 $22.37
2005 3.00% 108.19% 83.38% 198.40% 94.82% $2,497,166 $2,633,496 142,075 $18.54
2006 3.00% 111.44% 81.32% 202.06% 96.57% $2,894,218 $2,996,992 141,371 $21.20
2007 3.00% 114.78% 82.29% 209.23% 100.00% $3,086,178 $3,086,178 141,891 $21.75

Three-year totals: 2003-2005 $8,605,022 424,812 $20.26

Note:  source of bargaining percents is PGE 900/ page 6
and PGE PGE 200/ page 2
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Portland General Electric
Labor Loading Rates

Labor CE's Loadings 2002 2002 2003 2003 2004 2004 2005 2005 2006 2006 2007
C_E Affected Allocated to Budget Actuals Budget Actual Budget FINAL Budget FINAL Budget Budget Budget

REVISION (prelim)

93 Vacation (PTO) 11 All ledgers 16.67   18.48    17.13   18.25 17.07    17.79       16.59          17.62        17.25       17.25       17.13          
 

94 Employee Benefits (b) 11 B/S & BTL * 20.38   22.99    24.52   25.53 24.59    28.70       31.41          31.10        29.63       29.63       30.44          

95 Payroll Taxes 11, 12, 16, 17 B/S & BTL 10.50   10.35    10.50   10.56 10.50    10.19       10.50          10.53        10.50       10.50       10.50          
 

96 PGE I&D (PGE Only) 11, 12, 16, 17 B/S 7.40     6.34      7.35     5.72 8.99      6.61         7.83            7.68           (b) 7.44         7.44         7.00            

91 Incentives (PGE Only) 11 B/S & BTL 6.46     4.60      4.55     5.63 6.43      4.77         5.19            4.67           5.30         5.30         5.20            

88 Pension Service Cost (a) 11 I/S & BTL 6.39     6.29      (3) 6.52     7.34 8.57      8.26         7.27            8.23           9.02         8.24         9.03            

89 Employee Support 11 B/S & BTL 3.10     3.23      3.05     3.32 3.11      3.44         2.99            3.55           2.96         2.96         2.99            

All Labor Loadings 70.90   72.28    73.62   76.35   79.26    79.76       81.78          83.38        82.10       81.32       82.29          

Product Loadings (excludes ce 96 PGE I&D) 63.50 65.94 66.27   70.63   70.27    73.15       73.95          75.70        74.66       73.88       75.29          

Removal of PTO loading if using loadings against annual salary 46.83   47.46    49.14   52.38   53.20    55.36       57.36          58.08        57.41       56.63       58.16          

Capital (excludes ce 88, Pension Service cost) 64.51   65.99    67.10   69.01   70.69    71.50       74.51          75.15        73.08       73.08       73.26          

Note:  Prior years may be hidden in file and not printed.
Note:  revision percentages apply to full year.  All prior actuals in stated year are re-calced with the new percentages.

* - BTL is "below the line"
(b) Increase in rate is due to higher claims
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I. Introduction and Cost Update 

Q. Please state your name and qualifications. 1 

A. My name is Bruce Carpenter.  I am General Manager of Revenue Operations.  My 2 

qualifications appear in Section V of UE 180/PGE Exhibit 800. 3 

  My name is L. Alex Tooman.  I am a project manager in Regulatory Affairs.  My 4 

qualifications appear in Section XI of UE 180/PGE Exhibit 200. 5 

Q. What is the purpose of your testimony? 6 

A. The purpose of our testimony is to address the issues identified by the Citizens’ Utility 7 

Board (CUB) and the OPUC Staff (Staff) in relation to PGE’s advanced metering 8 

infrastructure (AMI) project.  We also provide an update of AMI capital and related 9 

operating costs. 10 

Q. What is the current status of PGE’s AMI project? 11 

A. The current plan and timeline for the project are as follows: 12 

• Complete negotiations with the selected AMI technology vendor by year-end 13 

2006. 14 

• Review bids, select a contract meter installer (CMI), and complete negotiations by 15 

year-end 2006. 16 

• Conduct systems acceptance testing (SAT) for meters, network, and associated 17 

systems during the first and second quarters of 2007. 18 

• Begin full deployment of AMI meters and network in the third or fourth quarters 19 

of 2007. 20 

• Complete full deployment by year-end 2009. 21 
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  PGE is currently developing detailed implementation plans for the creation of processes 1 

to derive the benefits identified in the business case.  Plans to implement these processes 2 

should be completed by year-end 2006. 3 

Q. Has PGE prepared an update of its analysis of AMI-related costs and benefits as filed 4 

on March 15, 2006? 5 

A. Yes.  Although PGE is still in the process of reviewing its AMI-related costs and benefits, 6 

we provide a summary of our AMI analysis based on current estimates of capital and related 7 

O&M costs.  As noted above, PGE will not have completed final negotiations with an AMI 8 

meter vendor and CMI until year-end 2006, at the earliest.  Consequently, final estimated 9 

costs will not be available until that time.  PGE will provide a detailed and more current 10 

update, however, by October 1, 2006, as a supplemental response to OPUC Data Request 11 

No. 374. 12 

Q. What is your current estimate for AMI system costs? 13 

A. Based on current estimates, we believe the initial system investment will cost approximately 14 

$125 million over a 2007 to 2009 deployment period.  This compares to the initial $141 15 

million estimate in PGE Exhibit 800 (direct testimony, filed March 15, 2006).  Exhibit 16 

2301-C summarizes the projected AMI capital cost components.  Current meter estimates 17 

are based on prices provided by the meter vendor selected through PGE’s RFP process.  As 18 

noted above, negotiations to finalize meter prices and CMI costs will not be completed until 19 

year-end 2006, at the earliest.  Our current estimates assume the meters will almost entirely 20 

have radio frequency (RF) communication modules, with collectors, and a small number of 21 

meters with phone communication modules.   22 
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Q. Based on updates to O&M expenses, what is your current estimate for operational 1 

savings? 2 

A. PGE has continued to review O&M assumptions in our analysis and based on these updates, 3 

we currently project O&M savings in 2010 to be approximately $16 million (see Table 1, 4 

below).   5 

Q. Why is this less than your previous estimate in PGE Exhibit 800? 6 

A. The $1 million decrease in savings is almost entirely based on changes in assumptions 7 

related to labor and wages plus associated labor loadings (updates to various non-labor 8 

components currently tend to offset each other).  As noted above, PGE is continuing to 9 

evaluate AMI’s O&M costs and assumptions and will provide a final estimate on October 1, 10 

2006.   11 

Table 1 
Projected Annual O&M Savings - 2010 

AMI Projected Savings  ($Million) 
Labor Cost        10.2 
Non-labor Cost           0.9 
Late Fees          1.7 
Energy Unaccounted For          1.9 
Power Cost Savings          1.4 
Other Savings            -0.1 
Total Projected Savings        16.1 

 
Q. What other updates have you made to your analysis? 12 

A. We have revised our analysis to remove the assumption that the remaining book value of the 13 

AMI system would be written off at the end of the 20-year period.   14 

Q. Why did you eliminate this assumption? 15 

A. PGE has been moderately conservative in its assumptions so as to not bias the analysis to an 16 

overly favorable result.  One of those assumptions was that by the year 2026, the currently 17 

proposed system would be at the end of its useful life and ready to be replaced with a new 18 
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system.  After further consideration, we do not believe that incorporating this write-off is 1 

appropriate for the following reasons: 2 

• The status quo system does not assume any write-off; making such an assumption 3 

for the AMI system would be inconsistent. 4 

• The net present value (NPV) of the proposed AMI system is already burdened 5 

with the write-off of a system – the status quo system. 6 

• With an 18-year life assumed for the proposed AMI meters, a significant amount 7 

of replacement costs are already included in the analysis.   8 

  Because of these considerations, we currently believe the assumption to write off the 9 

proposed system at the end of 20 years to be unnecessarily conservative.   10 

Q. How do these changes affect the NPV of the project? 11 

A. The NPV increases from $4.4 million to approximately $20 million assuming a deferral is 12 

authorized for this project, which represents a net overall decrease in revenue requirement 13 

over 20 years beginning in 2007.  The approximate impacts described above are as follows: 14 

• Approximately $4 million increase in NPV is due to the decrease in capital costs 15 

which outweighs the reduction in O&M savings. 16 

• Approximately $12 million increase in NPV is due to the elimination of the AMI 17 

system write-off assumption at the end of the 20 years.   18 
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II. Staff Issues 

Q. Can you briefly describe Staff’s recommendations regarding PGE’s AMI proposal? 1 

A. Yes.  As a preliminary matter, we note that Staff believed PGE was requesting pre-approval 2 

of the project, which Staff claims the Commission does not authorize.  In fact, we were not 3 

requesting pre-approval.  We address this concern in PGE’s reply to CUB’s issues in Section 4 

III, below.  Staff made the following recommendations with regard to PGE’s AMI proposal: 5 

• PGE should make a supplemental tariff filing for the proposed accelerated write-6 

off of non-AMI meters, with termination if full deployment is not implemented. 7 

• PGE should file final costs for the AMI system based on results from the 8 

company’s RFPs for meters and CMIs. 9 

• PGE should file a deferral application and establish a balancing account for the 10 

revenue requirement of the AMI system less O&M savings throughout the 11 

deployment period. 12 

• PGE should file a detailed implementation plan for the O&M benefits that the 13 

company reasonably expects to achieve. 14 

• PGE should coordinate its AMI implementation with NW Natural (NWN) to 15 

minimize meter reading costs in the joint meter reading area.  16 

Q. How do you respond to Staff’s recommendations?  17 

A. PGE agrees to provide all of the filings and applications requested above and we agree to 18 

coordinate with NWN to minimize costs to customers.   19 

Q. How will PGE coordinate with NWN in the design and implementation of a robust 20 

AMI system? 21 
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A. PGE meets with NWN on a periodic basis to discuss the joint meter reading agreement, 1 

concerns with the agreement, and performance under it.  We also include issues regarding 2 

future plans as part of those discussions and will continue to work cooperatively.  PGE plans 3 

to share information regarding our AMI vendor to facilitate the opportunity for NWN to use 4 

similar technology in the joint meter reading area.  Should use of PGE’s vendor not be 5 

economically or technologically viable for NWN, they still have the opportunity to install an 6 

automated meter reading (AMR) system in the joint area.  In fact, through July 2006, NWN 7 

has deployed approximately 6,500 AMR meters within the joint meter reading area, at an 8 

approximate rate of 1,000 to 1,500 meters per month.  Based on this, it appears that: 9 

1) NWN plans to deploy their AMR system within the joint meter reading area at some point 10 

in the future, dependent on PGE’s timing with AMI deployment, or 2) NWN’s AMR 11 

deployment could surpass PGE’s AMI deployment, which would require bilateral 12 

coordination between NWN and PGE in order to minimize costs for both companies. 13 
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III. CUB Issues 

Q. Can you briefly describe CUB’s opposition to PGE’s AMI proposal? 1 

A. Yes.  CUB opposes PGE’s AMI proposal for the following reasons: 2 

• PGE’s request for Commission “pre-approval,” based on estimated costs that 3 

were not included in PGE’s test year revenue requirement, “is a little bizarre.” 4 

• The NPV of the project is not sufficiently favorable. 5 

• PGE had not effectively researched NW Natural’s plans regarding deployment of 6 

their AMR system in the joint meter reading area.  7 

• PGE is replacing UE 115 NMR meters with UE 180 AMI meters. 8 

• PGE has not fully accounted for other utilities’ analyses of AMI. 9 

• Neither PGE nor state regulators have evaluated load control programs. 10 

• CUB believes implementing an AMI system will lead to mandatory time-of-use 11 

pricing. 12 

Q. Did PGE request pre-approval of its AMI proposal?  13 

A. No.  PGE did not request “pre-approval” of its AMI proposal.  We did, however, request 14 

two things, neither of which is particularly “bizarre.”  First, as CUB noted, PGE requested 15 

“that the Commission find that the decision to proceed with deployment of an AMI system 16 

is reasonable and prudent at this time” (PGE Exhibit 800, page 1, italics added for 17 

emphasis).  This does not suggest that PGE is either requesting a blank check for AMI or the 18 

elimination of a prudence review after the project is completed.  Because AMI represents a 19 

$125 million investment, it is not unreasonable for PGE to ask the Commission to 20 
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acknowledge that the move to AMI technology is correct at this time.1  It would, however, 1 

be unreasonable for PGE to proceed with full deployment of AMI, without this 2 

acknowledgement, only to be informed in a subsequent rate case that the system was entirely 3 

inappropriate and all costs are disallowed from the company’s revenue requirement.  4 

Ultimately, we believed the parties would appreciate the opportunity to address such an 5 

issue in advance, rather than after the fact. 6 

Q. What is the second item PGE requested from the Commission? 7 

A. PGE requested “Commission approval of the ratemaking treatment we propose for 8 

AMI-related costs.  This proposal includes a deferral of the revenue requirement for capital 9 

costs and O&M savings resulting from AMI installation” (PGE Exhibit 800, page 1).  We 10 

based this request on the fact that there is more than one rate-making alternative available 11 

for AMI costs.  A deferral would reduce the rate impact in early years but increase it in later 12 

years.  The alternative is to increase rates in the test year by a greater amount and have a 13 

lesser impact in later years.  Because this choice involves a decided trade-off, PGE 14 

requested that the Commission indicate its approval of the deferral alternative (assuming a 15 

favorable response to PGE’s request for Commission acknowledgement of the AMI system, 16 

as described above). 17 

Q. How do you respond to CUB’s concerns that PGE used estimated costs for its AMI 18 

analysis and proposal? 19 

A. Because PGE’s rate cases are always based on test years, we invariably use estimated costs 20 

in our revenue requirement.  This not only relates to O&M expenses but also rate base costs 21 

                                                 
1 PGE is referring to an acknowledgement similar to that received for Port Westward in Commission Order 
No. 04-375, Docket LC 33. 
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to be incurred each year, from the year of our most recent actual results through the test 1 

year.   2 

Q. Does PGE plan to update its AMI cost estimates? 3 

A. Yes.  PGE is currently in the process of selecting and/or negotiating with AMI meter 4 

vendors and CMIs, and we are establishing more accurate cost estimates as we complete this 5 

stage of the project.  We agree to provide a detailed cost update on October 1, as a 6 

supplemental response to OPUC Data Request No. 374.  Our current estimates are listed in 7 

Section I, above. 8 

Q. How do you address CUB’s concerns that PGE will say that “We did not even include 9 

this in our rate filing, but the Commission believed it to be prudent and ordered us to 10 

implement it”? 11 

A. CUB has no basis for this speculative assertion.  We believe that given the record we are 12 

establishing in this proceeding, it would be disingenuous for PGE to make such a claim in 13 

the future, and we have no intention of doing so.   14 

Q. Do you agree with CUB’s claims that the AMI project has insufficient NPV to justify 15 

its implementation? 16 

A. No.  We agree that the costs and benefits, as calculated in our initial analysis, do not produce 17 

a large NPV.  However, our updated costs and assumptions reflect a more favorable result, 18 

as described above.  In addition, as we stated in PGE Exhibit 800 and in numerous responses 19 

to Staff and CUB Data Requests, all potential benefits from the system were not included in 20 

our initial analysis. 21 

Q. What benefits did you not include in your initial AMI analysis? 22 
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A. PGE did not include secondary benefits such as demand response programs (e.g., critical 1 

peak pricing and load control) and grid management.  As discussed in PGE Exhibit 800, 2 

PGE’s proposed AMI system would set the platform for these benefits, but they will need to 3 

be developed in the future and would involve additional costs and investment.   4 

Q. Have you included any of these benefits in your updated analysis? 5 

A. No.  Our analysis continues to include only the primary benefits directly available from the 6 

system as it is currently proposed and which we reasonably expect to achieve.  PGE is still 7 

evaluating these secondary programs to identify their potential timing and scope plus an 8 

estimated range of incremental costs and benefits.  9 

Q. When and how does PGE plan to submit details for these benefits?  10 

A.  Following Staff recommendations, PGE will submit a detailed implementation plan prior to 11 

year-end 2006, for the primary benefits we are designing the proposed system to achieve 12 

(see Staff Exhibit 700 for a description of the detailed implementation plan).  These are the 13 

financial benefits we include in our current analysis.  PGE also plans to submit a scoping 14 

plan for secondary benefits, such as demand response programs and grid management, 15 

which the proposed system enables but which will require additional costs and investment.  16 

Due to the complexity of evaluating the secondary benefits, PGE will develop the scoping 17 

plan during 2007.  PGE will also provide a preliminary assessment of approximate ranges 18 

for costs and benefits related to scoping-plan items by year-end 2006. 19 

Q. CUB questions PGE’s original analysis because it reflected two versions – one with 21 20 

additional meter readers and one without the additional meter readers – based on 21 

NWN’s decision regarding their AMR deployment.  Does your current analysis include 22 

additional meter readers? 23 
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A. No.  We now understand that NWN will not deploy their AMR system absent any change to 1 

the joint meter reading arrangement with PGE.  Consequently, PGE’s current analysis 2 

consists of no new meter readers in the status quo scenario.   3 

Q. Did PGE ask NWN about this during your initial analysis? 4 

A. Yes.  We did ask NWN about their AMR deployment plans in the joint meter reading area.  5 

This was particularly relevant because NWN is not only actively deploying AMR meters 6 

outside the joint meter reading area but, as noted in Section II above, NWN is deploying 7 

AMR meters within the joint meter reading area, albeit at new locations.  At the time we 8 

asked NWN, which was prior to our filing, their response was non-committal.  As a result, 9 

we filed our testimony and analysis with both possible cases.  Several months later, when 10 

CUB asked NWN the same question, NWN provided a more definitive reply.  In short, this 11 

is simply an example of the relevance of timely information and is not quite as dramatic as 12 

CUB suggests on page 37, lines 20-22, of their testimony. 13 

Q. How do you address CUB’s concerns regarding PGE’s replacement of NMR meters 14 

with AMI meters? 15 

A. As indicated in PGE’s responses to Staff Data Request Nos. 507 and 508 (provided as 16 

Exhibit 2302), we will replace certain NMR meters as part of the AMI project because they 17 

are either: 1) not capable of storing necessary data, or 2) have higher recurring costs for 18 

transmission of the data back to PGE.  Because the financial results for the proposed system 19 

are favorable, we believe this transition is justified. 20 

Q. What is your response to CUB’s concerns that PGE has not fully accounted for other 21 

utilities’ analyses of AMI? 22 
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A. PGE has done so and will demonstrate below that there is more to these other utilities’ 1 

analyses than CUB has indicated. 2 

Q. How does the Pacific Gas and Electric’s (PG&E’s) case diverge from CUB’s summary? 3 

A. A preliminary review of PG&E’s costs indicates that they included a $130 million 4 

contingency in their analysis.  PGE has not included a contingency in its estimate.  If 5 

PG&E’s AMI cost is reduced by this contingency, their program comes much closer to 6 

economic viability purely on the operational benefits and is less dependent on 7 

demand-response benefits to appear viable. 8 

Q. CUB points to Southern California Edison (SoCal Ed) as an example of a utility that 9 

concludes that AMI is not yet cost-effective.  Does PGE believe this is a relevant 10 

conclusion? 11 

A. Not in light of the fact that on Monday, August 21, 2006, SoCal Ed announced its plans to 12 

begin an advanced metering initiative in 2007, including the replacement of five million 13 

residential and small commercial meters between 2008 and 2012.  This, however, is another 14 

example of the relevance of timely information.  As reported in Megawatt Daily (August 22, 15 

2006, page 9), California Public Utilities Commission President Micheal Peevey stated that, 16 

“Compared with fellow investor-owned utilities in California …, SoCal Ed has been slow to 17 

embrace advanced meters.” 18 

Q. How do PGE and San Diego Gas and Electric (SDG&E) diverge in their analysis of 19 

AMI? 20 

A. SDG&E shares a state regulatory environment with PG&E and SoCal Ed.  California’s 21 

regulatory impetus for demand response obligated SDG&E to find some demand response 22 

benefit within its existing program.  As noted above, PGE has not included demand response 23 
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benefits in its current analysis but will pursue them with Commission approval and after 1 

discussion with Staff and other parties. 2 

Q. Do you observe any shortcomings with CUB’s citation from Jesse Berst’s editorial 3 

opinion that meter prices will fall by 50%? 4 

A. Yes, there are at least two shortcomings.  First, the author provides no starting point and thus 5 

creates an incomplete timeline for any price change.  Without a starting price, such price 6 

reductions may have already been “wrung out” of the market, particularly by the time PGE 7 

begins purchasing metering hardware.  Second, citations should be made within the context 8 

of an entire article.  Mr. Berst begins his editorial, “Don’t get me wrong – I consider 9 

advanced metering essential to the Smart Grid” (CUB Exhibit 211, page 1).  He later 10 

reiterates his support and summarizes his analysis for utilities to roll out systems: “Despite 11 

the confusion, I do not advocate waiting. Advanced metering is too important and too 12 

empowering” (CUB Exhibit 211, page 2).  CUB “got him wrong” with the singular 13 

reference. 14 

  According to PGE’s experience, prices for AMI systems have stabilized.  PGE’s direct 15 

involvement with AMI systems over the last 10 to 15 years has shown that:  1) prices for 16 

power line carrier systems remain flat, and 2) although radio-frequency-based systems have 17 

seen price reductions, we believe significant reductions are unlikely (see PGE’s response to 18 

OPUC Data Request No. 429, provided as Exhibit 2303). 19 

Q. Should PGE produce exhaustive investigations into potential load control programs 20 

prior to AMI investment? 21 

A. No.  PGE believes the current analysis demonstrates sufficient direct benefits.  PGE’s AMI 22 

platform will support any of the load control programs currently being proposed in the 23 
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utility sector.  As noted above, however, load control represents a secondary benefit to AMI 1 

and will require additional costs and investment.  PGE agrees with Mr. Berst, Southern 2 

California Edison, and others, that the time for AMI investment is now. 3 

Q. Does PGE believe that implementing an AMI system will lead to automatic and 4 

mandatory time-of-use pricing? 5 

A. No.  AMI’s enabling technology will support a variety of secondary programs that will 6 

enhance the primary benefits included in our analysis.  PGE will pursue time-of-use pricing 7 

if it meets our customers’ needs and receives Commission approval, which we would seek 8 

after discussion with Staff and other parties. 9 

Q. Would PGE be willing to file for AMI outside of a rate case proceeding? 10 

A. Yes.  PGE is willing to work with the OPUC Staff and other parties to separate AMI from 11 

this rate case. 12 

Q. Does this conclude your testimony? 13 

A. Yes. 14 
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List of Exhibits 
 

PGE Exhibit   Description 

2301-C  (Confidential – Provided under separate cover)  
Projected AMI Capital Costs 

 
2302   PGE’s Responses to OPUC Data Request Nos. 507 and 508 

2303   PGE’s Response to OPUC Data Request No. 429 
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June 30, 2006 
 
 
TO:  Vikie Bailey-Goggins 
  Oregon Public Utility Commission 
   
FROM: Patrick G. Hager 
  Manager, Regulatory Affairs 
 
 

PORTLAND GENERAL ELECTRIC  
UE 180 

PGE Response to OPUC Data Request  
Dated June 19, 2006 

Question No. 507 
 
Request: 
 
For each meter type identified in response to Staff Data Request No. 506 that already 
provides energy usage data to PGE by time of day, please explain why PGE proposes to 
replace the meter. 
 
 
Response: 
 
Excluding the meters listed in PGE’s response to OPUC Data Request No. 508, there are 
approximately 35,000 non-residential solid state meters (all forms) that have time-of-use (TOU) 
capability but do not have the ability to store interval data.  PGE proposes to replace these meters 
if we cannot retrofit them into AMI meters.  The primary reasons are the high cost to manually 
read these meters and the high cost to program these meters if the time period in a TOU rate 
changes.  In addition, these meters will not support critical peak pricing.  We propose to replace 
the remaining non-residential meters listed in PGE’s response to OPUC Data Request No. 506, 
because they have no TOU capability and replacing them will provide the estimated benefits 
described in PGE Exhibit 800. 
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June 30, 2006 
 
 
TO:  Vikie Bailey-Goggins 
  Oregon Public Utility Commission 
   
FROM: Patrick G. Hager 
  Manager, Regulatory Affairs 
 
 

PORTLAND GENERAL ELECTRIC  
UE 180 

PGE Response to OPUC Data Request  
Dated June 19, 2006 

Question No. 508 
 
Request: 
 
Please state which nonresidential meters the company does not intend to replace through 
its AMI proposal in PGE/800, by customer size, meter type and number of meters. 
 
 
Response: 
 
PGE objects to this request on the basis of undue burden.  Meter retention is based on the meter’s 
functionality and not on the size of customer served.  Further, PGE cannot provide customer size 
without considerable time and effort.  Without waiving this objection, PGE provides the 
following types and quantities of meters: 
 
Group 1:  PGE has 15 meters (9S & 16S) with special functionality.  These meters are located on 
customer sites on our distributed generation program and on customer sites where monitoring 
power quality is important.  These meters have communication capability so that PGE can 
collect data on a daily basis, or as required. 
 
Group 2:  PGE has 100 meters (9S & 16S) with telephone modems and all are equipped to 
collect interval data.  These meters have communication capability so we collect data on a daily 
basis or as required.    
 
Group 3:  PGE has 100 meters (9S & 16S) identical to Group 2 except that there is a recurring 
telephone charge (approximately $12 to $35 per month per meter) to read these meters, either for 
PGE or the customer.  All these meters will be exchanged because the payback of a new AMI 
meter (installed cost is approximately $420) to avoid the recurring cost is 1 to 3 years.  PGE will  
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retain these meters until we determine if there is a location where these meters can be utilized 
without a recurring cost. 
 
Group 4:  
By year end 2006 (prior to when we would sign definitive AMI vendor agreements for our 
proposed AMI deployment), PGE will have approximately 3,000 non-residential meters (6S, 9S, 
& 16S) that are supported by most of the vendors we are considering for the AMI project.  In 
other words, depending on the AMI vendor selected, PGE plans to install internal 
communication modules, which will allow the meters to provide AMI functionality.  We began 
purchasing these meters in late 2005 as our standard commercial meter.  All of these meters will 
be exchanged, then retrofitted and tested, before using them in our AMI meter inventory. 
 
Group 5:  PGE has 2,050 non-residential meters (6S, 9S & 16S) mostly installed in 2001 to 
support direct access and other market-based pricing options.  In general, these meters are 
installed on PGE’s largest customers.  These meters each have a monthly recurring cost and the 
proposed AMI meters have a five-year payback to avoid these costs (i.e., the recurring 
communication cost per meter is $6.25 per month and the new AMI meter installed cost is 
approximately $420).  In addition, most of these meters have a battery that PGE expects will fail 
within the next 3 years.  The new AMI meters under consideration do not require a battery.  
Consequently, the actual payback is considerably less if the installed battery replacement cost of 
$175 is considered.  PGE will retain these meters until we determine if they are more useful to 
serve isolated locations, based on their more powerful radios, than the proposed AMI meters. 
 
Group 6: 
PGE has approximately 1,000 (all non-2S forms) solid state meters that store interval data and 
have the capability to be programmed with time-of-use (TOU) rates.  These meters are used for 
load research locations and also at some large customer locations.  All of these meters will be 
exchanged in order to have a meter with communications capability.  If these meters can be 
converted to AMI meters, we will do so, if cost effective.  Otherwise PGE will retain these 
meters until we determine what locations might require manual interval data collection because 
no AMI network service is available. 
 
Group 7: 
PGE has approximately 2,500 solid state 2S meters (single phase, 240 volt service) that store 
interval data and have the capability to be programmed with TOU rates.  Most of these are used 
to support customers on residential and small commercial TOU schedules.  Some are being used 
for load research.  For the same reason as Group 6, these meters will be exchanged, but PGE will 
retain them until we determine what locations might require manual interval data collection 
because no AMI network service is available. 
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June 8, 2006 
 
 
TO:  Vikie Bailey-Goggins 
  Oregon Public Utility Commission 
   
FROM: Patrick G. Hager 
  Manager, Regulatory Affairs 
 
 

PORTLAND GENERAL ELECTRIC  
UE 180 

PGE Response to OPUC Data Request  
Dated May 9, 2006 
Question No. 429 

 
Request: 
 
Please describe the advanced metering infrastructure (AMI) technology and cost trends 
since PGE's last general rate case (UE 115), and the projected trends over the next five 
years, that lead the Company to believe that 2007-09 is the appropriate time to install an 
AMI system. Please provide copies of the information the Company relied upon in 
responding to this data request. 
 
 
Response: 
 
As noted in PGE Exhibit 800, pages 2 through 4, AMI is a mature technology.  PGE would not 
be a pioneer in the field of AMI; we would be following the lead of a host of other utilities, both 
large and small, that have seen the value of AMI.  In addition, a number of parties have signaled 
their interest in moving forward with future methods of grid management and demand response.   
 
AMI Cost Trends 
Power Line Carrier-based (PLC) AMI:  The cost to implement PLC metering has not changed 
significantly in the last six years, and PGE does not expect a significant change in the future. The 
cost to interface communications safely on the power grid – at both the meter end-point and at 
the substation – adds a significant cost per point that cannot be reduced with advances in 
electronics. However, increased utility acceptance of the lower-cost, two-way radio technologies 
might cause small price decreases as competition puts pressure on the PLC vendors.  
 
Radio-based AMI:  The cost to implement two-way radio-based communications has decreased 
10% to 20% as AMI vendors borrow heavily from the substantial engineering knowledge gained 
to manufacture mobile phones, WiFi, and Bluetooth devices, etc.  However, with high fixed 
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costs, long lead time for projects, and considerable risk for vendors in the AMI industry, PGE 
does not see the basis for significant price decreases over the next 5 years.   
 
AMI Technology Trends 
Power Line Carrier-b
ased AMI:  Over the last six years, one of the three leading PLC vendors, DCSI, has improved 
bandwidth and features in the host software. DCSI now faces increased competition from a new 
two-way solution by Hunt Technologies and increased acceptance of Cannon Technologies’ 
two-way PLC system. Compared to modern communication networks, the bandwidth of PLC 
systems is very poor and the introduction of new vendors seems unlikely. Broadband over Power 
Line (BPL) is considered separately below. 
 
Radio-based AMI:  PGE received a number of radio-based solutions offered in response to its 
recent RFP. This is largely due to the advances in radio communications cited above. However, 
to successfully commercialize an AMI system, a vendor faces significant barriers to entry and 
PGE will only consider proposals from well-established companies in good financial standing. 
Although acceptable radio systems are lower-cost and generally have more functionality than the 
PLC technologies, all the radio technologies have less proven time in the field. 
 
Emerging AMI Technologies:  There is considerable discussion about various alternatives using 
Internet-based metering and interoperable meters. The latter term means any meter that can be 
used with a wide variety of communication devices placed inside the meter. While this is 
technically possible, PGE does not believe that it will occur in a robust way within the next five 
years.  Among the significant issues that must be resolved before this can happen include the 
following: 
 
• The utility industry must develop a system of standard measurement criteria for 

communication interoperability. 
• Internet-Protocol (IP) based standards make security breeches easier.  Consequently, a robust 

security model must be developed to protect information at the meter end-point. 
• A highly fragmented utility industry has only modest influence on products developed by 

AMI vendors.  Therefore, once standards are developed, a means to motivate AMI vendors to 
adopt the standards must be achieved. 

• A viable IP-based system requires nearly ubiquitous premise access to an “always-on” 
internet network.  Rural and lower-income residential areas do meet this requirement. 

 
Other Potential Supporting Technologies: 
 
• Broadband over Power Line (BPL) is a communication option (not directly related to AMI 

functionality) that is a wide-area-network communication technology to support Internet 
Protocol.  As such, it will compete directly with DSL and Cable broadband services.  
Currently, the cost to implement a BPL network solution support of AMI would add 
substantially higher investment and recurring costs.  Ultimately, BPL is commercially 
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unproven and without a single, large-scale implementation in the U.S., BPL represents an 
unwarranted risk to support AMI. 

 
Appropriate Time to Install an AMI System 
See PGE Exhibit 800, page 3, line 17 through page 4, line 2, and “AMI Cost Trends,” above. 
 
Basis of this Response 
The information above is based entirely on PGE’s general knowledge of AMI vendor technology 
as well as manufacturing trends observed in the market.  Personnel within PGE have been 
monitoring and working with this industry since 1993.  PGE has no specific documents to 
provide with this response. 
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